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Wednesday, August 20, 2014


--- On commencing at 9:35 a.m.

MS. HELT:  Good morning, everyone.  Welcome to today's technical conference on Algoma Power Inc.'s cost of service application, EB-2014-0055.  My name is Maureen Helt and I am legal counsel with the Board.

I would like to just first address a couple of administrative matters prior to asking for appearances.

The first matter is, just for the benefit of the witnesses, you will notice in front of you where your microphone is located there is a control panel.  There is a button that you need to push in order for a green light to turn on.  Once that light is on, it will confirm that your microphone is on.  And the importance of that is in order for our court reporter to be able to transcribe everything that is stated today.

The panels work in twos, so that one -- if one pushes the button, the person next to you, your microphone is also on.  So just so you know that.

If the court reporter can't hear you, she will let you know and remind you to turn on your microphone.  Lisa Lamberti is our court reporter for today.

That is the first matter.  The second matter is I understand that technical conference questions have been filed by the parties and by Board Staff.  There have not been written responses filed; there is no requirement for that, but I am just confirming that on the record.  And it's my understanding that today the answers will be provided to those technical conference questions and will be put on the record.

Unless there are any other preliminary matters, I think it's appropriate now to go through appearances.
Appearances:


As I said, my name is Maureen Helt, legal counsel with the Board, and next to me I have two members of Board Staff.  I will let them introduce themselves.

MR. ADVANI:  Suresh Advani, Ontario Energy Board.

MR. BISHOP:  Ceiran Bishop, Board Staff.

MS. AZAIEZ: Leila Azaiez, Board Staff.

MR. FRANK:  Andrew Frank, working with Algoma.

MR. TAYLOR:  Andrew Taylor, counsel for Algoma Power.

MS. PARKER:  Judith Parker, director of finance.

MR. BEHARRIELL:  Greg Beharriell, technical services supervisor.

MR. LAVOIE:  Tim Lavoie, regional manager for Algoma Power.

MR. BRADBURY:  Doug Bradbury, director of regulatory affairs, Algoma Power.

MR. HARPER:  Bill Harper, consultant for VECC.

MR. AIKEN:  Randy Aiken, consultant for Energy Probe.

MR. GARNER:  The light is on, but -- there we go.  Mark Garner, consultant for VECC.

MS. HELT:  All right, then.  Is there any preliminary matter that anyone has to raise at this time?  No?  The witness panel, they have introduced themselves already.

Oh, yes?  There is someone at the back who has not yet identified themselves for the record.

MR. REID:  Rob Reid.  I am a consultant with the Algoma Coalition.

MR. HARMER:  And I am Tim Harmer.  I'm counsel for Wishart Law Firm, on for Algoma Coalition.

MS. HELT:  Thank you.

All right, then.  At this time we can start with the questions for the panel.  Have the intervenors decided who is going to start first?

MR. AIKEN:  I guess the first question, Maureen:  Are we going by intervenor or are we going by issue?

MS. HELT:  The normal practice is to go by issue.  I believe if that is all right with the intervenors and the applicant, then we will proceed by issue.

MR. GARNER:  Sorry, is my mic working?  It's Mark Garner. Maybe I can ask, though, is -- have the interrogatories been answered in writing in any fashion so that might save some time?  I am just wondering.

MR. BRADBURY:  No, there is no written responses.  We do have some material where you have asked for spreadsheets or tables when we get to those interrogatories.  In the matter of -- in some cases, there were live models asked for, we're -- depending on how things pan out today, we can provide those live models, but we chose not to prior to the questioning.

MR. GARNER:  All right. Thanks.

MS. HELT:  So we will proceed with topic 1.

MR. AIKEN:  I have no questions on Exhibit 1.

MS. HELT:  All right.  Anyone else with any questions on Exhibit 1?  Board Staff?
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Questions by Mr. Advani:

MR. ADVANI:  Yes, Board Staff has a question, Board Staff has a question on Exhibit 1.  Do you want me to read the question out?

MR. LAVOIE:  I am assuming the question in regards to 43-1-STAFF --


MR. ADVANI:  I will read it out.  It is Question No. 1-STAFF-43(s), and the question refers to your response to 1-STAFF-4 in the first round of interrogatories.  And this question is in response to 1-STAFF-4:

"Algoma Power described its customer engagement activities and how customer engagement has been enhanced.  Please describe differences" -- underscored "differences" –- "between customer engagement conducted in preparation for the current application and previous customer engagement."

MR. LAVOIE:  Thank you.  And so -- and thanks for the clarification on that.

Algoma Power has been engaged in customer -- stakeholder engagement and engaging in discussions for the benefit of both the customer and the utility for a period of time, as described in our application.  And in doing so, we have had the idea of enhancing our customer engagement throughout that process.

So there is nothing specific with our process or our customer engagement agendas that we have prepared as a result of this application, other than we have added a topic in our stakeholdering sessions with the municipalities with respect to describing the application that's in front of the Board right now, so in anticipation of filing.

And then -- so on the agenda listed in Exhibit 1, schedule 3, tab 1, appendix A, there is a specific agenda item related to this application.  So we had engaged with our customers on this process.

So that's really the main difference, albeit we are always looking to enhance our customer engagement and will continue to do so, certainly in respect to any Board expectations that will evolve out of this round of regulatory framework, and certainly look at as something very positive for our customers.

MR. ADVANI:  Okay.  Fine.  Thank you very much.  Nothing further to ask.

MS. HELT:  Right, then.  Exhibit 2?
Questions by Mr. Aiken:

MR. AIKEN:  I can jump in.  First, Maureen, do you want to give exhibit numbers to our questions?

MS. HELT:  Well, if they have been filed with the Board, we don't have to.  If it's going to be easier to just refer, then, perhaps to -- since we don't have responses in writing, it may be easier, then, to just refer to the exhibits and the question number for the purpose of the record.

MR. AIKEN:  Yes.  That's fine with me.  I am prepared to read the questions in.

MS. HELT:  If you read the questions in, then if the questions have been filed there is no need to provide an exhibit number.

MR. AIKEN:  Okay.  So I will start off with my Question 2-ENERGY PROBE-38-TC.  The references are to 2-ENERGY PROBE -- should be 4, and Exhibit 4, tab 12, schedules 2 and 3.

MR. TAYLOR:  Sorry, can I interrupt for one second?  Randy, I see we have the screens working.  Is it possible to maybe put the intervenors' questions on the screens?

MS. HELT:  I believe so, yes.  Our technically competent Board Staff will try and accommodate.

MR. TAYLOR:  Sorry, you can keep going, Randy.

MR. AIKEN:  Okay.  The table shows that 33.5 percent of the CNPI corporate assets for computer hardware and computer software are allocated to Algoma's rate base.

So part (a) of the question:

"Is the same percentage of the capital cost allowance associated with these CNPI assets allocated to Algoma?  If not, please explain why not.  If yes, please show where in the 2015 test year CCA schedule (Exhibit 4, Tab 12, Schedule 3) or the tax calculations (Exhibit 4, Tab 12, Schedule 2) this allocation is shown."


MS. PARKER:  In that taxes calculated for the rate app are based on actual cash taxes, and Algoma does not own those assets, therefore we don't take CCA on them, but nor do we add back the depreciation on those assets in the calculations.

This is consistent with our previous applications, where CNPI, who is the owner of the asset, will add back the depreciation, plus will deduct the CCA.

MR. AIKEN:  But in the revenue requirement, you do include depreciation and a return on capital on those assets?

MS. PARKER:  Correct, and in CNPI, they are not included.

MR. AIKEN:  Okay.  So I don't need to ask part (b).

MS. PARKER:  Okay.

MR. AIKEN:  The next question is 2-ENERGY PROBE-39-TC.  It refers to 2-ENERGY PROBE-6 in Exhibit 3, tab 1, schedule 1.  First question:

"Please confirm that residential and small commercial customers referred to in the interrogatory response correspond to the Residential - R1 rate class in Table 3.1.1.1; and that the large commercial customers referred to in the interrogatory responses correspond to the Residential - R2 rate class in Table 3.1.1.1.  And if this cannot be confirmed, please explain."


MR. BRADBURY:  I can confirm that that statement is true.

MR. AIKEN:  Okay.  And then part (b):

"The interrogatory response does not indicate whether the streetlight class was billed monthly or bi-monthly prior to November, 2012.  Please indicate the billing frequency for this class prior to November, 2012."


MR. BRADBURY:  Prior to November 2012, the street light class is billed monthly.

MR. AIKEN:  Okay.  And then part (c) of the question is:

"Please confirm that Algoma has and continues to be paid the RRRP funding on a monthly basis.  If this cannot be confirmed, please indicate how often the funding is received."


MR. BRADBURY:  The statement is correct; we are paid on a monthly basis.

MR. AIKEN:  Thank you.  That's my questions for Exhibit 2.

MS. HELT:  All right.  Mr. Garner?
Questions by Mr. Garner:


MR. GARNER:  Well, no surprise what our question will be, I think.  We asked, in respect to 2-VECC-44, and it was in part (c) of that question -- it was unclear to us.  Was there a recovery of the stranded meter cost from the R2 class?

MR. BRADBURY:  No, there were no stranded meters associated with the R2 class.

MR. GARNER:  And why is that, there were no --


MR. BRADBURY:  The R2 class is entirely made up of demand-billed customers.

MR. GARNER:  Thank you.

MS. HELT:  Any other questions from any of the intervenors?  No?  Board Staff?

MR. ADVANI:  Yes.
Questions by Ms. Azaiez:

MS. AZAIEZ:  Good morning.  So the first question on Exhibit 2 is on the asset condition assessment.

I see that API has provided a flowchart illustrating the inputs and outputs and overall flow of API asset management process.

But in response to 2-STAFF-10, API says that it sees little value in the development of a formal asset condition assessment and health or risk distribution.

So are the results -- I would like to confirm whether the results of your asset registry are dynamic.

MR. BEHARRIELL:  Sorry, which part of the question is that?

MS. AZAIEZ:  This is a question that has multiple parts indeed, so I am choosing not to go with the (a), (b), (c), (d).

MR. BEHARRIELL:  The answer to that is the asset registry is dynamic.

MS. AZAIEZ:  Okay.  So it flows -- it is consistent with the flowchart that you have provided?

MR. BEHARRIELL:  It is, yes.

MS. AZAIEZ:  Okay.  So then -- so can you assess whether the lack of formal compilation of the results of the inspection and maintenance program affect the robustness of your asset condition assessment, and ultimately the decision as to the projects and programs you consider?

MR. BEHARRIELL:  So we don't believe that the formality of the process affects the robustness of the condition assessment and the decisions.

MS. AZAIEZ:  Okay.  So now you do have an asset condition assessment box in your flowchart?

MR. BEHARRIELL:  Yes.

MS. AZAIEZ:  So can you please expand on why API sees little value in the development of a formal asset condition assessment?

MR. BEHARRIELL:  I think our position on that is that we are a relatively small LBC.  The staff involved in reviewing the results of the inspection and maintenance programs are the same staff that ultimately are involved in the capital and maintenance program planning.

So there is an intimate familiarity with both the assets and the condition-based information resulting from our inspection, maintenance and testing processes, and that's why we feel there is little value in formalizing that process.

MS. AZAIEZ:  Could you give us a definition of what you consider to be an asset condition assessment, then?

MR. BEHARRIELL:  I think it's exactly what the term implies, that we are doing some kind of either inspection or testing to assess the condition of the asset.

MS. AZAIEZ:  And that is not formalized?  It's not a formal process at --


MR. BEHARRIELL:  The results of the testing and inspection programs are documented.  There is no formal compilation of those results into an overall asset health index or asset condition assessment that you would see --maybe some of the larger LDCs bring in a third party like Kinectrics and create an overall formal third-party report.

MS. AZAIEZ:  Okay.  Thank you.  So on a specific line that you had, I just want to ask whether synergies are the only basis for replacing conductor and pole line hardware in conjunction with poles.

MR. BEHARRIELL:  I think you really have to break that down into two components, one being the conductor and one being the pole line hardware.

When you look at the conductor, typically a conductor has a very similar useful life to the useful life of poles.  So in cases where we are replacing the majority of poles along a line section, then for cost efficiency purposes, we would typically replace the conductor at that time.

However, there are exceptions.  If we know the conductor age to be drastically different than the average pole age along that line, we may go into more testing at the time of the conductor -– sorry, the line rebuild, to determine whether or not the conductor needs to be replaced.

The second part of that is pole line hardware.  Typically those get into nuts, bolts, brackets; just logistically, when you put the new pole in the ground, you have to put the new hardware on the pole before you can transfer the conductor over to the new pole.  So it's actually impossible with our work methods to reuse that equipment.

MS. AZAIEZ:  Okay.  Thank you.  Moving on to the next question, so reference is 2-STAFF-11, and this is in respect to the Hawk Junction TS and Echo River TS project.

You indicate that there will be ancillary reliability benefits as a result of taking on this project.  Could you please indicate what these benefits are?

MR. BEHARRIELL:  Yes.  Those would be the elimination of either brief switching outages during system reconfiguration for maintenance purposes, or during system contingencies, both switching outages for -- switching that we have to do, or switching that the customer would have to do to change taps on their transformers to get a better voltage level during that system reconfiguration event.
There would also be just overall improvements to customer voltage levels during those contingency scenarios.

MS. AZAIEZ:  Do you have any monetary benefit out of these --


MR. BEHARRIELL:  No, we do not.

MS. AZAIEZ:  You haven't monetized those?

MR. BEHARRIELL:  No.

MS. AZAIEZ:  Do you have any numerical information on the consequences of not proceeding with the project for API?

MR. BEHARRIELL:  No, we do not.

MS. AZAIEZ:  Okay.  So in response to 2-STAFF-11(c) and (d), you have provided the table with -- actually quite a nice table with complete information on what we asked.  But you chose not to include the projects that started prior to this plan period, and I wanted to know whether you could complete the table.

MR. BEHARRIELL:  Yes, we have completed the table.  We have a hand-out that we could pass around.

MS. AZAIEZ:  Thanks.

MS. HELT:  All right, then.  I will come and get it.

MR. BEHARRIELL:  So in looking at that table, the bottom portion of the table basically adds on to the table that was already filed in the interrogatory response.

MS. AZAIEZ:  Can you come closer to your mic?

MR. BEHARRIELL:  Sorry.  In looking at that table, the bottom portion of the table -- I think it's starting with line rebuilds -- basically follows on to the table that was filed in the interrogatory response.  And it was a simple misunderstanding in what Board Staff meant by "capital growth."  The way the table sits now, it includes all capital.

MS. HELT:  Just before we go on with any further questions, I will mark this as an exhibit, and this will be marked as TCK1, and it is a table completed with continuing capital programs -- projects, in response to -- provided in response to Board Staff Technical Conference Question 2-STAFF-46.
EXHIBIT NO. TCK1:  TABLE SHOWING CONTINUING CAPITAL PROJECTS, PROVIDED IN RESPONSE TO BOARD STAFF TECHNICAL CONFERENCE QUESTION 2-STAFF-46.


MR. GARNER:  And may I just ask, as a piece of housekeeping when we do the undertakings, that an electronic version of this also be circulated.

MS. HELT:  Yes.  Thank you, Mark.

MS. AZAIEZ:  On performance, sub-question (b) asks -- you indicate that you will be gaining efficiencies in the unit costs associated with the vegetation management program.  And you may have given us a number, but I didn't see it.

Do you know what this expected efficiency in the unit cost amounts to?

MR. BEHARRIELL:  Okay.  And we don't have an actual number on that, but basically in working to remove the backlog of off-right-of-way hazard trees and also in progressing towards the most efficient cycle length for each one of our vegetation management activities, we expect to gain overall efficiencies by dealing with fewer, I'll say, one-off or reactive work requests to address priority hazard trees or growing trees along the right-of-way.

So that, in effect, will allow more efficient use of our internal line-clearing crews, and basically our proposed spending, rather than being based on historical cost, is based on the vegetation workload volumes qualified in the third-party analysis titled "Performance management review and quantification of vegetation management work risks and resource requirements."

And that was filed as an appendix to our Distribution System Plan.

MS. AZAIEZ:  Thank you.

The next question will be on 2-STAFF-14.  So API stated in its response that it did not have a suitable cohort in the province for the purposes of benchmarking, but at other points it also says that it is following good utility practices, best practice, as a guide to some of its activities.

So if you could please tell us what activities at your table of capital expenditures would be -- have been informed by good utility practices or best practices.

MR. BEHARRIELL:  Yes.  It's more the asset management strategy that's informed by good utility practice, rather than the specific projects or program.

So for example, proactive replacement versus a run-to-failure strategy for any particular asset, capital versus maintenance optimization by asset class, and then in turn those asset management strategies then drive both our capital and our maintenance programs.

You know, so examples, the pole testing and pole replacement program where it's definitely more of a proactive replacement versus transformers that are basically run to failure in a lot of cases.

And then we have other programs in between, re-closer maintenance, where it's more of a case-by-case for each individual asset, whether it's economical to maintain versus replace that asset.

So it's more the strategy for each asset itself that's informed by good utility practice, rather than the specific projects or programs.

MS. AZAIEZ:  You also introduced in your response the District 9 group.  So I know you don't have a cohort.  Is this purely a geographical grouping?

MR. BEHARRIELL:  Just to clarify, that grouping really relates to the smart meter project only.  We are part of a group, Utility Standards Forum for Standards Development.  We do some other purchasing activities with a geographical group in northeastern Ontario.

But that District 9 group really did relate to the smart meter procurement and long-term operation only.

I can list the members of that District 9 group for the smart meter group, if you'd like, for the record.

MS. AZAIEZ:  Yes, that would be good.

MR. BEHARRIELL:  Okay.  They would be Algoma Power -- which was Great Lakes Power at the time -- Sault St. Marie PUC, North Bay, Chapleau, Hearst, Northern Ontario Wires and Espanola.

MS. AZAIEZ:  And at the time, they were chosen because?

MR. BEHARRIELL:  It was a geographic consideration.  When we started looking at smart meter systems, some of the systems we were looking at and ultimately the system we chose, the way the towers work is there is some geographical overlap between towers, so there was some benefits to working with other distributors in a similar geographic area.

And that was done across the province with many similar groups.

MS. AZAIEZ:  And that would be the Census solution as part of this AMI strategy?

MR. BEHARRIELL:  Right.

MS. AZAIEZ:  So the SENSUS may have been the most cost-efficient solution for other utilities, but it was the most cost-efficient solution for API?

MR. BEHARRIELL:  Yes, it was.  And that was dealt with as part of a previous proceeding, EB-2012-0104.

To give you a quick summary, the way the District 9 group approached the procurement process in accordance with the regulations, we did have some concern that by going in as a group it could potentially disadvantage any individual LDC where one solution that was most efficient for the group may not necessarily be the one that's most -- sufficient for each individual LDC.

So the approach we took is that we had the evaluation team that London Hydro had put together for this RFP process do an evaluation for the District 9 group, but they also did a blind evaluation for each LDC individually, with the instruction that if the cost to any individual LDC came back more than 5 percent higher than the net LDCs' cost in the group model, then that LDC would be notified so they could pull out of the group process, if it made sense to at that time.

And that evaluation did not reveal that any LDC was disadvantaged by that group procurement model.

MS. AZAIEZ:  Okay.  And in this plan period, you will be continuing to use the SENSUS solution for an expanding -- if I understand correctly from your prefiled evidence --


MR. BEHARRIELL:  Right.  So the SENSUS solution at the time of the London Hydro RFP evaluation process that was undertaken by most LDCs in the province, it was based on both a capital component and an evaluation of the long-term O&M piece of it as well.  So the LDCs did negotiate fairly lengthy contracts with SENSUS based on that analysis and based on the expected useful life of those assets.

MS. AZAIEZ:  Okay.  Thank you.

So moving on to reference -- the next question, and the reference is 2-STAFF-15 and 2-STAFF-16, and those were about the Echo River TS project, which is the biggest item in terms of CAPEX.

So I understand that API is presently responsible for 100 percent of the cost, but it appears that ultimately API may not be -- do you have a sense of what portion API would be responsible for?

MR. BEHARRIELL:  I think our sense at this point in time is that we are responsible for 100 percent of the costs.  We put the qualifier in our application that there is this regional planning process that would look at certain issues.

At this point, we are not sure if that would fall into the regional planning process or not.  That process is really in its infancy for our region.  The transmitter has only initiated it recently and has just started the data-gathering phase.

So at this point, our sense is that we are responsible for 100 percent of those costs.

MS. AZAIEZ:  And the reason why you have undertaken this project is solely to fulfill API's needs; correct?

MR. BEHARRIELL:  Right.  It doesn't fulfill the needs of any other distributor in the region it's solely for API's benefit.

MS. AZAIEZ:  Okay.  And the last question in this series relates to justifying your capital plan expenditures.  So I did not really see -- well, there was one business case that was -- that illustrated -- I think it was in response to VECC.  Had a lot of information, but I do not recall seeing a lot of economic justification for some of your projects.

So if you could address that, and at the same time also the part where O&M and capital -- you do indicate that you have those responses in appendix 2AB, but I do not see them by asset category.  I see a system O&M that is lumped.

MR. BEHARRIELL:  Okay.

MS. AZAIEZ:  So I was wondering whether there was any way that you could break these to a more granular level for the Board.

MR. BEHARRIELL:  Okay.  So I guess I will start with the portion of your question where you had asked about numerical examples in the justification for the capital projects, and where we referred to part (c) of those material justification in the Distribution System Plan.

So we do have some examples in there where we did discuss some quantitative values.  I will walk are you through couple of examples.

For the protection automation reliability program, we didn't put definite dollar figures, but we did say that for the one example of step-down banks for contingency improvement, we indicated an estimated cost for those step-down banks, and then we did discuss alternatives, dual-element stations or tie lines between stations, with a discussion that those options would be in the range of two to five times the cost of the step-down banks with fewer benefits.

For the Echo River project, we did discuss the alternative to the transmission option in detail.  We emphasized the technical shortcomings.  And then we did provide a cost estimate for the distribution alternative in the range of 4.8 million, or $300,000 more than the transmission option.  No business case presented with that, but if it's more expensive and no benefits, then it's a pretty obvious decision.

The right-of-way hardening, we referred to a third-party report that we had filed as an appendix to our Distribution System Plan, that contained all kinds of numerical information, both quantifying the annual volume increment requirements for the vegetation management workload, also describing numerically the consequences of not proceeding with that program.

And I think when you get into a lot of the other projects and programs, they are either projects designed to meet mandated service obligations, you know, connection of new customers, repairing the system after storm damage; they are largely based on historical costs that have no real alternative option, or you are into the sustainment programs.  For example, the line rebuilds, pole replacements, where basically with the large number of assets we have in service, we have to have a sustaining and paced program so that we are not into, five or ten years down the road, a huge bow wave of replacements and a more reactionary mode of replacement, so...

I guess the second part of your question was regarding a breakdown of the O&M.  And you are right, we did have that system O&M number in appendix 2AB, but I think we have a whole exhibit on operating costs that would break down a lot of those O&M costs into more granular details by programs.

So do you have any more specific questions on those?

MS. AZAIEZ:  Could you point specifically to the part on O&M?

MR. BEHARRIELL:  Sure.  Just give me one minute here to find it.

So it would be table 4.3.11, and that's in Exhibit 4, tab 3, schedule 1, page 2 of 7.

MS. AZAIEZ:  Can we go to it?

MR. BEHARRIELL:  Sure, yes.

And did you have any specific questions on that?

MS. AZAIEZ:  I just wanted to recall the evidence.

MR. ADVANI:  Do you want to see it yourself?  I have the binder.

MS. AZAIEZ:  Sure.

MR. TAYLOR:  Sorry, can you repeat the reference?

MR. LAVOIE:  Exhibit 4, tab 3, schedule 1, page 2 of 7.  Exhibit 4, tab 3, schedule 1, page 2, there is a table 4.3.1.1.

MS. AZAIEZ:  Okay.  So you don't have planned versus unplanned O&M in there; right?

MR. LAVOIE:  It's not broken down by planned or unplanned, no.

MS. AZAIEZ:  Would you be able to do that?

MR. LAVOIE:  We are just going to see.  We might have given some of that information in an interrogatory.  We're just going to have a look.

MS. AZAIEZ:  You did give lumped information in table -- in response to 2-STAFF-16(f), I do have a table, but it's not -- it's again -- it's a lumped planned O&M -- it's a system O&M, so it's hard to see, for example, if you are doing work on certain specific assets, it's hard to see the progression over time.

So what I was looking for was more a picture, a snapshot of how you have been managing your assets and whether your capital additions have had any impacts on the trends that you had in terms of, you know, your planned versus unplanned O&M.

So if that is available, if you could file it, that would be good.

MR. BEHARRIELL:  I think, in response to your question, the unplanned O&M on that table that we filed in response to the interrogatory, that would be basically all of our line crew responses to outages.

Any of our other O&M programs are pretty much completed on a planned basis.  So we have very little reactionary O&M outside of line crews responding to customer outages.

MS. AZAIEZ:  Okay.  Do you still see where I am going, even in terms of taking it apart and not having it lumped?  Do you have it by asset categories, like the work you do on your stations, for example?

MR. LAVOIE:  I think if we referred to that schedule again, it's in response to Board Staff Interrogatory -- excuse me.

MS. AZAIEZ:  2.16.

MR. LAVOIE:  2.16.  The table field, if we were --we wouldn't have any more detail of a table.  We would replace the word -- we could leave the word "unplanned" in there, but we would put "unplanned line maintenance."

So it is specifically the line category of assets, and we do not have any other notable unplanned maintenance against any other asset category.

MR. BEHARRIELL:  And then if you go back to the table in our evidence that we were discussing a minute ago here, you will see a breakdown: lines, stations, vegetation management, metering.

So basically on the lines component, if you took out the unplanned O&M from our interrogatory response, you would have the planned component of the lines.  And then for every other line item on there, it's a planned expense.

MS. AZAIEZ:  And then last request, if that's okay, you mentioned that you have a business case for your Echo River TS.

MR. BEHARRIELL:  We did not mention that we have a business case for Echo River TS.

MS. AZAIEZ:  You mentioned that you had a business case for -- in your response just a minute ago.

MR. BEHARRIELL:  I believe I said we did not have a business case.

What we did is we discussed the alternatives at length in our Distribution System Plan, and we highlighted that the distribution alternative to the transmission investment was more expensive and had a large number of technical drawbacks.

So because of the increased expense and the definite technical inferiority of that option, we did not --


MS. AZAIEZ:  So internally, you do not have a business case?

MR. BEHARRIELL:  We do not have a business case, no.

MS. AZAIEZ:  Thank you.

MS. HELT:  Mr. Garner?

MR. GARNER:  If we are finished with this section 2 -- and I am sorry to bring this up at this time and not in the beginning when you asked about administrative items, but we are struggling a little bit with organizing time.

And you may be aware that the Board in the procedural order for this case indicated its resistance to having multiple parties in attendance.  And because the Board in the PO has introduced a new process where they are having intervenors file all their questions ahead of time -- and as you saw yesterday, what we had was, with that utility, written responses in advance but no consensus on how to deal it, by issue or by intervenor, and today we have no written responses but we are going by issue.  And I am neither critical of either.

It has made it, however, difficult for us to organize our time, and therefore Mr. Harper and I are both here. So what I am asking is, in order to be efficient, if we could now move on to section 4 and then section 9, I will be able to excuse myself and Mr. Harper will be able to continue with section 7 and section 8.

If not, we are left in the quandary of remaining here together.  Thank you.

MS. HELT:  I have no issue with that.  I don't see why we can't proceed that way unless the applicant -- Mr. Taylor is indicating there is no issue.

MR. TAYLOR:  No.

MS. HELT:  And the intervenors are fine with that.

MR. BRADBURY:  We have no issue.  Actually, I am struggling myself, because it's sort of -- I suppose I am getting older and have been here so many times.  I am struggling with the flow of the way it's being done.  Again, not being critical; I am just having a tough time myself following it.

And as well, the Algoma Coalition is here as well, and they haven't separated their questions by issues list.  They have a group of about six or seven questions.  It would be much better for us if, while we are going through this, if we could set aside some time for the Algoma Coalition to go down through all of their questions, because it's going to be very difficult for us to say:  Okay, it belongs here or there.

So maybe, as you break it up, we could also move to the Algoma Coalition and allow them to ask their six questions.

MS. HELT:  That's fine.  Just to note, however, though, the Board usually does proceed by topic.  It's the way the evidence is filed.  It's the most logistical way.

I certainly appreciate what Mr. Garner has said with respect to requiring both him and Mr. Harper to be here at the same time, given that we are going through this order.

So we can accommodate.  And the Board often does try and accommodate these particular types of requests because we want to make efficient use of everyone's time, but proceeding by topic, organizing questions by topic, that is certainly something that is standard practice.  So it's not as if there are different practices in all technical conferences.  There is some logistical way of dealing with it.

So I just wanted to note that for the record.  But that being said, we can certainly proceed, then.  We have now finished Exhibits 1 and 2.  Mr. Garner has asked that we proceed to Exhibit 4, which we will do.

But before doing that, I just want to ask Mr. Taylor, with respect to the exhibits that are going to be provided today -- we have already had one table provided -- would you just be prepared to give a general undertaking to file and deliver a copy, electronic copy of all of the exhibits to the parties at the conclusion of the technical conference, rather than requiring an individual undertaking for each exhibit?

MR. TAYLOR:  Yes.

MS. HELT:  All right.  Then we will note that as Undertaking TCJ1, to provide electronic copies for any and all exhibits filed today, to be filed and delivered to the parties.
UNDERTAKING NO. TCJ1.1:  TO PROVIDE ELECTRONIC COPIES TO ALL PARTIES OF ALL EXHIBITS FILED IN TODAY'S TECHNICAL CONFERENCE.


MR. TAYLOR:  Okay.

MS. HELT:  Thank you.

MR. TAYLOR:  Before we move to Mark's, I would actually like to jump back to the last line of questioning by Board Staff.

You were discussing the Echo River project?

MS. AZAIEZ:  Yes.

MR. TAYLOR:  And I believe that you asked the question:  So you don't have a business plan for the project?

And the response that you received was:  No, we didn't have a business plan.

To me, it sounds like they did have a business plan.  So I just wanted to understand:  What is your definition of a business plan?

MS. AZAIEZ:  Well, I think -- I am sure your expert panel here would know what a business case for a project is.  Usually they filed one in response to VECC, for VECC -- something.

And there was a solid business case, and that is what Staff is looking for.

MR. TAYLOR:  Okay.  But I think we are talking about -- are we talking about the business case or a business plan?  Let's just be clear.

Because what I heard was they looked at the distribution option, and the conclusion that they came up with was that it would be more expensive and there would be some deficiencies, technical deficiencies associated with that option.

So in my mind, that's as much of a business plan as you need when you are eliminating an alternative.

So you asked:  So you didn't have a business plan?  And the response was:  No.  I am not really sure the two of you were talking about the same thing.

MS. AZAIEZ:  I believe I asked for a business case, Mr. Taylor, and I think --


MR. TAYLOR:  So a business case is what you were looking for?

MS. AZAIEZ:  Yes, and I think it is pretty clear what that would be for anybody who is involved in planning business development and things like that.

MR. TAYLOR:  Sorry, it's not clear to me.  You are going to have to forgive me.

What is a business case, then?  If I can't look at a project and say it's going to cost more and it's going to be deficient compared to the alternatives, if that's not a business case I don't know what is.

MS. AZAIEZ:  Mr. Taylor, I can't go by hearsay.  Evidence would be great, and that is what a business case would have provided.  I can't look at, you know, a line that says, you know:  Yes, it is more or less or more efficient or we are gaining efficiencies.

If there is proof of that, and that is what we were looking for, that would have been, you know, suitable.

MR. TAYLOR:  So you need it written down on a piece of paper to be proof?

MS. HELT:  I think if I can just jump in, what the question was looking for was whether or not there was a physical document business case; is that correct?

MS. AZAIEZ:  That is correct.

MS. HELT:  So...

MR. BEHARRIELL:  Right.  And to clarify my answer, there is no physical document as a standalone document, but we did put a very thorough discussion of the alternatives and of all the technical deficiencies of the one alternative in our Distribution System Plan.

MS. HELT:  And that's what I understood your answer to be.

MS. AZAIEZ:  So did I.  Mr. Taylor, I would like to share with you the other business case for VECC No. 20, so we all know what that is.  Thank you.

MS. HELT:  I am not sure that's necessary.

MR. TAYLOR:  No.

MS. HELT:  All right.  I take it, then, we have finished Exhibit 2.  So, Mr. Garner, we will now move to Exhibit 4.
Questions by Mr. Garner:


MR. GARNER:  Thank you, and thank you for that accommodation.  And also I would just like to clarify in no way anything that I said had anything to do with what Algoma has put together and not responding ahead of time, and that wasn't required.  And it is just that it's different between the way different utilities are dealing with this change.

We had, in operating costs, a question.  4-VECC-48 was the question number, and it was to ask you to show the derivation of the outage costs that you had, that were referred to in Energy Probe –- 4-ENERGY PROBE-21.  And I am wondering if you are able to do that.

I am at 4-VECC-48, which is -- we are under section 4, operating costs.

MR. LAVOIE:  Okay.  Thanks for the clarification question.

In preparing an answer for this, we have discovered an error in our outage in Exhibit –- or appendix 2-JB, and we do have an updated version of that.  So I will make that available for hand out.  I don't know if we can just...

And I assume we will file that later as well, Andrew?

MR. TAYLOR:  Yes.

MS. HELT:  So that we can mark as Exhibit TCK2.
EXHIBIT No. TCK2:  UPDATED VERSION OF APPENDIX 2-JB.


MR. LAVOIE:  So as you can see, both in the original table as well as this one, there is a significant variance with respect to outage response costs for our utility on a year-to-year basis.  And that does pose a challenge for managing that aspect of cost, and we have utilized a number of different ways of approaching that.

In particular, the bridge year and the 2015 year have a different approach to estimating the costs in this category.

When we were deriving our 2014 budget for this category, we had looked at where costs had been over the past few years, and did notice a decline in that.  And you would note that in a number of places, we are working towards an increased reliability.  An increased reliability for our utility would translate into a reduced outage management cost.

And in looking at a trend over a few years, the 2014 was put together with the expectation of a lower outage cost for that fiscal year.  When we completed -- when the 2013 year was completed, we quickly recognized that that trend had not been realized, and our actual costs in 2013 far exceeded our budget in that year.

And in preparing for our 2015 budget year we, rather than anticipating a particular trend, utilized a three-year average, and the three-year outage management costs for Algoma Power was approximately $750,000.  Therefore, we had increased our expectation of costs for the 2015 year.

I will note that over the 2011 to 2015 year, if we were to look at a trend, there is an expectation of costs.  I think there is approximately $132,000 decrease over that timeline.  So we do have an expectation of reduced costs over that period of time.

So I am hoping that clarifies or answers the question.

MR. GARNER:  I am not certain -- I am not certain it does, but thank you for that.

Maybe just remind me.  Your 2013 actual shown in this table for outage costs was -- it shows the driver at $180,000.  But that's a driver from a number that you had budgeted for outage costs in that number; is that correct?

MR. LAVOIE:  That's a variability year over year.  If I was to speak in general terms --


MR. GARNER:  I see.

MR. LAVOIE:  The 2011 -- actually just hang on.  I do have a reference document here.

MR. GARNER:  Thank you.

MR. LAVOIE:  If I was to speak in terms of where the outage costs were in 2011, where they are now, this might help explain the variance.

MR. GARNER:  Yes, it would.  Thank you.

MR. LAVOIE:  So in 2011, they were a $914,000 annual expense.  They dropped by $340,000 in 2012 to $571,000, and then in 2013, again, they -- we expected them to decrease, continue the trend line downward; they did not.  They actually increased by $180,000 to $755,000.

MR. GARNER:  Mm-hmm.

MR. LAVOIE:  Again, in our expectation prior to the end of 2013 and planning for 2014, we optimistically viewed 2014 and budgeted 528.

And in preparing for 2015, we looked at it at an average three-year at $750,000, so that expectation of costs not being in line with what we had experienced in 2012, but more in line of what an average would be.

MR. GARNER:  Okay.  So can I just clarify then, just so I am clear?

MR. LAVOIE:  Sure.

MR. GARNER:  2015, the forecast is $750,000?

MR. LAVOIE:  Actually the absolute dollar is 781, sorry.

MR. GARNER:  781?  And that figure of 781 is derived from the average of 2011, 2012 and 2013?

MR. LAVOIE:  That's correct.

MR. GARNER:  And 2014's current budget is at 528?

MR. LAVOIE:  That's correct.

MR. GARNER:  Do you have any reason to believe at this time that that budget will be significantly different than that?

MR. LAVOIE:  At this point, costs are tracking closer to budget.  However, the fall winds play havoc on our utility, and if the cool wind we are experiencing right now is any indication of November -- the October/November timeline is when we really realize a lot of those expenses.

MR. GARNER:  Right.  I think I understand.  You are on the lakefront there and you get a lot of ice and wind off of the lake?

MR. LAVOIE:  That's correct.

MR. GARNER:  Okay.  Thank you.  That's very helpful.

The next question was for VECC 49, and we asked you to explain how the increase in shared service allocations impact your incentive compensation.

The other part to the question:

"Please explain how the [...] incentive payments are able to exceed the budget."


And then asking about the total potential compensation.

So I will just bring up -- I don't have the reference, which was 4-ENERGY PROBE-24.

MR. LAVOIE:  So the shared service allocation is directly reflected in the incentive payments that were allocated according to the shared service allocation, and they would include total compensation, which would include incentive payments.

MR. GARNER:  Okay.  The part of the question that I was confused at -- and perhaps Mr. Aiken, who asked the question, understood the response to this, but I didn't --which was the total potential compensation and the ratio of pay, I am trying to turn my mind back and looking at the response to the IR.  And I think what confused me was the budgeted -- the ratio of paid to forecast exceeds 100 percent, and the total budget incentive is 250 but the total paid out is 290.

So I was getting -- I think I must be confused as to what "total budgeted incentive" means, as opposed to what is the total possible amount of incentive.  I am wondering if you can help me.

MR. LAVOIE:  What we have done, and we expected from both of the questions that we needed some clarification, so we have another hand-out that does identify the total potential compensation, which the way we answered the question was total budget and which does not, I think, answer what you were looking for, so...

MR. GARNER:  Right.  Thank you.

And these figures, just on a first sight of them, look more attuned to what I was thinking one was expecting.

So I am not sure I have any follow-up.  I will let Mr. Aiken digest it, and maybe he will.

MS. HELT:  Can we have this marked as Exhibit TCK3?
EXHIBIT no. TCK3:  HAND-OUT IDENTIFYING TOTAL POTENTIAL COMPENSATION.


MR. GARNER:  Thank you.

My next question -- by the way, Ms. Helt, my intention was to -- when I asked to do section 4, was to stay here while everybody, the other parties do that section.  So if other parties want to jump in on any of this, I am more than happy to cede the floor. If not, I would move to 4-VECC-50.

This is pretty straightforward because all we were asking for was the Excel spreadsheet for the business case study that was referred to, and I wondering if you are able to provide that.

MR. BEHARRIELL:  Yes, and we have the live Excel spreadsheet ready to send out to you.

MR. GARNER:  Okay.  I guess when you are doing the responses to the undertakings --


MR. BEHARRIELL:  Yes.

MR. GARNER:  That would be great.  Thank you.

4-VECC-51 was pretty straightforward.  I am not looking at the table, but I do recall the EDA fees to be jumping.  And why was that?

MR. BRADBURY:  If we can just step back once, maybe we can put a title to that Excel spreadsheet.  So for our record-keeping, make sure we provide everything, if we could have an exhibit number or an undertaking.

MS. HELT:  I am sorry, for which Excel spreadsheet was this, Mr. Garner?

MR. GARNER:  It was in response to 4-VECC-50.  It's a SCADA financial analysis live Excel spreadsheet.

MS. HELT:  All right.  And this is to be provided electronically.  So that, then, will be an undertaking, TCJ1.2.
UNDERTAKING No. TCJ1.2:  TO PROVIDE ELECTRONICALLY THE SPREADSHEET IN RESPONSE TO 4-VECC-50.


MR. GARNER:  And after we review, maybe we can then have a new argument about business case studies.

[Laughter]

MR. GARNER:  If I may, then -- and thank you for that –- 4-VECC-51, this is EDA's membership fees.  It's a relatively a minor amount, but they did jump around and I was wondering why.

MS. PARKER:  Basically, what happened is they weren't being allocated properly.  What happens is CNPI gets the main membership, and then Cornwall and API are given an affiliate fee.

We thought that isn't really fair to have one bear the whole cost, so what we are doing now is -- we started in '14 -- is we are taking the cost and allocating it based on the number of customers to each LDC.

MR. GARNER:  Okay.  So that affected Fort Erie and --


MS. PARKER:  CNPI, API and Cornwall.

MR. GARNER:  And Cornwall?  I see.

MS. PARKER:  The three.

MR. GARNER:  Just for the record, we would prefer they all go to Cornwall, but...

[Laughter]

MS. PARKER:  Can't do that, sorry.

MR. GARNER:  The next question was 4-VECC-52, and it asked for the drivers behind the increase in human resource cost between -- 2011 as compared to 2015.

MR. LAVOIE:  As the history of this utility goes, there was –- Fortis Ontario purchased the utility in 2009.  The first rate application under that ownership model was prepared in the 2010 timeline.  And the -- with the test year 2011.  So just a little bit of a backdrop there of the evolution of the company.

Prior to this application -- and the human resources costs were not allocated to API on -- on any basis, because of the way that the utility was operated in the past as more of a standalone.

So in 2011, it was the very beginnings of an integration with Fortis Ontario, so the human resource aspect was not allocated on a fully integrated human resource department basis; it was much more performed in line with previous management style at Great Lakes Power, of having a more decentralized aspect to human resources.

So costs were not allocated on a functional basis to a human resource function, and so therefore we don't see the extent of costs that you would likely see on a historical basis.

So the allocation of costs on a functional basis and the integration of a fully functional HR department is what has occurred since that time, and we are now -- benefit to our organization, API, of having access to that HR department.

So it's an evolution of integration and cost allocation on an OM&A basis.

MR. GARNER:  Okay.  I think I understand, and I guess I have two follow-up questions.

One to Mr. Bradbury, which is that I guess I would assume that I would see equal adjustments to the other utilities, because what I think I understand from the response is you reviewed your allocation as between the utilities and reallocated from one to the others, or some to the others.

So if I were to look right now at one of those others -- say, Fort Erie -- I would see an adjustment downward?

MR. BRADBURY:  Not quite that straightforward.

MR. GARNER:  It never is, is it?

MR. BRADBURY:  No.  We make every effort to freeze the allocations at a certain point in time.  I use that word -- am I on?

MR. GARNER:  Yes.

MR. BRADBURY:  Because we are very cognizant of the fact that CNPI and API doesn't rebase the same year, we have to maintain an awareness that CNPI has gone in first.  We have a 2013 rate application and decision based on a certain set of shared assets -- shared allocations.

We have to be very aware of that when we follow up with the API application, that, you know, we don't want to be jumping all over the place with these shared service allocations.

So unless there is a -- unless there is a significant change in the business model or the business role -- say, an acquisition or something along that line -- we make every effort to keep them very similar.

MR. GARNER:  Okay.  Maybe that leads to the other follow-up question.

Am I correct to understand that from your -- the first response was that it's not that the HR services to API have changed; it's that the costing for those services has been updated?

MR. LAVOIE:  I think, to be fair, it's probably a little bit of both.  There was an internal function at Algoma Power that had provided some of these HR functions.  There has been some attrition, as well as our recent discussion here on the changing cost allocation.

So it was a combination of reorienting some of the resources that had traditionally been used at Algoma Power for HR-type functions, not necessarily captured in an HR account, as we see here.

So you don't see that comparison on that reorganizing of resources, but you do see the impact of changing cost allocation here.

MR. GARNER:  Okay.  But in 2011, you had $44,000 of HR services in costs, and in 2015 you will have 134,000, which is significantly in excess of inflation.

So I guess the question is:  What new services are you requiring for the roughly $90,000, which is a roughly -- let's say an FTE worth of costs?

MR. LAVOIE:  I think we are gaining the benefit of a fully integrated HR department, so it's hard to describe exactly the specific function.  But certainly we have an HR manager at Canadian Niagara Power that is available as a dedicated resource, albeit it's shared amongst the other utilities, but dedicated in a sense that that's my call or a supervisor's call for either the manager or -- to resource staff that are also part of the HR department.  They are able to help manage many aspects of our human resources.

Prior to that -- that being in the 2011 timeline -- it was much more independent.  We had some staff at Algoma Power that were dealing with those aspects of human resources, and certainly not dealing with HR issues to the level of professionalism and depth that we are currently experiencing now, with the integration of this to a larger utility.

MR. GARNER:  Okay.  So let's leave that one -- thank you -- let's leave that one now and look at the other ones which are significantly different: financial services, IT, HS&E especially.

Well, let me just ask you.  What's your response to those?  Are they allocation issues, or are they new service issues?  What is raising the cost difference in those?

MR. LAVOIE:  Do you want to try to point to something?

MR. GARNER:  I am looking at the table that's in response to 4-VECC-25, by the way.  I am sorry if you are not looking at that table.

MR. TAYLOR:  While they are looking for the interrogatory to help respond to this question, maybe we could take a ten-minute break?

MS. HELT:  Sure.  All right.  We will come back at five to 11:00.

--- Recess taken at 10:46 a.m.

--- On resuming at 11:08 a.m.

MR. GARNER:  So are we ready to resume where we were?

Since Board Staff has changed counsel, just to update you, I was in the midst of a brilliant cross-examination here.

[Laughter]

MR. GERNER:  I think we were at -- we were looking at 4-VECC-25, which was the original interrogatory, and where we left off was you had given quite a detailed explanation of the HR service variance between Board-approved in 2011 and your forecast for 2015.  And then I was asking you to take that same conversation we had had, and look at financial services, IT service, and HS&E service and tell me if there was a similar response for those.

MR. LAVOIE:  I think hopefully the best way to approach this is pointing to our response to the (b) part of that question in regards to what costs did we offset.  And I think we have done it on an aggregate basis, so $1.1 million of costs associated with finance, IT, health and safety, environment, those types of services listed in the table in response to (a) were offset as part of the integration with Fortis Ontario.

So it's not specific to the different departments, but there certainly was an offset of expenditures related to the integration exercise.

MR. GARNER:  Okay.  Thank you.

Can I just ask you, is what you are saying that if I looked at, again, finance services, what I would see internally at API is there was a financial service amount somewhere closer to 548 that was being incurred in 2011, and what I am not understanding from that, then, is why are the Board-approved dollars 2,776?  That seems to imply the Board approved an amount or saw an amount in looking at your application for that.

MR. LAVOIE:  This particular schedule shows only the shared services that were approved at that time.

MR. GARNER:  I see.

MR. LAVOIE:  So the shared services aspect of it, so -

MR. GARNER:  That part of it remained?

MR. LAVOIE:  Exactly.

MR. GARNER:  Okay.  I see.  Thank you very much.

I think the next question was about MEARIE Group insurance.  I think I know the answer.  I think I have asked this about CNPI, but to ask it again, the question really -- and I won't repeat because -- I will say it simpler.

The question really was why don't you buy MEARIE insurance, because everybody else does?

MR. LAVOIE:  Algoma Power is a subsidiary of Fortis Ontario and we are part of a subsidiary of Fortis Inc., which has a broker that purchase -- procures insurance for many of the Fortis utilities.

And the broker uses a competitive process and that process, the broker assures us the best available rates in the current market conditions.

MR. GARNER:  Have you ever looked at MEARIE's offerings and compared them to what you are getting?

MR. LAVOIE:  No.

MR. GARNER:  And why not?

MR. LAVOIE:  I think the breadth of insurance procurement that occurs at a Fortis level doesn't allow for -- the MEARIE Group wouldn't offer to the Fortis Inc. group the depth and level of insurance that you would need to cover all of the different aspects.

So we have never considered that as a provider for Fortis.

MR. GARNER:  I think I will leave it at that.  Thank you.

MR. LAVOIE:  Sure.

MR. GARNER:  I think those are all the questions that I had for section 4.

MS. DJURDJEVIC:  Okay.  Thank you very much, Mr. Garner.

Who is next on -- We are going issue by issue I take it, so on --


MR. AIKEN:  I will jump in next.

MS. DJURDJEVIC:  Okay.
Questions by Mr. Aiken:

MR. AIKEN:  So I am starting with 4-ENERGY PROBE-41-TC, and it refers to 4-STAFF-28, and we talked about this a bit earlier today.  The question is:

"Please explain why the tax calculations do not include the depreciation and CCA amounts associated with the allocated assets."


I am going to change that question a bit and ask if you can provide what the CCA deduction would be in 2015 if you allocated -- I think its 33 and a half percent of the CCA for those assets.  The depreciation number I think we have on the record is about $350,000.

MS. PARKER:  It is.  And the CCA would be a little more difficult to get, because obviously I would have the CNPI budget and try to calculate it from there.

I can give you an example of -- in 2013's CNPI rate application, on their computer hardware and software, the total depreciation add-back was a 1,028,000, approximately.

Their deduction on their CCA class 12 and 50, which is basically software and hardware, was just over 900,000.  So you're looking at a net difference there of, say, approximately 115,000, of which if you take your tax rate at 26.5, you are going to have a tax payable about 30,000.  Then of course API's portion on that, if you did it that way, would be approximately a 10,000 increase in their taxes payable.

Number one, obviously, what I said before about API not owning the assets to begin with, we couldn't do it in reality.  And the other point is it is really not material in the scheme.  I mean, you are only -- and in this case from CNPI's 2013 rate app, you are looking at an increase in taxes payable to API.  I mean, that can also switch around to the other way as well.  It's hard to say.

MR. AIKEN:  I am going back and looking at the response to 2-ENERGY PROBE-4.

MS. PARKER:  Mm-hmm?

MR. AIKEN:  Where it shows, for example, software, where the CCA is essentially a 50 percent of any increase in each year.  Between 2013 and '14, you are adding $500,000 in total costs, so the CCA on that in the test year would be roughly 250,000 in total, and then you are adding another 400,000 -- 450,000 in the test year, so that's another 20,000.

So that's 450,000, and you get allocated a third of that, so that's 150,000 on the software alone.  That's why I am looking to see if we can get a CCA number and how that compares to the depreciation expense that you are not adding to the PILs calculation to make sure that, like you say, they are basically an offset to one another.  You are not adding 350,000 and you are not deducting something close to 350,000.

MS. PARKER:  Correct.  And for 2015, I cannot answer that question for the CCA.  I do not have those numbers for CNPI.

MR. AIKEN:  Could you provide it for 2013, on an actual basis?

MS. PARKER:  Yes, I can go back and calculate CNPIs.

MR. AIKEN:  Okay.  That would be useful.

MS. DJURDJEVIC:  So that is Undertaking J1.3.  And, sorry Randy, can you just restate it?
UNDERTAKKING NO. J1.3:  TO PROVIDE THE CCA DEDUCTION ASSOCIATED WITH THE ALLOCATED ASSETS FOR 2013 FROM CNPI.


MR. AIKEN:  To provide the CCA deduction associated with the allocated assets for 2013 from CNPI.

MS. DJURDJEVIC:  Thank you.

MR. AIKEN:  The next question, 4-ENERGY PROBE-42-TC, refers to 4-ENERGY PROBE-20, and it says:

"Please provide the response to part (e) with the costs for vegetation management broken out as a separate line item."


It was footnoted as "due to the harsher winter conditions," et cetera, under the Maintenance" line.

MR. LAVOIE:  So the actual forestry expenditure or vegetation management expenditure for June 30th, 2014, would be $702,991, and for the same time period, that being June 30th -- January to June 30th, 2013, the expenditure was $870,313.


MR. AIKEN:  Thank you.  My next question for Energy-Probe-43-TC -- Mr. Garner has covered that, so we can skip that one. 


4-Energy Probe-44-TC refers to 4 Energy Probe 26, and part (a) reads: 

"The response provides the amount of capitalized depreciation, but does not comment on the expensing of any depreciation.  Please confirm that Algoma does not include any depreciation expense in the OM&A expense, because many utilities do."


MS. PARKER:  That is correct, we do not.


MR. AIKEN:  Okay.  And then part (b):  

"Are the figures shown in the response to part (b) included in the figures shown in the schedules included in Exhibit 4, tab 11 schedule 2, and as an example, is the $98,590 shown for 2015 included in the $3,947,000 shown for 2015 in appendix 2-CU?"


MS. PARKER:  Yes, they are.


MR. AIKEN:  Isn't that a double counting?  It is being shown as a depreciation expense, but it also goes into your rate base.


MS. PARKER:  No, the credit is actually sitting in OM&A.


MR. AIKEN:  I thought we were talking about depreciation expense?  Appendix 2-CU is the depreciation experience.


MS. PARKER:  Yes, and that shows the total depreciation expense on the assets.


MR. AIKEN:  Which includes the 98,000 that's being capitalized?


MS. PARKER:  That's correct.


MR. AIKEN:  And is that 98,000 showing up in your capital additions?  If it is being capitalized, I am assuming it is.


MS. PARKER:  Correct, it would be, yes.


MR. AIKEN:  So isn’t it in both your rate base and in your depreciation expense?


MS. PARKER:  No -- well, yes, it is.


MR. AIKEN:  My last question on section 4 is 4-Energy Probe-45-TC, which refers to 4 Energy Probe 28 and 29.  Part (a) is: 

"Please confirm that Algoma is not planning on hiring any apprentices that will be eligible for the Ontario apprenticeship or federal job tax creation tax credit in either 2014 or 2015.  And if this cannot be confirmed, please provide the number for each credit in each of 2014 and '15."


MS. PARKER:  That's correct, we are not planning on hiring any additional apprentices that would be eligible.


MR. AIKEN:  Okay.  And then part (b); the response indicates that the Ontario apprenticeship job creation tax credit for 2015 is forecast to be $7,425.  The 2013 tax return shows that there were three positions in 2013 that were eligible for the tax credit for at least part of the year.  Further, each of those positions had registration dates that would suggest a tax credit would be available for at least part of 2015 in all three cases.


So the question is then: 

"Please explain how the 7,425 was estimated and why there is no credit associated with all three of the positions shown in the 2013 tax return."


MS. PARKER:  The reason there is only one position in 2015 -- that was one of your questions, correct?  Yes.


MR. AIKEN:  Yes.


MS. PARKER:  The other two employees, based on the anticipation of the supervisor they work for, they will no longer be apprentices in 2015.  They will have their certificate qualification passed, minimum hourly experience met, et cetera.  So there will only be one left.


MR. AIKEN:  Okay.  Those are my questions on section 4, thanks.


MS. DJURDJEVIC:  Thank you, Mr. Aiken.  Who is next on issue 4?

Questions by Mr. Advani:


MR. ADVANI:  Board Staff.  Just give me one second, please, to pull up the question.  Okay, that's 4-STAFF-51(s).  So this question is about two items, vegetation management and outage response.  So in the preamble, Board Staff notes that the vegetation management expenditures for the bridge year 2014 and test year 2015 as provided in table 4.1.1.2, those expenditures are respectively shown as two million and change – to be exact, $2,682,986 and $3,426,180.


So if you take the difference between these two, this translates to a year over year increase of $744,094.  Board Staff also notes that the year over year increase provided in appendix 2-JB, that is a cost driver table, for vegetation management, that difference for the test year 2015 is shown as $840,000; that's approximately $100,000 more. 


So the first question, question (a) is: 

"Please reconcile the $744,094 and the $840,000 figures for the year over year cost increase for vegetation management for the test year 2015."


MR. LAVOIE:  The cost driver table that was resubmitted with correction on the outage management costs earlier also has a slight correction on the vegetation management.  So the entire variance of $840,000 was more representative of the entire period 2011 to 2015.  So that's been correctly broken out into the years that it appeared.


So the exhibit -- I believe it was labelled TCK-2, which was submitted earlier on.  So hopefully that clarifies that.


MR. ADVANI:  So you are saying that that discrepancy has been taken care of in that exhibit?


MR. LAVOIE:  That's correct.


MR. ADVANI:  All right.  Now following up with a question on outage response costs, in Table 4.1.1.2 --presumably, that's the one you have updated, right?


MR. LAVOIE:  I believe that table is the program table in Exhibit 4, if I am correct.


MR. ADVANI:  So in that Table 4.1.1.2 -- okay, let me back up.  In appendix 2 JB, outage response costs are shown at $180,000 as a cost driver; correct?


MR. LAVOIE:  Correct.


MR. ADVANI:  So what Board Staff is asking is: can you identify in Table 4.1.1.2 what outage response costs are, because they seem to be embedded in one of the costs that are listed in that table, but it's not specified in so many words.


MR. LAVOIE:  Yes, that in Table 4.1.1.2 of Exhibit 4, tab 1, schedule 1, it is in the lines program category.


MR. ADVANI:  That is the third item from the top?


MR. LAVOIE:  That is correct.


MR. ADVANI:  All right, thank you very much.


MS. DJURDJEVIC:  Okay, was Board Staff the last party on that issue?


MR. ADVANI:  I believe so, let me just confirm that.  Yes, Board Staff had only one question on Exhibit 4.


MS. DJURDJEVIC:  Now, as I understand, the parties had skipped issue number 3 and now we are going to go back to that one?  Or we are going to 9 next?


MR. ADVANI:  We are going to issue 9 now, and we will go to the rest of them after that.


MS. DJURDJEVIC:  All right.  So let's move on to issue number 9 and -- any preference in who is going first?


MR. GARNER:  I was going to ask to go first.  It was my request to go to 9, because it was the last issue I was going to cover.  And my colleague, Mr. Harper, is going to cover the remainder of the issues.


So if I might, we didn't ask a question on this.  But as I indicated during the break, we are left confused with what API is proposing with respect to the funding variance of 173,534 that you are seeking to recover.  And we are left even more perplexed after reading the response you had to -- I think it's 49.1-STAFF-41 funding variance, where you indicated the amount you were seeking wasn't retroactive rate making.


I am wondering, since I have you here in person, if you can help us through the history of this with GLPL, the predecessor you purchased the company from, and just explain to us how this arose, and why it isn't retroactive ratemaking and why the concerns raised by Board Staff that, as I understand from their –- the insinuation in their question is that the matter was dealt with and is now behind the company.

Can you help me with that?

MR. TAYLOR:  So I think that we can provide background on the issue to help you understand it better, but as far as explaining why it's not retroactive ratemaking, to me that's a legal issue and I don't think this is the appropriate forum to deal with legal argument.

We will be making, presumably later in the proceeding, legal submissions, at which time we will make it abundantly clear as to our position on the legal issue as -- with regard to retroactive ratemaking.

You know, typically in that situation we would file a brief of authorities, we would talk about the law, because retroactive ratemaking is a legal concept.

So in the context of this technical conference, we are not prepared to argue the law today, but we can certainly help you understand the issue better.

MR. GARNER:  Well, thank you.  And I certainly understand your concern.  I am not looking for a detailed justification about the law.

Mr. Taylor, where I was really going to was the interrogatory itself responds by saying API does not propose to adjust the historic discounts.  So to your point, I think maybe if you explain why that is, maybe that's where I am losing the train of logic that you have.  And I think that's where I'm really going.

MR. TAYLOR:  The historic discounts were -- you are talking about the $28.50 per kilowatt-hour -- sorry, per customer per month, we are not proposing to change that.

The rural and remote rate protection subsidy that was provided to API's customers, we don't dispute that that amount was incorrect.  We think that the 28.50 was correct, and that is why we are not proposing to change that rate in any way whatsoever.

MR. GARNER:  So maybe now, if you have no objection, to let API respond.

MR. TAYLOR:  Okay.

MR. LAVOIE:  So if I were -- the triple-R regime that was first announced in 2003 and applicable to the API distribution utility, Great Lakes Lower at the time, was determined on a formula that is used in Hydro One rural scenarios, situations, which is, as Mr. Taylor mentioned, $28.50 per month.  And it was derived using the $28.50 per month multiplied by -- our average customer count at the time was 6,824, over the course of a year, which equated to a fixed sum of 2,333,808.

Now, implied within the calculation is inherent variability; there are customers that Algoma Power had taken on from the period 2003 to 2007 when the relief of subsidy changed, the formula changed, and in that period of time there was no true-up to what the actual customer count was, and those credits that were appropriately given to the customers over that period of time.  So there is a variability with respect to customers.

And the second variance that existed was how the credit was applied.  And Algoma Power had a bimonthly billing system that it applied to its residential customers, and inherent in a 28.50 per month -- it sounds simple, but the months don't have the same number of days.  And therefore over a bimonthly period, you have to make a billing assumption within that calculation.

And we had done so very similar -- identical, actually, to the fixed monthly charges that are applied as part of our rate structure, applied on a 30-day month basis.

So those two variances that occurred over a period -- actually 2002 to 2007, had accumulated within an account that we are now seeking to recover.

So we feel that this type of variability has to be occurring within the Hydro One system and would be trued up at some periodic basis.  You could never be trued up on that number.

So we believe we are asking for the mechanical -- the relief of that mechanical nature of the relief mechanism that was in place at the time.

MR. GARNER:  Okay.  Thank you.  And also that helps me understand what Mr. Taylor was indicating about the 28.50.

Is there a way for you to allocate or distinguish between the amounts of the two variabilities?  You said basically there is customer numbers and there is the billing problem, so that 173,000 is a combination of those two variances; is that correct?

And I guess the next question is:  Can you break those out?

MR. LAVOIE:  We provided a table of the payments and credits in table 9.8.1.1, but we don't have that --


MR. GARNER:  I'm not at this stage, but what dawns on me when we review this is there may be an argument for one part of that and not the other part.  And therefore would you be able to create -- or know that difference?

I am not going to say I am going to make that argument; it just dawns on me it could be...

MR. LAVOIE:  I am not 100 percent certain that we have it in the format that you are asking for, but we do have a calculation for the number, so --


MR. GARNER:  Could you undertake to provide that number?

MR. LAVOIE:  Yeah.  Yes, we will do that.

MS. DJURDJEVIC:  Okay.  That will be undertaking J1.4, and can we just get that stated on the record?
UNDERTAKING NO. J1.4:  TO PROVIDE A MORE DETAILED CALCULATION ON THE VARIANCE, SHOWING THE VARIABILITY WITH RESPECT TO CUSTOMER NUMBERS AND THE AMOUNT DUE TO THE BIMONTHLY BILLING ISSUE.

MR. GARNER:  Well, maybe I will let the parties say what they think the undertaking is, is the best way to...

MR. LAVOIE:  API will seek to provide a more detailed calculation on the variance.

MR. GARNER:  Which shows the two parts?  One, the variability with respect to customer numbers, and, two, the amount due to the bimonthly billing issue?

MR. LAVOIE:  Right.

MR. GARNER:  Thank you.

My next question is -- you said this variance was occurring between 2002 and 2007, and you had booked it into an account.  Did this account have the Board's prior approval?

MR. LAVOIE:  We implemented the mechanism through a Board order.  We did not seek any particular approval on this account.

I think we felt that it was inherent in the way the application of the subsidy worked that there would be a mechanical remainder, so we do not have a specific approval for this account.

MR. GARNER:  And when you say "we," the -- API took over the GLPL at what point in time in this exercise?

MR. LAVOIE:  October of 2009.

MR. GARNER:  So when you say "we" --


MR. LAVOIE:  I guess I am speaking as the --


MR. GARNER:  -- who is that?

MR. LAVOIE:  -- the licenced distributor.  So Great Lakes Power, at the time, did not seek any specific approval on this particular account, if we were to term it as a deferral account of sorts.

MR. GARNER:  Okay.  Why I ask is that I wonder whether -- how the people at the company at that time understood the Board to know that a variance would occur.  How would the Board understand that there was going to be a variance to be collected if it wasn't notified by the utility?

MR. LAVOIE:  I don't think that there was specific discussion that we had -- certainly in the last rate application that API had, we did notify the Board of the existence of this issue.  So that was the previous application to this one.

2009-0278 was the proceeding, so we have noted the issue in that proceeding.

MR. GARNER:  That is when you raised it with the Board the first time?

MR. LAVOIE:  We raised it with the Board, yes.

MR. GARNER:  Sorry, what was the Board's response to you raising it?  Was there any response?

MR. LAVOIE:  The Board was silent on the issue.

MR. GARNER:  Okay.  I think those are all my questions on that.

MS. DJURDJEVIC:  Okay, thank you Mr. Garner.  Mr. Aiken, do you want to go next on issue 9?

MR. AIKEN:  I would, but I don't have any questions.

MS. DJURDJEVIC:  Okay.

MR. ADVANI:  Board Staff is next.

MS. DJURDJEVIC:  Board Staff, okay.
Questions by Mr. Advani:


MR. ADVANI:  Just give me a second, please?  So Board Staff has two questions, I will just put it up here.  Okay. As background, Algoma indicated that the "allocations column" in its fixed asset continuity schedule, which is appendix 2-BA, represents the corporate allocation of assets to Algoma. 

Board Staff notes that Algoma has included the corporate allocations in its calculation of the rate base. So the first question is: Are these assets under the control of Algoma?

MS. PARKER:  Okay, just as a general comment on the asset allocations, the allocation of assets and services, the methodology used in this application is consistent with prior applications for both CNPI and API, and has been accepted by the Board in both those applications.

With regard to the allocations of the assets in API, it's basically IT hardware and software that we are talking about. The first part are the assets under the control of API.  Well, the assets are under the control of the people that are managing the finance IT customer service for all of the companies in the Fortis Ontario group. 

So, I mean, therefore I would say, yes, they are under the control of API; they are just not owned by API.  They are owned by CNPI.  Now, we've -- as I said, this methodology going on to part (c), the justification, is consistent with how we have done it in previous applications.  There are alternative methods.  We have felt that this one is the most transparent for allocating assets for rate making purposes, because it's transparent and fair and these allocated assets are in accordance with our shared services methodology.

Part (d) is asking about the services agreement, basically, and whether these are covered.  And our services agreement dated December 15th, 2010, it's in Exhibit 4, tab 5, schedule 2, appendix A, it details the services and the methodology of remuneration, and it's within the intent of that agreement to cover these types of services.

Can you bring it up so I can see (e)?

MS. SABHARWAL:  Can I stop you for a second?

MS. PARKER:  Yes.
Questions by Mr. Sabharwal:


MS. SABHARWAL:  I am Ms. Sabharwal, Board Staff.  You didn’t answer why you don’t have it in OM&As.  You are treating it in rate base, and I just wonder why not OM&A because it is --


MS. PARKER:  You can do it in OM&A, but we have determined that this is the methodology we have been using and it's consistent with our past rate apps.  So, yeah, we – I mean, the option is there, but we felt that this way was a far more transparent way of actually seeing what assets are used where.

Question E is on the -- the party is asking about why the increase in 2011 to 2013.  That was the year that we integrated and implemented the SAP system at Algoma.  That is why the allocations then went up.

MS. SABHARWAL:  But, yes, sure, so you would have more investment, but why is Algoma's share higher, 1 percent versus thirty-three-and-a-half percent?

MS. PARKER:  Because previously they weren't using that asset, okay.

MR. ADVANI:  Okay.  Next question from Board Staff is 9-STAFF-53(s) on RRRP funding variance for the period 2002 to 2007, right?

So Board Staff believes that it would be retroactive rate making to allow Algoma to recover the 2002 to 2007 amounts.  Algoma's interrogatory response relies on section 79.3 of the OEB Act, which states that the distributor is "entitled" to be compensated for lost revenue, and that compensation comes from the RRRP “funding pool” administered by Hydro One Networks Inc.

However, Board Staff believes that all Ontario ratepayers continue to contribute to that pool, as per section 79 4 set out below, and I will read out the two segments from section 79.  As segment 3 says under compensation, the distributor is entitled to be compensated for lost revenue resulting from the rate reduction, and the liability for compensation all consumers are required to contribute towards an amount of any compensation required, et cetera, in order if Hydro One Networks to give Algoma the additional amount from the pool, IES will have to recover it from rates, and those rates would be in respect of amounts that were payable in the past. 

The RRRP regulation 442/01, sections 3 and 4, states that the Board sets the RRRP amount as follows: 
"For the period from the day subsection 26.1 of the Electricity Act 1998 comes into force to December 31st, 2002, the Board shall calculate the amount of rate protection for individual consumers referred to in subsection 79.2 of the Act and in section 2 of this regulation, in a manner that ensures that the total amount of rate protection for those consumers is equal to the total amount of rate protection available under subsection 1."


Continuing:  
"Furthermore, Ontario regulation 335/07, which amends 442/01 provides that the Board sets the RRRP amount by calculating the difference between revenue requirement and forecasted revenues which is rate making exercise, so that adjusting the RRRP that a distributor sees would appear to be retroactive to ratemaking."


And that reads as:  
"For each year in respect of rates for a distributor serving consumers and described in paragraph 5 of section 2, the Board shall calculate the amount by which the distributor’s forecasted revenue requirement for the year, as approved by the Board, exceeds the distributor’s forecasted consumer revenues for the year as approved by the Board."


Also for the years in question, the total amount of the RRRP pool was fixed at 127 million for all distributors.  So if that has all been disbursed, then there is no legislative basis on which to go back and get additional funds from that pool.

So after all this long-winded preamble, here is this short question, question (a):  Why does API believe that it would not be retroactive rate making given the above-noted legislative references.

MR. TAYLOR:  As I said earlier, we believe that a technical conference is not the appropriate place for legal submissions, and the response that is being sought would be a legal submission.

MS. DJURDJEVIC:  Sorry, if I can just clarify.  I appreciate your point, Mr. Taylor.  Is there any information or evidence or any data that your client can provide to perhaps sort of fill in, provide a little bit more information, about this particular aspect of your claim?

MR. TAYLOR:  What are you looking for?

MS. DJURDJEVIC:  Well, I would have to find out exactly what Board Staff needs in order to -- and what's on the record, so I will take that up with them.  I was just wondering if there is anything that you have that hasn't been included in the application or what is included in the application.

MR. TAYLOR:  Well, other than --


MS. DJURDJEVIC:  Maybe during the break we can discuss it with our respective clients and see.

MR. TAYLOR:  Sure.  Okay.

MR. ADVANI:  As a follow-up, let Board Staff try another one, then.  Would it be fair to assume that it was an error in Algoma's billing system, which resulted in more funding being created to the customer than received by Algoma?  So was that difference caused by an error in the billing system?

MR. LAVOIE:  I am hopeful my response to Mr. Garner's question earlier around the mechanics associated with the billing periods and the customer variances, that there was no error in the billing software.  So it was appropriately calculated.

MR. ADVANI:  So you are saying that this difference occurred because it was inherent in the, for lack of a better word, the methodology that underpinned the whole process?

MR. LAVOIE:  I guess the fundamental piece is the $28.50 credit per customer per month.  And two variances occur is -- one is the number of customers do not remain static in any period, and so that variance did occur.  So that's not a billing error; it is the just the actual number of customers actually change month to month, year to year, and that would change the credit given to each of those individual customers.

So that's the calculation.

And then the second variance relating to the period of time by which you would allocate that $28.50, it is on a monthly basis but the number of days on a month change throughout the year.  And when you are billing over a period -- periodic basis, and in particular API had a bimonthly billing system, and so it allocated charges on a monthly basis so the service charge to customers that we were approved to charge by the OEB was applied on a prorated basis, so a 60-day period, or a 30-day month, and therefore that associated credit of $28.50 was applied on the same basis.

So identical to the monthly fixed charges that -- service charges that would apply to a distribution customer, we applied the $28.50 on the same basis.  It wasn't an error in the billing system; it was -- we believe we are not the only utility that applies fixed monthly charges over a fixed basis, so whether it be a 30-day assumption, that was the -- you have to pick an assumption for applying a monthly charge.

So we have done that.  So, again, it wasn't an error in the billing system; it was the methodology by which a fixed monthly charge would have to be applied to a customer.

MR. ADVANI:  Was it a design or methodology error, maybe?

MR. LAVOIE:  It's not an error; it's a necessity of applying a monthly charge.

MR. ADVANI:  Okay.  Thank you.

MR. LAVOIE:  Or in this case a monthly credit.

MR. ADVANI:  Okay.  Thank you very much.

MS. DJURDJEVIC:  Okay.  Since I am out of the loop as to what everybody has already agreed in terms of who is speaking next, does anybody else have questions on this issue?  Or is Board Staff the last one?

Okay.  So now are we -- do we want to start on going back to issue 3?  Is that the order that we are going to do it?  Okay.  Do we want to start that and get partway through it and then break for lunch?  Or...

MR. ADVANI:  We have to do the remaining issues and we also have to do Algoma Coalition.  Their questions are not by issue, so we will do them as a separate group.

MS. DJURDJEVIC:  At the very end?  Okay.

MR. ADVANI:  At some point, as a separate group.

MS. DJURDJEVIC:  The question is:  Do we want to start issue 3 now and then continue through the other issues?  Or do we want to break first?

MR. AIKEN:  Sure.

MS. DJURDJEVIC:  Okay.  We will start with issue 3.

MR. LAVOIE:  We would prefer to keep going.

MR. GARNER:  I am going to excuse myself, with all the parties' permission.  Thanks.

MS. DJURDJEVIC:  So then who will be the first on issue 3?

MR. HARPER:  I can start off first.

MS. DJURDJEVIC:  Thank you, Mr. Harper.
Questions by Mr. Harper:


MR. HARPER:  Actually, the first question I have on Exhibit 3 is VECC-45-TC.  And there is a number of parts to this, and the first part we are looking to clarify whether Algoma is proposing to change the forecasting model for the WSL kilowatt-hours, and hence the load forecast for 2015, and part of our confusion arose out of the fact that in the response to Staff 19(c), that seems to suggest yes.  Whereas in the response to the Staff 30, when it was asked about what were any requirements -- updates to the revenue requirement form required, the answer was no, which would seem to suggest, no, they weren't changing the load forecast.

I am just looking for clarification on this particular issue.

MR. TAYLOR:  Before we get moving on this -- this doesn't need to be on the record.

--- Off-the-record discussion.

MR. FRANK:  Okay.  So on part (a), the response is yes, we do plan to update them, although they are minor in nature.  So it will be updated in due course.

MR. HARPER:  Okay.  Fine.  I guess then, similarly, when we looked at the response to Energy Probe 13(b), that seemed to suggest there needed to be a revision in the assignment of kilowatt-hours between the seasonal and the R1 class, whereas again the response to Staff 30 would suggest that that wasn't the case, that such a change wasn't going to be made.

And again, I just wanted to clarify whether or not the applicant was going to be changing that part of its load forecast as well, from its perspective.

MR. FRANK:  Yes, that part will be updated as well.  Taken together, the impact on the total NSLS load forecast is less than 0.2 percent.

MR. HARPER:  So correspondingly, if we look at part (c) of my question, which was what was the impact on the load forecast and the revenue at current rates, what you are saying is that it would be less than 0.2 percent in both cases?

MR. FRANK:  Taken together, it's less than 0.2 percent on the kilowatt-hours.  So it will be even less than that in terms of the revenue.

MR. BRADBURY:  So if I could pipe in here, we were of the feeling that the change at this juncture in the application process was quite minor, and would probably be best dealt with during the draft rate order process, since really it's not going to be of a material nature and would possibly only serve to confuse the issue.

MR. HARPER:  I guess one thing we just wanted to confirm what your starting point was, and, two, secondly confirm the materiality of it as we go into the ADR in a couple of weeks.  We wanted to know what the starting point is and what is the materiality of any changes that have taken place since the application.

I don't think, from my perspective, given what you are saying is the level of the order of change, I need any updates in response to part (c) of the draft question I wrote, unless somebody else has a comment.  Otherwise, I will let part (c) pass.

So I would like to move on now, then, to VECC-46-TC, and this really has to do with retailers and revenue from retailers.  And we noted in Exhibit 9 of the original application that API was not following the Article 490 of the Accounting Manual, which basically required you to track incremental costs and revenue associated with the retailer charges. 

However we also noted in the response to Energy Probe 19(a) and (b) that you seemed to be forecasting an increase in the level of retailer activity in 2015, and perhaps even further after that.  And we were wondering whether, given this forecasting activity, do you have any plans to start following article 490 of the Accounting Procedures Manual and, if so, when.

MS. PARKER:  If we do see an increase in activity, we will consider starting to track that definitely.

MR. HARPER:  The response to 19(a) is actually forecasting an increase.  Is that forecast based on something you have seen already, or is that forecast just based on an expectation that hasn't been demonstrated by any sort of change in the level of retailer activity to date? 

And I was just wondering, if we haven't seen any increased retailer activity, what is the basis for the forecast change response in the forecast change talked about in Energy Probe 19(a) and (b)?

MS. PARKER:  As far as customers enrolled in retailer programs, we have not seen an increase.  I would have to look at the other questions.  Can you tell me which – 19?

MR. HARPER:  It's Energy Probe 19(a) and (b), and Energy Probe there was asking about why there was a decrease in the forecast level of SSS administration revenues in 2014 and 2015.  The response was that was because of budgeting assumptions that saw a higher level of retailer enrolment, which I assume meant a higher level of retailer activity and more customers being involved with retailers.

I was just wondering now, I guess, given your earlier comments, what's the basis for this forecast level now of higher level of retailer enrolment which is reducing the SSS admin revenues that you are including in your application for '14 and '15.

MS. PARKER:  I am sorry, I am just a little confused here.  The answer to 3-Energy Probe-19(a) said the account is forecast lower.

MR. HARPER:  Yes, the SSS admin revenues, and you are attributing that the fact that retailer activity would be – I assume that retailer --


MS. PARKER:  I would have to look into this further.  Off the top, I don't know.

MS. DJURDJEVIC:  We will have that as undertaking J1.5, and can we state that on the record?
UNDERTAKING NO. J1.5:  to provide a clarification of the basis for the assumption about increased level of retail enrolment activity in 2014 and '15.

MR. HARPER:  Just a clarification of the basis for the assumption about increased level of retail enrolment activity in 2014 and '15.

MS. DJURDJEVIC:  Okay, thank you.

MR. HARPER:  And my final question in this area -- actually it was VECC technical conference Question No. 47, and actually probably rather than turning up the question, because the question was dealing with trying to clarify some of your assumptions about CDM activity you have included in your forecast.

And maybe if instead you can just turn up in your original application in the Elenchus study included as part of Exhibit 3, it would be schedule 6 of the Elenchus study, page 3 of 6.  Maybe just tell me when you have found that.

Actually the page has a table titled table 6.2 on it.

MR. BRADBURY:  Okay.

MR. HARPER:  I want to talk about the second part of this table, which shows the assumed kilowatt-hour savings by sort of calendar year, based on the programs implemented in each year. 

I just want to first clarify that all of these numbers in this table are really annualized numbers.  They don't account for any allowances half-year rule adjustments, or take in account in the subsequent tables; is that correct?

MR. BRADBURY:  That's my understanding, yes.

MR. HARPER:  I just wondered then if we can look at the 2014 programs, and recognizing they are annualized values, you have -- for 2014, you have a value of a little over 1.8 million kilowatt-hours as being the savings in 2014.  Then the number drops to 50,000 in 2015, which --


MR. AIKEN:  500,000.

MR. HARPER:  Excuse me, 500,000 -- thank you, Mr. Aiken -- kilowatt-hours in the test year.

I was just wondering if you can explain the basis for that drop for 2014 programs, in terms of what their impacts are between 2014 and 2015.

MR. BRADBURY:  To be honest with you, it's purely an estimate.  At the time of preparing it, we have no idea what CDM is going to be, particularly in Algoma, and we base it on an estimate.

MR. HARPER:  Okay.  And I guess the same response is would apply, then, for – if you go down further in the chart, you are assuming basically, on an annualized basis, 2015 programs which would be implemented during the test year will result in savings of 250,000 kilowatt-hours.

MR. BRADBURY:  That's correct.

MR. HARPER:  That is purely an estimate.  There isn't really any science to the number at all?

MR. BRADBURY:  No.

MR. HARPER:  Okay, fine -- let me just check.  I think those are all my questions on Exhibit 3.  Thank you very much.

MR. AIKEN:  I have one question on Exhibit 3, it's 3-Energy Probe-40-TC.  It refers to 3-STAFF-19, and Mr. Harper touched on this. 

In this response there is indication that the time variable would be removed from the equation, and the forecast will be updated. 

I am going to go a little bit beyond what Mr. Harper was looking for, and that is what is the impact on the forecasted volumes by rate class, based on the equation that
excludes the time variable?  And I am going to add another component -- is if you could provide that based on the ten-year average weather so we can compare, plus the seasonal changes that you made elsewhere and compare that to your original evidence, but then also do the equation without the time variable and show us, by rate class, if you use the 20-year trend in heating and cooling days.

I don't need a revenue impact or anything, just the volume metric, the kilowatt-hour numbers by rate class.

MR. FRANK:  Okay.  So when I prepared for this question, I was strictly looking at the one that was asked in Energy Probe TC 40, so I can speak to that. 

However, anything regarding the ten-year and twenty-year weather normals, I am going to have to take as an undertaking.

In terms of the impact of the time variable, it's a reduction to the NSLS load forecast overall, like I said earlier, of less than .2 percent.  It's reducing from 153,660,000 kilowatt-hours to 153,388,000 kilowatt-hours.

On a rate-class-by-rate-class basis, when you also factor in the correction for the way the seasonal rate class -- or when you account for the way the seasonal customers have been transitioning over to residential, and the correction in that methodology, perhaps I will take it one step at a time.

Where the filed forecast for R1 was 105,481,000 kilowatt-hours, when the correct methodology is used for moving -- you know, for the migration of customers from residential to seasonal -- sorry, from seasonal to R1, the forecasted kilowatt-hours would be 105,531,000 kilowatt-hours.

And then when the time variable is removed, as well as the seasonal reclassifications is considered, the final forecast for R1 is 105,341,000 kilowatt-hours.

If I move on to seasonal, seasonal was filed with 7,704,000 kilowatt-hours.  When we correct the approach for the seasonal reclassifications, it should be 7,708,000 kilowatt-hours.  And with the time variable removed from the regression, the proposed forecast is 7,693,000 kilowatt-hours.

Finally, for R2, the application was filed with 83,435,000-kilowatt-hours.  Naturally, the seasonal reclassification doesn't impact this rate class, so with the time variable removed, the corrected number is 83,398,000 kilowatt-hours.

MR. AIKEN:  Can I just go back and make sure I have these numbers right?  And I am just looking at the seasonal correction at this point.

The R1 goes up by 50,000 kilowatt-hours, and the seasonal -- I must have written this down wrong, because I have the seasonal going up as well by 4,000.

MR. FRANK:  You know what?  Here is the challenge.

The way -- the methodology used in the original application was that there was a 2014 forecast was taken as a starting point.  321,000 kilowatt-hours was moved from the seasonal rate class to the residential rate class -- to the R1 rate class.

And then, unfortunately, rather than use the 2015 forecast, the original application took the 2014 adjusted forecast and it made a further adjust of 321,000 kilowatt-hours to both rate classes.

So the whole -- the whole forecast for R1 and seasonal was based off of the 2014 NSLS load forecast, so a large part of the correction is actually using the 2015 NSLS load forecast.

That's why it's actually a net -- that is why, when you look at the two of them together, the net is actually an increase.

MR. AIKEN:  Okay.  So you have given us the net results, the corrections and the time variable load, so if you would undertake to do that, provide those three same numbers but using the 20-year trend, as an undertaking, that would answer those questions, then.

MR. BRADBURY:  My only concern here -- and I am not trying to shy away from an undertaking.  It appears to me that we are running these models quite often and we are not really producing a material change.  We have agreed, as Mr. Harper mentioned earlier, we will file an update of rate forecast.

But my only concern is:  Is there some reason, like, is there some reason to believe there is a material change to the forecast?  We haven't seen it yet, and it is...

MR. AIKEN:  Without seeing the numbers, we can't determine it.

MR. BRADBURY:  Okay.  My only -- you have asked the question:  Do you anticipate, I guess -- or you asked the question from the point of view you are anticipating a material change from this?

MR. AIKEN:  If I look at the difference in heating degree days and cooling degree days, and look at the coefficients in the equation that you originally filed, we are talking in excess of a million kilowatt-hour increase, most of which would go to the residentials, I would assume.

MR. HARPER:  To clarify, the original application, while it included the weather data for both the ten-year average and the 20-year trend, did not include a forecast of kilowatt-hours based on the 20-year trend.

So we have nothing from the original forecast to see what the impact of those two are.  And if I can remind you, actually, I believe the filing requirements suggest that a forecast of kilowatt-hours based on the 20-year trend is part of what's expected in the application.

MR. BRADBURY:  I am just trying to understand.  Like I said in the preamble, not that I am refusing to do it, but I am just concerned about the materiality and where we end up after a great deal, but we will undertake.

MR. FRANK:  Just to clarify, the undertaking is to produce an updated load forecast based on the two corrections that are identified, as well as the 20-year load -- sorry, the 20-year weather-normal heating and cooling --


MR. AIKEN:  The 20-year trend, yes.

MR. FRANK:  Yes.  Okay.

MS. DJURDJEVIC:  Right.  That will be J1.6.  Again, can we get that restated for the record -- sorry, JT1.6.  Sorry, it's to provide an updated forecast, updated load forecast?  Is that accurate?
UNDERTAKING NO. JT1.6:  TO PROVIDE AN UPDATED LOAD FORECAST BASED ON THE TWO CORRECTIONS IDENTIFIED, AS WELL AS THE 20-YEAR WEATHER-NORMALIZED TREND.

MR. AIKEN:  Pretty good.

MR. ADVANI:  Okay.  I think Board Staff is next on Exhibit 3.  So it's 3-STAFF-50(s).

And in response to 3-STAFF-19, Algoma stated that in the 2015 rate application, the inclusion of the time variable has added no value and will be removed from an update.

So please confirm and list the regression variables that Algoma plans to utilize, and provide -- please provide the values of the updated coefficients and the constant, along with the standard error.

In other words, please provide the final model that you plan to use after having removed the time variable.

MR. BRADBURY:  We will provide that data.

MR. ADVANI:  So that will be in an undertaking?

MR. BRADBURY:  Yes.

MS. DJURDJEVIC:  That will be Undertaking JT1.7.
UNDERTAKING NO. JT1.7:  TO PROVIDE THE FINAL MODEL ALGOMA PLANS TO USE AFTER HAVING REMOVED THE TIME VARIABLE.

MR. ADVANI:  So then just to confirm that this new model, the new equation will have a constant term or a heating degree day term or monthly cooling degree day term, and a peak days term, and the time coefficient will be absent; is that correct?

MR. BRADBURY:  That is correct.

[Witness panel confers] 

MR. BRADBURY:  Just to clarify, Randy maybe you can weigh in?  Are both of these undertakings asking basically for the same thing?

MR. AIKEN:  I can't speak for Staff, but I am assuming under part (a), Staff is looking for the regression statistics.

MR. BRADBURY:  Yes.

MR. AIKEN:  In the response to 3-STAFF-19, you provided the coefficients and the standard errors for each of the four coefficient.  But haven't provided the MAPE or the adjusted R-squared, and all the other good stuff that statisticians like to talk about -- which I include myself among.

I think that is what Staff is looking for there.

MR. BRADBURY:  Okay, yes, that is not a problem.

MR. AIKEN:  Then I think part (b) is probably close to what I just asked for.  They were looking for the updated load forecast based on this equation.  I had asked for it broken down by rate class, and those are the numbers that have been provided.  And then I have asked for those numbers under -- with one of the explanatory variables being -- sorry two of the explanatory variables, the two degree day numbers being changed.

MR. BRADBURY:  The gist of what I am saying is when we provide the updated forecast for you, we ought to have met the requirements of what the Board is asking for.  The one response -- the one model or one forecast should meet both requirements.

MR. AIKEN:  I think so, yes.

MR. BRADBURY:  So the undertaking for Board Staff should be to give them the equation -- or whatever you call them -- and the part (b) of what would have been the Board's undertaking is essentially the same material that we are going to provide to you in the previous undertaking.  It's going to be a forecast.

MR. AIKEN:  Yes, but I think the forecasts are different -- my forecast is based on a different degree day forecast than what I think Staff is asking for.

MR. BRADBURY:  I am going to come back to what I said earlier that, you know, are we -- I don't want to do it for the sake of doing it.  I mean, if what Mr. Harper said and what you said is what you have asked for meets the falling requirements -- Bill referred to that the falling requirements actually say a 20-year forecast.

When we provide those numbers, it ought to meet what the Board is asking for -- I don't want to produce something that is .1 percent variation between the two.  I am just trying to be reasonable.

MR. HARPER:  Excuse me for interrupting, but hasn't Mr. Frank already orally provided the numbers that correspond to the updated load forecast for part (b)? 

I thought that is what we got orally here.  There is the complete updated load forecast, I thought, but --


MR. BRADBURY:  You may well.  I am going to admit that I am not fully versed in some of this. I just want to avoid unnecessary work and future confusion.  Are we good?  Okay, we’re good.

MS. DJURDJEVIC:  Do we need to revise the wording of that undertaking?

MR. BRADBURY:  No.

MS. DJURDJEVIC:  Let's just for to be clear for the record.

MR. ADVANI:  Just to rephrase it in simple terms, all Board Staff is asking is that you have deemed in your response to 3-STAFF-19 that the time variable adds no value.  Fine, we accept that.  So please give us the final equation that you intend to use.  And once you give us the final equation, what is the updated load forecast that corresponds to this final equation.

MR. BRADBURY:  The problem in that statement is "intend to use".  I don't want to use “we intend to use it”, because we may very well end up using what Mr. Aiken and Mr. Harper's referred to.  I think the forecast --


MR. AIKEN:  What you propose to use.

MR. BRADBURY:  Propose to use, okay. I just don't want to get tripped up like when we get further down the road say, well, you said you were going to use this, but now you are going to use something else.

MR. AIKEN:  Yes.

MR. BRADBURY:  Okay, propose to the use.

MR. ADVANI:  I think propose is a better word, thank you.

MS. DJURDJEVIC:  Just to clarify, it is to provide the final equation that API proposes to use and what forecast -- with the forecast results or, no?

MR. ADVANI:  With the updated forecasting equation.

MS. DJURDJEVIC:  Okay, all right.  As long as everybody else is clear on it, okay.

MR. ADVANI:  Okay, thank you. So we are done with exhibit 3.

MS. DJURDJEVIC:  Okay, so now we would be going on to issue 5, because we have already dealt with issue 4.

MR. ADVANI:  Yes, I believe 5.  There is nothing on 5. I think what remains now is questions from VECC on 7, questions from VECC on 8, and all of the questions from Algoma Coalition.

There are no further questions from Board Staff, and there are no further questions from Energy Probe.
Questions by Mr. Aiken:


MR. AIKEN:  If I can just jump in?  On Exhibit 6 -- it's a question I didn't ask, but it's a standard request before you go into an ADR, and that is to have an updated revenue requirement work form to reflect any changes or corrections that the utility has accepted through the interrogatory process, along with a tracking sheet that shows starting with the interrogatory response and the change to rate base, or OM&A, or whatever.

It's a standard approach we have for starting an ADR, so we are all starting on the same page.

MS. DJURDJEVIC:  Can we make that an undertaking JT1.8?
UNDERTAKING NO. JT1.8:  to provide an updated revenue requirement work form to reflect any changes or corrections that the utility has accepted through the interrogatory process, with a tracking sheet that shows starting with the interrogatory response and the change to rate base, or OM&A, or whatever.

MR. BRADBURY:  Still to this point, I am not aware -- well, okay, so -- this is where, you know, we try to avoid the confusion that we have seen in the past. 

Okay, so you have asked for new variations of our load forecast, load forecast will affect our cost of power, will have a ripple effect and it will change revenue work requirement. 

To date, you know, we said there is what -- less than .1, .2 percent variation in the load forecast, based on what we talked about in the interrogatories.

Now what we have talked about here, and providing you with the forecast that you asked for, may change it again.  So I beg the question, when we give you the revenue requirement work form, what do we use?

MR. AIKEN:  What you are proposing.

MR. BRADBURY:  Okay.  So theoretically, I can change what I am proposing in that -- so I see the results from Andrew's work on the load forecast, I can say, well, we are going to go with that load forecast and this is what we are proposing, and I will detail it as one the changes?

MR. AIKEN:  That's right.  Quite honestly, if there are not any other changes other than the load forecast, I would not be offended if you said, you know, we haven't updated the revenue requirement work form for that one small change.

MR. BRADBURY:  That was my intent when I responded to the interrogatories.  We said that in our response to the interrogatories, that there is no update because at that point we were looking at a very minor variation in the load forecast which, when you filter through all the various building blocks, would have had a very immaterial change in the revenue requirement rate design.

MR. AIKEN:  Yes, I am just not aware whether there is other changes in OM&A, or depreciation, or capital additions that you might be proposing as a result of the IR and technical conference questions.

MR. BRADBURY:  Yes, okay.  The technical conference questions I accept.  So coming out of this technical conference, if we think it merit as change, yes, we will provide is a revenue requirement work form with a -- I guess what we will ask for is a catalogue of changes or references.  Thank you.

MS. DJURDJEVIC:  Is everybody clear on that undertaking, or do we need to restate it?  I understand it was provide updated revenue requirement work form with catalogue of --


MR. BRADBURY:  Is that necessary to do that as an undertaking, because it’s --


MR. AIKEN:  Put in the phrase “if needed”.

MR. BRADBURY:  If needed, yes.

MS. DJURDJEVIC:  Okay.  I think this might be a good time to break for lunch.  We can go off the record now.

--- Luncheon recess taken at 12:29 p.m.

--- On resuming at 1:22 p.m.

MR. ADVANI:  I think the only party that has questions on issue 7 is VECC.  Correct me, if I am wrong.
Questions by Mr. Harper:


MR. HARPER:  The first question I had was with respect to the Staff Interrogatory 32(a), and actually the question itself is VECC-54-TC.  In looking in -- the question basically reads:  The application and the associated response to Staff 32(a) suggests there are issues with the cost allocation as it applies to Algoma, and was characterized as its unique circumstances. 

However, isn't one of the main reasons that the status quo ratio for the season was now 55.03 percent versus the 115 percent approved in your last rate case, the fact that the cost allocation used for 2011 did not include inputs for density, whereas the current application model does?

MR. BRADBURY:  No doubt the trigger to raise an awareness, or try to understand what's happening in the cost allocation model, was the change in allocation to seasonal class as opposed to the previous rate application 0278 and this one. 

It doesn't detract from my issue that the cost allocation model -- and I am going to say may not, may not properly -- may not properly assess the unique attributes of Algoma.  And one of the things I have learned, and it's really post 0278 after spending more time in Algoma and understanding more of the distribution system, is that Algoma is a very large geographic area.

But not only that; it has widely disbursed communities.  You know, you’ve got Wawa to the north, Bruce Mines, you have Dubreuil Forest Products which is displaced.  You have large customers like the Searchmont ski area, the Richmont Mines.  They are very widely disbursed and when you look closely at the distribution system in Algoma, what you see is -- and I refer to them in the application as express feeders -- what you see is a very material amount of the rate base or assets that serve the function of connecting the supply points, or the "transmission system", the IESO-controlled grid, to these pocket of loads.

And the one that we really got into some discussion in the rate application was the line number 4.  You know, we put photographs in there and maps, and we tried to show --and hopefully, I am right; I am going from memory.  Line number 4 extends roughly 89 kilometers across country.  It follows railroad tracks, it goes through open expansions of wilderness and it doesn't serve any customers.  It picks up a few customers near what I think is an old railroad siding – Limer, is it?  Am I saying it right?  And it goes on to feed a large mine.

And that's typical of many of the pockets of distribution that exist.  You go east of Sault St. Marie, it’s the same thing.  You have some long stretches of line and then you have a grouping of customers.  As well, you have areas where is a smattering of customers all throughout; they are very loosely or low density customers. 
And when you look at that type of configuration -- and that is why I have used the word in quote "subtransmission".  I am not saying they are subtransmission; we have all come to accept subtransmission as being defined -- in Ontario as being defined as what Ontario Hydro has in their 44 KV system, and I am not saying it's that. 

But what I think is that you have these assets, and maybe there ought to be a certain amount of componentization, like a cost allocation model that componentizes assets, and you look at these assets as being demand related assets.  If you did a transmission, if you looked at a utility that is more integrated generation transmission distribution, you look at the transmission distribution component of it, the transmission is dealt with differently than is the distribution.

I don't know the answer.  I think Board Staff, in one of their interrogatories, asked me if I tried something else; the answer is no, I haven't. 

But to answer your question, yes, the allocation to seasonal customers triggered -- I didn't see it in the last one, and I didn't go looking for it.  I wasn't as familiar with the distribution system in Algoma.  I went there and folks told me about it.  But until you actually really get there and see what they face -- you know when we said Algoma is different, I can safely say, without any doubt in my mind, that Algoma is different.

But I think a lot of their assets provide a transmission-like function, which will be a demand allocator, and I think may have given you a different result.

MR. HARPER:  Getting back to my original question, which was the fact that there was no density factor used in the 2011 cost allocation model gave rise to a revenue to cost ratio of something in the order of 149 percent on a status quo basis; is that correct?

MR. BRADBURY:  Something in that -- I don't remember the exact number.

MR. HARPER:  And that led to, as part of settlement agreement, an agreement to reduce the rates for the seasonal class, so as to come to the top end of the Board's range, which was 115 percent, correct?

MR. BRADBURY:  We didn't reduce them a lot but, yes, in the general sense, that's a correct statement.

MR. HARPER:  The status quo -- the revenue to cost ratio coming out of 2011, as quoted in your current evidence, is 115 percent; correct?

MR. BRADBURY:  Yes, it is.

MR. HARPER:  And if you had included the density factor in the 2011 cost allocation model, is it not correct that per Staff 34 -- or I think it's one of the VECC IRs --- you would have ended up with a revenue to cost ratio of 105 percent, as opposed to 149?

MR. BRADBURY:  That's correct.

MR. HARPER:  So through the settlement process, we probably wouldn't have come to an agreement to significantly reduce the seasonal rates as we did, because they would have been within the Board's range to begin with?

MR. BRADBURY:  That's correct.

MR. HARPER:  So isn't it fair to conclude that part of the reason why we are seeing the reversal and the pressure upwards now for seasonal rates is because of the lower revenue to cost ratio?

I am not saying anybody did anything wrong at that time.  It was the fact that there was some error and/or omission, or for some reason, the density factor was not included as it should have been probably in the 2011 cost allocation.

MR. BRADBURY:  That's a fair extrapolation.

MR. HARPER:  That is all I really was wanting --


MR. BRADBURY:  I felt it necessary to try and explain my rationale.

MR. HARPER:  No, and actually that was useful, because that's probably a good lead-in to my VECC TC 55.

MR. BRADBURY:  Yes.

MR. HARPER:  I just wanted to clarify.  You were going through the nature of the system, and I wanted to clarify -- it's a good thing I am not a lawyer, I can't even quote the right regulations here.  But under -- actually it’s both Ontario Regulation 45.07 and 44.201, that it's your total kilometres of distribution line that's used, including those ones you have described as like subtransmission, in calculating the fact that you have got less than seven customers or six customers -- or yes, less than seven, less than six customers per kilometer of line, and therefore you qualify for the RRRP; correct?

MR. BRADBURY:  Just so everyone knows, we have jumped ahead one.  We have skipped over three questions.

MR. HARPER:  I think your one response has addressed the issue I was raising there, so I am happy to move on.

MR. BRADBURY:  I would like to clarify (b), part (b), just to be -- so there is no doubt in anyone's mind.  But I will answer your question.

In my view, the qualification of the RRRP and the density, yes, all lines are included in that.  But I don't personally see any parallels or anything between.  I think -- I would hate to see that someone would say, you know, go back to the old argument: Well, you get RRRP, so what else are you looking for.  So I don't want to go there.

But I will acknowledge that all lines, including the ones that I mentioned that serve that transmission like functionality, is included in that calculation.

MR. HARPER:  All I was trying to point out is that for purposes of distribution lines as defined in the regulation, you have included all lines including these quasi subtransmission lines.

MR. BRADBURY:  Yes, and what I am saying is that if you look at componentized methodology of cost allocation, if you looked at the components that feed or service each type of customer, those components would get allocated differently than they would if they were just pure distribution.

MR. HARPER:  Now, did you want to go back and --


MR. BRADBURY:  Yeah, I would like to touch on (b), just so everyone is aware.  In (b), you mention that -- you talk about the R1 and R2 class rates do raise; from a customer's point of view, they do go up more during an IRM phase than what -- or they have because of inflation and whatnot over the last period.  They have risen more than those customers who are subject to the pure IRM price cap.

So street lights and seasonal customers see the price cap index, which have -- in that three or four period, it has been from 0.8 percent to 1.3 percent, whereas the R1 and R2 customers have risen consistently by 3.7 and roughly 3.75, 3.76.

However, from a cost allocation point -- and this is why equivalent rates become such an important issue -- the Board -- and I think you were at the table -- will not allow us to get more money than price cap allows, so our revenue requirement or what we can get can only rise by the price cap index, which -- like I said, 0.8 to 1.3.

So what they do is if the rates that the R1 and R2 customer actually pay us exceed that, then they claw back the differential from the RRRP.

So when we create the equivalent rate, those -- the equivalent rates for all four customer classes would have risen at the same rate, so therefore not affecting the cost allocation.

MR. HARPER:  Okay.  Fine.  Thank you.  That's probably a useful clarification, and helps my understanding as well.  Thanks.

I guess I would like to move on to VECC-56-TC, and this is following up on the response you gave to VECC Interrogatory No. 33.

MR. BRADBURY:  Yes.

MR. HARPER:  And with respect to part (a) of VECC 33, could you please confirm that the discrepancy -- we are talking here about -- I think we were talking here about the differences in revenues at current rates in the cost allocation, that are used for purposed of cost allocation versus those that are used in the revenue requirement work form, if I recall correctly.

MR. BRADBURY:  Actually, it was one of the tables.  The revenue requirement work form was based on the revenue requirement.

MR. HARPER:  Right.

MR. BRADBURY:  But there was a table that you referenced, and I think there was a discrepancy of, I am going to say, maybe $70,000 or something like that over the -- I can't remember offhand.  Yeah, and I came back and said it's primarily due to the rounding of where I -- every year, including 2011, I have to calculate the equivalent rates.

And it does introduce an error, but what I found after you asked this, I used the actual RPP money that is being paid to us in 2014.  And that includes some smart meter costs that were allocated to the R1 class, that contributed to that, what I call the rounding error.

MR. HARPER:  But is not also a contribution to the difference between those two the fact that in the cost allocation model you are using the equivalent rates for seasonal and street lighting, whereas in the revenue requirement work form you used the approved rates, which are slightly different?

MR. BRADBURY:  They are slightly different.  They have a slightly different fixed/variable split, and then that contributes to it as well.

MR. HARPER:  And for the seasonal class, could you confirm that the equivalent rate leads to a lower status quo revenue-to-cost ratio than if you used the actual approved rate for that class?

I mean, if the revenues are lower, then the revenue-to-cost revenue will be slightly lower as well?

MR. BRADBURY:  Yeah, the -- yeah, because I would have moved the revenue somewhere else.  Yes.

MR. HARPER:  And that, too, would be another contributing factor to the fact that we are seeing this lower seasonal revenue-to-cost ratio in the current cost allocation run?

MR. BRADBURY:  A small part of it.

MR. HARPER:  Okay.

MR. BRADBURY:  But, again, I reiterate that if we get away from the equivalent rates in any way, like -- there is more than one way to do it, but we have accepted the equivalent rates are a way, and it provides that continuity all the way back to 2007 when the Board approved this current regime of RRRP funding.

And so it's a -- maybe it's a casualty of that, that you do get that minor variation, but I am afraid that if you break that and say:  Okay, I am going to use my actual rates, somewhere along the line you have got to keep that continuity so you know how all the rates move through.

And as presented in the evidence, there were tables for every year from 2011 Board-approved that showed how the equivalent rates and the actual rates all tied together.

MR. HARPER:  I can understand why you are using the equivalent rates for R1 and R2 because of the RRRP subsidy.  I guess it was really more for the seasonable and street lighting classes, where the only difference is really the -


MR. BRADBURY:  Is the variable split.

MR. HARPER:   -- is the rate design changes which have been approved by the Board over time?

MR. BRADBURY:  The total revenue you calculate is, again, a small error, but it's the split between the fixed and variable components that have to be adjusted at the end of the day.

MR. HARPER:  Okay.  Fine.  So those are all my questions on Exhibit 7, so if anybody else has any questions now would be a good time to ask them.  Or I can move on to Exhibit 8.

MR. ADVANI:  I don't think any other party has provided written questions on Exhibit 7.  So if there are no questions from the floor on Exhibit 7, then we can move to Exhibit 8.  And the only party that has provided written questions for Exhibit 8 is also VECC.

MR. HARPER:  All right.  And my first question on Exhibit 8 is VECC-57-TC, and here we are referring to the application -- I will read the question:

"The application 'adjusts' the service charge for Seasonal from the $23.51 based on the equivalent F/V split to $26.75 with a resulting fixed proportion of 50.2%.  The text states that the purpose is to 'maintain continuity with existing approved rate structures'.  However the response to VECC 37(e) indicates that the fixed % based on the currently approved rates would be 56%."


And I guess I am just wanting to reconcile those differences.  If you are trying to target in on the approved rate structure, why do we come up with this difference in the fixed/variable split?

MR. BRADBURY:  The intent of my word was to say we are targeting the 26.75.  Not the percentage itself, but the actual dollar amount.

And while I went back and searched through the settlement agreement, I couldn't find text, but I -- in my own personal notes and recollection, I know the parties of the day felt that 26.75 was the target number for the seasonal and we ought to stay within that range.

Same with street lights.  I make a fixed/variable adjustment of street lights and bring that fixed component back in line, the 98 to $1 per connection.

And I did the same thing here, and the intent was only to bring it back to the 26.75.

MR. HARPER:  But that 26.75 was an approved number for 2011; correct?

MR. BRADBURY:  Yeah.  And I drifted away from it in one of the IRMs and then we came back.

MR. HARPER:  But the total cost to be recovered from each customer class has changed between 2011 and 2015; correct?

MR. BRADBURY:  The intent --- my notes that I have in my rate design talked about the floor and ceiling for that fixed amount for that rate class, and that we should make efforts to keep the fixed amount that we charge them at a constant value.

Again, it's not mentioned.  You won't find it in this settlement agreement but in my own notes.  And for that reason, I tried to target back into that fixed dollar amount.

And as you can appreciate from the application, there a great deal of sensitivity about the seasonal rates from that customer.

MR. HARPER:  No, I was just curious, trying to reconcile the statements that were in the rate application.

MR. BRADBURY:  I should not have said the percentages; what I was targeting was the absolute amount.

MR. HARPER:  Okay.  Fine.  Thanks.  My next question, which is VECC-58-TC, I was just curious.  This is dealing with the bill impacts and particularly the bill impacts for street lights.

MR. BRADBURY:  Yes.

MR. HARPER:  And the calculation you do for the bill impacts for street lights, in doing the calculation you use -- I wasn't too clear whether you were using 428 or 438 connections.

MR. BRADBURY:  There was a confusion there, I agree.

MR. HARPER:  Well, either one, in conjunction with 25,000 kilowatt-hours, that was the sort of, you know, connections, kilowatt-hours you were using in the bill impact calculation.

I was wondering why that split was -- why that split was appropriate when, for the total class, the number of connections is 835, which is barely twice the number of connections you used in the bill impact calculation, whereas the total number of kilowatt-hours for the class is over 800,000, which is orders of magnitude higher than the 27,000.

How representative is that 428 connections in conjunction with the 25,000 kilowatt-hour usage representative of a street lighting customer and therefore a reasonable bill impact representation?

MR. BRADBURY:  I misunderstood your question, then.  Yeah, I could refine that.  It did come up.

What I thought I had when I took those -- and maybe I made a data entry error -- is I took a typical customer.  We have all of our customers in sort of a database.  I picked one customer, because there are many street light customers in Algoma; I picked one and I may have entered one of the -- it would have calculated the bill properly for those metrics, but maybe the metrics aren't -- I can produce another one that's a typical customer.

MR. HARPER:  Well, I guess the issue is, as we talked about before, the fixed variable for street lighting is not staying constant over time.

MR. BRADBURY:  No.

MR. HARPER:  So if it changes, depending upon this split you use here, the impact -- it will have an impact on the bill impact.

MR. BRADBURY:  We have tried to keep the fixed amount roughly a dollar.  I think it was 96 cents, and went to 98 cents during the IRM process.  If I recall, it is still around a dollar on this one.  I don't remember the exact amount, but we are trying to keep a fixed amount.

As you recall in the previous one, there was no monthly service charge.

MR. HARPER:  Yes.

MR. BRADBURY:  Basically we all agreed there should be something.

MR. HARPER:  Would it be much effort just to, based on your current application without doing any updates or anything, try and to do a bill impact for street lighting using a connections kilowatt hour split that is more representative of a customer?

MR. BRADBURY:  I will pick one representative. I can't identify them, but I will pick a municipality and I will produce a bill for that municipality -- a bill impact.  So that is an undertaking?

MS. DJURDJEVIC:  Yes, that will be undertaking JT 1.9.
UNDERTAKING NO. JT1.9:  TO PRODUCE try a bill impact for street lighting using a connections kilowatt hour split for a representative municipality


MR. HARPER:  And my final question is VECC-59-TC; this is again dealing with the derivation of the street lighting rate.  Here when we look at the street lighting rate derivation in your application, it uses the number of devices, which was 1,018, in order to determine the rate.  And in the revenue reconciliation that you have in Exhibit 8 at tab 2, that also uses the number of devices, 1,018, to determine the revenues. 

However, when I look at the proposed tariff schedule and also the bill impact calculations we talked about, in both cases the monthly service charge is determined on a per connection as opposed to a per device basis.

MR. BRADBURY:  That's correct.

MR. HARPER:  We were wondering is the tariff sheet incorrect, or has the rate derivation been done incorrectly?

MR. BRADBURY:  I believe they have both been done correctly.  The tariff sheet is right; we charge on a per connection.  But we may have used device in -- per connection, in the way we look at it, is per light fixture.  Now there may be two light fixtures with one connection, and I think during the application we said there is -- for the 1,018 light fixtures that we service, there is eight hundred and something connections to our system --


MR. HARPER:  835.

MR. BRADBURY:  So from a services point of view that goes into our cost allocation model, we have 800-and-some-odd connections to our system, which would reflect properly from in the cost allocation.  But from a billing point of view, we bill per connection, meaning the number of devices or number of luminaires that we are lighting.

MR. HARPER:  So that really, in its most clearest form, the tariff should would say per device, and that is how you are really interpreting per connection on the tariff sheet, then.

Okay, fine.  Thank you, those are all my questions. That is what I was wanting to clarify.

MR. ADVANI:  Can I just ask one question based on that, please?

So are you saying that in a tariff sheet, one connection is equivalent to one device?

MR. BRADBURY:  One connection is one luminaire or one light bulb, yes.

MR. ADVANI:  So that's like one device equals to one connection.

MR. BRADBURY:  Yes, and it has traditionally always been like. The only time there was any confusion introduced is -- and again, I was on the cost allocation group working group, and there was a lot of representation that not every light bulb has a service connection to the distributor system. 

So some of the more modern distribution system like maybe we see in Richmond Hill or in Toronto, you may have a subdivision with thirty light standards, but only one connection to the distribution system.  And in order for the cost allocation model to work properly, when you allocate the services costs to the street lighting functionality, you went back and you said, okay, not every light as a service; there is not an asset, a piece of service wire associated with every light.  And that is why there’s two numbers. 

But the tariff sheet is correct, and the majority of utilities are -- I think all utilities connection is a device, the number of lights.  So every bulb we turn on is a device or a connection. 

So the only confusion between device and connection is for the sole purpose of doing a proper cost allocation.

MS. DJURDJEVIC:  Okay, is that it for issue 5?

MR. ADVANI:  Yes, I think all questions by Board Staff, Energy Probe and VECC have been answered and the questions that remain are from Algoma Coalition.

MS. DJURDJEVIC:  All right.

MR. HARMER:  Our first question -- I am just looking at the screen here.  In our first interrogatory, we were concerned that the response didn't exactly answer or provide the information we were looking for.  And so we wanted some additional information to be provided with respect to that first Interrogatory No. 1 of Algoma Coalition.

So part (a) of that question reads: It appears that Dubreuil Forest Products is treated like a customer and not an embedded distributor.  Algoma Power applies the RRRP to – DFP, for short -- at a wholesale level.  Why is this appropriate, given their status as a distributor?

MR. BRADBURY:  In answering these questions regarding Dubreuil Forest Products, I am going to try to be as clear as I can in a very unclear subject.

Dubreuil Forest Products is a licensed distributor of the Ontario Energy Board, but the Ontario Energy Board does not set their rates.  We traditionally had them as a customer.  They remained as a customer under the current RRRP regime, and we are directed or guided by the Board that since they are not rate regulated, that we bill Dubreuil Forest Products as a residential R2 customer and they are provided the RRRP at the retail level, while the distribution license really is afforded to Dubreuil Forest Products for reasons other than rates.

I am not privy to the all of those reasons, but they do receive both the RRRP funding and the Ontario clean energy benefit.

MR. HARMER:  Thank you, very much.  That does answer our number -- our question 1(a).  So moving on to part (b) of that, still with respect to Interrogatory No. 1, what effect would there be to rates if the RRRP was not applied to DFP?  It's a two part, and the second part to that would be how would that affect customers in that class and API's other customers?

MR. BRADBURY:  So if they weren't – theoretically, if they were not a retail customer and they became a wholesale market participant, or an embedded distributor in the traditional sense, then their loads and demands would be adjusted at the supply points of Algoma. 

So the numbers in the forecast that we have talked about here a lot today would not contain the numbers that we present.  It's a zero sum game basically.  If we don't have them and we don't have the revenue requirement, then we don't receive the RRRP funding.  Basically the RRRP funding is the difference between the rates we receive and the revenue requirement. 

So theoretically, I assume they would get it, and it would be -- it's a very difficult question to answer, but theoretically, it would be a zero sum game; there would be no change.  We would not see that cost.  We would not see their cost and we would not see their revenues.  It's deducted through settlement at one of our source points, and that would be handled by the Independent Electricity System Operator.

MR. REID:  Can I just ask a follow-up on that?

MR. BRADBURY:  Yes.

MR. REID:  Did you consider the issues?  Or is that strictly an off-the-top-of-your-head kind of...

MR. BRADBURY:  No, I thought about it, but, you know, it's -- I don't know how to answer your question, really.  It's a moot point, from the point of view that they are a customer.  So if any customer leaves your system, it changes your cost dynamics.

We are not talking about Dubreuil -- now, Dubreuil is a community and a mill.  We are not talking about them up and leaving and just turning off the power.  So in some manner, the power still has to flow through our system to get there.  Now, we own the distribution system between them and the transmission delivery points.

I am assuming if they were rate-regulated and the Board were having them here for a rate discussion the same as we are today, then they would produce a revenue requirement, and may or may not be subject, based on their costs, to RRRP funding.  I really don't know.  It is very speculative and, I think, very difficult to answer.

You know, it's...

MR. REID:  Well, if I could, I think the thinking goes something like their density would likely not qualify them for RRRP, and therefore they wouldn't receive the rate.

So how is that --


MR. BRADBURY:  Well, again, that is a sort of what-if thing.  They are going to receive their energy that is transported through our system.

We are a high-cost utility, and the RRRP rate is afforded to us.  If I were in the shoes of the regulator or DFP applying for a licence, then I would think they would ask for the same funding to offset those costs.  I don't know.

Like, this is doing a lot of speculating.  And really, you know, they are a customer and they have a distribution license for reasons other than setting electricity distribution rates.

I really don't think we can go any further than that.  I am sorry.

MR. REID:  Okay.  The only other thing I think we were trying to determine there that we didn't really ask is:  Do you have other large customers treated similarly as far as the RRRRP goes?

MR. BRADBURY:  All of our customers, large or small, all receive the RRRP.  Well, they don't receive the RRRP, but their rates are supplemented by the RRRP.

MR. REID:  Right.  Okay.  Thank you.

MR. BRADBURY:  Well, again, with the exception of street slights and seasonal customers, or rate-protected customers.

MR. REID:  I think we are good with No. 1.

MR. HARMER:  Yes, so No. 2 just relates to our Interrogatory No. 3.  And, again, it's divided into three parts.

Part (a), does this mean that -- I believe this was in respect of new connections, yes.  So was the answer provided to us with respect to Interrogatory 3, were we to take that to mean that there would be no proposals contemplated by API with respect to new larger connections?

MR. BRADBURY:  We have no proposals for connection that we feel are mature enough or advanced far enough to warrant their inclusion, their loads included into our forecast or their cost of service or the capital cost of connecting them into our revenue requirement.

So we have not forecasted any loads and we have not forecasted any costs.

MR. HARMER:  Okay.  Thank you.  Can you -- I guess that covers our (b) as well...

MR. REID:  Again, I think a little variance on this was we were really trying to think of the idea of large new sources of revenue, as there has been some movement within the mining sector in the area.

But I believe you have answered the question that you don't have anybody who has approached you with enough of a connection request that you can really feasibly explore that possibility.

MR. BRADBURY:  I can still answer (c), because it's:

"Please confirm that no plan is in place as to how a new customer would be dealt with."

Any new customer is contemplated or any new customer that comes on, there is a provision in the Distribution System Code for a discounted cash flow model to be performed based on that customer's contribution to load and to billing demand.  And we take into effect what it would cost us to connect them.  So we do up a present worth calculation, with our cost to connect offset by any revenues that customer had.  And it's a pre-prescribed format, and basically again it comes down to a zero sum game.  That customer has to pay the entire cost of connecting, so there is no impact to existing customers.

So if there is a shortfall, that customer has to contribute the money upfront.

MR. HARMER:  Okay.  Thanks very much.  That answers our questions with respect to our Interrogatory No. 3.

To move on to Interrogatory No. 6 of Algoma Coalition, we just have one question with respect to that, which is what discrepancies -- oh, sorry, if you can...
"What discrepancies were considered with respect to local conditions as compared with province wide assumptions made in the Elenchus report?"


MR. FRANK:  In this case, just for clarity, are you talking about the load forecasting report, or is this a cost allocation question?

MR. REID:  It's the load forecast.

MR. FRANK:  The way the load forecast works is we are actually taking into account -- it really is just forecasting load.  We are not concerned with where the wires run or any of the local specifics of how customers are connected.  So really it comes down to using a regression model based on local factors.  In this case, local weather, as well as, naturally, the history of the usage and customer –- well, the history of customers and their usage.

So it's inherently a local forecast.

MR. REID:  I think what we were trying to get at was things like economic factors.  Is there something different about the Algoma district compared to other areas that should be factored into the load forecast, either positively or negatively?

And it sounds like that wasn't considered.

MR. FRANK:  I will have to double-check on the -– well, typically what we do is we will look at local sources of employment.

And in this case, we didn't find any strong correlation between local employment metrics and demand.  So in this case, local employment does not factor in, or the local economy does not factor into the load forecast.

MR. REID:  Okay.  Thank you.

MR. HARMER:  Okay.  So moving to both -- this next part relates both to Algoma Coalition's Interrogatories No. 7 and No. 9.

So with respect to those, can you provide documentation comparing and demonstrating that the assets and costs to serve the street lights are the same as general service or sentinel/signal light connections.  The answer that had previously been provided did not disclose actual asset or cost numbers.

MR. LAVOIE:  And we certainly would have liked to be able to answer that question, because I think it does show how small of a -- it would show how small of a figure that it would be, albeit the answer was that the cost wouldn't be any different than a general service, it's quite likely that it would be less given the size of the connection itself.

However, we do not have values in our asset base or in our operating costs that track the detail to that level.  So unfortunately, we are unable to provide that answer because of that reason.

MR. REID:  I don't know if this is a bit too open- ended, but is there -- could you provide some reasons why having street lights as a separate class that does not receive RRRP makes sense, compared to sentinel and single light connections?  I am thinking in terms of where are they located, who do they service, and why there is really a justification for a separate class.

MR. LAVOIE:  It's certainly an illogical distinction between those two very similar type of connection to assist them, and I think the nature of the street light being in communities that are subsidized, both on a residential dwelling basis as well as a commercial basis, and having a street light that runs down the very same street doesn't seem to have much logic that why wouldn't that street light be subsidized.

The Board made a determination in the last proceeding -- Algoma Power did ask the Board to the take specific -- make specific exception to the RRRP regulation, and we do believe that the connection is very analogous or very similar to any of those subsidized connections. 

However, the street light class is a very distinct classification with respect to traditional rate making in the province, and from our understanding the Board has not accepted deviation from that.  But certainly I think Algoma Power sees it -- the way Algoma Coalition sees the issue is that there is an illogic to the reality of having one class subsidized and one not, but yet they are serving the same customers and same municipalities.

MR. REID:  Okay, thank you for that.

MR. HARMER:  So we are actually going to skip over number 5, which relates to Interrogatories No. 8 and 11, and move into our question 6, which relates to our Interrogatories 12 through 15.  And so maybe we can -- okay, thank you.

Given the approach taken by Algoma Power to calculate line losses, please describe what is being done to remove unaccounted-for energy and energy theft from the lost and – actually, if you can move the screen down, I don't have my sheet in front of me.  If you could just flip to the next page, thank you.

I will actually read that from the beginning now. Given the approach taken by Algoma Power to calculate line losses, please describe what is being done to remove unaccounted-for energy and energy theft from the lost energy pool.  Are there unmetered loads in API's system, and what is the plan to meter or eliminate those loads?

MR. BRADBURY:  To the first part, API's approach to calculating line losses is a proscribed approach.  The Board actually in its filing requirements proscribes the methodology, and the methodology is basically taken from your financial records as much from your general ledger, that being how many kilowatt-hours did you buy and how many kilowatt-hours did you sell. 

The difference of the two essentially -- you know, you make some adjustments for wholesale customers and this type of thing.  But generally the difference between the two are your line losses.  Those line losses would include both technical and non-technical losses. 

There is not work done that I am aware of -- I know a few years ago, the Board did try to do a survey of technical and non-technical losses, but there is no work being done by us or anyone that I know of right now to determine the percentage or the breakdown within your line loss calculation of technical and non-technical losses.

So as I say, it's proscribed methodology that's contained in with the application.

Part (b) of it, the unmetred loads; yes, we have unmetered loads in our residential R1 class.  They would be things like -- cable TV amplifiers is a classic one.  These customers are billed monthly, based on a calculation of load, based on the size of the equipment that we are powering. 

So we go the manufacturer or the customer, we ask for manufacturer specs, and we determine how much energy they are going to use in a year.  It's an agreed-to amount and they are billed plus losses for each one of those devices, and there is no plans to eliminate any of those.  It's an accepted method of billing a customer, an unmetered scattered load customer that qualifies in that category.
Questions by Mr. Advani:


MR. ADVANI:  Can I just ask one follow-up question?  I think on your response to 2(c), what plans in place to deal with new customers, you mentioned a present worth analysis is done.  Is that only for R2 customers, or --


MR. BRADBURY:  No, only an R1 customer -- well, and for all customers.  Normally it's an R2, but you could have a residential customer build a mile away from your existing line if they choose, and that would apply to them as well.

MR. ADVANI:  So a residential customer in a normal subdivision would not be relevant, but for a residential customer in an isolated location, these rules would apply.

MR. LAVOIE:  Which is a lot of our residential customers, so that does get triggered more often than what you would think, yes.

MR. ADVANI:  Okay, thank you.

MR. HARMER:  Thank you very much, that answers all of Algoma Coalition’s questions.

MS. DJURDJEVIC:  Anybody have anything else?  Okay, well, then subject to the undertakings, I guess we are adjourned or done and tomorrow we are -- we can free up the room and the schedule, because we are not needing the room.

MR. ADVANI:  Right.

MS. DJURDJEVIC:  Okay, thank you everyone.

--- Whereupon the conference concluded at 2:11 p.m.
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