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ENBRIDGE INTERROGATORY #1

INTERROGATORY

Reference: Exhibit L.OEBStaff.1, general

Question:
Please provide the following information relevant to the Massachusetts energy market:

a. Number of utilities, divided by natural gas only, electricity only and dual-fuel

b. Total natural gas throughput in m3in 2014
Total cost per m3 of natural gas to an average residential customer in 2014 (inclusive of
commodity, distribution, transportation, storage, and any other costs borne by natural gas
customers) stating any necessary assumptions

d. Statewide DSM budget specific to natural gas for each year from the inception of DSM in
Massachusetts to 2020

e. Statewide DSM budget specific to electricity for each year from the inception of DSM in
Massachusetts to 2020

RESPONSE

a. There are 8 investor owned gas utilities in Massachusetts: Bay State Gas Company, Blackstone
Gas Company, Liberty Utilities, National Grid, Berkshire Gas Company, Eversource Energy, and
Fitchburg Gas and Electric Light Company.!

There are 4 investor owned electric utilities in Massachusetts: National Grid, NSTAR Electric and
Western Massachusetts Electric Company (d/b/a Eversource Energy), and Fitchburg Gas and

Electric Light Company.? Note that the Cape Light Compact is an electric energy efficiency
program administrator.

National Grid, Eversource, and Fitchburg provide both gas and electric services.

1See http://www.mass.gov/eea/energy-utilities-clean-tech/natural-gas-utility/natural-gas-market-data/list-of-
local-distribution-companies.html

2 See http://www.mass.gov/eea/energy-utilities-clean-tech/electric-power/electric-power-division-
responsibilities.html

Witnesses: T. Woolf
K. Takahashi
E. Malone
J. Kallay
A. Napoleon
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b. According to the U.S. Energy Information Administration, natural gas delivered to customers in
2014 was 422,832 million cubic feet,® or 11,973 million m3.

For additional information, refer to the gas distribution companies’ annual reports, found on the
Massachusetts Department of Public Utilities website at, http://www.mass.gov/eea/energy-
utilities-clean-tech/natural-gas-utility/natural-gas-tariffs/annual-reports.html.

c. According to the U.S. Energy Information Administration, the 2013 residential natural gas price
ranged between $13.00 and $14.99 per thousand cubic feet.* Although EIA data for 2014 is not
yet available, the 2014 price is likely within a similar range as the 2013 price range.

d. Energy efficiency programs have been in place in Massachusetts since the 1980s. Projections for
energy efficiency programs in 2016 through 2018 are currently being developed, and are
expected to be finalized in the spring of 2016. Actual and projected energy efficiency program
budgets for gas and electric program administrators are available on the following website for
2010 through 2015: http://www.masssavedata.com/Public/PortfolioOverview.aspx.

e. See Exhibit M.Staff.EGDI.1, part d.

3 Source: http://www.eia.gov/dnav/ng/ng_sum Isum dcu SMA a.htm
4 Source: http://www.eia.gov/energyexplained/index.cfm?page=natural gas prices
Witnesses: T. Woolf

K. Takahashi

E. Malone

J. Kallay

A. Napoleon
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ENBRIDGE INTERROGATORY #2

INTERROGATORY

Reference: Exhibit L.OEBStaff.1, general

Question:
Please provide the most recent statewide and/or utility specific annual energy efficiency reports
(outlining program details, highlights, spending, results, etc.) for the jurisdictions and utilities below.

a. Massachusetts

b. Vermont Gas

c. SoCal Gas

d. Nicor Gas
RESPONSE

a. Massachusetts: the Massachusetts electric and gas program administrator annual reports for
2010 through 2014 are available on the Massachusetts Energy Efficiency Advisory Council’s
website: http://ma-eeac.org/results-reporting/

b. Vermont Gas: the 2014 annual report is available at https://vermontgas.com/wp-
content/uploads/2015/04/2014-Annual-Report.pdf

c. SoCal Gas: the 2014 annual energy efficiency report by SoCal Gas is available at
eestats.cpuc.ca.gov/EEGA2010Files/SCG/AnnualReport/SCG.AnnualNarrative.2014.1.zip

d. Nicor Gas: Nicor Gas reports are available at http://www.ilsag.info/quarterly-reports.html.

Witnesses: T. Woolf
K. Takahashi
E. Malone
J. Kallay
A. Napoleon
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ENBRIDGE INTERROGATORY #3

INTERROGATORY

Reference: Exhibit L.OEBStaff.1, general

Question:
Please provide a list of key documents provided to SEE in order to complete its review of the gas
utilities’ DSM Plans.

RESPONSE

Please refer to the References section of the report, found at L.OEBStaff.1, pages 132-137. Specifically
with regard to Ontario Energy Board documents, Synapse reviewed the following in preparing its report:

e Report of the Board, Demand Side Management Framework for Natural Gas Distributors (2015-
2020), EB-2014-0134, December 22, 2014.

e Filing Guidelines to the Demand Side Management Framework for Natural Gas Distributors
(2015-2020), EB-2014-0134, December 22, 2014.

e  Staff Discussion Paper, On Revised Draft Demand Side Management Guidelines for Natural Gas
Utilities. EB-2008-0346, January 21, 2011.

e Demand Side Management Guidelines for Natural Gas Utilities, EB-2008-0346, June 30, 2011.

e Decision and Order, EB-2014-0273, June 4, 2015.

e Ontario Power Authority, Conservation First 2015-2020 Evaluation, Measurement and
Verification Protocols and Requirements V2.0, 2015.

Witnesses: T. Woolf
K. Takahashi
E. Malone
J. Kallay
A. Napoleon
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ENBRIDGE INTERROGATORY #4

INTERROGATORY

Reference: Exhibit L.OEBStaff.1, page 1

Preamble:

On page one and throughout this report, SEE discusses suggestions and recommendations for
“improvements” to Enbridge’s DSM Plan. The Company is curious as to what analytical work was done
to assess the impact of undertaking those “improvements” to the budgets, metrics or targets of
Enbridge’s DSM Plan.

Question:

a. Please provide all work completed by SEE in advance of completing its report that estimates the
impact on Enbridge’s DSM annual and total budget from implementing each and all of the
recommendations set out in the SEE report.

b. Please provide all work completed by SEE in advance of completing its report that evaluates the
cost-effectiveness of any or all of the expanded or modified programs proposed.

c. Please confirm that SEE did not evaluate whether the implementation of its recommendations
will lead to Enbridge exceeding the DSM budget guideline of a $2 per month impact on an
average residential customer. If not confirmed, please provide details of the evaluation that was
performed.

RESPONSE

Synapse was tasked with reviewing the proposed DSM programs and commenting on the program
design elements that could be modified or improved. The Synapse recommendation referenced above is
intended to provide general guidance and direction, and is not intended to indicate a specific
quantitative outcome (see Exhibit L.OEBStaff.1, page 2). Therefore, we have not estimated the
requested data in all three parts of this question as it is beyond the scope of our work.

Specifically, Exhibit L.OEBStaff.1, page 2 states:

Lastly, as Ontario’s gas DSM programs are subject to a budget guideline maximum, as
set out in the OEB’s DSM framework, we recommend the utilities take a cautious and
balanced approach when considering adopting our recommendations so that new
changes would not push the utilities’ programs over the current proposed budgets.>

5 The utilities’ proposed budgets are effectively at the budget guideline maximum.
Witnesses: T. Woolf

K. Takahashi

E. Malone

J. Kallay

A. Napoleon
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Some of our recommendations (such as improving program design and adding new
measures) would increase program participation, which would result in an increase in
incentive amounts and budget. On the other hand, other recommendations (such as
reducing free-ridership, eliminating unnecessary measures, and providing financing)
would decrease program budgets. In summary, both utilities should consider and
balance potential improvements on participation rates, energy savings, cost-
effectiveness, and a potential increase or decrease in budget from each
recommendation, and determine which recommendations to adopt within their
constraints.

Witnesses: T. Woolf
K. Takahashi
E. Malone
J. Kallay
A. Napoleon
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ENBRIDGE INTERROGATORY #5

INTERROGATORY

Reference: Exhibit L.OEBStaff.1— page 3

Question:

Please confirm that SEE reviewed the relative customer base characteristics, demographics and
geographic zones for Enbridge and Union Gas respectively. What are the specific differences that
Synapse noted?

RESPONSE

Please refer to section 3.2. Program Mix by Customer Sector of the report, found at L.OEBStaff.1,
specifically pages 10-11, which provides the extent of the analysis that Synapse conducted on each
utility’s customer and sales.

Witnesses: T. Woolf
K. Takahashi
E. Malone
J. Kallay
A. Napoleon
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ENBRIDGE INTERROGATORY #6

INTERROGATORY

Reference: Exhibit L.OEBStaff.1, page 17

Preamble:

Page 17 of the SEE report states that “...Union provides detail on input assumptions for gross savings
estimates for a number of its offerings, while Enbridge does not mention it at all in its evaluation
plan...Enbridge should mention the use of input assumptions for specific offerings where appropriate.”

Question:

Please confirm that page 4 of Enbridge’s Evaluation Plan, filed as Exhibit B, Tab 2, Schedule 2, references
Exhibit B, Tab 2, Schedule 6, as containing updated inputs and assumptions. Please further confirm that
Exhibit B, Tab 2, Schedule 6 directs the reader to EB-2014-0354, the gas utilities’ joint input assumptions
filing, wherein the relevant input assumptions have been provided.

RESPONSE

Confirmed that Exhibit B, Tab 2, Schedule 2, page 4 references Exhibit B, Tab 2, Schedule 6 as containing
updated inputs and assumptions. Confirmed that Exhibit B, Tab 2, Schedule 6 directs the reader to EB-
2014-0354. Please note that Synapse’s recommendation is that Enbridge should indicate the use of the
input assumptions within the evaluation plan for any specific offerings where applicable.

Witnesses: T. Woolf
K. Takahashi
E. Malone
J. Kallay
A. Napoleon
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ENBRIDGE INTERROGATORY #7

INTERROGATORY

Reference: Exhibit L.OEBStaff.1, page 29

Preamble:
SEE identifies the multi-family market segment as “underserved.”

Question:

a. Please indicate SEE’s understanding of the multi-family building market segment in the Greater
Toronto Area (Enbridge’s largest franchise area). In particular, please indicate SEE’s
understanding of the size of this market (number of buildings and number of customers), the
proportion of the market that has individual gas heating for each unit, and the age and energy
efficiency of the housing stock in this market segment.

b. Did Synapse review Enbridge’s historical DSM results to inform its conclusion that, relative to
overall spending and savings in recent years, the multi-family market has been
disproportionately underrepresented?

RESPONSE

a. Synapse was tasked with reviewing the proposed DSM programs and commenting on the
program design elements that could be modified or improved. Synapse was not asked to
evaluate energy efficiency potential for the multi-family building market segment. Therefore,
the requested information is beyond the scope of our work.

However, in the spirit of providing complete information, we offer the following.

In our experience, the multi-family market segment is underserved by energy efficiency
programs across North America. This is due to split incentives between renters and owners,
financial barriers, and building owners facing limited time and technical ability when deciding to
invest in energy efficiency resources. Our recommendations are based on our review of the
proposed offering by the Ontario gas utilities and best practices in other jurisdictions to serve
this underserved market segment. See a 2013 report by ACEEE titled “Apartment Hunters:
Programs Searching for Energy Savings in Multifamily Buildings” for the characterization of the
underserved multifamily market segment and best practices to overcome some of the barriers
faced in this market segment, available at http://aceee.org/research-report/e13n.

Witnesses: T. Woolf
K. Takahashi
E. Malone
J. Kallay
A. Napoleon
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However, the most recent gas energy efficiency potential study for Enbridge’s jurisdiction finds
that the multi-family market segment has significant energy savings potential in Ontario (See
Enbridge’s Plan, Exhibit C, Tab 1, Schedule 1). This study reveals that the multi-family segment is
the second largest customer segment in terms of potential savings, accounting for 17% to 18%
of the total economic and achievable potential within the entire commercial sector (Exhibit C,
Tab 1, Schedule 1, pages 78 and 114).

b. See Exhibit M.Staff.EGDI.7, part a.

Witnesses: T. Woolf
K. Takahashi
E. Malone
J. Kallay
A. Napoleon
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ENBRIDGE INTERROGATORY #8

INTERROGATORY

Reference: Exhibit L.OEBStaff.1, page 59

Preamble:

References and comparisons between Enbridge’s program delivery, partners and incentives, have been
made to weatherization programs such as WarmChoice and Massachusetts’ Low Income Retrofit
Program offered in US jurisdictions. The U.S. Department of Energy’s Weatherization Assistance
Program (WAP) is the foundation for these programs. The utilities that operate these programs act as
program administrators.

WAP began in 1976 and is delivered by a network of community based agencies, as provided by federal
law. In the state of Massachusetts, the network was formalized under Massachusetts law by the
Restructuring Act of 1997 (effective March 1998). The Act specifically provided that "the low income
residential demand-side management and education programs shall be implemented through the low-
income weatherization and fuel assistance program network and shall be coordinated with all electric
and gas distribution companies in the commonwealth with the objective of standardizing
implementation”.®

Question:
For the programs and utilities cited, please provide the following:

a. Program results, associated costs, and cost effectiveness ratios of these programs; and
b. Funding contributions of the utilities, state governments, and federal government respectively.

RESPONSE

a. Please see pages 173-177 and 194-197 of Nowak, S., Kushler, M., Witte, P., & York, D. (2013).
Leaders of the Pack: ACEEE’s Third National Review of Exemplary Energy Efficiency Programs,
available at http://aceee.org/research-report/ul32.

b. Program-specific low income funding source data is not readily available in energy efficiency
annual reports. For data on low income funding sources by state, please see tables 1, 3, and 7 in
the National Association for State Community Services Programs. 2014. Weatherization

5 Limited-Income Energy Efficiency Programs in Four States: Massachusetts, Arkansas, Ohio and
Washington , ,Prepared for the Maryland Department of Housing and Community Development by Jerrold
Oppenheim and Theo MacGregor, Democracy and Regulation, October 11, 2011.
Witnesses: T. Woolf

K. Takahashi

E. Malone

J. Kallay

A. Napoleon
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Assistance Program Funding Survey PY 2013, available at

http://www.waptac.org/data/files/website docs/reports/funding survey/nascsp-2013-wap-
summary final spread.pdf

Witnesses: T. Woolf
K. Takahashi
E. Malone
J. Kallay
A. Napoleon
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ENBRIDGE INTERROGATORY #9

INTERROGATORY

Reference: Exhibit L.OEBStaff.1, page 64

Preamble:
Regarding the utilities’ low income multi-family incentives, Synapse notes that “Enbridge’s incentive for
custom measures is $0.40/m3...while Union’s is $0.10/m3.”

Question:

a. Please identify whether each utility’s incentive level is relevant to annual m3 savings or
cumulative / lifetime m3 savings.

b. If different from each other, please provide a revised analysis wherein the incentive levels are
comparable, stating any assumptions necessary.

RESPONSE

a. We now understand that Union’s cost of saved energy is in terms of lifetime savings, while
Enbridge’s cost of saved energy is in terms of annual savings.

b. The cost of saved energy values indicated in the referenced section of the report were taken
directly from the utilities plans, and Synapse did make any calculations to determine those
values (see Enbridge Plan, Exh. B, Tab 2, Sch. 1, p. 34; and Union Plan, Exh. A, Tab 3, App. A, p.
84). In order to provide the data requested by this question, we used the data filed in the
utilities” plans to calculate the cost of lifetime saved energy and the cost of annual saved energy.

Please refer to the table below, which provides incentive costs, lifetime savings, annual savings,
and the cost of both lifetime and annual saved energy for each utilities’ 2016 Low Income Multi-
Family offerings, including both custom and prescriptive measures. The data filed in the utilities’
plans was not broken out by custom and prescriptive measures to be able to isolate for custom
measures. Therefore, the cost of saved energy values in the table below cannot be directly
compared to the referenced section of the report.

We note that the table below confirms that there is a significant difference between Enbridge’s
cost of saved energy ($0.62 for annual savings) and Union’s cost of saved energy ($2.63 for
annual savings).

Witnesses: T. Woolf
K. Takahashi
E. Malone
J. Kallay
A. Napoleon
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Metric Enbridge Union Enbridge Source Union Source
. Exhibit I. T3. Exh. A, Tab 3, App. A p 87,
Incentive (S) 2,426,481 2,651,000 EGDLEP.18 Table 27
o . Exhibit Exh. A, Tab 3, App. A p 89,
3
Lifetime Savings (m3) 58,969,452 17,141,672 LT2.EGDI.STAEF.7 Table 31
. Exhibit Exh. A, Tab 3, App. Ap 89,
3
Annual Savings (m3) 3,931,297 1,007,217 | T2.EGDI.STAFF.7 Table 30
Incentive / Lifetime Savings 0.041 0.155 | Calculation Calculation
($/m3)
Incentive / Annual Savings ($/m3) 0.617 2.632 | Calculation Calculation

Please also see Exhibit M.Staff. UNION.9 and Exhibit M.Staff.EP.12.

Witnesses: T. Woolf
K. Takahashi
E. Malone
J. Kallay
A. Napoleon
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ENBRIDGE INTERROGATORY #10

INTERROGATORY

Reference: Exhibit L.OEBStaff.1, page 67

Preamble:
SEE recommends that Enbridge consider offering Union Gas’s aboriginal program.

Question:
Please confirm that SEE reviewed Enbridge’s geographic territory and understood that it does not
currently contain any aboriginal communities.

RESPONSE

We now understand that Enbridge's geographic territory does not include any First Nations reserves,
which is the target market for Union's Aboriginal Offering. We also assume, though it is not specified in
the filings, that Aboriginal people who live throughout Enbridge and Union's service territory are eligible
for energy efficiency upgrades through the Residential and Low Income offerings.

Witnesses: T. Woolf
K. Takahashi
E. Malone
J. Kallay
A. Napoleon
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ENBRIDGE INTERROGATORY #11

INTERROGATORY

Reference: Exhibit L.OEBStaff.1, page 87

Preamble:

Enbridge is concerned that SEE incorrectly believes the Company is using a “...ratepayer-funded energy
efficiency program as a platform for increasing subscription to its presumable proprietary software (and
increasing associated revenues).” Enbridge would like to clarify that this has not, and will not be the
case.

Question:
Please provide the source for this presumption.

RESPONSE

The above referenced statement was intended to highlight the possibility that Enbridge could promote
its energy management software through the free trail to be offered through the Run It Right offering,
because Enbridge's description of the offerings was not clear on this point and on other points, as
described further in Exhibit L.OEBStaff.1. Synapse appreciates this clarification.

Witnesses: T. Woolf
K. Takahashi
E. Malone
J. Kallay
A. Napoleon
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ENBRIDGE INTERROGATORY #12

INTERROGATORY

Reference: Exhibit L.OEBStaff.1, page 109

Preamble:
SEE has proposed that the gas utilities consider “...offering standard program design templates that
electric utilities could select from.”

Question:

a. Has SEE contacted any Ontario electric utility or the IESO to evaluate interest or workability of
this approach?

b. Has SEE reviewed the Minister’s Directive on Conservation and Demand Management issued on
March 31, 2014 that provided LDCs control over the design and delivery of their programs?

RESPONSE

a. No, Synapse did not contact any Ontario electric utility or the IESO to evaluate interest or
workability of this approach.

b. Synapse had not reviewed the March 31, 2014 Minister’s Directive on Conservation and
Demand Management ("Minister's Directive") prior to issuing the report (Exhibit L.OEBStaff.1).
However, based on a review of the Minister's Directive at this time, the conclusions of the
Synapse report would not be materially different had Synapse reviewed the directive previously.

Witnesses: T. Woolf
K. Takahashi
E. Malone
J. Kallay
A. Napoleon
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ENBRIDGE INTERROGATORY #13

INTERROGATORY

Reference: Exhibit L.OEBStaff.1, page 30 and pages 112-115

Preamble:
On page 30 of the report, SEE recommends that “Both utilities should provide customers with zero or
low interest financing to address lack of funding”.

Question:

a. With the above recommendation in mind, please discuss the appropriateness of the Ontario gas
utilities offering ratepayer-funded financing, when there are currently private-sector parties
offering loans for home improvement activities, and when some of those parties allow the loan
to be included as a third-party charge on the Enbridge bill (through the Open Bill program).

b. Please also explain how Enbridge would be kept whole from the risk of a borrower defaulting on
its loan and from the associated collection and enforcement costs.

RESPONSE

a. It may be appropriate for the Ontario gas utilities to offer ratepayer-funded financing. For
example, utilities can offer financing to some customers who may not be eligible for private-
sector financing. Further, the Ontario gas utilities could buy down interest rates from both
private-sector loans and utility-offered loans.

b. Experience to date suggests that default risks associated with energy efficiency programs are
very low. Please see SEEAction's 2014 Report entitled Financing Energy Improvements on Utility
Bills: Market Updates and Key Program Design Considerations for Policymakers and
Administrators, available at:
https://www4.eere.energy.gov/seeaction/system/files/documents/onbill financing.pdf. Table
ES - 1 titled Summary Statistics for Surveyed On-Bill Programs on page xi summarizes the default
rates.

Loan loss reserves can be established using public funds to keep the utility whole in the event of
defaults. With regard to funding such a loan loss reserve, as noted at Exhibit L.OEBStaff.1,

page 2 and in Exhibit M.Staff.EGDI.4, the utilities should consider and balance potential
improvements on participation rates, energy savings, cost-effectiveness from improved
financing opportunities with a potential increase or decrease in budgets, and determine how to
proceed within their constraints.

Witnesses: T. Woolf
K. Takahashi
E. Malone
J. Kallay
A. Napoleon
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ENBRIDGE INTERROGATORY #14

INTERROGATORY

Reference: Exhibit L.OEBStaff.1, page 116

Question:
In defining “Net Savings”, please clarify the meaning and/or what is included in “energy efficiency
standards” within this definition.

RESPONSE

) u

The net savings definition was adopted from the Northeast Energy Efficiency Partnerships’ “Glossary of
Terms, Version 2.1,” issued in July 2011 (see pages 23-24). That report does not define nor clarify the
meaning of “energy efficiency standards.”

Witnesses: T. Woolf
K. Takahashi
E. Malone
J. Kallay
A. Napoleon
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ENBRIDGE INTERROGATORY #15

INTERROGATORY

Reference: Exhibit L.OEBStaff.1, page 128

Question:

Please provide the report by Neme & Grevatt relating to the deferral of utility infrastructure through
targeted DSM.

RESPONSE

Please refer to Exhibit M.Staff.EGDI.15, Attachment 1. This report is listed in the Reference section of

the report,” and can be accessed here: http://www.neep.org/energy-efficiency-transmission-and-
distribution-resource-using-geotargeting-report-0

7See Neme, C., & Grevatt, J. (2015). Energy Efficiency as a Transmission and Distribution Resource: Lessons from
Recent U.S. Efforts to Use Geographically Targeted Efficiency Programs to Defer T&D Investments.
Witnesses: T. Woolf

K. Takahashi
E. Malone

J. Kallay

A. Napoleon
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Northeast Energy Efficiency Partnerships

Energy Efficiency asa T& D Resour ce:

L essons from Recent U.S. Effortsto Use Geographically
Targeted Efficiency Programsto Defer T& D Investments

January 9, 2015

Chris Neme & Jim Grevaitt, Energy Futures Group
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—— |
ENERGY FUTURES

About NEEP & the Regional EM&V Forum

@ ]| REGIONAL EVALUATION,
MEASUREMENT & VERIFICATION FORUM

NEEP was founded in 1996 as a non-profit whose mission is to serve the Northeast and Mid-Atlantic to
accelerate energy efficiency in the building sector through public policy, program strategies and
education. Our vision is that the region will fully embrace energy efficiency as a cornerstone of sustainable
energy policy to help achieve a cleaner environment and a more reliable and affordable energy system.

The Regional Evaluation, Measurement and Verification Forum (EM&V Forum or Forum) is a project
facilitated by Northeast Energy Efficiency Partnerships, Inc. (NEEP). The Forum’s purpose is to provide a
framework for the development and use of common and/or consistent protocols to measure, verify, track,
and report energy efficiency and other demand resource savings, costs, and emission impacts to support
the role and credibility of these resources in current and emerging energy and environmental policies and
markets in the Northeast, New York, and the Mid-Atlantic region.

About Energy Futures Group

EFG is a consulting firm that provides clients with specialized expertise on energy
efficiency markets, programs and policies, with an emphasis on cutting-edge
approaches. EFG has worked with a wide range of clients — consumer advocates,
government agencies, environmental groups, other consultants and utilities — in
more than 25 states and provinces.
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I. Introduction

Improvements in the efficiency of energy use in homes and businesses can provide substantial
benefits to the consumers who own, live in and work in the buildings. They can also reduce the
need for capital investmentsin electric and gas utility systems — benefits that accrue to all
consumers whether or not they participate in the efficiency programs. This report focuses on the
role efficiency can play in deferring utility transmission and distribution (T&D) system
investments. In particular, it addresses the role that intentional targeting of efficiency programs
to specific constrained geographies — either by itself or in concert with demand response,
distributed generation and/or other “non-wires alternatives” (NWASs)? — can play in deferring
such investments. The report focuses primarily on electric T&D deferral, since that is where
effortsin this area have focused to date. However, the concepts should be equally applicable to
natural gas delivery infrastructure.

The report builds on areport published by the Regulatory Assistance Project (RAP) nearly three
years ago.® Selected portions of the text of the RAP report — particularly for older case studies
for which no update was necessary — have been re-used here. Severa of the case studies
highlighted in the RAP report have evolved considerably in the intervening years. There are also
new case studies on which to report. This report documents these experiences and highlights
some important new developmentsin the field that the recent experience has brought to light. In
addition, to address the interests of the Regional EM&V Forum project funders, this report also
includes an explicit set of policy recommendations or “guidelines”.

The remainder of the report is organized as follows:

Section I1: Efficiency asa T& D Resour ce — summarizes the magnitude and drivers of
T&D investment in the U.S., and provides an introduction to the concept of geo-targeting
efficiency programs to defer some such investments.

Section I11: Summaries of Examples— provides high level summaries of about a dozen
examples across the U.S. in which geographically targeted efficiency has been employed
and/or isin the process of being employed, either alone or in combination with other
NWASs, in order to defer more traditional T&D investments.

2 We use the term “non-wires alternatives” (NWAs) throughout this paper when referring to a range of alternatives
to investment in the T& D system. That term is synonymous with “non-wires solutions”, “non-transmission
alternatives” (when referring to just the transmission portion of T&D), “grid reliability resources”, “distributed
energy resources”, and other terms sometimes used by other parties. It should be noted that “non-wires” is an
imperfect, “shorthand” term that is intended to refer to alternatives to a wide range of traditional T&D infrastructure
investments, many of which — e.g. substations and/or transformers — are not really “wires”.

3 Neme, Chris and Rich Sedano, “U.S. Experience with Efficiency as a Transmission and Distribution System
Resource”, Regulatory Assistance Project, February 2012.
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Section |V: Detailed Case Studies— provides more detailed discussions of four of those
examples which offer unique insights.

Section V: Cross-Cutting Observations and L essons L earned — summarizes key
conclusions the authors have drawn from the case studies examined in the report.

Section VI: Policy Recommendations — presents four policies that state governments
should consider pursuing if they would like to effectively advance consideration of non-
wires alternatives to traditional T&D investments.

Section VI1: Bibliography — provides alist of al of the documents referenced in the
report.

Appendices— contain excerpts from legislation in Vermont, Maine and California;
regulatory standards for Rhode Island; and screening forms for Vermont that underpin
those states’ current requirements to consider and, where appropriate, promote non-wires
alternatives.
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II. Energy Efficiency as a T&D Resource

Context - Historic and Future Electric Utility T&D Investments

As Figure 1 shows, T&D investments by investor-owned electric utilities, which collectively
account for approximately two-thirds of electricity salesin the U.S., have averaged alittle more
than $30 billion ayear over the past decade. If public utilities* were investing at a comparable
rate, total national investment would have been on the order of $45 billion per year.

Figurel: T&D Investment by U.S. Investor-Owned Utilities (Billions of 2012 Dollars)®

$40.0

$35.0

$30.0

$25.0 -+

$20.0

$15.0

$10.0 L
$5.0
$0.0 i . i i [ . . . _ |

2003 2004 2005 2006 2007 2008 2009 2010 2011 2012

m Transmission m Distribution

That level of investment is expected to continue or increase in the future, with studies suggesting
that the industry will spend an average of roughly $45 hillion per year over the next two
decades.®” That would represent approximately 60% of forecasted utility capital investment.®

4 Public utilities include municipal utilities, rural electric cooperatives and the Tennessee Valley Authority.

5 Edison Electric Institute, Statistical Y earbook of the Electric Power Industry 2012 Data, Table 9.1.

6 Chupka, Marc et al. (The Brattle Group), Transforming America’s Power Industry: The Investment Challenge
2010-2030, prepared for the Edison Foundation, November 2008. Harris Williams & Co., Transmission and
Distribution Infrastructure, a Harris Williams & Co. White Paper, Summer 2014
(http://www.harriswilliams.com/sites/defaul t/files/industry reports/ep td_white paper 06 10 14 final.pdf?cm mi
d=3575875& cm_crmid=e5418e44-29¢ef-e211-9e7f-00505695730e& cm_medium=email)

" Note that the ultimate cost to electric ratepayers may be significantly greater, since ratepayers will pay arate of
return on all investments made by regulated utilities.

8 Chupka, Marc et al. (The Brattle Group), Transforming America’s Power Industry: The Investment Challenge
2010-2030, prepared for the Edison Foundation, November 2008.
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As discussed below, only a portion of T&D investment could potentially be deferred through
deployment of energy efficiency and/or other non-wires alternatives. Data on the portion of U.S.
T&D investment that might be deferrable are not currently available.

When Efficiency Programs Can Affect T&D Investments
T&D investments are driven by a number of different factors. Among these are:

The need to replace aging T& D infrastructure;

The need to address unexpected equipment failures;

The need to connect new generation — thisis particularly important for renewable electric
generation that is often sited in somewhat remote locations, but can also be true for other
types of electric generation;

A desireto provide access to more economic sources of energy and peak capacity; and
The need to address [oad growth.

Needless to say, some of these needs would not be significantly affected by the customer
investmentsin energy efficiency or the programs that promote such investments. In particular,
investments related to the condition of a T& D asset — whether equipment has failed due to a
defect or natural disaster or whether it isjust too old and/or has become insufficiently reliable —
are largely unaffected by the level of end use efficiency. Inthat context, it isworth noting that
one of the reasons some are predicting national investment in electric T&D infrastructure to be
substantial in the coming yearsis that much of the existing infrastructureisold. For example, it
is estimated that approximately 70% of transformers are over 25 years old (relative to a useful
life of 25 years), 60% of circuit breakers are over 30 years old (relative to a useful life of 20
years), 70% of transmission lines are 25 years old or older (“approaching the end of their useful
life”), and more than 60% of distribution poles were installed 40 to 70 years ago (i.e. are
approaching or have surpassed expected useful life of 50 years).® All told, the electric utility
industry has estimated that between 35% and 48% of T&D assets either currently or will soon
need to be replaced simply because of their age and/or condition.©

On the other hand, energy efficiency programs can defer T& D investments whose need is driven,
at least in part, by economic conditions and/or growing peak loads. In that context, it is
important to note that even if total electricity sales are not growing, peak load may be. Also,
even if peak loadsin aregion are not growing in aggregate, they may be growing in a portion of
the region to the point where they may be putting stress on the system.

9 Harris Williams & Co., Transmission and Distribution Infrastructure, a Harris Williams & Co. White Paper,
Summer 2014

(http://www.harriswilliams.com/sites/defaul t/files/industry reports/ep td white paper 06 10 14 final.pdf?cm mi
d=3575875& cm_crmid=e5418e44-29¢f-e211-9e7f-00505695730e& cm_medium=email).

101 bid.
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How Efficiency Programs Can Affect T&D Investments

Different elements of the T& D system can experience peak demand at different times of day and
even in different seasons. Thus, the extent to which an efficiency program can help defer aT&D
investment will depend on the hour and season of peak and the hourly and seasonal profile of the
efficiency program’s savings. For example, as shown in Figure 2, a program to promote the sale
and purchase of compact fluorescent light bulbs (CFLS) provides some energy savings during
every hour of the day (when sales are spread across many thousands of customers), but greater
savings in winter than in summer and more savings in the evening than during the day.

Figure2: AverageHourly CFL Usage Patternst!
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Because different programs provide different levels of savings at different times and in different
seasons, the mix of efficiency programs also matters. For example, as Table 1 illustrates, the
same hypothetical mix of efficiency programs would have different impacts on three
hypothetical e ectric substations which experience peak demands in different seasons and during
different times of day because of the different mixes of customersthat they serve. However, itis
also worth noting that the differences across the portfolio of programsis not as great as across

1 Nexus Market Research, Residential Lighting Markdown Impact Evaluation, submitted to Markdown and
Buydown Program Sponsors in Connecticut, Massachusetts, Rhode Island and Vermont, January 20, 2009 (from
Figures 5-1 and 5-2).

10
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any individual program. Thisisthe result of diversification, as the lower impact from one
program is offset by a higher impact from another at the time of a given substation peak.

Table1l: Hypothetical Efficiency Program Portfolio Impacts on Different Substation Peaks

Annual Peak MW Savings by Program

Commercial
Peak Peak Residential Residential Lighting
Substation Customer Mix Season Hour CFLs A/C Retrofits Total
Primarily
A . Summer | 3:00 PM 0.4 0.9 0.7 2.0
Business
Primarily
B . . Summer | 7:00 PM 0.4 1.4 0.3 2.1
Residential
Primarily
C Residential Winter | 7:00 PM 1.0 0.0 0.4 1.4
w/Electric Heat

Finally, the level of savings that the mix of programs provides also has important implications
for whether any T&D investment deferral is possible and, if it is, how long a deferral the
efficiency programs will provide. Thisisillustrated in the hypothetical example depicted in
Table 2. In this example, the existing electric substation load is 90 MW and its maximum
capacity is 100 MW, so capacity will need to be added by the year load is projected to exceed
that level. Thefirst scenario depicted is one in which there are no efficiency programs offered to
customers served by the substation (i.e. a “business as usual” scenario). It assumes 3% annual
growth in substation peak load. The other three scenarios depict different levels of efficiency
program savings, presented in increments of 0.5 percentage point reductionsin annual peak load
growth relative to the “business as usual” or “no efficiency” scenario. In this example, the
substation capacity would need to be upgraded in four years (2018) in the business as usual
scenario. The degree to which the efficiency programs defer the need for the upgrade varies with
the level of savings achieved, ranging from aone year deferral (to 2019) for savings sufficient to
reduce the peak growth rate by 0.5% each year (i.e. from 3.0% to 2.5%) to an eight year deferra
(to 2026) for savings sufficient to reduce the peak growth rate by 2.0% annually (i.e. from 3.0%
to 1.0%). Clearly, if savings were greater than 2.0% per year, the need for the substation
upgrade would be deferred beyond the time horizon depicted in the table.

11
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Table2: Illustrative Impact of SavingsLevel (MW) on Deferral of Substation Upgrade

Net
Growth

Level of Savings  Rate 2014 2015 2016 2017 2018 2019 2020 2021 2022 2023 2024 2025 2026
No EE programs 3.0% 90 93 95 98 111 114 117

0.5% savings/year 2.5% 90 92 95 97 104 107 110 112 115 118 121
1.0%savings/year 2.0% 90 92 94 96 97 99 103 105 108 110 112 114
1.5%savings/year 15% 90 91 93 94 96 97 98 100 103 104 106 108
2.0%savings/year 1.0% 90 91 92 93 94 95 96 96 97 98 99 100

Passive Deferrals vs. Active Deferrals
Energy efficiency programs can lead to deferrals of T&D investments in two ways. passive
deferral and active deferral. We define those two concepts as follows:

Passive deferral: when system-wide efficiency programs, implemented for broad-based
economic and/or other reasons rather than with an intent to defer specific T&D projects,
nevertheless produce enough impact to defer specific T& D investments.

Activedeferral: when geographically-targeted efforts to promote efficiency —
intentionally designed to defer specific T&D projects — meet their objectives.

Passive deferrals, almost by definition, will occur to some degree in any jurisdiction that has
system-wide efficiency programs of any significance. However, as noted above, the degree and
value of passive deferral will obviously be heavily dependent on the scale and longevity of the
programs. The benefits may be modest, deferring a small number of planned investments a year
or two. They can be also quite substantial. For example, Consolidated Edison (Con Ed), the
electric utility serving New Y ork City and neighboring Westchester County, recently estimated
that including the effects of its system-wide efficiency programsin its 10-year forecast reduced
capital expenditures by more than $1 billion.*? Similarly, since it began integrating long-term
forecasts of energy efficiency savingsinto its transmission planning in 2012, the New England
ISO hasidentified over $400 million in previously planned transmission investmentsin New
Hampshire and Vermont that it is now deferring beyond its 10 year planning horizon.*3

The benefits of such passive deferrals are sometimes reflected in average statewide or utility
service territory-wide avoided T&D costs. Such avoided costs — along with avoided costs of
energy and system peak capacity — are commonly used to assess whether efficiency programs are
cost-effective (usually aregulatory requirement for funding approval). At the most general level,

12 Gazze, Chris and Madlen Massarlian, “Planning for Efficiency: Forecasting the Geographic Distribution of
Demand Reductions”, in Public Utilities Fortnightly, August 2011, pp. 36-41.

1B Theinitial March 2012 estimate was $265.4 million in deferred projects. In June 2013 an additional $157 million
in projects was deferred (Personal communication from Eric Wilkinson, |SO New England, 11/6/14. Also see:
George, Anne and Stephen J. Rourke (ISO New England), “I1SO on Background: Energy Efficiency Forecast”,
December 12, 2012; and 1SO New England, 2013 Regiona System Plan, November 7, 2013).

12
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estimates of avoided T& D costs are typically developed by dividing the portion of forecast T&D
capital investments that are associated with load growth (i.e., excluding the portion that is
associated with replacement due to time-related deterioration or other factors that are
independent of load), by the forecast growth in system load. Such estimates can vary
considerably, often as a function of the utilities” assumptions regarding how much investment is
deferrable. For example, in New England, utility estimates of avoided T&D costs currently
range from about $30 per kW-year (CL&P) to about $200 per kW-year (National Grid —

M assachusetts).*

Like passive deferrals, the benefits of active deferrals are a function of the value of each year of
deferral and the length of the deferral. However, because the deferral of a specific T&D
investment is the primary objective rather than by-product of the efficiency programs, benefits
are always very project-specific. Examples of such benefits are provided in the following
sections of this report.

It isimportant to recognize that deferred T& D investments — whether passive or active — area
subset of the benefits of the efficiency programs that produced the deferral. Efficiency programs
always also provide energy savings to participating customers, reductionsin line losses, and
environmental emission reductions. They aso typically provide system peak capacity savings,
reduced risk of exposure to fuel price volatility and, particularly in jurisdictions with competitive
energy and/or capacity markets, price suppression benefits.

Applicability to Natural Gas Infrastructure

Though this report focuses primarily on the role that efficiency programs can play in actively
deferring electric T&D investments, the concepts are just as applicable to gas T& D infrastructure
investments. That is, natural gas efficiency programs are likely to be passively deferring some
gas T&D investments and, under the right circumstances — e.g. for load-related T& D needs, with
enough lead time, etc. — should be viable options for deferring some gas T&D investments.

The passive deferral benefits of gas efficiency programs have either not been widely studied or
not been widely publicized. However, there are at least a couple of examples worth noting.

First, Vermont Gas Systems (VGS) routinely includes the impacts of its efficiency programsin
itsintegrated resource planning (IRP). Asnoted in its revised 2012 IRP, efficiency programs are
forecast to not only reduce gas purchases, but also contribute to “delayed transmission
investment during the term of (the) plan.”*® In its 2001 plan, VGS was even more explicit,
concluding that its efficiency programs would produce sufficient peak day savingsto delay
implementation of at least one transmission system looping project by one year.1®

14 Hornby, Rick et a. (Synapse Energy Economics), Avoided Energy Supply Costsin New England: 2013 Report,
prepared for the Avoided Energy Supply Component (AESC) Study Group, July 12, 2013.

15 Vermont Gas Systems, Inc., REVISED Integrated Resource Plan, 2012.

16 Vermont Gas Systems, Inc., Integrated Resource Plan, 2001.

13
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We are not aware of any publicly available documentation of examplesin which a gas utility has
used geographically-targeted efficiency programs to actively defer a T& D investment. However,
there may be growing interest in thistopic. For example, following a hotly contested proceeding
on avery large gas pipeline project, the Ontario Energy Board recently concluded that
geographically-targeted efficiency and demand response programs might have been able to
mitigate the need for a portion of the project designed to meet growing loads in downtown
Toronto, but “significant uncertainties”, mostly related to time limitations and to Enbridge Gas’
(the local gas utility’s) lack of information on and experience with assessing peak demand
impacts of its efficiency programs, led it to approve the project as proposed. However, the
Board also stated that “further examination of integrated resource planning” is warranted and
that it “expects applicants to provide more rigorous examination of demand side alternatives” in
all future proposals for significant T&D investments.}’” In avery different context, some parties
have suggested that geographic targeting of gas efficiency programs to areas near gas-fired
electric generating stations could help alleviate pipeline congestion that is driving up the winter
cost of electricity in parts of New England.*® It is conceivable that such efforts might also help
defer the need for some gas T&D investments.

NEEP will be undertaking a 2015 scoping project to document what gas system planners would
need to assess the potential viability of demand-side alternativesto gas T& D investments.

7 Ontario Energy Board, Decision and Order, EB-2012-0451, in the matter of an application by Enbridge Gas
Distribution, Inc. Leave to Construct the GTA Project, January 30, 2014.

18 Schlegel, Jeff, “Winter Energy Prices and Reliability: What Can EE Do to Help Mitigate the Causes and Effects
on Customers”, June 11, 2014.
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III. Summaries of Examples

Though far from widespread, a number of jurisdictions have tested and/or are in the process of
testing the role that geographically-targeted efficiency programs could play in cost-effectively
deferring electric T& D investments. In this section of the report we briefly summarize examples
of such efforts from ten different jurisdictions. More detailed discussion of some of these
examples follows in the next section.

Bonneville Power Administration (under consideration in 2014)

The Bonneville Power Administration (BPA) has periodically considered energy efficiency and
other non-wires alternatives to transmission projects over the past two decades. One notable
examplewas in the early 1990s. At the time the Puget Sound area received more than three-
quarters of its peak energy (i.e., during times of high demand for electric heat) via high voltage
transmission lines that crossed the Cascade mountain range. BPA studies concluded the region
could experience a voltage collapse — or blackout or brownout — if one of the lines failed during a
cold snap.’® The level of risk “violated transmission planning standards.”?° The traditional
option for addressing this reliability concern would have been to build additional high voltage
transmission lines over the Cascades into the Puget Sound area. However, BPA and the local
utilities chose instead to pursue alower cost path that included adding voltage support to the
transmission system (e.g., “series capacitors to avoid building additional transmission corridors
over the Cascades™) and more intensive deployment of energy efficiency programs that focused
on loads that would help avoid voltage collapse. The voltage support was by far the most
important of these elements.?!  The project, known as the Puget Sound Area electric Reliability
Plan, ended up delaying construction of expensive new high voltage transmission lines for at
least adecade.?? Indeed, no new cross-Cascade transmission lines have been built to date.?®

Severa yearslater, BPA invested in a substantial demand response initiative in the San Juan
Islands to address reliability concerns after the newest of three underwater cables bringing power
to theislands was accidentally severed. Theinitiative ran for five years and succeeded in
keeping loads on the remaining cables at appropriate levels until a new cable was added.

19 U.S. Department of Energy, Bonneville Power Administration, Public Utility District Number 1 of Snohomish
County, Puget Sound Power & Light, Seattle City Light and Tacoma City Light, “Puget Sound Reinforcement
Project: Planning for Peak Power Needs”, Scoping report, Part A, Summary of Public Comments, July 1990.

20 Bonneville Power Administration Non-Construction Alternatives Roundtable, “Who Funds? Who Implements?”
Subcommitee, “Non-Construction Alternatives— A Cost-Effective Way to Avoid, Defer or Reduce Transmission
System Investments”, March 2004.

2! Indeed, though the plan included additional investments in efficiency, the additional capacitors, coupled with the
addition of some local combustion turbines, were likely enough to defer the transmission lines even without the
additional efficiency investments (personal communication with Frank Brown, BPA, 11/7/11).

22 Bonneville Power Administration, “Non-Wires Solutions Questions & Answers” fact sheet.

2 The system has been significantly altered over the past two decades as aresult of substantial fuel-switching from
electric heat to gas heat, the addition of significant wind generating capacity (much of it for sale to California) and
other factors. Thus, today, BPA has more “North-South issues” than “East-West issues” (personal communication
with Frank Brown, BPA, 11/7/11).
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Although BPA has since commissioned several studies to assess non-wires alternatives to
traditional transmission projects, it has not yet pursued any additional now-wires projects. BPA
is currently in the process of rebooting and revamping their corporate approach to non-wires
aternatives. That has included arestructuring of where this function is situated within the
organization. Prior to 2012 the non-wires team at BPA was part of the Energy Efficiency team,
but in early 2013 it became a corporate level function in an attempt to better integrate strategic
planning for non-wires approaches across the organization by bridging the energy efficiency and
resource planning functions.

BPA is aso re-assessing the threshold criteria used to determine whether a project might be a
good candidate for a non-wires approach. In the past, projects needed to be planned to be at least
eight yearsin the future, and have a cost of at least $5M to be considered for anon-wires
aternative. Currently the BPA team feelsthat an eight-year lead time is too long, because it
allows too much time for projects to change in significant ways before they would be
implemented. With thisin mind they are now focusing on projects that are planned for five years
out, feeling that this allows sufficient time to deploy non-wires resources while still providing
greater surety that the project’s expected need is reasonable. BPA has also reduced its minimum
cost threshold from $5M to $3M.

The lead time and cost criteria are used as a “stage one” filter to identify potential NWA
candidate projects. Once stage one selection is complete, a “stage two” analysis is undertaken. In
stage two analysis BPA considers more specifically the types of customersin the affected load
areas, and identifies the types of non-wires alternatives that could potentially be applicable and
effective. Once this team has identified strong project candidates, recommendations are made to
the executive team regarding projects to pursue. Once executive approval is obtained, the project
would then move to a different branch of BPA for execution.

Asin the Northeast there are significant unanswered questions about how future non-wires
aternatives to transmission projects will be funded. Currently, transmission construction projects
are socialized over alarge customer base, but a similar cost-allocation mechanism has not yet
been identified that would alow costs of non-wires alternatives to be similarly allocated. BPA is
currently considering approaches to address thisissue.

California: PG&E (early 1990s pilot, new efforts in 2014)

One of the most widely publicized of the early T&D deferral projects was the Pacific Gas and
Electric (PG&E) Model Energy Communities Program, commonly known as the “Delta project”.
The project ran from July 1991 through March 1993. Its purpose was to determine whether the
need for a new substation that would otherwise be required to serve a growing “bedroom
community” of 25,000 homes and 3000 businesses could be deferred through intensive
efficiency investments. The largest portion of the project’s savings was projected to come from a
residential retrofit program targeted to homes with central air conditioning. Under theinitial
design, participating homes would receive free installation of low cost efficiency measures (e.g.,
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CFLs, low flow showerheads, water heater blankets) during an initial site visit and be scheduled
for follow up work with major measures such as duct sealing, air sealing, insulation, sun
screening and air conditioner tune-ups. More than 2700 homes received such major measures.
Later, the program changed its focus to promoting early replacement of older, inefficient central
air conditioners with new efficient models. Other components of the Delta project included
commercia building retrofits, aresidential new construction program and a small commercial
new construction program.

Evaluations suggested that the project produced 2.3 MW of peak demand savings. The savings
did come at a higher cost than expected — roughly $3900 per KW. This can likely be attributed to
acouple of key factors. First, the project had an extremely compressed timeframe. It was
planned and launched within six months; the implementation phase was less than two years. A
second related factor was that some of the efficiency strategies produced much lower levels of
savings than initially estimated. Because of the compressed timeframe for the project, the switch
in emphasis to the better performing program strategies could not occur early enough to keep
total costs per kW at more reasonable levels. For example, the residential shell and duct repair
efforts were initially projected to generate nearly 1.8 MW of peak demand savings but, in the
end, produced only about 0.2 MW at a cost of over $16,000 per KW. In contrast, the early
replacement residential central air conditioners produced 1.0 MW of peak savings — about 2.5
times the original forecast of about 0.4 MW - at a cost of about $900 per kW. The final
evaluation of the project suggested that the savings achieved succeeded in deferring the need for
the substation for at least two years.?*

No other projects of this kind appear to have been pursued in California until very recently.
Passage of Assembly Bill 327 in October 2013 required utilities to assess the locational benefits
and costs of distributed resources (including efficiency), identify economically optimal locations
for them, and put in place plans for their deployment. In response, PG& E started looking at
specific capacity expansion projects at the distribution substation level that could be deferred if
they could reduce load growth. The Company |leveraged circuit-specific, 10-year, geo-spatial
load forecasts® and identified roughly 150 distribution capacity expansion projects that would be
needed over the next 5 years— and started developing criteria that would be useful in helping
them select the potential deferral projects with the greatest likelihood of success. To narrow
down the list, they focused on projects that:

Were growth related rather than needed because of equipment mai ntenance issues,

Had a projected in-service date at least 3 years into the future; and

Had a projected normal operating deficiency of 2 MW or less at substation level to ensure
that they would be realistically achievable in atwo-year timeframe.

2 pacific Gas and Electric Company Market Department, “Evaluation Report: Model Energy Communities
Program, Delta Project 1991-1994”, July 1994.
2 Using Integral Analytics proprietary “LoadSEER” software.
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Applying these criteria reduced the number of projects being considered to about a dozen. PG& E
then looked at each of the remaining projects more closely to better understand which customers
were connected to those feeders and what their load profiles were like to determine if the needed
reductions could be reasonably secured over the next two years. Through this process they
ultimately selected four projects for which to deploy non-wires aternatives, including energy
efficiency, for 2014-15. By the end of 2015 they expect to be able to show significant progressin
developing their understanding of the strengths and potential limitations of these non-wires
approaches, which will allow them to better integrate NWA approaches into future planning
efforts. This current effort is discussed more thoroughly in the next section — detailed case
studies — of this report.

Maine (2012 to present)

In 2010, the Maine Public Utilities Commission approved a settlement agreement reached by
Central Maine Power and a variety of other parties regarding alarge transmission system
upgrade project. A key condition of the settlement was that there would be a pilot project to test
the efficacy of non-wires alternatives. The first such pilot was to be in the Boothbay region.
Another condition was that the non-wires pilot would be administered by an independent third
party. Grid Solar, an active participant in case, was selected to be the administrator.

The Boothbay pilot began in the Fall of 2012 with the release of an RFP designed to procure 2.0
MW of non-wires resources. Rather than solicit a purely least cost mix of resources, the project
aimed to ensure that amix of resource types would be procured and tested by establishing
desired minimums of 250 kW for each of four different resource categories. energy efficiency,
demand response, renewabl e distributed generation and non-renewabl e distributed generation. A
second RFP was issued in late May of 2013 after one of the original winning bids withdrew due
to challengesin acquiring financing. As of the Summer of 2014, 1.2 MW of non-wires
resources, including approximately 350 kW of efficiency resources, were deployed and
operational; another 500 kW was expected to be operational by late 2014. Dueto revised load
forecasts that total of 1.7 MW isall that is now expected to be needed to defer the transmission
investment. The cumulative revenue requirement for the non-wires solution is now forecast to
be approximately one-third of what the cost would have been for the transmission solution. This
project, as well as recent legislation that requires assessment and deployment of |ess expensive
non-wires solutions in the future, is discussed in greater detail in the next section of this report.

Michigan: Indiana & Michigan/AEP (2014)

Indiana and Michigan (I&M), asubsidiary of American Electric Power (AEP), is currently
forecasting that it will need to invest in an upgrade to atransformer at its substation in Niles,
Michigan. The substation serves about 4400 residential customers, nearly 600 commercial
customers and about 60 industrial customers. Peak load on the substation is currently 23.2 MW.
It isforecast to grow by about 200 kW per year, though system planners need to address a
possibility that peak loads will grow by 5% above normal weather levels —i.e. 210 kW per year.
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&M is currently considering a pilot project to use more aggressive efforts to promote energy
efficiency investments to offset load growth and thereby defer the transformer upgrade. The
efficiency program offerings would build on the system wide programs that are aready offered
across 1&M’s Michigan service territory, including both increased rebates for customersin Niles
and more aggressive customer outreach and marketing efforts. There may also be efforts to
explore integration of efficiency offerings with promotion of demand response and distributed
generation.

Nevada: NV Energy (late 2000s)

In 2008 NV Energy faced asituation in arelatively rural portion of its service territory, east of
Carson City, in which growth in demand was going to need to be met by either running the
locally situated but relatively expensive Fort Churchill generating station more frequently or
constructing a 30 mile, 345 kV A transmission line and new substation to bring less expensive
power from the more efficient Tracy generating facility (situated further north, about 20 miles
east of Reno) to the region. When the local county commission began expressing concerns about
permitting construction of the substation, regulators instructed the Company to increase the
intensity of its DSM efforts in the targeted region as an aternative to meeting the area’s needs
economically:

"...the concentration of DSM energy efficiency measures in Carson City, Dayton, Carson
Valley and South Tahoe has the potential to reduce the run time required for the Ft.
Churchill generation units. The increased marketing costs and increased incentives and
subsequent reduction in program energy savings required to attain an increased
participation in the smaller market area are estimated to be more than offset by reduced
fuel costs. Serra Pacific, d.b.a. NV Energy, will make a reasonable effort within the
approved DSM budget and programs to concentrate DSM activities in this area...”

NV Energy pursued avariety of effortsto focusits existing efficiency programs more intensely
on the Fort Churchill area through increased marketing and, in one case (Commercial building
retrofit program), higher financia incentives.?’ It also offered an “Energy Master Planning
Service” to the Carson City and Douglas County School districts, though both declined the
service. Of these efforts, NV Energy’s second refrigerator collection and recycling program
(including a new element of CFL distributions) and the commercial retrofit program were
together responsible for the vast majority of the increased DSM savings in the region.?

At the same time as these efficiency efforts were launched, NV Energy’s transmission staff
began re-conductoring the existing 120 kV A line to the region to increase its carrying capacity.
The economic recession also hit at the same time, dampening growth. Asaresult, the Company

% Jarvis, Daniel et al., “Targeting Constrained Regions: A Case Study of the Fort Churchill Generating Area”,
2010 ACEEE Summer Study on Energy Efficiency in Buildings, Volume 5, pp. 178-189

27 Sierra Pacific Power Company, 2010 Annual Demand Side Management Update Report, July 1, 2010, pp. 6-9.
2 1bid. and Jarvis et al.
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has not had to revisit the need for either the additional power line and substation or increasing
the run time of the Fort Churchill generating station. The project has also facilitated the
beginnings of “rich conversations” between demand resource planners and transmission planners
within the Company.?

New York: Con Ed (2003 to present)

Consolidated Edison (Con Ed), the electric utility serving New Y ork City and neighboring
Westchester County, has been perhaps the most aggressive in the US in integrating end use
energy efficiency into T&D planning. Geographically targeted investment in efficiency at Con
Ed began in 2003, when growth in demand was causing a number of Con Ed’s distribution
networks to approach their peak capacity. Initsinitia pilot phase, the Company established
contracts with three ESCOs to provide load reductions in nine networks areas. five in midtown
Manhattan, three in Brooklyn and one in The Bronx. In subsequent phases, four different
ESCOs were contracted to deliver load reductions in 21 additional network areas: 13in
Manhattan, four on Staten Island and four in Westchester County. ESCOs were alowed to bid
virtually any kind of permanent load reduction. However, through 2010, the only cost-effective
bids submitted and accepted were solely for the installation of efficiency measures. All told,
between 2003 and 2010, the Company employed geographically targeted efficiency programsto
defer T& D system upgrades in more than one third of its distribution networks. The resulting
savings were very close to forecast needs and provided more than $300 million in net benefits to
ratepayers.®® In some cases, the efficiency investments not only deferred T& D upgrades, but
bought enough time to allow the utility to refine load forecasts to the point where some of the
capacity expansions may never be needed.

After these successful distribution deferral projects were completed in 2012, Con Ed experienced
abrief hiatus from non-wires projects simply because there were no distribution upgrade projects
being planned that would meet the criteriafor non-wires approaches (see detailed case study in
following section for discussion of these criteria). That changed in the summer of 2013, when an
extended heat wave placed severe capacity pressure on areas of Brooklyn and Queens, causing
Con Ed to identify a greatly accelerated need for upgrades to its system in these areas. Con Ed
subsequently decided to request approval for approximately $200M in investments to defer
distribution system upgrades related to these capacity constraints.

That proposal was also made in the context of strong signals coming from New York’s
regulators indicating a pending re-structuring of the electric utility industry in the state, with a
much greater expectation that in the near future the utilities will be responsible for taking
advantage of al available resources for managing the grid in the most economic manner. In

2 Personal communication with Larry Holmes, NV Energy, 11/9/11.

30 Gazze, Chris, Steven Mysholowsky, Rebecca Craft, and Bruce Appelbaum., “Con Edison’s Targeted Demand
Side Management Program: Replacing Distribution Infrastructure with Load Reduction”, in Proceedings of the
ACEEE 2010 Summer Study on Energy Efficiency in Buildings, Volume 5, pp. 117-129; updated estimates
provided by Chris Gazze, formerly of Con Ed, February 11, 2011.
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Commission Staff’s view, this includes deploying all manner of Distributed Energy Resources
(DERYS) to their cost-effective levels. This viewpoint is clearly reflected in ConEd’s Brooklyn-
Queensfiling and the associated RFI that ConEd has issued that includes an extraordinary level
of flexibility regarding the creative use of non-wires approaches. The Brooklyn-Queens project
is discussed in much greater detail in the following “detailed case studies” section of this report.

New York: Long Island Power Authority (2014)

PSEG Long Island®! has submitted a proposed long-term plan to the Long Island Power
Authority (LIPA) for its approval.*> The plan includes initiatives designed to defer substantial
transmission upgrades in the Far Rockaway region in southern Long Island and the South Fork
region in eastern Long Island. Both include a proposed RFP to procure peak load relief, with
any type of demand side measure — including energy efficiency — being eligible aslong asit is
commercialy proven, is measurable and verifiable and is not duplicative of other programs
already proposed for the areas.

In the case of the Far Rockaway region, the effort would be designed to help defer what would
otherwise be a transmission reinforcement between the towns of East Garden City and Valley
Stream in 2019. LIPA has already issued and received responses to an RFP for new generation,
energy storage and demand response (GSDR) resources which may satisfy some or all of the
need inthe area. Thus, the proposed new RFP for demand-side resourcesis essentially a
contingency plan. If deployed, it would seek to acquire 25 MW of “guaranteed capacity relief”.
PSEG Long Island has stated that the RFP process would be similar to Con Ed’s process for
addressing its Brooklyn-Queens constraint.

In the case of the South Fork region, the effort would be designed to help defer a $294 million
capital investment in (primarily) new underground transmission cables and substation upgrades
over the next eight years ($97 million by 2017 and the other $197 million through 2022).
Approximately 20 MW of coincident peak capacity is needed by 2018, with more required in
later years. It is expected that some of this need will be addressed by acquisition of storage
resources through the GSDR RFP described above and 21.6 MW (nameplate capacity)® of solar
PV procured through a different initiative. The RFP for demand side resources would seek at
least 13 MW of guaranteed load relief, unless aparalel effort to acquire peak savings through a
residential Direct Load Control program RFP acquires enough load control resourcesin the
South Fork areato reduce the need.

31 PSEG Long Island is currently contracted to provide all aspects of LIPA’s utility services, other than procurement
of supply resources. Starting in January 2015, it will also be responsible for supply procurement as well.

32 PSEG Long Island, “Utility 2.0 Long Range Plan Update Document™, prepared for the Long Island Power
Authority, October 6, 2014.

3 That equates to more like 10 MW of coincident peak capacity and even lessin early evening hours when demand
inthe region is still very high (personal communication with Michaedl Voltz, PSEG Long Island, November 13,
2014).
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As of the writing of this report, these efforts are just proposals. They are expected to be
considered for approval by the Long Island Power Authority Board in December 2014.34

Oregon: Portland General Electric (early 1990s)

In 1992, Portland General Electric (PGE) began planning the launch of a pilot initiative to assess
the potential for using DSM to cost-effectively defer distribution system upgrades;
implementation began in early 1993.* The pilot focused on several opportunities for deferring
both transformer upgrades planned for large commercia buildings and grid network system
upgrades planned for downtown Portland, Oregon. The projects were identified from areview of
PGE’s five-year transmission and distribution plan. Though the PGE system was winter-
peaking, downtown Portland was summer-peaking so the focus would be on efficiency measures
that reduced cooling and other summer peak loads. To be successful, deferrals would need to be
achieved in one to three years, with the lead time varying by project. In each case, the value of
deferring the capital improvements was estimated. The estimates varied by area, but averaged
about $35 per KW-year.®

Two different strategies were pursued. In the case of the individual commercial buildings, where
peak demand reductions of several hundred kW per building were needed to defer transformer
upgrades, the utility relied on existing system-wide DSM programs, but target marketed the
programs to the owners of the buildings of interest using sales staff that already had relationships
with the building owner or property management firm. For the grid network system objectives,
where peak reductions of 10% to 20% for entire 10 to 15 block areas were needed, the utility
contracted with ESCOs to deliver savings. The ESCO contracts had two-tier pricing structures
designed to encourage comprehensive treatment of efficiency opportunities and deep levels of
savings. Thefirst tier addressed savings up to 20% of a building’s electricity consumption. The
second tier was amuch higher price for savings beyond 20%.%’

The results of the pilot were mixed. For example, savingsin one of the targeted commercial
buildings was nearly twice what was needed, deferring and possibly permanently eliminating the
need for a $250,000 upgrade. However, savings for another building fell short of the amount of
reduction needed to defer its transformer upgrade. While other options were being explored to
bridge the gap, an unexpected conversion from gas to electric cooling of the building “eliminated
any opportunity to defer the upgrade.”38

Theresults for the first grid area network targeted were also very instructive. Of the 100
accountsin the area, the largest 20 accounted for more than three-quarters of the load. By

34 Personal communication with Michael Voltz, PSEG Long Island, November 11, 2014.

35 Personal communication with Rick Weijo, Portland Genera Electric, August 10, 2011.

36 Weijo, Richard O. and Linda Ecker (Portland General Electric), “Acquiring T&D Benefits from DSM: A Utility
Case Study”, Proceedings of 1994 ACEEE Summer Study on Energy Efficiency in Buildings, Volume 2.

37 1bid.

38 1bid.
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ultimately treating 12 of those 20, the ESCOs contracted by PGE actual ly succeeded in reducing
load through efficiency measures by nearly 25% in just one year. That was substantially more
than the 20% estimated to be necessary to defer the need for a distribution system upgrade.
However, the utility’s distribution engineering staff decided to proceed with construction of the
upgrade before the magnitude of the achieved savings was known because they did not have
sufficient confidence that the savings would be achieved and be reliable and persistent. Itisalso
worth noting that the utility’s marketing staff who were managing the ESCO’s work were not
even made aware of the decision to proceed with the construction until after it had begun — a
telling indication of the lack of communication and trust between those responsible for energy
efficiency initiatives and those responsible for distribution system planning.*®

Despite some notabl e successes with its pilot, PGE has not subsequently pursued any additional
efforts to defer distribution system upgrades through energy efficiency.*

Rhode Island: National Grid (2012 to present)

In 2006, Rhode Island adopted a “System Reliability Procurement” policy that required utilities
to file plans every three years. Guidelines detailing what to include in those plans were
developed by the state’s Energy Efficiency and Resource Management Council (EERMC) and
National Grid and approved by regulatorsin 2011 (see Appendix D). The guidelines make clear
that plans must consider non-wires alternatives, including energy efficiency, whenever aT&D
need meets al of the following criteria:

It is not based on asset condition;

It would cost more than $1 million;

It would require no more than a 20% reduction in peak load to defer; and

It would not require investment in the “wires solution” to begin for at least 36 months.*

For such cases, the plans must include analysis of financial impacts, risks, the potential for
synergistic benefits, and other aspects of both wires and non-wires aternatives.

Based on these guidelines, National Grid proposed an initial pilot project in late 2011. The
project was designed to test whether geographically targeted energy efficiency and demand
response could defer the need for a new substation feeder to serve 5200 customers (80%
residential, the remainder small businesses) in the municipalities of Tiverton and Little Compton.
The pilot began in 2012 with the objective of deferring the $2.9 million feeder project for at |east
four years (i.e. from an initial estimated need date of 2014 until at least 2018). The load

9 bid.

40 Personal communication with Rick Weijo, Portland Genera Electric, August 10, 2011.

4 These criteria are identical to internal guidelines National Grid had developed in 2010/2011 (personal
communication with Lindsay Foley, National Grid, December 22, 2014).
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reduction necessary to permit the deferral was estimated to be 150 kW in 2014, rising to about
1000 kW in 2018.%

The pilot was designed to leverage National Grid’s statewide efficiency programs in a couple of
ways. First, the Company is more aggressively marketing those statewide programs to
customersin Tiverton and Little Compton. Second, it is using the same vendor that manages its
statewide residential and small commercial efficiency retrofit programs to promote demand
response measures in the two towns. Because the substation’s peak load is in the summer, there
isastrong emphasis on addressing cooling loads. Initialy, the demand response offering was a
wi-fi programmable controllable thermostat for homes with central air conditioning. However,
when the saturations of central air proved to be lower than expected, the pilot was broadened to
include demand response-capabl e plug load control devices for window air conditioners.
Marketing of the program offerings was limited to “direct contact” with customersin the affected
towns. National Grid recently reported to state regulators that the need for the new feeder has
been pushed out from 2014 to 2015, suggesting that the peak |oad reduction that has been
realized thus far has been large enough to defer the investment by one year.*

Vermont (mid-1990s pilot, statewide effort 2007 to present)

In 1995, Green Mountain Power (GMP), Vermont’s second largest investor-owned electric
utility at that time, launched an initiative — the first of its kind in the state — to defer the need for
anew distribution linein the Mad River Valley — aregion in the central part of the state made
famous by the Sugarbush and Mad River ski resorts. Sugarbush, which was already the largest
load on the line, had announced plans to add up to 15 MW of load associated with anew hotel, a
new conference center and additional snow-making equipment. The existing line could not
accommodate that kind of increase. Ensuing negotiations between GMP, Sugarbush and the
state’s ratepayer advocate ultimately led to an aternative solution in which Sugarbush would
ensure that load on the distribution line — not just its load, but the total load of all customers —
would not exceed the safe 30 MW level, and GMP would invest in an aggressive effort to
promote investment in energy efficiency among al residential and business customersin the
region. To meet its end of the bargain, GMP filed and regulators approved four efficiency
programs targeted to the Mad River Valley, including alarge commercial/industrial retrofit
program, asmall commercial/industrial retrofit program, aresidential retrofit program that
focused on homes with electric heat and hot water, and aresidential new construction assessment
fee program which imposed a mandatory fee on all new homes being constructed in the valley.
The fee program paid for a home energy rating and offered both repayment of the fee and an
additional incentive for building the home efficiently. The project as a whole came close to
achieving its overall savings goal.

42 Anthony, Abigail (Environment Northeast) and Lindsay Foley (National Grid), “Energy Efficiency in Rhode
Island’s System Reliability Planning”, 2014 ACEEE Summer Study on Energy Efficiency in Buildings, Volume 10.
4 1bid.
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Since that early project, Vermont has invested significant efforts in developing a thoughtful
methodology for assessing the prudence of non-wired alternatives to capital investmentsin poles
and wires. The Vermont Public Service Board (PSB) issued orders in Docket 7081 that
established expectations for analysis of non-transmission alternatives, and in Docket 6290 for
non-wires alternatives to distribution and sub-transmission projects. While the requirements vary
dlightly, similar approaches are used for both distribution and transmission needs. The state’s
distribution utilities and Vermont Electric Power Company (VELCO), the state’s electric
transmission provider, submit twenty-year forecasts of potential system constraints and
construction projects as part of utility Integrated Resource Plans (IRPs) and a Long Range
Transmission Plan (LRTP) every three years. The forecasts are updated annually. The forecasts
include preliminary assessments of the applicability of non-wires alternatives based on criteria
that have been agreed upon by Vermont System Planning Committee (V SPC), a statewide
collaborative process for addressing electric grid reliability planning.** The VSPC helps Vermont
fulfill an important public policy goal: to ensure that the most cost-effective solution gets chosen,
whether it is a poles-and-wires upgrade, energy efficiency, demand response, generation, or a
hybrid solution. The work of the VSPC is carried out by a broad cross section of stakeholders,
including representatives from utilities, regulators, environmental advocates and Efficiency
Vermont, and follows a highly prescribed process to assure that potential solutions are reviewed
comprehensively.®

The current collaborative planning process was developed in response to Act 61, the 2005
legislation that clearly establishes the basis for the Public Service Board to require long range
consideration of non-wires solutions as alternatives to T&D construction. Act 61 emerged in part
asaresult of public, regulatory, and legislative frustration with the Northwest Reliability Project,
atransmission upgrade project that the Board ultimately felt it had to approve because, when
permit applications were submitted there was no longer sufficient lead time to fairly consider
NWASs. Act 61 also removed statutory spending caps for Efficiency Vermont, authorizing the
Board to establish appropriate budgets. When the Board ordered budgets to increase beginning in
2007, it also required that a portion of the increase be devoted to special efforts to obtain
additional savingsin areas that the utilities had indicated had the potential to become
constrained. Five geographic areas were initialy targeted. At the time the Board required this
geographic targeting effort primarily as a proof of concept, to assess Efficiency Vermont’s
ability to increase targeted savings while a better planning process was devel oped. Efficiency
Vermont employed a number of program strategies in pursuit of their geographic goals,
including enhanced account management approaches for commercial customers, a direct-install
lighting program for small businesses, aggressive promotion of retail efficient lighting including
community-based marketing approaches, and enhanced efforts to increase shell efficiency or
fuel-switch electric heating customers. Vermont’s process for evaluating the potential for non-

44 http://www.vermontspc.com/
45 http://www.vermontspc.com/library/document/downl 0ad/599/GTProcessMap_final 2.pdf
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wires solutions is discussed in much greater detail in the following “detailed case studies”

section of thisreport.
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IV. Detailed Case Studies
1. Con Ed

Early History with Non-Wires Alternatives

Con Ed arguably has more on the ground experience with using geographically targeted energy
efficiency to defer or avoid T& D investments than any other utility in North America. This
geographically targeted investment in efficiency began in 2003, when growth in demand was
causing a number of Con Ed’s distribution networks to approach their peak capacity. Given the
density of its customer base in and around New Y ork City, much of the company’s system is
underground, making upgrades expensive and disruptive. Thus, the Company began to assess
whether it would be feasible and cost-effective to defer such upgrades through locally-targeted
end use efficiency, distributed generation, fuel-switching and other demand-side investments. At
least initially, the focus was on projects “with need dates that were up to five years out
and...required load relief that totaled less than 3% to 4% of the predicted network load.”*®
However, a decision was later made to proceed with geographically-targeted demand resource
investments whenever it was determined that such investments were likely to be both feasible
and cost-effective.

For these early projects, the Company chose to contract out the acquisition of demand resources
to energy service companies (ESCOs). To addressreliability risks its contracts contained both
“significant upfront security and downstream liquidated damage provisions”, as well as rigorous
measurement and verification requirements, including 100% pre- and post-installation
inspections. Contract prices were established through a competitive bidding process, with the
Company’s analysis of the economics of deferment being used to establish the highest price it
would be willing to pay for demand resources. Those threshold prices varied from network to
network. When the amount of demand resources bid at prices below the cost-effectiveness
threshold were insufficient to defer T& D upgrades, supply-side improvements were pursued
instead.

Initsinitia pilot phase, the Company established contracts with three ESCOs to provide load
reductions in nine network areas. fivein midtown Manhattan, three in Brooklyn and onein The
Bronx. In subsequent phases, four different ESCOs were contracted to deliver load reductionsin
21 additional network areas. 13 in Manhattan, four on Staten Island and four in Westchester
County. Though ESCOs were allowed to bid virtually any kind of permanent load reduction, all
of the accepted bids were solely for the installation of efficiency measures. All told, between
2003 and 2010, the Company employed geographically targeted efficiency programs to defer
T&D system upgrades in more than one third of its distribution networks.

4 Gazze, Chris, Steven Mysholowsky, Rebecca Craft, and Bruce Appelbaum., “Con Edison’s Targeted Demand
Side Management Program: Replacing Distribution Infrastructure with Load Reduction”, in Proceedings of the
ACEEE 2010 Summer Study on Energy Efficiency in Buildings, Volume 5, pp. 117-129.
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This approach had considerable success. In aggregate the level of peak load reduction for Phase
1, which ran through 2007, was approximately 40 MW — or 7 MW less than the contracted
level.*” Asaresult, Con Ed collected considerable liquidated damages from participating
ESCOs. Load reductions in subsequent phases were close to those contracted in aggregate.
Those aggregate results masked some differences across network areas. In particular, reductions
in areas dominated by residential loads with evening peaks were achieved ahead of schedule
while “ESCOs targeting commercial customers in daytime peaking networks struggled
somewhat due to the economic recession.”*® On the other hand, the economic recession also had
the effect of dampening baseline demand, offsetting most of the efficiency program shortfalls.*
This highlights an important benefit of some efficiency programs — their savings can betied, in
part, to the same factors (e.g. the vitality of the economy) that cause demand growth to rise or
fall. Put another way, participation in some efficiency programs tends to increase when load is
growing more quickly and decrease when load is not growing quickly.

Another benefit of efficiency programsisthat they can create a hedge against load growth
uncertainty. As Con Ed put it:

*“...using DSM to defer projects bought time for demand uncertainty to resolve, leading
to better capital decision making. Moreover, widespread policy and cultural shifts
favoring energy efficiency may further defer some projects to the point where they are
never needed...In fact, Con Edison has projected that in the absence of this programiit
would have installed up to $85 million in capacity extensions that may never be
needed.””>

As Figure 3 shows, from 2003 to 2010, Con Ed estimated that it saved more than $75 million
when comparing the full costs of its geographically targeted efficiency programsto just the T&D
costs that were avoided. When other efficiency benefits (e.g., energy savings and system
capacity savings) were also considered, the efficiency investments were estimated to have saved
Con Ed and its customers more than $300 million. It should be noted that these estimates
include the benefits of the longer-than expected deferrals and even outright elimination of the
need for some T&D projects that resulted from the downside hedge against forecasting
uncertainty described above. The benefits of just the planned deferrals — i.e. what would have
been realized had the projects only been deferred asinitially forecast — were lower.

47 Data obtained from graph in Gazze, Mysholowsky, Craft and Appelbaum (2010).

4 Gazze, Mysholowsky, Craft and Appelbaum (2010).

4 Gazze, Mysholowsky, Craft and Appelbaum (2010).

0 Gazze, Chris et al., “Con Ed’s Targeted Demand Side Management Program: Replacing Distribution
Infrastructure with Load Reduction”, in Proceedings of the ACEEE 2010 Summer Study on Energy Efficiency in
Buildings, Volume 5, pp. 117-129.

28



Filed: 2015-08-12
EB-2015-0049
EB-2015-0029

Exhibit M.Staff.EGDI.15
Attachment 1
Page 30 of 88

Figure3: NPV of Net Benefits of Con Ed’s 2003-2010 Non-Wir es Pr oj ects™
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The Next Big Step - $200 Million Brooklyn-Queens Project

Building on this experience, in the summer of 2014 Con Ed requested regulatory approval to
invest approximately $200M in a number of different approaches aimed at mitigating the
immediate need for system reinforcement in areas of Brooklyn and Queens that surfaced during
an extended heat wave in the summer of 2013 (see Figure 4).

51 Cost and benefit data provided by Chris Gazze, February 11, 2011. Note that “other costs” includes program
administration ($2.9 million), M&V ($9.2 million) and customer costs ($9.9 million).

29



Filed: 2015-08-12
EB-2015-0049
EB-2015-0029

Exhibit M.Staff. EGDI.15
Attachment 1
Page 31 of 88

Figure4: Targeted Brooklyn-Queens Networ ks>
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Con Ed knew that there would be capacity constraintsin these areas in the future, but the
extreme weather placed severe capacity pressure on the sub-transmission feeders that feed the
Brownsville No.1 and No.2 substations (serving areas of Brooklyn and Queens), causing Con Ed
to identify a greatly accelerated need for upgrades to its system in these areas.>® Rather than
proceeding with a traditional construction solution, Con Ed’s proposal calls for it to achieve 41
MW in customer side solutions and another 11 MW of capacity savings through “non-traditional
utility side solutions” between 2016 and 2018. This will be combined with another 11 MW of
load transfers and 6 MW from the installation of new capacitors that will be operationa by 2016
to meet the increased demand during this period. To be clear, Con Ed views these measures as a
deferral, rather than areplacement strategy, that will allow delaying the construction of a new
substation and associated other improvements from 2017 until 2019. Future upgrades at two
other substations are expected to extend this deferral until 2026.%*

52 Consolidated Edison Company of New Y ork Request for Information, July 15, 2014, p.11.

53 Personal communication with Michael Harrington of Con Ed, July 24, 2014.

54 Data regarding Con Ed’s proposal are from Consolidated Edison Company of New York, Inc. Brownsville Load
Area Plan, Case 13-E-0030, August 21, 2014.

http://documents.dps.ny.gov/public/M atterM anagement/CaseM aster.aspx?M atter CaseNo=13-e-0030, filing # 518
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The overall expected project cost of the combination of the $200M in customer-side and utility-
side investments, along with costs associated with the load transfers, new capacitors, and
upgrades at the two other substations is not available in the documents reviewed in preparing this
paper. However, Con Ed does say that the cost of the alternative purely “poles and wires”
solution would be about $1 billion.”®® This traditional solution would include “...expansion of
Gowanus 345kV switching station into a new 345/138kV step-down station...and...construction
of an area substation and new sub-transmission feeders that would have been constructed and in
service by the summer of 2017....”%°

Figure 5 below illustrates the annual contribution of each component that combined will provide
the needed load relief for the Brownsville Load Areain Brooklyn and Queens. Both traditional
“poles and wires” solutions and non-traditional alternatives are needed to meet the anticipated
load. The blue “utility alternate solutions” and the green “customer-sited solutions” together
make up the NWAs for which Con Ed has sought approval .

Figure5: Brownsville Load Area Plan by Component: 2016-2019 *°
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Con Ed’s past success with implementing non-wires solutions gives it what is perhaps a unique,
experience-based level of confidence in the effectiveness of alternatives to distribution
construction. Likely of equal importance in Con Ed’s decision to request approval for the
Brooklyn-Queens project are the strong signals coming from New York’s regulators, initially
through feedback in arate case®® and later reinforced through proposals to re-structure the
electric utility industry in New York. In particular, New York’s Public Service Commission
Staff have indicated that they foresee that in the near future the utilities will be held increasingly
responsible for managing the grid in the most economic manner. In Commission Staff’s view,
outlined in Reforming the Energy Vision (REV),> this includes deploying all manner of cost-
effective Distributed Energy Resources (DERS), in an environment where their benefits are
accurately measured and given full attribution. The REV proceeding is currently underway in
New Y ork and the outcomes are undecided at the time of thiswriting, but clearly Con Ed has
reflected anticipated changes in the regulatory framework in its Brooklyn-Queens filing, which
will provide the most comprehensive test to date of the principles outlined in the REV.

Consistent with its regulatory filing, Con Ed issued an RFI in July of 2014 under thetitle
“Innovative Solutions to Provide Demand S de Management to Provide Transmission and
Distribution System Load Relief and Reduce Generation Capacity Requirements’”. The RFI
allowsfor an extraordinary level of flexibility regarding the creative use of non-wires
approaches:

’Respondents are encouraged to submit alternative, creative proposals for DSM marketing,
sales, financing, implementation, and maintenance, or transaction structures and pricing
formulas that will achieve the demand reductions sought and maximize value to Con
Edison’s customers.””®°

While the Brooklyn-Queens project is receiving much attention for its unprecedented scale and
ambition as a non-wires project, a concurrent evolution in several aspects of Con Ed’s overall
approach to non-wires alternatives may be even more important in the long run. Four recent
developments are particularly noteworthy:

Management structure: Con Ed’s management of analysis and deployment of non-
wires alternatives has been elevated to higher level in the Company and become more
integrated/inter-disciplinary;

Data-driven tools. Con Ed is developing data driven tools to enable much more
sophisticated analysis of non-wires options; and

%8 Personal communication with Michael Harrington, Con Ed, December 9, 2014.

%9 NY S Department of Public Service Staff, “Reforming the Energy Vision™, Case 14-M-0101, 4/24/2014.
http://www3.dps.ny.gov/W/PSCWeb.nsf/96f 0f ecOb45a3c6485257688006a701a/26be8a93967e604785257cc40066b
91a/$FI L E/ATTK0J3L .pdf/Reforming%20The%20Ener gy %20V ision%20(REV ) %20REPORT %204.25.%2014. pdf
80 Consolidated Edison Company of New Y ork Request for Information, July 15, 2014, p.6
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Resear ch to support tools: Con Ed isinvesting in research to generate data necessary to
support the use of those tools.

Proposed shareholder incentive mechanism: Con Ed has proposed a new mechanism
for enabling shareholders to profit from investment in non-wires alternatives.

Evolution of Management Approach

Con Ed has taken significant steps in advancing internal communications and collaboration for
the Brooklyn-Queens project that are expected to apply to other projectsin the future. A working
group has been formed within the company specific to this project that includes members of all
relevant functional areas such as energy efficiency and demand management, distribution
engineering, substation planning, electric operations, and the regional engineering groups that are
responsible for Brooklyn/Queens. This has been done with the sponsorship, and under the
guidance of one of Con Ed’s Senior Vice-Presidents, who has championed the project and who
regularly chaired early project meetings. Con Ed’s senior management team regards the success
of the Brooklyn-Queens project as highly important, and has brought organizational focustoiitin
away that we did not observe in any of the other organizations we explored.5!

Development of New Data-Driven Analytical Tools

With afocus on system and cost management, along with the growth in efficiency and demand
management technology and associated customer strategies, Con Ed identified the need for
increased visibility into customer and technology potential and economics on the demand side.
To address this need, Con Ed, along with Energy & Environmental Economics (E3) and
Navigant, has created the Integrated Demand Side Management (IDSM) Potential Model — a
dynamic, geographically specific, and technology integrated analysis tool to assess the market
potential and economics of efficiency and demand management for cost effective deferral or
avoidance of capital expenditures required to meet growing customer demand. The IDSM project
is groundbreaking in its ability to breakdown the in-depth analysis into geographically specific
electric networks to best match the needs of electric system planners.

The IDSM project goes beyond traditional efficiency measure stalwarts (lighting) to give Con Ed
aview into potential deployments of all commercially available and near-term available
technologies potentially applicable to the Con Ed service territory. The IDSM project will
enhance Con Ed’s ability to identify and market to high potential market segments to achieve
efficient and effective capital project deferral projects. The model will aso enable analysis of
various DSM scenarios to customize and optimize project results and maximize cost
effectiveness. Lastly, the IDSM project can be extended for use beyond TDSM project analysis

61 Maine and Vermont have addressed the cross-functional nature of successful NWA planning and implementation
through collaboratives that include members of different organizations, but we are not aware of an example other
than Con Ed where this level of collaboration has occurred within asingle utility.
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to support Con Ed’s strategic planning and resource planning (forecasting) efforts by identifying
the market potentials and impacts for any number of customer technology adoption scenarios.

Research to Support New Tools
Of course, analytical tools are only as good as the data put into them. Thus, Con Ed aso
embarked on a couple of research projects to support deployment of the IDSM.

In the first, Con Ed built up network profiles for eight test networks by collecting detailed
granular customer data that accounts for building-level characteristics, and that are aggregated
for up to 13 commercia and two residential segments for each electric network analyzed.
Drawing from both internal billing data and external sources, the network profiles will include
applicable service classes, meter information, annual and peak energy usage, air conditioning
use, existing thermal storage, physical characteristics of the building, prior program
participation, in-place DG/RE, end-use profiles, and more.

The second research task was a technology assessment to identify current and near-market
technologies that have the potentia to improve energy efficiency, support demand response,
improve building operations, and maximize comfort. The assessment looked at the measures
identified in a 2010 potential study, aswell as additional technologies related at a minimum to
lighting, controls, motors, HVAC, and thermal and battery storage. The project also looked at
customer sited generation across a range of technology options.

In addition, the technology assessment included the devel op of a measure specific load curve
library by customer segment (e.g. 8760 and peak load curves for interior lighting measures for
the retail customer segment) Thistool connects the dots between the technol ogy assessment and
the network profiles to ensure the energy and demand reductions for measures being deployed
for the specific customer segments are specific to the network(s) being analyzed. The tool does
this by comparing the measure-segment load curves to the 8760 and peak load curves of the
specific network. For example, thetool is able to assess the different impacts that residential
lighting will have compared to commercial lighting in a night peaking network.

Proposal for Shareholder Incentives

Con Ed has proposed to the Commission that it defer the bulk of the costs associated with
customer-side activities and recover them over afive-year amortization period, and for utility-
side expenditures it has proposed ten-year recovery. Con Ed suggest that “The shorter
amortization periods than those traditionally afforded in rates reflect the nature of the
expenditures...where no physical asset exists”.®? Con Ed suggests that it should earn arate of

62 Consolidated Edison Company of New York, Inc., “Petition for approval of Brooklyn/Queens Demand
Management Program™, p.20.

http://documents.dps.ny.gov/public/Common/ViewDoc.aspx?DocRefl d=%7bB2051869-3A4A-4A7D-BB24-
D83835E2026F%7d
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return equal to its overall approved rate of return, stating that *...ratemaking should make the
Company indifferent to whether it invests in traditional or non-traditional solutions....”%

Further, Con Ed has proposed that the Commission establish up to a 100 basis point incentive on
Brooklyn-Queens program investments that would be incremental to its approved rate of return
so that it has aclear, direct interest in the success of the project. And lastly, the company has
proposed that the Commission establish a shared savings incentive as well, with Con Ed earning
50% of the difference between the carrying costs of the traditional solution and the total annual
collections for the Brooklyn-Queens program. As of this writing the Commission has not
indicated how it will rule on these requests.

2. Maine (Boothbay) Pilot

Project History and Plan

In 2008, Central Maine Power proposed a $1.5 billion investment in the Maine Power Reliability
Program (MPRP) to modernize and upgrade the state’s transmission network. The project was
challenged, with one party — GridSolar — proposing instead that the state invest in 800 MW of
photovoltaics (100 MW in the first five years) to offset the need for the entire MPRP. In June of
2010, the Maine Public Utilities Commission approved a settlement agreement reached by
Central Maine Power (CMP) and a variety of other parties, including GridSolar and several
public interest advocates.® The settlement supported construction of most el ements of the
MPRP, but identified two areas — the Mid-Coast region and the city of Portland — where pilot
projects to test the efficacy of non-transmission aternatives would be launched. The Mid-Coast
pilot was later reduced to asmaller pilot in the Boothbay region, roughly 35 miles (*“as the crow
flies”) northeast of Portland (see Figure 6 below).

8 1bid., p.21.
64 Maine Public Utilities Commission, Order Approving Stipulation, Docket No. 2008-255, June 10, 2010.
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Figure6: Location of Maine (Boothbay) NTA Pilot®
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The Boothbay pilot was to be a hybrid solution. It included some transmission system
investments, including rebuilding of the Newcastle 115 kV substation ($2.8 million), installing a
second 2.7 MV AR capacitor bank at Boothbay Harbor 34.5 kV bus ($0.5 million, and 2.4
MVAR power factor correction at Boothbay Harbor 12 kV level.% In addition, the plan initially
caled for approximately 2 MW of non-transmission resources to be procured (in lieu of an $18
million investment in rebuilding of a34.5kV line).

The settlement agreement called for an independent third party to administer the acquisition and
management of the non-transmission resources. GridSolar was contracted to serve as athird
party administrator. Though the selection was not based on a competitive solicitation, the Maine
Public Utilities Commission did formally ask if other parties would be interested and did not
receive any other expressions of interest. In adocket that is currently open, the Commissionis
exploring, among other things, whether there should be an independent third party administrator
for such projectsin the future and, if so, how such parties would be selected (see discussion on
next steps below).

8 Map copied from U.S. Department of Interior, U.S. Geological Survey, The National Atlas of the United States of
America, www.nationalatlas.gov.

86 Jason Rauch, Maine Public Utilities Commission, “Maine NTA Processes and Policies”, presentation to the
Vermont System Planning Committee’s NTA Workshop, October 11, 2013.
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GridSolar used a competitive solicitation process to procure the non-transmission alternatives.
Theinitial RFP was released in late September 2012. Because it was a pilot, it was decided that
the Boothbay project would not solely be designed to acquire the least-cost non-wires solution
for the area. Rather, it would also test the efficacy of awide variety of alternative resource
options. To that end, the RFP made clear that, to the extent feasible, GridSolar would endeavor
to cost-effectively acquire (i.e. at a cost less than the transmission alternative) at least 250 kW of
each of the following categories of resources:

Energy efficiency;

Demand responsg;

Renewable distributed generation (at least half of which should be from solar PV); and
Non-renewable distributed generation (with preference for those with no net greenhouse
gas emissions).®’

The RFP called for all bidding resources to be “on-line and commercially operable” by July 1,
2013 - just nine months after issuance of the RFP and less than six months after the expected
date of contract signing — and committed to remain in service for aleast three years. Contracts
would guarantee payments for that three year period, with an option to extend payments for up to
an additional seven yearsif approved by the Commission. Failureto meet the contractual
deadline would result in a penalty of $2/kW-month.®

The RFP produced 12 bids from six different NTA providers totaling almost 4.5 MW. This
included bids for efficiency, demand response, solar PV, back-up generators, and battery
storage.®® Nine of the bids were submitted for approval to the Commission. The nine bids
would collectively have provided 1.98 MW spread across five different resource types — 156 kW
of efficiency, 250 kWh of demand response, 338 kW of solar PV, 736 kW of back-up generators,
and 500 kW of battery storage. During a January 2013 technical conference, GridSolar was given
“preliminary approval” to negotiate contracts on those nine bids.”

In April 2013 GridSolar reported it had executed or was close to executing amost all of the
contracts. The one key exception was a contract with one provider — Maine Micro Grid — who
had bid al of the demand response and battery resources and a portion of the solar and back-up
generator resources being recommended. While there was agreement on the contract terms,
Maine Micro Grid was having difficulty securing financing for the project’* and ultimately

57 GridSolar, LLC, “Request for Proposals to Provide Non-Transmission Alternatives for Pilot Project in Boothbay,
Maine Electric Region”, September 27, 2012.

% 1bid.

5 GridSolar, “Interim Report: Boothbay Harbor Sub-Region Smart Grid Reliability Pilot Project™, for Docket No.
2011-138, March 4, 2014.

0 GridSolar, “Implementation Plan & Final NTA Service Contracts™ (redacted version), for Docket no. 2011-138,
April 5, 2013 (filed electronically on April 9, 2013.

" 1bid.
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withdrew its bid, explaining that the limited contract commitment of three years was insufficient
to satisfy investors “that the required 6-year holding period for the federal investment tax credit
incentive would be satisfied.”"?

As aresult, the Commission directed GridSolar to install atemporary back-up 500 kW diesel
generator and issue a second RFP to fill the gap. The second RFP was issued on May 30, 2013.
It produced 22 bids from ten different NTA providerstotaling just over 4 MW. It too included
bids for efficiency, demand response, solar PV, back-up generation and battery storage. The bid
prices for all resources except energy efficiency went down in the second RFP. Even though the
energy efficiency bid prices went up, efficiency resources remained by far the lowest cost
resources (just by asmaller margin). After eliminating the most expensive bids, GridSolar
recommended and received approval to proceed with putting in place contracts for the mix of
resources summarized in Table 3. Asdiscussed below, the final mix of NTAs contracted was
dightly different from the mix shown inthetable. Thefinal contract prices were the same for
the back-up generator (BUG) and demand response, but roughly $4 to $5 per kW-month higher
for efficiency, solar PV and battery storage than the weighted three year prices shown in the
table.”

Table 3: Recommended NTA Resour ces’™

Weighted

Weighted 10 ¥r.
3 Year {Levelized)

REP I* RFP Il Totals Pct. Units Price Price
Efficiency 237.00 11125 34825 19% ) 52351 51047
Solar 168.83 106.77 27560 15% 14 546.05 513.19
BUG (same) 500.00 500.00 50000 27% 1 $517.42 520.63
Demand Response 0.00 250.00 25000 13% 1 5110.00 557.65
Battery 0.00 50000 50000 27% 1 5163.70 575.99

Total 90583 1468.02 1873.85 24

* RFP | excludes Maine Micro Grid project; Efficiency increased to reflect EMT comtract option.

Asof July 2014, approximately 1203 kW of NTA resources were deployed and operational.”
An additional 500 kW battery storage unit is currently expected to be operational by the end of
2014, bringing the total operational capacity to 1703 kW.’” That is nearly 300 kW |ess than the

2 GridSolar, “Interim Report: Boothbay Harbor Sub-Region Smart Grid Reliability Pilot Project”, for Docket No.
2011-138, March 4, 2014.

3 GridSolar, “Project Update: Boothbay Sub-Region Smart Grid Reliability Pilot Project”, for Docket No. 2011-
138, July 21, 2014.

" Table copied from GridSolar, “Interim Report: Boothbay Harbor Sub-Region Smart Grid Reliability Pilot
Project”, for Docket No. 2011-138, March 4, 2014.

s GridSolar, “Project Update: Boothbay Sub-Region Smart Grid Reliability Pilot Project™, for Docket No. 2011-
138, July 21, 2014.

76 Personal communication with Dan Blais, GridSolar, October 14, 2014.

7 Note that this value is about 170 KW less than shown in Table 3 above. That is because not al of the proposals
initially approved for procurement were ultimately trandated into contracts.
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initially forecast need of 2.0 MW. However, in May 2014 Central Maine Power adjusted its
forecast need for the 10-year planning horizon to be only 1.8 MW.”® GridSolar had an option to
acquire an additional 130 kW of efficiency resources from Efficiency Maine Trust. However,
GridSolar, Commission Staff and other parties agreed not to pursue that option at that time,
noting that it could be acquired later if necessary:

““A benefit of the NTA approach is that lump-investments and resour ce deployment can
be more closely timed with need. To the extent that additional NTA resources are needed
later to meet any increased load, they could be deployed at that time. The delay in
investment saves ratepayers money.”’®

Energy Efficiency Strategy

As noted above, energy efficiency resources were a key component in the mix of NTA resources
procured for the Boothbay pilot, accounting for approximately one-fifth of the total NTA
capacity that has been procured.

All of the efficiency resources procured to date have been provided by the Efficiency Maine
Trust (EMT), the independent third party administrator of efficiency programsin the state.
Before responding to the first RFP, EMT contracted for a quick high level assessment of
efficiency opportunitiesin theregion. One of the findings was that there was significant lighting
efficiency potential in local small businesses, including significant opportunities to displace very
inefficient incandescent lighting. Given that opportunity — and the very tight timeline originally
anticipated for producing savings (contracts to be signed in January 2013 with requirements for
NTASsto be operational by July 1, 2013) — EMT focused its efforts amost entirely on lighting.

EMT employed two strategies for acquiring the savings. Most importantly, it ran what it called a
“direct drop” program. That involved abulk purchase of LEDs that could replace incandescent
and halogen spotlights and direct delivery of the LEDs to businesses that indicated they would
install them. At thetime of the delivery, EMT also assessed opportunities for more expensive
upgrades. However, because many of the businesses are seasonal (relying on the summer
tourism trade), both profit margins and the potential cost savings from efficiency are often
modest, making it difficult to persuade them to make any substantial investments. EMT also
provided an “NTA bonus” on its standard business efficiency incentives for customers in the
affected region. Severa businesses, including alocal grocery store, took advantage of that offer.

EMT had to be careful to explain why these offers were being made, so that it was clear why
only customersin the region of interest were eligible. Nevertheless, there were still some
customers from just outside the region that initially expressed annoyance that they could not take

8 | bid.
" Ibid.
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advantage of the NTA offers. EMT had to follow up with those customers to clarify the purpose
of the program and rationale for the geographic limitations of the special offers.

It should be noted that Efficiency Maine has indicated that “it could easily have secured much
more efficiency had the design of the RFP permitted more flexible bid response and longer
duration commitment.”8

Evaluation Strategy

The savings from efficiency measures in the project are estimated using the deemed valuesin
EMT’s Technical Reference Manual. Asrequired by the RFP, those values are consistent with
the values accepted for peak savings by the New England 1SO in its forward capacity market.

GridSolar conducted itsfirst test of 472 kW of active NTA resourceson July 1, 2014. The BUG
and demand response units were dispatched for an hour. Based on data from the units
themselves, as well as datafrom the affected substation circuits, it appears that the capacity of
these resources was as predicted.

Project Results

As noted above, to this point, the project appears to be performing as expected in terms of the
magnitude of the resource being provided, though a key component for the future — battery
storage — has not yet been tested.

With regards to cost, GridSolar has estimated that the project will be substantially |ess expensive
than the transmission alternative.®! Indeed, as shown in Figure 7, it estimates that the revenue
requirements for the pilot project will be $17.6 million lower — amore than 60% savings — over
the project’s potential 10-year life than under the full transmission solution.®? That is despite the
intentional deployment of arange of NTAs that were not cost-optimized (so asto test arange of
technology typesin apilot) and the fact that the pilot commitment to only three years of
payments likely constrained potential bids. Moreover, that cost comparison is not adjusted for
the substantial additional benefits that some of the NTAS provide, such as energy savings during
non-peak periods.

8 GridSolar, “Interim Report: Boothbay Harbor Sub-Region Smart Grid Reliability Pilot Project”, for Docket No.
2011-138, March 4, 2014.

81 Asdiscussed above, there is a small transmission component to the pilot project. When we refer to the
transmission alternative here, we are referring just to the more substantial additional transmission investment that
would have had to be made in the absence of the NTA deployments.

82 Though this analysis only looks at a 10-year horizon, GridSolar expects that the pilot project will permanently
eliminate the need for the transmission aternative (GridSolar, ““Interim Report: Boothbay Harbor Sub-Region
Smart Grid Reliability Pilot Project”, for Docket No. 2011-138, March 4, 2014 and personal communication with
Dan Blais, GridSolar, October 14, 2014.
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Figure7: Cost Comparison of Transmission and NTA Solutionsfor Boothbay
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One other important result worth re-stating about the project is that many of the passive
resources, particularly energy efficiency, were among the first to be deployed. As GridSolar
noted in its March 2014 project updates, this “bought time” for other NTAs to be brought on
line:

*“...To date, the Pilot has deployed over 400 kW of passive NTA resources...These
passive resour ces alone exceed the projected grid reliability requirementsin the
Boothbay subregion...for the initial years of the Pilot...the subregion will not reach the
projected critical loads in which the full suite of NTA resources are needed to meet
reliability requirementsin the out years of the Pilot project. This demonstrates the
dynamic and modular nature of NTA solutions, which be ratcheted up or down year to
year, as conditions require — thus lowering net costs and preventing premature or
stranded costs due to overbuilding.

Moreover, as noted above, the ability to quickly deploy some of the NTA resources bought time
to allow for an updated peak forecast which lowered the magnitude of the total NTA required to
meet reliability needsfrom 2.0to 1.8 MW.

The Future
In addition to continued implementation and evaluation of the Boothbay pilot, several other
developmentsin Maine related to consideration of non-wires alternatives merit brief discussion.

First, and perhaps most importantly, the omnibus energy bill that became law in July 2013
contains important new language regarding consideration of NTAs. In particular, the bill
requires the following:%®

8 HP1128, LD1559, Item 1, 126" Maine State Legislature, “An Act to Reduce Energy Costs, Increase Energy
Efficiency, Promote Electric System Reliability and Protect the Environment”, Part C.
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No new transmission project of either (1) 69 kV or greater or (2) lessthan 69 kV with a
project cost of at least $20 million can be built without consideration of NTAS;
Assessment of NTAs must be performed by “an independent third party, which may be
the commission or a contractor selected by the commission”;

The commission must “give preference” to NTAs when they are lower cost to ratepayers;
When costs to ratepayers for atransmission project and NTAs are comparable, the
commission must give preference to the option that produces the lowest air emissions
(including greenhouse gases);

If NTAs can address a need at |ower total cost, but higher cost to ratepayers (because of
socialization of the costs of transmission through SO New England), the commission
must “make reasonable efforts” to negotiate a cost-sharing agreement among the New
England states that is similar to the cost-sharing treatment the transmission aternative
would receive (the commission is given 180 days to negotiate such an agreement); and
The commission is required to advocate “in all relevant venues” for similar treatment for
analysis, planning and cost-sharing for NTAs and transmission alternatives.

Thefirst NTA study required by the law is currently being undertaken in northern Maine
(Docket 2014-00048). The Commission anticipates that two other potential Central Maine
Power projects will trigger the study requirement.

Second, the Commission currently has an open docket in which it is considering whether to
establish a permanent third party administrator of NTAs (initially Docket 2010-00267; now
under Docket 2013-00519) and, if so, to establish how the administrator would be selected and
overseen.®* GridSolar has proposed that it become the state’s coordinator. Other parties have
some concerns. For example, Efficiency Maine Trust has expressed reservations about creating
anew statewide third party administrator to manage consumer education, research and
deployment of demand resources when it already plays that role for a subset of the resources
(particularly energy efficiency and renewables). It has also expressed concern about
inefficiencies in requiring it, as aregulated entity, to work through another regulated third party
entity to get efficiency resources to be considered part of potential NTA solutions.® Instead, it
suggests that cost-effective efficiency NTA resource be deployed in the future through the
process EMT currently uses to make changesto its Triennial Plan.®® GridSolar has itself
recommended that in future projects efficiency resources should be procured “in partnership with
EMT” and “outside the RFP process used to procure other NTA resources.” 8’

84 Maine calls this position a “Smart Grid Coordinator”, perhaps in part because the role may be larger than just
managing NTAs.

8 Personal communication with lan Burnes, Efficiency Maine Trust, September 17, 2014.

8 Mr. lan Burnes and Dr. Anne Stephenson, Direct Testimony, Docket No. 2013-00519, August 28, 2014.

87 GridSolar, “Interim Report: Boothbay Harbor Sub-Region Smart Grid Reliability Pilot Project”, for Docket No.
2011-138, March 4, 2014.
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3. PG&E

Legislative Requirements

PG&E, and presumably the other California electric utilities that are subject to the requirements
of Assembly Bill 327 (AB 327), are in the early stages of identifying target areas that have rich
potential for the deployment of non-wires alternatives. For PG&E, as these areas are identified,
small pilot projects will be undertaken to test the potential for meeting growth-related needs
through distributed resources rather than through construction of traditional poles and wires
solutions. Signed by the Governor on October 7, 2013, AB 327 addresses several issues related
to electric regulation and rates, and includes language laying out new expectations for resource
planning, including the level of detail and rigor that utilities must apply. The law states that “Not
later than July 1, 2015, each electrical corporation shall submit to the commission a distribution
resources plan proposal to identify optimal locations for the deployment of distributed
resources.”® The Act further states that *...”distributed resources” means distributed renewable
generation resources, energy efficiency, energy storage, electric vehicles, and demand
response....” Sophisticated planning tools will be needed to meet the AB 327 requirement that
these utilities must “Evaluate locational benefits and costs of distributed resources....” Until
now, tools that can model distributed energy resources (DERS) have not been required.

Selection of Pilot Projects

In response to these requirements, PG& E has begun working with several vendors to explore
different tools and approaches for meeting the requirement for developing locational benefits and
costs and for applying these values along with load and growth forecasts to develop an optimized
distributed resources deployment plan. As an approach to testing the viability of this type of
planning and deployment, PG& E began looking specifically at distribution substation level
projects that potentially required attention due to load growth.8 The Company ultimately
identified approximately 150 capacity expansion projects that would need to be addressed in the
next five years absent any action to defer them. They then applied criteriato identify projects
that would be most suitable to explore for non-wires approaches. To make this cut, projects
needed to:

Be growth-related rather than related to any type of equipment maintenance issues;
Have projected in-service dates at |east three years out from the analysis date; and
Have projected normal operating deficiencies of 2MW or less at the substation level.

These criteriawere selected for this concept-testing period to identify projects that would have a
strong chance for success. Applying these criteria whittled the list down significantly— to about

8 Section 769, California Assembly Bill 327

https://leginfo.legislature.ca.gov/faces/billNavClient.xhtml ?bill_id=201320140AB327

8 At PG&E, distribution substations range typically serve between 5000 and 30,000 customers, with a total peak
load of about between 20 MW and 100 MW (personal communication with Richard Adlin, PG& E, December 14,
2014).
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adozen remaining projects that had the potential to be candidates for NWAs. PG& E looked
more closely at the connected |oads and customer profiles for these remaining projectsto get a
more detailed sense of the types of NWASs that might be relevant in each project, and whether
NWASs could realistically achieve the necessary load reductions. Through this process of careful
selection, PG & E hasidentified four projects that it will use to test NWAsin 2014-15. By the
end of 2015 they are confident that they will have a much better understanding of the opportunity
to use NWASsto defer or avoid poles and wires construction projects.

Efficiency Strategies

Given that these projects are still being developed for PG & E, there is not much actual
experience to report on in terms of their approach to deploying energy efficiency in the four pilot
areas. PG & E hasawide array of programsin its portfolio, so at present it is not planning to
develop new program offerings for targeted areas. However, it is providing significantly larger
incentives for custom C&I projectsin targeted areas, and is working on making the non-trivial
programming changes that will allow it to make corresponding changes for prescriptive
measures. Making the programming changes that will allow tracking and reporting of different
incentive levelsin different areasis acritical step in developing the infrastructure that will allow
successful use of DERs.

For residential customers, targeted measures include pool pumps and HVAC measures, with
increased incentives available through the Upgrade Californiainitiatives. PG& E is aso doing an
intense marketing campaign for itsresidential A/C cycling demand response program, and is
offering increased incentives as well. To try to make sure that messaging is going to the right
customers — to avoid the possibility that ineligible customers will want to take advantage of
increased incentives — PG& E is primarily marketing the programs through installation
contractors rather than using any kind of broad outreach campaign.

Outreach poses challenges related to making sure that the message gets to the right customers,
but one of the additional challenges that PG& E has identified is the importance of getting the
right message to customers in a way that won’t cause them to worry about the lights going out.
Many Californians remember rolling brownouts, and any hint that reliability isin question can
evoke strong reactions. This may or may not be as much of anissuein jurisdictions that have no
history of reliability issues.

Addressing Management Challenges

PG&E, like other utilitiesin this study, has identified challenges working across traditional
utility organizational structures that typically have system planners operating in isolation from
demand management and energy efficiency staff. PG& E, as well as other utilities with whom we
talked, has found that system planners are often uncomfortable with the perceived level of
uncertainty in non-wires solutions as compared with poles and wires solutions. Historically, the
system planners’ primary role is to provide certainty that the lights will stay on, and so the multi-
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faceted complexity of non-wires solutions may seem less attractive than the alternatives with
which they are more familiar.

PG& E staff are exploring organizational changes that might improve the cross-functional
coordination of planning for alternatives to poles and wires. One of the steps that PG&E is
undertaking to address planning integration between the two groups is— for the targeted
substation projects — having dedicated customer energy solutions (CES) engineers and customer
relationship managers work side-by-side with the distribution planning engineering teams. They
are optimistic that through building these one-on-one relationships, and by having the engineers
and customer relationship managers work “across the aisle”, they will be able to provide the
system planners with the level of assurance they require to more fully support potential NWAs.

Use of New Data-Driven Analytical Tools

Moving forward, PG& E islikely to take greater advantage of sophisticated anal ytics and smart
grid datato refine its analyses of the optimal locations for DER approaches. Currently it is
working with anumber of third party vendors and consultants to test the applicability of different
data-driven approaches that will provide greater assurance to planners by better addressing the
unknowns in the current planning process. One of these vendors, Integral Analytics, has already
devel oped tools that will map and forecast loads and develop “distributed” marginal pricing
(DMP) at the circuit or even customer level, with far greater precision than the locational
marginal pricing (i.e. avoided costs) that are currently used to evaluate demand side management
programs. These models not only map current loads, but also model loads out into the future,
with the capacity to provide data-driven predictions of when loads will exceed a circuit’s
capacity to deliver it, asillustrated in Figure 8. DMPswill allow the development of avoided
costs for specific, local areas, which will in turn alow precise analysis of the costs and benefits
associated with DER projects. Moreover, the incorporation of power flow analytics below the
substation can identify avoided costs that are not captured in traditional approaches (e.g. service
transformer “reverse flow” risk from photovoltaics, voltage benefits, power factor value, primary
vS. secondary losses, etc.) but which enhance the cost-effectiveness of most DERs, if located in
the areas of higher avoided costs.
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Figure8: Illustration of Integral Analytics LoadSEER T ool
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Consistent with anecdotal reports from several of the jurisdictions surveyed for this study, one of
the primary benefits of considering NWAs is that refinements to the load forecasting and
planning process, coupled with improved collaboration between demand-side and distribution
engineering, resultsin planned capacity expansion projects being deferred for reasons beyond
just the projected impacts of deployed DERs.

Future Evaluation

Asthese pilots are just being developed at the time of this writing, there have not yet been any
evauations. However, PG& E will look very closely at the results of these pilotsin the hope that
DER approaches will become a much more prominent tool in its approach to reliably meeting its
customers’ energy needs.

4. Vermont

Early History
As discussed above, Vermont successfully tested the application of non-wires alternativesin the
Mad River Valey inthe mid-1990s. A few years later, the state embarked on a path to
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establishing an independent “Efficiency Utility” — soon thereafter named Efficiency Vermont —
that would be charged with delivering statewide efficiency programs. However, the order
creating Efficiency Vermont made clear that the state’s T&D utilities would still be responsible
for funding and implementing any additional efficiency programs that could be justified as cost-
effective dternatives to investment in T&D infrastructure (though they could contract
implementation to Efficiency Vermont). The Vermont Public Service Board also agreed to
“initiate a collaborative process to establish guidelines for distributed utility planning”.® That
collaborative culminated in a set of guidelines approved by the Board in 2003 in Docket 6290.
Among other things, the distribution utilities were required to file integrated resource plans every
three years. Those plans must identify system constraints that could potentially be addressed
through non-wires alternatives.* The order also led to the creation of anumber of “area specific
collaboratives” in which opportunities for deferring specific T&D upgrades through non-wires
alternatives would be explored by the utilities, the State’s Department of Public Service and
other parties. However, none of those discussions led to implementation of any such
alternatives.

Northwest Reliability Project

In 2003, VELCO,* the state’s transmission utility, formally proposed a very controversial large
project — the Northwest Reliability Project — to upgrade transmission lines from West Rutland to
South Burlington. Asrequired by Vermont law, VELCO filed an analysis of non-transmission
aternatives. The analysis of a scenario including a combination of aggressive geographically
targeted efficiency and distributed generation had alower societal cost than the transmission
line.®®> However, that option would involve much larger capital expenditures than the
transmission line. Further, whereas much of the cost of the transmission option would be
socialized across the New England Power Pool (Vermont pays avery small share of the portion
of coststhat are socialized across the region), the cost of the aternative path would be born
entirely by Vermont ratepayers due to New England 1SO rules. Those concerns, coupled with
VELCO’s concerns that the level of efficiency envisioned would be unprecedented, led the
utility to argue in favor of the transmission option.** The Board ultimately approved VELCO’s
proposal in early 2005, but expressed concern and frustration with VELCO’s planning process,
namely that it did not consider alternatives, particularly efficiency, early enough in the processto
make them truly viable options.*®

% Vermont Public Service Board Order, Docket No. 5980, pp. 54-58.

91 Vermont Public Service Board Order, Docket No. 6290.

92 VELCO is Vermont’s electric transmission-only company, formed in 1956 to create a shared electric grid in
Vermont that could increase access to hydro-power for the state’s utilities. http://www.vel co.com/about

% La Capra Associates, “Alternatives to VELCO’s Northwest Reliability Project”, January 29, 2003.

% bid.

% Vermont Public Service Board, “Board Approves Substantially Conditioned and Modified Transmission System
Upgrade”, press release, January 28, 2005.
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Act 61 - Institutionalizing Consideration of Non-Wires Alternatives
The approval of the transmission line contributed to the passage later that year of Act 61.

Among other things, Act 61:

required state officials to advocate for promotion of least cost solutionsto T&D
investments and equal treatment of the allocation of costs of both traditional T&D
investments and non-wires alternatives “in negotiations and policy-making at the New
England Independent System Operator, in proceedings before the Federal Energy
Regulatory Commission, and in all other relevant venues...”

required VELCO to regularly file a statewide transmission plan that looks forward at
least 10 years; and

eliminated the statutory spending cap for Efficiency Vermont, instructed the Board to
determine the optimal level of efficiency spending, and made clear that cost-effectively
deferring T& D upgrades should be one of the objectives the Board considersin
establishing the budget.

Key excerpts from Act 61 are provided in Appendix C.

Efficiency Vermont's Initial Geo-Targeting Initiative

In response to passage of Act 61, the Public Service Board increased Efficiency Vermont’s
budget by about $6.5 million (37%) in 2007 and $12.2 million (66%) in 2008 and ordered that all
of the additional spending be focused on four geographically-targeted areas. northern Chittenden
County, Newport, St. Albans, and the “southern loop” (see Figure 9).% Those areas had been
identified by the state’s utilities as areas in which there may be potential for deferring significant
T&D investment. Collectively, these efforts became known as Efficiency Vermont’s initial
“geo-targeting” initiative. ¥

% Vermont Public Service Board, Order Re: Energy Efficiency Utility Budget for Calendar Years 2006, 2007 and
2008, 8/2/2006.
97 Efficiency Vermont Annual Plan, 2008-2009.
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Figure 9: Efficiency Vermont Geo-Tar geting Regions (2007-2008)
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Efficiency Vermont was given peak savings goals for these areas that represented a 7- to 10-fold
increase in the peak savingsit had historically been achieving in the areas through its statewide
efficiency programs. To meet the goals Efficiency Vermont initiated intensive account
management of large commercial and industrial customers, launched a small commercial direct
install program, and locally increased marketing and promotion of CFLs.

Approximately one year into its delivery, one of the four initialy targeted areas (Newport) was
dropped from the geo-targeting program when the distribution utility determined that the
substation whose rebuilding the program was intended to defer needed to be rebuilt for reasons
other than load growth (i.e., “destabilization of the substation property due to river flooding”).%
Independent of that decision, anew target area— Rutland — was added to the program beginning
in 20009.

An evauation of the 2007-2009 geo-targeting efforts suggested the results were mixed. On the
one hand, program participation was two to four times higher in the geo-targeted areas than
statewide. Savings per participant were also higher — 20-25% higher for business customers and
30% higher for residential customers. The net result was summer peak savings that were three to
five times higher in the first couple of years than would have been achieved under the statewide

% Navigant Consulting et al., “Process and Impact Evaluation of Efficiency Vermont’s 2007-2009 Geotargeting
Program”, Final Report, Submitted to Vermont Department of Public Service, January 7.
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programs.*® On the other hand, those summer peak savings were still 30% lower than Efficiency
Vermont’s goals for the targeted areas; winter peak savings were 60% lower than goals.
Nevertheless, analysis of loads on individual feeders in geo-targeted areas suggests that geo-
targeting program impacts “are detectable at the system level” and that the magnitude of savings
observed at the utility system level were consistent with those estimated through evaluation of
customer savings.'®

Evaluation of the impacts of the observed peak demand reductions on the potential deferral of
T&D investments was not conducted. However, Central Vermont Public Service (the state’s
largest utility at the time)!®! has observed that it “has not been required to schedule the
deployment of additional system upgrades in Rutland, St. Albans and Southern Loop areas”.
Whileit is difficult to know the extent to which that situation should be attributed to the geo-
targeting of DSM, to changes in economic conditions (i.e., the recent economic recession) and/or
to other factors, the Company did recommend to the Board that geo-targeting of DSM
continue.'> One Vermont official similarly noted that

Vermont System Planning Committee

Subsequent to the passage of Act 61, the PSB initiated proceedings in Docket 7081 to develop a
planning process that would ensure “full, fair and timely consideration of cost-effective non-
transmission alternatives.” The Public Service Board ultimately issued ordersin 2007 approving
an MOU between the major parties that established the Vermont System Planning Committee
(VSPC) and charged it with carrying out this work.

The VSPC is acollaborative body. It brings together a wide range of viewpoints, including those
of representative public stakeholders. There are six equally weighted voting contingents who are
responsible for VSPC decisions on specific activities and projects:

VELCO,

large utilities with transmission,

large utilities without transmission,

other utilities without transmission,

Efficiency Utilities (i.e. Efficiency Vermont and Burlington Electric Department) and
renewable energy organizations, and

public stakehol ders. 1%

% Navigant Consulting et al., “Process and Impact Evaluation of Efficiency Vermont’s 2007-2009 Geotargeting
Program”, Final Report, Submitted to Vermont Department of Public Service, January 7, 2011

100 Navigant et al. (2011), p. 10.

101 1t was subsequently purchased and has become a part of Green Mountain Power.

102 Sjlver, Morris, Counsel for Central Vermont Public Service, letter to the Vermont Public Service Board regarding
“EEU Demand Resources Plan — Track C, Geotargeting”, January 18, 2011.

103 http://www.vermontspc.com/about/membership
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The Public Service Board appoints the public stakeholders and the renewable energy
representatives.

The VSPC process overcomes two significant barriers by first making sure that potential system
constraints are identified as far in advance of their needed construction dates as possible, and
secondly by ensuring that efficiency program planners are brought into the conversation early
enough to determine whether efficiency is a viable alternative to construction given the particul ar
customer segments that predominate in the targeted areas. Over time, the level of coordination
in designing and implementing solutions has increased. In the first geographic targeting
initiative undertaken by Efficiency Vermont in 2007, the state’s utilities identified potentially
constrained areas and then, with PSB approval, more-or-less handed the list to Efficiency
Vermont. Now, with Efficiency Vermont serving as afully participating member of the VSPC, a
much more integrated approach is used, where the efficiency potential of constrained areasis
investigated prior to their selection for geographically targeted efforts.

With the formation of the VSPC, significant efforts have also been invested in making sure that
diverse viewpoints are represented in discussions regarding non-wires alternatives to both
distribution and transmission construction. Further, a clear, well-documented and transparent
process has been devel oped to make sure that results and decisions are firmly based on
comprehensive consideration of evidence. This process has evolved over time. The current
process is documented in Figure 10 below. 04

In this process, VELCO, aong with the large utilities that have transmission, is responsible for
identifying bulk and predominantly bulk transmission system reliability improvement needs; the
individual distribution utilities are responsible for identifying distribution and sub-transmission
needs. Though they come from different dockets and legislation, in each case thereisa
requirement that these are identified on athree year basis, but project lists are also updated for
the VSPC annually.

104 http://www.vermontspc.com/library/document/downl 0ad/599/GTProcessMap _final 2.pdf
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Figure 10: Vermont Geo-Targeting Process Map (as of 9/11/2013)
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*“Screening” refers to the use of the Docket 7081 screening tool for bulk and
predominantly bulk transmission and the Docket 6290 screening tool for
subtransmission and distribution issues 1o determine their potential to be
resolved through energy effidiency and/or alternatives such as generation or
demand response (or a hybrid of transmission with efficiency and,/or
generation). An issue is “screened in” if it has potential for @ non-wires solution
and therefore reguires a Plan, and “screened out” if no potential is
found and, &, no Reliability Plan is requi

Key to abbreviations LRTP
<] distribution PSAP
ou distribution utility RFP
EE energy efficiency S0
EEU energy efficency utility subT
GT geographic targeting T
GTS VSPC Geotargeting Subcommittes yspC

VELCO Long-Range Transmission Plan
project-specific action plan
request for proposal
standard offer
subtransmission (subsystem}
L L bulk)
vermant System Planning Committee
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As part of the development of T&D project lists, the utilities are required to use a set of “pre-
screening” criteria to identify projects that might be candidates for non-wires alternatives. The
key pre-screening criteria for distribution and sub-transmission projects are that the forecast
“poles and wires” costs is greater than $250,000, that it is not required on an emergency basis,
and that the need could be reduced by reductionsin load.’®® For transmission projects to be
considered for NWA approaches, the alternative needs to be projected to save at least $2.5M,
needs to be able to be deferred or eliminated by a 25% or less reduction in load, does not need to
bein place for at |east one year into the future, and must not be needed for the purpose of
meeting certain “stability” criteria related to grid performance. The VSPC reviews the utilities’
initial project lists, including their pre-screening conclusions, and modifies them as appropriate.
A recent example of aproject list is provided in Table 4 below.

Table4: Green Mountain Power 2014 Forecast of Distribution System Needs

Zonal identified
] Load Growth MW available .
Constraint MW Need | Year of need ) Further screening (Y/N)
related (Y/N) (potential
study)
Susie Wilson Substation Area Yes 2037 No Continue to Monitor
X . X . Reliability and Load
Wilder - White River Junction Area 2015 No
Growth
Waterbury Reliability 2015 No
Winooski 16Y3 Feeder No 2015 No
Hinesburg Yes 2016 No
Dover Haystack Yes 2015 No
Stratton Reliability 2015 No
St Albans Reliability and Load 510 years ReIia.biIity Plan filfed 4/2/14,
Growth Continue to Monitor
Miton Yes >10 years No Continue to Monitor
Brattleboro Yes >10 years No Continue to Monitor
Southern Loop Yes >10 years No Continue to Monitor
Reliability and Load
Danby ey 2016 No
Growth
Granite-Whetmore Asset Management 2016 No
South Brattleboro Reliability 2016 No
No Conti to Monit
3309 Transmission Reliability 2014 ekt
Refine the analysis
Existi Reliability Plan filed 4/2/14,
Rutland Area Reliability xis |n_g € |.a‘ ity Flan |-e / /
Constraint additional analysis required
Windsor Area Reliability 2017 No

For projects that pass the initial screen, the VSPC then follows the collaborativel y-devel oped
process to consider non-wires solutions, with the efficiency and renewables alternatives given a
detailed look by Efficiency Vermont and other stakeholders. To date thisanaysis has been

105 http://www.vel co.com/upl oads/vspc/documents/ntascreening_6290. pdf
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conducted with only limited use of smart grid data. Efficiency Vermont has a deep knowledge of
its customer base through nearly fifteen years of program implementation, and can also easily
track prior efficiency improvements that targeted customers made through participation in
Efficiency Vermont initiatives. While there is diversity among Vermont’s commercial and
industrial customers, they are still mostly relatively small compared to the C& | base in other
jurisdictions, and so far Efficiency Vermont has been able to assess these opportunities without
the use of more detailed analytic tools.

Efficiency Vermont’s Strategy and Planning group has been responsible for identifying
opportunities to increase efficiency in targeted areas and for designing program approaches to
capture that efficiency. Generally, the implementation of any geographically targeted energy
efficiency aternatives has been managed by Efficiency Vermont in amanner that is highly
coordinated with its other state-wide efforts. Since beginning to implement geographically
targeted initiatives in 2007 Efficiency Vermont has been cognizant of the need for sensitivity
when it determines to only offer certain programs to some, rather than all customers. For this
reason, they have decreased the use of specia incentivesin targeted areas in favor of increased
outreach and communications. For example, the use of account management strategies for C& |
customersisincreased in geographically targeted areas, meaning that smaller customers who
would not have received the attention of individualized account managers in non-targeted areas
do receive that attention in targeted areas. This account management approach also allows
Efficiency Vermont to focus on projects that have the potential to produce higher peak savings
than average, thus increasing the ability of efficiency to defer construction compared to an
“average” project that did not receive this level of guidance from account managers.

Efficiency Vermont has not done competitive solicitations to identify vendors who will commit
to delivering certain savings through strategies of their own devising. Rather they have designed
and managed program initiatives internally, with limited use of third-party vendors to implement
programs for which Efficiency Vermont has devel oped the parameters. However they are
investigating the potential to use the targeted deployment of third-party approaches in the future,
specifically those that make use of smart grid data to identify savings opportunities to engage
customers who might otherwise not have been aware of them.

With the VSPC processin place, the relationship between level of effort and the amount of
resource needed in a specific areais much, much stronger. Where the first of Efficiency
Vermont’s geographically targeted efforts involved a single goal that could be met through
savings in any of several targeted areas, goals are now set that are specific to each targeted area,
and that reflect the actual need in that area as determined by system planners.

The VSPC and the planning process for non-wires aternatives have matured significantly in
Vermont. Conversations with the Public Service Department and Efficiency Vermont both
suggest confidence in the process. Going forward, it is expected that the V SPC process will
continue to be used to identify potential candidates for geographic targeting of NWAS.
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V. Cross-Cutting Observations and Lessons Learned

Although the use of efficiency to meet T& D needs- either alone or in combination with other
non-wires resources — is not yet widespread, it isfairly substantial and growing. That experience
offers anumber of insights, presented below, for jurisdictions considering the use of such
resources in the future.

The Big Picture

1. Geographically Targeted Efficiency Can Defer Some T&D Investments
Projects run by Con Ed (from 2003 through 2012), Vermont (both the initial Green Mountain
Power Project in the mid-1990s and more recent examples), PG&E’s Delta Project in California
(in the early 1990s), and portions of PGE’s project in downtown Portland, Oregon (also in the
early 1990s), al demonstrably achieved enough savingsto defer some T&D investments for at
least some period of time. Preliminary results from the first year of experience with new projects
in Maine and Rhode Island suggest that they too are likely on track to defer T& D investments.

2. T&D Deferrals Can be Very Cost-Effective
The cost-effectiveness of geographically-targeted efficiency programs and other non-wires
resources will unquestionably be project-specific. That said, though data on the cost-
effectiveness of T&D deferralsis not available for all of the projects we have examined, the
information that is available suggests that efficiency and other non-wires resources can be very
cost-effective — i.e. potentially much less expensive than “poles and wires” alternatives. For
example, Con Ed’s evaluation suggests that its geographically targeted efficiency investments
from 2003 to 2010 produced roughly $3 in total benefits for every $1 in costs; the T& D benefits
alone were worth 1Y% times the costs of the programs. Similarly, the revenue requirements for
Maine’s pilot project are forecast to be more than 60% lower than for the alternative
transmission solution.

3. There Is Significant Value to the “Modular” Nature of Efficiency and
Other NWAs

One of the advantages of energy efficiency and other non-wires alternativesis that they are
typically very modular in nature. That is, they are usually acquired in a number of small
increments — e.g. thousands of different efficiency measures across hundreds, if not thousands of
different customers, across several years. In contrast, the pursuit of a “poles and wires” strategy
typically requires acommitment to much larger individual investments — if not a singular
investment.

The modularity of efficiency and other non-wires aternatives alows for aramp up or aramp
down of effort, either in response to market feedback (e.g. if customer uptake is greater or lower
than expected) or in response to changing forecasts of T&D need. For example, as discussed in
the case study of the Maine pilot project, the magnitude of the non-wires resource needed to
defer the transmission investment has declined from an initial estimate of 2.0 MW to 1.8 MW.
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Moreover, perhaps in anticipation of possible future changes, a decision has been made to not yet
contract for the last 0.1 MW of need because that can be addressed at afuturetimeif it is till
determined to be needed. Similarly, again as noted above, Con Ed has found that one of the
biggest advantages of its non-wires projects is that they have “bought time” for the utility to
better tune its forecasts, to the point in a number of cases where the T&D investments once
thought to be needed are now not anticipated to ever be needed.

4. Policy Mandates Are Driving Most Deployments of NWAs
Virtualy al of the examples of the use of non-wires alternatives that we have profiled in this
report were at least initially driven by either |egislative mandates, regulatory guidelines or types
of regulatory feedback. Examples of such requirements are provided in Appendices A through
D.

The importance of policy mandates may be partly indicative of the nature of the internal barriers
to utility pursuit of non-wires solutions. Utilitiestend to be fairly conservative institutions. That
is consistent with their primary mission of “keeping the lights on”. It is understandable that they
would be reluctant to change practices that they know are successful in serving that mission. As
noted above, there are aso challenges associated with persuading system planners that demand
side alternatives can also be reliable.

In addition, utilities” financial incentives are generally not well aligned with the objective of
pursuing cost-effective alternatives to “poles and wires”. Right now, utilities can face a choice
of earning money for shareholdersif they pursue atraditional T&D path (because they earn a
rate of return on such capital investments) or making no money if they choose to deploy non-
wires alternatives.2® To our knowledge, Con Ed’s proposal for shareholder incentives for the
large new Brooklyn-Queens project is the only proposal of its kind that attempts to directly
address thisissue.

Implementation

5. Cross-Disciplinary Communication and Trust is Critical
This may seem self-evident, but it is critical nonetheless. T&D planners and engineers are often
skeptical of the potential for end use efficiency and/or other demand resources to reliably
substitute for poles, wires and other T&D “hardware”. They worry that customers themselves
areunreliable. Similarly, staff responsible for administration of programs that promote
efficiency, load control, distributed generation or other demand resources typically do not fully

106 Some utilities operate under capital spending caps. In such cases, the financial disincentives may be mitigated, at
least in the short term, with money freed up from deployment of NWAsto defer or eliminate the need for some
T&D investments effectively enabling the utility to invest in other T& D projects further down its priority list.
However, if deployment of cost-effective NWAs s ingtitutionalized, regulators could eventually respond by
reducing capital spending caps.
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understand the complexities of the reliability issues faced by T& D system planners. Both need
to better understand the needs and capabilities of the other.

It can take time to devel op the relationships and confidence necessary for efficiency program
implementers and T& D system engineers to work together effectively. However, those
relationships and that trust must be developed if efficiency programs are to successfully defer
T&D investments.

Different jurisdictions and utilities have approached the challenge of facilitating cross-
disciplinary collaboration differently. Con Ed has created a multi-disciplinary team that meets
regularly under the direction of a Senior Vice President. PG&E has assigned field services
engineers with customer-side experience to work side-by-side with distribution planning
engineers on their pilot non-wires projects, with the expectation that the experience of working
together will build trust and mutual understanding over time. Vermont’s System Planning
Committee serves a similar function, institutionalizing communication between system planners
and those responsible for efficiency program delivery (as well as other stakeholders).

6. Senior Management Buy-in Is Invaluable
Senior management support for consideration of non-wires alternatives can be critical, if not
essential, to facilitating the kind of cross-disciplinary collaboration that is necessary to be
successful.

Senior management support will aso be necessary to get to the point where consideration of
cost-effective non-wires alternatives is routine and fully integrated into the way utilities run their
businesses. As discussed further below, that, in turn, may require changes to utilities’ financial
incentives.

7. Smaller Is Easier
In general, al other things being equal, the smaller the size of the load reduction needed and the
smaller the number of customers, the easier it isto plan and execute a non-wires solution.
Smaller areas alow for greater understanding of both the customer mix and the savings or
distributed generation opportunities associated with those customers. It isalso generally easier
to mobilize the existing demand resources delivery infrastructure (e.g. HVAC, lighting and/or
other contractors) to meet a smaller need.

That is not to say that only small projects should be pursued, as the economic net benefits from
larger projects also tend to be larger. Larger areas do offer one advantage: a more diverse range
of customers and savings opportunities from which to choose in designing and implementing an
NWA solution. A corollary to this point is that networked systems may be easier to address than
radial systems because they allow for treatment of alarger number of customers to address a
need. However, it is aso important to recognize that larger projects with more customers over a
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larger geographic areawill also be more complex and often require more lead time to plan and
execute.

8. Distribution is Easier than Transmission
This may seem like just a corollary to the “smaller is easier”, as distribution projects are
generally smaller than transmission projects. However, thereismoreto it than that. For one
thing, distribution system planning is generally less technically complex and more “linear” — 1
MW of load reduction commonly translatesto 1 MW (adjusted for losses) of reduced distribution
infrastructure need. In transmission planning 1 MW of load reduction in an area does not
necessarily translate to 1 MW of reduced infrastructure need. In addition, distribution system
planning typically involves fewer parties so decision-making is often more streamlined.
Moreover, distribution reliability planning criteria can be less stringent than transmission
planning criteria, so there may be opportunities to use NWAs with shorter time horizons and/or
with less certainty that forecast savings will be achieved (i.e. there can be more flexibility for
utilities in the timing of distribution infrastructure upgrades).

Finally, and perhaps most importantly, the cost allocations for both distribution system
investments and their non-wires alternatives will typically both be fully and equally born by local
ratepayers. Thisisin stark contrast to the alocation of transmission costs, which are governed by
regiona frameworks that inherently bias investments in favor of traditional “poles and wires”
solutions. Typically transmission investment costs are socialized across multi-state regions, so
that the state in which the transmission investment is needed pays only a portion of the project
costs. In the case of non-wires aternatives, the state in which the project is deployed is made to
bear all of the costs. Clearly, until thisis addressed, it will continue to be challenging to
implement NWASs to defer transmission projects.

9. Integrating Efficiency with Other Alternatives Will be Increasingly

Common and Important
In several of the examples that we examined in this report geographically-targeted efficiency
programs were enough, by themselves, to defer the traditional T& D investment. However, in
some cases efficiency was effectively paired with demand response and/or other non-wires
aternatives. Asthe projects being considered become larger and more complex and the
development of non-wires solutions becomes more sophisticated, we expect such multi-pronged
solutions to become more common. That is certainly the case, for example, with Con Ed’s new
Brooklyn-Queens project. Moreover, even acomprehensive suite of NWAs may be inadequate,
by themselves, to address reliability concerns. In such cases, NWAs could potentially be paired
with some T& D modifications, deferring only a portion of alarger T&D investment project.
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10. “Big Data” and New Analytical Tools Enable More Sophisticated

Strategies
Several of the geographic targeting projects that have occurred to date have found that the
availability of savings was different from their initial expectations because their assumptions
about the customersin the targeted areas were found to have been inaccurate. This was true for
the Tiverton project in Rhode Island, where initial plans called for a substantial amount of
demand response for residentia central air conditioning systems, but where it turned out that the
penetration of central air conditioning was much lower than originally expected. Similarly, Con
Ed found that contractors weren’t able to meet their savings targets in the later years of their
initial geo-targeting efforts and attributed this to the lack of a detailed understanding of the types
of customers and predominant end uses in the targeted aress.

Utilities have also faced uncertainty in assessing the cost-effectiveness of NWASs, in no small
part because accurately assessing loads and growth is challenging, and utility system
planners—who are responsible for assuring that the lights will stay on— may have some
understandable bias towards high safety margins when assessing system capacity. Put another
way, accurately valuing the economic benefits of alternativesto poles and wires approachesis

not easy.

Reliable and malleable planning tools are needed that will allow more accurate modeling of
loads at a much more detailed level, and that will provide a better accounting of available
savings and the economic value associated with them. Understanding the opportunities available
to customers within defined and specific geographies, coupled with detailed |oad and economic
information, will allow utilitiesto plan NWA approaches with greater confidence and to yield
greater economic benefits (i.e. from the use of more granular, locational avoided costs) in the
process. In recognition of this, several utilities and third party vendors are rapidly developing
tools to address these emerging needs. We are aware of efforts by Integral Analytics for PG& E
and others, and by Energy + Environmental Economics (E3) for Con Ed. Navigant is also
participating in projects for both of these utilities, and it is likely that others are exploring this
space as well.

Integral Analytics has developed a suite of proprietary software tools specifically for the purpose
of providing utilities with previously unavailable capability for assessing |oads down to the acre
level, and for developing avoided costs that are specific to each circuit. These tools would not
only provide California utilities with the means to comply with AB327, but would aso allow
them to assess the need for load relief with much greater precision and to plan NWAs more
reliably. Integral Analytics has made specia efforts to engage distribution plannersin the
development of their tools, in recognition of the importance of their participation in identifying
and proposing NWAs.

E3 isworking closely with Con Ed, as discussed above, to develop a “Decision Tool Integrator”
that will overcome the earlier challenges the utility faced in accurately assessing the availability
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of savings, and further will alow them to identify the combinations of non-wires and traditional
approaches that will be best suited to achieving the required load relief in specific areas.

Impact Assessment

11. Impact Assessment Should Focus First on the T&D Reliability Need
Conceptually, assessment of geographically-targeted efficiency programs (and other non-wires
resources for that matter) can address one or more of severa key questions. Chief among them
are:

1. Hastheforecast T&D need changed? Has it moved further out into the future, or even
been eliminated as aresult of targeted programs?

2. Tothe extent that the forecast T& D need has changed, how much of that changeis
attributable to the deployment of geographically-targeted efficiency and/or other non-
wires resources?

3. What is the magnitude of the T& D peak reduction (for efficiency or demand response) or
production (for distributed generation or storage) that has been realized as a result of the
deployment of efficiency and/or other non-wires resources? Note that the answer to this
guestion might help inform the answer to the second question above.

To date, the principal focus of most jurisdictions’ efforts to assess the impacts of NWAs has

been on the first question: was the need for the T& D investment pushed out into the future? This
isthe most directly answerable question in the sense that it is really about how the current
forecast of need has changed from the original forecast of need. Itisalso clearly the most
important because it addresses the “bottom-line” metric that dictates whether money has been
saved. In contrast, the second question — how much of the deferral is attributable to the non-
wires aternatives — is challenging to address, in part because it begs the question of what
“baseline” the evaluation is measuring against.

It isworth emphasizing that one of the key findings from non-wires projects has been that they
often “buy time” to improve forecasts of need. Thus, one could argue that a non-wires solution
should get “full credit” for a deferral even if the savings that the non-wires aternatives provided
were not, by themselves, responsible for 100% of the difference between the old forecast and the
new forecast of T&D need. Asone Vermont officia put it, in discussing a recent geo-targeting
effort in the city of St. Albans:

“It is impossible to say that one thing deferred the project. But | would also argue that
energy efficiency gave us the time to realize that we didn’t need the project. Aslong as
we follow a robust process for selecting geo-targeting areas, energy efficiency can be a
‘no regrets’ strategy, where even if it does not defer the project the efficiency investment
is cost-effective (thanks to its avoided energy, capacity and other costs) and allows for
mor e certainty as to the need for the infrastructure. In an energy systemworld where
decisions must be made amidst so much uncertainty, geo-targeted efficiency’s risk
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mitigation value increases above and beyond the risk value that we give to statewide
programs.”1°7

That all said, traditional evaluation, measurement and verification (EM& V) of geographically
targeted efficiency programs — both impact eval uation to determine how much T&D peak
demand savings were realized and process evaluation to understand what worked well and what
did not — can still provide alot of value. However, that value may be more related to informing
planning for future projects than for retrospectively “scoring” the effectiveness of the geo-
targeting and/or assigning attribution for T&D deferrals.

107 Personal communication with T.J. Poor, Vermont Public Service Department, December 23, 2014.

61



Filed: 2015-08-12
EB-2015-0049
EB-2015-0029

Exhibit M.Staff. EGDI.15
Attachment 1
Page 63 of 88

VI. Policy Recommendations

In virtually every jurisdiction profiled in this report, the impetus for consideration of lower cost
non-wires solutions to address selected reliability needs has been driven (at least initialy) by
some form of government policy — either |egidlative requirements, regulatory requirements or
feedback, or both. In this section of the report, we present what |essons learned from leading
jurisdictions suggests about key policies. Specifically, we offer four policies that policy-makers
should consider if they are to effectively advance consideration of alternatives — including, but
not limited to geographically targeted efficiency programs — to transmission and/or distribution
system investments. Note that though we use the terminology “non-wires solutions” because
most of the focus of this report has been on the electricity sector, the same concepts should apply
to “non-pipes solutions” for the natural gas sector.

Recommendation 1: Require Least Cost Approach to Meeting T&D Needs
Thisisthe most basic, but also the most important policy for promoting consideration of
aternativesto T&D investments. Itisin placein every jurisdiction that is routinely assessing
such alternatives on aroutine basis. Because the barriersto non-wires aternatives — both
institutional and financial — are so strong, this kind of requirement is necessary. It should be
emphasized that though necessary, least cost requirements are not sufficient to ensure that
economically optimal solutionsto reliability needs are considered (see other policy
recommendations below).

One other possible alternative would be an overhaul of the way utilities are regulated, including
strong financial incentives for minimizing T&D costs imposed on ratepayers. That isthe path
that the state of New Y ork appears to be pursuing. While intriguing, such atwist on the concept
of performance regulation is untested and will be challenging to get right. That is not to say it
should not be pursued — only that it needs to be done with great care, with regular evaluation to
ensureit is producing the desired results, and perhaps with “backstop” minimum requirements to
ensure that the expected and desired results are achieved.

Recommendation 2: Require Long-Term Forecast of T&D Needs

One of the keys to realizing the full benefits that efficiency, demand response, distributed
generation, storage and/or other non-wires solutions can provide is ensuring that they can
deployed with sufficient lead time to defer T& D investments. We have highlighted several cases
in this report in which non-wires solutions could have been less expensive than the wires
solutions, but were not pursued (at least in part) because of concern that there was not enough
lead time to be certain that the reliability need would be met. Requiring along-term forecast of
T&D investments can significantly reduce the probability of such less than optimal outcomes.

By long-term we mean at least 10 years. However, 20 years — asis currently required in
Vermont — may be even better. While the accuracy of these forecasts will diminish the farther

62



Filed: 2015-08-12
EB-2015-0049
EB-2015-0029

Exhibit M.Staff. EGDI.15
Attachment 1
Page 64 of 88

out into the future they go, a 20 year forecast will still do a better job at ensuring that insufficient
lead time does not preclude deployment of cost-effective non-wires solutions.

Recommendation 3: Establish Screening Criteria for NWA Analyses

One way to help effectively ingtitutionalize consideration of non-wires solutionsisto establish a
set of minimum criteria that would trigger a detailed assessment of non-wires solutions. Most of
the jurisdictions discussed in this report have such criteria.

All such criteria start with arequirement that the project be load-related. Asthe Rhode Island
guidelines put it, the need cannot be a function of the condition of the asset (e.g. to replace aging
or malfunctioning equipment). Some jurisdictions, such as Vermont, have a short “form” that
utilities must complete for each proposed project that provides more detail on this question.

Most jurisdictions have additional criteriarelated to one or more of the following:

Sufficient Lead Time Before Need. The purpose of this criterion is to ensure that there
is enough lead time to enable deferring a T& D investment.

Limitsto the Size of L oad Reduction Required. The purpose of this criterion isto
ensure that there is a substantial enough probability that the non-wires solution can be
effective before investing in more detailed assessments. The maximum reduction can be
linked to the previous criterion around lead time, as the longer the lead time the larger the
reduction in load (and/or equivalent distributed generation level) that could be achieved
through non-wires solutions.

Minimum Threshold for T& D Project Cost. The purpose of this criterion isto ensure
that the potential benefits of aT&D deferra are great enough to justify more detailed
anaysis.

Table 5 below provides a summary of the criteria currently in place for a number of the
jurisdictions assessed in this report.
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Table5: Criteriafor Requiring Detailed Assessment of Non-Wires Solutions

Minimum Maximum

Must Be Years Load Minimum
Load Before  Reduction T&D Project
Related Need Required Cost Source
Transmission
1to3 15%
Vermont Yes 4t05 20% $2.5 Million [Regulatory policy
6 to 10 25%
Maine Yes >69 kv or Legislative standard
>$20 Million
Rhode Island Yes 3 20% S 1 Million [Regulatory policy
Pacific Northwest (BPA) Yes 5 S3 Million  [Internal planning criteria
Distribution
PG&E (California) Yes 3 2 MW Internal planning criteria
Rhode Island Yes 3 20% S 1 Million [Regulatory policy
Vermont Yes 25% $0.3 Million |Regulatory policy

Documents that lay out these requirements more formally and in more detail are provided for
Vermont and Rhode Island in Appendices D, E and F.

Consistent with the integrated resource planning guideline discussed above, when projects pass
such initial screening criteria, the utility should be required to conduct a more detailed
assessment of the potential for reduced peak demand in the geographic area of interest through
any combination of distributed resources, including additional energy efficiency, demand
response, distributed generation and storage. The cost of such additional distributed resources
should then be compared to their benefits. The level of depth of analysis would be afunction of
the magnitude of the deferral project. For projects for which the more detailed assessment
suggests that greater EE and DR would have positive net benefits,%® the utility should be
required to pursue the non-wires solution.

Recommendation 4: Promote Equitable Cost Allocation for NTAs
Investments in transmission solutions to reliability needs are commonly socialized across power
pools. For example, alarge mgority of the cost of atransmission investment in Maine can
ultimately be borne by ratepayersin the other five states that are part of the New England grid.
In contrast, there is no comparable mechanism to socialize the cost of non-transmission
investments across the region'® — even if they would just as effectively address the reliability

108 As discussed earlier in the report, some NWAs, including energy efficiency, provide a number of benefits beyond
deferral of T&D investments. All costs and benefits of both NWAs and traditional T& D investments should be
included in any economic comparisons.

109 Note that though there is currently no mechanism for socializing the costs of implementing NTAs, thereis at least
an open question as to whether the costs of analyzing NTAs could be socialized. Indeed, some costs of analysis of
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concern at a substantially lower cost. In other words, if Maine invests in a non-transmission
solution, it will have to bear the full cost of that approach. Thisis ahuge economic barrier to
consideration of cost-effective non-transmission investments. Legiglation in some states now
requires their state officials to advocate for equal treatment of transmission and non-transmission
planning and cost allocation in negotiations with and proceedings before their independent
system operators, the Federal Energy Regulatory Commission (FERC) and other bodies and fora.
Excerpts from the Vermont and Maine legislative language are provided below:

Vermont Act 61, Section 8

“(5) The public service department, public service board, and attorney general shall
advocate for these policies in negotiations and appropriate proceedings before the New
England Independent System Operator, the New England Regional Transmission
Operator, the Federal Energy Regulatory Commission, and all other appropriate regional
and national forums. This subdivision shall not be construed to compel litigation or to
preclude settlements that represent a reasonable advance to these policies.

(6) In addressing reliability problems for the state’s electric system, Vermont retail
electricity providers and transmission companies shall advocate for regional cost support
for the least cost solution with equal consideration and treatment of all available
resources, including transmission, strategic distributed generation, targeted energy
efficiency, and demand response resources on atotal cost basis. This subdivision shall
not be construed to compel litigation or to preclude settlements that represent a
reasonabl e advance to these policies.

Maine 2013 Omnibus Energy Bill, Part C, Sec. C-7 (35-A MRSA 8§3132)

15. Advancement of non-transmission alternatives policies.  The commission shall
advocate in al relevant venues for the pursuit of least-cost solutions to bulk power system
needs on a total cost basis and for all available resources, including non-transmission
aternatives, to be treated comparably in transmission analysis, planning and access to
funding.

The greater the number of states that have such policiesin place, the greater the likelihood that
this barrier will be addressed. The question of what “comparable treatment” to socialization of
traditional transmission and non-transmission investments means is not necessarily a simple one.
Itislikely to require careful thought and discussion among a number of stakeholders. States can
play an important role in pressing for and shaping such discussions.

NTAs are already indirectly socialized. For example, VELCO, Vermont’s transmission utility, currently recovers
costs associated with its system planners through aregional tariff. Thus, when those planners work on NTAs, the
costs of that work are effectively socialized across the regional. However, to our knowledge, no entity has yet tested
whether other costs of analyzing NTAs (e.g. those born by other entitiesin a state) are recoverable through regional
tariffs.
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Appendix A: California AB 327 (excerpt)

SEC. 8. Section 769 is added to the Public Utilities Code, to read:

769. (a) For purposes of this section, “distributed resources” means distributed renewable
generation resources, energy efficiency, energy storage, electric vehicles, and demand response
technologies.

(b) Not later than July 1, 2015, each electrical corporation shall submit to the commission a
distribution resources plan proposal to identify optimal locations for the deployment of
distributed resources. Each proposal shall do all of the following:

1) Evaluate locational benefits and costs of distributed resources located on the distribution
system. This evaluation shall be based on reductions or increasesin local generation
capacity needs, avoided or increased investments in distribution infrastructure, safety
benefits, reliability benefits, and any other savings the distributed resources providesto
the electric grid or costs to ratepayers of the electrical corporation.

2) Propose or identify standard tariffs, contracts, or other mechanisms for the deployment of
cost-effective distributed resources that satisfy distribution planning objectives.

3) Propose cost-effective methods of effectively coordinating existing commission-
approved programs, incentives, and tariffs to maximize the locational benefits and
minimize the incremental costs of distributed resources.

4) Identify any additional utility spending necessary to integrate cost-effective distributed
resources into distribution planning consistent with the goal of yielding net benefitsto
ratepayers.

5) Identify barriers to the deployment of distributed resources, including, but not limited to,
safety standards related to technology or operation of the distribution circuit in a manner
that ensures reliable service.

(c) The commission shall review each distribution resources plan proposal submitted by an
electrical corporation and approve, or modify and approve, a distribution resources plan for the
corporation. The commission may modify any plan as appropriate to minimize overall system
costs and maximize ratepayer benefit from investments in distributed resources.

(d) Any electrical corporation spending on distribution infrastructure necessary to accomplish the
distribution resources plan shall be proposed and considered as part of the next general rate case
for the corporation. The commission may approve proposed spending if it concludes that
ratepayers would realize net benefits and the associated costs are just and reasonable. The
commission may also adopt criteria, benchmarks, and accountability mechanisms to evaluate the
success of any investment authorized pursuant to a distribution resources plan.
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Appendix B: Maine 2013 Omnibus Energy Bill Excerpts

An Act To Reduce Energy Costs, Increase Energy Efficiency, Promote
Electric System Reliability and Protect the Environment

PART C

Sec. C-1. 35-A MRSA 83131, sub-84-B isenacted to read:

4-B. Nontransmission alternative. “"Nontransmission alternative’ means any of the
following methods used either individually or combined to reduce the need for the construction of
a transmission line under section 3132 or transmission project under section 3132-A: enerqy
efficiency and conservation, load management, demand response or distributed generation.

Sec. C-2. 35-A MRSA 83132, sub-82-C, 1B and C, as enacted by PL 2009, c.
309, 82, are amended to read:

B. Justification for adoption of the route selected, including comparison with alternative
routes that are environmentally, technically and economically practical; and

C. Results of an investigation by an independent 3rd party, which may be the commission or
a contractor selected by the commlsson of nontransmlsson alternatlv&e to constructlon of
the proposed transmission line A - 2l
management. The investigation must set forth the total pr0|ected costs of the transmlsson
line as well as the total projected costs of the aternatives over the effective life of the
proposed transmission line; and

Sec. C-3. 35-A MRSA 83132, sub-82-C, D isenacted to read:
D. A description of the need for the proposed transmission line.

Sec. C-4. 35-A MRSA 83132, sub-85, as enacted by PL 1987, c. 141, Pt. A, 86, is
amended to read:

5. Commission approval of a proposed line. The commission may approve or
disapprove al or portions of a proposed transmission line and shall make such ordersregarding its
character, size, install ation and mai ntenance as are necessary, having regard for any increased costs
caused by the orders. The commission shall give preference to the nontransmission alternatives
that have been identified as able to address the identified need for the proposed transmission line
at lower total cost to ratepayers in this State. When the costs to ratepayers in this State of the
identified nontransmission alternatives are reasonably equal, the commission shall give preference
to the alternatives that produce the lowest amount of local air emissions, including greenhouse gas
emissions.

Sec. C-5. 35-A MRSA 83132, sub-86, as repealed and replaced by PL 2011, c. 281,
81, is amended to read:
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6. Commission order; certificate of public convenience and necessity. Inits
order, the commission shall make specific findings with regard to the public need for the proposed
transmission line. The commission shall make specific findings with regard to the likelihood that
nontransmission alternatives can sufficiently address the identified public need over the effective
life of the transmission line at lower total cost. Except as provided in subsection 6-A for a high-
impact el ectric transmission line and in accordance with subsection 6-B regarding nontransmission
aternatives, if the commission finds that a public need exists, after considering whether the need
can be economically and reliably met using nontransmission alternatives, it shall issue a certificate
of public convenience and necessity for the transmission line. In determining public need, the
commission shall, at aminimum, take into account economics, reliability, public health and safety,
scenic, historic and recreational values, state renewable energy generation goals, the proximity of
the proposed transmission line to inhabited dwellings and alternatives to construction of the
transmission line, including energy conservation, distributed generation or load management. If
the commission orders or alows the erection of the transmission line, the order is subject to all
other provisions of law and the right of any other agency to approve the transmission line. The
commission shall, as necessary and in accordance with subsections 7 and 8, consider the findings
of the Department of Environmental Protection under Title 38, chapter 3, subchapter 1, article 6,
with respect to the proposed transmission line and any modifications ordered by the Department
of Environmental Protection to lessen the impact of the proposed transmission line on the
environment. A person may submit a petition for and obtain approval of a proposed transmission
line under this section before applying for approval under municipal ordinances adopted pursuant
to Title 30-A, Part 2, Subpart 6-A; and Title 38, section 438-A and, except as provided in
subsection 4, before identifying a specific route or route options for the proposed transmission
line. Except as provided in subsection 4, the commission may not consider the petition insufficient
for failure to provide identification of aroute or route options for the proposed transmission line.
The issuance of a certificate of public convenience and necessity establishes that, as of the date of
issuance of the certificate, the decision by the person to erect or construct was prudent. At the time
of its issuance of a certificate of public convenience and necessity, the commission shall send to
each municipality through which a proposed corridor or corridors for a transmission line extends
aseparate notice that the issuance of the certificate does not override, supersede or otherwise affect
municipal authority to regulate the siting of the proposed transmission line. The commission may
deny a certificate of public convenience and necessity for a transmission line upon a finding that
the transmission line is reasonably likely to adversely affect any transmission and distribution
utility or its customers.

Sec. C-6. 35-A MRSA 83132, sub-86-B isenacted to read:

6-B. Reasonable consideration of nontransmission alternatives. If the
commission determines that nontransmission alternatives can sufficiently address the transmission
need under subsection 6 at lower total cost, but at a higher cost to ratepayers in this State than the
proposed transmission line, the commission shall make reasonable efforts to achieve within 180
days an agreement among the states within the ISO-NE region to alocate the cost of the
nontransmission alternatives among the ratepayers of the region using the allocation method used
for transmission lines or adifferent allocation method that resultsin lower costs than the proposed
transmission line to the ratepayers of this State.

For the purposes of this section, "ISO-NE region" has the same meaning as in section 1902,
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subsection 3.

The subsection is repealed December 31, 2015.
Sec. C-7. 35-A MRSA 83132, sub-815 isenacted to read:

15. Advancement of nontransmission alternatives policies. The commission
shall advocate in all relevant venues for the pursuit of |east-cost solutions to bulk power system
needs on atotal cost basis and for all available resources, including nontransmission alternatives,
to be treated comparably in transmission analysis, planning and access to funding.

Sec. C-8. 35-A MRSA 83132-A isenacted to read:

8 3132-A. Construction of transmission projects prohibited without approval
of the commission

A person may not construct any transmission project without approval from the commission.
For the purposes of this section, "transmission project” means any proposed transmission line and
its associated infrastructure capable of operating at less than 69 kilovolts and projected to cost in
excess of $20,000,000.

1. Submission requirement. A person that proposes to undertake in the State a
transmission project must provide the commission with the following information:

A. Results of an investigation by an independent 3rd party, which may be the commission or
a contractor selected by the commission, of nontransmission alternatives to construction of
the proposed transmission project. The investigation must set forth the total projected costs
of the transmission project as well as the total projected costs of the nontransmission
aternatives over the effective life of the proposed transmission project; and

B. A description of the need for the proposed transmission project.

2. Approval; consideration of nontransmission alternatives. _In order for a
transmission project to be approved, the commission must consider whether the identified need
over the effective life of the proposed transmission project can be economically and reliably met
using nontransmission alternatives at a lower total cost. During its review the commission shall
give preference to nontransmission aternatives that are identified as able to address the identified
need for the proposed transmission project at lower total cost to ratepayers. Of the identified
nontransmission alternatives, the commission shall give preference to the lowest-cost
nontransmission alternatives. When the costs to ratepayers of the identified nontransmission
aternatives are reasonably equal, the commission shall give preference to the alternatives that
produce the lowest amount of local air emissions, including greenhouse gas emissions.

3. Exception. A transmission project that is constructed, owned and operated by a
generator of electricity solely for the purpose of eectrically and physicaly interconnecting the
generator to the transmission system of atransmission and distribution utility is not subject to this
section.
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Appendix C: Vermont Act 61 Excerpts

Sec. 8. ADVOCACY FOR REGIONAL ELECTRICITY RELIABILITY POLICY

It shall be the policy of the state of Vermont, in negotiations and policy-making at the New
England Independent System Operator, in proceedings before the Federal Energy Regulatory
Commission, and in all other relevant venues, to support an efficient reliability policy, as
follows:

(1) When cost recovery is sought through region-wide regulated rates or uplift tariffs for power
system reliability improvements, all available resources — transmission, strategic generation,
targeted energy efficiency, and demand response resources — should be treated comparably in
analysis, planning, and access to funding.

(2) A principa criterion for approving and selecting a solution should be whether it is the least-
cost solution to a system need on atotal cost basis.

(3) Ratepayers should not be required to pay for system upgrades in other states that do not meet
these least-cost and resource-neutral standards.

(4) For reliability-related projectsin Vermont, subject to the review of the public service board,
regional financial support should be sought and made available for transmission and for
distributed resource aternatives to transmission on aresource-neutral basis.

(5) The public service department, public service board, and attorney general shall advocate for
these policies in negotiations and appropriate proceedings before the New England Independent
System Operator, the New England Regional Transmission Operator, the Federal Energy
Regulatory Commission, and all other appropriate regiona and national forums. This subdivision
shall not be construed to compel litigation or to preclude settlements that represent a reasonable
advance to these policies.

(6) In addressing reliability problems for the state’s electric system, Vermont retail electricity
providers and transmission companies shall advocate for regional cost support for the least cost
solution with equal consideration and treatment of all available resources, including
transmission, strategic distributed generation, targeted energy efficiency, and demand response
resources on atotal cost basis. This subdivision shall not be construed to compel litigation or to
preclude settlements that represent a reasonable advance to these policies.
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* * * Transmission and Distribution Planning * * *
Sec. 9. 30 V.SA. § 218c is amended to read:
§218c. LEAST COST INTEGRATED PLANNING

(d)(2) Least cost transmission services shall be provided in accordance with this subsection. Not
later than July 1, 2006, any €l ectric company that does not have a designated retail service
territory and that owns or operates el ectric transmission facilities within the state of Vermont, in
conjunction with any other electric companies that own or operate these facilities, jointly shall
prepare and file with the department of public service and the public service board atransmission
system plan that looks forward for a period of at least ten years. A copy of the plan shall befiled
with each of the following: the house committees on commerce and on natural resources and
energy and the senate committees on finance and on natural resources and energy. The objective
of the plan shall be to identify the potential need for transmission system improvements as early
as possible, in order to allow sufficient time to plan and implement more cost-effective non-
transmission alternatives to meet reliability needs, wherever feasible. The plan shall:

(A) identify existing and potential transmission system reliability deficiencies by location
within Vermont;

(B) estimate the date, and identify the local or regional load levels and other likely system
conditions at which these reliability deficiencies, in the absence of further action, would
likely occur;

(C) describe the likely manner of resolving the identified deficiencies through
transmission system improvements;

(D) estimate the likely costs of these improvements,
(E) identify potential obstacles to the realization of these improvements; and

(F) identify the demand or supply parameters that generation, demand response, energy
efficiency or other non-transmission strategies would need to address to resolve the
reliability deficiencies identified.

(2) Prior to the adoption of any transmission system plan, a utility preparing a plan shall host at
least two public meetings at which it shall present adraft of the plan and facilitate a public
discussion to identify and evaluate non-transmission alternatives. The meetings shall be at
separate locations within the state, in proximity to the transmission facilities involved or as
otherwise required by the board, and each shall be noticed by at |east two advertisements, each
occurring between one and three weeks prior to the meetings, in newspapers having general
circulation within the state and within the municipalities in which the meetings are to be held.
Copies of the notices shall be provided to the public service board, the department of public
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service, any entity appointed by the public service board pursuant to subdivision 209(d)(2) of
thistitle, the agency of natural resources, the division for historic preservation, the department of
health, the scenery preservation council, the agency of transportation, the attorney general, the
chair of each regional planning commission, each retail electricity provider within the state, and
any public interest group that requests, or has made a standing request for, a copy of the notice.
A verbatim transcript of the meetings shall be prepared by the utility preparing the plan, shall be
filed with the public service board and the department of public service, and shall be provided at
cost to any person requesting it. The plan shall contain adiscussion of the principal contentions
made at the meetings by members of the public, by any state agency, and by any utility.

(3) Prior to the issuance of the transmission plan or any revision of the plan, the utility preparing
the plan shall offer to meet with each retail electricity provider within the state, with any entity
appointed by the public service board pursuant to subdivision 209(d)(2) of thistitle, and with the
department of public service, for the purpose of exchanging information that may be relevant to
the development of the plan.

4) (A) A transmission system plan shall be revised:

(i) within nine months of arequest to do so made by either the public service
board or the department of public service; and

(i) in any case, a intervals of not more than three years.

(B) If more than 18 months shall have elapsed between the adoption of any version of the
plan and the next revision of the plan, or since the last public hearing to address a
proposed revision of the plan and facilitate a public discussion that identifies and
evaluates nontransmission alternatives, the utility preparing the plan, prior to issuing the
next revision, shall host public meetings as provided in subdivision (2) of this subsection,
and the revision shall contain adiscussion of the principal contentions made at the
meetings by members of the public, by any state agency, and by any retail electricity
provider.

(5) On the basis of information contained in a transmission system plan, obtained through
meetings held pursuant to subdivision (2) of this subsection, or obtained otherwise, the public
service board and the department of public service shall use their powers under thistitle to
encourage and facilitate the resolution of reliability deficiencies through nontransmission
aternatives, where those alternatives would better serve the public good. The public service
board, upon such notice and hearings as are otherwise required under thistitle, may enter such
orders as it deems necessary to encourage, facilitate or require the resolution of reliability
deficienciesin amanner that it determines will best promote the public good.

(6) Theretail electricity providersin affected areas shall incorporate the most recently filed
transmission plan in their individual least cost integrated planning processes, and shall cooperate
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as necessary to develop and implement joint least cost solutions to address the reliability
deficiencies identified in the transmission plan.

(7) Before the department of public service takes a position before the board concerning the
construction of new transmission or a transmission upgrade with significant land use
ramifications, the department shall hold one or more public meetings with the legislative bodies
or their designees of each town, village, or city that the transmission lines cross, and shall engage
in adiscussion with the members of those bodies or their designees and the interested public as
to the department’s role as public advocate.
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Appendix D: Rhode Island Standards for Least Cost
Procurement and System Reliability Planning (excerpt)

Chapter 2- System Réiability Procurement

Section 2.1 Distributed/Targeted Resourcesin Relation to T& D Investment

A. The Utility System Reliability Procurement Plan (“The SRP Plan”) to be submitted for
the Commission’s review and approval on September 1, 2011 and triennially thereafter
on September 1, shall propose general planning principles and potential areas of focus
that incorporate non-wires alternatives (NWA) into the Company’s distribution planning
process for the three years of implementation beginning January 1 of the following year.

B. Non-Wires Alternatives (NWA) may include but are not limited to:

a

b.

d
e.
f

g

Least Cost Procurement energy efficiency baseline services.

Peak demand and geographically-focused supplemental energy efficiency
strategies

Distributed generation generally, including combined heat and power and
renewable energy resources (predominatel y wind and solar, but not
constrai ned) 1

. Demand response

Direct load control
Energy storage
Alternative tariff options

C. Identified transmission or distribution (T& D) projects with a proposed solution that meet
the following criteriawill be evaluated for potential NWA that could reduce, avoid or
defer the T& D wires solution over an identified time period.

a

b.

d.

The need is not based on asset condition.

The wires solution, based on engineering judgment, will likely cost more than $1
million;

If load reductions are necessary, then they are expected to be less than 20 percent
of the relevant peak load in the area of the defined need;

Start of wires alternative is at least 36 months in the future; and

A more detailed version of these criteria may be developed by the distribution utility with
input from the Council and other stakeholders.
D. Feasible NWAswill be compared to traditional solutions based on the following:

a
b.

Ability to meet the identified system needs;
Anticipated reliability of the alternatives,

110 In order to meet the statute’s environmental goals, generation technologies must comply with al
applicable general permitting regulations for smaller-scale electric generation facilities.
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c. Risksassociated with each aternative (licensing and permitting, significant risks

of stranded investment, sensitivity of alternativesto differencesin load forecasts,

emergence of new technologies)

Potential for synergy savings based on alternatives that address multiple needs

Operational complexity and flexibility

Implementation issues

Customer impacts

Other relevant factors

E. Financia analyses of the preferred solution(s) and alternatives will be conducted to the
extent feasible. The selection of analytical model(s) will be subject to Public Utilities
Commission review and approval. Alternatives may include the determination of deferred
investment savings from NWA through use of net present value of the deferred revenue
requirement analysis or the net present value of the alternatives according to the Total
Resource Cost Test (TRC). The selection of an NWA shall be informed by the
considerations approved by the Public Utilities Commission which may include, but not
be limited to, those issues enumerated in (D), the deferred revenue requirement savings
and an evaluation of costs and benefits according to the TRC. Consideration of the net
present value of resulting revenue requirements may be used to inform the structure of
utility cost recovery of NWA investments and to assess anticipated ratepayer rate and bill
impacts.

F. For each need where aNWA isthe preferred solution, the distribution utility will develop
an implementation plan that includes the following:

a. Characterization of the need

i. Identification of the load-based need, including the magnitude of the need,
the shape of the load curve, the projected year and season by which a
solution is needed, and other relevant timing issues.

ii. ldentification and description of the T&D investment and how it would
change as aresult of the NWA

iii. Identification of the level and duration of peak demand savings and/or
other operational functionality required to avoid the need for the upgrade

iv. Description of the sensitivity of the need and T&D investment to load
forecast assumptions.

b. Description of the business as usual upgrade in terms of technology, net present
value, costs (capital and O& M), revenue requirements, and schedule for the
upgrade

c. Description of the NWA solution, including description of the NWA solution(s)
in terms of technology, reliability, cost (capital and O& M), net present value, and
timing.

d. Development of NWA investment scenario(s)

i. Specific NWA characteristics

Se "o a
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ii. Development of an implementation plan, including ownership and
contracting considerations or options

iii. Development of adetailed cost estimate (capital and O& M) and
implementation schedule.

G. Funding Plan

The Utility shall develop afunding plan based on the following sources to meet the budget
requirement of the system reliability procurement plan. The Utility may propose to utilize
funding from the following sources for system reliability investments:

i. Capital funds that would otherwise be applied towards traditional wires
based alternatives;

ii. Existing Utility EE investments as required in Section | of these Standards
and the resulting Annual Plans.

Iii. Additional energy efficiency funds to the extent that the NWA can be
shown to pass the TRC test with a benefit to cost ratio of greater than 1.0
and such additional funding is approved,

iv. Utility operating expenses to the extent that recovery of such fundingis
explicitly allowed;

v. ldentification of significant customer contribution or third party
investment that may be part of a NWA based on benefits that are expected
to accrue to the specific customers or third parties.

vi. Any other funding that might be required and available to complete the
NWA.

H. Annual SRP Plan reports should be submitted on November 1. Such reports will include
but are not limited to:
a. A summary of projects where NWA were considered;

b.

o o

Identification of projects where NWA were selected as a preferred solution; and a
summary of the comparative analysis following the criteria outlined in sections
(D) and (E) above;

Implementation plan for the selected NWA projects;

Funding plan for the selected NWA projects;

Recommendations on pilot distribution and transmission project alternatives for
which it will utilize selected NWA reliability and capacity strategies. These
proposed pilot projects will be used to inform or revise the system reliability
procurement process in subsequent plans;

Status of any previously selected and approved projects and pilots;
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g. ldentification of any methodological or analytical tools to be developed in the
year;
h. Total SRP Plan budget, including administrative and eval uation costs.

I. The Annua SRP Plan will be reviewed and funding approved by the Commission prior to
implementation.
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Appendix E: Vermont Non-Transmission Alternatives
Screening Form (9/27/12)

For usein screening to determine whether or not a transmission system reliability issue requires
non-transmission alternatives (NTA) analysis in accordance with the Memorandum of
Understanding in Docket 7081. Projects intended for energy market-related purposes —
““economic” transmission — and other non-reliability-related projects do not fall within the scope
of the Docket 7081 process.

| dentify the proposed upgrade:

Date of analysis:

1. Doesthe project meet one of the following criteria that define the term
“impracticable” (check all that apply)?

a. Needed for a redundant supply to aradia load; or

b. Maintenance-related, addressing asset condition, operations, or safety; or

c. Addressing transmission performance, e.g., addition of high-speed
protection or a switch to sectionalize aline; or

d. Needed to address stability or short circuit problems;*** or

e. Other technical reason why NTAs are impracticable. Attach detailed
justification that must be reviewed by the VSPC.

o0 O0oo

If any box above is checked, project screens out of full NTA analysis.

2. What is the proposed transmission project’s need date?
If the need for the project is based on existing or imminent reliability criteria violations (i.e.,
arising within one year based on the controlling load forecast), project screens out of full
NTA analysis.

1t “Stability” refers to the ability of a power system to recover from any disturbance or interruption. Instability can
occur when there is aloss of synchronism at one or more generators (rotor angle stability), a significant loss of load
or generation within the system (frequency stability), or areactive power deficiency (voltage stability). Stability
problems are influenced by system parameters such as transmission line lengths and configuration, protection
component type and speed, reactive power sources and loads, and generator type and configuration. Dueto the
nature of instability, non-transmission alternatives involving addition of generation or reduction of load will not
solve these problems.
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3. Could elimination or deferral of all or part of the upgrade be accomplishnedbya U Yes
25% or smaller load reduction or off-setting generation of the same magnitude? U No
(See note.)

If “no,” project screens out of full NTA analysis.

4. Isthelikely reduction in costs from the potential elimination or deferral of all or U Yes
part of the upgrade greater than $2.5 million. (See note.) U No
If “no,” project screens out of full NTA analysis.

Sign and date thisform.
This analysis performed by:
Print name & title
Company
Date
Sgnature

Line3

Line4

NTA Screening Form
Notes, examples and descriptions

Non-transmission aternatives should be considered if the project can be atered
or deferred with load reductions or off-setting generation, according to the
schedule below, of existing peak load of the affected area at the time of the need
for the preferred transmission alternatives. This schedul e recognizes that
deployment of aload reduction program in a specific area takes time to organize
and implement. Therefore, the following assumptions including time and
accrued load reduction should be considered when examining the load reduction:
Magnitude of load reduction

Period and/or off-setting generation
1-3 years 15% of peak load
5years 20% of peak load
10 years 25% of peak load

The $2.5 millionisin year 2012 dollars and is adjusted for escalation in future
years using the Handy Whitman transmission cost index. This threshold does not
account for the expected costs of the NTAs, but rather only includes the
expected savings to the cost of the transmission project.
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Appendix F: Vermont Form for Selection of Distributed
Utility Planning Areas (v. 28,10/1/02)

The purpose of thisformisto (1) guide the selection of DUP areas while (2) documenting which
criteria apply to the decision.

Identity of the upgrade (description or project number):

1 Isthe cost of the upgrade greater than $2,000,000? (See note.) Yes.O
No ..d

If so, check ““Yes™ and continue to Line 4; otherwise check ““No”” and. continue
toLine2

2. Would the upgrade relieve a T& D delivery constraint in a Capacity Constrained  Yes.[]
Area? (See note.) No..[
If so, check ““Yes™ and continue to Line 3; otherwise check ““No”” and exclude
the expected upgrade from DU analysis.

3. Isthe cost of the upgrade less than $250,000? (See note.) Yes.[d

No ..OOd

If so, check ““Yes” and exclude the expected upgrade from DU analysis;
otherwise check ““No”” and continue to Line 4.

4. Is the upgrade driven by an emergency situation requiring the immediate Yes.[d
replacement of equipment that has failed or is at imminent risk of failure? No ..OOd
If so, check ““Yes” and exclude the upgrade from DU analysis; otherwise check
“No’” and continue to line 5.

5. Does the upgrade constitute a minor change for the purpose of systemtuningor  Yes.[]
efficiency improvements? (See note.) No ..]
If so, check ““Yes,” indicate which of the below upgrades are included (check all
that apply), and exclude the upgrade from DU analysis. Otherwise check “No”
and continue to line 6.

S.a installation or changes to relays, reclosers, fuses, switches, sectionalizers,

breakers, breaker bypass switches, MOABS, capacitors, regulators, arresters,
INSULLONS, OF MELEIS .....eeiiie ettt et s ee e re e et e e e ereenreas O
5b (]

installation or replacement of underground getaways.........ccccueeeerereeseeneeenns
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5.c upgrade of SUDSLELON BUSWOTK ...........cc.veiereeseeseeee e
5.d upgrade of substation structural work, fencing, or oil containment................. O
5.e installation or upgradeto SCADA ........ocveeeeeeeeeeeeeeeese et ssssssseanes O
5.f LFANSTOIMES SWEDS ... seeseeeeeeseeese e eeeeeseseseseeess s s seeeseseeesseeeseseeseeseees O
5.9 addition of fansto tranNSfOrMErS .........ccoeveriiiee s [
5.h balaNCiNG OF FEBHEY PNESES ... ee e eese e se e ee e ee e O
Si replacement of deteriorated poles, crossarms, structures, poles and conduit;
and O
replacement of wires on such equipment with the least-cost wires. (See
0] (= PSPPSR
5] Other (please describe):
O
(Attach further explanation if needed.))
6. Is the upgrade a line-reconstruction project pursuant to joint use agreements Yes.[d
with telephone or CATV or pole-attachment tariff requirements? No ..OOd
If so, check ““Yes” and exclude the upgrade from DU analysis; otherwise check
“No” and continue to line 7.
7. Is the upgrade the result of a customer’s request for a specific equipment or Yes.[d
service for which distributed resources would not be acceptable? (See note.) No ..d
If so, check “Yes,” describe the situation,
and exclude the expected upgrade from DU analysis; otherwise check “No”
and continue to line 8.
8. Is the upgrade required to remedy reliability, stability, or safety problems? Yes.[d
No..OO
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If so, check “Yes™ and continue to line 9; otherwise check ““No”” and skip to line
11.

9. Could the scope and cost of the resulting project be reduced by areduction in Yes.[d
load level or by the installation of distributed generation? (See note to clarify the No..[d
extent of load reduction.)

If so, check ““Yes™ and continue to line 10; otherwise check “No’” and skip to
line 11.

10. Isthelikey reduction in costs from the potential reduction in scope less than Yes.[d
$250,000? (See note.) No ..

If so, check ““Yes” and exclude the upgrade from DU analysis; otherwise check
“No” and continue to line 11.

11.  Would load reduction or generation allow for the elimination or deferral of al of Yes.[d
the upgrade? (See note to clarify the extent of load reduction.). No ..d

If so, check “Yes and proceed to define the scope and timing of the local DU
analysis; otherwise check “No’” and continue to line 12.

12.  Can the upgrade be implemented with different levels of capacity in the Yes.[d
replacement equipment, with costs that could differ by more than $250,000? No ..d

If not, check ““No”” and exclude the expected upgrade from DU analysis;
otherwise check “Yes™ and proceed to define the scope and timing of the local
DU analysis.

Remember to sign and date thisform.

This analysis performed by on
Name Date

Print Name
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Notes, Examples, and Descriptions

Linel

Line2

Line3

Line5:

Line5i:

Line7:

Lines9
and 11:

Line 10:

Any T&D project whose capital cost is expected to exceed $2 million (in year 2002
dollars, adjusted for inflation in future years), including any reasonably foreseeable
related projects, sub-projects, and multiple phases, should be reviewed for the
applicability of DUP.

DUs may exclude from DUP analysis Non-Constrained Area Projects, as defined in
the Docket No. 6290 MOU, of $2 million or less (determined as described in the note
toline 1).

Projects of less than $250,000 (in year 2002 dollars, adjusted for inflation in future
years) may be excluded from DUP analysis. This step is intended to identify
constrained situations in which the DU study would be disproportionately costly,
compared to the budgeted project cost.

Minor projects that are only parts of alarger project should not be screened using this
step. For example, a substation rebuild would include many of the itemslisted in 5.a
J, but would not be a project that is minor in size and scope. Therefore, larger projects
such as substation rebuilds should be anal yzed according to the criteriain lines 7
through 12.

These situations do not include upgrading equipment specifically to significantly
increase capacity, which should be reviewed at lines 11 and 12.

For example, the customer may be willing to pay for a distribution upgrade, but not
for distributed resources. In other situations, the customer may be willing to pay for
distributed resources, but may be unwilling to have the distributed resources on its
premises, and resources elsewhere may not provide the required service.

If reduction in present load by 25% and the elimination of all load growth would not
affect the need for the project, or its cost, the project may be considered to be
independent of load. The feasibility of the required load reductions will be reviewed
in the resource-scoping stage of the DU analysis.

The determination that load reductions would not avoid a particular investment can
be established by reference to an approved policy (such as standards adopted to
capture lost opportunities or simplify system operations). If so, indicate the document
that specifies the policy.

This line addresses situations in which the upgrade is driven by considerations other
than load growth, but the upgrade could be avoided, in whole or in part, by load
reductions or distributed generation. Examples of situationsin which significant costs
may be avoidable, even though some part of the project is unavoidable, include the
following:

Replacement of large transformers

looping projects or adding tie-lines to create first-contingency reliability
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More rarely load reductions may reduce the costs of

line relocations due to road or bridge reconstruction
line relocations in response to local, state, or federal requests

line rebuilds due to deterioration

Examples of situationsin which loads would matter for these | atter projects include
(2) capacity increases planned to coincide with the relocation or rebuilding, and (2)
lines that serve no customers along a considerable distance (e.g., over amountain or
through a wetland), where reduced loads at the other end of the line could be picked
up by other facilities.

The $250,000 isin year 2002 dollars, to be adjusted for inflation in future years.
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ENBRIDGE INTERROGATORY #16

INTERROGATORY

Reference: L.OEBStaff.1, page 128/129

Preamble:

“...the rationale, methodologies and concepts for using DSM to avoid or defer gas infrastructure are very
similar to those for using DSM to avoid or defer electricity infrastructure. Consequently, many of the
electricity IRP methodologies and concepts can and should be applied to gas infrastructure planning in
Ontario.” (page 128)

“While there are some important difference between electricity and gas resource planning, many of the
best practices from electricity planning will apply to gas planning as well.” (page 129)

Question:
Please explain the “important differences between electricity and gas resource planning”.

RESPONSE

One difference is that electricity resource planning addresses generator capacity, generator energy,
electricity transmission capacity and, to a lesser extent, electricity distribution capacity; while gas
resource planning addresses gas pipeline capacity and gas storage options. Another difference is that,
for reliability purposes, gas resource planning focuses on gas peak-day demand, while electricity
planning focuses on electricity peak hour demand.

Witnesses: T. Woolf
K. Takahashi
E. Malone
J. Kallay
A. Napoleon
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ENBRIDGE INTERROGATORY #17

INTERROGATORY

Reference: L.OEBStaff.1, page 128

Preamble:

“There appear to be few examples of this sort of explicit incorporation of DSM in gas infrastructure
planning in other jurisdictions... we are only aware of two examples where DSM is incorporated in gas
infrastructure planning...”

Question:

a. Please provide a list of the natural gas utilities that currently use DSM programs to avoid or
defer natural gas T&D investments. For each utility, please state whether the method is passive
deferral or active deferral and also describe each utility including number of customers and total
peak throughput.

b. Please describe how Vermont Gas Systems “routinely includes the impacts of its DSM programs
in its integrated resource planning process”.

c. Please describe the scope and objectives of the current study commissioned by the
Massachusetts Department of Energy “to investigate the potential for gas DSM initiatives to
defer or avoid the need for significant investments”.

d. Further to (c), please also compare and contrast the objectives with those outlined by the
Ontario Energy Board (as mentioned in the second paragraph on the page referenced).

RESPONSE

a. Synapse has not developed such a list.
b. Synapse has not investigated this issue beyond what was provided in the document cited.

c. Thereferenced study is provided as Exhibit M.Staff.EGDI.17, Attachment 1. As indicated in the
Executive Summary, the study attempts to answer two questions: (i) what is the current
demand for and capacity to supply natural gas in Massachusetts? (ii) If all technologically and
economically feasible alternative energy resources are utilized, is any additional natural gas
infrastructure needed, and if so, how much? Energy efficiency was one of the key "alternative
energy resources."

Witnesses: T. Woolf
K. Takahashi
E. Malone
J. Kallay
A. Napoleon
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d. The second question cited above in Exhibit M.Staff.EGDI.17, part c. is very much like the Ontario
Energy Board's request for a study of the role that DSM should play in future gas planning
efforts. Otherwise, Synapse has not prepared a detailed comparison of the objectives of the
Massachusetts report and the Ontario Energy Board’s objectives.

Witnesses: T. Woolf
K. Takahashi
E. Malone
J. Kallay
A. Napoleon



Filed: 2015-08-12
EB-2015-0049
EB-2015-0029

Exhibit M.Staff. EGDI.17
Attachment 1
Page 1 of 118

Massachusetts Low Gas Demand
Analysis: Final Report

RFR-ENE-2015-012

Prepared for the Massachusetts Department of Energy

Resources

January 7, 2015

AUTHORS

Elizabeth A. Stanton, PhD

Patrick Knight
Joseph Daniel
Bob Fagan
Doug Hurley
Jennifer Kallay
Ezgi Karaca
Geoff Keith
Erin Malone
Wendy Ong
Paul Peterson
Leo Silvestrini
Kenji Takahashi
Rachel Wilson

Ba Synapse

485 Massachusetts Avenue, Suite 2
Cambridge, Massachusetts 02139

617.661.3248 | www.synapse-energy.com


http://www.synapse-energy.com/

Filed: 2015-08-12
EB-2015-0049
EB-2015-0029

Exhibit M.Staff. EGDI.17
Attachment 1
Page 2 of 118

CONTENTS
1.  EXECUTIVE SUMMARY ..cuiiuiiucianianiansastassessesssnssssssssassassassassssssssssssssssssassassassasssns 2
2. INTRODUCTION ..cuteuieerrenrantantantancascascescascsssssssassassassassassassassssssssssssassassassassassanes 9
2.0, PUIPOSE iuiiieiieeiiaeiieiiaiiruitrustassiassinsrsssresssestesstosstassrsssssssssstssstasstssssssssssssssssessasssasssasssnsses 9
727 2 |4 = | Y 10
P O X = 1V T3 10
p 0 T =1 1C] 0 Vo] [ LT gl o o Yo =L 10
p TR 1 (T Yo o A @ 1114 [T =T 11
3. IVMIODEL OVERVIEW ...cuuieianianiasiencassescssssssssssastossassossassassssssssssssnsssssassassassassanses 12
k2% R 1Y, T Yo 11l 0 =T 37 £ U 13
3.2, WiInter PEAK EVENL .........ceeeiieeeeceirececirreceeerreneneesreneseesrenasesssensssssrensssssnennssssnennssnssennnes 15
3.3. Scenarios and SeNSItIVItIeS ......cccceiiieeeiiiiieiiiiiier et ee s reeeee s reneee s s renn e s senasessrenanassrennnes 16
3.4. Feasibility Analysis for Low Energy Demand Scenario........cccccorreeenciirenencirnenenccnnenenceenennnns 23
3.5. Relationship between Capacity and Demand .......cccceeeuiieeiiieiiieciieeierenneieeerenseernseeensnenes 28
L SR \V/ [0 I I 3 { LY U I 32
4.1. Peak HOUr Gas SNOITAgES ......cccueiiireueiiiieneiiiennerteenseseeensessennssessennssessssnssessennssassennnnnes 32
4.2. Annual Natural Gas Demand ..........cc.ciiieeueiiieenieiiiennierieennereeensseseeenssessesnssessennssessennnnanes 36
4.3, ANNUAI CO 5 EMISSIONS..ccuureuireeiretetenererreireesreesrsssesssenssesssesssssssssssssessssssssssssssssssssssssnssenssen 37
4.4, ANNUAL COSES..cuuuuiiiieniiiiiiiiiiiieieiireieetteneesttsnesesttsnsssssesnssessennsssssssnsssssesnssssssnsssssssnnsnsses 42
5. OBSERVATIONS ..cuctuttutrasrastassastonsassessssssssssssastassassassassassssssssssssnssassassassassasssnes 45
APPENDIX A: FEASIBILITY ANALYSIS.cuctuttettatassesseesressessessassassassasssssssssssssssassassassassassans 46
APPENDIX B: BASE CASE ASSUMPTIONS ..euureerensresseesssnssassrassresssssssssssssrsssssssssssssssasssnss 72
APPENDIX C: LOW ENERGY DEMAND CASE ASSUMPTIONS ....ccuieuieniencencenssassassassassassassassens 83
APPENDIX D: NATURAL GAS PRICE SENSITIVITY ASSUMPTIONS ...ccuieurencenceassassassassassassassans 85
APPENDIX E: CANADIAN TRANSMISSION SENSITIVITY ASSUMPTIONS ...coceucrnnranransansensencancans 87
APPENDIX F: DETAILED PRELIMINARY IVMIODEL RESULTS ..cuuurennnisrennnirennsineennssnennssnennnnnes 109

Synapse Energy Economics, Inc.

Final Report for Low Gas Demand Analysis

1



Filed: 2015-08-12
EB-2015-0049
EB-2015-0029

Exhibit M.Staff. EGDI.17
Attachment 1
Page 3 of 118

1. EXECUTIVE SUMMARY

New England’s natural gas infrastructure has become increasingly stressed during peak winter periods
as regional demand for natural gas has grown. This situation has led to gas supply and transmission
deficits into the region for the gas-fired electric generators during those winter months. Insufficient
natural gas capacity for the electric sector has contributed to high wholesale gas prices to generators
and thus high electricity prices. Furthermore, as non-gas generators retire and gas generators replace
them, the New England electric system is becoming more dependent on natural gas generators.
Governor Patrick directed the Department of Energy Resources (DOER) to determine whether or not
new natural gas pipeline infrastructure is needed in the Commonwealth.

DOER retained Synapse Energy Economics (Synapse) to utilize current forecasts of natural gas and
electric power under a range of scenarios, taking into consideration environmental, reliability and cost
answering two key questions:

e What is the current demand for and capacity to supply natural gas in Massachusetts?

e If all technologically and economically feasible alternative energy resources are utilized,
is any additional natural gas infrastructure needed, and if so, how much?

Eight scenarios (listed in Table ES-1) were evaluated from an economic and reliability perspective and
were then assessed for compliance with the Massachusetts Global Warming Solutions Act (GWSA)

targets.

Table ES-1. Scenario key

| Scenario1 | Scenario2 | Scenario3 | Scenariod | Scenario5 | Scenario6 | Scenario7 | Scenario8 |

Low Demand
Base Case Low Demand Low Demand
Base Case Base Case Low Demand Case
Base Case Case Case
Reference High NG REIEEE Case Reference
. Low NG Price g. NG Price Reference . High NG .
NG Price Price X Low NG Price . NG Price
No Canadi 2 400-MW NG Price Price
. o Canadian . ,400- .
No Canadian . No Canadian . . No Canadian . 2,400-MW
.. Transmission . Canadian No Canadian .. No Canadian .
Transmission Transmission L . Transmission .. Canadian
Transmission  Transmission Transmission

Transmission

Note: “Canadian transmission” refers to incremental transmission of system power from Québec. This transmission includes
electricity both from hydroelectric and other generators.

From 2015 through 2019, electric generators have insufficient supply of natural gas, which results in
spiking natural gas prices. Scarcity-driven high natural gas prices will force economic curtailment of

! Global Warming Solutions Act (GWSA), Chapter 298 of the Acts of 2008 as codified in M.G.L. Chapter 21N Climate Protection
and Green Economy Act

: Synapse Energy Economics, Inc. Final Report for Low Gas Demand Analysis 2
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natural gas-fired generators in favor of oil-fired units. The combination of increased oil utilization for
electricity generation together with the use of emergency measures such as demand response and the
ISO-NE Winter Reliability program (through January 2018) will allow electric demand to be met. From
2020 to 2030, existing and planned capacity plus incremental pipeline capacity balances system
requirements.

Critical to this result is the assumption that winter peak hour gas shortages cannot be addressed using
known measures (e.g. demand response or the addition of new natural gas pipeline) in years 2015
through 2019 and, as a result, gas prices are expected to reflect an out-of-balance market in those years.
The electric sector responds to these high prices by shifting dispatch from gas to oil generation in the
peak hour, reducing reliance on natural gas. In years 2020 through 2030, in contrast, winter peak hour
gas shortages can be met using known measures (incremental pipeline) and, as a result, gas prices are
expected to reflect an in-balance market in those years. The electric sector no longer has a price signal
to shift dispatch away from gas generation in the peak hour, greatly increasing gas requirements and
reducing reliance on oil in comparison to the previous period.

The amount of pipeline required differs based on scenario assumptions (see Figure ES-1). Year 2020
pipeline additions range from 25 billion Btu per peak hour to 33 billion Btu per peak hour (0.6 billion
cubic feet (Bcf) per day to 0.8 Bcf per day).2 Year 2030 pipeline additions range from 25 billion Btu per
peak hour to 38 billion Btu per peak hour (0.6 Bcf to 0.9 Bcf per day).

Figure ES-1. Massachusetts gas capacity shortage during winter peak hour by scenario, 2020 and 2030
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2 Billion Btu can be converted to Bcf by multiplying billion Btu by 24 hours per day then dividing by 1,022 Btu per cubic foot.
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Figure ES-2 compares Massachusetts natural gas capacity to the natural gas demand in the winter peak
hour in three scenarios selected to highlight the progression of reducing gas shortages from a scenario
with existing policies only, to the addition of technically and economically feasible alternative resources
(i.e. renewable energy and energy efficiency measures), to the addition (inclusive of alternative
measures) of new transmission from Canada:

e Scenario 1: Base Case is the base case with reference natural gas price and no incremental
Canadian transmission,

e Scenario 5: Low Demand is the low energy demand case with reference natural gas price and no
incremental Canadian transmission, and

e Scenario 8: Low Demand + Incremental Canadian Transmission is the low energy demand case
with reference natural gas price and 2,400-MW incremental Canadian transmission.

In all scenarios electric sector gas use increases between 2019 and 2020 as gas pipeline constraints are
reduced, price spikes become less frequent, resulting in lower gas prices. Lower gas prices reduce
economic curtailment of gas-fired units and increase gas use while reducing reliance on oil-fired units
and oil use.

i Synapse Energy Economics, Inc. Final Report for Low Gas Demand Analysis 4
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Figure ES-2. Comparison of Massachusetts gas capacity and demand for selected scenarios in winter peak hour
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Figure ES-3 compares the projected emissions of Scenarios 1, 5 and 8 through 2030 with GWSA targets
for the heating gas and electric sectors (refer to Section 4.3 for explanation of how targets are derived).
The gas heating and electric sectors “2020 GWSA Target” depicted below would allow the GWSA 2020
emissions limit to be met, taking into account expected emissions from other sectors. While no
scenario meets the GWSA targets for the heating gas and electric sectors in 2020, Scenario 8 (low energy
demand case with reference natural gas price and 2,400-MW incremental Canadian transmission),
shown below, and Scenario 7 (low energy demand case with high natural gas price and no incremental
Canadian transmission) meet the target in 2030. Scenario 5 (low energy demand with reference natural
gas price and no incremental Canadian transmission) exceeds the 2030 GWSA target by 0.4 million
metric tons or 1 percent of the 2030 statewide emission target.

The 2020 emission level for Scenario 8 shows an approximately 1.6 million metric ton CO, gap from the
target (25.0 million metric ton CO, compared with the target of 23.3 million metric tons). The December
2013 GWSA 5-Year Progress Report also identified a potential shortfall in greenhouse gas reductions by
2020 for the buildings—including energy efficiency—and the electric generation sectors.

Figure ES-3. Massachusetts GWSA compliance in heating gas and electric sector for selected scenarios
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The difference in each scenario’s costs from that of Scenario 1 (base case with reference natural gas
price and no incremental Canadian transmission) is shown for Scenario 5 (low demand case with
reference natural gas price and no incremental Canadian transmission) and Scenario 8 (low demand
case with reference natural gas price and 2,400-MW incremental Canadian transmission) in Figure ES-4.
Scenario 5 costs exceed those of Scenario 1 by less than $100 million in each year through 2020 and less
than $200 million each year thereafter. In Scenario 8, the addition of new Canadian transmission in 2018
reduces overall costs in comparison to the low demand case without new transmission (Scenario 5) in
2018 and 2019 because of the large reduction in electric system costs provided by new transmission in
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those years. Starting in 2020, the Scenario 8 costs exceed those of Scenario 5 as more alternative
resources are introduced.

Figure ES-4. Massachusetts difference in cost between Scenario 1 (Base Case) and selected scenarios
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Table ES-2 reports the difference in each scenario’s costs from that of Scenario 1 in net present value
terms over the study period (2015 to 2030), along with the pipeline required by 2030. The addition of
technically and economically feasible alternative measures (Scenario 5) adds $1,433 million in costs (i.e.
capital, maintenance, fuel) to Scenario 1, while the addition of both these alternative measures and a
2,400-MW incremental Canadian transmission (Scenario 8) adds $2,157 million in costs to Scenario 1.
Note that in the low natural gas price sensitivity, Massachusetts costs fall in comparison to scenarios run
with the reference gas price. While Scenario 2 (base case, low gas price sensitivity, no incremental
Canadian transmission) has $8.6 billion in cost savings compared to Scenario 1, Scenario 6 (low demand
case, low gas price sensitivity, no incremental Canadian transmission) has $0.3 billion in added costs
compared to Scenario 1. This difference in costs is due to the costs of implementing the low demand
measures included in Scenario 6.

Table ES-2. Massachusetts difference in cost from Scenario 1 in net present value (million $), 2015 to 2030
compared to 2030 pipeline requirements

I 08 0 0N T T ) Y T

NPV

($ M) -$8,611 S5,384 S840 51,433 $389 $15,112 $2,157
2030 Pipeline
(Bcf/day) 0.9 0.9 0.9 0.8 0.7 0.7 0.6 0.6
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This study’s results are sensitive to numerous assumptions made in our analysis. These assumptions
have been caveated throughout the following report and include important assumptions regarding

multiple topics, laid out in detail in the following report. Any interpretations of this study’s results
should make full consideration of all specified caveats.

: Synapse Energy Economics, Inc. Final Report for Low Gas Demand Analysis 8
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2. INTRODUCTION

2.1. Purpose

The Massachusetts Department of Energy Resources (DOER) retained Synapse Energy Economics
(Synapse) to determine, given updated supply and demand information, whether or not new natural gas
pipeline infrastructure is required in the Commonwealth taking into consideration environmental issues,
reliability, and costs.? Key questions for consideration included:

e What is the current demand for and capacity to supply natural gas in Massachusetts?

e If all technologically and economically feasible alternative energy resources are utilized,
is any additional natural gas infrastructure needed, and if so, how much?

Caveats to model scope

Caveats are included in each of the following sections to summarize issues not included in this modeling
study. Any interpretations of this study’s results should make full consideration of all specified caveats.

e The scope of this study was restricted to expected Massachusetts natural gas demand
and capacity only. We did not examine gas constraints in the wider region, nor did we
examine the effect of expected gas demand or capacity constraints outside of the
Commonwealth.

e The scope of this study was restricted to scenarios in which Massachusetts natural gas
capacity constraints were resolved. We did not construct a scenario based on the
assumption that incremental pipeline would not be an option.

o The scope of this study was to investigate the need for a new pipeline. We assumed
neither that new pipeline and corresponding natural gas usage were necessary, nor that
new pipeline and corresponding natural gas were unnecessary.

e The study determines whether or not each scenario modeled is or is not compliant with
Massachusetts Global Warming Solutions Act (GWSA) compliant. We did not assume
that Massachusetts would be in compliance with GWSA.

e The study examines the sensitivity of model results to changes in the price of natural gas
and the addition of 2,400 MW of incremental Canadian transmission. Potential
sensitivities of interest not modeled include: the availability in the winter peak hour of
existing coal, nuclear, or other potentially at-risk generation; the combined sensitivity to
a low or high gas price and the addition of incremental Canadian transmission; and

3 RFR-ENE-2015-012
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incremental Canadian resources assumed to be dedicated transmission of hydroelectric
generation or any other resource.

e The study examined the period of 2015 through 2030. Although new natural gas
infrastructure is not available until 2020, we analyzed years 2015 through 2019 as these
years have changes to the natural gas system including reduced natural gas demand as a
result of energy efficiency measures, and changes to the electric system as a result of
generating unit retirements, energy efficiency measures, and alternative measures. The
inclusion of these years permits more thorough analysis of differences among the
scenarios.

2.2. Intent

This report presents information intended to inform state energy decision-makers as they develop and
implement policies and actions with regards to Massachusetts’ energy infrastructure. The information in
this report can also assist state energy officials in addressing ISO-New England (ISO-NE) market rule
changes that can enable increasing levels of alternative resources and demand response.

2.3. Analysis

This study considers a range of solutions to address Massachusetts’ short- and long-term needs, taking
into account system reliability, economic costs, and greenhouse gas reductions. All scenarios are
evaluated from an economic and reliability perspective and are then assessed for compliance with
GWSA. Our analysis was conducted in four steps:

1) Development of a base case and sensitivity assumptions
2) Feasibility study of alternative resources in a low energy demand case
3) Scenario modeling of eight scenario and sensitivity combinations

4) Assessment of natural gas capacity to demand balance in a winter peak event

2.4. Stakeholder Process

DOER, with the facilitation leadership of Raab Associates, hosted a stakeholder input process to solicit
varied points of view and ensure that the list of solutions and metrics for evaluation were informed by
stakeholder input. This process included three public stakeholder meetings held on October 15, October
30 and December 18, 2014. Prior to each meeting, Synapse posted meeting materials to a website for
stakeholder review.* DOER made public high level summaries and encouraged stakeholders to submit
written comments and suggestions, which were considered at all stages of the study process.

. Synapse Energy Economics, Inc. Final Report for Low Gas Demand Analysis
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2.5. Report Outline

Section 3 provides an overview of the model methodology and model design for this analysis of the
Massachusetts gas sector from 2015 to 2030. It first describes the base case and low demand case, with
the sensitivities associated with each scenario. It outlines the key outputs of the model runs: 1)
sufficiency of gas pipeline capacity under winter peak event conditions, and 2) annual costs and
emissions. This section then gives an overview of the feasibility analysis for the low energy demand case
that is modeled as the base case with the addition of the maximum amount of technologically and
economically feasible alternative demand and supply-side resources.

Section 4 presents model results for all eight scenarios and sensitivity combinations. It displays the
difference between natural gas capacity and natural gas demand during a winter peak event in each
scenario and sensitivity for each modeled year. Each scenario’s annual costs compared to the base case
are reported. This section also depicts total emissions from the Massachusetts’ natural gas heating and
electric sectors in 2020 and 2030 for each scenario compared to 2020 and 2030 GWSA targets for the
buildings and electric sectors.

Section 5 describes our observations regarding these modeling results. Some of these observations
include the sensitivity of winter peak hour requirements to gas prices, the impact of incremental
Canadian transmission, and impacts of alternative measures to reduce Massachusetts’ gas demands.

Caveats are discussed in each section of the report to summarize issues not included in this modeling
study. Any interpretations of this study’s results should make full consideration of all specified caveats.

Six appendices present detailed modeling assumptions and results:
e Appendix A presents the feasibility analysis for the low energy demand case;
e Appendix B presents assumptions used in modeling the base case;
e Appendix C presents assumptions used in modeling the low energy demand case;

e Appendix D presents assumptions regarding the sensitivity analysis of changes in the price of
natural gas;

e Appendix E presents assumptions regarding the sensitivity analysis of the addition of
incremental electric transmission from Canada; and

e Appendix F presents detailed tables of the model results.

. Synapse Energy Economics, Inc. Final Report for Low Gas Demand Analysis
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3. MODEL OVERVIEW

Synapse analyzed eight future scenario-and-sensitivity combinations of the Massachusetts gas sector
from 2015 through 2030. We modeled two future scenarios:

1) A base case representing existing policies in place, and

2) Alow energy demand case in which the maximum feasible amount of additional
alternative resources are utilized.

In addition, we tested each of these scenarios for their sensitivity to changes in the price of natural gas
and the addition of 2,400 MW of incremental Canadian transmission as follows:

e Base case
e No incremental Canadian transmission
e Reference natural gas prices (Scenario 1)
e Low natural gas prices (Scenario 2)
e High natural gas prices (Scenario 3)
e 2,400-MW incremental Canadian transmission
e Reference natural gas prices (Scenario 4)
e Low energy demand case
e No incremental Canadian transmission
e Reference natural gas prices (Scenario 5)
e Low natural gas prices (Scenario 6)
e High natural gas prices (Scenario 7)
e 2,400-MW incremental Canadian transmission
e Reference natural gas prices (Scenario 8)

From this model we established the difference between natural gas capacity and natural gas demand
during a winter peak event in each scenario and sensitivity for each modeled year, 2015 through 2030,
and investigate the availability of additional measures to relieve shortage conditions.

Our analysis provides the following key outputs:

. Synapse Energy Economics, Inc. Final Report for Low Gas Demand Analysis 12
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o Sufficiency of Massachusetts’ gas pipeline capacity under winter peak event
conditions: We modeled Massachusetts gas supply and demand under conditions
defined by a winter peak event (as described in Section 3.2), taking account of the
impact on energy storage of a “cold snap” or series of winter peak days.

e Annual costs and emissions: We modeled fuel use, electric generation, variable and
levelized capital energy costs, and greenhouse gas emissions on an annual basis. Annual
costs and emissions were modeled based on expected (most likely) weather conditions,
not extreme conditions. These expected weather conditions included the occurrence of
winter high demand events. We then determined if additional pipeline capacity is
needed to meet demand.

Reliability requirements were a basic criterion for all modeled scenarios.

3.1. Model Design

Model design for this analysis included Ventyx’s Market Analytics electric dispatch model and a Synapse
purpose-built spreadsheet model of Massachusetts gas capacity and demand (see Figure 1).

Figure 1. Model schematic
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Note: “CELT” is the 2014 forecast of energy and load demand by ISO-New England and “GCA” is the Massachusetts Green
Communities Act, per Synapse’s 2014 analysis.
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Electric-sector greenhouse gas emissions and cost modeling in Market Analytics

Synapse projected greenhouse gas emissions, electric system gas use, and wholesale energy prices using
Ventyx’s Market Analytics electric-sector simulation model of ISO-NE including its imports and exports.
Market Analytics uses the PROSYM simulation engine to produce detailed results for hourly electricity
prices and market operations based on a security-constrained chronological dispatch model. The
PROSYM simulation engine optimizes unit commitment and dispatch options based on highly detailed
information on generating units. This modeling includes detailed runs designed to estimate electric-
sector gas requirements during the winter event peak hour. Although New England and regions
exporting electricity to New England are modeled to portray economic dispatch of resources as
accurately as possible, only generators located in Massachusetts’ gas requirements, emissions and costs
are considered in final model results.

A Synapse purpose-built model of Massachusetts natural gas capacity and demand

We developed a dynamic spreadsheet model of natural gas needs for an indicative winter peak event in
Massachusetts, with annual analysis extending out to 2030. This model facilitates assessment of the
balance of New England’s gas capacity and demand under winter peak event conditions. Development
of this model included Massachusetts-specific analysis of historical stress and shortage gas supply
conditions, historical winter peak event conditions, and diversity and reliability of supply.

Gas requirements as defined in the model represent demand from residential, commercial, industrial,
and electric-generation sectors in Massachusetts only:

e Local distribution companies (LDCs — local gas providers)
e Municipal light and gas companies (munis)

e (Capacity exempt customers (customers that purchase gas supplies from third-party suppliers
and are not required to take and pay for pipeline capacity that LDCs have under contract)

e Gas energy efficiency measures

e Gas reduction measures: Time varying rates, demand response, ISO-NE’s Winter Reliability
program, advanced building costs, renewable thermal policies, and in low energy demand case,
various demand- and supply-side measures were included.

e Gas-fired electric generators located in Massachusetts.

Gas capacity as defined in the model represents existing and planned pipeline capacity, liquefied natural
gas (LNG) storage and vaporization, and incremental pipeline capacity as needed to meet gas sector
demand by scenario and year:

e Existing pipeline capacity: Algonquin Gas Transmission Company (AGT),
Maritimes/Northeast Pipeline Company (M&NP); Tennessee Gas Pipeline Company
(TGP)

Synapse Energy Economics, Inc. Final Report for Low Gas Demand Analysis
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e Planned pipeline capacity: Algonquin Incremental Market (AIM) pipeline capacity, which
is an expansion of the AGT line, expected to be complete in 2017

e LDC’s LNG storage and vaporization: National Grid (NGrid), Columbia, NSTAR, Liberty,
Fitchburg Gas and Electric, Berkshire Gas, Holyoke, Middleboro

e Full GDF Suez LNG vaporization in Everett, MA with an allocation for Mystic electric
generation plant

e Incremental pipeline capacity

The model assumes that the existing and planned pipeline and LNG vaporization capacity defined above
(including the GDF Suez capacity and Canaport/M&NE Pipeline) is fully utilized to meet demand during
the winter peak event and identifies if and when incremental capacity is needed. Incremental capacity
is specified as pipeline capacity but it can also be supplied by additional LNG. The feasibility and cost of
incremental LNG facilities are highly dependent on factors and conditions present at specific locations.
Such an analysis was beyond the scope of this study. If additional LNG imports through the GDF Suez,
Neptune, Excelerate or Canaport facilities are economical, the delivery of those supplies into the
Massachusetts distribution system during the winter peak event would be limited by the capacity
defined above. Similarly, new LNG facilities will require both additional storage and liquefaction
capability to insure reliability comparable to that of a pipeline, which in most instances will drive its cost
well above the cost of a new pipeline. However, we assume that market and economic factors will drive
decisions as to the most feasible and cost-effective means for meeting natural gas demand.

In addition to modeling winter peak event conditions, Synapse’s spreadsheet model estimates state and
regional annual greenhouse gas emissions and costs related to Massachusetts’ natural gas use. This gas-
sector emissions and cost analysis includes expected displacement of other fossil fuels (coal and oil)
where applicable. While gas forecasting is typically conducted in terms of a November-October year, our
analysis was conducted in calendar years to facilitate comparisons with greenhouse gas emission
reduction targets. To convert gas demand for November-October years into calendar years, we
allocated split year demand into calendar year demand based on the ratio of each month’s expected gas
consumption using the updated monthly forecast data provided by NGrid.

3.2. Winter Peak Event

Massachusetts’ gas demand is at its greatest during a very cold winter day. Our analysis of the
sufficiency of Massachusetts natural gas capacity was conducted through the lens of a “winter peak
event”—a series of particularly cold winter days under which high gas demands have the greatest
potential to exceed gas capacity. For the purposes of this analysis, a winter peak event was defined as
follows:

e (Capacity and demand in the peak hour of an expected future “design day”. Design days
are used in gas LDCs’ forecasts of future natural gas demand and are determined by
calculating the effective degree days (a measure of expected heating demand) expected
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to occur under a specified probability (from once in 30 years to once in 50 years

depending on the LDC).

e Gas requirements for electric generation were developed in Market Analytics to
represent the coincident peak with LDCs’ design day (the electric peak that coincides
with the gas demand peak): for each year, the highest gas requirement for a January day
from 6 to 7pm.5

e LDCs' five-year design day forecasts were applied to the January of the split year (e.g.
2015/16) and remain unadjusted from their most recent filing as provided to DOER.® For
those years not provided by the companies, the average annual load growth rate for the
given forecasted years was used to extrapolate the design day and annual forecasts out
through 2019. From 2020 through 2030 design day and annual gas demand was
projected using a 0.5-percent annual growth rate per DOER projections.7

e Sufficiency of natural gas capacity took into account the effects of a cold snap. Each
Massachusetts LDC defines cold snaps differently using a series of the coldest days
ranging from 10 to 24 days; the Commonwealth’s two largest LDCs use ten and 14 days.
For the purposes of this analysis, we will define a cold snap as a series of 12 cold
weather days, with the design day occurring on the 12% day of the cold snap. In this
model the length of the cold snap impacts the amount of LNG in storage facilities and
the resulting rate of deliverable natural gas from storage.

Caveats to winter peak event

e This study examines the difference between Massachusetts’ gas demand and capacity in
an illustrative winter peak event hour. We did not analyze gas constraints in a specific
historical or expected future hour.

3.3. Scenarios and Sensitivities

Synapse modeled a base and a low energy demand case of the following possible Massachusetts gas and
electric systems (see Table 1). Both cases assume that there is no incremental transmission from Canada
to New England and a reference natural gas price. In addition, we investigated model results’ sensitivity
to changes in the price of natural gas and to the addition of 2,400-MW in new transmission capacity
from Canada to the New England hub.

5
Eastern Interconnection Planning Collaborative (EIPC) Draft Gas-Electric Interface Study Target 2 Report, p.64-65.

6 We used the latest Department of Public Utilities filings for all LDCs except NGrid and Columbia, which provided DOER with
updated design day forecasts.

’ According to background papers to the CECP, DOER assumed a 0.5-percent annual growth rate for Massachusetts gas demand
after 2020. See Exhibit EAS-13 to MA DPU 14-86.
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Table 1. Scenarios and sensitivities

No Incremental Canadian Transmission 2,400-MW Incremental

*Base Case *Base Case *Base Case *Base Case
*Ref NG Price *Low NG Price *High NG Price *Ref NG Price
Base Case *No Canadian *No Canadian *No Canadian *2,400-MW Canadian
Transmission Transmission Transmission Transmission
(Scenario 1) (Scenario 2) (Scenario 3) (Scenario 4)

Low
Energy

Demand
Case

Note: “Canadian transmission” refers to incremental transmission of system power from Québec. This transmission includes
electricity both from hydroelectric and other generators.

All scenarios and sensitivities include the carbon price forecast assumption used in the Avoided Energy
Supply Costs in New England: 2013 Report (AESC 2013) for the electricity sector.® As depicted in Figure 2,

RGGI prices extend to 2019; the Synapse “mid” CO, price forecast is used in AESC 2013 for 2020 and
beyond.

8 Hornby et al. 2013. Exhibit 4-1. Column 6 “Synapse” CO, emission allowance price.

. Synapse Energy Economics, Inc. Final Report for Low Gas Demand Analysis 17



Filed: 2015-08-12
EB-2015-0049
EB-2015-0029

Exhibit M.Staff. EGDI.17
Attachment 1
Page 19 of 118

Figure 2. AESC 2013 CO, price forecast
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Base case

The base case is defined as the energy resource mix and forecasted energy demand expected under
existing policy measures, using a reference natural gas price (see discussion under the “natural gas price
sensitivity” subsection later in this section), and the assumption that there will be no incremental
electric transmission from Canada in the 2015 to 2030 period.

Base case electric and gas loads were modeled using existing, well-recognized projections, including ISO-
NE’s latest CELT forecast for electric demand, the Massachusetts’ LDCs’ gas demand forecasts, and the
most up-to-date gas demand information available regarding capacity exempt customers and municipal
entities. Reductions to load from energy efficiency were modeled based on program administrators’
data as filed with their respective Departments of Public Utilities.” These reductions were extended into
the future using the following assumptions: (1) for states other than Massachusetts energy efficiency
budgets remain constant over time in real terms; and (2) for Massachusetts energy efficiency remains
constant as a 2.6-percent share of retail sales from 2015 through 2030.

The base case electric generation resource mix was modeled using the Market Analytics scenario
designed by Synapse for DOER in early 2014 to provide an accurate presentation of Green Communities

Program administrators are the entities that administer energy efficiency programs in the Commonwealth. Typically, program
administrators are the same as utilities (e.g., NSTAR, National Grid), but also include non-utility entities such as the Cape Light
Compact.
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Act (GCA) policies as well as the Renewable Portfolio Standards—by class—of the six New England
states. Synapse’s GCA analysis for DOER was developed using the NERC 9.5 dataset, based on the Ventyx
Fall 2012 Reference Case. We verified and updated these data with the most current information on gas
prices, loads, retirements, and additions. This case assumes all existing policies—including the ISO-NE
Winter Reliability program with its current sunset date, advanced building codes, renewable thermal
technologies, and the recent DPU Order 14-04 on time-varying rates—and forecasted LNG and propane
usage. We modeled distributed resources using ISO-NE’s PV Energy Forecast Update, held constant after
2020. Detailed modeling assumptions for the base case are presented in Appendix B.

Caveats to base case

e The base case for this study includes only existing policies and does not consider or
account for currently developing policies or new legislations.

e This study bases its base case projections of electric demand on ISO-NE’s CELT 2014
forecast, with the exceptions of adjustments made to ISO-NE’s energy efficiency
projections (we base these instead on program administrator’s latest three-year plans).
Any inaccuracies in this forecast—including its accounting of new housing starts—have
the potential to affect model results.

e This study bases its base case projections of distributed generation installation on ISO-
NE’s PV Energy Forecast Update by state, held constant after 2020 (see Appendix B).
Any inaccuracies in this forecast have the potential to affect model results.

e This study assumes that gas heating demand is inelastic—that is, gas heating demand
does not fluctuate with changes in the gas prices. While actual consumer fuel use is
widely regarded to be largely insensitive to fuel prices in the short run, heating demand
has the potential to exhibit more sensitivity to gas prices in the long run as customers
change heating technologies. While this study does not model long-run sensitivity to
increasing gas prices per se, it does include Massachusetts’ existing policy for large-scale
conversion to renewable thermal heating technologies per the DOER-commissioned
CARTS study.™®

e This study did not consider MA H.4164 expansion of gas distribution and the effect of
this expansion on gas demand."! Inclusion of gas distribution expansion has the
potential to change model results, to the extent that this expansion is not already

10 http://www.neep.org/sites/default/files/products/NEEP%201CS2%20FINAL%20REPORT%202013Feb11-Website.pdf;
http://www.mass.gov/eea/docs/doer/renewables/thermal/carts-report.pdf

11 . . e . . . .
MA H.4164 establishes a uniform classification standard for natural gas leaks. It also requires natural gas companies to repair
serious leaks immediately, produce a plan for removing all leak-prone infrastructure, and provide a summary of their
progress and a summary of work to be completed every five years.
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accounted for in the LDC’s heating gas demand forecasts through 2019 and the DOER-

based growth rate for heating gas demand thereafter.'?

e The modeling analysis presented in this study includes the coal unit retirement
assumptions indicated in Table 2. Different assumptions have the potential to impact on
model results.

Table 2. Modeled coal retirements

| UnitName | _state | Retirement date

Bridgeport Harbor 3 CcT 6/1/2017
Salem Harbor 3 MA 6/1/2014
Mount Tom MA 10/1/2014
Brayton Point 1 MA 6/1/2017
Brayton Point 2 MA 6/1/2017
Brayton Point 3 MA 6/1/2017
Mead 1 (103 MW) ME none

Schiller 4 NH 1/1/2020
Schiller 6 NH 1/1/2020
Merrimack ST1 (114 MW) NH none

Merrimack ST2 (345 MW) NH none

S A Carlson 5 NY 1/1/2016

Low energy demand case

The low energy demand case was designed by making adjustments to the base case. In the low energy
demand case, all alternative resources were utilized to the greatest extent that is determined to be
feasible (the methodology for this feasibility assessment is described in Section 3.4). In this scenario,
changes to public policy were assumed for Massachusetts only and not for the neighboring states.
Detailed modeling assumptions for the low energy demand case are presented in Appendix C.

Natural gas price sensitivity

We investigated the sensitivity of modeling results to both increases and decreases in the expected price
of natural gas. Figure 3 depicts the reference, low and high Henry Hub natural gas price forecasts for use
in this analysis.

12 According to background papers to the CECP, DOER assumed a 0.5-percent annual growth rate for Massachusetts gas
demand after 2020. See Exhibit EAS-13 to MA DPU 14-86.
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Figure 3. Reference Henry Hub natural gas prices
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For the electric sector monthly average Henry Hub price forecasts were then adjusted for projections of
the basis differential between Henry Hub and the Massachusetts (Algonquin) city gates designed to
reflect the higher basis when gas demand approaches or exceeds capacity. We assume—based on
preliminary modeling results—that the Massachusetts (and upstream) gas sector will remain out of
balance from 2015 to 2019, but will be in balance from 2020 through 2030. Detailed assumptions used
in the natural gas price sensitivity analysis are presented in Appendix D.

Caveats to natural gas price assumptions

e This study explores the sensitivity of model results to the range in natural gas prices
described above. Still higher or lower natural gas prices have the potential to change
model results.

e This study does not specifically examine the impact of natural gas exports on the
potential range of gas prices. The low and high gas prices used in sensitivities were the
“Low and High Oil and Gas Resource Cases” from the U.S. Department of Energy (DOE)
and EIA’s 2014 Annual Energy Outlook and were chosen to represent a range in future
gas supplies available from shale reserves. DOE/EIA explicitly recognizes the uncertainty
of gas availability from shale reserves and developed these alternate resource cases to
address it.

e This study does not include a risk premium associated with natural gas price volatility.
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e This study does not incorporate the dramatic decline in world crude oil prices or the
decline in Henry Hub natural gas commaodity prices that occurred during the course this
analysis. While these changes will have an impact on the energy market economics in
Massachusetts, and the annual cost estimates presented in this study, the DOE/EIA
latest Short Term Energy Outlook (December 2014) shows that retail gas prices in the
Northeast continue to have a significant price advantage over retail heating oil prices.
Furthermore, prices that occur during the winter peak event are driven more from the
capacity constraints and pipeline basis differential prices than the cost of the
commodity.

13

Incremental Canadian transmission sensitivity

We investigated the sensitivity of modeling results to the addition of 2,400 MW of new, incremental
transmission of system power from Canada to the New England hub: one 1,200 MW line by 2018 and a
second by 2022. Note that this transmission is assumed to be heavily weighted to be composed of
hydroelectric-based generation, but includes power from other Canadian generators. Table 3
summarizes our basic assumptions for this sensitivity. We assume the capacity factor on these
incremental lines will be 75 percent on average on a winter peak day and 71 percent in a winter peak
hour. Our research underlying regarding Canadian transmission is presented in Appendix E. Note that
Massachusetts is assumed to receive all power from these lines—as it would were the Commonwealth
to purchase renewable or clean energy certificates associated with the generation or enter into long-
term contracts with the generators—and therefore both pays the full costs of constructing the lines and
claims the full emissions reductions associated with generation imported on the lines.

13
U.S. Energy Information Administration, Short-Term Energy Outlook, December 2014, Table WF01, Average Consumer Prices
and Expenditures for Heating Fuels During the Winter.
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Peak Hour

Gas Savings

MMBtu NG

n/a
6,840

n/a

Peak Hour

Gas Savings

Canadian Annual Total Annual Net | Annual Net Annual
Transmission Capacity Potential Levelized Levelized Energy
HVDC | Factor Capacity Cost Cost Production
% MW $/MWh $/MMBtu NG MMBtu NG
2015 n/a 0 n/a n/a n/a
2016-2020 67% 1,200 $100 $839 59,161,536
2021-2030 n/a 0 n/a n/a n/a
Canadian Annual Total Annual Net | Annual Net Annual
Transmission Capacity Potential Levelized Levelized Energy
HVDC 2 Factor Capacity Cost Cost Production
% MMBtu [ yr $/MMBtu $/MMBtu NG MMBtu NG
2015 n/a 0 n/a n/a n/a
2016-2020 n/a 0 n/a n/a n/a
2021-2030 50% 1,200 $147 $1,231 44,150,400

Caveats to incremental Canadian transmission assumptions

MMBtu NG

n/a
n/a

6,840

Both existing and incremental Canadian transmission is modeled as system power from

Québec —that is, generation and its associated emissions are assumed to be an average

or mix of Québécois resources, and not dedicated transmission of hydroelectric or
other resource. Average Québécois electric generation is treated as having zero

any

greenhouse gas emissions in this study when in fact the emission rate associated with
Québec imports is estimated to be 0.002 metric tons per MWh.* Incorporating the
actual emissions associated with these imports in our study would have no appreciable

impact on total emissions or GWSA compliance.

While based on the most recent data for costs and in-service dates of proposed

transmission lines, in this study, Canadian transmission lines are generic and do not
represent any specific project. The costs and in-service dates of actual transmission lines
would be expected to vary from the generic lines represented here. Changes to costs or

in-service dates of these lines would be expected to impact model results.

3.4. Feasibility Analysis for Low Energy Demand Scenario

The low energy demand case is modeled as the base case with the addition of the maximum amount of
alternative demand- and supply-side resources determined to be feasible. We performed feasibility
analyses for alternative resources for 2015, 2020 and 2030. All alternative resources assessed to be both

14 . . .
National Inventory Report 1990-2011, Part Ill. Environment Canada. 2013. p.71. Available at

http://unfccc.int/files/national_reports/annex_i_ghg_inventories/national_inventories_submissions/application/zip/can-

2013-nir-15apr.zip
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technically feasible and practically achievable in Massachusetts for each year, but ignoring cost, were
included in the economic feasibility analysis. For each such resource, the ratio of annual net costs to
annual energy in MMBtu (annual-$/annual-MMBtu) was compared to a threshold for economic
feasibility.

The estimated annual cost of a generic, scalable natural gas pipeline is used as the threshold for
economic feasibility in this report. Using pipeline construction costs from the AIM project we assume a
95-percent utilization (chosen to represent the level of pipeline utilization at which operational flow
orders are typically declared and shippers are held to strict tolerances on their takes from the pipeline)
on 80 percent of winter days.15 This study assumes that incremental pipeline capacity consists of non-
specific generic projects that can be added in increments of 100,000 MMBtu per day and are in addition
to the existing and planned capacity defined above. Based on this calculation, the economic threshold
for including additional alternative resources in the model is $4/MMBtu.

Resources were assessed as either less or more expensive than the selected threshold:

e If Annual-$S/annual-MMBtu are less costly than the economic feasibility threshold, then
resources are included in the determination of the electric generation resource mix and electric
and gas loads in the low energy demand case.

e If Annual-$/annual-MMBtu are more costly than the economic feasibility threshold, then
resources are not included in the low energy demand case.

Figure 4 provides a schematic of the role of feasibility analysis in this modeling project.

Figure 4. Feasibility analysis schematic
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15 Algonquin Gas Transmission, AIM Project, FERC CP 14-96, February 2014
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Measures included in the feasibility analysis meet two basic criteria:

1. These measures are incremental (i.e., over and above) the amounts of the same technologies
associated with the same policy measures included in the base case.

2. These measures are associated with expected annual MMBtu savings in the analysis year; that
is, they are technically and practically feasible.

For the purpose of the feasibility analysis, reduced natural gas consumption from displaced electric
generators is calculated using an 8.4 MMBtu/MWh heat rate. This is the average annual natural gas
marginal heat rate used by ISO-NE in 2013.° Detailed assumptions and results of the feasibility analysis
are presented in Appendix A.

Table 4 reports the alternative measures included in the low energy demand case at the reference gas
price along with the total annual savings potential for this group of measures.’” Note that savings are
incremental from the base case and incremental from the previous year. Measures that do not have
annual MMBtu savings are included in the “balancing” phase of modeling (described in Section 3.5)—
battery storage, pumped storage, demand response, and the ISO-NE Winter Reliability program—and
not in the feasibility study.

16 .. .
2013 Assessment of the ISO-NE Electricity Markets. Potomac Economics. June 2014. p.44.

17 Synapse conducted two rounds of analysis of this group of measures; the first round analyzed gas use, emissions, and cost
impacts of a subset of these measures. After correcting for a calculation error in the supply curves, Synapse extrapolated the
impact of the first round of measures to the entire group. Results for 2015 were unchanged. Very minor corrections were
needed for 2020 in all gas price sensitivities, while 2030 saw a larger impact from these additional measures in each gas
price sensitivity. The final results shown throughout this report reflect these changes.
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Table 4. Alternative measures included in low energy demand case at reference gas price

Total Annual

Savings Potential
(trillion Btu)

2015 Anaerobic digestion, landfill gas, converted hydrolg, small CHP

2020 Appliance standards, residential electric energy efficiency, commercial
and industrial electric energy efficiency, anaerobic digestion, large CHP,
landfill gas, converted hydro, low-income electric energy efficiency, small
CHP, residential gas energy efficiency, commercial and industrial gas
energy efficiency, low-income gas energy efficiency, Class 1 biomass
power

30.9

2030 Residential gas energy efficiency, appliance standards, commercial and
industrial gas energy efficiency, low-income gas energy efficiency,
residential electric energy efficiency, commercial and industrial electric
energy efficiency, anaerobic digestion, large CHP, landfill gas, converted 129.9
hydro, small CHP, low-income electric energy efficiency, commercial PV,
residential PV, Class 1 biomass power, utility-scale PV, small wind, Class 5
large wind, Class 4 large wind, Class 2 biomass power

Feasibility supply curve results are dependent on the choice of natural gas price sensitivity: alternative
resources avoided different costs based on the assumed gas price. Overall, the results of the supply
curve analysis were not very sensitive to low gas prices: the same set of resources clear the economic
threshold in 2015 as in the reference gas price case. In 2020, one fewer resource clears with the low gas
price, representing less than 1 trillion Btu of the total 31 trillion Btu cleared savings in the reference
case. Sensitivity to the low gas price is greater in 2030, with two resources totaling 8 trillion Btu not
clearing the economic threshold as a result of lower gas prices, compared to total cleared savings of 130
trillion Btu. The model exhibits somewhat higher sensitivity to a change to higher gas prices. In 2015, the
higher gas price results in a new 2 billion Btu resource clearing the economic threshold, compared to
total cleared savings of 235 billion Btu. In 2020, two additional resources clear the economic threshold,
representing 9 trillion Btu cleared savings of the total 31 trillion Btu cleared savings in the reference
case. In 2030, two new resources clear the economic threshold, raising the total amount of cleared
savings from 130 trillion Btu to 264 trillion Btu. Detailed feasibility analysis results for the natural gas
price sensitivities are presented in Appendix A.

Caveats to feasibility analysis assumptions and methodology

e In this study, only resources jointly deemed technically feasible and practically
achievable in Massachusetts for each year, given our best understanding of the pace of
policy change and resource implementation (but ignoring cost), were assessed for

18 . . . . .
The inclusion of converted hydro addresses energy potential only and does not take into account the other environmental
considerations which may be raised by the Commonwealth’s environmental agencies, such as the Department of Fish and
Game.
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economic feasibility and potential inclusion in the low demand case. Technological
advancements and new information regarding the expected pace of policy change and
resource implementation would have the potential to result in the inclusion of different
resources in the feasibility analysis, different alternative measures included in the low
demand case and different model results for this case.

In this study, resources are deemed “economically feasible” if they are less expensive
than a threshold estimated as the per MMBtu cost of a generic, scalable natural gas
pipeline. The choice of this threshold determines what alternative resources are or are
not included in the low demand case. A different threshold for inclusion in the low
demand case would result in the inclusion of different alternative measures, and
different model results for the low demand case.

This study only includes alternative measures that could potentially result from changes
to Massachusetts policy, and not alternative measures brought about by policy changes
in other New England states.

The avoided costs attributed to alternative measures in this study are derived from the
AESC 2013 (see Appendix A). Since the publication of AESC 2013 there have been
changes to projected fuel prices, public policy, and the market structure in ISO-NE, all of
which are expected to be included in modeling for the AESC 2015 that is currently in
progress. Avoided costs modeled in AESC 2015 may be different—higher or lower—than
those modeled in AESC 2013.

Benefits to alternative measures not included in the low demand case include:

e The avoided carbon cost of GWSA compliance (which was included only for
energy efficiency measures in this study consistent with DPU 14-86)

e Non-energy benefits including improved health, or reduced health costs, and
new jobs related to alternative measures

Costs to alternative measures not included in this study have the potential, if
considered, to result in fewer resources deemed economic and included in the low
demand case, changing the results of that case. Potential costs not included in the
assessment of these measures include non-energy costs such as negative environmental
impacts from alternative resource siting.

The examination of possible alternative resources to be included in this feasibility
analysis was not—and could not possibly be—comprehensive. Alternatives resources
that were either not deemed to be reasonably available during the time frame of this
study or of limited potential capability were not included in the supply curves for
economic feasibility assessment. Resources not considered in the analysis include:

e Solar panels installed on every sunny rooftop, and on every piece of land, where
the installation is technically feasible

e Unrestricted deployment of neighborhood-shared and community-shared solar

. Synapse Energy Economics, Inc. Final Report for Low Gas Demand Analysis
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e Solar energy with no net-metering cap or restriction and without any type of
restriction imposed by utility companies

e Co-location of solar panels with food production or other land uses
e Technological improvement in the lighting efficiency

e A public education campaign in Massachusetts similar to Connecticut’s “Wait ‘til
8” program

e Solar energy backed by batteries as a separate alternative resource
e Rate reforms such as peak time rebates and demand charges

e Transmission for wind firmed by hydro

e Smart appliances

e All new affordable-housing units built as zero-net-energy or net positive energy
residences

e Net zero carbon zoning codes
e Voluntary trends towards green building

e Conversion to electric vehicles

3.5. Relationship between Capacity and Demand

The Synapse Massachusetts gas-sector model designed for this analysis examines the relationship
between the Commonwealth’s natural gas demand and natural gas capacity in the winter peak hour.
This assessment of balance is accomplished as depicted in Figure 5:

Figure 5. Winter peak hour gas capacity and demand balancing schematic
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First, in each scenario and year, heating demand (LDC, muni and capacity exempt gas demand less gas
energy efficiency, reductions from advanced building codes and renewable thermal technologies, and
(in the low demand case) other gas reduction demand measures) is compared with existing and planned

(AIM project) pipeline capacity and existing vaporization capacity from LDC-owned storage.19

e If heating demand is less than existing and planned pipeline capacity plus LDC-owned
storage, then the gas heating sector is in balance.

e If heating demand is greater than existing and planned pipeline capacity plus LDC-
owned storage, then it is combined with electric demand as “non-contracted demand”
in the next step.

Next, non-contracted demand (the sum of shortages in gas heating and gas required for gas-fired
electric generation) is compared to balancing available from existing measures: Distrigas, Mystic LNG,
and Demand Response (in all years), and the ISO-NE Winter Reliability Program (through 2018).

e If non-contracted demand is less than existing balancing measures, then the gas heating
and electric sector is in balance. Existing balancing measures are:

e “Distrigas” is existing LNG vaporization capacity less what is dedicated to Mystic
directly available to the natural gas distribution system in Massachusetts.

e  “Mystic LNG” is existing LNG vaporization capacity directly available to the
Mystic generating facility.

e Electric demand response (available 2015 to 2019) is added at a minimum
increment of 0.76 MMBtu of gas savings.

e ISO-NE’s Winter Reliability program (available 2015 to January 2018) is added at
a minimum increment of 1.0 MMBtu of gas savings.

e Incremental pipeline (available 2020 through 2030) is added at a minimum
increment of 4.2 MMBtu per hour of gas.

e If non-contracted demand is greater than existing balancing measures, the incremental
pipeline is added until a balance is achieved.

The balance criteria of gas demand no greater than 95-percent of gas capacity reflects the level of
pipeline utilization at which operational flow orders are typically declared and shippers are held to strict
tolerances on their takes from the pipeline. The impact of gas constraint on natural gas prices is thought
to begin when gas demand rises above 80-percent of gas capacity. Gas prices associated with out-of-
balance conditions are assumed in 2015 through 2019 in our model.

19 LDC-owned storage is existing LNG storage used to provide vaporization during the peak hour throughout the 12-day cold

snap. Propane storage is not available in this model as a balancing measure; existing propane storage facilities are sufficient
for a 3-day cold snap.
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Caveats to capacity and demand balance assessment methodology

e This study assumes that no additional LNG storage facilities will be sited in
Massachusetts during the study period. This is based on expected challenges related to
permitting, siting, financing and potential public opposition.

e This study assumes additions of a generic natural gas pipeline, available in 4.2 peak hour
MMBtu increments and based on the per MMBtu costs of the AIM pipeline (see
Appendix B). Although pipeline increments are added based on the requirement in the
peak hour, incremental pipeline is assumed to be in use throughout the year. As a
result, we have levelized the cost of these pipeline increments over an entire year. If a
pipeline increment were only in use for a portion of the year, the implied levelized cost
would be different.

e This study does not consider environmental impacts of pipeline siting and construction,
nor does it consider the environmental impacts of natural gas extraction, such as those
related to fracking.

e This study does not consider pipeline investments potential displacement of alternative
resources, thereby slowing their growth.

e This study analyzes Massachusetts capacity during a winter peak event hour assuming
that if demand exists, market forces will make it economic to utilize existing capacity.
We do not examine the ability of specific supply basins to produce natural gas, or the
impact on supply to Massachusetts of demand in other regions.

e  Gas capacity constraints shown in this analysis may be higher than what is shown in the
Forecast and Supply Plans filed by the Massachusetts LDCs due to the inclusion of
capacity-exempt customer demand. LDCs, by regulation, do not acquire gas supply
resources to serve capacity-exempt customers. Those customers, however, are firm gas
customers that place demands on the system. In MA-DPU 14-111, the Massachusetts
LDCs petitioned the DPU to allow them to acquire resources to serve up to 30 percent of
the capacity-exempt load. In that petition, the LDCs estimated that the total capacity
exempt load on a design day is approximately 294,200 Dth. The total capacity-exempt
load is included in our analysis.

e Our analysis assumes LNG availability from Distrigas for import in the peak hour. If
natural gas from this source is not available in the peak hour, the ability for the natural
gas system to be in balance will be reduced.

e For this analysis, we have assumed the full vaporization capacity of the Distrigas LNG
facility and the full capacity of the Maritimes & Northeast Pipeline are available in the
peak hour. In order for markets to fully utilize this capacity, there must be sufficient
supply supporting those facilities. The Distrigas LNG terminal relies on imported LNG.
LNG markets are influenced by world supply and demand dynamics, which most
recently have made it difficult for imported LNG to compete in U.S. markets. These
dynamics have caused significant disruptions in deliveries to the Distrigas LNG facility in
Everett, MA over the past few years. Similarly, for the Maritimes & Northeast Pipeline,
one of its primary supply sources is the Canaport LNG facility in St. John, New Brunswick,
Canada. That facility also relies exclusively on imported LNG, making its supply subject
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to the same market dynamics as the Distrigas LNG. Sable Island production, another
major supply source for the Maritimes & Northeast Pipeline, is down to about 100
million cubic feet per day and there is speculation that production will soon cease.’’ The
other major supply source for Maritimes & Northeast Pipeline is Encana’s Deep Panuke
project in Nova Scotia. That project has recently reached full production of 300 million
cubic feet per day. However, according to Encana, the output is expected to drop to
below 200 million cubic feet per day in the fourth year and below 100 million cubic feet
per day by the eighth year.21

20 EIA. “Production lookback 2013”. January 2014. Available at

21
Arugs Media. “Deep Panuke startup could mitigate gas price spikes”. August 2013. Available at
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4. MODEL RESULTS

This section presents model results for Massachusetts natural gas capacity and demand. Table 5
provides a key to the scenarios.

Table 5. Scenario key

| Scenario1 | Scenario2 | Scenario3 | Scenariod | Scenario5 | Scenario6 | Scenario7 | Scenario8 |

Low Demand

Base Case Low Demand Low Demand
Base Case Base Case Low Demand Case
Base Case Case Case
Reference High NG GGG Case Reference
. Low NG Price g' NG Price Reference . High NG .
NG Price Price . Low NG Price . NG Price
No Canadi 2 400-MW NG Price Price
. o Canadian . ,400- .
No Canadian .. No Canadian . . No Canadian X 2,400-MW
.. Transmission .. Canadian No Canadian .. No Canadian .
Transmission Transmission . . Transmission .. Canadian
Transmission  Transmission Transmission

Transmission

Note: “Canadian transmission” refers to incremental transmission of system power from Québec. This transmission includes
electricity both from hydroelectric and other generators.

4.1. Peak Hour Gas Shortages

Figure 6 displays the amount of winter peak hour supply—including existing pipeline, planned AIM
pipeline, plus available LNG vaporization—needed to meet demand in Massachusetts during a winter
peak event in three scenarios selected to highlight the progression of reducing gas shortages from a
scenario with existing policies only, to the addition of technically and economically feasible alternative
resources, to the addition (inclusive of alternative measures) of new transmission from Canada:

e Scenario 1: Base Case is the base case with reference natural gas price and no incremental
Canadian transmission,

e Scenario 5: Low Demand is the low energy demand case with reference natural gas price and no
incremental Canadian transmission, and

e Scenario 8: Low Demand + Incremental Canadian Transmission is the low energy demand case
with reference natural gas price and 2,400-MW incremental Canadian transmission.

The dark blue area represents the demand from LDCs, municipal entities, and capacity-exempt demand
in each year, which changes each year as a result of load growth and energy efficiency. Stacked on top in
light blue is the peak hour natural gas demand from the Massachusetts electric system, which varies
year-to-year as a result of the electric system reacting to changes in available resources and natural gas
prices.

In all scenarios, winter peak hour gas requirements are heavily weighted towards LDC and muni
demand. During the peak hour in 2015, on average across the scenarios, electric-system gas
requirements were just 9 percent of total Massachusetts natural gas demand. As electric system gas
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consumption rises beginning in 2020 as natural gas price spikes decline, this value rises to 27 percent in
2020 and to 28 percent in 2030.

The solid line in Figure 6 represents existing and planned pipeline capacity and a dotted line represents
this pipeline capacity plus the additional LNG vaporization from both existing LDC storage and Distrigas
LNG. Any year in which the stacked blue columns exceed the dotted line is a year in which incremental
pipeline is required to balance the system. Scenario 5 (low demand, reference gas price, no incremental
Canadian transmission) and Scenario 8 (low demand, reference gas price, 2,400-MW incremental
Canadian transmission) both require less incremental pipeline than Scenario 1 (base case, reference gas
price, no incremental Canadian transmission) in every year.
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Figure 6. Massachusetts peak hour demand and existing supply for Scenario 1, Scenario 5, and Scenario 8
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Figure 7 reports gas capacity shortage and incremental pipeline required in a winter peak event in all
eight scenarios for 2020 and 2030 (in both years additional pipeline is reported as incremental to
existing and planned pipeline). Scenario 8 (low demand, reference gas price, 2,400 MW of incremental
Canadian transmission) has the smallest requirements. 2020 pipeline additions range from 25 billion Btu
per peak hour to 33 billion Btu per peak hour (0.6 billion cubic feet (Bcf) per day to 0.8 Bcf per day).22
2030 pipeline additions range from 25 billion Btu per peak hour to 38 billion Btu per peak hour (0.6 Bcf
to 0.9 Bcf per day.

Figure 7. Massachusetts gas capacity shortage in the winter peak hour in 2020 and 2030
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From 2015 through 2019, electric generators have insufficient supply of natural gas, which results in
spiking natural gas prices. Scarcity-driven high natural gas prices will force economic curtailment of
natural gas-fired generators in favor of oil-fired units. The combination of increased oil utilization for
electricity generation together with the use of emergency measures such as demand response and the
ISO-NE Winter Reliability program (through January 2018) will allow electric demand to be met. From
2020 to 2030, existing and planned capacity plus incremental pipeline capacity balances system
requirements.

Critical to this result is the assumption that winter peak hour gas shortages cannot be met using known
measures (e.g. demand response or the addition of new natural gas pipeline) in years 2015 through
2019 and, as a result, gas prices are expected to reflect an out-of-balance market in those years. The
electric sector responds to these high prices by shifting dispatch from gas to oil generation in the peak
hour, reducing reliance on natural gas. In years 2020 through 2030, in contrast, winter peak hour gas

22 Billion Btu can be converted to Bcf by multiplying billion Btu by 24 hours per day then dividing by 1,022 Btu per cubic foot.
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shortages can be met using known measures (incremental pipeline) and, as a result, gas prices are
expected to reflect an in-balance market in those years. The electric sector no longer has a price signal
to shift dispatch away from gas generation in the peak hour, greatly increasing gas requirements in
comparison to the previous period.

4.2. Annual Natural Gas Demand

Figure 8, Figure 9, and Figure 10 display Massachusetts’ annual natural gas consumed for each scenario
in 2015, 2020, and 2030, respectively. In 2015, annual natural gas consumption is largely constant across
all scenarios, ranging from 417 to 427 trillion Btu per year (408 to 418 Bcf per year). In 2020, annual
natural gas consumption increases for Scenario 2 as a result of the low natural gas price modeled, while
it decreases in the low demand scenarios (Scenario 5 through 8) as a result of reduced natural gas
demand from alternative measures and, in Scenario 8, the addition of incremental Canadian
transmission. As a result, the range of annual natural gas consumption in 2020 is 439 to 523 trillion Btu
per year (430 to 512 Bcf per year). This trend continues in 2030 as low demand measures and
incremental Canadian transmission play a greater role in avoiding natural gas demand in selected
scenarios. The range of annual natural gas consumption in 2030 is 360 to 520 trillion Btu per year (352
to 509 Bcf per year).

Figure 8. Massachusetts annual gas demand in 2015

600

500
c
.o
2 400
E
2 2
g « 300
O 35
0
Z = 200
=
>
c
c
< 100

0 T T T T T T T
Scen | Scen 2 Scen 3 Scen 4 Scen 5 Scen 6 Scen7 Scen 8

- Synapse Energy Economics, Inc. Final Report for Low Gas Demand Analysis 36



Filed: 2015-08-12
EB-2015-0049
EB-2015-0029

Exhibit M.Staff. EGDI.17
Attachment 1
Page 38 of 118

Figure 9. Massachusetts annual gas demand in 2020
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Figure 10. Massachusetts annual gas demand in 2030
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4.3. Annual CO, Emissions

Compliance with the Massachusetts 2008 climate law—the GWSA—is not a criterion for scenarios and
sensitivities; rather, the Massachusetts emissions associated with each scenario and sensitivity are an
output of the model. Massachusetts emissions are estimated according to the methodology set out in
the 2008-2010 Massachusetts Greenhouse Gas Emissions Inventory and include emissions associated
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with Massachusetts generation, out-of-state renewable energy certificate (REC) purchases, Canadian

system power imports for which the Commonwealth has a particular claim, and emissions from residual

sales as a share of imports from both out of state and out of region (see Appendix B for a more

complete description).23

In MA-DPU Docket 14-86, the electric and buildings sectors in a GWSA compliant scenario have a
combined emission allocation of 29.7 million metric tons in 2020 and 19.1 million metric tons of CO,-e in
2030 (see Figures 2 and 5 of Corrected Amended Direct Testimony of Elizabeth A. Stanton, December 4,

2014, reproduced as Figure 11 here).24 Note that 2030 emission targets are not specified by GWSA; per
MA-DPU Docket 14-86 we have linearly interpolated the 2030 target based on the 2020 and 2050
targets. The allocation shown in Figure 11 is based on the assumption that emissions in the

transportation and non-energy sectors will follow the December 2010 Massachusetts Clean Energy and

Climate Plan for 2020 (CECP).

Figure 11. Massachusetts 2020 and 2030 GWSA compliant emissions
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Of this allocation we expect that, following the CECP, direct use of oil will emit 6.4 million metric tons of

CO,-e in 2020 and 0.4 million metric tons in 2030.% As a result, GWSA compliance cannot be achieved if

combined emissions from the electric sector and direct use of gas exceed 23.3 million metric tons in

2020 or 18.7 million metric tons in 2030 (see Table 6).

23 . . .
Note that imports from Canada include generation both from hydro resources and non-hydro resources.

24 . L s
In MA DPU 14-86 the Massachusetts Departments of Energy Resources and Environmental Protection jointly petitioned MA-

DPU to “commence an appropriate proceeding to determine whether the existing method of calculating the compliance
costs associated with GHG emissions should be replaced by the marginal abatement cost curve methodology.”(Joint Petition,

May 26, 2014)

25 . . . . . . . . . o
This estimate of 2020 and 2030 oil heating emissions is based on information presented in MA-DPU 14-86 Exhibit EAS-8 and
is calculated as oil heating business-as-usual emissions in those years less CECP emission reductions for oil heating in those

years.
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Table 6. Emissions available under GWSA target

GWSA Target (% reduction below 1990 statewide levels) 25% 43%
GWSA Target (million metric tons CO»-e) 70.8 53.5
! [ |
CECP Non-Energy Sector Emissions (million metric tons CO»-e) 9.3 79
CECP Transportation Sector Emissions (million metric tons CO»-€) 31.8 26.5
! | |
CECP Building and Electric Sector Target (million metric tons CO»-e) 29.7 19.1
! | |
CECP Building Sector Oil Emissions (million metric tons CO»-€) 6.4 0.4
! [ |
Emissions Available under GWSA Gas Heating and Electric Target 233 18.7

The “emissions available under GWSA gas heating and electric target” shown in the last row of Table 6 is
a target for emission levels from natural gas heating and electricity generation that would allow the
GWSA 2020 limit to be met, taking into account expected emissions from other sectors. Calculation of
the target takes into account greenhouse gas emission reductions that could be achieved through
successful implementation of a suite of policies identified in the CECP to reduce demand and emissions
from the transport, non-energy and non-natural gas thermal sectors.”® The economy-wide 2020
greenhouse gas emissions limit of 70.8 million metric tons CO,-e, based on a 25 percent reduction from
1990 levels, will be achieved from a combination of strategies including reductions to building,
electricity, transportation, land use and non-energy emissions.

Total emissions from Massachusetts’ natural gas heating and electric sectors in 2020 and 2030 are
presented in Figure 12 and Figure 13. Each figure is overlaid with two horizontal lines: one showing
business-as-usual (BAU) emissions, and the other showing that year’'s GWSA target for the natural gas
heating and electric sectors assuming that the non-energy, transportation and oil heating sectors will
meet their CECP targets. Percentages refer to the degree to which each scenario under- or over-
complies with the target.27 While no scenario achieves GWSA compliance in the heating gas and electric
sectors in 2020, Scenario 8 (low energy demand case with reference natural gas price and 2,400-MW
incremental Canadian transmission), shown below, and Scenario 7 (low energy demand case with high
natural gas price and no incremental Canadian transmission) meet compliance in 2030. Scenario 5 (low
energy demand with reference natural gas price and no incremental Canadian transmission) exceeds
2030 GWSA compliance by 0.4 million metric tons or 1 percent of the 2030 statewide emission target.

26 . . . . . . ..
The CECP will be updated in 2015 as required by the GWSA, and every five years thereafter. This may result in revisions to
the share of greenhouse gas reductions expected from, or allocated to, the buildings, electric, transportation and non-
energy sectors in order to meet GWSA limits.

27 . - . .
The GWSA target for the natural gas and electric sectors assumes emissions in the transportation and non-energy sectors
and direct use of oil as described in Appendix B.

Synapse Energy Economics, Inc. Final Report for Low Gas Demand Analysis



Filed: 2015-08-12
EB-2015-0049
EB-2015-0029

Exhibit M.Staff. EGDI.17
Attachment 1
Page 41 of 118

Figure 12. Annual Massachusetts gas and electric sector emissions in 2020
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Note: Percentages displayed in the above chart indicate the degree to which each scenario is above the 2020 GWSA target for
the gas and electric sectors. For example, the emissions in Scenario 1 are 26 percent higher than the 2020 GWSA target for the
gas and electric sectors.

The emission level for Scenario 8 is the closest to compliance with the 2020 GWSA target (for heating
and electric sectors), showing a 7-percent gap, equivalent to 1.6 million metric tons CO,-e. The
December 2013 GWSA 5-Year Progress Report also identified a potential shortfall in greenhouse gas
reductions by 2020 for the buildings—including energy efficiency—and the electric generation sectors.

The “2020 GWSA Target for gas heating and electric” (23.3 million metric tons CO,) is a target that
would allow the GWSA 2020 emissions limit to be met, taking into account expected emissions from
other sectors. The GWSA limit for state-wide greenhouse gas emissions in 2020 of 71 million metric tons
CO, (a 25-percent reduction from 1990 baseline greenhouse gas emission levels) will require a
combination of strategies including building, electricity, transportation, land use and non-energy
emissions.

The emission estimates for Scenarios 1 through 8 in Figure 12 assume implementation of current
Massachusetts policies. Scenarios 4 through 8 also include additional strategies determined to be
economically and technically feasible by 2020 per the criteria set by the study, but do not reflect
implementation of all policies considered in the CECP. Scenarios 4 and 8 include 2,400-MW of
incremental Canadian transmission, 1,200-MW in 2018 and another 1,200-MW in 2022.

If additional renewable energy measures with costs higher than economic threshold (modeled in this
study as the cost of incremental natural gas pipeline) were implemented for 2020 and 2030, this would
serve to reduce and potentially close the gap between emission estimates from the modeled scenarios
and the GWSA targets for the natural gas heating and electric sectors.
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Figure 13. Annual Massachusetts gas and electric sector emissions in 2030
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Note: Percentages displayed in the above chart indicate the degree to which each scenario is above the 2030 GWSA target for
the gas and electric sectors. For example, the emissions in Scenario 1 are 55 percent higher than the 2030 GWSA target for the
gas and electric sectors.

This approach assumes no change between 2020 and 2030 in the share of total reductions from the
transportation and non-energy sectors. Transportation-related emissions are expected to rise under the
CECP’s business-as-usual assumptions. Policy impacts are expected to reduce emissions below business-
as-usual levels. Incremental Canadian transmission is included for Scenario 4 and Scenario 8. Increased
use of renewable energy in 2030—available at a higher cost than economic threshold used for this
study—would reduce the emissions gap between modeled scenarios and GWSA targets.

Caveats to GWSA target assumptions

e Estimation of methane emissions from upstream leaks and other sources of emissions in
the natural gas system—as well as all other life-cycle emission impacts of Massachusetts
heating and electric sectors—was not in the scope of this study. Estimation of these
impacts has the potential to increase greenhouse gas emissions in all scenarios. Synapse
recommends that if life-cycle emission analysis is included in future scenarios it be
included for all heating fuel and electric generation and alternative resources, and not
for a subset of these resources.

e Estimation of emissions from leaks in the Massachusetts natural gas distribution system
as well as potential emission reductions available from repairs to these leaks were not
included in this study. An ICF study of Massachusetts gas leaks commissioned by MA-
DPU was not released in time for use in this study. Synapse recommends that this
information be considered in future studies. MA H.4164 establishes a uniform
classification standard for natural gas leaks. It also requires natural gas companies to
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repair serious leaks immediately, produce a plan for removing all leak-prone
infrastructure, and provide a summary of their progress and a summary of work to be
completed every five years. The law further provides for the DPU to implement cost
recovery mechanisms for LDC’s to recover in a timely manner the costs of accelerated
main replacement programs with intent of improving distribution system integrity, and
reducing leaks and emissions. Leaks associated with interstate pipelines located in
Massachusetts are minimal such that virtually all of methane emissions in
Massachusetts are from distribution system pipe.

e This study does not analyze the impact that investments in pipeline infrastructure have
on increasing the Commonwealth’s long-term commitment to reliance on natural gas
and the potential impact of this reliance on GWSA compliance.

e A Clean Energy and Climate Plan for 2030 has not yet been developed. The 2030 GWSA
target is based on straight line extrapolation towards the 2050 limit and similar
allocation of relative reductions from each sector as was assigned for 2020 in CECP.

4.4. Annual Costs

Figure 14 and Figure 15 depicts each scenario’s annual costs as compared to costs in Scenario 1 (base
case, reference gas price, no incremental Canadian transmission), respectively. Costs captured in this
analysis are the costs that differ between the base case and other scenarios: the cost of gas delivery to
LDCs and municipal entities, the system costs of Massachusetts’s electric sector (estimated as product of
Massachusetts sales and the wholesale price of energy as determined in Market Analytics), capital costs
of new natural gas combine cycle plants needed to meet electric load, electric and gas energy efficiency,
implementation of time-varying rates, avoided price spikes, and, in the low demand case, costs

. . . . 28
associated with gas and electric alternative resources.

28 . . . . . . Lo .
Note that the costs associated with avoided price spikes are identical in all scenarios.
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Figure 14. Annual costs for 2015-2030 as compared to Scenario 1, base case scenarios
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Figure 15. Annual costs for 2015-2030 as compared to Scenario 1, low demand case scenarios
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Table 7 reports the difference in each scenario’s costs from that of Scenario 1 in net present value terms
over the study period (2015 to 2030), compared to 2030 pipeline requirements. The addition of
technically and economically feasible alternative measures (Scenario 5) adds $1,433 million in costs to
Scenario 1, while the addition of both these alternative measures and a 2,400-MW incremental
Canadian transmission (Scenario 8) adds $2,157 million in costs to Scenario 1. Note that in the low
natural gas price sensitivity, Massachusetts costs fall in comparison to scenarios run with the reference
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gas price. While Scenario 2 (base case, low gas price sensitivity, no incremental Canadian transmission)
has $8.6 billion in cost savings compared to Scenario 1, Scenario 6 (low demand case, low gas price
sensitivity, no incremental Canadian transmission) has $0.3 billion in added costs compared to Scenario
1. This difference in costs is due to the costs of implementing the low demand measures included in

Scenario 6.

Table 7. Net present value of difference in cost from Scenario 1 (in millions of 2013 dollars), 2015-2030
compared to 2030 pipeline requirements

-WWWWWWW

(27\;’) -$8,611  $5,384 $840 $1,433 $389 $15,112  $2,157
2030 Pipeline
(Bef/day) 0.9 0.9 0.9 0.8 0.7 0.7 0.6 0.6

Note: Assumes a 1.36 percent real discount rate per AESC 2013, Appendix B
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5. OBSERVATIONS

In this section we lay out our observations from these results.

Price sensitivity of winter peak hour requirements to gas prices

Massachusetts’ winter peak hour gas requirements are relatively insensitive to the range of gas prices
explored in this analysis. Energy services are relatively inelastic (price insensitive)—particularly in the
short run—and are modeled here as such. Changes to the gas price have a limited impact on dispatch in
the electric sector in the peak hour, but the dominance of gas in the dispatchable resource mix is,
already well established in 2015, only increasing over time. In contrast, annual gas requirements in the
electric sector—and, therefore, electric-sector greenhouse gas emissions—do exhibit some sensitivity to
gas prices in the range explored. Annual scenario costs, however, are very sensitive to gas prices.

Impact of incremental Canadian transmission

Incremental Canadian transmission at the level explored in this analysis—2,400-MW —reduces
Massachusetts’ winter peak hour gas requirements in 2030. It also reduces annual gas requirements and
electric-sector greenhouse gas emissions while increasing overall costs.

Similarity in gas requirements across scenarios

Annual gas requirements across scenarios vary -10 to 7 percent per year from Scenario 1 (base case,
reference gas price, no incremental Canadian transmission) in 2020 and -26 to 7 percent in 2030.

Impact of alternative measures

At the reference natural gas price, alternative measures reduce Massachusetts’ gas requirements by 18
percent in 2030. The majority, or roughly 13 percentage points of this reduction, occurs in the electric
sector. Capturing additional costs avoided by alternatives—such as costs of compliance with state
environmental laws—has the potential to shift the economic feasibility assessments that determine this
result. Also, additional program incentives or policies not currently in place as well as a different
economic threshold could also impact the economic feasibility and resulting inclusion of additional
alternative measures.
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APPENDIX A: FEASIBILITY ANALYSIS

Alternative resources were assessed for feasibility. Resources that are determined to have annual
MMBtu savings in 2015, 2020, or 2030 were included in that year’s supply curve. Resources with annual-
S/annual-MMBtu costs lower than an annual-S/annual-MMBtu cost economic threshold were modeled
in the low energy demand case.

Avoided Costs

In this feasibility analysis all measures are assessed in terms of their total annual costs in the study year
net of their avoided costs in that same year. As a proxy for analysis of avoided costs taking into
consideration the load shape and year of implementation for each resource, we use the AESC 2013
avoided energy, capacity, transmission, distribution, and environmental compliance costs for each study
year.29 Avoided capacity, transmission and distribution costs are adjusted in relation to each resource’s
ISO-NE capacity credit. For energy efficiency resources only, AESC 2013 base case avoided
environmental compliance costs are adjusted to include the costs of compliance with the GWSA, as
described in the current MA-DPU Docket 14-86.%° For all resources other than energy efficiency, avoided
environmental compliance costs follow the AESC 2013 base case adjusted as appropriate to each
resource (see Table 8).

29
We assume that avoided energy costs are roughly proportional to gas prices (see AESC 2013 8-2 to 8-3 in support of this
assumption). Using this assumption, we have updated the AESC 2013 avoided costs to reflect the natural gas prices used in
this analysis using this assumption.

30
MA-DPU 14-86, Amended Direct Testimony of Tim Woolf, September 11, 2014, Figure 4 represents these costs in levelized
form.
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Table 8. Avoided cost assumptions

_- Electric Resources Gas Resources

Energy Non-EE, Non-EE, Energy Non-EE,
Efficiency Distributed Utility-Scale Efficiency Distributed
AESC 2013
. AESC 2013  AESC 2013  Electric, Adj. AESC 2013 AESC 2013
Fslelzd Esgy | ST Electric Electric for line Natural Gas  Natural Gas
losses
Avoided
Environmental $/MWh DPU 14-86 HEe 2(.”3 HESS 29|3 DPU 14-86 None
. Electric Electric
Compliance
AVOid?d $IkW REe 29|3 None None None None
Capacity Electric
Avoided
Transmission $/kW AESC 2013  AESC 2013 None AESC 2013 AESC 2013
and Electric Electric Natural Gas  Natural Gas
Distribution
Non-Energy ¢\, DPU 14-86 None None DPU 14-86 None
Benefits
Capacity $/kW None AESC 29I3 AESC 29I3 None None
Revenue Electric Electric

Many of the resources explored in the feasibility analysis have an impact on removing gas capacity
constraints and, therefore, some impact on avoiding costs associated with constraint-elevated gas
prices. However, in keeping with our assumption that a balance between gas capacity and demand is
achieved in all scenarios, we do not capture this avoided cost here (although we do in modeling scenario
costs, as described below). Similarly, alternatives resources may avoid some share of the cost of a new
natural gas pipeline—and pipelines may avoid the cost of new alternative resources. We do not attempt
to capture these costs in this feasibility analysis. Rather, we use the cost of a generic, scalable natural
gas pipeline as the economic threshold determining which of the alternative resources in the feasibility
analysis are included in the low demand case.

Resource Assessments

Synapse assessed 28 resources as potential alternative measures for inclusion in the low energy demand
case. Detailed tables showing assumption by year and resources are presented below in this Appendix.
Note that the costs described here use the reference natural gas price. Supply curves for all three
natural gas prices are presented below.
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Wind

For on-shore wind installations 10 kilowatts (kW) or less, incremental to wind in the base case, we
assume a total potential capacity addition of 1 MW by 2015, 100 MW from 2016 to 2020, and 200 MW
from 2021 to 2030 with an annual capacity factor of 16 percent. Annual levelized costs fall from $760
per megawatt-hour (MWh) in 2015 to $592/MWh in 2030.** (Net of avoided costs these values are
$655/MWh and $457/MWh, respectively.) These assumptions are based personal communications with
wind developers.32

For on-shore wind installation greater than 10 kW up to 100 kW, incremental to wind in the base case,
we assume a total potential capacity addition of 1 MW by 2015, 100 MW from 2016 to 2020, and 300
MW from 2021 to 2030 with an annual capacity factor of 25 percent. Annual levelized costs fall from
$218/MWh in 2015 to $156/MWh in 2030. (Net of avoided costs these values are $123/MWh and
$32/MWh, respectively.) These assumptions are based on personal communications with wind
developers.33
For Class 5 on-shore wind installation greater than 100 kW, incremental to wind in the base case, we
assume a total potential capacity addition of 0 MW by 2015, 200 MW from 2016 to 2020, and 480 MW
from 2021 to 2030 with annual capacity factors of 41 to 42 percent. Annual levelized costs fall from
$113/MWh in 2020 to $111/MWh in 2030. (Net of avoided costs these values are $38/MWh and
S$8/MWh, respectively.) These assumptions are based on National Renewable Energy Laboratory (NREL)
supply curves for New England wind regions.

For Class 4 on-shore wind installation greater than 100 kW, incremental to wind in the base case, we
assume a total potential capacity addition of 0 MW by 2015, 0 MW from 2016 to 2020, and 800 MW
from 2021 to 2030 with an annual capacity factor of 40 percent. Annual levelized costs are $118/MWh
in 2030. (Levelized costs net of avoided costs are $14/MWh in 2030.) These assumptions are based on
NREL supply curves for New England wind regions.

For off-shore wind installation, incremental to wind in the base case, we assume a total potential
capacity addition of 0 MW by 2015, 800 MW from 2016 to 2020, and 4,000 MW from 2021 to 2030 with
annual capacity factors of 44 to 45 percent. Annual levelized costs fall from $207/MWh in 2020 to
$162/MWh in 2030. (Net of avoided costs these values are $133/MWh and $59/MWh, respectively.)
These assumptions are based on NREL supply curves for New England wind regions.

In addition, we added costs to all large on-shore wind incremental to the base case, to represent the
levelized cost of new transmission necessary to deliver incremental wind from Maine south to the major
New England load centers. We assume a real, levelized cost of new transmission of $35 per MWh, based

31 . . . . .
All dollar values in the memo are report in real (inflation-adjusted) 2013 dollars
32
Personal Communications with Katrina Prutzman, Urban Green Energy. October 2014.

33
Personal Communications with Trevor Atkinson, Northern Power. October 2014.
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on a cost of $2.15 billion for 1,200 MW of capacity recovered over 30 years. This cost assumption is from

work Synapse recently performed for DOER.**

Solar

For residential photovoltaic (PV) installations, incremental to PV in the base case, we assume a total
potential capacity addition 0of200 kW by 2015, 5 MW from 2016 to 2020, and 200 MW from 2021 to
2030 with an annual capacity factor of 13 percent. Annual levelized costs fall from $211/MWh in 2015 to
$163/MWh in 2030. (Net of avoided costs these values are $100/MWh and $19/MWh, respectively.)
These cost and capacity factor assumptions for 2015 and 2020 are based on work done in 2013 for

DOER;35 2030 assumptions are Synapse estimates.

For commercial PV installations, incremental to PV in the base case, we assume a total potential capacity
addition of 1.6 MW by 2015, 50 MW from 2016 to 2020, and 800 MW from 2021 to 2030 with an annual
capacity factor of 14 percent. Annual levelized costs fall from $184/MWh in 2015 to $149/MWh in 2030.
(Net of avoided costs these values are $75/MWh and $9/MWHh, respectively.) These cost and capacity
factor assumptions for 2015 and 2020 are based on work done in 2013 for DOER; 2030 assumptions are
Synapse estimates.

For utility-scale PV installations, incremental to PV in the base case, we assume a total potential capacity
addition of 0 MW by 2015, 16 MW from 2016 to 2020, and 160 MW from 2021 to 2030 with an annual
capacity factor of 15 percent. Annual levelized costs fall from $162/MWh in 2020 to $118/MWh in 2030.
(Net of avoided costs these values are $76/MWh and $3/MWh, respectively.) These cost and capacity
factor assumptions for 2015 and 2020 are based on work done in 2013 for DOER; 2030 assumptions are
Synapse estimates.

Non-Powered Hydro Conversion

For hydro installations at dam sites that are not currently producing electricity, we assume a total
potential capacity addition of 500 kW by 2015, 61 MW from 2016 to 2020, and 56 MW from 2021 to
2030 with an annual capacity factor of 38 percent. Annual levelized costs are constant over the study
period at S63/MWHh. (Net of avoided costs these values are -535/MWh, -537/MWh, and -S67/MWh,
respectively.) These assumptions are based on an Ohio Case study of converting a dam site to generate

electricity and the EIA’s Annual Energy Outlook capital and operating costs forecast.>®

34
Hornby, Rick, et al., Memorandum: Incremental Benefits and Costs of Large-Scale Hydroelectric Energy Imports, prepared by
Synapse Energy Economics for the Massachusetts Department of Energy Resources, November 1, 2013.

3'shttp://www.mass.gov/eeal/docs/doer/rps—aps/doer—post—400—task—1.pdf

36 http://www.hydro.org/tech-and-policy/developing-hydro/powering-existing-dams/
http://www.eia.gov/forecasts/capitalcost/pdf/updated_capcost.pdf
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Landfill Gas

For landfill gas installations, incremental to landfill gas in the base case, we assume a total potential
capacity addition of 300 kW by 2015, 20 MW from 2016 to 2020, and 6 MW from 2021 to 2030 with an
annual capacity factor of 78 percent. Annual levelized costs are constant over the study period at
$38/MWh. (Net of avoided costs these values fall from -$47/MWh in 2015 to -$75/MWh in 2030.) These
assumptions are based on the 2012 U.S. Environmental Protection Agency’s Landfill Gas Energy study.37

Anaerobic Digestion

For anaerobic digestion installations, incremental to anaerobic digestion in the base case, we assume a
total potential capacity addition of 300 kW by 2015, 20 MW from 2016 to 2020, and 6 MW from 2021 to
2030 with an annual capacity factor of 90 percent. Annual levelized costs are constant over the study
period at $47/MWh. (Net of avoided costs these values fall from -$54/MWh in 2015 to -$83/MWh in
2030.) These assumptions are based on a 2003 Wisconsin case study presented in the Focus on Energy

Anaerobic Digester Methane to Energy statewide assessment.>®

Biomass

For biomass Class 1 installations (with fuel costs of $3/MMBtu), incremental to biomass in the base case,
we assume a total potential capacity addition of 0 MW by 2015, 20 MW from 2016 to 2020, and 20 MW
from 2021 to 2030 with an annual capacity factor of 80 percent. Annual levelized costs are constant over
the study period at $110/MWh. (Net of avoided costs these values fall from $27/MWh in 2020 to
-$2/MWh in 2030.) These assumptions are based on analyses by EIA, Black & Veatch, and Office of
Energy Efficiency and Renewable Energy (EERE).39

For biomass Class 2 installations (with fuel costs of $4/MMBtu), incremental to biomass in the base case,
we assume a total potential capacity addition of 0 MW by 2015, 40 MW from 2016 to 2020, and 40 MW
from 2021 to 2030 with an annual capacity factor of 80 percent. Annual levelized costs are constant over
the study period at $128/MWh. (Net of avoided costs these values fall from $44/MWh in 2020 to
$15/MWh in 2030.) These assumptions are based on analyses by EIA, Black & Veatch, and EERE.

For biomass Class 3 installations (with fuel costs of $10/MMBtu), incremental to biomass in the base
case, we assume a total potential capacity addition of 0 MW by 2015, 40 MW from 2016 to 2020, and 60
MW from 2021 to 2030 with an annual capacity factor of 80 percent. Annual levelized costs are constant
over the study period at $214/MWh. (Net of avoided costs these values fall from $130/MWh in 2020 to
$102/MWh in 2030.) These assumptions are based on analyses by EIA, Black & Veatch, and EERE.

37 http://epa.gov/statelocalclimate/documents/pdf/landfill_methane_utilization.pdf

38 http://www.mrec.org/pubs/anaerobic_report.pdf
39

; http://www1.eere.energy.gov/bioenergy/pdfs/billion_ton_update.pdf
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For biomass Class 4 installations (with fuel costs of $13/MMBtu), incremental to biomass in the base
case, we assume a total potential capacity addition of 0 MW by 2015, 50 MW from 2016 to 2020, and 70
MW from 2021 to 2030 with an annual capacity factor of 80 percent. Annual levelized costs are constant
over the study period at $259/MWh. (Net of avoided costs these values fall from $175/MWh in 2020 to
$146/MWh in 2030.) These assumptions are based on analyses by EIA, Black & Veatch, and EERE.

CHP

For small combined heat and power (CHP) installations (estimated as 500 kW reciprocating engines),
incremental to CHP in the base case, we assume a total potential capacity addition of 5 MW by 2015, 35
MW from 2016 to 2020, and 65 MW from 2021 to 2030 with an annual capacity factor of 50 percent.
Annual levelized costs rise from $135/MWh in 2015 to $153/MWh in 2030. (Net of avoided costs these
values are -$12/MWh and -$34/MWAh, respectively.) These assumptions are based on ICF’s 2013 The
Opportunity for CHP in the U.S. report.40

For large combined heat and power (CHP) installations (estimated as 12.5 MW combustion turbines),
incremental to CHP in the base case, we assume a total potential capacity addition of 0 MW by 2015, 25
MW from 2016 to 2020, and 50 MW from 2021 to 2030 with an annual capacity factor of67 percent.
Annual levelized costs rise from $77/MWh in 2020 to $84/MWh in 2030. (Net of avoided costs these
values are -$46/MWh and -$78/MWh, respectively.) These assumptions are based on ICF’s 2013 The
Opportunity for CHP in the U.S. report.

Electric Energy Efficiency

For residential electric energy efficiency installations, incremental to efficiency in the base case, we
assume a total potential capacity addition of 0 MW by 2015, 28 MW from 2016 to 2020, and 64 MW
from 2021 to 2030 with an annual capacity factor of 55 percent. Annual levelized costs are constant over
the study period at $9/MWh. (Net of avoided costs these values are -5108/MWh in 2020 and -
$128/MWh in 2030.) These assumptions are based on the Massachusetts Clean Energy and Climate Plan
as modeled in DPU 14-86.

For commercial and industrial electric energy efficiency installations, incremental to efficiency in the
base case, we assume a total potential capacity addition of 0 MW by 2015, 113 MW from 2016 to 2020,
and 380 MW from 2021 to 2030 with an annual capacity factor of 55 percent. Annual levelized costs are
constant over the study period at $31/MWh. (Net of avoided costs these values are -586/MWh in 2020
and -$107/MWh in 2030.) These assumptions are based on the Massachusetts Clean Energy and Climate
Plan as modeled in DPU 14-86.

For low-income electric energy efficiency installations, incremental to efficiency in the base case, we
assume a total potential capacity addition of 0 MW by 2015, 3 MW from 2016 to 2020, and 7 MW from

40 http://www.aga.org/Kc/analyses-and-
statistics/studies/efficiency_and_environment/Documents/The%200pportunity%20for%20CHP%20in%20the%20United%20
States%20-%20Final%20Report.pdf
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2021 to 2030 with an annual capacity factor of %55 percent. Annual levelized costs are constant over
the study period at $104/MWh. (Net of avoided costs these values are -513/MWh and -$33/MWh,
respectively.) These assumptions are based on the Massachusetts Clean Energy and Climate Plan as
modeled in DPU 14-86.

Efficiency costs are modeled from program administrators’ three-year plan data and are assumed to be
the same on a $/MWh basis as the costs used for the base case. If efficiency costs were, instead,
assumed to increase for additional increments of efficiency, even the efficiency sector with the highest
costs—low-income gas measures—would require a cost escalation of more than 80 percent to exceed
the economic threshold.

Federal Appliance Standard

For federal appliance standards, incremental to federal standards in the base case, we assume a total
potential capacity addition of 0 MW by 2015, 216 MW from 2016 to 2020, and 619 MW from 2021 to
2030 with an annual capacity factor of 55 percent. Annual levelized costs rise from -$205/MWh in 2020
to -$205/MWh in 2030. (Net of avoided costs these values are -5390/MWh and -$343/MWh,
respectively.) These savings and cost assumptions are based on the Massachusetts Clean Energy and
Climate Plan as modeled in DPU 14-86.

Heat Pumps

For air source heat pump installation, incremental to heat pumps in the base case, we assume a total
potential capacity addition of 6,307 annual MMBtu by 2015, 75,686 annual MMBtu from 2016 to 2020,
and 1,127,727 annual MMBtu from 2021 to 2030. Annual levelized costs rise from $18/MMBtu in 2015
to $26/MMBtu in 2030. (Net of avoided costs these values are $17/MMBtu and $25/MMBtu,
respectively.) These savings assumptions are based on DOER’s assessment of the gas savings available
from the measures described in Navigant’s 2013 Incremental Cost Study Phase Two Final Report, the
Commonwealth Accelerated Renewable Thermal Strategy and information from vendors.** Cost
assumptions are based on a 2010 NREL webinar, Residential Geothermal Heat Pump Retrofits.42

For ground source heat pump installation, incremental to heat pumps in the base case, we assume a
total potential capacity addition of 1,577 annual MMBtu by 2015, 18,922 annual MMBtu from 2016 to
2020, and 281,932 annual MMBtu from 2021 to 2030. Annual levelized costs rise from $16/MMBtu in
2015 to $22/MMBtu in 2030. (Net of avoided costs these values are $15/MMBtu and $20/MMBtu,
respectively.) These savings and cost assumptions are based on DOER’s assessment of the gas savings

1
4 http://www.neep.org/sites/default/files/products/NEEP%20ICS2%20FINAL%20REPORT%202013Feb11-Website.pdf;
http://www.mass.gov/eea/docs/doer/renewables/thermal/carts-report.pdf

42 http://energy.gov/eere/wipo/downloads/doe-webinar-residential-geothermal-heat-pump-retrofits-presentation
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available from the measures described in Navigant’s 2013 Incremental Cost Study Phase Two Final

Report, the Commonwealth Accelerated Renewable Thermal Strategy and information from vendors.”?

Solar Hot Water

For solar hot water installation, incremental to solar hot water in the base case, we assume a total
potential capacity addition of 1573 annual MMBtu by 2015, 18,896 annual MMBtu from 2016 to 2020,
and 281,607 annual MMBtu from 2021 to 2030. Annual levelized costs rise from $53/MMBtu in 2015 to
$86/MMBtu in 2030. (Net of avoided costs these values are $9/MMBtu and $32/MMBtu, respectively.)
These savings assumptions are based on DOER’s assessment of the gas savings available from the
measures described in Navigant’s 2013 Incremental Cost Study Phase Two Final Report, the
Commonwealth Accelerated Renewable Thermal Strategy and information from vendors.** Cost
assumptions are based on communications with solar hot water vendors.

Thermal Biomass

For thermal biomass installation, incremental to thermal biomass in the base case, we assume a total
potential capacity addition of 6291 annual MMBtu by 2015, 75,586 annual MMBtu from 2016 to 2020,
and 1,126,428 annual MMBtu from 2021 to 2030. Annual levelized costs are constant over the study
period at $16/MMBtu. (Net of avoided costs these values are $9/MMBtu in 2015 and $7/MMBtu in
2020.) Cost and savings assumptions are based on DOER’s assessment of the gas savings available from
the measures described in Navigant’s 2013 Incremental Cost Study Phase Two Final Report, the

Commonwealth Accelerated Renewable Thermal Strategy and information from vendors.”

Gas Energy Efficiency

For residential gas energy efficiency installation, incremental to efficiency in the base case, we assume a
total potential capacity addition of 0 annual MMBtu by 2015, 3,758,369 annual MMBtu from 2016 to
2020, and 5,290,473 MMBtu from 2021 to 2030. Annual levelized costs are constant over the study
period at -$72/MMBtu. (Net of avoided costs these values are -578/MMBtu in 2015 and -$79/MMbtu in
20230.) These assumptions are based on the Massachusetts Clean Energy and Climate Plan as modeled
in DPU 14-86.

For commercial and industrial gas energy efficiency installation, incremental to efficiency in the base
case, we assume a total potential capacity addition of 0 annual MMBtu by 2015, 4,121,834 annual
MMBtu from 2016 to 2020, and 9,748,498 annual MMBtu from 2021 to 2030. Annual levelized costs are

a3 http://www.neep.org/sites/default/files/products/NEEP%20I1CS2%20FINAL%20REPORT%202013Feb11-Website.pdf;
http://www.mass.gov/eea/docs/doer/renewables/thermal/carts-report.pdf

a4 http://www.neep.org/sites/default/files/products/NEEP%20ICS2%20FINAL%20REPORT%202013Feb11-Website.pdf;
http://www.mass.gov/eea/docs/doer/renewables/thermal/carts-report.pdf

4 http://www.neep.org/sites/default/files/products/NEEP%20ICS2%20FINAL%20REPORT%202013Feb11-Website.pdf;
http://www.mass.gov/eea/docs/doer/renewables/thermal/carts-report.pdf
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constant over the study period at -5S17/MMBtu. (Net of avoided costs these values are -523/MMBtu in
2020 and -$25/MMBtu in 2030.) These assumptions are based on the Massachusetts Clean Energy and
Climate Plan as modeled in DPU 14-86.

For low-income gas energy efficiency installation, incremental to efficiency in the base case, we assume
a total potential capacity addition of 0 annual MMBtu by 2015, 584,036 annual MMBtu from 2016 to
2020, and 1,818,671 annual MMBtu from 2021 to 2030. Annual levelized costs are constant over the
study period at -59/MMBtu. (Net of avoided costs these values are -515/MMBtu in 2020 and
-$17/MMBtu in 2030.) These assumptions are based on the Massachusetts Clean Energy and Climate
Plan as modeled in DPU 14-86.

Efficiency costs are modeled from program administrators’ three-year plan data and are assumed to be
the same on a $/MWh basis as the costs used for the base case. If efficiency costs were, instead,
assumed to increase for additional increments of efficiency, even the efficiency sector with the highest
costs—low-income gas measures—would require a cost escalation of more than 80 percent to exceed
the economic threshold.

Feasibility Analysis Results

The feasibility analysis methodology employed in this report compares measures’ annual-$/annual-
MMBtu to thresholds for economic feasibility in annual-$S/annual -MMBtu. Supply curves for 2015, 2020
and 2030 using the reference natural gas price are displayed in Figure 16, Figure 17 and Figure 18, and
Table 9, Table 10, and Table 11. Measures with negative annual net levelized costs (i.e., net benefits) are
shown in blue while measures with positive annual net levelized costs are shown in red. Due to large
differences in the scale of resource availability, the supply curve for 2015 is presented in billion Btu and
the supply curves for 2020 and 2030 are presented in trillion Btu. Table 12, Table 13, and Table 14
summarize the cost and savings for each measure available for each scenario in the Reference natural
gas price case, while Table 21, Table 22, and Table 23 provide additional detail on costs and savings.
Note that savings for each scenario remain the same across different natural gas prices, but net costs
may change as a result of different avoided costs.

Supply curves for 2015, 2020 and 2030 using the low natural gas price are displayed in Table 15, Table
16, and Table 17. Supply curves for 2015, 2020 and 2030 using the high natural gas price are displayed in
Table 18, Table 19, and Table 20.
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Figure 16. Reference natural gas price supply curve for 2015 (billion Btu)
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Table 9. Reference natural gas price supply curve for 2015 (billion Btu)
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Figure 17. Reference natural gas price supply curve for 2020 (trillion Btu; note unit change from previous figures)
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Table 10. Reference natural gas price supply curve for 2020 (trillion Btu)
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Figure 18. Reference natural gas price supply curve for 2030 (trillion Btu)
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Table 11. Reference natural gas price supply curve for 2030 (trillion Btu)
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Electricity Technologies
Annual Toul Annual Net  Annual Net Annual Peak Hour
Technology Capacity Potent-ial Levelized Cost Levelized Cost Energ.y Gas Savings
Factor Capacity Production
% Mw $/MWh $/MMBtu NG | MMBtu NG~ MMBtu NG
Wind (<10 kW) 16% I $655 $78 11,773 3
Wind (<100 kW) 25% I $123 $15 18,396 3
Large Wind C5 no incremental capacity available by 2015
Large Wind C4 no incremental capacity available by 2015
Offshore Wind no incremental capacity available by 2015
Utility-Scale PV no incremental capacity available by 2015
Commercial PV 14% 2 $75 $9 21,192 0
Residential PV 13% 0 $100 $12 2,391 0
Large CHP no incremental capacity available by 2015
Small CHP 50% 5 -$12 -$1 183,960 19
Landfill Gas 78% 0 -$47 -$6 17,325 2
Anaerobic Digestion 90% 0 -$54 -$6 19,868 2
Biomass Power CI no incremental capacity available by 2015
Biomass Power C2 no incremental capacity available by 2015
Biomass Power C3 no incremental capacity available by 2015
Biomass Power C4 no incremental capacity available by 2015
Converted Hydro 38% I -$35 -$4 14,000 4
Res. Electric EE 55% 0 -$117 -$14 0 0
LI Electric EE 55% 0 -$22 -$3 0 0
Cl Electric EE 55% 0 -$96 S 0 0
Appliance Standards no incremental capacity available by 2015
Direct Gas Reduction Technologies
Annual Toml Annual Net  Annual Net Annual Peak Hour
Technology Capacity Potentfal Levelized Cost Levelized Cost Energ.y Gas Savings
Factor Capacity Production
% MW $/MWh $/MMBtu NG | MMBtu NG~ MMBtu NG
AS Heat Pump 0% 0 $0 $17 6,307 9
GS Heat Pump 0% 0 $0 $15 1,577 2
Solar Hot Water 0% 0 $0 $9 1,573 0
Biomass Thermal 0% 0 $0 $9 6,291 10
Res. Gas EE 0% 0 $0 -$78 0 0
Ll Gas EE 0% 0 $0 -$15 0 0
Cl Gas EE 0% 0 $0 -$23 0 0
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Table 13. Reference gas price resource assessment summary for 2020

Electricity Technologies
Annual Toul Annual Net  Annual Net Annual Peak Hour
Technology Capacity Potent'ial Levelized Cost Levelized Cost Energ'y Gas Savings
Factor Capacity Production
% MwW $/MWh $/MMBtu NG | MMBtu NG ~ MMBtu NG
Wind (<10 kW) 16% 100 $572 $68 1,177,344 266
Wind (<100 kW) 25% 100 $84 $10 1,839,600 266
Large Wind C5 41% 200 $38 $5 6,033,888 532
Large Wind C4 Assuming wind projects built in 2020 are constructed in best wind locations (i.e., C5)
Offshore Wind 44% 800 $133 $16 25,901,568 2,128
Utility-Scale PV 15% 16 $76 $9 216,337 0
Commercial PV 14% 50 $91 $l1 662,256 0
Residential PV 13% 5 $106 $13 47,830 0
Large CHP 67% 25 -$46 -$5 1,232,532 59
Small CHP 50% 35 $3 $0 1,287,720 136
Landfill Gas 78% 20 -$46 -$5 1,155,000 144
Anaerobic Digestion 90% 20 -$52 -$6 1,324,512 144
Biomass Power CI 80% 20 $27 $3 1,177,344 144
Biomass Power C2 80% 40 $44 $5 2,354,688 289
Biomass Power C3 80% 40 $130 $l6 2,354,688 289
Biomass Power C4 80% 50 $175 $21 2,943,360 361
Converted Hydro 38% 6l -$37 -$4 1,708,000 440
Res. Electric EE 55% 28 -$108 -$13 1,147,100 118
LI Electric EE 55% 3 -$13 -$2 138,528 14
Cl Electric EE 55% 113 -$86 -$10 4,577,386 473
Appliance Standards 55% 216 -$390 -$46 8,736,000 902
Direct Gas Reduction Technologies
Annual Totl Annual Net  Annual Net Annual Peak Hour
Technology Capacity Potent.ial Levelized Cost Levelized Cost Energ.y Gas Savings
Factor Capacity Production
% MW $/MWh $/MMBtu NG | MMBtu NG ~ MMBtu NG
AS Heat Pump 0% 0 $0 $20 75,686 104
GS Heat Pump 0% 0 $0 $16 18,922 26
Solar Hot Water 0% 0 $0 $24 18,896 0
Biomass Thermal 0% 0 $0 $9 75,586 125
Res. Gas EE 0% 0 $0 -$78 3,758,369 236
LI Gas EE 0% 0 $0 -$15 584,036 37
Cl Gas EE 0% 0 $0 -$23 4,121,834 259
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Table 14. Reference gas price resource assessment summary for 2030

Electricity Technologies
Annual Toul Annual Net  Annual Net Annual Peak Hour
Technology Capacity Potent'ial Levelized Cost Levelized Cost Energ'y Gas Savings
Factor Capacity Production
% MW $/MWh $/MMBtu NG | MMBtu NG~ MMBtu NG
Wind (<10 kW) 16% 200 $457 $54 2,354,688 532
Wind (<100 kW) 25% 300 $32 $4 5,518,800 798
Large Wind C5 42% 480 $8 $1 14,834,534 1,277
Large Wind C4 40% 800 $14 $2 23,546,880 2,128
Offshore Wind 45% 4,000 $59 $7 132,451,200 10,640
Utility-Scale PV 15% 160 $3 $0 2,163,370 0
Commercial PV 14% 800 $9 $1 10,596,096 0
Residential PV 13% 200 $19 $2 2,391,480 0
Large CHP 67% 50 -$78 -$9 2,465,064 118
Small CHP 50% 65 -$34 -$4 2,391,480 252
Landfill Gas 78% ) -$75 -$9 346,500 43
Anaerobic Digestion 90% 6 -$83 -$10 397,354 43
Biomass Power Cl 80% 20 -$2 $0 1,177,344 144
Biomass Power C2 80% 40 $15 $2 2,354,688 289
Biomass Power C3 80% 60 $102 $12 3,532,032 433
Biomass Power C4 80% 70 $146 $17 4,120,704 505
Converted Hydro 38% 56 -$67 -$8 1,568,000 404
Res. Electric EE 55% 64 -$128 -$15 2,604,729 269
LI Electric EE 55% 7 -$33 -$4 301,858 31
Cl Electric EE 55% 380 -$107 -$13 15,382,106 1,589
Appliance Standards 55% 619 -$343 -$41 25,048,800 2,587
Direct Gas Reduction Technologies
Annual Toul Annual Net  Annual Net Annual Peak Hour
Technology Capacity Potent-ial Levelized Cost Levelized Cost Energ.y Gas Savings
Factor Capacity Production
% MW $/MWh $/MMBtu NG | MMBtu NG~ MMBtu NG
AS Heat Pump 0% 0 $0 $25 1,127,727 1,549
GS Heat Pump 0% 0 $0 $20 281,932 387
Solar Hot Water 0% 0 $0 $32 281,607 4
Biomass Thermal 0% 0 $0 $7 1,126,428 1,869
Res. Gas EE 0% 0 $0 -$79 5,290,473 332
Ll Gas EE 0% 0 $0 -$17 1,818,671 114
Cl Gas EE 0% 0 $0 -$25 9,748,498 612

. Synapse Energy Economics, Inc. Final Report for Low Gas Demand Analysis 62




Filed: 2015-08-12
EB-2015-0049
EB-2015-0029

Exhibit M.Staff.EGDI.17
Attachment 1
Page 64 of 118

Table 15. Low natural gas price supply curve for 2015 (billion Btu)

Annual Net  Annual Savings

Levelized Cost Potential
($/MMBtu) (billion Btu)

2 lLandfill Gas -$5 17
4  Small CHP $0.02 184

Pipeline @ 80% winter usage

A
1

- Synapse Energy Economics, Inc. Final Report for Low Gas Demand Analysis 63



Filed: 2015-08-12
EB-2015-0049
EB-2015-0029

Exhibit M.Staff.EGDI.17
Attachment 1
Page 65 of 118

Table 16. Low natural gas price supply curve for 2020 (trillion Btu; note unit change from previous table)

Annual Net  Annual Savings

Levelized Cost Potential
($/MMBtu) (trillion Btu)

2 Appliance Standards

LI Gas EE

Cl Electric EE

Landfill Gas

I0 Converted Hydro

Pipeline @ 80% winter usage
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Table 17. Low natural gas price supply curve for 2030 (trillion Btu)

Annual Net  Annual Savings

Levelized Cost Potential
($/MMBtu) (trillion Btu)

2 Appliance Standards

LI Gas EE

Cl Electric EE

Landfill Gas

I0 Converted Hydro

12 Small CHP

Pipeline @ 80% winter usage -
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Table 18. High natural gas price supply curve for 2015 (billion Btu)

Annual Net  Annual Savings

Levelized Cost Potential
($/MMBtu) (billion Btu)

Landfill Gas

Small CHP

Pipeline @ 80% winter usage -
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Table 19. High natural gas price supply curve for 2020 (trillion Btu; note unit change from previous table)

Annual Net  Annual Savings

Levelized Cost Potential
($/MMBtu) (trillion Btu)

2 Appliance Standards

LI Gas EE

Cl Electric EE

8 Large CHP

I0 Converted Hydro

12 Small CHP
Pipeline @ 80% winter usage -
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Table 20. High natural gas price supply curve for 2030 (trillion Btu)

Annual Net  Annual Savings

Levelized Cost Potential
($/MMBtu) (trillion Btu)

2 Appliance Standards

Res. Electric EE

LI Gas EE

8 Anaerobic Digestion

I0 Converted Hydro

12 LI Electric EE

14 Utility-Scale PV

16 Large Wind C5

18 Residential PV

20 Wind (<100 kW)

Pipeline @ 80% winter usage
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@ ®) © © © ® ® ) 0 0] ® 0 o) ® © ® @ 0
Electricity Technologies
Annual Toal Annual Annual Real  pnnual Fixed  Annual Annual Annual Avoided  Avoided Y| A iaiNee  Annual Net |V bl Hour
Technology Capacity  Potential Energy Energy |nsalled Cost  Lifedme  Levelizdon 0l v iable 0aM 7% FUe!|  clized Cost Energy Cost Capacity Cost /™™ |Levelized Cost Levelized Cost| <" Gas Savings
Factor Capacity Production Production Rate Cost Proxy Capcity
% MW MWh MMBtu NG $/kW Yrs % $/kW-yr $/MWh $/MMBtu $/MWh $/MWh $/MWh $/MWh $/MWh $/MMBtu NG % MMBtu NG
Wind (<10 kW) 16% 1.0 1,402 11,773 $11,500 20 9.0% $25 $0 $0 $760 $79 $26 $655 $78 35% 3
Wind (<100 kW) 25% 1.0 2,190 18,396 $5,000 20 9.0% $25 $0 $0 $218 $79 $l6 $123 $15 35% 3
Large Wind C5 no incremental capacity available by 2015
Large Wind C4 no incremental capacity available by 2015
Offshore Wind no incremental capacity available by 2015
Utility-Scale PV no incremental capacity available by 2015
Commercial PV 14% 1.6 2,523 21,192 $2,593 25 8.0% $25 $0 $0 $184 $79 $30 $75 $9 0% 0
Residential PV 13% 0.2 285 2,391 $2,842 25 7.6% $25 $0 $0 $211 $79 $33 $100 $12 0% 0
Large CHP no incremental capacity available by 2015
Small CHP 50% 5 21,900 183,960 $2,181 10 15.4% $0 $I1 $Il $135 $107 $39 -$12 -$! 95% 19
Landfill Gas 78% 03 2,063 17,325 $1,421 20 9.0% $132 $0 $0 $38 $73 $12 -$47 -$6 95% 2
Anaerobic Digestion 90% 03 2,365 19,868 $4,102 20 9.0% $0 $0 $0 $47 $79 $22 -$54 -$6 95% 2
Biomass Power CI no incremental capacity available by 2015
Biomass Power C2 no incremental capacity available by 2015
Biomass Power C3 no incremental capacity available by 2015
Biomass Power C4 no incremental capacity available by 2015
Converted Hydro 38% 0.5 1,667 14,000 $2,083 30 9.3% $14 $0 $0 $63 $73 $24 -$35 -$4 95% 4
Res. Electric EE 55% 0 0 0 $9 $89 $37 -$117 -$14 55% 0
LI Electric EE 55% 0 0 0 $104 $89 $37 -$22 -$3 55% 0
Cl Electric EE 55% 0 0 0 $31 $89 $37 -$96 -$l1 55% 0
Appliance Standards no incremental capacity available by 2015
Direct Gas Reduction Technologies
Potential Real  pnnual Fixed  Annual Annual Annual Avoded  Avoided P2 Annual Nee | "2 bk Hour
Technology Energy Installed Cost Lfedme Levelization o&M Variable O&M Levelized Fuel Levelized Cost Energy Cost Capacity Cost Payment Levelized Cost Carrying Gas Savings
Production Rate Cost Proxy Capcity
MMBtu NG $/MMBtu Yrs % $/MMBtu-yr $/MMBtu $/MMBtu $/MMBtu $/MMBtu $/MMBtu $/MMBtu $/MMBtu NG % MMBtu NG
AS Heat Pump 6,307 $281,898 15 1% $2,000 $0 $50 $18 $7 $17 95% 9
GS Heat Pump 1,577 $324,979 15 1% $2,000 $0 $50 $lé $7 $I5 95% 2
Solar Hot Water 1,573 $53 15 1% $0 $0 $3,250 $53 $7 $9 17% 0
Biomass Thermal 6,291 $367,964 15 1% $879 $0 $4.63 $16 $7 $9 95% 10
Res. Gas EE 0 -$72 $6 -$78 55% 0
LI Gas EE 0 -$9 $6 -$15 55% 0
Cl Gas EE 0 -$17 $6 -$23 55% 0
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Table 22. Reference gas price resource assessment for 2020
@ ®) © ) © U ® () 0 0 ® 0 (m) ) ©) ®) @ ®

Electricity Technologies
Annual Toal Annual Annual Real Annual Fixed Annual Annual Annual Avoided Avoided Capacity Annual Net  Annual Net Winter Lead Peak Hour
Technology Capacity  Potential Energy Energy | Insaalled Cost  Lifedme  Levelization 08M  Variable g VeI Ul @ lized Cost Energy Cost Capacity Cost  "™™ |Levelized Cost Levelized Cost| <™ Gas Savings
Factor Capacity Production Production Rate Cost Proxy Capcity
% mMw MWh MMBtu NG $/kW Yrs % $/kWyr $/MWh $/MMBtu $/MWh $/MWh $/MWh $/MWh $/MWh $/MMBtu NG % MMBtu NG
Wind (<10 kW) 16% 100 140,160 1,177,344 $9,200 20 9.0% $115 $0 $0 $676 $74 $29 $572 $68.12 35% 266
Wind (<100 kW) 25% 100 219,000 1,839,600 $4,000 20 9.0% $25 $0 $0 $177 $74 $19 $84 $10 35% 266
Large Wind C5 41% 200 718,320 6,033,888 $2,359 20 9.7% $50 $0 $0 $113 $69 $6 $38 $5 35% 532
Large Wind C4 Assuming wind projects built in 2020 are constructed in best wind locations (i.e., C5)
Offshore Wind 44% 800 3,083,520 25,901,568 $5,600 20 12.2% $115 $0 $0 $207 $69 $6 $133 $l6 35% 2,128
Utility-Scale PV 15% 16.00 25,754 216,337 $2,233 25 8.7% $l6 $0 $0 $162 $69 $18 $76 $9 0% 0
Commercial PV 14% 50 78,840 662,256 $2,842 25 8.0% $24 $0 $0 $199 $74 $34 $91 $I1 0% 0
Residential PV 13% 5 5,694 47,830 $2,943 25 7.6% $24 $0 $0 $217 $74 $37 $106 $13 0% 0
Large CHP 67% 25 146,730 1,232,532 $1,750 20 9.7% $0 $5 $7 $77 $90 $33 -$46 -$5 95% 59
Small CHP 50% 35 153,300 1,287,720 $2,457 10 15.4% $0 $I1 $12 $148 $101 $44 $3 $0 95% 136
Landfill Gas 78% 20 137,500 1,155,000 $1,421 20 9.0% $132 $0 $0 $38 $69 $15 -$46 -$5 95% 144
Anaerobic Digestion 90% 20 157,680 1,324,512 $4,102 20 9.0% $0 $0 $0 $47 $74 $25 -$52 -$6 95% 144
Biomass Power Cl 80% 20 140,160 1,177,344 $4,175 30 8.0% $105 $11 $3 $110 $69 $15 $27 $3 95% 144
Biomass Power C2 80% 40 280,320 2,354,688 $4,175 30 8.0% $105 $1l $4 $128 $69 $15 $44 $5 95% 289
Biomass Power C3 80% 40 280,320 2,354,688 $4,175 30 8.0% $105 $1l $10 $214 $69 $15 $130 $l6 95% 289
Biomass Power C4 80% 50 350,400 2,943,360 $4,175 30 8.0% $105 $11 $13 $259 $69 $15 $175 $21 95% 361
Converted Hydro 38% 6l 203,333 1,708,000 $2,083 30 9.3% $14 $0 $0 $63 $69 $31 -$37 -$4 95% 440
Res. Electric EE 55% 28 136,560 1,147,100 $9 $74 $42 -$108 -$13 55% 18
LI Electric EE 55% 3 16,491 138,528 $104 $74 $42 -$13 -$2 55% 14
ClI Electric EE 55% 13 544,927 4,577,386 $31 $74 $42 -$86 -$10 55% 473
Appliance Standards 55% 216 1,040,000 8,736,000 -$273 $74 $42 -$390 -$46 55% 902
Direct Gas Reduction Technologies
Porential Real Annual Fixed Annual Annual Annual Avoided Avoided Capacity Annual Net Winter Load Peak Hour
Technology Energy | Installed Cost  Lifetime  Levelizacion 08M  Variable 0am "VeIed FUel @ lized Cost Energy Cost Capacity Cost /™" Levelized Cost| "™ Gas Savings
Production Rate Cost Proxy Capcity
MMBtu NG $/MMBtu Yrs % $/MMBtu-yr $/MMBtu $/MMBtu $/MMBtu $/MMBtu $/MMBtu $/MMBtu $/MMBtu NG % MMBtu NG
AS Heat Pump 75,686 $281,898 15 1% $2,000 $0 $59 $20 $6 $20 95% 104
GSHeatPump | 18922 | $324979 1S L% $2000 0 $s9 | si8 s sie | esw 26
Solar Hot Water 18,896 $62 15 1% $0 $0 $3,824 $62 $6 $24 17% 0
Biomass Thermal 75,586 $367,964 15 1% $879 $0 $4.80 $le $6 $9 95% 125
Res. Gas EE 3,758,369 -$72 $6 -$78 55% 236
LI Gas EE 584,036 -$9 $6 -$15 55% 37
Cl Gas EE 4,121,834 -$17 $6 -$23 55% 259
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@ ®) © © © ® ® *) 0 0 ® 0 () ® © ®) @ ®
Electricity Technologies
Annual Tou! Annual Annual Real  pnnual Fixed  Annual Annual Annual Avoided  Avoided TP | AniaiNer  AnnualNet | V2 pei Hour
Technology Capacity  Potential Energy Energy | Insaalled Cost  Lifedme  Levelization 0&M  Variable 0aM "SI Ul ized Cost Energy Cost Capacity Cost ™™ |Levelized Cost Levelized Cost| <™ Gas Savings
Factor Capacity Production  Production Rate Cost Proxy Capcity
% mMw MWh MMBtu NG $/kW Yrs % $/kW-yr $/MWh $/MMBtu $/MWh $/MWh $/MWh $/MWh $/MWh $/MMBtu NG % MMBtu NG
Wind (<10 kW) 16% 200 280,320 2,354,688 $8,050 20 9.0% $102 $0 $0 $592 $105 $30 $457 $54 35% 532
'Wind (<100 kW) 25% 300 657,000 5,518,800 $3,500 20 9.0% $25 $0 $0 $156 $105 $19 $32 $4 35% 798
Large Wind C5 42% 480 1,766,016 14,834,534 $2,359 20 9.7% $50 $0 $0 $11 $97 $6 $8 $1 35% 1,277
Large Wind C4 40% 800 2,803,200 23,546,880 $2,460 20 9.7% $50 $0 $0 $118 $97 $7 $14 $2 35% 2,128
Offshore Wind 45% 4,000 15,768,000 132,451,200 $4,760 20 1% $102 $0 $0 $l162 $97 $6 $59 $7 35% 10,640
Utility-Scale PV 15% 160 257,544 2,163,370 $1,600 25 8.7% $14 $0 $0 $118 $97 $18 $3 $0 0% 0
Commercial PV 14% 800 1,261,440 10,596,096 $2,075 25 8.0% $22 $0 $0 $149 $105 $35 $9 $1 0% 0
Residential PV 13% 200 284,700 2,391,480 $2,150 25 7.6% $22 $0 $0 $163 $105 $39 $19 $2 0% 0
Large CHP 67% 50 293,460 2,465,064 $1,750 20 9.7% $0 $5 $8 $84 $127 $34 -$78 -$9 95% 118
Small CHP 50% 65 284,700 2,391,480 $2,457 10 15.4% $0 $Il $13 $153 $142 $46 -$34 -$4 95% 252
Landfill Gas 78% 6 41,250 346,500 $1,421 20 9.0% $132 $0 $0 $38 $97 $le -$75 -$9 95% 43
Anaerobic Digestion 90% 6 47,304 397,354 $4,102 20 9.0% $0 $0 $0 $47 $105 $26 -$83 -$10 95% 43
Biomass Power CI 80% 20 140,160 1,177,344 $4,175 30 8.0% $105 $11 $3 $i1o $97 $15 -$2 $0 95% 144
Biomass Power C2 80% 40 280,320 2,354,688 $4,175 30 8.0% $105 $I1 $4 $128 $97 $15 $15 $2 95% 289
Biomass Power C3 80% 60 420,480 3,532,032 $4,175 30 8.0% $105 $I1 $10 $214 $97 $15 $102 $12 95% 433
Biomass Power C4 80% 70 490,560 4,120,704 $4,175 30 8.0% $105 $Il $13 $259 $97 $15 $146 $17 95% 505
Converted Hydro 38% 56 186,667 1,568,000 $2,083 30 9.3% $14 $0 $0 $63 $97 $32 -$67 -$8 95% 404
Res. Electric EE 55% 64 310,087 2,604,729 $9 $94 $44 -$128 -$15 55% 269
LI Electric EE 55% 7 35,936 301,858 $104 $94 $44 -$33 -$4 55% 31
Cl Electric EE 55% 380 1,831,203 15,382,106 $31 $94 $44 -$107 -$13 55% 1,589
Appliance Standards 55% 619 2,982,000 25,048,800 -$205 $94 $44 -$343 -$41 55% 2,587
Direct Gas Reduction Technologies
Potental Real Annual Fixed Annual Annual Annual Avoided Avoided Capacity Annual Net Wincer Load Peak Hour
Technology Energ.y Installed Cose Lifedime Levelization O&M Variable O&M Levelized Fuel Levelized Cost Energy Cost Capacity Cost Payment Levelized Cost Cnrry?ng Gas Savings
Production Rate Cost Proxy Capcity
MMBtu NG $/MMBtu Yrs % $/MMBtuyr  $/MMBtu $/MMBtu $/MMBtu $/MMBtu $/MMBtu $/MMBtu $/MMBtu NG % MMBtu NG
AS Heat Pump 1,127,727 $281,898 15 1% $2,000 $0 $82 $26 $9 $25 95% 1,549
GS Heat Pump 281,932 $324,979 15 1% $2,000 $0 $82 $22 $9 $20 95% 387
Solar Hot Water 281,607 $86 15 1% $0 $0 $5,353 $86 $9 $32 17% 4
Biomass Thermal 1,126,428 $367,964 15 1% $879 $0 $5.16 $lé $9 $7 95% 1,869
Res. Gas EE 5,290,473 -$72 $8 -$79 55% 332
LI Gas EE 1,818,671 -$9 $8 -$17 55% 114
Cl Gas EE 9,748,498 -$17 $8 -$25 55% 612
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APPENDIX B: BASE CASE ASSUMPTIONS

Overview: The base case energy resource mix and demand model expected conditions under existing
policy measures.

Gas prices: Reference natural gas prices are monthly NYMXEX prices escalated annually in proportion to
the annual percentage changes in the Henry Hub prices from the 2014 AEO Reference Case (Tab 13, line
44). Monthly average Henry Hub price forecasts were then adjusted for projections in the basis
differential between Henry Hub and the Massachusetts city gates designed to reflect the higher basis
when gas demand is highest. Based on preliminary modeling results, we assume that the Massachusetts
(and upstream) gas sector will remain out of balance from 2015 through 2019, but will be in balance
from 2020 through 2030. In 2015 through 2019, we use a winter basis estimate as the daily November
to March difference between Henry Hub and Algonquin City Gate daily prices in 2013/2014. For the
summer months in 2015 through 2019, and for all months in the remaining years, we assume one
constant basis differential for every day, calculated as the average difference between Henry Hub and
Algonquin City Gate daily prices in the April through October of 2014. See Figure 3 and Figure 19.

Canadian transmission: There is no transmission from Canada incremental to what exists today. We
used Ventyx’s default assumptions to depict existing transmission from Canada, and use these
assumptions in each of the model runs.

Carbon prices: The electric-sector carbon allowance price in the electricity sector is the Avoided Energy
Supply Costs in New England: 2013 Report (AESC 2013) carbon price forecast™® (see Figure 2); GWSA
compliance is not a criterion for scenarios and sensitivities; rather, the Massachusetts emissions
associated with each scenario and sensitivity are an output of the model.

Greenhouse gas emissions: Electric-sector emissions are calculated in the Market Analytics model.
Massachusetts’ share of these emissions is estimated using a methodology based on the 2008-2010
Massachusetts Greenhouse Gas Emissions Inventory: all emissions from the Commonwealth’s electric
generator; emissions associated with Massachusetts purchase of out-of-state RECs and its claim on low-
emission imports; a share of the residual New England electric emissions based on Massachusetts’
requirements above its own generation, out-of-state REC purchases and claim on low-emission imports;
and a share of the emissions from Quebec and the Maritimes based on New England’s requirements
above its own generation, out-of-state REC purchases and claim on low-emission imports.

Gas sector emissions (other than electric) are calculated as MMBtus of annual demand multiplied by a
weighted average emissions rate for residential, commercial, industrial, and transportation sectors per

46
Hornby et al. 2013. Exhibit 4-1. Column 6 “Synapse” CO, emission allowance price.
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AEO 2014.* In each year, the weighted average emissions rate for all non-electric system natural gas
demand is about 0.053 metric tons per MMBtu, or about 116 |bs per MMBtu.

GWSA compliance: GWSA compliance for years 2020 and 2030 was determined using data from the
MA-DPU 14-86 docket by assuming that emissions from sectors other than gas or electric would (1)
would be the same under all scenario-and-sensitivity assumptions, and (2) would approximate levels
anticipated given the policy measures described in Massachusetts Clean Energy and Climate Plan for
2020.*® scenarios in which Massachusetts emits more than 23.3 million metric tons of C0O,in 2020 in gas
and electric sectors or more than 18.7 million metric tons in these sectors in 2030 do not achieve GWSA
compliance (see Table 6). The 2030 GWSA reduction target below 1990 statewide levels of 43 percent
was estimated following the method used in DPU 14-86: A linear trend was drawn between the
Commonwealth’s 2020 and 2050 emission reduction targets.

Energy efficiency: Reductions to load from energy efficiency were modeled based on program
administrator’s data as filed with the Department of Public Utilities, extended into the future using the
following assumptions: (1) for states other than Massachusetts energy efficiency budgets remain
constant over time in real terms; and (2) for Massachusetts energy efficiency remains constant as a
share of load from 2015 through 2030. For Massachusetts electric efficiency: annual savings are 2.5
percent of program administrators’ transmission-and-distribution-adjusted load in each year. For
Massachusetts gas efficiency: annual savings are 1.1 percent of annual retail sales. Data on energy
efficiency savings at winter peak were derived from the program administrators three-year reports.
Costs are reported in Appendix A.

Time varying rates: Based on DPU’s June 2014 Order 14-04 on time-varying rates we assume annual
savings of 0.3 percent (2-percent annual savings assuming an 82-percent of customers on basic service
out of the 37-percent residential share of load and a 50-percent opt in rate).49 We assume winter peak
savings 2.0 percent on the winter peak hour (13-percent average winter peak savings among four test
groups modeled by Navigant assuming an 82-percent of customers on basic service out of the 37-
percent residential share of load and a 50-percent opt in rate). Costs were estimated as a cost of $100
smart thermostat rebates paid in once in 2015 and again in 2025 (assuming a 10-year measure life).

Advanced Building Codes: Based on the assumptions in the Massachusetts Clean Energy and Climate
Plan for 2020 (“CECP”), we assumed savings of 1.5 million metric tons of CO, reductions to be available
from the Advanced Building Code policy currently in place in Massachusetts in 2020 and 2030.%° Of

47 AEO 2014, Table 2.1 and Table 18.1. Available at

48 . . . o
MA-DPU 14-86, Amended Direct Testimony of Elizabeth A. Stanton, September 11, 2014, Exhibits EAS-8 and EAS-13. CECP
building sector oil emissions were calculated as the “Updated” business-as-usual buildings sector oil emission less
anticipated oil energy efficiency and other CECP program savings.

49 MA-DPU 14-04-B, “Anticipated Policy Framework for Time Varying Rates”, June 12, 2014,
http://www.mass.gov/eea/docs/dpu/orders/d-p-u-14-04-b-order-6-12-14.pdf. See also, Navigant (2014) NSTAR Smart Grid
Pilot: Final Technical Report. Prepared for the U.S. DOE on behalf of NSTAR Gas and Electric Corporation.

50
Massachusetts Office of Energy and Environmental Affairs. “Massachusetts Clean Energy and Climate Plan for 2020”. 2010.
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these reductions, we assume 0.9 million metric tons of reductions come from avoided natural gas
consumption in both 2020 and 2030, using the ratio of natural gas to oil consumption in the business-as-
usual case for each year as modeled in DPU 14-86. Using the average emission rate of residential natural
gas consumption (0.053 metric tons per MMBtu), these emission reductions were then translated into
MMBtu reductions. Given that this is an existing policy, costs are assumed to be zero.

Renewable thermal technologies: Based on the assumptions in Navigant’s 2013 Incremental Cost Study
Phase Two Final Report, the Commonwealth Accelerated Renewable Thermal Strategy and information
from vendors, we assumed reduced CO, emissions of 1.2 million metric tons in 2020 and 5.8 million
metric tons as a result of existing renewable thermal poIicy.51 Per DOER, we assume 15 percent of the
emission reductions from this existing policy take place in the form of reduced residential natural gas
consumption (85 percent of CO, reductions apply to oil use). Using the average emission rate of
residential natural gas consumption (0.053 metric tons per MMBtu), these emission reductions were
then translated into MMBtu reductions. Given that this is an existing policy, costs are assumed to be
zero. The renewable thermal reductions listed in the above supply curves (air- and ground-source heat
pumps, solar hot water, and biomass thermal) are assumed to be incremental to the CARTS study, per
DOER.

Demand response: Electric demand response is available as a balancing agent (discussed below) but not
otherwise included in modeling.

Winter Reliability program: The ISO-NE Winter Reliability program is available as a balancing agent
(discussed below) but not otherwise included in modeling.

Distributed generation: We modeled distributed resources using ISO-NE’s PV Energy Forecast Update by
state, held constant after 2020.%% Total New England annual distributed generation is 1,695 GWh. Costs
are reported in Appendix A.

Retirements: We modeled the retirements from current capacity shown in Table 24.

1
> http://www.neep.org/sites/default/files/products/NEEP%20ICS2%20FINAL%20REPORT%202013Feb11-Website.pdf;
http://www.mass.gov/eea/docs/doer/renewables/thermal/carts-report.pdf

52
ISO-NE, “PV Energy Forecast Update: Distributed Generation Forecast Working Group” presentation, December 15, 2014,
Holyoke, MA. Slide 8.
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Table 24. Unit retirements

Unit Name Region Fuel type Retirement Unit Name Region Fuel type Retirement
Framingham 1 Boston FO#2 NPCC 1/1/2020| Astoria GT 3-2 NY NG 5/1/2016)
Framingham 2 Boston FO#2 NPCC 1/1/2019 Astoria GT 3-3 NY NG 5/1/2016)
Framingham 3 Boston FO#2 NPCC 1/1/2019 Astoria GT 3-4 NY NG 5/1/2016)
Mystic 7 Boston NG 1/1/2021 Astoria GT 4-1 NY NG 5/1/2016)
MysticJ1 Boston FO#2 NPCC 1/1/2019 Astoria GT 4-2 NY NG 5/1/2016
Salem Harbor 3 Boston Coal 6/1/2014 Astoria GT 4-3 NY NG 5/1/2016)
Salem Harbor 4 Boston FO#6 NPCC 6/1/2014 Astoria GT 4-4 NY NG 5/1/2016)
Waters River 1 Boston NG 1/1/2021 Astoria GT 5 NY NG 5/1/2014
West Medway 1 Boston FO#2 NPCC 1/1/2020] Astoria GT 7 NY NG 5/1/2014
West Medway 2 Boston FO#2 NPCC 1/1/2020 AstoriaGT 8 NY NG 5/1/2014
Middletown 2 CT NE Centr NG 1/1/2022 Astoria ST2 NY NG 7/30/2015
Middletown 3 CTNE Centr NG 1/1/2022 Barrett G1 NY NG 1/1/2020
Middletown 4 CT NE Centr NG 1/1/2017 Barrett G1 NY NG 1/1/2020
Montville 5 CT NE Centr FO#6 NPCC 1/1/2020 Barrett G10 NY NG 1/1/2021
Montville 6 CT NE Centr FO#6 NPCC 1/1/2017 Barrett G11 NY NG 1/1/2021
Norwich (North Main) 5 CT NE Centr FO#2 NPCC 1/1/2022 Barrett G12 NY NG 1/1/2021
Norwalk Harbor 1 CT Norwalk FO#6 NPCC 6/1/2017| Barrett G2 NY NG 1/1/2020
Norwalk Harbor 10 CT Norwalk FO#2 NPCC 6/1/2017| Barrett G3 NY NG 1/1/2020
Norwalk Harbor 2 CT Norwalk FO#6 NPCC 6/1/2017| Barrett G4 NY NG 1/1/2020
Bridgeport Harbor 2 CTSW FO#6 NPCC 6/1/2017| Barrett G5 NY NG 1/1/2020
Bridgeport Harbor 3 CTSW Coal 6/1/2017| Barrett G6 NY NG 1/1/2020
New Haven Harbor 1 CTSW FO#6 NPCC 1/1/2021 Barrett G7 NY NG 1/1/2020
Borden 1 Maritimes FO#2 NPCC 1/1/2021 Barrett G8 NY NG 1/1/2020
Borden 2 Maritimes FO#2 NPCC 1/1/2023 Barrett G9 NY NG 1/1/2021
Burnside 1 Maritimes FO#2 NPCC 1/1/2026) Charles P Keller 12 NY NG 1/1/2017
Burnside 2 Maritimes FO#2 NPCC 1/1/2026 Charles P Keller 13 NY NG 1/1/2024
Burnside 3 Maritimes FO#2 NPCC 1/1/2026) Danskammer 2 NY NG 1/1/2014
Burnside 4 Maritimes FO#2 NPCC 1/1/2026) East Hampton 1 NY FO#2 NPCC 1/1/2020
Caribou ST CS1 Maritimes FO#6 NPCC 1/1/2013 East River 6 NY NG 1/1/2026
Caribou ST CS2 Maritimes FO#6 NPCC 1/1/2015 East River 7 NY NG 1/1/2015
Charlottetown 10 Maritimes FO#6 NPCC 1/1/2028 Freeport14 NY FO#2 NPCC 1/1/2014
Charlottetown 7 Maritimes FO#6 NPCC 1/1/2015 Freeport23 NY FO#2 NPCC 1/1/2023
Charlottetown 8 Maritimes FO#6 NPCC 1/1/2020 Glenwood GT1 NY FO#2 NPCC 1/1/2017
Charlottetown 9 Maritimes FO#6 NPCC 1/1/2023 Glenwood GT2 NY FO#2 NPCC 1/1/2022
Courtenay Bay 2 Maritimes FO#6 NPCC 1/1/2025 Glenwood GT3 NY FO#2 NPCC 1/1/2022
Tusket 1 Maritimes FO#2 NPCC 1/1/2021 Gowanus 1-1 NY FO#2 NPCC 1/1/2022
VictoriaJunction 1 Maritimes FO#2 NPCC 1/1/2025 Gowanus 1-2 NY FO#2 NPCC 1/1/2022
Victoria Junction 2 Maritimes FO#2 NPCC 1/1/2025 Gowanus 1-3 NY FO#2 NPCC 1/1/2022
Cherry Street 12 NEMA FO#2 NPCC 1/1/2022 Gowanus 1-4 NY FO#2 NPCC 1/1/2022
Lost Nation GT 1 NH FO#2 NPCC 1/1/2019 Gowanus 1-5 NY FO#2 NPCC 1/1/2022
Schiller 4 NH Coal 1/1/2020 Gowanus 1-6 NY FO#2 NPCC 1/1/2022
Schiller 6 NH Coal 1/1/2020 Gowanus 1-7 NY FO#2 NPCC 1/1/2022
ArthurKill 1 NY NG 1/1/2020 Gowanus 1-8 NY FO#2 NPCC 1/1/2022
Astoria GT 1 NY NG 1/1/2017 Gowanus 2-1 NY NG 1/1/2021
Astoria GT 11 NY FO#2 NPCC 5/1/2014 Gowanus 2-2 NY NG 1/1/2021
Astoria GT 12 NY FO#2 NPCC 5/1/2014 Gowanus 2-3 NY NG 1/1/2022
Astoria GT 13 NY FO#2 NPCC 5/1/2014 Gowanus 2-4 NY NG 1/1/2022
Astoria GT 2-1 NY NG 5/1/2016] Gowanus 2-5 NY NG 1/1/2022
Astoria GT 2-2 NY NG 5/1/2016) Gowanus 2-6 NY NG 1/1/2022
Astoria GT 2-3 NY NG 5/1/2016] Gowanus 2-7 NY NG 1/1/2022
Astoria GT 2-4 NY NG 5/1/2016) Gowanus 2-8 NY NG 1/1/2022
Astoria GT 3-1 NY NG 5/1/2016) Gowanus 3-1 NY FO#2 NPCC 1/1/2021
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Table 13. Unit retirements (continued)

Unit Name Region Fueltype Retirement Unit Name Region Fuel type Retirement
Gowanus 3-2 NY FO#2 NPCC 1/1/2021 Ravenswood G10 NY NG 1/1/2019
Gowanus 3-3 NY FO#2 NPCC 1/1/2021 Ravenswood G11 NY NG 1/1/2019
Gowanus 3-4 NY FO#2 NPCC 1/1/2021 Ravenswood G21 NY NG 1/1/2019
Gowanus 3-5 NY FO#2 NPCC 1/1/2021 Ravenswood G22 NY NG 1/1/2019
Gowanus 3-6 NY FO#2NPCC  1/1/2021 Ravenswood G23 NY NG 1/1/2019
Gowanus 3-7 NY FO#2 NPCC 1/1/2021 Ravenswood G24 NY NG 1/1/2019
Gowanus 3-8 NY FO#2 NPCC 1/1/2021 Ravenswood G31 NY NG 1/1/2019
Gowanus 4-1 NY FO#2 NPCC 1/1/2021 Ravenswood G32 NY NG 1/1/2019
Gowanus 4-2 NY FO#2 NPCC 1/1/2021 Ravenswood G33 NY NG 1/1/2019
Gowanus 4-3 NY FO#2 NPCC 1/1/2021 Ravenswood G4 NY NG 1/1/2019
Gowanus 4-4 NY FO#2 NPCC 1/1/2021 Ravenswood G5 NY NG 1/1/2019
Gowanus 4-5 NY FO#2NPCC  1/1/2021 Ravenswood G6 NY NG 1/1/2019
Gowanus 4-6 NY FO#2 NPCC 1/1/2021 Ravenswood G7 NY NG 1/1/2019
Gowanus 4-7 NY FO#2 NPCC 1/1/2021 Ravenswood G9 NY NG 1/1/2019
Gowanus 4-8 NY FO#2 NPCC 1/1/2021 Rochester92 NY NG 1/1/2019
Hillburn GT 1 NY NG 1/1/2022 SACarlson 5 NY Coal 1/1/2016
Holtsville 1 NY FO#2 NPCC 1/1/2024 Shoemaker GT 1 NY NG 1/1/2022
Holtsville 10 NY FO#2 NPCC 1/1/2025 Shoreham GT 1 NY FO#2 NPCC 1/1/2021
Holtsville 2 NY FO#2 NPCC 1/1/2024 Shoreham GT 2 NY FO#2 NPCC 1/1/2016
Holtsville 3 NY FO#2 NPCC 1/1/2024 Southhold 1 NY FO#2 NPCC 1/1/2014
Holtsville 4 NY FO#2 NPCC 1/1/2024 West Babylon GT4  NY FO#2 NPCC 1/1/2021
Holtsville 5 NY FO#2 NPCC 1/1/2024 West Coxsackie 1 NY NG 1/1/2019
Holtsville 6 NY FO#2 NPCC 1/1/2025 CadillacGT 1 Quebec FO#2 NPCC 1/1/2027
Holtsville 7 NY FO#2 NPCC 1/1/2025 CadillacGT 2 Quebec FO#2 NPCC 1/1/2026
Holtsville 8 NY FO#2 NPCC 1/1/2025 CadillacGT 3 Quebec FO#2 NPCC 1/1/2027
Holtsville 9 NY FO#2 NPCC 1/1/2025 La Citiere GT 1 Quebec FO#2 NPCC 1/1/2030
Hudson Ave 4 NY FO#2 NPCC 1/1/2020 La Citiere GT 3 Quebec FO#2 NPCC 1/1/2030
Hudson Ave GT3 NY FO#2 NPCC 1/1/2020 La Citiere GT 4 Quebec FO#2 NPCC 1/1/2029
Hudson Ave GT5  NY FO#2 NPCC 1/1/2020) Brayton Point 1 MA Coal 6/1/2017,
Indian Point2 GT1 NY FO#2 NPCC 1/1/2019 Brayton Point 2 MA Coal 6/1/2017,
Indian PointGT2  NY FO#2 NPCC 1/1/2021 Brayton Point 3 MA Coal 6/1/2017
Indian PointGT3  NY FO#2 NPCC 1/1/2020) Brayton Point 4 MA FO#6 NPCC 6/1/2017,
L StreetJet 1 NY FO#2 NPCC 1/1/2016 West Medway 3 MA FO#2 NPCC 1/1/2020
Narrows Gen 1 NY NG 1/1/2022 Canal 1 SEMA  FO#6NPCC 1/1/2020
Narrows Gen 2 NY NG 1/1/2022 Canal 2 SEMA  FO#6 NPCC 1/1/2020
Narrows Gen 21 NY NG 1/1/2022 Cleary 8 SEMA  FO#6 NPCC 1/1/2022
Narrows Gen 22 NY NG 1/1/2022 Somerset (MA) 2 SEMA  FO#2NPCC 1/1/2021
Narrows Gen 23 NY NG 1/1/2022 Cape GT4 SME FO#2 NPCC 1/1/2020
Narrows Gen 24 NY NG 1/1/2022 Cape GT5 SME FO#2 NPCC 1/1/2020|
Narrows Gen 25 NY NG 1/1/2022 Wyman-Yarmouth 1 SME FO#6 NPCC 1/1/2017
Narrows Gen 26 NY NG 1/1/2022 Wyman-Yarmouth 2 SME FO#6 NPCC 1/1/2017
Narrows Gen 27 NY NG 1/1/2022 Wyman-Yarmouth 3 SME FO#6 NPCC 1/1/2020|
Narrows Gen 3 NY NG 1/1/2022 Wyman-Yarmouth 4 SME FO#6 NPCC 1/1/2022
Narrows Gen 4 NY NG 1/1/2022 Ascutney GT 1 VT FO#2 NPCC 1/1/2013
Narrows Gen 5 NY NG 1/1/2022 Burlington NPCC 1 VT FO#2 NPCC 1/1/2021
Narrows Gen 6 NY NG 1/1/2022 Gorge (Colchester) 1 VT FO#2 NPCC 1/1/2015
Narrows Gen 7 NY NG 1/1/2022 Cabot 6 WCMA NG 1/1/2015
Narrows Gen 8 NY NG 1/1/2022 Cabot 8 WCMA NG 1/1/2013
Northport GT1 NY FO#2 NPCC 1/1/2017 Cabot 9 WCMA NG 1/1/2013
Port Jefferson GT1 NY FO#2 NPCC 1/1/2016] Mount Tom WCMA Coal 10/1/2014
Ravenswood 143  NY NG 1/1/2025 West Springfield3  WCMA FO#6 NPCC 1/1/2022
Ravenswood G1 NY NG 1/1/2017|
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Additions: In addition to any generic natural-gas combined cycle units added to achieve reliability
requirements, our electric-sector model includes the following new units and upgrades:

e  Footprint Power Combined Cycle unit as of June 1, 2017 at 674 MW, located in ISO-NE
Boston at the Salem Harbor site.

e Cape Wind as of January 1, 2016 at 136 MW, capacity increases on January 1, 2017 to
365 MW, located in ISO-NE SEMA.

e Northfield Mountain pumped storage capacity increases to 1,119.2 MW in 2015.

Capital costs: Capital costs of avoiding new NGCC construction are calculated using values from AEO
2014.%3 Capital costs associated with alternative, low-demand resources are discussed but not reported
Appendix A.

Benefit of eliminating constraint-elevated prices: The benefit of eliminating elevated prices and price
spikes related to natural gas capacity constrains is estimated as the product of base case gas demand in
each month of each year modeled and the difference between two average natural gas price bases for
that month: (1) the 2015 price basis; and (2) the actual model year basis.

Electric sales data: Electric sales, before demand-side measures, were taken from ISO-NE’s CELT 2014.

Electric capacity data: The base case electric generation resource mix was modeled using the Market
Analytics scenario designed by Synapse for DOER in early 2014 to provide an accurate presentation of
Green Communities Act (GCA) policies as well as the Renewable Portfolio Standards—by class—of the
six New England states. Synapse’s GCA analysis for DOER was developed using the NERC 9.5 dataset,
based on the Ventyx Fall 2012 Reference Case. We verified and updated these data with the most
current information on gas prices, loads, retirements, and additions. Note that if load becomes too small
or transmission constraints are reached, wind generation will back down or curtail.

Existing electric transmission from Canada: We used the Market Analytics default assumptions for the
existing lines.

Gas LDC demand data: Base case gas demand, before demand-side measures, was modeled using the
Massachusetts’ LDCs’ gas demand forecasts and the most up-to-date information available regarding
capacity exempt customers.

e Planning year load includes company use, commercial and industrial customers, and
heating and non-heating load of residential customers. It also accounts for energy
efficiency adjustments, unbilled sales and losses, and adjustments for capacity exempt
customers. Capacity exempt adjustments represent commercial and industrial capacity
exempt and capacity exempt unaccounted for gas.

>3 Electricity Market Module. AEO 2014. Available at
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e Design year planning load was calculated using the design year daily effective degree
days for each of five LDCs. All of the items included in planning year load calculations are
included in the design year. NGrid provided updated planning year data that replaced
their most recent filing.

e The reconstituted design year reflects the load projected by the LDCs in the design year
but is then adjusted for all the energy efficiency expected by the LDCs’ forecast
(including capacity exempt) to generate an expected load prior to energy efficiency.

e LDC's five-year design day forecasts were applied to the January of the split year and
remain unadjusted from their most recent filing as provided to DOER.> For those years
not provided by the companies, the average annual load growth rate for the given
forecasted years was used to extrapolate the design day and annual forecasts out
through 2019. From 2020 through 2030 design day and annual gas demand was
projected at a 0.5-percent annual growth rate per EIA projections using the AEO 2013
Demand Technology Case average annual natural gas consumption growth rate for New
England.

e Design day planning load was calculated by using the design day effective degree days
level.” Design day planning load includes the same items as design year and for three of
the LDCs (Berkshires, NStar, and Liberty) the most recent LDC filing was used. Columbia
and NGrid’s design day loads were replaced with updated values provided through the
stakeholder process. The design day value includes the LDCs’ expected energy efficiency
and is not “reconstituted.”

Munis natural gas demand data: Demand for munis is modeled as a proxy based on the natural gas
capacity under contract to these utilities in 2015.°° This proxy demand is then forecasted to increase in
each year using the same average growth rate as used by LDCs. Munis natural gas demand is roughly 2
percent of LDC natural gas demand in each year.

Gas capacity data: We model existing natural gas capacity from:

e Existing pipelines: Algonquin Gas Transmission Company (AGT), Maritimes/Northeast
Pipeline Company (M&NP); Tennessee Gas Pipeline Company (TGP)

e Planned pipeline capacity: Algonquin Incremental Market (AIM) pipeline capacity, which
is an expansion of the AGT line, expected to be complete in 2017

e LDC’s LNG storage and vaporization: National Grid, Columbia, NSTAR, Liberty, Fitchburg
Gas and Electric, Berkshire Gas, Holyoke, Middleboro

>4 We used the latest Department of Public Utilities filings for all LDCs except NGrid and Columbia, which provided DOER with
updated design day forecasts.

55 . .
Berkshire Gas Company. 2014. Long Range Forecast and Supply Plan. Prepared for the Massachusetts Department of Public
Utilities.

56 T . .
Tennessee Gas Pipeline informational postings,
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e Full GDF Suez LNG vaporization at Everett, MA with an allocation for Mystic electric
generation plant

e Existing propane: NGrid; Columbia; Fitchburg Gas and Electric; and Berkshire Gas

Where LDC demand forecasts do not extend to 2019 we extrapolated each LDC’s demand based on its
trend during the forecast period. LDC demand growth after 2019 is projected to be 0.5 percent per year,
based on the assumptions developed for the CECP. Muni and capacity exempt demand growth is
assumed to keep pace with LDC demand.

Winter peak: In the electric sector, in addition to our annual modeling, we reran January for each year in
the analysis for the purpose of modeling the gas requirements in the winter peak hour. We modeled
each January as a period of cold weather—defined as the CELT 2014 5-percent confidence interval or
high case—assuming that all modeled regions (New England, New York, Quebec, and the Maritimes) all
experience a relative cold snap. Winter peak energy efficiency and time-varying rate savings were also
assumed. Peak hour data were as then extracted as the highest peak 6pm hour among days from
January 13 through 31—in this way assuring that the peak hour falls in a period of at least 12 contiguous
“cold snap” days.

In the gas sector, gas requirements were represented as each LDC’s demand day requirements
(including natural gas consumers commonly referred to as “capacity-exempt customers”), adjusted to an
hourly requirement based on an assumption that 5.6 percent of daily peak demand falls during the peak
hour.”” We evaluated the effects of an extended cold snap by modeling design day load over a 12-day
period, then applying the impacts extended use of stored natural gas natural storage on the available
storage capacity. Our research determined that existing LNG storage facilities have sufficient capacity for
13 days using existing vaporizers. Propane storage is not available in this model as a balancing measure;
existing propane storage facilities are sufficient for a 3-day cold snap. Gas capacity was adjusted to an
hourly requirement assuming that 1/24 of daily capacity is available during the peak hour.

Constraint criteria: The balance criteria of gas demand no greater than 95-percent of gas capacity
reflects the level of pipeline utilization at which operational flow orders are typically declared and
shippers are held to strict tolerances on their takes from the pipeline. The impact of gas constraint on
natural gas prices is thought to begin when gas demand rises above 80-percent of gas capacity. Gas
prices associated with out-of-balance conditions are assumed in 2015 through 2019 in our model.

Balancing measures: We determined the least-cost set of measures that would eliminate constraints
and balancing the Massachusetts gas sector. Balancing measures are shown in Table 25 and Table 26.

57
Eastern Interconnection Planning Collaborative Draft Gas-Electric Interface Study Target 2 Report, p.64-65
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Table 25. Balancing measures available in base case

Hours of Number of
Total winter Winter peak
Total annual Annual availability at Per MMBtu minimum
Increment peak hour o hour o . Annual cost .
i availability . availability ~ winter peak cost increments
availability availability .
per year available
$/MMBtu
2015 Balancing Measures MMBtu MMBtu MMBtu MMBtu hours
Annual
Pipeline (long- and short-haul)| Minimum 0 n/a n/a n/a n/a n/a n/a n/a
Winter Reliability Program Minimum 29,434 29,434 | 150 150 $450 $3.00 29,434
Demand Response Minimum 190 5,040 0.76 20 24 $1,326 $66 250
Pumped Storage Minimum 0 n/a n/a n/a n/a n/a n/a n/a
Battery Storage Minimum 289 52,560 289 52,560 182 $20,051,425 $381 |
2020 Balancing Measures
Pipeline (long- and short-haul) [ Minimum |undetermined|undetermined 4,167 36,500,000 n/a $51,100,000 $1.40 undetermined
Winter Reliability Program Minimum 0 n/a n/a n/a n/a n/a n/a n/a
Demand Response Minimum 190 5,040 0.76 20 24 $1,326 $66 250
Pumped Storage Minimum 4,043 367,920 2,022 183,960 182 $94,466,330 $257 2
Battery Storage Minimum 1,444 52,560 289 10,512 182 $19,153,973 $364 5
2030 Balancing Measures
Pipeline (long- and short-haul)| Minimum [undetermined|undetermined 4,167 36,500,000 n/a $51,100,000 $1.40 undetermined
Winter Reliability Program Minimum 0 nla n/a n/a n/a n/a n/a n/a
Demand Response Minimum 190 5,040 0.76 20 24 $1,326 $66 250
Pumped Storage Minimum 4,043 367,920 2,022 183,960 182 $94,466,330 $257 2
Battery Storage Minimum 8,664 52,560 289 1,752 182 $15,509,561 $295 30
Table 26. Balancing measures available in low demand case
Hours of Number of
Total winter Winter peak
Total annual Annual availability at Per MMBtu minimum
Increment peak hour I hour o i Annual cost .
o availability L availability ~ winter peak cost increments
availability availability ]
per year available
$/MMBtu
2015 Balancing Measures MMBtu MMBtu MMBtu MMBtu hours $ A :
nnua
Pipeline (long- and short-haul) [ Minimum 0 nla n/a n/a n/a n/a n/a n/a
Winter Reliability Program Minimum 29,434 29,434 | 150 150 $450 $3.00 29,434
Demand Response Minimum 760 20,160 0.76 20 24 $1,326 $66 1000
Pumped Storage Minimum 0 n/a n/a n/a n/a n/a n/a n/a
Battery Storage Minimum 289 52,560 289 52,560 182 $20,051,425 $381 |
2020 Balancing Measures
Pipeline (long- and short-haul) Minimum [undetermined|undetermined 4,167 36,500,000 n/a $51,100,000 $1.40 undetermined
Winter Reliability Program Minimum 0 n/a n/a n/a n/a n/a n/a n/a
Demand Response Minimum 760 20,160 0.76 20 24 $1,326 $66 1000
Pumped Storage Minimum 4,043 367,920 2,022 183,960 182 $94,466,330 $257 2
Battery Storage Minimum 1,444 52,560 289 10,512 182 $19,153,973 $364 5
2030 Balancing Measures
Pipeline (long- and short-haul) [ Minimum |undetermined|undetermined 4,167 36,500,000 n/a $51,100,000 $1.40 undetermined
Winter Reliability Program Minimum 0 nla n/a n/a n/a n/a n/a n/a
Demand Response Minimum 760 20,160 0.76 20 24 $1,326 $66 1000
Pumped Storage Minimum 4,043 367,920 2,022 183,960 182 $94,466,330 $257 2
Battery Storage Minimum 8,664 52,560 289 1,752 182 $15,509,561 $295 30
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e Pipeline capacity (long- and short-haul58), incremental to existing and planned natural
gas pipeline capacity in both the base and low demand cases, is assumed to be available
in 100,000 MMBtu/day increments with a minimum increment of 100,000 MMBtu and a
maximum increment of 500,000 MMBtu/day beginning in 2019. There are no economies
of scale for differences in the size of these increments. The existing and planned pipeline
capacity (included in modeling, not as a balancing measure) for 2020 includes the
342,000 MMBtu/day of capacity associated with the AIM project which is scheduled to
be online by November 1, 2016. The cost assumptions associated with the incremental
pipeline expansions are derived from the cost data submitted by Algonquin in its filing
with the Federal Energy Regulatory Commission.”

e ISO-NE Winter Reliability program is an inventory buy-back program for oil, LNG and a
very small portion of demand response that will be in effect for the next four winters:
2014/15, 2015/16, 2016/17 and 2017/18. In the both the base case and low demand
case, the Winter Reliability program is not available as a balancing measure after 2018.
In years it is available, Winter Reliability is always applied as a balancing measure
directly after demand response, in order to simulate how ISO-NE develops its forecast
for required inventory for the program. This program is then allowed to function as a
balancer for up to 29,434 MMBtu per peak hour in 2015 (in both the base case and low
demand case).

e Demand response in the electric sector is available for two 4-hour periods in each of
three months: December, January and February. For Massachusetts, 25 MW of demand
response is estimated to be available in the base case during each of these periods at a
monthly cost of $1/kW-month, and an hourly cost of $500/MW. 100 MW is estimated to
be available in the low demand case at the same cost per MW.

e Pumped storage, incremental to existing pumped hydro installations in both the base
and low demand cases, is assumed to be available as follows: 0 MW by 2015, 560 MW
from 2016 to 2020, and an additional 560 MW from 2021 to 2030 with an annual
capacity factor of 15 percent. Annual levelized costs are constant over the study period
at $257/MWh. These assumptions are based on a DOE and Electric Power Research
Institute (EPRI) 2013 Electricity Storage Handbook. 60 The minimum facility size is
assumption to 280 MW and we are not aware of evidence of economies of scale for
larger installations. This balancing measure is more expensive than incremental pipeline
and, therefore, is not used in any scenario or year.

e Battery storage is assumed to be available as follows in both the base and low demand
cases: 40 MW by 2015, an additional 200 MW from 2016 to 2020, and an additional
1200 MW from 2021 to 2030 with an annual capacity factor of 15 percent. Annual
levelized costs fall from $381/MWh in 2015 to $295/MWh in 2030. These assumptions
are based on DOE/EPRI’s 2013 Electricity Storage Handbook. The minimum facility size is

58
Long haul pipeline capacity transports gas from the Gulf Coast and Western Canada, Short haul capacity transports gas from
storage fields and Marcellus Shale regions

59 Algonquin Gas Transmission, AIM expansion, FERC CP-14-96.
60 Table B-12. http://www.sandia.gov/ess/publications/SAND2013-5131.pdf
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assumption to 40 MW and we are not aware of evidence of economies of scale for

larger installations. This balancing measure is more expensive than incremental pipeline
and, therefore, is not used in any scenario or year.

e |n addition, we examined the utility of LNG imports in balancing scenarios and found
that, while this capacity could be purchased for approximately $9.85 per MMBtu (the
basis to European winter purchases of LNG) its reliability suffers from the problem of a
time lag between identifying the need for the resources (and the price conditions to
make it profitable) and the ability of ships to make delivery at the Massachusetts port.
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APPENDIX C: LOw ENERGY DEMAND CASE ASSUMPTIONS

Overview: Low energy demand case energy is modeled as the base case with the addition of the
maximum feasible amount of additional alternative resources.

Gas prices: As in base case.

Canadian transmission: As in base case.
Carbon prices: As in base case.
Greenhouse gas emissions: As in base case.
GWSA compliance: As in base case.

Energy efficiency: For Massachusetts electric efficiency: annual savings rise to 2.9 percent of program
administrators’ transmission-and-distribution-adjusted load by 2020; the annual share of savings
remains constant through 2030. For Massachusetts gas efficiency: annual savings rise to 1.9 percent of
annual retail sales by 2020; the annual share of savings remains constant through 2030. Energy
efficiency savings at winter peak as in base case. Costs are reported in Appendix A.

Time varying rates: As in base case.

Advanced Building Codes: As in base case.
Renewable thermal technologies: As in base case.
Winter Reliability program: As in base case.

Distributed generation: Incremental to distributed generation in the base case, the alternative
resources in Table 27 were added.
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2015 2020 2030
Annual Savings Annual Savings Annual Savings
Potential (billion Btu) Potential (trillion Btu) Potential (trillion Btu)
Anaerobic Digestion 20 Res. Gas EE 4 Res. Gas EE 5
Landfill Gas 17 Appliance Standards 9 Appliance Standards 25
Converted Hydro 14 Cl Gas EE 4 Cl Gas EE 10
Small CHP 184 LI Gas EE 1 LI Gas EE 2
Res. Electric EE 1 Res. Electric EE 3
Cl Electric EE 5 Cl Electric EE 15
Anaerobic Digestion 1 Anaerobic Digestion 0.4
Landfill Gas 1 Large CHP 2
Large CHP 1 Landfill Gas 0.3
Conwerted Hydro 2 Converted Hydro 2
LI Electric EE 0.1 Small CHP 2
Small CHP 1 LI Electric EE 0.3
Biomass Power C1 Biomass Power C1 1
Utility-Scale PV 2
Large Wind C5 15
Commercial PV 11
Large Wind C4 24
Biomass Power C2 2
Residential PV 2
Wind (<100 kW) 6

Retirements: As in base case.

Additions: As in base case plus alternative resources below the economic threshold in the feasibility

analysis.

Capital costs: As in base case.

Benefit of eliminating constraint-elevated prices: As in base case.

Electric sales data: As in base case.

Electric capacity data: As in base case, adjusted to included alternative resources below the economic

threshold in the feasibility analysis.

Existing electric transmission from Canada: As in base case.

Gas LDC demand data: As in base case, adjusted to included alternative resources below the economic

threshold in the feasibility analysis.

Gas Muni demand data: As in base case.

Gas capacity data: As in base case.

Winter peak: As in base case.

Constraint criteria: As in base case.

Balancing measures: We determined the least-cost set of measures that would eliminate constraints
and balancing the Massachusetts gas sector. Balancing measures are described above in Appendix B.
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APPENDIX D: NATURAL GAS PRICE SENSITIVITY ASSUMPTIONS

Natural gas price projections are Henry Hub prices developed from three sources: the October 2014
Short Term Energy Outlook (STEO) and the April 2014 Annual Energy Outlook (AEQ) both issued by the
DOE/ EIA; and the New York Mercantile Exchange (NYMEX) futures gas prices as of October 14, 2014.

In all three price sensitivities the historical monthly prices from January 2012 through October 2014 are
from the STEO Figure 14. Also, in all three price sensitivities the monthly price projections from
November 2014 through December 2015 are from the October 14, 2014 NYMEX close. The three price
sensitivities vary beginning in January 2016. For the reference gas price, the monthly NYMXEX prices are
escalated annually in proportion to the annual percentage changes in the Henry Hub prices from the
2014 AEO Reference Case (Tab 13, line 44). For the high gas price, the monthly NYMEX prices are
escalated in proportion to the annual percentage changes in the Henry Hub prices from the 2014 AEO
Low Oil and Gas Resource Case (Total Energy Supply, Disposition, and Price Summary, Low Oil and Gas
Resource Case Table, line 57). For the low gas price, the Henry Hub prices from the 2014 AEO High Oil
and Gas Resource Case (Total Energy Supply, Disposition, and Price Summary, High Oil and Gas Resource
Table, line 57) were adjusted in 2019 and 2020 to align better with the prices from the reference price
forecast. Without this adjustment, the low price case was higher than the reference case in those two
years. The monthly NYMEX prices are then escalated in proportion to the annual percentage changes in
the adjusted Henry Hub price trajectory from the 2014 AEO High Oil and Gas Resource Case (Total
Energy Supply, Disposition, and Price Summary, High Oil and Gas Resource Table, line 57).

The Low and High Oil and Gas Resource Cases from the 2014 AEO were chosen to represent a range in
future gas supplies available from shale reserves. DOE/EIA explicitly recognizes this uncertainty and
developed these alternate resource cases to address it.

In 2015 through 2019, we use a winter basis estimate as the November to March difference between
Henry Hub and Algonquin City Gate daily prices in 2013/2014. For the summer months in 2015 through
2019, and for all months in the remaining years we assume one constant basis differential for every day,
calculated as the average difference between Henry Hub and Algonquin City Gate daily prices in the
April through October of 2014. Figure 19 displays the daily reference gas price adjusted for the basis
differential for 2015 and 2030.
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Figure 19. Daily reference gas price adjusted for basis differential, 2015 and 2030
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APPENDIX E: CANADIAN TRANSMISSION SENSITIVITY ASSUMPTIONS

This appendix provides information on Hydro Quebec (HQ) export strategies, data on existing power
flows from Canada into New England, and recommendations for modeling assumptions. Table 28
summarizes modeling assumptions related to incremental transmission from Canada.

Table 28. Incremental Canadian transmission assumptions

Imports into New England Generic HVDC 1 Generic HVDC 2
Model Cases Canadian transmission only | Canadian transmission only
Nominal/Max 1200 1200

Summer Max 1200 1200
m::e(;z‘:\:')g" Day Peak 1200 1200

Winter Peak Day CF 0.75 0.75

Winter Peak Hour CF 0.71 0.71

Year Available 2018 2022
Comments/Source Generic baseloaded import Generic intier;n;?rj!ate—loaded
Flow Patterns Historic Ph Il pattern Historic Ph Il pattern
Ave Ann CF 0.67 0.50

Cost of Line ($2013) $1.5 billion $2.2 billion

Documentation of HQ Export Intentions

Synapse relied in part upon Hydro Quebec’s (HQ) 2009-2013 Strategic Energy Plan, and HQ's 2012
Annual Report to document “Major Sources of Incremental Hydroelectric Energy” in our memo to the
MA DOER, November 1, 2013%L. Since that time, HQ has released a new annual report, but they have
not yet posted any new Strategic Plan documents. HQ's 2013 Annual Report notes the following:

Hydro-Québec Production is continuing talks regarding participation in projects to build
transmission lines between Québec and certain states in the U.S. Northeast. These
interconnections would enable us to increase our exports to those markets. (p. 12)

61
Synapse Energy Economics, “Incremental Benefits and Costs of Large-Scale Hydroelectric Energy Imports”, Prepared for the
Massachusetts Department of Energy Resources, November 1, 2013. See, e.g., pages 8-9.
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The information in the Annual Report (2013) does not clarify exactly how much capacity and/or annual
energy HQ might be capable of providing to New England, for any given year or for any given price point.
The 2009-2013 Strategic Plan clearly indicates that HQ plan to “Step Up Exports” but with Ontario, New
York, New Brunswick, and New England all having access to HQ for energy, it’s not certain what that
means for New England. From the Strategic Plan:

Objective 2: Step up exports.

As a result of recent and ongoing hydroelectric development projects, Hydro-Quebec
Production expects to have the generating capacity needed to ensure export growth. By
2013, we will have nearly 24 TWh at our disposal. This margin of flexibility will enable us
to increase the volume of our exports. (p. 25)

And

Strategy 2 — Step up exports to New England and New York.

Hydro-Quebec Production is currently negotiating agreements to supply electricity, via
this transmission line [Northern Pass], to these two U.S. distributors and other New
England distributors, starting in the middle of the next decade.

Other discussions are under way with State of New York authorities, including the New
York Power Authority (NYPA) and the New York Independent System Operator (NYISO),
with a view to increasing electricity sales to that market. The State of New York is
considering a number of means, including imports of Québec hydropower, to reach its
renewable energy goals and GHG emission reduction targets. (p. 27)

And

We also plan to upgrade the New York interconnection (Chateauguay substation). With
import and export capability, this interconnection plays a major role in energy
interchanges between Quebec and the United States. We will coordinate the work with
the U.S. operators to reduce impacts on service. We are considering other projects to
ensure long-term operability and are keeping up our efforts to maintain or increase the
exploitable capacity of all our interconnection facilities. We will increase our
participation on technical committees with the operators of neighboring power grids
and continue to make representations on joint operating rules and reliability standards
for interconnected transmission systems. (p. 42)

HQ is on track to complete up to 3,000 MW of new wind energy integration (since ~2008) by 2015.%> HQ
is also continuing its development of hydroelectric resources.® HQ continues with an energy efficiency

62 See e.g. http://www.hydroquebec.com/publications/en/others/pdf/depliant_eolienne_distribution.pdf.

63 See Strategic Plan 2009-2013, Objective 1: Increase hydroelectric generating capacity, page 19.
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program®. HQ is in the process of continuing to reinforce and upgrade its transmission network in
southern Quebec, and other areas of the Province. For example, transmission reinforcement around
Montreal is anticipated over the next five years:

BOUT-DE-L'ILE 735-KV SECTION

Hydro-Québec TransEnergie (TransEnergie) is adding a new 735-kV section at Bout-de-
I'lle substation (located at east end of Montréal Island). This was originally a 315/120-kV
station. The Boucherville — Duvernay line (line 7009), which passes by Bout-de-I'lle, will
be looped into the new station. A new -300/+300-Mvar SVC will be integrated into the
735-kV section in 2013.

The project also includes the addition of two 735/315-kV 1,650-MVA transformers in
2014. This new 735-kV source will allow redistribution of load around the Greater
Montréal area and absorb load growth in eastern Montréal. This project will enable
future major modifications to the Montréal area regional subsystem. Many of the
present 120-kV distribution stations will be rebuilt into 315-kV stations and the
Montréal regional network will be converted to 315-kV. The addition of a second -
300/+300-Mvar SVC at Bout-de-I'fle in 2014 is also projected. ®

Based on publicly available HQ information, it appears that there are no particular institutional
impediments to increasing export levels to New England over the next decade. This is because 1) HQ
continues to state that it plans to “step up exports”, and 2) its investment in hydro and wind generation,
demand side resources, and transmission reinforcement indicates ongoing activity that will allow for
increased exports; and 3) it acknowledges activity to allow for exports associated with specific

transmission projects to New England and New York.®

Existing Canadian Interconnections: Size, Flows, Capacity Factors, and
Recommendations for Modeling

The figure below shows how ISO NE represents transfers to New England from importing points.

64 See Strategic Plan 2009-2013, Objective 2: Step up energy efficiency efforts, page 50.

65 T . .
NERC 2013 Long-Term Reliability Assessment, December 2013. NPCC-Quebec section. Page 122. See also the full section,
pages 117-122. See also 2013 Annual Report, e.g., pages 15-19.

66 Strategic Plan, p27, p42. Website, . 2013 Annual Report, page
12.
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Figure 20. ISO NE representation for imports
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New Brunswick Tie

Table 29 shows hourly utilization/capacity factors for the HQ Phase 2 path for 19 of the highest load
days during the 2013-2014 winter season. These 19 days include the 9 days that contain the top 24
hours of winter season load, and generally reflect the days that could represent cold snap periods. While
on a few of these very-high-load days, the peak load hours (hour ending 18-19, or the 6PM to 7PM time
frame) see a utilization of 99 percent or greater, on average the utilization for these 2 critical hours is

83.9-85.5 percent.
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Table 29. Summary of hourly capacity factor / utilization of Phase 2 during high load days in the Winter of 2013-2014

Capacity Factor / Hourly Utilization, Phase 2 Line - 19 High Load Days During December - February, 2013-2014

Note: 100% CF on a 1400 MW basis is equal to 70% CF on a 2000 MW basis.
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Average of

CF @ 1400 Column Label ~

Row Label -|  12/17/2013 1/2/2014 1/3/2014 1/7/2014 1/8/2014 1/9/2014 1/21/2014 1/22/2014 1/23/2014 1/24/2014 1/25/2014 1/26/2014 1/27/2014 1/28/2014 1/29/2014 2/10/2014 2/11/2014 2/12/2014 2/13/2014 Grand Total
1 99.7%  98.0%  78.9%  99.9%  99.5%  92.6%  100.0% 99.7% 99.7%  99.4%  100.0%  88.9% 89.1% 96.1%  100.0% 99.9%  89.1%  100.0%  89.0% 95.8%
2 99.7% 100.0%  784%  99.9%  99.5%  92.6%  100.0% 99.7% 98.2%  99.9%  100.0%  88.9% 89.0% 96.2%  100.1% 99.9%  89.1%  100.0%  89.1% 95.8%
3 99.7%  100.0%  78.3%  99.9%  93.4%  92.6% 92.5% 99.7% 99.7%  99.9%  100.0%  89.0% 89.0% 96.2%  100.0%  100.0%  89.1%  100.0%  89.1% 95.2%
4 99.7%  99.9%  784%  99.9%  89.9%  92.6% 78.0% 99.7% 99.7%  99.9%  100.0%  89.1% 92.6% 96.2%  100.0%  100.0%  89.1%  100.1%  89.1% 94.4%
5 98.3%  99.9%  81.9%  99.9%  82.0%  92.6% 46.4% 97.1% 99.7%  99.9%  100.0%  89.1% 92.6% 9.1%  100.1%  100.0%  89.1%  100.0%  89.0% 92.3%
6 99.1%  99.9%  68.9%  99.9%  81.9%  92.7% 46.4% 99.0% 99.7%  98.1%  93.1%  89.1% 92.6% 96.2%  100.0% 99.9%  89.1%  100.0%  89.1% 91.3%
7 69.1%  96.3%  81.3%  99.9%  78.4%  92.6% 78.0% 68.4% 97.2%  825%  88.9%  89.1% 97.0% 9.1%  100.0%  100.0%  89.1%  983%  89.1% 89.0%
8 89.3%  98.5%  79.1% 100.0%  81.9%  92.6% 91.9% 55.1% 97.2%  81.8%  89.0%  89.1% 99.9% 98.6%  100.0% 99.9%  89.1%  59.1%  92.5% 88.7%
9 99.5%  94.9%  84.4%  99.9%  94.8%  92.6% 98.9% 65.6% 97.2%  80.5%  89.0%  89.1% 99.9% 87.1%  100.0% 99.9%  99.7%  77.9%  92.6% 91.8%
10 94.7%  94.9%  83.8% 100.0%  953%  92.7% 99.0% 79.5% 97.2%  99.6%  89.0%  89.0% 94.9% 99.5%  100.1% 90.8%  96.8%  92.3%  92.5% 93.8%
11 92.6%  94.9%  52.3%  98.6%  92.6%  92.6% 99.0% 87.1% 86.1%  100.1%  89.0%  89.1% 95.9%  100.0%  100.0% 89.1%  90.7%  92.9%  90.5% 91.2%
12 926%  94.3%  93.1%  922%  92.7%  92.6% 99.1% 83.4% 85.7%  100.0%  89.1%  89.1% 9.4%  100.0%  100.1% 89.1%  89.1%  92.9%  89.8% 92.7%
13 99.6%  70.8%  99.7%  92.3%  92.6%  92.6% 99.1% 89.1% 9.8%  100.0%  88.9%  89.1% 90.1%  100.1%  100.2% 89.1%  89.1%  99.9%  89.8% 93.1%
14 99.6%  94.2%  96.2%  92.3%  92.7%  92.6% 99.1% 99.1% 97.2%  100.0%  89.0%  89.1% 89.5%  100.0%  100.2% 89.1%  89.1%  90.6%  89.8% 94.2%
15 99.6%  92.9%  92.9%  92.3%  926%  92.6% 99.1% 99.7% 97.2%  100.0%  88.9%  89.1% 83.1%  100.0%  100.2% 89.1%  89.1%  89.7%  89.8% 93.6%
16 99.6%  51.9%  89.4%  92.3%  92.6%  92.6% 98.5% 99.7% 9.8%  100.1%  88.9%  89.1% 89.6%  100.0%  100.1% 89.1%  89.1%  89.7%  86.9% 91.4%
17 99.5%  50.3%  89.3%  92.3%  926%  90.7% 67.5% 89.8% 716%  99.6%  88.9%  88.6% 79.9% 92.9%  100.1% 89.1%  89.1%  89.8%  86.9% 86.8%
18 99.6%  47.0%  85.7% 923%  855%  92.6% 57.8% 73.2% 465%  81.9%  88.9%  69.7% 83.0% 92.8%  100.1% 89.1%  89.1%  89.6%  83.6% 81.5%
19 99.5%  55.8%  92.6% 99.4%  88.9%  92.6% 71.5% 53.4% 38.9%  86.6%  88.9%  88.6% 83.1% 99.9%  100.0% 89.1%  89.1%  92.8%  83.5% 83.9%
20 99.5%  57.6%  90.6%  99.5%  92.6%  92.6% 56.6% 66.8% 401%  99.6%  88.9%  89.1% 89.6%  100.0%  100.0% 89.1%  89.1%  92.9%  89.6% 85.5%
21 99.5%  74.3%  87.4%  92.8%  92.7%  92.6% 65.1% 81.3% 437%  100.0%  88.9%  89.1% 89.8%  100.1%  100.0% 89.1%  91.9%  94.4%  89.6% 87.5%
22 99.4%  92.3%  92.6%  99.4%  92.6%  92.6% 77.7% 99.5% 43.8%  100.0%  88.9%  89.0% 96.6%  100.0%  100.0% 89.1%  84.9%  92.9%  89.6% 90.6%
23 99.4%  92.7%  99.6%  99.5%  92.6%  92.5% 87.9% 90.8% 553%  100.0%  88.9%  89.1% 929%  100.1%  92.3% 89.1%  99.4%  90.6%  89.6% 91.7%
24 99.4%  92.7%  99.8%  96.5%  92.7%  92.5% 96.3% 99.6% 85.0%  100.1%  88.9%  89.1% 92.8%  100.0%  89.1% 89.1%  100.1%  89.1%  89.7% 93.8%
Grand Total 97.0%  85.2%  85.6% 97.1%  90.9%  92.5% 83.6% 86.5% 821%  962%  914%  88.2% 91.2% 97.7%  99.3%  933%  90.8%  923%  89.2% 91.1%
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Table 30. Summary of hourly capacity factor / utilization of New Brunswick Tie during high load days in the Winter of 2013-2014
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NB Capacity Factor
800

Hour End | 12/17/2013[1/2/2014]1/3/2014]1/7/2014]1/8/2014] 1/9/2014] 1/21/2014[1/22/2014]1/23/2014[1/24/2014] 1/25/2014] 1/26/2014] 1/27/2014] 1/28/2014] 1/29/2014] 2/10/2014]2/11/2014[2/12/2014] 2/13/2014]Ave all Days
1 80% 56% 19% 85% 73% 97% 98% 91% 67% 73% 83% 96% 97% 97% 96% 81% 100% 91% 80%: 82%
2 79% 51% 25% 78% 77% 97% 97% 83% 64% 63% 82% 98% 89% 97% 98% 98% 87% 87% 76% 80%
3 81% 45% 33% 74% 78% 96% 96% 78% 71% 66% 75% 97% 88% 97% 97% 96% 83% 89% 91% 81%
4 82% 36% 31% 79% 73% 94% 82% 68% 69% 67% 72% 97% 84% 97% 97% 97% 85% 87% 92% 79%
5 81% 23% 23% 71% 45% 95% 75% 60% 61% 75% 68% 97% 82% 97% 97% 93% 95% 87% 84% 74%
6 20% 10% 8% 86% 44% 75% 58% 63% 58% 67% 69% 96% 85% 80% 91% 84% 97% 90% 74% 66%
7 7% 7% -11% 87% 48% 51% 68% 45% 39% 52% 68% 96% 56% 64% 55% 71% 80% 49% 79% 53%
3 -20% 1% -21% 90% 82% 40% 79% 44% 49% 33% 69% 97% 58% 69% 47% 74% 77% 41% 81% 52%
9 14% 2% 11% 87% 81% 33% 76% 40% 50% 22% 71% 97% 73% 90% 46% 85% 81% 57% 81% 58%
10 36% -3% 18% 96% 95% 36% 97% 79% 28% 30% 79% 84% 94% 97% 85% 95% 98% 94% 97% 73%
11 51%| -12% 5% 97% 95% 33% 98% 48% 27% 77% 81% 85% 97% 99% 89% 97% 98% 97% 98% 71%
12 57%|  -23%|  -22% 89% 93% 34% 98% 80% 26% 79% 89% 85% 95% 98% 88% 99% 97% 99% 83% 71%
13 a6%|  -23%|  -11% 95% 93% 51% 100% 80% 55% 85% 93% 96% 98% 100% 88% 99% 99% 92% 99% 75%
14 36% 9%  -15% 97% 93% 43% 99% 79% 61% 30% 95% 97% 9%6% 99% 92% 100% 99% 95% 99% 75%
15 45% 14%|  -12% 96% 91% 42% 97% 76% 58% 79% 95% 96% 96% 98% 89% 96% 99% 94% 98% 76%
16 24% 1%  -11% 92% 92% 40% 95% 75% 55% 56% 97% 97% 96% 97% 84% 97% 97% 94% 97% 73%
17 11% 16% 10% 93% 93% 46% 62% 56% 46% 34% 96% 86% 95% 75% 69% 95% 70% 90% 80% 64%
18 3% 24% 22% 77% 94% 52% 60% 60% 44% 38% 98% 69% 84% 78% 82% 9%6% 74% 97% 100% 66%
19 8%|  -16% 10% 78% 93% 61% 66% 58% 48% 6% 98% 70% 84% 88% 91% 922% 71% 95% 92% 66%
20 19%|  -21% 24% 83% 92% 61% 69% 57% 35% 76% 97% 82% 96% 92% 83% 94% 71% 99% 77% 63%
21 32%|  -20% 21% 92% 79% 57% 71% 55% 36% 77% 98% 89% 95% 78% 84% 97% 71% 98% 79% 69%
22 51%|  -20% 45% 88% 86% 54% 76% 59% 47% 36% 98% 96% 98% 97% 85% 99% 75% 36% 99% 74%
23 60% 2% 38% 97% 87% 55% 75% 94% 76% 38% 98% 85% 97% 98% 84% 99% 97% 98% 99% 80%
24 29% 39% 49% 83% 91% 52% 84% 85% 58% 80% 97% 83% 91% 80% 85% 100% 85% 56% 99% 75%

Aveall hrs 39% 8% 11% 87% 82% 58% 82% 67% 51% 68% 86% 90% 88% 90% 83% 93% 87% 36% 89% 71%
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Table 31. Summary of hourly capacity factor / utilization of Highgate Tie during high load days in the Winter of 2013-2014

Highgate
225
CF
hr| 12/17/2013| 1/2/2014(1/3/2014| 1/7/2014| 1/8/2014| 1/9/2014|1/21/2014|1/22/2014| 1/23/2014|1/24/2014| 1/25/2014| 1/26/2014| 1/27/2014| 1/28/2014(1/29/2014| 2/10/2014| 2/11/2014|2/12/2014| 2/13/2014|Grand Total
1 97.8% 97.8% 97.8% 93.3% 93.3% 93.3% 97.8% 97.8% 97.8% 95.6% 97.8% 97.8% 97.8% 97.8% 97.3% 98.2% 93.3% 93.3% 97.8% 96.5%
2 97.8% 97.8% 97.8% 93.3% 93.3% 93.3% 97.8% 98.2% 97.8% 97.3% 97.8% 97.8% 97.8% 97.8% 97.8% 98.2% 93.3% 93.3% 97.8% 96.6%
3 97.8% 97.8% 97.8% 93.3% 93.3% 93.3% 97.8% 97.8% 97.8% 98.2% 97.8% 97.8% 97.8% 97.8% 97.8% 98.2% 93.3% 93.3% 97.8% 96.7%
4 98.2% 97.8% 97.8% 93.3% 93.3% 93.3% 97.8% 97.8% 97.8% 97.8% 97.8% 97.8% 97.8% 97.8% 97.8% 98.2% 93.3% 93.3% 97.8% 96.7%
5 97.3% 97.8% 97.8% 93.3% 93.3% 93.3% 97.8% 95.6% 96.9% 97.8% 97.8% 97.8% 97.8% 97.8% 97.3% 98.2% 93.3% 93.3% 97.8% 96.4%
6 97.3% 97.8% 88.9% 93.3% 93.3% 93.3% 85.3% 10.7% 94.7% 95.1% 97.8% 97.8% 97.8% 97.8% 96.0% 98.2% 93.3% 93.3% 98.2% 90.5%
7 86.7% 97.8% 95.6% 93.3% 93.3% 93.3% 11.1% 17.3% 10.7% 4.0% 97.8% 97.8% 97.8% 97.8% 96.9% 97.3% 93.3% 93.3% 98.2% 77.5%
8 86.7% 97.8% 3.6% 93.3% 93.3% 93.3% 11.1% 81.3% 8.9% 0.0% 97.8% 97.8% 97.8% 97.8% 97.8% 96.9% 93.3% 93.3% 97.3% 75.7%
9 97.3% 97.8% 8.9% 93.3% 97.8% 93.3% 96.0% 11.1% 8.9% 0.0% 97.8% 97.8% 97.8% 97.8% 97.8% 97.8% 93.3% 96.4% 96.9% 77.8%
10 97.8% 97.8%| 10.7% 93.3% 97.8% 93.3% 97.3% 8.9% 8.9% 0.0% 97.8% 97.8% 97.8% 97.8% 97.8% 97.8% 93.3% 97.3% 98.2% 78.0%
11 97.8% 97.8%| 84.9% 93.3% 97.8% 93.3% 97.8% 8.9% 8.9% 2.2% 97.8% 97.8% 97.8% 94.2% 97.8% 93.3% 93.3% 97.8% 97.8% 81.6%
12 97.8% 97.3%| 97.3% 93.3% 97.8% 93.3% 97.8% 10.7% 66.7% 95.6% 97.8% 97.8% 97.8% 97.8% 97.8% 93.3% 93.3% 98.2% 97.8% 90.5%
13 98.2% 86.7%| 97.8% 93.3% 97.8% 93.3% 97.8% 95.6% 95.6% 97.8% 97.8% 97.8% 97.8% 97.8% 97.8% 93.3% 93.3% 98.2% 98.2% 96.1%
14 98.2% 97.3%| 97.8% 93.3% 97.8% 93.3% 97.8% 97.8% 94.7% 97.3% 97.8% 97.8% 97.8% 97.8% 97.8% 93.3% 93.3% 98.2% 98.2% 96.7%
15 98.2% 97.3%| 97.8% 93.3% 97.8% 93.3% 97.8% 97.8% 93.8% 97.8% 97.8% 97.8% 97.8% 97.8% 97.8% 93.3% 93.3% 98.2% 98.2% 96.7%
16 98.2% 86.7%| 97.8% 93.3% 93.3% 93.3% 97.8% 97.8% 4.9% 97.3% 97.8% 97.8% 97.8% 97.8% 97.8% 93.3% 93.3% 98.2% 97.8% 91.2%
17 98.2% 86.2% 95.6% 93.3% 93.3% 93.3% 96.4% 96.0% 9.8% 93.8% 97.8% 98.2% 97.8% 97.8% 97.8% 93.3% 93.3% 98.2% 97.8% 90.9%
18 98.2% 86.2% 2.2% 93.3% 93.3% 93.3% 4.0% 11.1% 8.4% 2.7% 97.8% 98.2% 97.8% 97.8% 97.8% 93.3% 93.3% 97.3% 97.8% 71.8%
19 98.2% 86.2% 0.9% 93.3% 93.3% 93.3% 0.0% 8.9% 0.0% 2.2% 97.8% 98.2% 97.8% 97.8% 97.8% 93.3% 93.3% 98.2% 97.8% 71.0%
20 98.2% 86.2% 11.1% 93.3% 93.3% 93.3% 1.3% 8.9% 0.0% 95.6% 97.8% 98.2% 97.8% 97.8% 97.8% 93.3% 93.3% 98.2% 97.8% 76.5%
21 98.2% 97.3% 96.0% 93.3% 93.3% 93.3% 94.2% 8.9% 0.0% 97.8% 97.8% 97.8% 97.3% 97.8% 97.8% 93.3% 93.3% 97.8% 97.8% 86.5%
22 98.2% 97.8% 97.8% 93.3% 93.3% 93.3% 97.8% 10.7% 0.0% 97.3% 97.8% 97.8% 98.2% 97.8% 97.8% 93.3% 93.3% 97.8% 97.8% 86.9%
23 98.2% 97.8% 97.8% 93.3% 93.3% 93.3% 97.8% 95.6% 0.0% 96.9% 97.8% 97.8% 98.2% 97.8% 97.8% 93.3% 93.3% 97.8% 97.8% 91.3%
24 98.2% 97.8% 97.8% 93.3% 93.3% 93.3% 97.8% 97.8% 10.7% 97.8% 97.8% 97.8% 97.8% 97.8% 97.8% 93.3% 93.3% 97.8% 97.8% 92.0%
ave all hours 97.0% 94.9% 73.7% 93.3% 94.6% 93.3% 77.7% 56.8% 42.2% 69.1% 97.8% 97.9% 97.8% 97.6% 97.6% 95.2% 93.3% 96.4% 97.8% 87.6%
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Crucially, the CF percentage listed is based on a winter benchmark limit of 1400 MW for the HQ Phase 2
line. As seen, on these cold days, usage rarely exceeds 1,400 MW (a few intervals show usage at as high
as 100.2 percent during midday hours, but never more than 1400 MW during the critical hours). If using
a different benchmark for capacity factor, or utilization — such as the maximum nominal rating of the
path, 2000 MW —a capacity factor of 70 percent would represent a flow of 1,400 MW.

During other hours of the winter, flows reaching as high as 1,749 MW were seen on the HQ Phase 2
path. A number of days see many hours with flows exceeding 1,600 MW.

As shown in Table 30, the New Brunswick line should use a 67 percent capacity factor (on a base of 800
MW, or 536 MW), for the maximum flow during peak hours 6-7 PM. For peak days, a capacity
factor/utilization value of 71 percent, or 568 MW should be used. The patterns can reflect the “tota
column seen in Table 2 of this report.

I”

Based on the same idea, and as seen in Table 31, the Highgate line should use a 75 percent capacity
factor (on a base of 225 MW, or 168 MW), for the maximum flow during peak hours 6-7 PM. For peak
days, a capacity factor/utilization value of 88 percent, or 198 MW should be used. The patterns can
reflect the “total” column seen in Table 3 of this report.

Ill

As is documented in the following tables (Tabl