
[image: image1.jpg]) SIC PERMANET

| _rocus | 4
Ontario

VT INCEPIT

2\




ONTARIO ENERGY BOARD

	FILE NO.:
	EB-2018-0287 /
EB-2018-0288

	Distributed Energy Resources and Remuneration 

	VOLUME:

DATE:
	Stakeholder Conference
September 18, 2019
	


EB-2018-0287
EB-2018-0288

THE ONTARIO ENERGY BOARD

Distributed Energy Resources and Remuneration Initiative

Stakeholder Conference
Conference held at 2300 Yonge Street,

25th Floor, Toronto, Ontario,

on Wednesday, September 18, 2019,

commencing at 9:31 a.m.

----------------------------------------

STAKEHOLDER CONFERENCE
----------------------------------------

CEIRAN BISHOP 
Director, OEB Strategic Policy

LENORE ROBSON
OEB Staff

RACHEL ANDERSON

JOHN MATHESON
Strategy Corp.
STACY HUSHION

PRESENTERS:

DALE MURDOCK
ICF
TRAVIS LUSNEY
Energy Storage Canada

TOM LADANYI
Energy Probe Research Foundation

FIONA OLIVER-GLASFORD
Enbridge Gas Inc.

SARAH SIMMONS
Canadian Solar Industries Association (CanSIA)
JAKE BROOKS
Association of Power Producers of Ontario (APPrO)
GREGORY VAN DUSEN
Hydro Ottawa

BENJAMIN HAZLETT

DARREN McCRANK
EPCOR Utilities

VINAY SHARMA
London Hydro

1--- On commencing at 9:31 a.m.


1Welcome Remarks


11Responding to DERs, Mr. Murdock


33Questions and Discussion


54--- Recess taken at 10:55 a.m.


54--- On resuming at 11:05 a.m.


56The Role of Energy Storage, Mr. Lusney


73DER Promoters, Utilities, and Ratepayers -- Who Should Bear the Risks? Mr. Ladanyi


85Questions and Discussion


105--- Luncheon recess taken at 12:21 p.m.


105--- On resuming at 1:00 p.m.


106Natural Gas and DER Considerations, Ms. Oliver-Glasford


112DER Panel, Ms. Simmons, Ms. Griffiths, Mr. Brooks


134Questions and Discussion


163--- Recess taken at 2:38 p.m.


163--- On resuming at 2:48 p.m.


164Challenges and Opportunities Related to DER Deployment, Mr. Van Dusen, Mr. Hazlett


173DER Impacts:  Alberta Experience, Mr. McCrank


184London Hydro Perspective on DER Challenges and Utility Remuneration, Mr. Sharma


200Questions, Discussion and Wrap-Up


232--- Whereupon the hearing adjourned at 4:32 p.m.





     No EXHIBITS WERE FILED.
No undertakings WERE GIVEN.


Wednesday, September 18, 2019
--- On commencing at 9:31 a.m.

MR. MATHESON:  We're going to start in just a second, folks, so if you can grab your coffees and find your seats.  I should also say that the seats that have microphones are most highly prized, because it means you don't have to jump up and go to the microphones on the corners, so if there is one that is open that has a microphone you may wish to take it.  So feel free to move to the front.  We don't have to pretend like we're in the back of biology class in grade nine.


[Matt Jones joining Dale Murdock on panel]


MR. MATHESON:  Good.

Welcome Remarks

MR. BISHOP:  Good morning, everybody.  Welcome to day 2 of our stakeholder meeting on utility remuneration and responding to DERs.  My name is Ceiran Bishop for the new people in the room -- my name is Ceiran Bishop.  I'm the director of strategic policy unit at the OEB, and...


AUTOMATED TELECONFERENCE VOICE:  The conference has been muted.


[Laughter]


MR. BISHOP:  So we're looking forward to a good discussion today where our focus is going to be a little bit more on distributed energy resources, and just in terms of some faces around the room, as I mentioned yesterday, we have Board members here who are listening in on the conversation.  We also have a number of OEB staff members here, and we heard yesterday a little bit of enquiry about the linkages between this initiative and others, in particular the DER connections project, and I pointed out yesterday that Brian Holder and Brian Houston were in the room.  Today we're also going to have Catherine Ethier, who is the lead on the DER connections project.  She is here from our consumer performance and -- consumer protection industry performance unit, and she will also be listening in to the discussion today, just as another way of ensuring continuity between the longer-term DER -- responding to DER initiative, which we're talking about today, as well as the more focused connections project, which is also underway.


At this point I will hand things back over to John Matheson and to Stacy Hushion from Strategy Corp., who have been facilitating matters today and tomorrow, and with that we have another good discussion.  Thanks.


MR. MATHESON:  Good morning, everyone.  It strikes me that the proliferation of Netflix and Crave TV and other services such as that have been very useful in preparing the stakeholder sector for a session such as this, because surely this must feel to you a lot like binge-watching several seasons of a program about DERs all at once.


Like any good episode or beginning of a new episode of binge-watching, it would only be appropriate to do a brief recap of season 1, because we are about to start season 2, which, as you know, the focus of season 2 is going to be responding to DERs.


Can I just have a quick show of hands of how many folks are here for the first time today?  Yes, so for the benefit of the new folks, A, thank you very much for joining us.


There is a couple of things that I must for sort of statutory or safety reasons just cover, so I will just do that very quickly.  The washrooms, the men's room, just outside the door.  The main room, the ladies' room, walk around the elevators, turn left.  The fire exits, the stairs are located beside the bathrooms.  In the unlikely event of a fire alarm this building has a two-stage alarm system.  We only evacuate at the second stage.  If that happens, staff will lead participants down the stairs to the OEB's designated meeting point, St. Monica's Church, 44 Broadway Avenue.  Go north on Yonge, one block east on Broadway.


There is a camera here for the benefit of our at-home audience or in-office online audience, and so our presenters will be online.


There are transcription services for this event.  Teresa is our reporter.  Teresa has a little button that she can press that disciplines me if I do not ask you for your name and organization.


So if you get up in great enthusiasm and start talking and you don't remember, I will probably say, unless -- and if I don't Teresa will get mad at me -- can I just stop you and get your name and organization, because there will be a full transcript of this, so in order to have your remarks appropriately categorized we need that.


Of course, to our remote participants, it is possible for you to participate through slido.  My colleague Stacy is going to describe the way slido works in just a second.


But I will just provide a couple of other context pieces about the design of the agenda.  As you know, this was intended to be a fresh and different approach to consultation.  There are several different ways to participate.  Obviously and most directly is through the written submissions that most of you have already made.  Secondly is when those get brought to life through your oral presentation of it, and yesterday we had a whole slew of terrific presenters.


The third way to participate is through your direct questions of the participants, and that is a very useful and engaging way to participate.  You can participate through slido.  That is not limited to the online folks.  You can ask questions through slido, and there is also an ideas function as well.  You can kick in an idea, as opposed to just a question.


Finally, we have about a third of the time today dedicated to group discussion, and yesterday we found that, notwithstanding the room, we were able to have very good and effective group conversation about a couple of themes.


And the essence of this -- and you will sort of see this in a second.  Perhaps I can best show you rather than describe it.


During the discussions I make these sort of thought maps, and that's all they are.  It is me kind of keeping track of what you all are saying.  They have no official status other than it helps me keep track of where we're at and trying to make sure we need to know what gets covered.


I should say, you are very welcome if you think I've missed something or if you just have thought of something that you want to add, you are very welcome to come and say, hey, can I have a stickie?  I would like to add something to the thought map, and that is totally fair ball.


The first one kind of represents what we covered in the first session, the theme of which was, what are the big issues facing the sector?  What is the most important thing that we want to cover?


And so what I did was I took those on the orange and yellow and pink, representing different phases of that conversation, and then I sorted them afterwards vertically under the various green headings.


So there was a lot of talk about infrastructure, there was some talk about the linkage of this to the macro policy issues, like overall supply and carbon pricing, there was a lot of discussion about competition in markets and the lack thereof in DERs -- and this is just a very quick summary.  I am not doing justice to the robustness of the conversation, but there was a lot of discussion about the need for policy coordination among regulators and across different types of fuel and the need to avoid silo-based approaches.


There was a lot of discussion about priorities and balance amongst the so-called three-legged stool of reliability, sustainability, and affordability, and several questions, interventions, or presentations about how affordability is king these days.


There was discussions about evolution in technology, about how the meter is no longer a real boundary and how there's all sorts of options about non-wire or non-pipe solutions that need to be considered.


There were comments about process and time, the need to start from quantitative analysis and with an evaluation of existing system performance and to manage the evolution of a system through change and to recognize that we don't know what is coming and how what the most impactful and disruptive things are likely to be things that we can't even see yet, and how therefore it is essential to sort of strike a balance between timeliness and responsiveness and regulation but not getting out in front and not picking winners, being transparent, being performance-based, being fact-based, and ensuring that what we do allows for the scalability of the system.


There was a focus on the consumer and the protection of the consumer, but a number of folks said, how do we really know what the consumer wants?  There was a consideration about the role of the LDC, which I will defer to, because there was a whole session that we did on that.  And then there was the beginnings of, so what should the OEB do about it?


In the second section, which focused on the design of the LDC sector, following just again the greens, there were some observations about, this is what the LDCs should be doing.  They should have a technical role.  They should not be both the operator and a gatekeeper of the system.  They should be -- shouldn't necessarily be a competitive market player unless it is through an affiliate.


There was a discussion about, is size an issue.  There was a question about the role of DERs in the supply mix and how it must be integrated with the overall system planning of -- done through the IESO.


There were a number of observations again about the OEB's approach, which build on what you see here.  The notion of not picking winners and losers, evolutionary, not revolutionary, flexible, thinking about what can be done in the near-term without adding a lot of costs and putting the focus on near-term cost and benefit, not just long-term, and how it can't lag or be a barrier to change, but it shouldn't be out in front.


There was also discussions about other observations about the role of Hydro One, looking at specific examples, learning from places like Brantford and such things.

And I said look, if we were to have regard what our colleagues at IESO put out through the energy transformation network of Ontario and the Lawrence Berkeley characterization board, wouldn't it be handy if we all had a common definition of the various pieces of the system, so we can think through with a common vocabulary what the different roles might be.

So this characterization of there being a transmission system operator, a distribution system operator, a distribution owner and a DER, and then saying to what degree does the role of the LDC fit within that characterization as we see it, and are there roles missing in Ontario?

That is one of the things we will really be building on and talking about today, and that also led to the other really interesting conversations.

One is, is the DER a customer of the LDC?  Should it have certain rights of access, or does it have a different relationship?  And the other was is there a need for a distribution system that operates similar to the IESO -- not the IESO, but in this distribution system operation space that sends signals and operates for turning systems on and off.

So while information came out in lots of different ways from lots of different people and lots of different order, there is clearly a shape to the conversation that's starting to develop, and our job as facilitator is not to influence the shape, but just to try and faithfully record it.

So that is where we were yesterday at the end, and we are looking forward to continuing to build on that today.

My colleague, Stacy, is just going to take you on a tour of the slido function, so that you can have a sense of how to participate.  Over to you, Stacy.

MS. HUSHION:  Some of you used this yesterday.  It is very easy to use, pretty intuitive.  For your information, the wifi connection information is over there, should you want to connect to the wifi to use slido.

Basically, all you have to do is take your mobile device, open up the web browser, go to slido.com and put in the OEB, that's the hashtag, into the event code and you are in.

If you have any issues, please don't hesitate to come and ask me.  We will be using it for questions.  So at any point during the presentation, if something pops into your head, you will see the box on your phone that says "type a question" and you can type a question, and we will address it during the Q&A session.

As John mentioned, for our rotation and discussion portion when we have them, we will be using the ideas function, so that you can input comments.  And as much as we can, we're going to try to share the comments through me, so that everyone who can't see the screen will be able to know what people who are putting comments in are saying.

And we will try to be as responsive to those as possible, while also balancing with the questions and comments that are coming in from the floor.

So thank you.

MR. MATHESON:  Thanks, Stacy.  For folks online, your participation really is valued, so do take advantage of that as much as you can.

So the other thing to just remind everybody is that today we'll have a series of presentations.  After each presentation, there will be an opportunity for questions, and then after -- as you will see, they're not all of equal length.  So depending how long the questions go, we will also have an opportunity to delve down into some of the deeper discussions like we had yesterday.

With that focus, hopefully we can avoid the sensation, as we discussed yesterday, of having the same conversation basically nine times because, as we discussed, the real issue here is that every single entity here is entitled to present on every single aspect of the consultation.

And so when we question -- you know, every time a LDC presents or every time a consumer group presents, they're commenting on the same things we were commenting on before.  So we are trying to keep from covering the same ground again and again and again, but recognizing every time we get new additive information, it builds on our collective understanding of the policy area that we're discussing.

So we are trying to get the best balance here between the openness of a consultation hearing and the structure that would be non-repetitive, if we were actually running a conference.  So we're trying to operate this hybrid and yesterday I think you all did an excellent job of helping us respect that.

So without any further ado, we have our first presentation this morning, which is responding to DERs.  It is going to be led by Dale Murdock of the ICF, but initially it is going to be introduced --


MR. JONES:  Matt Jones.

MR. MATHESON:  -- by Matt Jones from ICF.  So over to you, and then we will facilitate the questions once you are done. Thank you so much for joining us this morning.

MR. JONES: Thank you, John, and good morning, everybody.

So I am going to walk through our agenda for this presentation.  We have Dale Murdock with us today, who is an expert on distributed energy resources and has worked across a number of utilities in the United States to help with consultations similar to this one.

We have identified four areas that, based on those consultations, we feel are pertinent and important discussion points.  Dale will walk you through those four areas, and those are services, data information and valuation of DERs, as well as roles and responsibilities of all involved.

A bit about ICF.  ICF is in an advisory services firm. We're about 5,000 strong across North America, operating in industry verticals including energy, aviation, healthcare, amongst others.

Dale, as mentioned, has worked in the utility sector with a number of utilities, and has been in this business for about twenty years.

I am going to pass it over to him.
Responding to DERs, Mr. Murdock:


MR. MURDOCK:  Thanks, Matt. Thank you.  It is a pleasure to be here today.  I understand yesterday's session was very successful, so we hope to build upon that.

As John mentioned earlier, the second season is always the toughest season.  So I get the privilege of introducing our observations on development of DER and integration of DER that we've worked with utilities on, in the US in particular.

This is a wide scope consultation, and appropriately so.  I think, as we discovered yesterday and by evidence of the notes on the Board, the discussions are varied and the discussions can be deep.

This presentation, as Matt mentioned earlier, is some observations on our part of what we have come across in developing DER, integrating DER, looking at both regulatory policy, utility issues, ranging from detailed engineering all the way to community, stakeholder interests, and that is a broad slate.

So what we've done today is try to take a deeper dive in these four areas that Matt mentioned to give you some illustration of some benchmarking.  You might be able to use this benchmarking in some ways to stimulate questions and most importantly, I think, for us to share some lessons learned, not because they may be directly appropriate for Ontario, but they may inform your discussions here.

So with that, I would like to move on to an overarching focus that we've discovered is really important to keep our eyes on as we walk forward, and that is the focus on customers.

At the end of the day, that is what it is about, customer value, our customers deriving value in a real sense from integration of DERs as appropriate and applicable in Ontario.

And one of the best practices, and you will hear me talk about this throughout my presentation today, is one of the things we have learned -- and I repeat it over and over and over again with clients that I work with -- is when you start on this trail, what is really important and I found to be most productive is to gain a clear understanding of what you are trying to accomplish and importantly, why you are trying to accomplish it.

Develop that common lexicon, develop that understanding amongst a lot of different stakeholders that come from different points of view have different drivers, but fundamentally understanding and getting clarity on the what and the why before you even attempt the how.

So as I walk through this, I will try to focus on what is being accomplished, and why the utilities we have worked with have gone down that path, and trying to avoid falling into that granular hole of "how" too soon, because one of the things that I will end up talking about here at the end of the day is this is a path towards an end point that is going to move.  It will move.  As much as you think you know where it is now, it will be different.

And so the process becomes one of incremental steps that one can gauge and work towards an outcome, but fundamentally understanding what you are trying to accomplish and why you are trying to get there helps the conversations be productive over time.

So the goal of trying to integrate DER, ultimately, as I mentioned earlier, is to bring cost-effective value to customers, and enable customers to participate actively in the utility system and utility networks to a greater degree than they have in the past.  As we all know, customers have access to technologies and have access to systems that benefit them in many ways, and they gain value from that.

The big question becomes how does that become part of the utility network and how does that effectively and efficiently and reliability-wise get integrated into the utility distribution network.

So the contents of the slides that follow are really to try to look at focusing on questions around value from a system perspective, from a business use case, from developers and customers, and we wanted to be clear that the main intent of our consultation with OEB is to achieve cost-effective value for customers, so we will be focusing on that.

So I would like to start with a discussion of DER services, Box 1 of the material that we put up at the beginning of this, and interesting, I saw in the review of the slides from yesterday, this particular chart was utilized, and glad to see that, but this is a benchmark, as I think it was probably talked about yesterday, where what we're seeing in looking at the value category for DER is that the -- there's a recent review of this valuation in the cost-benefit methodologies being considered in the U.S. across different states.

We looked at cost-benefit categories, we looked at methodological choices, and trends in thinking about value.  In most cases there was a focus on terms of locational value and specific times and places.

For purposes of this consultation, we should note that the overall value depends substantially on which costs and benefits are monetized and in a study.  Of course, approaches to defining value categories and methodologies and methods for quantifying vary across various studies and affect the results.

The right choice of values to be included is partially a technical choice.  But we believe ultimately it is a policy choice.  That's why you can see that when it comes to the distribution system right now, as where we stand right now, there is basically consensus in saying DER can help the system avoid the need for distribution capacity where you have a constraint, be it an overload condition or in some cases even a reliability situation.

But many of the other categories on value have yet to be proven out successfully.  I think there are pockets of success, but in general what we're seeing DER being applied at a system level to is location -- so many locational problems and defining benefits in that sense.

There is far from a consensus that we have seen on how to appropriately value societal impacts, particularly in the form of carbon and local economic benefits.

There's some that are advocating for that and there is possibility that that could be there, but there is not yet any kind of clear agreement, I think, that -- on how that is done and how that incorporated value accrues to customers.

We think that there is some value in outage avoidance, there is some discussions taking place around the value of resiliency, but it is clear that there is still open debate on who the value is accruing to and who is paying for those benefits.

So the question in this consultation around services to value is one that other jurisdictions are struggling with, and there is no one clear best practice yet.  As I mentioned earlier, there is a trend towards looking at DER integration for solving problems on the network, just the non-wires alternative approach, if you will, and that is being played out right now in New York and California, and the path is starting to happen in Hawaii.

So we take a look, what I mentioned earlier, is this idea of what services can DER provide now and in the future.  It is an important dimension, this idea of timing.

The services that DER can provide and be remunerated for can and will evolve as the system capability evolves. And what this chart is illustrating is a lot of utilities are in this beginning phase of demonstrations, learning, trying to understand how to integrate and operationalize DER to fit specific needs and address specific problems.  And that is a big chunk of effort at the very start.

In some cases there has been conversations about getting to a much higher level of integration and ideas about attaining markets and transactive sort of products and services, but we can say that it is pretty much a given if you start the process at the beginning here, as this chart illustrates, you will spend a lot of time, and what we believe is you will find a lot of benefit is achieved in this first section of just demonstration of learning, because that becomes a stepping stone and a lever to get to these higher levels of more complex integration.

So when we look at this, big incremental potential benefit, as I said, comes from avoided distribution costs, and some of that right now, as of now, and that lines up with what we saw in the studies with DOE, as well as what we see out there in the marketplace and what utility customers are doing.

And that value right now is based pretty much on long run avoided costs.  As I mentioned a moment ago, there is some thinking that the best way to realize the value accurately is through non-wires right now, and when I say best way and accurately, I think some of the tariff mechanisms that are being talked about are trying to incorporate that same concept, but it is just not totally clear that you can get to that through a tariff mechanism, which traditionally has been more of a broader base.

So we're seeing efforts to understand locational value, but it is not clear yet how that locational value can efficiently and effectively be put into a tariff structure.

There is obviously other opportunities to look at, targeted program development, be it a demand response type of program or other kinds of programs that can be put together that incorporate DERs that can apply locational value through that program effort.

So in terms of the -- what's that?  No...

Here it is, sorry, my mistake, I got too eager to get forward.

Okay.  So over the longer-term there is increments of value that can be realized based on short line costs, voltage reactive, power management, relieving distribution constraints, and it looks like and should be noted through realizing these benefits depends on having certain system capabilities, and so this chart simply talk about some of the things that have been looked for required grid modernization investments.

If we go back to the previous slide, the big block of demonstration, that also includes evaluating what has to change in a system that was designed for, as we all know, so unidirectional flow.  As we introduce DERs, flow patterns change, that has substantial impact on the technology and engineering associated with distribution system.

So when you look at that and you look at the diminishing return curve, which was illustrated on a previous slide, the net benefits of the increments may diminish over time.  That is all we're talking about here, is that what utilities are finding as they look at this, they can gain substantial ground in the beginning, which includes investments in the systems, and those costs have to be weighed against the benefits also.

And so the bottom line is that OEB has suggested an important idea, which is, think about how to value DER to the distribution system may evolve over time, which is really the key issue.

So the slide we showed earlier -- and I think some of the discussion that took place here yesterday was, what are the right things to do and the right order and sequence to gain the greatest benefits and gain the greatest learnings over time.

How many distributors facilitate DERs?  So in this particular one traditionally utility distribution planning is focused on meeting peak demand safely and reliably, considering unidirectional flows, as I mentioned earlier, but this has to change.

Many of our utility clients have taken the approach that says, we want to add DERs into our distribution planning tool box.  Right now distribution planners have a set of tools that they have traditionally used over the years, and these new tools -- which are represented by the ability to apply DER to the system and solve a system problem or a distribution system need -- is a new thing to them.

So they need to gain confidence and understand how to apply and identify locations where DER can have benefit and then how to appropriately acquire and integrate that DER.

For DERs to provide value to the system they have to be interconnected and they have to be integrated, brought into the system as part of the whole planning strategy which I just mentioned.  That also accounts for the timing and the locational characteristics.

The new paradigm will necessitate new load and DER forecast practices, incorporating the growth of DER, the actual as well as the forecasted growth.

Improved interconnection standards; how do you do that more efficiently and effectively, and the processes associated with interacting with stakeholders and developers that are trying to do the interconnections.

DERs tend to be smaller scale, thus need to be faster paced.  An example is an EV charging developer is not looking for the same kind of timing and pacing in an interconnection process as would be a large power plant developer that is trying to interconnect with a system.

The data has to be presented to other stakeholders. This has to do with interconnection information in an easily accessible and understandable format.  We have seen a lot of utilities utilize web portals and other mechanisms to get information that is useable out to developers that they can utilize effectively to find their own way, in some cases, and ask more effective and efficient questions when they do sit down to talk to the utility about interconnection and development.

A couple of other points that I wanted to make on this front is that sometimes the value to the customer is delivered to the distribution system may not be enough to sustain economic investment in DER.

It is just not, on its own, enough.  What we can relieve in terms of the distribution system alone may not be adequate to cover the economics, the real economics in the near term of utilizing DER.

So many utilities are looking at how do we generate additional value streams.  Many developers are looking for ways to find additional revenue and value streams with DER participation in, for example, wholesale markets.  This then raises the question and the added complexity of how does a DER participate in local distribution market, serving a local customer reliability or system load relief need, as well as then participate in a wholesale market to make the economics work out.

I believe some of that conversation came up yesterday.  And so bottom line is DER participation in the wholesale markets is going to be highly contingent upon and rely on changes in rules and regulations not only in the wholesale market, but also in coordination with how the distribution company operates and the rules associated with that distribution company, as well as the contracts or any other relationship that is put in place with the DER supplier, whether that be an aggregator, or whether that be a direct supplier to the distribution company for load relief or reliability.

Data and information; this is a key one.  We found this in almost every utility engagement we have been involved with so far, and the first thing that gets brought up is we need information.  And one of the things that we found is that on the first sub-topic in this area under data and information sharing, an example shown here on this slide is how the data request starts off with a very broad net.

And the net is cast and the question is:  What do you really need to get.

And the learning that we found in New York experience was that many developers and people that are looking for specifics on utility information, where to interconnect, how to interconnect, what are the details, are not quite sure exactly what to ask for, so they ask for a very broad base of things -- which is fair; it is not unreasonable.

But what we did learn there was -- and this goes back to what I mentioned earlier -- in conversations with stakeholders, the New York utilities learned and the stakeholders involved learned to focus in on business use.

Let the business case be the drivers for asking about the type of information that is needed.  Once they try to accomplish, I want to build a charger and why they want to do it, because I have an opportunity here to do da, da, da.

Having that conversation zero-in and have a focussed discussion, not on the how, but better to understand the what and the why greatly accelerated the understanding of the data needs that developers needed and, more importantly, gave the utilities the opportunity to say, oh, we've got that.  Have you looked at our utility portal over here.

And in probably nine out of ten cases, folks didn't know it existed. And so stakeholders were extremely happy to say, oh, that's great, I didn't know that.

So going back to what I started to talk about at the very beginning was having these conversations and getting better understanding of what's trying to be accomplished and why leads one to, in the process of how I got you that information, having a better lexicon and common understanding.

These discussions can happen one on one; they can happen in larger forums.  But what we found was getting one or two stakeholders to really articulate what they're after was way more productive, in terms of getting an understanding from the utility perspective and informing us stakeholders about what was available.

One-size-fits-all, in terms of trying to understand how to develop and provide system information, is a difficult task.  So by working and spending time to understand individual stakeholder needs and having that discussion with them greatly facilitated the time and expense that was potentially going to be expended for the utilities to provide that information.

And so we would recommend that as this consultation delves further into this issue, that everyone think about how to move to the level of specific business use case.  If we could start talking about specifics, and you are going to get there eventually, we can assure you that the efficiency of the process of that discussion will increase dramatically and what the utilities can look to provide can understand better what it is going to cost them to do that and the time frame within which to do that.

In some cases, by having that discussion, one can start to define clearer what do you need right now versus what would be great to have, and have a path towards providing that when the time is right and he it makes sense to do so.

So it is not a matter of not doing.  It is a matter of creating that path to get there.

The other example of system information is having to talk about the utility monitoring control requirements.  Inevitably, when we start talking about DERs and integrating DERs, we get into this discussion about how much control does a utility have to have.  It is not a matter of necessarily gate-keeping, but it’s a matter of how do I integrate a DER in a way that allows me to continue as a UDC, as an LDC, to fulfil my primary purpose, which is reliable and efficient operation -- a safe, efficient operation of the distribution system.

So the other side of the coin, as opposed to the system data that I talked about a few minutes ago, is that extensive discussions in New York among developers, regulators and utilities around the need for monitoring control of DER and how to provide safe and reliable service has been a lengthy one.

We don't need to get into a close assessment of these individual parameters that are illustrated here.  But in New York, it was clear that the utilities clearly providing to developers why information was needed from the utility's perspective.  Why do I need to have this capability to see what you're doing, and why do I need this control capability was really important.

Developers needed to understand that, because from the developer's perspective, control and monitoring just adds costs.  And from where they're coming from, that doesn't do them any good.  But from the utility's perspective, they need to be able to successfully integrate that DER to allow the thing to operate the way it is intended, and to ultimately allow the developer to achieve their business case and business model.

So again, the conversation back and forth between the utilities is starting to flesh-out better ways to get the control and the monitoring and the line of vision to the DER that without understanding -- having that conversation and understanding between the parties, we never got it wrong.  It would have been, you know, it costs too much, I don't want to do it, I need to have it.  So a standoff is not a good way to go.

So a lesson learned there again.  Have these conversations and start towards a common outcome, because from the utility's perspective, if I can get what I need from what I need from a monitoring and control standpoint at a lower cost, I would be all for it, and so would be the developer.  You can't get there unless you start to have those kinds of conversations.

So the time to think about this why and what is now. Even if you don't have your standards in place for smart inverters, a common discussion that takes place, start to initiate these conversations now.  Start to think about your business cases and the what and the whys about future adoption.

One of the pitfalls that we have seen is, there's not enough adoption.  Why are we worrying about this?  When you start to notice it is generally too late, okay?  So one of the lessons learned is, it is not too soon to start having the discussions, as we went back to the curve earlier.  Start the discussions with a line of sight.  We don't have to achieve everything at once.  Let's start to make incremental progress towards that time when you do have high penetration, when you do start to get pockets of DER which, in effect, need better control, need better monitoring and ultimately better outcomes for both the developer that has the DER as well as the utility that is trying to operate the system.

So a method that's been used is, without getting into the actual detailed end-use rules, there is a process to set up some guidelines, or guide rails, some bumpers, if you will, so you're working down this road, and as soon as you start to hit one of the bumpers you can start moving forward, because you're going to get into a situation where you have to start to implement or solve that next problem.

That doesn't mean you don't start down the road.  It means you start to set up, what are the guide rails?  Where does it become an issue for us?  And get that agreement with people.

And as we talked earlier, one of the big values and problems with DER, they're dispersed and they're all over the place, and so you don't have a universal set of problems, you could have a locational problem.

So these guard rails -- the set-up of guard rails is critical, so when you start to have a locational issue you could recognize it and you can start to take action with respect to increasing controllability, increasing visibility, and ultimately reliability and safety.

Okay.  Protocol standardization.  I mentioned this earlier.  But this is one of these things where having conversations -- California in particular is looking at standardizing the data communications of transmittals and transmission.  This is really an important issue.  A single standard for all inverter manufacturers to adhere to.  It helps manufacturers develop the products that can be deployed.  It is advantageous for utilities, because they can -- don't have to worry about integrating all kinds of different types of protocols that wreak havoc with existing IT and SCADA systems, and it is advantageous for the inverter manufacturers, because that helps them lay a path for expensive -- to avoid expensive extra monitoring control equipment and ensures interoperability.

So we can sort of get away from proprietary stuff and have an open architecture that is a whole different area of technology discussion, but interoperability and advance function support is really critical.  There is work going on in the U.S. right now around this issue, and I would fully advocate when the time is right similar discussions would be useful here, and it will help greatly in terms of further down the road when you are trying to integrate DER to have this standardization in place.

Valuation of DER.  This is a hot topic.  And I think I mentioned earlier the one area where DER valuation has proven out or at least appears to be proving out is in this application of non-wires, the ability to deploy DER to serve a non-wires alternative.

And so when we look at planning the concept of suitability criteria, the question is, well, what is the right place to put -- or to utilize or think about DER in a non-wires application.

So this idea of suitability was developed, and it leads from the actual long-term distribution planning effort that most distribution companies go through.  They develop some form of distribution investment road map.  Out of that road map traditionally that would come there, capital investment plans, expansion plans.

And what utilities are starting to do now, they're dealing with this, is develop a set of criteria that says, oh, if I have an opportunity that a system need, a distribution system need, indicates to me there is an overload situation or a liability situation and they need it within a given time frame or time dimension, they develop a criteria to apply to their distribution investment map that then allows them to start to evaluate, oh, this may be a location where I could utilize a distributed energy resource instead of a traditional investment.

Many utilities are not saying, instead of, forever.  Most utilities are currently looking at, can I defer?  Can I defer having to expand a substation?  Can I defer having to add a capacitor bank?

And it also, with the criteria, also helps to have -- to inform the development community or other stakeholders about what's appropriate and what's not necessarily a solution for non-wires.

Some utilities are looking at things like, if a wire is worn out and needs to be replaced, that's not necessarily a non-wires solution.  There may be other criteria that is applied, but the utilities developing these criteria to make it clear around the conversation within the industry and participants as to where these opportunities might exist and how they're going about looking at these opportunities to provide opportunities for non-wires development.

There could be different sourcing strategies also.  Many utilities started with competitive solicitation for non-wires on identified locations, again going back to that earlier chart, where they're not quite demonstrations or actually full commercial implementation, but they were a process to learn, because just in going out and soliciting, that is a new area for many utilities, and learning how to do that in an efficient and effective way has been a big effort in many cases, and the number of utilities can talk about their experiences and what they have learned because of the effort.

There is other opportunities to capture DER and apply it to locational issues through programs and, as I mentioned earlier, potentially tariffs.

The program implementation effort right now is one that is being looked at in several utility -- with several utility clients because, can it can either be an extension of existing utility program or it can be a targeted new program that allows the utility to set locational benefits and locational values to seek customer participation through, say, demand response or energy efficiency or some combination of those kinds of efforts.

I would like to end up with just a very quick -- I am cognizant of the time -- a quick observation on the roles.

I have talked about here -- I mentioned here that none of this effort moves forward without active participation of the regulator, of the utility transmission owners, the utility distribution systems, and the DER aggregators and providers.

And I think the effort becomes policy framework and guidance is critical.  A steady environment with -- in which participants develop these strategies, I think it was mentioned earlier, I believe it was talked a lot about yesterday, and tactics to move towards policy objectives.  You don't have to solve everything at once, but that policy framework and guidance is critical for all parties to have the conversations that are necessary and define that path by which they walk down.

The utility transmission owners and IESOs, if those are the market structures that you're working within, and developers within that environment, they have to develop processes and procedures and market mechanisms that work together.

In some of the markets we're working with utilities that the interaction between what an IESO needs and wants and what a utility needs and wants and ultimately what a customer needs and wants creates some very interesting problems, so you have got to get all of the participants talking soon, because you may not be looking at wholesale market participation initially, but it will happen.

And in most cases we've seen the commercial aspects of development and deployment of DERs will put pressure on the organizations that facilitate these markets faster than they can think about how to do it.

And so a lesson learned is to begin the conversations, again focusing on what you are trying to accomplish and why you are trying to do it before you get into the nitty-gritty of how the market operations should work.  And those kinds of discussions should happen sooner than later.

So just a couple of final thoughts.  And we utilize a framework that I think has probably been seen by many, but it is one that I think has held up.  This was actually put together numbers of years ago, but it is a walk-jog-run framework, and I talked about this throughout my discussion here today.  Don't try to bite off too much too fast, but also have a plan to look at where you are trying to go and why you are trying to get there.

This little chart simply talks about what you need to be looking at, in terms of distribution system capability versus distribution or DER adoption levels, and the steps in that process.

I mentioned early on you've got some good modernization work that has to be done in many cases simply to integrate and be able to integrate DER and be able to put in place the mechanisms for communications and control ultimately.

Secondarily, you've got the DER and integration itself developing the processes by which you actually put these resources on the system, how you identify opportunities for developers, how the interconnection works and ultimately, the ability to use DER to defer T&D, D and sometimes D transmission.

Ultimately, way down the line, there may be opportunities for some participation in direction markets, although we show it grayed-out here, because it is sort of aspirational and until you get through the first stages, it really can be fun to talk about, but it may not be productive to talk about.

It doesn't mean it is not something that can be, like I said, aspirational or a goal.  However, it shouldn't drive the effort.  There's some good evidence in the record of what the near term business is and what needs to be done to start to integrate DERs and have them ultimately deliver value to customers.

So I am going to stop there, and we can have questions.
Questions and Discussion:


MR. MATHESON:  Thank you very much for your presentation.  The floor is now open for questions.  As yesterday, the folks who have a microphone can simply use the microphone at their table.  For folks who don't, there is one on either side. I will try to make sure that the folks that have them don't get all of the airtime.

So if any of you at the back are feel verbally disenfranchised, don’t.  Just wave at me furiously, and I will make sure you get a chance to say whatever it is you need to say.

I think there was also a question on slido, a specific one relating to one of the slides.

MS. HUSHION:  Actually, if we could do two questions at once, since they're both from Marion Fraser.  The first is are you particularly excluding co-generation, and that is with respect to your second table.

Are you particularly excluding co-generation?  So that is one question.  If I could just -- the second table.

MR. MURDOCK:  Second table.  Table one and table two.

MS. HUSHION:  It is a question about co-generation.  Maybe while we are searching for that, we can ask the second question, which is what are the differences between transmission connected DER and distribution-connected DER.

MR. MURDOCK:  Well, differences in terms of technology or how they're treated?  I am not sure, so I will just sort of go with it.

In general transmission, where I have seen transmission-based or interconnected DER, this generally tends to be in the form of batteries and solar and wind farms.  Those are large scale, although they're renewable generation, they are - I don't know if you consider them distributor resources.

However, they tend to be operated relative to an IESO protocol, and I think what we have seen so far is that in some respects, it is actually cleaner.

I am not sure that at the transmission level, I am trying to think through -- most of what we see happening at transmission level interconnections are either, one, tied into the transmission system for production or capacity in the form of batteries or, like I said, renewable generation plant of varying size.

Or secondarily, they tend to be tied-in in front of a large customer, a large industrial customer that that transmission interconnect provides effectively a standby resource at that customer base, even though it is connected to the transmission system in front of the customer's facility.

I am not sure if that answers the question or not, because it is not quite clear will it is a market question or whether it’s a commercial development question.

MR. MATHESON:  Perhaps if there is a further follow up from that, we can consider that at the time.  Other questions?  Jay?

MR. SHEPHERD:  So on slide 19, you talk about stage 1, stage 2, and stage 3 of walk-jog-run.

As a ratepayer representative, I read stage 1 as spend a lot of customer money with no immediate benefit.  And I would assume that most ratepayer groups in other jurisdictions would resist that, and I wonder how that's being dealt with in other places.

MR. MURDOCK:  Well, I would suggest that in many forums, there's grid modernization efforts that tend to almost be separate and distinct from the issue of integrating DERs.

What we're trying to illustrate here is that in many jurisdictions, utilities have, for greater information capability and longer term reduction, revenue requirement reduction, have made an argument, separate and distinct, not because of DERs, but because to move grid reliability forward, we need to make these investments.

What we are trying to talk about here is there are efforts right now -- those efforts aren't necessarily strictly tied to DER, but they're related.

So if you start to make these grid modernization improvements, keep in mind the integration requirements, not to increase costs, but to maybe leverage.  In some cases, I’ve been working with utilities that say, well, we can't make the business case here strictly on improved granularity and data and system visibility, okay.  But the same infrastructure for communications, say on a WAN or a fan, allows data communication for, say, a grid call DER.

So you can start to get better value for the underlying investment and leverage that investment.

There is a lot of sensitivity to the issue of how much money is spent on aging infrastructure, how much advanced capability do you want to employ and for what end?

And so simply to introduce it to support DER, I am not sure I have ever seen anything that says uniquely this is the only reason we are doing this.  It is generally tied to other requirements that are separate and distinct from DER integration.

MR. SHEPHERD:  But you're saying DER is used as one of the additional benefits that makes a failing business case a successful business case.

MR. MURDOCK:  No.  What I'm saying is that if DER integration brings value ultimately to customers for other reasons and can be supported by that investment, then it does have some additional value you can attribute, because you can bring this value.

If you don't have this capability on the system, the DER then can't participate and you can't capture the value.

I mean, that is the difference, it’s -- I think.  I am trying to separate the drivers here.  It doesn't make a bad business case better.

I think it makes -- it is something to consider in terms of the business case, but I am not saying it pushes it over the top.  It might.  I mean, it could be the thing, if you can show how the DER creates value.  But it is not because we can get DER; it is what the DER brings to the table, what does it actually achieve.

MR. SHEPHERD:  Where I am going with it is, has anybody looked at the possibility of splitting up the cost responsibility between the distribution ratepayers for the benefit they're getting from the modernization, and the future DER users for the benefit they will get?

MR. MURDOCK:  Yeah, I'm not sure.  I understand what you are saying.  I am not personally aware of that discussion, although I can't imagine that it hasn't been talked about in some respect, okay.

But cost causation and cost allocation is a continuous discussion that is going on in these forums all the time.

And I have been working more in the stuff I was talking about as opposed to how the utilities are structuring these different programs, particularly with AMI.  I have done some work in AMI world, and one of the biggest issues there was trying to -- same issue.

How do I justify this, what are all of the things I can wring out of the system that ultimately delivers cost reduction or value to customers.

And it gets to a question that I think that came up yesterday: who is the ultimate customer here?  And depending how you define it, I am looking at end-use customers who are ultimately paying the bill for all of this.  That is really what it boils down to.

MR. MATHESON:  I have a speakers list here, and if you can please give us your name first and your organization for the record.


MR. LUSNEY:  So Travis Lusney with Power Advisory.  So one comment and then one question.


I think your slide 13 is really great, especially the third bullet point on the right column for Ontario, given the ongoing discussion on transfer trip requirements for distributed energy resources and your comment, you know, advanced inverter functionality provides cost savings both for the customer and for the system in the long run.


The question is on slide 15.  We talked yesterday about flexibility, scalability to the uncertain future, and talking about portfolio analysis.


Just wondering why applying a non-wires suitability criteria, why it would only be applied to non-wires when addressing a power system need, why you would not look at all solutions and look and try and adjust your planning process to say, is the solution being put forward, whether traditional or non-wires, address that power system need, and then picking the right portfolio to be scalable to the future.


MR. MURDOCK:  I think the -- I think people are working towards that.


What they would like to see ultimately -- again, aspirationally was, we want to have DERs be no different than capacitor banks and adding a transformer, all of that stuff, just like to have it in there and say, I can do this, this, and this.


Then you look at that in total against, can I achieve what I need to do here, locationally or on a system basis, a different way, and what is the most economic way to do that?  People want to get there.  I have some clients that are asking that very same question right now.


They don't know how yet, but the key is, what are they trying to get at.  I am trying to look at the overall best lowest cost, highest value, and I want to achieve it with the most effective means to do it, and they're trying to build that portfolio model.


They're not there yet.  But they have that aspiration, and they know why they're trying to accomplish it.  So...


MR. MATHESON:  You have to press the button.


MR. LASZLO:  Thanks, John.  Richard Laszlo with Quest Ontario CHP Consortium.


I should follow up on Marion's lead-in to co-generation, and specifically there are going to be a couple of things.


One, with respect to PURPA -- and you mentioned your experience in the U.S., and I note that utilities there have to purchase electricity from small renewables or co-gen at their avoided cost of electricity and whether or not that may be -- you know, provides a bit of a model here.


Then the second one, some work out of the U.S. DOE around flexible CHP systems.  I don't know if you are familiar with that work.  Okay.


MR. MURDOCK:  No, I'm not.


MR. LASZLO:  But in any event, on the PURPA, and if you had any views on that.


MR. MURDOCK:  I can talk more broadly about it.


In many cases there is, again -- as we said early on, a lot of drivers, particularly in the U.S. markets right now are policy drivers, and that may not be applicable here, okay?


There is a lot of policy drivers about greenhouse gas reduction, there is a lot of policy drivers about RPS, renewal portfolio standards, that are driving what types of resources are being pursued, if you will, under these DER integration efforts that are happening.


There's a concept of loading order -- I don't know if that is a term that anybody here has heard, but some utilities and regulatory entities are looking at, we have a stack of preferred resources that we want to get to first.


So if we can find resources that have these characteristics, we can -- we want to pursue those first, and they've looked at the technologies and the types of resources that go into that stack.


So how combined heat and power here would stack or be related to the efforts of adoption here I am not sure, but I know that in many of the areas I have worked that preferred resource stack sort of drives it, and that is a policy-driven thing.


It's not -- it doesn't dictate a specific technology for a specific situation, but it does say, overall, we want to achieve RPS, we want to reduce greenhouse gas, and et cetera.


So those are the things that are being looked at.  It doesn't exclude combined heat and power.  I mean, there is people still building combined heat and power that are bringing small gas generators into play.  But they may not be in the same categories or in the loading order in some jurisdictions that I have come across.


That is about as much as I can speak to that on this issue.  I hope that helped a little bit.


MR. MATHESON:  Great.


MS. SIMMONS:  Hi, my name is Sarah Simmons with Power Advisory for the Canadian Solar Industry Association.  I just wanted to pick up on your comment with respect to data and the importance of sharing data and information.


I just want to note that some of the customer groups and LDCs yesterday spoke to some of the sensitivity of sharing that data, and I am wondering what some of the current conversations in other jurisdictions might be with respect to kind of protecting, you know, customers' sensitive information versus, you know, the ability to share that information so that we can, you know, make good investment decisions and -- yeah, so thanks.


MR. MURDOCK:  Sure.  As one can well understand, there's a bit of tension there, and in many cases I find the utilities are sort of stuck in the middle, because they have the information, but they have standards that their regulatory entities or commissions have told them for privacy purposes you need to meet these criteria.  You can aggregate customers so that you can't get readily identifiable customers, so there is efforts in California, New York, and other jurisdictions that have put together specific criteria on what information can be shared and how much of it can be shared.


Most of it circulates around from the customer's perspective.  Most of it circulates around, no customer-specific information, aggregated information under certain levels of standards has to have a minimum of this number of customers and that sort of thing.  The utilities are -- have been supplying that information.


What I have heard through the stakeholder sessions is that many developers, as one could well imagine, would love more specific information, because they're looking to site a charger, they're looking for demographic information on customers.  There's been efforts in New York and I think there is efforts other wheres (sic) to try to build more broader-based databases that are accessible, that people can get into and query, but still it is the problem of defending or providing customer privacy at that, whatever the level is, and that is not necessarily always compatible with as much information as the developer would love to have, okay?


So people are struggling with that, trying to figure out.  But in general there is a lot of information out there.  And in most cases utilities will provide customer-specific information if the developer brings to them, you know, an authorization from the customer.  They're happy to provide it.


But of course developers don't.  They can't.  I mean, it is a very expensive proposition to run around to get permission from people.  So it is a constant trade-off.  It is being worked through.


I mean, there's -- it is an issue, information is critical, so...


MR. MATHESON:  So I have an online question, then I will get to you two over here.


MS. HUSHION:  Stakeholders have suggested that better coordination is required with other DER initiatives.  Do you have any recommendations on the best way to integrate the IESO activities into the OEB process?


MR. MURDOCK:  Well, I think just recognizing, as I mentioned earlier, that they are inextricably linked, and I don't have any specific recommendations other than kind of what I said earlier, is recognize that there is a crossover point there and the two organizations effectively need to provide guidance to the community and ultimately to customers on where you are trying to go and why are you trying to get there.  And again, not try to solve everything in one bite, but gain a shared path.


We're seeing that in some environments right now where there is a recognition that in order to have, say, at the distribution level aggregators putting together resources, behind-the-meter resources that can be aggregated and be responsive to an IESO's demand response program or a resource adequacy program.  They have to work together to understand how to do that so that the utility has visibility at the distribution level and that the IESO has visibility and performance at the wholesale market level.


So begin the discussions.  Talk and recognize that you can't work in separate silos -- that is probably the only thing I could say -- and begin those discussions sooner than later.


MR. MATHESON:  Okay.  We will come back online in a second.  But first over here.


MS. GRIFFITHS:  Hi, thank you, Sarah Griffiths with Enel X.  First off, I just want to echo Travis's comment about slide 13 and the advance inverter functionality.  That is a very hot topic that drives a lot of conversations right now in Ontario.


But my question actually is on slide -- goes to slide 8, but that is where it outlines the grid modernization investments.


The question to ICF, but also to the LDCs in the room:  Where are the majority of LDCs or utilities at with acquiring these investments, grid modernization investments, and where are the -- or what stage are LDCs in Ontario at.

Are these in your plans -- and I apologize for not going through each of the plans that I am sure are readily available with the rate cases and such.  But where are you at with moving forward down this list?

MR. MURDOCK:  Okay.  I think there’s a question to two parties.  So I will jump in and answer.

MR. MATHESON:  I am not sure that we can, in the time we have, actually do justice to the robustness of asking all the LDCs in the room.  But it is a really good question.  I wonder if what we can do is turn that into a slido question, because people in the room can use slido, too.

On the ideas page, you could start to populate the answers to that, if you are minded to.  And then we could try to accumulate that up and give it the proper answer that it deserves, because it is a good question.

But perhaps you could manage the first part of it.

MR. MURDOCK:  Yes.  I can mention what we're seeing is in many, but not all jurisdictions, advanced metering has been well deployed in the US in a lot of jurisdictions and in some jurisdictions, not.

It is just -- they're seeing it just doesn't look like it is something they need to do.  But the advanced metering facilitates greater granularity and other products and services.  So some utilities have made that.

The communications infrastructure that can get piggy-backed onto or support AMI, and that use case is being utilized and developed to allow broader-based communication control, faster data transfer and information.

There are many distributed energy resource management system ideas out there.  Everybody’s got one, nobody is sure what they all do.  And there is a lot of different opinions on where that is at.

There’s some utilities that are implementing or testing these technologies right now.  But again, I think that -- and this is my own personal observation more than necessarily the facts, but I think what we've got there is we recognize a need to be able to manage and control these distributed resources at some point, in some time, for some reasons.  But the actual mechanisms and how to do it are kind of getting in front of understanding what you are trying to accomplish.

Those are probably the mane things I see.

MR. MATHESON:  At the break, we can talk about how to get the answer to your other question, which I do think is cool and we will figure out how to do that.

We’ll go back online, and then I’ve got you next.

MS. HUSHION:  Utilities have a disincentive to implement DER because they only earn a return building pipes and wires.  Do you have any suggestions on how to incentivize utilities to pursue DER solutions where they are the more cost-effective?

MR. MURDOCK:  Sure.  I can answer that quickly.  Look in New York.  New York has a incentive program built in for utilities to incorporate and integrate DERs.

There are other utility jurisdictions that are doing the same.  But what it boils down to at the higher level is the relationship between the regulators that are in charge of ratemaking and recovery, the stakeholder groups that are trying to integrate and incorporate DERs, and the utilities which are starting to do that and having a way to do that and recognize these compensation issues.

MR. MATHESON:  Okay.

MS. VISWANATHAN:  This is Samira Viswanathan from Power Consumer.  Three sides, just more clarification.

On slide 6, the studies.  Are those desktop studies or simulation, or pilots, or what is the kind of -- when you say that, I am just curious what those are.

I haven't read the report, so apologies.

MR. MURDOCK:  Yes, I think these are research studies that were done primarily supported by DOE work that we did. I believe that is the case.

MS. VISWANATHAN:  But they're not pilot projects that are actually informing with data necessarily?

MR. MURDOCK:  No.

MS. VISWANATHAN:  I'm not suggesting that they’re -- just a question.

MR. MURDOCK:  No.  I think their studies are not pilots necessarily that I am aware of.  There may be some sprinkled in there, but these are mainly, you know, like studies.

MS. VISWANATHAN:  And then on slide 8, are you talking about -- for net benefits, are you talking about distribution grid only, or do you go up into transmission and -- where I am going with this is like I also want to know if you have seen much about impacts of climate change on the grid, and how distributed energy resources might help with that.

MR. MURDOCK:  Yes.  Again, in most cases -- in most cases the value that's being attributed to DER has been primarily focussed at the location where it is being applied, and that is the primary driver.

In some jurisdictions, there's an allowance for and a benefit derived for greenhouse gas reduction, for example.

In the benefit to cost handbook work in New York, there's a benefit that is allocated to types of resources that reduce greenhouse gasses, okay, within DERs. But it isn't necessarily an IESO issue.

The other driver is RPS standards.  You get some benefit from that, because they have to get to an RPS.

MS. VISWANATHAN:  I am thinking more of like severe weather effects on the grid.  Have you seen much of that?

MR. MURDOCK:  Severe weather effects in terms of the liability of resiliency?

MS. VISWANATHAN:  Yes.  So you’re an embedded distributor, but your transmission is going down all the time.

MR. MURDOCK:  Huge discussion on resiliency.  Hawaii has a whole group working on that right now, because it is very important to them because they do have those kinds of issues that happen.

So it is being discussed.  The value of resiliency that results from DER; I am not aware of anybody that has that quantified yet in terms of benefits.  I know it is being talked about, particularly microgrids.  Microgrids is the manifestation of localized resiliency.

MR. MATHESON:  Okay.  I have two more questions.

UNIDENTIFIED MALE SPEAKER:  Hi, I am Stephen (inaudible) from Hydro One.

Some of the benefits I heard you talking about, providing capacity, et cetera, are more on sort of the supply side.

Here in Ontario, the responsibility for ensuring adequacy of supply falls with the IESO, and not with the distributor.

And if that all falls within one entity, you could see how you could stack the potential benefits of a DER and value them accordingly, whereas here because of that split between two organizations, it adds a bit of a complexity.

Two elements to my question.  One is what jurisdictions in the United States are you aware of where that split exists in responsibility that we mate might be able to look to as an example?

And if there are no such examples, what are your thoughts on the way you might be able to approach the complexity of the fact that supply is -- like it is essentially a pass-through for a utility here in Ontario?

MR. MURDOCK:  Okay.  Let me see if I can think of some examples.

In California and New York specifically, you know, the IESO has that same responsibility.  Their adequacy of supply is there.

The utilities, through RA and capacity tagging, have to make sure that they have resources and they're paying for those resources, they have identified those resources that go into that wholesale market pool.

The challenge becomes, how do you -- what do I want to say -- account for deployed DER, which is effectively in many cases behind-the-meter load modified.

So the conversations that are taking place right now is how do we account for load modification, which is effectively supply, it is just negative supply.  It is less use.  Many DER applications, as I said, are just that; they become load modifications.

So the IESO is extremely interested in what that looks like in particular areas that have high penetration of rooftop solar.  Not grid-based connected or utility scale, but rooftop, which isn't seen any effects of weather on that.

So when the clouds come through New England and all of a sudden IESO New England sees a huge load increase, because, you know, behind-the-meter loads jumped up, they care about that.

So what they're trying to do is talk about how do we not only understand what is out there and where it is, but how do we work on ways to forecast that.  That is just an example, but I think the issue becomes it's going to happen on the distribution network.

It is happening.  It is going to happen.  How do you coordinate that and get the responsibility which really has to do more with being aware of what's there and then how do we plan and orchestrate what it is doing to forecast and operations.

MR. MATHESON:  We are getting very short on time.  I have two last questions.  If we can try and keep both the questions and answers fairly tight, that would be great.  Vince?

MR. BRESCIA:  Hi, Vince Brescia of the Ontario Energy Association.  My questions, I think, segue into what you were just discussing.

I wondered if you noticed, in the jurisdictions you have been working in, a difference -- on your slide 12, you referred to utility monitoring and control requirements.

I just wondered if there is a real variance in the discussion between behind-the-meter and other DERs and perhaps a perspective amongst proponents.  Like why should you ask any other questions from me than you do any other load, and a resistance to information that might be valued to the distribution system operator.  Is that a tension point in other jurisdictions?

MR. MURDOCK:  It is a tension point when it comes to cost.  Okay?  Because that is really what the big conversational issue is.

And so I haven't heard anybody that is against providing the information.  What they want to do is provide information or have information visibility be at the right cost.

Secondarily, there is a growing effort and interest across virtually every jurisdiction we work with for aggregation and commercialization of behind-the-meter.  Behind-the-meter starts to become a resource, and there's aggregators that are trying to build that business.  That information has to be available through whatever system.

So I go back to my comments about inverter standardization, whether it is the utility looking at it or whether it's an intermediary through an aggregator that's controlling it and modifying it and monitoring it, and ultimately it's going to bill and settle on it the information that needs to be available and should be available to system operators as well as the commercial entities that are aggregating.  I don't know if that answers your question.  But it is definitely being talked about.  I haven't seen a whole lot of resistance to it other than the cost issue.

MR. MATHESON:  And the last question goes to...

MR. LADANYI:  Tom Ladanyi, Energy Probe.  About ten years ago everyone was talking about smart grid, and we were supposed to have the smart grid once smart meters were installed throughout the province.  They have now been installed, and some of them work well, some of them don't.  So we now have a smart grid.

Then we're talking about grid modernization, so we're going to get smarter than the previous smart grid.  Something was going to be done.

Then finally Google is talking about installing in downtown Toronto something called advanced power grid.  So can you explain to me what are the differences between these three terms and what exactly are you even talking about grid modernization?  Isn't our grid modern enough already?

MR. MURDOCK:  I will make it quick.

Again, what I have heard -- and the whole idea of a smarter grid is utilize deployed instruments, deployed information, or deployed sensors on the system to create greater visibility on what is going on out there, both the transmission level and primarily at the distribution level, to increase reliability and to manage the system.

That discussion was well in advance of any excessive or -- excessive -- any appreciable penetration of DER.

Introduction of DER has introduced bidirectional flow, which most distribution systems were never developed to handle.  So on top of smarter grid, which is deploy instruments to see what is going on, grid modernization means in some cases as simple as, I need to better segment lines, I need to have better visibility in a VVR, VVAR or Volt -VAR optimization.  That becomes more of an operational issue in terms of being able to segment, control the grid.

In terms of the -- what was the last part of your -- smart grid, and what was the other one?  I don't --


MR. LADANYI:  Oh, that new term that has come around is the advanced power grid.  So what exactly is the advanced power grid?  I'm trying to find out.  Google is talking about spending $500 million on advanced power grid.

MR. MURDOCK:  I can't speak to Google.  I don't know what they're talking about.

MR. MATHESON:  Please join me in thanking our colleagues from ICF for their presentation this morning.

[Applause]

MR. MATHESON:  We have eaten five minutes into your break, so we will extend it accordingly to five minutes after the hour, but if we could come back promptly at that time, because we have got an action-packed morning.
--- Recess taken at 10:55 a.m.
--- On resuming at 11:05 a.m.

MR. MATHESON:  Okay, if everyone can take their seats, please.

You know, one of the most amusing emails I have gotten in a long time was one yesterday that said I was at risk of becoming the Alex Trebek of the distributed energy world.

And so I thought, well, I should work with that.  I am not sure that I am going to make you answer all of your comments in the form of a question, but Jeopardy does have a play at home game.  And it did occur to me that it would be, you know, consistent with the new fun approach to consultation at the OEB that you should have a play at home game, too.

I introduced to you yesterday, in reference to the work that ETNO had been doing through the IESO, this Lawrence Berkeley National Laboratory thought map of the various roles, and the roles and as they relate to the various LDCs.

And if you go to the ETNO report, you will see how they used it.  What they did was they stuck that thought map up, and then you can sort of follow the bouncing circle.  And the first circle says:  This is the current LDC function within the system.  And then it imagines other different LDC functions within the system, ways that it could evolve.

It also identifies -- and it starts at page 14 of the report, and it goes on for about ten or twelve pages.

The challenge I have for you is, I have in my hand 50 copies of that graphic, and what I would like to invite you to do -- this is obviously strictly voluntary -- but sometime over the course of the day, I would like you to take it and all you need to do is identify whether you are from a consumer group, a utility/LDC group, or another service provider type.

The reason for that is we want to -- I don't care who you are, but I would like to know what category of entity you are.  We are not going to add these up.  Like it is qualitative research; it is not quantitative, right.  It's not going to be like, oh, we're going to recommend something as being the most popular because somebody stacked the room with votes from LDCs, or something like that.

But we are interested at this stage of your thinking of capturing what you see the role as being.

The other thing that will be useful about it is what it may do is smoke out some of the limitations of this model in applying it to the Ontario market, or it may smoke out some differences in terminology or in shared understanding of things, or it may confirm that actually this is a very useful way of characterizing the terrain.

But right now, we're actually just going to try and find out what that is.

So if you can just hand it in sometime over the course of the day and then, over the evening, we will kind of sort it out as best as we can and report back to you tomorrow.  That is the play at home version of the DER consultation.

So I will pass these out once we get things going with this next session.

I would now like to welcome Travis Lusney from Energy Storage Canada, who is going to be presenting the role of energy storage, and Tom Ladanyi from Energy Probe on DER promoters, utilities and ratepayers, who should bear the risks.

So welcome, and I look forward to hearing what you have to say.
The Role of Energy Storage, Mr. Lusney:


MR. LUSNEY:  Thank you, and a pleasure to be here on behalf of Energy Storage Canada.

As I mentioned yesterday, I performed a similar road show in Alberta during the distribution system inquiry.  And as a power system nerd, this stuff is quite enthralling to me.

So Energy Storage Canada is a national trade association for the energy storage industry.  The objective today is really to talk about how energy storage is going to be a game changer, and that wording comes from the Federal Energy Regulatory Commission, FERC, through their order 841, along with the potential impacts it has on the distribution system.

I will talk at a high level addressing the questions that the Ontario Energy Board posed, along with some commentary on non-wires alternatives, kind of specific to some of the stuff that is very important.

So starting with kind of what energy storage can do --and I think it is important to recognize energy storage is not just battery-based energy storage. There's a wide range that provides different characteristics and attributes, whether it is pump storage, or fly wheel technology, and everything in between.

But the key value of energy storage is the ability to value stack.  Very rarely is it being deployed in any jurisdiction for a single service.  It is usually the ability to slice and dice both on a time function and a capacity function to offer different services.

I think it is easy to relate to kind of the two top halves of the pie, which is one to wholesale markets -- so in Ontario, this would be the IESO-administered market -- or to customer service, so located behind the meter.

The difficult nut to crack is really utility services.  How and where and what do you do in terms of the ability of energy storage resources being able to deliver services to the distributor, whether this is deferred capital investment for capacity on the transmission or distribution system, but also the ability to resolve congestion relief, to provide support for resource adequacy, to support voltage and frequency response, improve quality power techniques, and understanding where you connect your energy storage resource really defines what type of services you need.

If you are a wholesale transmission grid, you have no ability to provide services directly to the distribution system or directly to customers.  You have to flow through those services.

On the other hand, if you are connected behind meter, you can provide services to the customer, then upstream to the distributor, and then upstream to the transmission and wholesale markets.  This is an important concept and also brings some complexity.

When you look at where energy storage is going to impact on customer profiles, the black line represents kind of a traditional consumption curve.  What energy storage can do when located behind the meter is allow mutually exclusive action on what the customer draws from the grid and when, and how that reacts to the incentives or price signals set in front of them, whether it is supply costs or distribution and transmission rate design.

And depending on how you do it, you may have a more peak shaving mentality like the diagram on the left, or a more flat-lining approach as the diagram on the right.

But the main one is, from a distributor's point of view, the low curve that you are going to start to see evolve as energy storage resources are deployed by customers, not just for their energy needs from the grid but also from their own energy needs, means that load curve is going to change and distributors are going to have to adjust their planning to reflect that uncertainty of consumption.

That uncertainty really drives that total cost discussion that we had yesterday.  With more and more distributed energy resources, the ability to plan your system and identify system needs, whether it is based on reliability criteria, power quality criteria or safety, it is going to become more difficult and there is a higher level of uncertainty in that future.

The diagram -- and this is pulled as an illustrative example from California to say if you plan your system only on the top curve and ignored all DR impacts, you would see load growth.  And you would be building to that and making financial commitments on behalf of ratepayers, and seeking rates of return.

However, if you are overly optimistic on DERs, you might actually see load decrease and you have a very different investment plan.

So part of the conundrum and that energy storage is part of is what exactly is the appropriate spot on that curve.  And this is the discussion and some of the points I raised before on scalability, the ability to make a plan that can adjust to an uncertain future and reflect uptake this is driven by either customer needs themselves, or things that are outside the distributor or transmitter's control.

That also then brings you to one of the key evolutions that is happening, in which energy storage can both be a tool and an impact is moving away from deterministic planning, I have a peak demand need of X megawatts, to more of a probabilistic planning.  What is my load shape going to look like, what are some of the factors that come into it, whether it's normal or extreme weather, how that impact does in terms of my operation of my system, the capital requirements.  And all of that kind of leads again to more complexity in how you are going to manage that system going forward in your investments on behalf of ratepayers, and ensuring that you are always targeting viable cost-effective solutions that are scaleable to that complexity and uncertainty.

So looking at responses to the OEB's questions, I think one thing to start with -- and this is from a past life as a distribution engineer and product system planner -- is recognizing that as we move into a world with more DERs one way or another, whether driven by customers or driven by the utilities themselves, is starting to kind of break down the function that you build up to how you fund and build out and invest in the distribution system.

One, you have system needs, which again are driven by compliance obligations, on reliability, power quality, safety and others. Then looking at what is your potential solutions and which ones are the ones that are going to be viable and cost-effective, and then developing a distribution investment plan, which is a combination of both capital investments and operation and maintenance. What is the best way to go forward.

I would argue that LDCs in this province do do a very good job at that, but the challenges that are coming with more DER integration means these kind of top three boxes are going to have to be re-looked at, and where stakeholder engagement and consultation needs to occur. I will spend a little bit of time talking to that later in the presentation.

The other one is that on the bottom half, you now have an investment plan.  Well, what is a fair, principles-based approach to cost allocation for those plans?  How do you design rates to recover based on the cost allocation that you have come to?

And then, although it may not be finally, but as part of it, what is the utility remuneration framework around that cost allocation and rate design?  And these are, I think, really the core of this proceeding and technical conference and session:  How does that need to change, given a world where we're having customers utilizing DERs themselves or DERs trying to provide services through the distribution system.

So in terms of the core objectives of what the OEB -- I think you can boil it down in a few key points.  One is, is how do you support expanding customer choice to meet their energy needs while also reflecting mutual benefits that DERs can provide to the power system.

I think it is important to recognize customer choice isn't driven just purely by cost.  They're also -- or cost of electricity consumption.  There's also other costs that are driven from customers.

If you are a highly sensitive load, you are going to have a care about having power quality that may not be provided through the minimum standards that a distribution system have, and the cost to get a higher standard of power quality or address power quality concerns may not necessarily be best done by the utility, of which that cost, if above that minimum standard, would be correctly applied directly to you, and that is where DERs give you a choice to address that need or to value-stack some of those values, both power quality, better reliability, higher than the standard, along with potential demand to manage your costs and your energy needs.

In terms of mutual benefits, again that goes to that bottom pie slice.  While that utility customer may be using that DER for a certain reason or energy storage, they may at certain times be able to use that for the benefit of the utility, it is already installed, and hopefully will be able to be viable and cost-effective.

I think it is important that this procedure really understands breaking down what is the impact on distribution system planning from DERs, how does the operation of the system need to evolve both in new tools and new procedures, what are the capital requirements that exist as you have higher penetration levels looking back at the previous presentation versus grid modernization to higher penetration.  And then what is the short- and long-term cost of service, that you don't want to focus too much just on short-term savings with the risk of having long-term cost escalations, and recognizing the constantly changing organic nature of our electricity system.

We've already talked about improved access to distribution system data, along with distribution system decision-making and the ability for customers to get involved and be helpful in terms of distributors working through that process.

And that you -- and I will keep coming back to this, if you want viable solutions, do they address the system need that the system planners have identified and are -- for those viable solutions, are they most cost-effective, and you want to determine how utilities can make a reasonable rate of return regardless of who is delivering that service, so whether it is through a customer program participation, a third-party service agreement, or traditional distribution investments that are physical assets in the ground.

So I won't get into details, and hopefully everyone will be rereading the presentations that went around, but there is some kind of detailed points falling under both again design, operation, capital requirements, and long- and short-term cost-of-service considerations that I think Ontario is going to really have to look at in terms of its distribution regulatory framework and transmission regulatory framework.

So what are the specific problems and issues?  I believe we had a very good discussion yesterday in terms of those key issues and how broad they are.

For energy storage, I think first and foremost is a definition and a description of the treatment of energy storage resources throughout, for the Ontario Energy Board's -- their Distribution System Code and Transmission System Code.

And that, you know, goes through also the connection process, what distribution information needs to be shared, and how is that planning process going to kind of tie in non-wires alternatives, both either owned and operated by the utility, or owned and operated by third parties or the customers, how does this all fit together in terms of responding to DER penetration and ensuring that our total cost is as cost-effective as possible.

On utility remuneration, I think it is important to recognize, well, how do those distribution systems categorize, and does it continue to be op-ex and cap-ex treated differently, total-ex, or some different approach.

I think one of the conundrum really comes into, you know, understanding certain delivery methods are better done through long-term contracts, should those be treated as an operational expense or capital expense, or should we stop making the distinguishing factor, and if you look at some of the Canadian Electricity Association's commentary on cloud computing for services versus maintain servers, that is an excellent example of, is that a fair way of incentivizing the utility to do one thing or another.

I think the same thing can happen with contracting services, and I will talk about that with respect to energy storage risk in a little bit.

And again, this all comes down to, if you are doing value-stacking, some services carry a certain merchant risk exposure, and how should that be treated in terms of utility remuneration for that potentially higher risk compared to the kind of traditional low-risk activities that a rate-regulated sector like distribution and transmission has existed under.

So what are the principles going forward?  I think generally Energy Storage Canada agrees with what is put forward for the OEB and kind of has a little bit of added 

-- I think you again want to support customer choice of meeting their energy needs as a customer, especially for utilities, where a lot of these activities are being incurred by their large customers that already exist.

Cost causality of distribution system costs should be reflected both in the cost allocation and the rate design. And that you are looking for what the value of remaining connected to the distribution or the electricity grid, that there is a capability of using the grid to deliver services to provide backup, and that the focus should really be on reflecting that true value and ensuring that the infrastructure that we built that has been driven by cost-effectiveness continues to be there, in how the system is planned, operated, and rate design.

Recognizing value-stacking opportunities that can lower the net cost of services provided to the distributor or to customers.

And again, on that decision-making, coming back to, is a solution, regardless of whether it is traditional or non-wires, is it viable in addressing that compliance violation that is your system need?  Of those viable solutions, which are most cost-effective?  Is the solution scalable to uncertainty in the future, either load growth, end-of-life assets, and the like?  And then is it technology and ownership agnostic?  Does it need for it to fit within the regulatory framework?  Does it need to be owned by a certain entity?  Or can it be -- can the exchange through either a contract or service agreement provide the same level of confidence and delivery?  Again, I will talk about that in a little bit.

I think it is also important to recognize price signals for different components of the electricity sector are very important.  I kind of wish I adjusted this slide, because what I am showing is what the HOEP price would be on a typical day and spiking in the late afternoon and being less.

You want to have a price signal to an energy storage resource on when they should consume and when they should inject.  And energy storage resources are utilization tools.  They don't increase the amount of energy in the system, they just increase the utilization of existing or new assets.

But a distribution system's constraints do not always line up with where the hourly Ontario energy price is.  A distribution system can be constrained at different hours and different times of the year depending on its unique load mix, along with where it is in the province, and that is important in terms of providing those multiple price signals to customers or to energy storage resources directly connected.  How should they be operating so that they're not constraining the system inappropriately or causing problems?

And I will come back to this in Energy Storage's resource submission in the commercial industrial rate design, but a non-coincidental peak charging for large customers has a flawed issue in terms of what is the driver for system development and distribution and what is the cost.

So you have two profiles that are the same for a customer A and B.  Both peak at the same amount.  One peaks in the off-peak hour.  The other one peaks right when the system is peaking.  They would pay the same rate even though one customer is going to have a much bigger driver on not just system constraint, but if both were to increase their consumption one would have no impact on the need to system-build, while the other one could be a potential driver to build out.

And if you do come back to cost causality principles, that customer B demand and that customer B should probably pay a higher share of those future distribution costs or at least have a pass-through for fixed costs that have been driven for that peak demand.

When you really come back to wire solutions or the wire system, a lot of that does come back to what is your coincidental peak and what is your core driver for building out the system in one way or another.  I think that is something that really needs to be reflected.

On the flip side, what is important is even if you are not consuming at coincidental peak you are still extracting value from the distribution system to transact, to flow, to meet your own customer reliability and energy needs, so you would likely need two components of cost for distribution systems.  One, call it the traditional value of remaining connected, which is extremely important, but also a constrained capacity value when the system is being driven for new and expanded buildout, and that is an appropriate signal to then give for energy storage resources that are either directly working for the -- directly connected to the distribution system or those behind the customer, how they're going to operate and recognize that impact on the distribution system, but also the value that they should be paying their fair share on.

So I am going to spend a little bit of time just at the end to talk about non-wires alternatives, and some of the complexities that we get into.

I talked earlier about this breakdown of needs identification and proposed solutions and solution assessments.

If you look at some of the other jurisdictions, they are starting to really break that separation between identifying needs, stopping and engaging with stakeholders on what are the potential solutions to address those needs, are solutions all developed by the utility or are third parties allowed to come in and propose, and then going in and saying, well, let's look at the net cost of those solutions, potentially have a regulatory backstop or traditional solutions, and then that solution assessment then goes through that process.

Well, which one of these solutions are viable or not of the viable solutions which are most cost-effective in their scalability.

I think it is important to recognize a lot of these solutions are net costs.  You're not building an energy storage resource for one purpose.  You are mostly building it for multiple purposes, of which you are going to have a priority of sequencing.

When we move and shift over to kind of you have energy storage resources in the system, what is the operational control considerations, and how do you then get that energy storage resource to act in a way that supports the system or provides value to the system, whether through cycling injection or potentially, if it’s inverter-based.  The ability to improve power quality.

It really comes down to you need a communication protocol; when do you want the energy storage resource and what do you want it to do.  You need measurement and verification capabilities, so that when you ask it to operate, it’s actually doing what you asked it to do.

And then finally you need compensation for that operation.  There is degradation on that equipment.  There is an impact on the ability to go after other services.

So when you look at kind of the range, you can have a very passive approach, which is on the left side, very little LDC control and this is price signals only.

The issue is you have less confidence in the delivery, but you also have the benefit as your compensation is really only tied to avoided cost savings.

On the far right side, you have much more LDC control.  This is where the LDC will be taking control of that energy storage resource and manoeuvring in a way for their system.  Your confidence would be much higher because you are controlling it, but likely have a higher compensation requirement given the less chance of making additional revenue over what the appropriate kind of priority of services are, and potential equipment degradation especially if there is certain technology or capabilities in terms of how you operate.

Then somewhere in between, and this is to our facilitator's kind of discussion on distribution system operator, the potential to have scheduling and dispatch of which very similar to how the IESO operates the system, do you have something similar within the distribution system.  And your standing schedule and you have dispatch requirements, you have verification, price setting and settlement.

And you’d have a higher confidence given the framework and potential penalties to it, and your compensation would be tied to who is delivering and are they meeting our needs.  That is very important in terms of should it just be who owns it and who operates it, but how do you actually operate that and what is the most cost-effective way for ratepayers in terms of meeting power system needs.

When you start talking about value assessing, this really comes back to a risk exposure from a value stacking point of view, if you are trying to go after other wholesale markets.

And this expectation of getting your recovery from additional revenue, while at the same time providing direct services to a distribution system saves using batteries to defer new transmission station costs.  You kind of end up right now, and this is just a generality in two camps, one is you kind of take a net revenue requirement, essentially a contract for differences where you determine this is the cost that the system needs, this is how much I think I am going to get from the market, therefore this is what I think ratepayers are going to pay for this distribution system to go forward.

But in terms of the operation, ratepayers are expected to top up if additional revenues are lower, or if they make more money in the market payback.  So it sets a kind of  baseline in terms of what gets done, but ratepayers are bearing that risk of merchant exposure.

On the model two side is to say, well, let's determine what the revenue requirement is, what the additional revenue expectations are, and then what's remaining becomes just a fixed payment.  And that additional revenue you would make in the market is borne by the energy storage resource activity or the non-wires alternative, depending on what it is.  In that case, that merchant risk exposure is shifted to the owner/operator of the facility, and that potentially could be an affiliate of the LDC or a third party, or the customer themselves.

That is an important distinction when you are really looking at not just the cost in a planning stage, but then really the cost in an actuality stage, after you have actually installed this and are operating and market prices change where we're going.

I think the key one to come back to is the future is very uncertain.  While you can have a great model and looking at where you think the system is going to go, things change, activities change, and it is difficult to predict.  So then you really come back to who should bear the risk of that kind of change.

And that then leaves you also to if you are doing additional value stacking opportunities, what is the priority of that service.  And given that priority, what is the confidence in the delivery of that service and what compensation changes should be done.

If something is a secondary service provision, you should probably have a lower confidence and have an associated lower compensation network.

But regardless, part of the problem is you need to have coordination across different entities.  It is not just going to be the distributor.  It will be up in the wholesale markets and will also be the customers, and that is a difficult kind of question to work through and something that I think, when we talk about responding to DERs, is important.

So that is my presentation.  Thank you very much for having me here.

[Applause]


MR. LADANYI:  Can I have my presentation on the screen?  Thank you.
DER Promoters, Utilities, and Ratepayers -- Who Should Bear the Risks?, Mr. Ladanyi:


Good morning.  My name is Tom Ladanyi.  I am a consultant to Energy Probe.  I manage Energy Probe's interventions in OEB electricity and gas proceedings, and the title of my presentation is “Promoters, Utilities, and ratepayers - who bears the risk of DER integration?”

First, about Energy Probe, those who have been participants in the regulatory proceedings at the OEB for many years would know what Energy Probe is.  But for others who don't know, I am going to explain to you what Energy Probe is.

Energy Probe Research Foundation, is a non-profit environmental and consumer organization which promotes economic efficiency in the use of resources.  Energy Probe relies on individual donations to help protect the public interest.  It does not receive any direct or indirect financial support from any energy utility or union.

Energy Probe has been an active participant in OEB electricity and natural gas proceedings since the 1980s.  Its supporters are residential and small commercial customers.

Energy Probe works to protect all ratepayers by ensuring the integrity of regulatory systems and the strict enforcement of laws, to eliminate biases and conflicts of interest, and to ensure that public and private sector interests are treated equally.

It advocates independent regulators who are subject to due process and judicial review, and regulatory processes that require full disclosure of information.

I am representing Energy Probe in this consultative proceeding.  However, I am not a member of Energy Probe.  I am an independent consultant with over 45 years of experience in the utility sector, and I’ve participated in over a hundred proceedings as either a witness, case manager, or as intervenor representative.

My CV is at the back of the presentation.  I sent out my presentation a few days ago and I notice from the circulation list that I used that I only had 64 names on it.  I notice some people had 128 names.  So I apologize to those who did not receive the presentation.

So what do ratepayers want from any utility initiative, including DER integration?

Ratepayers want rates that do not increase faster than the rate of inflation.  And I am sad to say that as a result of the current OEB regulatory processes that include ICM, we have been getting rates that do increase faster than inflation.  So typical rate increases are 3 to 5 percent, and they are far too high.  But anyway, that is a subject for another proceeding.

So what do ratepayers get?  Rates that increase faster than inflation, and ratepayers want improvement in reliability, such as fewer outages and faster restoration of service after an outage.  And what could they get?  Well, they could get deterioration in reliability, such as more frequent outages.

So what is DER integration?  I think there is a fair amount of confusion about this, and I have provided my own definition because I think we have to narrow down what we're talking about.

So DERs stands for distributed energy resources, which is customer-owned power generation devices, such as rooftop solar and power storage batteries, including batteries in plugged-in electric vehicles, and the salient point about DER is that DER integration is a method of allowing two-way flow of electricity between DERs and the power grid.

So for example, hospital emergency power generators are not a DER, unless they are also available to provide power to the grid.

Industrial plants, they have co-gens that provide electricity for the plant and used waste heat for the industrial process are not DERs unless they provide power to the grid.

And I think we should narrow it to that to make absolutely sure we're talking about this.  Other things people are mentioning as DERs, but then we really can't discuss what the issues are.

Now, DERs are not all good.  And of course we have heard from other presenters that our electrical system is designed for -- essentially for one-way flow.  Now, there is some DERs on the system now, but it is only a very small scale, and they don't cause any serious problems.

On a large scale, there are potential problems.  These were outlined in a paper by North American Electricity Reliability Corporation, which issued a report in 2011.  So it is a bit dated, but it's a good summary report, and it is available on the Internet.

And the issues that were identified or potential problems are non-dispatchable ramping and variability, response to faults, lack of low-voltage ride-through, lack of frequency ride-through, system protection, under-frequency load-shedding, under-voltage load-shedding, visibility and controllability, coordination of system restoration, scheduling/forecasting impacts on base load and cycling load generation, reactive power and voltage control, impact on forecast of apparent load seen by the transmission system.

So these are issues that a large-scale adoption on DERs could cause.

So for example, voltage plays a role on the electric system in ensuring stability of power flows.  However, the consequences of not maintaining voltage on the electric system are dire, in that voltage collapse can severely damage generation, transmission, and distribution equipment and result in widespread cascading blackouts.

Now, from reading what has gone on in other jurisdictions with widespread adoption of DERs, there are problems.  One of the problems is that if there are a lot of people with rooftop solar, there's an excessive power available, and that typically has occurred in Australia, for example, and Hawaii, and they're trying to feed into the system, there is over-voltage, and the inverters shut off.

And what's happened typically in Australia as well is that people have invested in rooftop solar with the expectation they will be making money or revenues from selling power to the grid, and they found out, when a few of them did it, that was fine.  But if everybody does it, it is not fine.  It doesn't work, and it has not been entirely solved.

So there are issues that have to be addressed in that context.

So we're told that all of these problems can be prevented, all it takes is money, and the questions that ratepayers have, how much?  Well, the promoter's answer is, we don't know.  Who will pay for it?  Ratepayers.  What if problems persist?  Spend more money to fix them.  Who will pay for that?  Ratepayers, of course.  What if problems are never resolved?  Trust me, they will be.  All it will take is more ratepayers' money.  Won't rates go up?  Yes, but only in the short-term.  How long is the short term?  Don't know.

So this period actually reminds me of a period of almost 30 years ago when we had gas market unbundling.  And it was supposed to be about customer choice, and it was going to be wonderful, and there were rooms of people just like this who were enthusiastic about it and hoping to make money.

And it took about ten years for the gas market unbundling to get sorted out.  We had periods of aggressive door-to-door sales of gas contracts, there was a lot of abuses, there were problems, and some early, let's say, adopters, businessmen, made a lot of money.  Millions were made by certain individuals, who then sold out and left the market.

And I see this period right now as very similar.  I think a lot of people in the room are here because they're hoping to make money.  They're not here because they're enthusiastic.  They're hoping to make money.  This is what it's about.  A lot of the promoters are in it for the money.  And who is going to be paying the money?  The ratepayers.  So let there be no mistake what this is about.

And we're talking also about grid modernization, and we don't know how much it is going to cost.  I mentioned just for shock value Google's advanced power grid.  Now, Google is talking about spending $500 million for the advanced power grid for a small part of downtown Toronto.

If we were going to modernize the grid, entire province, we could be talking about $50 billion over ten years.  This is not small money.

One would have to deliver a lot of savings to pay for that or rates are going to increase drastically.

So why ratepayers should not bear all of the risk of DER integration?  DER promoter would say, well, DER integration is for the benefit of ratepayers, and the ratepayers might say, no, that has not been proven.  There has been no cost-benefit analysis.

DER promoters and suppliers get their money, including profits, upfront.  So DER promoter will sell some equipment to the customer and they will get their money and off they go.  And the ratepayer will say, well, if they profit from DER integration they should share some of the risk.

The utilities expect to get their money through return on assets in rate base.  If they spend more money on DER integration assets, they get a higher return.  If utilities have an opportunity to earn higher returns by investing in DER integration they should share the risk.

So these are some of the principles from my point of view.  One principle is user pay principle.  Non-users don't pay.  No cross-subsidies.

Second principle is that famous OEB principle, which is actually quoted in many OEB decisions:  Benefits follow costs.  Those who benefit must pay the costs.

And the third one is my principle:  Profits follow risks.  Those who want to profit must have profits at risk.  No risk-free investment in this business, in fact, or any business.

Utilities should be at risk of not recovering their costs if there is a deterioration in reliability or an increase in rates above the rate of inflation.

So there could be bad decisions by utilities, wrong design, poor installation by utilities, excessive costs.

Utilities should be at risk.  This is not basically a blank cheque to be given to utilities to spend whatever they like and hope -- actually are guaranteed to recover from ratepayers.

Now, there is also DER promoters, which is unfortunately a lot of the people in the room here.  They should also be at risk if what they're talking about promoting and selling does not work as intended -- we're talking about faulty equipment and software, poor design.

In general, there is an assumption from all the presentations I heard, this is going to be wonderful, but it is only wonderful because it is in the future.  We have not heard about the problems, the stuff that won't work.  I mentioned the smart meters.  As somebody who has been involved in this business for a number of years know that a lot of smart meters didn't work as intended, they were faulty, and they actually did not reach their expected life.  They had to be replaced.

So the stuff is great until you start using it and then it doesn't work.  And somebody has to be at risk for that.

So the objectives of DER integration.  Utility ratepayers with DERs who request that their DERs be integrated by the utility must pay full incremental costs of integration and should not be subsidized by other ratepayers.

The provision of electricity to the grid by DERs must be strictly controlled by the grid operator on an instantaneous basis to prevent voltage and frequency fluctuations outside specified ranges.

And the IESO should continue to be the system operator and should manage power supply from DERs.  This function should not be transferred to distributors.

And here we should keep in mind that Ontario is unique compared to most of the jurisdictions.  In fact, I think it is a unique jurisdiction in the world that it has, I believe now, 60 distributors, even though the number is shrinking over time, but still, think of 60 IESOs.  Is that reasonable?

I think there is going to be a lot of overlap and problems, and you have to keep in mind as well there will be duplication, and ratepayers would have to pay for that.  There is a cost to be borne here.

Power from DERs must not be allowed to displace lower-cost dispatchable power.  And payment by the IESO for power from DERs should not be higher than the cost of alternative dispatchable power, typically hydroelectric in Ontario. 

So we are not displacing coal anymore.  We are displacing essentially power from generators at Niagara Falls and at Saunders, and to the extent you are displacing it, that water is going to go over the dam and it is going to be wasted.

By the way, it will end up in OPG's surplus base load deferral account.  Surplus base load generation deferral account and you will be paying for it later.

Regulatory model for DER integration.  If there is a deterioration in reliability and increase in rates above the rate of inflation, utility returns and promoter's profits must be at risk.

My suggestion is create a DER integration deferral account, DERIDA, that would collect utility investments on DER integration.

And DERIDA would be subject to review and clearing on an annual basis, like the other deferral and variance accounts of the distributors.

If there is a deterioration in reliability and/or an increase in rates above inflation, the OEB could disallow cost recovery of a portion of DERIDA balance through rates from ratepayers.

So I mean they will be at risk, or perhaps the utility convince the OEB that these effects are unavoidable or caused by someone else.  But in any event, they would be at risk.

And DER promoters must bear some of the risk.  DER promoters are suppliers of batteries, storage panels, electrical switch gear, computer hardware and software, DER engineering consultants, DER installation contractors, et cetera.

There must be no door-to-door sales of unregulated behind-the-meter DERs, such as batteries, chargers and associated wiring.  I know we are talking now about assets in front of the meter.  But there is also the problem of door-to-door aggressive sales.  And actually considering what happened in the past, I am very concerned that we will somehow unleash a whole deluge of aggressive door-to-door selling to the unsuspecting public.

They will then think this is going to be great, they will make money on it, and they will be disappointed.  And they will be actually hounding the OEB if this doesn't turn out right.  So OEB has got bad experience with this in the past, and OEB has to be very careful that it doesn't suddenly cause this to happen.

For unregulated in front of the meter utility assets, the utility should withhold a percentage of the payment to the DER promoter until the OEB approves the balance in the DERIDA for addition to utility rate base and the recovery from ratepayers.

If there is a disallowance, the utility should ensure that the DER promoter shares in the disallowance.

In conclusion, Ontario should not embark on a costly rebuilding of its electricity distribution and transmission systems to integrate the DERs without a rigorous examination of costs and benefits.

The OEB should hold a public hearing where claims of DER promoters can be subjected to thorough discovery, including oral cross-examination.

After the OEB has assessed the evidence and considered the arguments of the parties, it should decide if DER integration is in the public interest.

Only if the OEB decides that it is in the public interest to proceed with DER integration, it could consider utility remuneration.

The model for utility remuneration that is adopted by the OEB should ensure that DER promoters and utilities bear some of the risks of DER integration.

The IESO should continue to be the system operator and should manage power supply from DERs.

Now, we also heard yesterday that Ontario will have a power shortage when the Pickering nuclear station is retired. The forecast has not been released or tested.

I know certainly from Toronto Hydro's evidence in the just completed rate case, Toronto Hydro indicates a decline in load over the next 40 years, mainly due to conservation by electricity ratepayers.

But even if there is a power shortage, we should consider also other alternative options for dealing with such as purchasing supply from Quebec, which Pollution Probe seems to advocate all the time.  They're not in the room this morning. Or greater use of gas generators which, I guess, OPG hopes because they bought the gas generators From TransCanada Pipelines.

Or even the new nuclear station; all options should be open.  It is possible that DERs may be the best alternative, but it has not been proven.

And the consideration of alternative sources of supply must be on a total cost basis that includes transmission and distribution costs, and must compare dispatch ability and reliability and the power factor.

A power source that is not available when needed is not of much use or value to customers. Customers expect the lights to come on when they turn on the switch, and do not have to wait for the sun to start shining, for example.  It has to be instantaneous.

And my last slide is my CV, and I am not going to read that.  You can look it up.

MR. MATHESON:  Okay, thank you very much.  I will open the floor to questions.
Questions and Discussion:

MR. SHEPHERD:  Tom, you raised rooftop solar problems in Australia.  Germany has 48 gigawatts of solar, much of it rooftop.

How bad of the inverter problem has been there?  I think the answer is they don't have them.

MR. LADANYI:  I have not done an exhaustive search, to tell you the truth.  I know there have been problems in the Bay area, and there have been problems in Hawaii.  So I am not sure to what extent.

I think the Germany situation, as far as I know, is that in fact it is very cloudy country.  And the output from the rooftop solar has not been very good.

So unlike the sunny places like Australia and California, where there's been too much power, Germany probably has been not enough power.  But I don't know beyond that.

MR. SHEPHERD:  Do you have data on that?  Because they're adding ten gigawatts a year.

MR. LADANYI:  I am not doing a survey, okay.  I have given you some information that I found, that's all.

MR. SHEPHERD:  Thanks.

MR. LUSNEY:  Can I just add, Jay, to your question.  So Tom referenced a NERC study from 2011.  The recent NERC working group that is working right now is how to use for bulk electricity system, but also looking down how to use inverter functions, especially dynamic functions to provide voltage ride through capabilities.

So unlike synchronized generators, which have a different inertia function, inverters are -- call it digitally triggered.  So they can respond within a half cycle and their ability therefore to kind of provide services and shifting on reactive power and ramping is quite quick.  So a lot of it is just coordination within, again, how the distribution or transmission system operates.

MR. MATHESON:  Other questions?

MR. PEPPER:  Steve Pepper from OSPE.  Tom, I can't recall hearing a presentation that was as hostile to DERs, or innovation in the electrical sector in general, as what I heard today.

I mean, we're making reference to the North American Electrical Liability Corporation, I mean that is a status quo corporation that deals with wholesale power and isn't really representative of the issues at the distribution level, and they are certainly even less familiar with the Ontario circumstance.

You know, for all of those down sides that were presented, I am not surprised that they would focus on the down side.  But for every one of those potential problems, DERs can also be the solution, which wasn't sort of highlighted there.

So one of the questions, I guess, that I have for you was you talked about focussing on, you know, we shouldn't displace, water over dams and existing sources of power for DERs.

One of the things you didn't comment on, which is coming rapidly, is the opportunity to displace higher cost energy that has other societal issues, and specifically other energy sectors.  We're not looking at simply the electricity sector as a whole.

So the transportation industry, electrification of the transportation industry is coming at a rapid pace and that tipping point is upon us.

So, you know, DERs provide an opportunity to support that, without displacing the water over the dams and other sources.  In fact, it could make the utilization of that even more effective.

Some of the behind-the-meter installs that we have been talking about, those are as much demand displacement as they are potential sources of energy. So I think, you know, those issues are upon us.

Anyway, I guess I was just curious, your thoughts in terms of using or the application of DERs to replace other sources of energy beyond the electricity sector, because if we're thinking about a distribution and transmission and generation system, higher capacity utilization of the existing infrastructure by smoothing out demand and using storage and all of these things will enable us to amortize on more kilowatts or more kilowatt-hours consumed and therefore actually should reduce system costs.

So I am just wondering if you could comment further on that.

MR. LADANYI:  Well, my comment is this.  I am not specifically against DERs.  My son -- my older son works in the solar industry in California.  I am not against DERs.  I am just cautioning you that if you think this is going to be cost-free and this is going to solve all of our problems, you're wrong.  What is going to happen is utilities will have to spend a lot of money to make this work, and after they spend a lot of money rates will probably go up and the customers will not be happy.

We have to be really careful where we go, whether this really delivers the benefits that one is expecting.  Certainly, DERS -- and yes, there are other sources of power, and also Ontario is unique in many jurisdictions.  We're not displacing coal here.  We have a lot of hydro power.  So we actually have an excess of wind power, so we are not unique (sic).  We are quite unique.  We also have too many electrical distributors, so whatever solutions are found, they have to be specific to Ontario.

MR. MATHESON:  Question there?

MR. LASZLO:  Hi, Richard Laszlo, Quest CHP Consortium.

So Tom, you mentioned initially around your definition of DERs, and I thought maybe we could have a bit of a discussion about that, because I thought that was actually a really important slide.  And -- unless I have missed, you know, an actual definition of DERs as part of this proceeding.

And, you know, I think you've got a bit of a narrower scope than I have seen in other discussions around DERs.  So things like embedded generation or demand response sometimes have been seen as DERs, virtual power-plant-type models.

Maybe it is more of a general question as part of this proceeding, you know, do we have a collective view on what actually counts as DERs as part of this process?

MR. LADANYI:  Well, I think we need a collective view, because if we include everything in it that produces energy, it is not going to work.  I can buy a generator to have at my house to supply my house with emergency power.  That is not a DER unless I start selling power to the grid.  So it has to be something that is supplying power to the grid.

If I have something, for example, that conserves power at my premise, I am not a DER.  I am only a DER if I can supply power to the grid.

If we talk about every possible conservation measure, every energy source, we've got too wide a field.  We have to focus on what really the problem is.  The problem is two-way flow of electricity --


MR. LUSNEY:  Richard, can I just jump in?  I disagree with that, because I think the part of what's going on is the fact that load curves used to be very inflexible, and now that you have resources, whether it's purely for load displacement with non-exporting or load displacement with exporting, that is impacting the distribution business, and it is also impacting what future design, planning, operation, capital requirement, and the cost of service.

You need to take that on.  I think one of the key ones is if you really want to get total costs down you need to look at the system that is already in place and figure out how you can extract additional value.

If you have a backup generator, why should you not be looking at making adjustments to our regulatory framework to be able to call on that backup generator to meet distribution system constraints through demand response opportunities.

All of this is to say the grid is starting on the distribution side to be very transactional and the resources connected and activities being invested all should be adjusted so that we extract the right value and assign the appropriate costs to the system.

MR. MATHESON:  We have an online comment that builds on this point, so...

MS. HUSHION:  So it says that Tom put up a definition of DERs that is resources that allow bidirectional flow.  If a resource is not bidirectional and does not put power on the grid and is truly behind the meter, how do we classify it?

MR. MATHESON:  Did either of you want to build on that?

MR. LADANYI:  Well, if it is behind the meter it could be like any other appliance that the customer has.  I mean, I can install anything behind the meter in my house and so can you.  You're not going to be stopped.  As long as it meets the requirement of the electrical safety code you can install whatever you like, stove, furnace, air-conditioner, and also a battery.  There is nothing preventing you from doing that.

MR. LASZLO:  I guess just super quick, I guess what happens, though, if that load is dispatchable and what if that embedded generation is dispatchable at times when the distributor needs it?

Then you end up with a flexible grid where you can call on, say, the manufacturing sector, for example, to provide ancillary services, to provide that.

I mean, if you have the Ontario Safety Consortium, that is really what is missing from the conversation here around the benefits that not just CHP but other DERs can play here.

And in all of the discussions I have seen, the policy, you know, discussions that are put forward, that is a big part of the missing piece that our members would like to see.

MR. LADANYI:  Well, actually, can I just answer that?  So I tend to disagree with the idea that if you have something that is dispatchable that it becomes a DER.

If you know during the era of, let's say massive electric water heaters in Ontario, electric distribution utilities that were -- that owned the water heaters, and they were typically rental water heaters, would have a deal for customers who would allow the utility to control their own water heater at a time of high demand.

I don't know that would be a DER specifically.  This is nothing new.  This has been going on for years.

I still believe that we have to narrow it to a bidirectional flow of electricity.  The fact that there is something behind the meter that somebody else can control, that's a completely different issue.

MR. MATHESON:  I have got a speakers list going here.  You're next.

MS. GIRVAN:  Julie Girvan, Consumers Council of Canada.  Tom, I certainly understand your concerns about initiatives that we have undertaken in Ontario like smart meters, but I guess what I would say, in response to what you have presented, is I think the point of this whole consultation is about looking at benefits for customers and developing a regulatory model and different protocols to ensure that the customer -- the interests of the customers are protected, so I think that is why we're here.  That is my view.  Thanks.

MR. MATHESON:  Okay.

MR. LADANYI:  Well, I will answer that, because there is a lot of people talking about benefits for customers, but I am the only one that is going to talk about caution.  I think we need balance here.

Sure, there is -- you can talk about benefits.  A lot of these benefits are unproven and in the future.  They're not here.  They are theoretical benefits.  I am talking also about problems that could occur and have occurred in other jurisdictions and that require money to solve, and that is the point of my presentation.  It is going to cost you money to solve problems or even to get the benefits, and somebody has got to pay for that.

MR. LUSNEY:  Again, I am going to disagree with Tom, because there are examples in other jurisdictions of distributed energy resources and demand response providing direct benefits and building on Richard's point, if you do not reflect the evolution of technology that is happening in innovation and emerging spaces that allow for more load flexibility, you are tying yourself to have to build out more infrastructure instead of using what already exists.

Probably the best example that's close to home is the Brooklyn Queens demand response program, which avoided -- or reduced the cost to ratepayers from a $1.2 million spend to a $700 million spend to achieve the same power system needs.  That is a significant savings for customers instead of going after the same traditional investment.

And what was unique about it is the regulator looked and said, we need to provide the proper incentive for the utility to go after that non-wires alternatives and use these alternative resources in a total cost-benefits.

So I don't disagree that we should be doing a cost-benefit analysis, but we need to recognize, one, where the technology is going, put the right risk weightings and exposures to where they should be, and encourage utilities to go after whatever solution is viable and meets their cost-effectiveness, and not ignore kind of examples and activities that are going on in other places along with technology advances, as ICF again correctly pointed out in terms of advancements and standards and inverter design to meet, not just customer needs, but distributor needs.

MR. MATHESON:  So I want to get another voice in.

MR. SHARMA:  Thank you.  Vinay Sharma from London Hydro.  Travis and Tom, I think both of you present good views, caution, and aggressive approach for DER promotion.

But I just want to clarify one thing as a distributor the use criterias to connect.  There is no generation behind that meter allowed if it is online with the grid.  Emergency, yes, when the grid is off they can have an emergency, whatever they want.

But if you have a generation that is connected online, whether it is for export or for self-generation, it will have to go through the connection standard agreement and cannot be allowed without their operational leads and operational agreement.

And in terms of the DER, so for us DER has to include any generation, whether it is being fees for load displacement or export, as long as it is connected in parallel with the grid.  So that is the definition of DER to us.  Thank you.

MR. MATHESON:  Thank you.  You are next.

MS. GRIFFITHS:  Hi, Sarah Griffiths from Enel X.  Just want to clarify or just make the point what Tom just said, that there is no restrictions for implementing behind-the-meter non-injection resources.

You said it was similar to whatever you could do in appliances.  There actually is restrictions for non-injection behind-the-meter resources, and they are under the current interconnection with transmitter and distributors in Ontario.  They are treated as an injection generation resource.

So a behind-the-meter storage battery that cannot go onto the grid is treated as a generator that does the bi-flowing.  That is something that I know a group of utilities are working with developers to ensure the right standardization exists in interconnections.  But there are massive restrictions right now that probably do not need to exist.

MR. MATHESON:  Thank you.

MR. LUSNEY:  Maybe to add to that, when we talk about load displacement, part of our discussion yesterday was the fact of the impact that the industrial conservation initiative has for behind-the-meter resources to reduce peak five times a year, and the impact and potential appropriate cost allocation.

And this is all resources that are built and constructed and deployed by customers with really no intention of exporting to the grid.  They're managing their energy needs based on the rate design that is put in front of them.

MR. MATHESON:  Jay.  No?  Okay.  Yes.

MR. HARPER:  Bill Harper with VECC.

MR. MATHESON:  I don't think your mic is on.

MR. HARPER:  My light is on, there we go.

What struck me is we seem to be talking about DER in different contexts.  My mind is very simplistic, but it seems to me some people are talking about DER as a supply option that has been fully vented through some integrated planning process, whether it be regional or local regional or sort of provincial.

We're talking about DER in the context of something that a customer chooses to do on their own behalf.  We're also talking about DER in the context of basically people who want to connect to the system and supply DER and sell it into the market.

It seems to me each of those, like I said, is a different context, and maybe each of them has to be approached differently in terms of are they providing benefits, who should bear the cost, and who should bear the risk.

I mean, just as an example, if the customer is choosing to do this simply on their own basis, then perhaps that is where the customers should be primarily responsible for bearing the costs and bearing the risks.

If a promoter is doing this simply on the basis that they believe they can make money off it, then they should be bearing the costs and risk.

If there is a process whereby it's gone through some supply vetting, if you want to put it that way, and there is a general agreement from a public system as we go, maybe there is a view to more sharing of the costs and risks.

I would like people to comment on that, because people are coming at it from different contexts and trying to put the same box or circle around it.

MR. LUSNEY:  I think one thing, if you look at where Ontario's market is evolving, the IESO right now is proceeding forward with evolving the demand response option into a capacity option, not the incremental capacity option, that is a place to set a clearing price for capacity as they define it, and they're working to expand to include more resources.  So you would see that as an individual kind of stream of product for capacity on the supply side.

So instead of an integrated resource plan, they're saying we think we have a need and we're willing to go to market and clear.  And you, as a participant, bear the risk of, one, the price you put forward is what you need, and two you have a performance requirement. So that is on the one hand.

I think the other one to be very clear on is if you are deploying something in response to existing rates, to reduce your costs to manage your energy needs, and you as a customer you made an investment towards that, whether it is an up front payment or some sort of service agreement with a DER service provider, or bought it yourself and taken it on, you bear the risk on the regulatory side, on the sovereign government policy side, and also how the market acts.

If everyone is trying to avoid the same five peaks and everyone is successful at picking the same five peak, no one avoids the same five peaks and you all bear that risk.

I think that is an important aspect.  Putting a battery or co-gen behind your facility doesn't mean you are one hundred percent going to be certain you are reducing your five CP; there is a risk to it.

And I think that is the real key at coming back to cost causality, and saying what is the driver for future system costs and existing costs, and if you are reduce that, you should get some benefit for reducing it because you're reducing that cost for all of the ratepayers.

MR. MATHESON:  Ian, another question.

MR. MONDROW:  Thanks.  I am actually going to ask Dale a question which is germane to this topic, I think.

Because one of the ICF slides identified a near consensus that DERs can help avoid distribution capacity investments.

I wondered if Dale -- and I think he probably will be able to, based on my check with him -- could describe specifically what kinds of DERs are either being deployed for that purpose, or are the subject of this near consensus, so that we can start to think about specific initiatives to try to bridge the gap that has emerged here.

MR. MURDOCK:  Sure, I would be happy to mention that.  When I said near consensus, it is a reflection of what we see going on with utilities that are actively pursuing non-wires alternatives, non-wire solutions to distribution needs.

Travis mentioned earlier Brooklyn-Queens.  Brooklyn-Queens is a portfolio approach to solving that distribution overload condition.

And to get to the point, that includes targeted, targeted programs from the utility.  It includes solicitation, competitive solicitation to energy efficiency as well as behind-the-meter demand response programs.

So it is a portfolio of different solutions.  It's not one thing that solves it; it is a whole bunch of different things over a different timeframe.

So specifically, energy efficiency is being looked at, not only in Brooklyn-Queens, but in other solicitations where there is other solicitations that have looked at aggregated demand response.  There are solicitations that have included the concept of bring-your-own-device approaches to get behind-the-meter response through a smart thermostat or water heater control.

But it is the aggregator that takes on the responsibility for delivering the expected reduction or change, or load modification.

So when I talk about it is the consensus, it is a portfolio of things that are being addressed.  These are currently mainly through procurement mechanisms, but do also include as a first look -- I have heard this from most of the New York utilities and some of the California utilities taking the same approach.

When they look at a grid need, they first look internally.  What can we do with our existing energy efficiency programs.  What can we do with our existing demand response programs.  Can we leverage those, can we extend those, can we locationally direct those and do they solve part of the problem.

If so, great.  Shave that piece off the need.  Now I may go to the market and ask for these responses.

So the aggregator in this case takes on the responsibility for delivery, but those are the definition of what those resources are specifically doing to address the issue.

MR. MONDROW:  I think just an observation --


MR. MATHESON:  Actually, we are getting real tight on time.

MR. LUSNEY:  What Dale is talking about isn't a new and unique approach.  This is how power system planning happens.

When you look at it, each resource has a certain effective capacity to deliver to meet the need.  It's not going to be on all the time.  No different than -- while wires would have a higher up time, you still have ...

MR. MONDROW:  The reason I ask the question is, to Tom's point, to give some credit to the cautionary voice here.

Demand response resources don't inject.  And you don't have to invest in your direction system to call upon them. You do have to discount them or risk analyze them in order to factor them into planning.

But what Tom is cautioning about is a whole different level of ratepayer investment in system improvements and capabilities for resources yet to be attached.

And so I think it is a germane observation that where this is being done -- PowerStream has a program where they put a controller on your air conditioner and turn it off, cycle them off in a neighbourhood.  They have been doing that for years, and we don't have to invest in the distribution system to do that.

Yesterday, we talked and you talked about walk before you run.  We talked about incremental evolution and I think the cautionary note is a good one and dramatically delivered, but nonetheless valid.

MR. MURDOCK:  Just two seconds on the extension where this is going is -- a lot of these programs have been around, but to get to my comment earlier, what they're evolving to is demand response with measured performance.  Not deemed performance, measured performance.  So they settle on either meter based or some other method to actually account for real delivery, including in California they have a test for measured energy efficiency.  Not deemed, measured.

So this is the walk-jog-run, not this a yeah, we've been doing it, but here's how we're evolving it.  And that takes an effort to learn how to do that.

MR. LUSNEY:  And that's really my point on probabilistic planning.  How much do you actually have show up, what can you expect, and then you need measurement and verification on this.  You need well defined program parameters.

So if it's not -- if you design it for a cruddy product, you're going to buy a cruddy product.  If you design for a high reliability product, you're going to get high reliability.

MR. MATHESON:  We had another question here.

MS. GRIFFITHS:  This is actually a comment that flows very well.  As a company that is a DER aggregator, I support everything that has just been said.

One thing that I think when we talk about risks and we do talk about DER and we do, which I consider DER and, you know, a majority of our resources are behind-the-meter, not injection.  So it is low curtailment.  But it is the framework that we have been working in, whether it is in Ontario since, I believe 2008, in some of the northeast market since well before then, is actually in an incentive and penalty scheme.

So when it is about bearing the risk, programs now are starting to evolve where all resources are in an incentive penalty scheme.  So the northeast capacity markets, generators never got fined if they missed a capacity call.

DER has always been fined.  We have always paid penalties.  We have always beared (sic) that risk.

The ICA that was being developed was a pay for availability, and there was penalties for all resources.  The capacity auction that is coming out of the demand response auction, you are paid for your availability.  You are fined if you do not meet your dispatch.  You could lose all of the money that you have earned by being available if you do not show up for the dispatch.  The risk is solely on the DR aggregator.

There is risk to the IESO because they now have to find someone else to fill that capacity void, but that is just going down their stack.

So you can apply this, I think, similarly to the distribution system, and the same thing:  We are willing to work DR -- aggregated DRs, and I'll speak for pretty much every member of the AEMA.  We're willing to work in that scheme.  We've been doing it since the early 2000s, and we actually welcome it and we prefer that that is in place in when we're talking about distribution services and distribution procurement for all resources.

MR. MATHESON:  And that is actually where we have to end it now, because I know a number of people have got conferences calls and the like planned over the lunch break, and so we can't stray into that too much.  It is fascinating that one of the first words out of Dale's mouth this morning was that we need a common lexicon and a focus on what and why, and this session has been great for sort of emphasizing, you know, the need to keep working on that common lexicon and focus on the what and the why, and the other thing that has come up again and again and we keep going around the edge of what the consumer wants.  We really have to continue to think about how to balance how some customers are all about cost containment and others are about load quality and some really are about choice and the real question is how we will know that and how we will regulate to incent for the range of things that is appropriate for us here in Ontario, given what we have here in Ontario.

So we will pause at that until we reconvene, and I guess it is at -- we reconvene at 1:00 as per the schedule.

Over the lunchtime there is going to be posted an idea which is following up on the question that we had to all of the LDCs that we were not able to do, so we're actually having fun with slido over lunch if you wish to participate.  Stacy will describe it.

MS. HUSHION:  Yes.  So there is a question up there and you can also see it on your mobile device, and feel free to input your comment or feedback.  The question is:  What stage are the Ontario LDCs at with their grid modernization?  And for reference, please see slide 8 of the ICF presentation.

MR. MATHESON:  And that is an optional question if anybody wants to participate in it.  So thanks very much, and we will see you at 1:00.
--- Luncheon recess taken at 12:21 p.m.
--- On resuming at 1:00 p.m.

MR. MATHESON:  To keep to schedule, we will roll along.  Thank you for navigating the challenging elevator constraint issue.  It's a bit of a burden getting down and back up again so quickly for lunch, but congratulations to all of those who made it just as the last folks are sitting.

This next session is a little bit different because it has one presenter of the normal kind, and then we have a panel where three folks are sharing half an hour.

So first we're going to have Fiona Oliver-Glasford from Enbridge.

And then we're going to have a panel that's got Sarah Simmons from CanSIA, Sarah Griffiths from Advanced Energy Management Alliance, and then Jake Brooks of the Association of Power Producers of Ontario.

But first we will start off with Fiona, who will speak to us on behalf of Enbridge and her presentation, natural gas and DER considerations, and then we will continue on with the panel.  So welcome.

MS. OLIVER-GLASFORD:  Thank you so much.  Can everybody hear me okay?

MR. MATHESON:  No, not yet.  Try now.

MS. OLIVER-GLASFORD:  Hello...I wondered about this one, okay.

MR. MATHESON:  For those online we are just going to shuffle over to a better microphone here.

MR. MATHESON:  Okay, so you have 20 minutes starting at five after.
Natural Gas and DER Considerations, Ms. Oliver-Glasford:


MS. OLIVER-GLASFORD:  Okay, thank you.  Hi, my name is Fiona Oliver-Glasford, and I am here representing Enbridge Gas today.

This has been quite a session so far with a lot of knowledgeable people and interesting topics, and we're certainly pleased to be part of it.

Next slide. Thank you.  So just a compulsory slide about Enbridge Gas, and it might be of interest now that we are newly amalgamated Enbridge Gas Inc.  That basically merged both Enbridge Gas Distribution and Union Gas as of January 1st, 2019.

As the new entity, Enbridge Gas serves 3.7 million customers and heats in excess of 75 percent of Ontario homes.

The company provides safe and reliable service for its customers, and provides meaningful jobs for thousands of people.

Enbridge has been an industry leader in offering customers energy efficiency programs of which we are very proud.  And since 1995 when those programs began, we have helped our customers save around 19 billion cubic metres of natural gas.

We're proud of our history and look forward to our future.

With that, we consider DERs.  And here DERs might be more prominently on the mind of the electric sector, as clearly I've noticed over the last few days and in reading the materials in preparation for this.

But it does remain applicable for natural gas utilities as well.

Here's some proposed key considerations from Enbridge for the DER policy planning, and they certainly aren't meant to be exclusive or cover everything, but simply some initial ideas for the upcoming planning work.

So the first is that safe and reliable energy services to customers must be paramount. The company has an excellent record on safety because not to is not an option. It is our number one focus, given the magnitude of the energy we are transporting and delivering on a day-to-day basis.

DER solutions should be fuel agnostic, with the outcomes in mind.  And I think I heard that comment a number of times in the last couple of days.

For example, battery storage is very interesting and top of mind for electricity providers.  But power to gas might, in certain circumstances, also be an appropriate energy storage alternative and shouldn't be ruled out of the mix.

Utilities should be incentivized to consider non-traditional energy services, or infrastructure solutions,  should they be as reliable and the same or less expensive for customers.

The point here being that utilities should receive a rate of return on investments in DERs.  Whether that is in the form of traditional mechanisms and approaches or new non-traditional mechanisms should be considered and should be appropriate to derive the desired outcomes.

Consideration of DERs is more complex and does take more time for the utility, certainly in the short term.  It was alluded to yesterday that investments into DER might be more expensive while the utilities and other market players are learning.

As we all speak in terms of hypotheticals and ideals, I am sure we also all recognize small, simple operational things can be overlooked that change how we plan and implement energy systems.  This is not to say we can't and shouldn't forge ahead; it is simply a recognition that we will need to continue, as is being done in these DER processes, to draw on a diversity of stakeholders and expertise to best informed customer value proposition and business cases.

And although the topic of advanced metering infrastructure might seem like old news for the electricity sector, it is not in place for the gas utilities in Ontario as of yet.

Enbridge continues to investigate AMI capabilities, but does recognize there might be benefits to enabling DERs.  Dale covered this extensively in his presentation this morning, and particularly noted that it was a stage 1 enabling mechanism for DERs.

As the Board and stakeholders considered DER framework development, we thought it might be helpful to draw attention to some similarities and differences between the gas systems in respect of DERs.

I think we can all agree that there is an increasingly interconnectedness between electricity and natural gas energy systems.  I think even the first presenter from IGUA, Ian, recognized the complexity or increasing complexity of energy systems, and those inter-ties are everywhere.

Technologies such as CHP or micro CHP and power to gas, things like hybrid heating solutions and other things might provide resilient, low carbon, and low cost energy planning solutions.

An initiative such as the Power House program in collaboration with Alectra -- I believe Indy mentioned that yesterday, that initiative -- shows a seamless interplays of technologies and approaches to provide the customers with the outputs they seek, and also to help us gain insight.

And so in this DER policy development, natural gas must continue to be part of the conversation, to provide customers with the outcomes they want and need in a safe and reliable way.

While meeting other objectives such as affordability, GHG reduction, and others, we must look to use the tools, current and developing, at our disposal in a way that optimizes existing investment in infrastructure and invests prudently moving forward to the benefit of customers.

Again, kind of the same on this slide.  We're simply drawing upon some of the understood similarities and differences between the gas and electric systems that may be appropriate for consideration in the development of thinking related to DERs, both frameworks and connection issues.

For example, in the consideration of system outage risk and cost, what is meant by this item isn't that it wouldn't be critical if the electricity systems go down entirely.  But simply that heating for our residential customers is critical in the winter, as is reliable supply all year round for our commercial and industrial customers that depend on us for critical processes or input loads, such as the case with greenhouse growers, or glass manufacturers, among others.

And should the gas systems go down, little things or big things perhaps we might say, like pilot lights that need to be manually relit, cause significant time and cost. So some of those things just need to be recognized.

So in this final slide, I wanted to summarize with some key issues in DER planning.  Many have been touched pop during the course of this presentation, including risk tolerance and lack of metered data.

However, two additional items to consider include needing adequate lead time for DER initiatives.  In some cases those lead times may be longer than they will be in the future.  And if they are an unknown, it makes it difficult to plan around.  We will continue to gain insight, though, from the market and learn and look forward to doing so.

For the principle of universality and related assignment of costs and benefits, this touches on something that has come up in the last couple of days around DER initiatives, having different values in different regions.  I think there's been some alignment about that, the geo-focused costs and values.

So with this in mind, there might be cases where some programs or initiatives might make sense to be offered in some areas or to some customers and not others.  This is a different lens than the gas utilities have taken with respect to how we offer broad-based energy efficiency programs, for example.

In closing, I would hike to express my thanks on behalf of Enbridge Gas for providing us time on this important topic.  We are here to be part of the inclusive discussion and help shape important framework to guide policy that will impact Ontario's energy consumers in this evolving marketplace.  Thank you.

MR. ELSON:  You able to answer any questions up there?  Are you able to answer questions or are we doing that after?

MR. MATHESON:  We are going to roll through the panel first.  You can step down for now, because you are not part of this panel.

MS. SIMMONS:  She can stay.

MS. GRIFFITHS:  You can stay.

[Laughter]

MS. GRIFFITHS:  Hang out.

[Laughter]
DER Panel, Ms. Simmons, Ms. Griffiths, Mr. Brooks:


MS. SIMMONS:  So in the interests of being efficient with everybody's time, our three organizations that we're representing decided to come together and do a bit more of rapid-fire presentations and be able to be a bit more coordinated in terms of the materials that we're presenting.

So my name is Sarah Simmons.  I'm with Power Advisory, and CanSIA is a client of mine and of Power Advisory's.  So I am representing CanSIA as part of this presentation and have consulted with the CanSIA members in terms of the development of the recommendations and some of the facts that we wanted to present as part of this initial important discussion.

So our presentation, you know, the first step, we just wanted to tackle some of the questions that the OEB has raised, specifically with respect to today's and this week's proceedings.  I have looked at it in a bit of a different order because it is just the way that my brain thinks in terms of thinking about the problems and then objectives and principles.

Then I wanted to lay out a few trends that I thought would be of interest to this group and to the OEB in terms of their thinking of next steps.

So here's basically what we thought in terms of breaking down the specific issues or problems that each initiative should be addressing.  So with respect to responding to DERs, you know, we have heard a lot about distribution system planning and integration of and optimization of DERs, and also with respect to things like valuing DERs and making sure that there is appropriate inputs and outputs with respect to the distribution system planning process.

Next is with respect to DER connections and recognizing that there is some overlap between the current or now open DER connections review process.  I see that as feeding nicely as, you know, as almost a sub to this, but something that should work in parallel.  But then also discussions like hosting capacity and information-sharing should probably be discussed.

And then another element is coordination between the transmission and distribution system interface.  So meaning, you know, what planning inputs should be provided, how should control and operations be coordinated between the transmission and distribution systems, and making sure that, you know, we're not duplicating and that there's appropriate roles and responsibilities that are, you know, defined based on the specific characteristics of Ontario's system.

Then looking at utility remuneration.  A lot of this kind of flows and is connected, but obviously continuing the remuneration frameworks or evolving of those remuneration frameworks.  I emphasize one in particular that we do look at in Ontario is with respect to shared savings mechanisms, whereby if a utility is able to look at a solution that potentially has cost savings through O&M or otherwise that they can sort of share in those savings with the customers.

Following from that, you get into all sorts of questions about cost allocation, pricing, and rate design.  And then in addition, I will say that another area that we recommend looking at as part of this engagement is the sourcing and how we go about sourcing non-wires solutions, particularly things like procurement practices and how -- you know, what information is shared with proponents and what competitive mechanisms are used to go out to get non-wires alternatives.

So now leading into the objectives, and again these are objectives that we've developed with the CanSIA groups.  So we are taking a very customer-centric approach.  Obviously the folks that the members of CanSIA are working with are directly with customers, a lot of behind-the-meter activity, both with respect to solar and storage.

We want to see improved planning and coordination amongst the industry.  In our minds that includes the LDCs, the IESO, OEB, government, and customers coming together on matters related to, you know, system planning, DR integration, and operability.

We do think it is appropriate to have a common understanding of the technology capabilities, challenges, and solutions that should be implemented and establish clear investment signals for customers.  That is critical for a lot of the CanSIA members with respect to the transparency of data and how decisions are made and ensuring to the extent possible predictability and enduring framework or a framework that, you know, is transparently developed is very important.

And also thinking about a framework for future grid upgrades.  So it's been mentioned before it is not just for the purpose of the next project, but how do you kind of plan things out to the future and potentially enable other investments that, you know, might come from the private sector or, you know, through other kind of collaborations.

And then with respect to principles.  One thing that we want to table is, you know, to the extent possible try to figure out how we can manage this change process, recognizing that customers are making investments today.  And a lot of those customers are making investments based on savings, and that is one of the key drivers to why information and planning -- information-sharing and planning is so important, is to enable customers to make the best decision possible with respect to any investments that they may be making behind the meter.

We do want to see ongoing promotion of competitive forces and, you know, enabling the market to drive to the lowest cost solution.  So this doesn't necessarily mean that a utility would, you know, source a specific solution competitively, but they would be more open with potential providers on what that solution could look like, so defining the problem and not necessarily the solution.

In addition to being simple, we would also recommend that it is addressable and understandable by customers.  So there should be ability to kind of respond to the price signals, and it should encourage economic efficiency, and we also think the framework should incorporate broader system costs and benefits.

So obviously there could be costs and savings for proponents that adopt DERs, but there are potential system-wide cost and benefits that should be included as well, and I think we have had that discussion today.

So I am quickly transitioning to the next part of the discussion here just with respect to some of the current literature and thinking.  A lot of this was captured.

Recently we have been talking about solar, you know, as part of a solution of a non-wires -- as part of a solution for a non-wires alternative, but I think it is important just to kind of take one look again at solar on its own with respect to value to the distribution system.

Obviously the value will depend on its sort of peak coincidence and availability on the grid, but there could be a quantifiable benefit to the grid with respect to deferring grid investments.

So one thing that we would encourage the planners to be thinking about is this deferral value as well.

But as I mentioned, CanSIA is increasingly thinking about solar in terms of its integration with other technologies and, you know, we have a picture of a home here, but this could very well be a business as well.  And obviously there is a lot of other smart devices or assets that a customer might have behind the meter that solar plays well with.

And the benefits associated with sort of adopting the solar plus solution really depend on a lot of things that are in the utility and regulator's hands with respect to, you know, the value that the energy is given when it is injected to the grid, the timing of time of use, the timing of the rates and when the peak periods and whether they coincide with solar output, whether there is demand charges in place and obviously the design of those demand charges, and any delivery charges and how those are allocated as well.

But just to kind of think about that, one more step further, you know, solar, if it is working with other smart devices, can either act as a push or a load pull.  So using demand response, load can be sort of pulled into periods where solar output is higher or pushed potentially using storage to later periods, and both would have a different effect on the grid.

But all of this is only really achievable if there is appropriate price signals or controls that are made available to customers.

Finally, I wanted to talk a little bit about distribution system planning.  Some of this was very adequately covered by others, but I think, you know, regardless of, you know -- we think that there will be a lot of input into distribution planning going forward and it this is probably going to be a very complex undertaking.

But in terms of outputs, two key outputs we see are hosting capacity and an understanding of where resources might have the highest benefit on the grid.

And that should go into discussion of framing, sourcing of DER provided services, which would ultimately make themselves part of the distribution system investment plans and ultimately the utility rate filing.

So key points that I want to highlight on this slide is the output with respect to hosting capacity availability, and locational benefits.

And then, generally speaking, we would say that the framework should be transparent and provide data to customers with respect to, you know, where investments are most valuable in the grid, and from an investor point of view, that could spur innovation and spur -- unlock private capital to make things cost-effective, or make solutions cost-effective for customers.

A final slide.  I know we talked a lot about costs and I just wanted to lay this chart out, because I thought it would be useful tool to think about, you know, how costs may increase as penetration levels increase.

This kind of draws the attention to why defining what the hosting capacity is, is critical upfront because there is this -- what this literature is talking about is the zero cost domain, so there should be an ability to connect devices up to a certain point.  Then we enter into a period where we would need to make investments to accommodate additional penetration of DERs.

So we should be planning for what these costs are, but I think they're very much quantifiable.  And it is really only when we get to, lying, very high penetration of PE where the costs get a little fuzzier.

But we could do a lot today to start planning for what those costs are in this sort of quantifiable realm and, you know, through planning and you know, having a better sense of the rate of uptake of DERs, start to stage-out what those costs might be, have probably a more productive conversation with utilities and regulators in terms of, you know, how do we manage and allocate those costs.

So with that, I will hand it over to my next co-panelist.

MS. GRIFFITHS:  I am Sarah Griffiths. I am here today on behalf of the Advanced Energy Management Alliance, but I am the director of regulatory market affairs, MLX in Ontario and Alberta.

Just briefly, what AEMA actually is, it may be new to some of you, is we're a North American trade association whose members include distributed energy resources, demand response resources, advance energy management service and technology providers, as well as some of North America and Ontario's largest customers.

We support advanced energy management solutions due to the electricity cost savings those solutions will provide to all ratepayers, to our business customers as well as savings to the actual grid.

We support opening up markets, ensuring fair competition, and protecting consumers.  And of course we adhere to the same principles as most everyone in this room, safety and reliability.

So first off, I just want to say we support the points that Sarah clearly just laid out, Sarah Simmons, the objectives on slide 4 that she said, the principles as well as the best practices for distribution planning.

So I won't touch on that.  I will move forward with sort of a second part of what we can discuss, which is the overall approach.  Yesterday we had some really great discussions, I think, on the principles and ideas for this engagement.

And one of the answers that we would like to touch on, that I would like to touch on now is one of the questions John proposed, which is what is the approach to DER.

I think that this morning ICF really laid out a nice path about what we're -- that we need to figure out what we're trying to accomplish and why we're trying to accomplish, and then bring that path toward the end point that will actually move things forward.

So I feel like you took away some of my great ideas.

[Laughter]

MS. GRIFFITHS:  So what we have on the slide here is what should we do.  Should we be proactive or reactive?  So proactive is working towards a vision of the future where, in our opinion, distribution systems are based on the objectives of the province and the fundamental regulatory principles.

Reactive is incrementally evolving the regulatory structure as change drivers become significant. And the main driver that we are going to see is obviously consumer demand.

So the proactive approach directs or incentivizes utilities to go out and procure or encourage DERs in order to meet long-term objectives, whereas the reactive approach does things like before the connection process and after a lot of pain, which I think some of us are feeling in this province -- no fault to anybody, of course -- as well as change planning and operations only after DER penetration starts causing problems, or changing rates in reaction to the high penetration of DERs.

So I think something that is very reactive is the actual title of the second part of the consultation, or perhaps it is the first.  But responding to DERs, that is very reactive, whereas looking at new business models I would argue is actually proactive.

So as per the slide, we obviously want to see a proactive path forward.

DERs, they're not just coming.  They are here.  They can be as simple as load curtailment as DR.  Two, I would say far more sophisticated electric vehicles and smart charging software for electric vehicles.

But we do not want to just start changing things for change's sake.  We need to figure out, as I said, you know, what is our actual vision.

I was going to spend time today and actually bring someone up from a different jurisdiction to speak to you all today about the experiences of Enel X and other AEMA members in jurisdictions such as the UK, California, Massachusetts, and New York.

However, having seen LEI's presentation I thought why don't we let them stick with that.  But I will refer to some of the challenges, issues, as well as best practices that we have experienced in those jurisdictions.

So the two I will look at is California and New York.  

The California process has been really great.  They started with a distribution resource plan initiative, which was supposed to create detailed plants for large amounts of DER deployment, which included non-wires alternative concepts.

From the DRP, that came incenting DER proceeding, which was supposed to create mechanisms for utilities to procure or incentivize the adoption of DERs according to the distribution plans.

Then business model experiments were going to be piloted within the incenting DER consultation.

But what our members found was that what California did was they actually failed to start with an initial vision, and they failed to push anything past the actual pilot stage.  In contrast, New York continues to progress on a light form of PBR, with its earnings adjustment mechanisms, and really with the reformed energy vision New York had a path forward that should be or that is being followed.  But again, I know LEI will speak to that tomorrow.

Some of the things that we have found in these other jurisdictions which are I believe applicable to Ontario's unique jurisdiction are some of these points I have listed here.

Obviously interconnection's something I have spoken about over the last two days, and I will park that for the separate consultation that is ongoing, which hopefully as noted by the OEB yesterday will be coordinated with these two consultations.

Data access is one that has been brought up a lot today.  I think Sarah outlined a good one with the heat maps, and I was also in Alberta last week at the AUC hearing and seeing, I believe it was Fortis's map right up there showing, here is what we need, here are our problems, was a good first step for utilities to follow.

We need to focus on the DER control strategy, something else that we talked about yesterday, what does control actually mean, and I think Travis did a good job outlining that in his slides, what the alternatives or the stages can be.

Obviously, DER ownership.  I agree with Alectra and Indy on this.  We need to open up the ARC and need to have a real conversation about it, and I think that is part of the vision that we need to have on where is our sector going.

Non-wires alternatives, that's been discussed a lot.  And once again I will just say the word, markets in competition.  Let's open up and have these available to find the cost savings.

I think Travis also did a good job today as well as ICF on discussing multi-use and value-stacking and the ability to be able to participate in each market, different systems, to extract this value from DERs.

Obviously stranded costs and the efficient use of distribution infrastructure needs to be on the table, and I think that is one of the points that was raised yesterday and was on the board, as well as consistency across the province.  I think this goes to the standardization discussion, you know, consistency for interconnections, for example, for cost structures, for process time lines.

This shouldn't be a lowest-cost denominator.  We shouldn't be all going to the bottom, we should actually be trying to raise the bar on this.

My final slide just does look at the two jurisdictions and some recommendations on what we like in those two, and as ICF referred to earlier, there isn't any clear best practices yet, but there is some trends.

But this is what our members think of who is doing well.

So California, hosting capacity, transparency, interconnection, Rule 21, and utilities in the room who have been involved in any of the AEA members, this is something we have been pushing for for some time.

DER participation in the wholesale market, it is allowed.  And then using DERs versus financing some new traditional peaking plants.

New York, on the other hand, has done a good job, we think, of valuing DERs, also as well as the deployment of non-wires alternatives, and I could probably spend my ten minutes speaking about BQDM in New York, but again I will leave that to tomorrow.

They also have DR programs within the utility for peak-shaving and then the energy storage road map.

So I feel like I have had the privilege of actually working in three separate markets and jurisdictions, and one thing I can say is that all of those markets are unique, and they may be unique for different reasons than in Ontario, but they are not the exact same.  They are all in their own.  And they all think they are more unique than each other, but we can still learn from what those jurisdictions have experienced and accomplished and we can bring lessons learned, and I think having ICF and LEI here to bring some forward is such a great idea, because we can make an Ontario-made solution by looking at the positives and the negatives from the other markets.

So thank you.

MR. BROOKS:  Good afternoon.  Can you hear me?  Is the volume okay?  Maybe I will bring it closer.  Okay.  That sounds better.  I think I can hear myself clearly now.  Hopefully it is the same for you.

Good afternoon.  I am Jake Brooks with APPrO, Association of Power Producers of Ontario.  As the name says, we represent power producers based in Ontario.

I would like to thank the Board for setting up this forum and for creating an opportunity for all of us to share our experiences and our thoughts.  There's quite a lot of commonality I can hear coming forward, at least in some areas.  I wasn't present yesterday, but I had a quick look at the transcripts and I can see there was a lot of creative thoughts put into the process.  A really useful discussion.

I heard concurrence on a number of principles, again, markets, competition is like an echo, we are hearing a lot of echoes in the room, I think, about markets and competition.  Enabling competition as a means of benefiting and empowering consumers seems to be high on people's list of priorities.

I think I heard a lot of agreement on the value of robust and transparent cost-benefit analysis up and down the system as respects DERs.  And of course reliance on market functions to the greatest extent possible.

These are our concerns and these seem to mirror a lot of the other concerns in the room.

Now, just to give you a quick overview of some of our key thoughts and recommendations.  I will start by reiterating something that has been said many times.  Properly applied DER technology has many benefits.  In addition to being a great source of economic development and local self-reliance, it can support the grid, deliver value to customers, reduce the long-term costs of delivering energy to all customers, and enable the adoption of beneficial innovations.

While the cost consequences of DER must be carefully considered, the major obstacle to economic solutions, as APPrO has said many times, is that there is currently no systematic method of accounting for system benefits.  This has been recommended often and is often usually accepted as sound advice.

One of the other obstacles we have noticed is that current and -- current operational and cost models provide scant attention to the value of diversity amongst DER resources.

The diversity of many separate units leads to a greater statistical and practical reliability of DERs as a group.

The individual unit reliability statistics are relevant, but impact on the system as a group is more relevant.

Most LDCs express a willingness to work with DER resources.  However, the approaches vary widely.  When it comes to actual implementation, the required time, complexity, uncertainty, and ultimately costs from a LDC that are often passed on to a DER proponent are often problematic at best and at worst can stop projects completely.

It is reassuring to know, though, that we have a lot of commonality in terms of the high-level principles.

I am going to run through a set of recommendations which are relatively straightforward.  I will try to keep within the time limits.  Cut me off if it is going on a little long.

The first major recommendation -- you have heard it from other people before -- enunciate a clear and unequivocal commitment to maximizing competition in the electricity market.  This means at all levels of the electricity market, the distribution and the transmission levels.

OPG stressed this in its submission of January 25th, 2019.  In fact, a lot of this relates in many ways to the discussion on the advisory committee for innovation.

Encouraging market-based solutions and customer choice is central to achieving customer satisfaction and efficient evolution of the power system.

While recognizing that some aspects of the market are not always suitable for competition and that administrative functions are necessary in some cases, it is crucial to design rules and regulations that ensure the scope of administered functions is reduced over time and minimized at all times.

Market-based growth of DER is a unique opportunity to increase the scope of competition and the level of innovation in the sector.

Next major recommendation is to ensure that utility planning recognizes the need to adapt to changing conditions.

One of the key concepts -- and I am sure you have heard this before as well -- regulation must evolve towards a framework where distributors are rewarded for least-cost planning, rather than trying -- rather than relying on return on equity on distribution assets deployed.

This will ensure the customer interests are served when costs are incurred, whether traditional investments or potentially lower-cost DER solutions.

In addition, utilities may be able to save costs in some instances by systematically considering when and where reliability services may be cost-effectively sourced from DERs.

Thirdly, institute a transparent procedure for estimating the benefits of DERs.  This is something I would like to echo from a submission we made in January to the advisory committee on innovation proceeding.  Mandate a practical easy to use approach for estimating benefits at the LDC level.

The ACI report confirmed the importance of establishing a methodology, and I've got a quote here from them, a direct quote:
"Establish an empirical evaluation methodology for cost-benefit comparison so all proposals are evaluated on a fair and consistent basis."

They go further, but you can read the quote. Further details on recognition of benefits is included in previous submissions, and I will make it available through the written submissions in this proceeding.

The next major area of recommendation: establish rules that prioritize the establishment of a level playing field, transparency and collaboration.

These, you will notice, are the main points that came out of one of our member's presentations, OPG's presentation yesterday on the DER policies, cited providing a transparent and level playing field, clear processes and rules to enable innovation, encourage collaboration, commitment to competition, removing disincentives to innovative solutions, and so on.

Markets require transparency, a level playing field and these other conditions enumerated above.  I think we can all look to these as guidelines.

In addition -- and this is not unfamiliar, I am sure 

-- separating the competitive and monopoly businesses is essential as a feature of any market.

Maintaining a clear distinction between competitive and regulated businesses in the electricity sector is central to making progress in markets.

A few things will unnecessarily hinder investment more about uncertainty about whether regulated businesses will be allowed to compete in a given market.  It is therefore essential that a clear and enduring policy be articulated to finding the business areas in which market players can have confidence their competitors will consist exclusively of other market participants, without access to regulated rate bases.

With respect to separating the wires business from the competitive business, one exception certainly can be made for when DERs are installed purely to meet and/or manage an LDC's own internal load.

However, even those installations should be sourced competitively wherever possible.  Standard LDC rates of return would normally apply, unless the risk was borne by an entity unrelated to the wires company.

Regulators can assess appropriate rules for utilities by applying a simple test:  Is this function or service a natural monopoly that is best delivered by a regulated distributor.

Next comment, establish certainty about future regulatory treatment before investments are made.

One of the primary challenges for regulators will be to establish a transparent, widely accepted methodology for assessing whether a given investment is economic and can proceed without uncertainty about triggering distortionary anti-stranding measures in the future.

This methodology should be designed to meet two critical standards.

Minimize if not eliminate the danger of excess stranded costs that might require mitigation, in other words minimizing the social cost of sector transformation. That is a big challenge, and I totally accept that. But if you are going to start on a sector transformation process, you want to do this kind of work to make sure costs are minimized.

The other standard, providing timely assurance to investors, developers and stakeholders as to the viability of a given investment, without causing delays that would affect the viability or economics of the proposed project.

Another point to bear in mind is that costs shifting is inevitable during periods of transformation, and not all cost shifting requires mitigation.

This is an observation from one of our previous submissions on commercial industrial rates.  We said:
"It is inevitable that some cost shifting will occur as the technology landscape changes.  The critical question in this regard is whether each class of customers receives enough net benefit to more than offset any cost shifting.  The primary underlying challenge for regulators is establishing rational and transparent tests to determine which investments are economic and which are not, before large amounts of capital are committed, and before investment moves to other jurisdictions."

Establishing rules to minimize grid costs and project costs.  One of the OEB's long-term priorities has been to establish consistency of practice in terms of connection rules and procedures.

A central objective in this effort must be ensuring that undue costs are not imposed on new and proposed projects.  For example, in some cases, project proponents have reported unnecessarily high costs for interconnections.  These include studies, protective relaying, lines, transformers and so on.

At the same time, it will be important to establish rules and procedures on the other side for ensuring that upstream costs for adaptation experienced by the utility are also kept within reasonable bounds.

The final area of recommendation is establish a collaborative process to guide and define best practices for DER development and integration over time.

This is complex.  It won't be solved over night.

To ensure a level playing field for the critical processes of new connections, it would be timely to organize structured consultations on the design of regulatory incentives regarding connection speed, completion rate, and cost accuracy.

At the same time, it would be appropriate to initiate consultations with the aim of defining terms for the ongoing operation of a collaborative body focussed on best practices for management of distributed resources, to ensure safety and reliability concerns are met while placing the least burden on the emerging market and existing customers.

The collaborative body would focus on four major areas: appropriate systems for management of DERs within a LDC, innovative approaches to connection and operation of DERs, alleviating unnecessary obstacles to distribute energy market activity, and defining a reasonable set of service standards for LDCs to use when responding to connection applications from DERs.

Perhaps I will start to wrap up here.  I just note that in an APPrO submission in this past April, we included an appendix that cited seven examples where customers were trying to build DERs in Ontario because the LDC was unable to provide the electrical service the customer needed.

It is in appendix 1, entitled examples of customer investments where DER is required, because the LDC is unable to provide comparable service options.

It is instructive reading because this came from customers, customers who are looking for DERs and having difficulties.

So I will wrap up with that point, and open the floor for questions.

MS. SIMMONS:  Thank you.

MR. MATHESON:  Thanks to both groups for your presentations.  Anyone care to begin?
Questions and Discussion:


MS. GIRVAN:  Julie Girvan Consumers, Council of Canada.  This is for you, Sarah.  You said that you believe that ...

MS. GRIFFITHS:  Which Sarah?

MS. GIRVAN:  That Sarah.  Sarah Griffiths, sorry -- or both of you can actually chime in if you like.

You said you agreed with Indy in terms of a review of the ARC.  Can you put forward what you think needs to be changed with respect to the ARC?

MS. GRIFFITHS:  Well, I think that we need to ensure that the ARC is adapted for today's market versus the old market.

The ARC was, as I understand -- it was slightly before my time -- you know, was when there was the retail and wholesale market and the advancements of retailers versus say more of an energy service provider.

So when people call or when groups call for the, you know, opening up of the ARC, it is what should and can the utility do, and what can and should the affiliate do.

And are the right walls in place to ensure that both are staying in their lanes.

I actually work for an affiliate of, I guess -- I will say I think the largest electricity distributor in the world, and we have very strict guidelines that have to be followed to ensure that there is not the subsidization cross channel and there is not anti-competitive behaviour. Since we are on the -- we're listed in Europe, you know, it is a securities concern, not just a competitive concern.

So I just want to make sure that as utilities evolve into other businesses the right rules are in place for those businesses that we can all agree to, and therefore, you know, ensure that there is not anti-competitive behaviour.

MR. MATHESON:  Anyone else want to take a cut at that on the panel?  No?  Ian, you're next.

MS. GIRVAN:  Sorry, Jake, did you want to chime in on that?

MR. BROOKS:  Well, I don't have specific recommendations, but ARC was developed when we were talking about wholesale competition.  Now we are talking about competition at the distribution level.

MR. MATHESON:  I never knew that is what they meant when they said he's been around since the ARC.

[Laughter]

MR. MATHESON:  Does anybody know how big a cube it is anyway?

[Laughter]

MR. MATHESON:  So Ian, you are next.

MR. MONDROW:  Thanks.  Julie actually asked my question, but I want to -- I think we need to be clear about this, and I appreciate your clarification, Sarah.

There is legislation in place which used to restrict the activity of affiliates of municipally-owned electricity distribution utilities.  That legislation has been amended.  There are no longer any restrictions.  The affiliate can do whatever it wants.

The ARC is an instrument of the Board which retains a separation between the utility and the affiliate, in other words a separation between rate recovery and business risk.

So you say you endorsed Indy's position.  I think Indy's position is probably somewhat different.  But I assume you are not -- I think what you are talking about is defining clearly what the regulated distribution utility can do and the extent to which engaging in distributed energy resource activities is a distribution activity, because right now the legislation says that is what the distributor does, it distributes, and there will be some debate about whether, if you can avoid a distribution investment, an investment in wires or transformer stations, by doing something on a distributed basis, is that a distribution activity, and people will argue one side or the other of that, but there is legislation that defines what distribution is and what the utility can do.  So I am happy to have you respond, but I think we need to be careful.  People --


MS. GRIFFITHS:  I agree.

MR. MONDROW:  -- call for opening up the ARC, and when you clarified what you actually clarified was you work for a company where that division between ratepayer-funded and risk-based activities or between regulated activities and unregulated activities is actually clear and has to be retained as clear.

I think that is what APPrO's position is, if I understand APPrO's position, and I think that was the genesis of Julie's question, so let's be careful when we talk about opening up the ARC.  If we're really talking about defining what the distributor can and can't do as a distribution function, as a regulated function, then I think clarity in that discussion is necessary.

MR. MATHESON:  So I have got a bit of a list going here.  I think you are next.

MR. ELSON:  Thanks, John.  Fiona I just had a couple 

-- I guess our perspective on the role of gas DER, and I just wanted to see if it was consistent with Enbridge's perspective.

Really for this process, you know, we don't want gas to have sort of a short shrift, and so, you know, we see gas DER as being at least as important as electricity DER.

We also see there being unique opportunities in the gas sector, and to us it raises some of the same fundamental issues about incentivizing non-pipe solutions to infrastructure projects and the role of utilities.

So that is partially just a comment, but I wanted to see if you took any issue with those comments or agreed or disagreed.

MS. OLIVER-GLASFORD:  Yes, Kent.  I think generally we agree with that, that there is certainly -- you know, that's why we're here.  We do see applicability for DERs on the gas side, both within -- kind of within our own planning and also crossing kind of that energy system planning, the inter-ties.  So absolutely I see it as relevant.

MR. ELSON:  I think for us part of the opportunities in the gas sector -- you know, it looked to me like your presentation was, you know, presenting some of the cautions, but there is a whole other side, which is the opportunities in the gas sector and the benefits of the gas sector.

You know, you have avoided commodity costs that are easier to quantify in the gas sector.  You don't have the electricity sector complication with surplus base loads, so on and so forth.

You have a commodity that is coming from out of province, and so you have an opportunity to create more economic activity in the province to displace money going out of the province.

You have DSM budgets, energy efficiency budgets, that I think are about a quarter of the size of the electricity budgets even though they're more cost-effective.

You have far greater carbon emissions associated now with natural gas, of course, which you can see as a downside, but, you know, I see as an opportunity, because it means that you have a big potential to get benefits from DER in diversifying away from fossil fuels, whether you are talking about energy efficiency or heat pumps in lieu of community expansion.

You know, I could go on, but I think there is a whole other side to the gas sector, which is, yes, there are differences, and some of those are cautions, but some of those are ways in which there is particular opportunities in the gas sector.

MS. OLIVER-GLASFORD:  And I think that is why we're paying attention to this particular framework development.

You know, as we look at how affiliates can play, how some of these non-traditional assets are being treated, these are all relevant for us in how we move forward, and they've been issues that we have been trying to and looking to pin down as well.

MR. ELSON:  Great.

MR. MATHESON:  So we have got three in the room, and you will be next, but I am just going to go online for one just so they don't feel like we're ignoring them.

MS. HUSHION:  So this is a question for the group, I think, or perhaps for Fiona.

In the jurisdiction examples mentioned by the panel, what is the predominant mix of fuel inputs for those DER solutions?  Is the majority natural gas, renewables, storage, or other?  That could help inform how Ontario can leverage existing infrastructure without spending more on new pipes and wires.

MR. MATHESON:  I think that is probably directed generally, so by all means.

MS. SIMMONS:  There was a good summary report prepared, I think in part with CIPA and some others in the U.S. in terms -- but did a really good job of reviewing sort of ten case examples of non-wires solutions.

And that first jumped to my mind in response to this question, because it laid out kind of what the non-wires alternative consisted of, and so generally speaking what that report showed was a mixture of things like energy efficiency, demand response, solar, some CHP as part of the solution.

So I hope that answers the question, but it seems to be more of like a mix of different technologies and really case-specific based on the needs that were identified in the -- by the planners and by the distributor that -- and the resources that might be available to provide that solution.

MR. MATHESON:  Anyone else want to comment on that?

MR. BROOKS:  Well, just that it is likely to be market-responsive.  It is hard to know in advance what the mix is going to look like, but it will, of necessity, have to be market responsive.

MR. MATHESON:  Okay, sure.

MR. HARPER:  Bill Harper with VECC.  This question may be more for tomorrow, but I heard both Fiona and Sarah Griffiths and Jake all make reference to the need to incentivize distributors in order to pursue DER.

What I would like you to comment on and I am struggling with is the fact that indirectly or directly there were some comments around that.  Some were more explicit than others.

But a comment on -- was the fact that part of the whole regulatory pact or paradigm we work on is that in order for costs to be recovered they have to be demonstrated to be prudently incurred.  I've also heard comments on DER is the right thing to do.

And I put those two together and I struggle with, if your costs have to be prudent, why do I have to incentivize you to do the right thing?

MS. GRIFFITHS:  I think in this time that, you know, when I speak of incenting the distributor, it is changing the rules on what they're allowed to do, and so it is not incent in terms of, you know, bonus or make them do something above and beyond.  It is -- and I think it will tomorrow be a major part of it with the remuneration discussion -- is changing that so that they are allowed and, therefore, you know, willing to look at an alternative solution than they traditionally have been.

So I think incent here, sometimes it's, you know, it is a bad work like subsidization, and it is not in this context, but it should -- you know, from a cost-benefit, if it is better to do it, they should be able to do it versus what they can only do today.

MR. HARPER:  Because I could put the shoe on the other foot and say if they don't do it perhaps they should be penalized.  I mean, that should be the imprudence.

MS. GRIFFITHS:  I will not comment on that part.

[Laughter]

MR. MATHESON:  You're next.

MS. BUTANY-DESOUZA:  How fitting that I am the next question.

So as one of the distributors in the room, I think the idea, in terms of incentive or at least the way we view incentive, is that currently, at least to the best of my knowledge, there are restrictions on the technological investments that we're allowed to make that would be -- in which we would be able to earn a return on rate base.

So generally speaking, investments are considered in the context of poles and wires, and the alternative solutions aren't part of that opportunity to earn a return.

So when people are talking about utilities stacking their capital -- or I forget how it is phrased, but we don't do that -- but I think that is the idea that Sarah was getting at and others were getting at on the panel in terms of incentive, meaning it should be a disincentive.

I think part of my remarks yesterday, and in fact my peers from Hydro One were equally saying we want to do the right thing.  We're looking at the solutions.

Some of them still remain cost prohibitive today. That's a function of new technology and adoption rates, what have you.  But to the extent that there are alternatives, we, too, want to be able to invest in the most appropriate solutions.

So that wasn't actually the reason that I wanted to offer a comment.  But given that was the last discussion, it seemed appropriate that I should start with that.

Now I need to go back to comments like, as someone else said yesterday, like so ten minutes ago and try to be relevant.

But I will say this, that on the Affiliate Relationship Code, I think the fundamental point, or at least the point that I and many of my utility peers would offer is that the context of the ARC, or the genesis of the ARC as Jake referred, is under a different circumstance.

Now, competition -- I don't think you can just say competition is competition.  I think there are different types of competition, different competitors and the nature of the market now is decidedly different.

So to the extent we're looking at reopening or revisiting the ARC -- and Sarah and I will at least agree on that fact -- it is in the context, I think Ian's points of clarification is probable reasonable -- I shouldn't say probably reasonable -- it is reasonable insofar as to say that it is about what can utilities do now in going forward.  What can only their affiliates do.

And frankly, from a utility perspective, it begins to be a grey area.  Many people have heard our CEO, Brian Bentz talk about the utility of the future and more of an energy company than necessarily the utility of years gone by.

So as we look at changes or reviewing the Affiliate Relationship Code, I mean that is a much bigger conversation for sure, but one that I would hope that we would have and one that wouldn't be a narrow approach in terms of let's tinker with clause 5.4.3 of the ARC and what does that mean and, oh, let's change five words.

I think this is a broader discussion that falls out of -- frankly it is an outcome of this broader proceeding as opposed to let's start with tinkering with the ARC.  Thank you.

MS. GRIFFITHS:  I would just say I fully support that and I think that is why we need to have this vision.

MR. MATHESON:  Okay.  Jay.

MR. SHEPHERD:  This is a question for Fiona.  We talked a lot in the last couple of days about utilities choosing non-wires alternatives. So this is not new.

Enbridge has been told year after year after year by the Board to look at non-wires alternatives to laying pipe.  And it has consistently refused to do that, consistently said, sorry, too late, we can't do it, no matter how much lead time they have.

Why would we think that electricity utilities are going to act any different than Enbridge, do what their traditional investments say, lay pipe.  That is how we make money as opposed to looking at the alternatives.

Why would they be any different than Enbridge?  I am putting you on the spot.

MS. OLIVER-GLASFORD:  Is that a question for me, why it may  be different?

MR. SHEPHERD:  I am inviting you to explain the reasons why a utility like Enbridge would be so steadfast in not doing IRP, using DSM to replace traditional investments, and comment on whether those same considerations apply to electrical utilities.

MS. OLIVER-GLASFORD:  Thanks, Jay.  I disagree with your characterization, absolutely.

We have been working on and have filed a very comprehensive plan on this study on this matter, which outlines the issues exactly that we're dealing with in this particular session around how does the utility get remunerated for these alternative solutions.

And so certainly these are the exact same issues and until we have clarity on what that vision is and charity on the rules of the game if you will, how do affiliates get to play, how do some of these investments get treated.

I think it is very difficult to understand then what that business case looks like, or what that path forward looks like.

MR. SHEPHERD:  So the context of the question is -- I agree you filed a study, which basically said we're not going to do it until you change the rules even though you told us to do it.

So I guess my question is, if the Board says to the electric utilities:  We want you to start considering non-wires alternatives, can the electric utilities say, well, no, we don't like your rules so we're not going to do it?

MS. OLIVER-GLASFORD:  Again, I think I disagree with your characterization.  We don't have the rules of the game yet and so we are -- and we have identified on the record that we will be filing an IRP plan by the end of this year.

So my hope is that provides a little bit more clarity and some steps forward in the discussion, at least on the gas side.

MR. MATHESON:  Tom is next.

MR. LADANYI:  Tom Ladanyi, Energy Probe.  This is for Sarah Griffiths.

You seem to have said two things that appear to me to be contradictory.  On your slide five, you said the utility business model needs to be overhauled to execute the plans at minimum cost to ratepayers.

And then when speaking -- and I wrote it down -- you said not lowest cost, raise the bar.

So can you explain the contradiction between this?  Maybe I haven't got it right.  When you say not lowest cost, raise the bar, what bar is being raised and where is it being raised to?

And how is the utility business going to be overhauled?  Is it not currently delivering services at minimal cost to ratepayers?

MS. GRIFFITHS:  So I think what I meant to say if I misspoke was raising the bar not going to the lowest common denominator.

So not doing the minimum basic, but doing -- you know, not the race to the bottom, but the race to what's necessary.

So I think that was that point, and if I said cost, then ...

MR. LADANYI:  I wrote it down.

MS. GRIFFITHS:  I think what I was referring to cost structures in terms of -- sorry, cost structures that had to do with the requirements and that was spoken about earlier, monitoring and controls, the need for a transfer trip when there's actually alternatives that can be done.

So that is what I was speaking of.  The extra padding that is sometimes occurring because of a lack of consistent rules across the province is what I was getting to, and the lowest common denominator is, you know, just that speak of -- if only one can do this, but everyone can do this, this shouldn't be the bar.

We should try to raise the bar to ensure that we have the right technology, the right connections to that point.

And you know, what I can't remember what the second part was.

MR. LADANYI:  That was actually --


MS. GRIFFITHS:  The rehauling -- I feel like overhaul may have been a bit strong when I wrote this presentation three weeks ago.  But it is going back to what I said about making sure we have the right business model to encourage these lower cost solutions that we believe are lower cost solutions.

You may not, but we think they provide a value that has not been extracted right now in the distribution system, and that we would like to see that value given back you know, given to the ratepayers.

So I think that is -- perhaps "overall" may be a bit drastic, now that I re-read it.  Thank you, I will change that slide.

[Laughter]

MR. MATHESON:  All right.

MR. ELSON:  Kent Elson, Environmental Defence.  I wanted to respond to Bill's comment because I think it is important about why you would need to incentivize DER alternatives, can't we just deal with it in a prudence analysis.

I think that comes down to should it be carrots or sticks, or a combination of carrots and sticks. And we don't think it can just be sticks, for a couple of reasons.

One, further to what Jay was saying, is we've had the stick in the gas sector for many years now, and we have not had any infrastructure projects that have been avoided because of energy efficiency or DER.  So that direction came from the Board in the GTA pipeline case, in the DSM reviews, and so on and so forth.

And so the prudence analysis hasn't worked.  And one of the reasons it doesn't work is it is very hard, when you are at a leave-to-construct application, to say to a utility:  Well, now it's too late.  So what are we going to do about it?  Because by the time you've got that far you don't have the runway in order to implement an energy efficiency or other alternative.

The other side of it from the carrots perspective, it is not just about providing an incentive.  The issue is that there is a huge disincentive for the cost-affected solution, because if you can invest, you know, $100 million in an infrastructure project you are going to earn a lot.  And on the other side, you may earn nothing or there is uncertainty.

So it is not only about providing an incentive.  It is removing what is currently a very perverse disincentive.  And that doesn't mean that you can't strengthen the sticks.  You know, there needs to be penalties if you don't review these things early enough in the process.  There should be a process where you are identifying the needs early, maybe even allowing others to bid on solutions if there are alternatives to what the utility is putting forward.

But in our view, it has got to be both the carrots and the sticks.

MR. MATHESON:  Any other questions?  What I would like to do is maybe put Dale on the spot, because Dale -- we had a couple of online comments which were, hey, wouldn't it be great if Dale could stick around a little bit longer, and he is still here.  He has now had the benefit of hearing a couple of the presentations that followed his.  And, you know, if the most memorable takeaway from it was think about the why and the what before the who and how, I just wonder if there is any other lessons that might have come in -- or examples that might have come into sharper focus from some of the other jurisdictions that we were thinking about that may cast any light on what we have just been talking about that kind of build on where you were going this morning.

MR. MURDOCK:  Yeah, I think just this conversation just taking place right now about, what are the right mechanisms to the -- the word "incent" gets used, but really to direct the way utilities think about infrastructure.

I said this morning -- and maybe sort of questions -- it becomes part of the tool box just to accept the changes.  We don't hear a lot of debates about cap banks or transform.  I mean, that is what utilities do.  They know how to do that stuff.

These different ways of approaching, you know, meeting requirements of the distribution system, be it gas and pipes, be it wires, poles, I mentioned this morning this idea of suitability, and there's different jurisdictions that are putting in place processes now that look at the planning so that you don't run up against this, what's the last minute, there is no other approach, there is no other runway, so you start to get out.

California has a fairly structured process.  New York has a similar but different process.  And I think Maine just put in place a non-wires administrator, effectively.  So there is different track records out there in the U.S. in particular where you can take a look at, how do you create visibility about where those opportunities are, but most importantly, how do you define those opportunities, this concept of reaching agreement on what criteria or filter --however you want to call it -- starts to identify things within the utility, be it gas or electrics, planning process.  This starts to identify these opportunities.  So you don't run up against this reluctance or this perception that there is reluctance to do infrastructure work that is not traditional.

So, I mean, I would encourage this forum through conversations to explore some of those more specific approaches that are being put in place and understand what the drivers were for them putting them in place the way they did.  I think it might start to address some of these questions.  So that was just something that surfaced in my mind.

MR. MATHESON:  Okay.  Kent.

MS. LAKATOS-HAYWARD:  I didn't have a follow-up to that, but just another question for Enbridge and one more particular.

You know, we see DERs in the gas sector being largely energy efficiency and then heat pumps in lieu of expansion projects.  On the energy-efficiency side you're coming out with IRP plan.  We're very hopeful it's going to be fantastic, so we will wait to see what comes out.

But on the fuel-switching heat-pump side of things the future is a little bit more uncertain.  At one point you had a geothermal plan which is on hold now.

Can you provide an update at all on that side of the equation using heat pumps to reduce demand or as an alternative to community expansion?

MS. OLIVER-GLASFORD:  I think I am going to take a bit of a pause because, you know, as we go forward any context in a current time has different situations.

So that was really on the basis of our compliance planning, that broader mandate, if you will.  And so we continue to look at the market and see where opportunities are for us that make sense for the utility, but, yeah, I think at the current time we are, yeah, just continuing to monitor the market.

MR. MATHESON:  Okay.

MR. MONDROW:  Sarah Griffiths, I am going to be -- I am not trying to be nasty, but I am going to put you on the spot again, because Fiona's response prompts a question in my mind.

As a representative of AEMA, what is your view on the regulated utility doing this stuff?  So I am talking about the regulated utility now, like in the Enbridge Gas sense or the Alectra distribution sense.  Should they be doing this, as opposed to procuring it from others?

MS. GRIFFITHS:  If a market exists for anything, then I don't think the monopoly should be doing it.  The monopoly should be enabling it.  If the monopoly wants to have an affiliate that competes within the market, as long as the right rules are in place and the right walls are in place, then I have no concern with that.

But I think that if there's people or businesses willing to do something for the utility, the utility contracts out a lot of things, and I assume they just don't -- you know, they have RFPs.  They just don't sole-source everything.  You know, they realize that it is better to go out to contract an extra trouble truck, I think, or, you know, going a bit back, but it makes sense to have an electrical contractor doing some work than it is to hire 20 more full-time employees, because that makes sense economically for the ratepayer and for them.

So I think the same thing, you know, not maybe everything.  You still are going to need to have your own employees working on your lines, but if they need capacity at a substation and the market can respond to it, then the utility, I don't think, needs to do it.

MR. MONDROW:  And Jake, I assume APPrO's position would be the same?

MR. BROOKS:  Well, I don't think we have a fully developed position on this, but on the electric side there are such a variety of sizes of utilities you can't expect them all to accommodate or enable markets in the same way.  So there's --


MS. GRIFFITHS:  I kind of disagree.  I think Niagara-on-the-Lake probably can go out and get a contractor to do electrical versus hiring a whole new crew.

And so, you know, I am not saying that Niagara-on-the-Lake Hydro which I actually probably -- I don't want to say that, but I bet you they could actually go out and get a market to do a non-wires alternative like that after hearing Tim speak.  I don't think the size -- it's not -- you know, you don't need to have a mini IESO in every single LDC.  That is not what I am saying.

What I am saying is, if the market exists for a product, then that should go to the market, and the utility doesn't have to do it.

MS. SIMMONS:  I am pulling on a different piece of the question, but some of it related to the comment I had yesterday with respect to how distributors sort of view problems and then solutions versus presenting or approaching their customers or others with respect to what the problem is they're trying to solve.

There was a case again, it just kind of stuck out in my mind, where, you know, there was a lot of DER uptake on a line.  This was a case from Alberta.  And then the utility went ahead and installed new devices to kind of manage that uptake on the line.

But the question kind of in the preceding was, well, why didn't you go back to the customers and see if they were, you know, willing to operate their systems differently, right, or what controls could be enabled by the, you know, smart inverters on the system.

So it's -- you know, the utilities I think are like hard-wired to look at, you know, solving the problems themselves versus necessarily going out and looking at sort of cost-effective alternative solutions to problems that they're facing.

MR. MONDROW:  In fairness, they do have that legislative responsibility and regulatory --


MS. SIMMONS:  They do, yeah, yeah, yeah.

MR. MONDROW:  -- responsibility.  I thought it was on, I apologize.

I said on the other hand, they have the legislative and regulatory obligation to solve these problems and if they don't get solved or they go to someone else and it doesn't work, they eat it or they bear the brunt of that.

So I appreciate your answers.  This is the nub of one of the big issues here.  We talk about the utilities doing something more efficiently; the more efficiently according to many in the room is a distributed energy solution.

But that is not what distributors, many people say, are supposed to do, at least not in regulation. So how do we bridge that?

And so I appreciate your answers, it is helpful.

MR. MATHESON:  Do we have someone who wanted to build on that directly?  Jay is first, and then you.

MR. SHEPHERD:  This is probably for Sarah Griffiths as well.  Toronto-Hydro has a proposal before the Board right now to go into the energy storage business and provide behind the meter energy storage for customers and rate base it.

Do I take it from what you say -- I am sure you haven't seen that proposal -- or maybe you have, but I am not assuming you have see that proposal.  But do I take it that your view is that if there is a competitive market for that, then they shouldn't be doing that?  Generally speaking; I am not asking you to comment on their particular proposal.

MS. GRIFFITHS:  Generally speaking, yes.  A different example in some unknown named city has a similar problem, or has -- I assume they're trying to solve a problem, and that is why they want a rate base.  And this is the solution they have said let's use, or say another utility.  They just want to start a business.

MR. SHEPHERD:  They want to be in that business, yes.

MS. GRIFFITHS:  That business exists, and so I think that is -- that business exists outside.

MR. SHEPHERD:  I take it -- the reason I asked you first is because we're going to talk to utilities this afternoon and I think maybe Indy is next, is that correct?

MR. MATHESON:  Yes.

MR. SHEPHERD:  So I am wondering whether the utilities in the room might comment on whether they want the right in their utility to compete with the current energy storage companies behind the meter.

MS. GRIFFITHS:  One thing I would say is that if the market exists, then that should be a solution.  And if the market can do it for a better cost, then that should be a solution.

If no market exists, then the least cost solution that meets all of the parameters of safety and reliability should be used.

So there may not be a market for everything that a distributor wants to do.  But, you know, the market may be able to do if cheaper and better.  They may not.  But I think that needs to - that conversation needs to evolve.

MR. SHEPHERD:  How do you know whether the market can do it cheaper if you let the utility compete in the market with an unfair advantage?

MS. GRIFFITHS:  I don't think they should compete in the market with an unfair advantage.  I think everyone would agree that if markets exists, everyone should have a level playing field.

MR. MATHESON:  We are just going to move on to Indy now.

MS. BUTANY-DESOUZA:  My timing is everything.  I actually wanted to go back to the other Sarah's earlier comment.  I don't think it is a foregone conclusion that the utility doesn't outsource, or look at outsource solutions as the reasonable alternative.

So I just wanted to correct the last statement made, that that is, in fact, entirely not the case.

We do evaluate the opportunity cost of doing it, undertaking initiatives internally versus procuring solutions outside of the utility and it is on that basis that choices are made.

And we do so both with the customer in mind and cost in mind, as well as efficiency.

So I couldn't let that statement stand.

MS. GRIFFITHS:  Can I add one point?  If anyone has their computer open, I would recommend just googling BQDM New York RFPs, and there is a list of their current non-wire -- this is not in response to Indy at all, just something I thought of and meant to say earlier.

But I think it complements a list of everything they're looking for and what is included in the non-wire alternative. It is a great piece for the market in New York.

MR. MATHESON:  We have Vinay from London Hydro.

MR. SHARMA:  Thank you.  I think I will echo the comment from Alectra that we look for best solutions.

And there is no utility looking for any unfair advantage.  Actually, in the current regime, there are no unfair advantages.

And Sarah Simmons sitting there, it depends who she is speaking for.  Today she is speaking for CanSIA, and that's wonderful.  But yesterday she was speaking for LDCs also.

Nevertheless, I think DER, whatever policies come out, let's not exclude a sector completely for arbitrary reasons.  I think OEB shall have all of the wherewithal to evaluate a project.

Toronto-Hydro's energy storage business, what problem they're solving what the cost of revenues are, that doesn't prevent private guys from coming into the market.  But the regulator has all of the tools to evaluate and show there I no unfair advantage.

But to arbitrary move a sector, a large sector made up of many, many engineers, I think is wrong for the benefit of the consumers.

MS. GRIFFITHS:  I think -- I was going to say I disagree.

You should be enabling it.  You have all of this information and engineers to enable it.  But there is an unfair advantage, and there is an unfair advantage when you have an affiliate -- when you have an LDC employee who has a very high title, and then you have that same employee who is in charge of regulatory compliance and asset management who is also the chief operating officer of the affiliate, who is out competing with other businesses.

And that is a very, very unfair advantage.  And it is on behalf of the ratepayer.  That is what it comes down to, that of course you are going to win with that unfair advantage.

MR. SHARMA:  I am not going to debate the issue.  Just one more comment I will make.  Information is the power.  Not a person in engineering in the office, information.

I would certainly agree on this point, that information of the grid should be uniformly be available to all the time.

MS. GRIFFITHS:  Yes.

MR. SHARMA:  That I agree with, so that nobody has an advantage over others.

However, a sector, a full sector who is capable of delivering so much in the policy to be arbitrarily excluded I think is a wrong suggestion.

MR. MATHESON:  So we are pretty much out of time in this session, and Kent is the next in line.  There is going to be another session where we will are have lots of LDC participants that will probably give us a chance to continue along these lines.  So, Kent, over to you.

MR. ELSON:  I just wanted to comment there is not just a (microphone dropout) between market and no market.

You might have some market, but it is not sufficiently robust enough to be addressing the needs and to be available.

An example is Enbridge's geothermal application where they were proposing to go into a market where there are companies operating.  But the OJA supported that application, and there were reasons to believe with the Enbridge name and with some of the benefits of their proposal, this could greatly expand something that would benefit consumers.

Similar to that, there is a spectrum in terms of utility involvement.  It is not just an off and off switch.  Again, the geothermal application is an example of that.  Enbridge wasn't proposing to do everything.  They were going to be leaving the installation of equipment in the household to the private sector, and they were going to be putting the pipes in the ground, but even putting the pipes in the ground would probably mostly be through contractors.

So I think we will run into problems and will be leaving cost savings behind if we sort of ideologically say we're going to rule out utilities being involved in these kinds of sectors.  And I think the focus needs to be on is there benefit for the consumer?

I mean, fairness is important because that can bring benefits to the consumer.  Competition is important because that can bring benefits to the consumer.

But there's other issues and other ways in which some sort of hybrid solution may bring more benefits rather than going all the way in one camp or the other.

MR. MATHESON:  Okay.

MS. GRIFFITHS:  I just wanted to respond because there was a comment Indy directed towards me.  I just wanted to make sure I wasn't directing a comment about the current practices right now.  It was more so looking into the future as we do have higher DER uptake, and making sure that we're taking advantage of the capabilities of the resources on the system as we're planning and mitigating there.

So no comment with respect to Alectra's practices.  I was commenting with respect to a case that was presented to me from an Alberta context, and sort of a lessons learned that I wanted to share with the group.

MS. BUTANY-DESOUZA:  The thing is the opportunity exists for sure for LDCs to procure DER, and that may be one option.  But I do think that Vinay's point is well taken, that we not just unilaterally be discounting sixty-plus companies from participating.  That to me seems anti-competitive also.

And in addition -- your poker face isn't showing, Sarah.

[Laughter] 

UNIDENTIFIED FEMALE SPEAKER:  [inaudible]

MS. BUTANY-DESOUZA:  That's fine.  That's fine.  But the point is that I think and I have said this before, I think there is opportunity for all of us different entities to participate in this sector without unilaterally excluding one part of the sector.

And I think that is to customers' benefit as well, number one.

And number two, at the end of the day the utility is required to serve all customers and it is not clear to me that just because you are a competitive interest -- and I am not pointing a finger at anybody on the panel at all, but just because you are a competitive interest that you're necessarily going to be able to serve all customers.  And there are customers for whom this will be too expensive.  They will not have access to it.

If there is an opportunity for the utility to provide that service or reach those customers, I think, again, it is not a matter of just unilaterally discounting.  And I think that has to be part of the evolution of these discussions.

MR. MATHESON:  Okay.

MS. GRIFFITHS:  I think they're going to be great discussions.  I just have one clarification.  My presentation was on behalf of the Advanced Energy Management Alliance, but all of my comments afterwards are meant from Enel X.  And I am not, after the presentation, not speaking -- don't want to attribute anything to any other AEMA members.

MR. MATHESON:  And with that, that will be the last word.  We're going to have to start again right at quarter to, so we will just take a 10- or 11-minute break right now.  And thank you very much to our panel.
--- Recess taken at 2:38 p.m.
--- On resuming at 2:48 p.m.

MR. MATHESON:  Okay, if we can come back to order, please.  I want to make certain that we are very respectful about ending right on time today, because I think there are some folks who have to make flights, so...

Our next session is going to focus on three presentations.  We have Greg Van Dusen and Benjamin Hazlett from Hydro Ottawa talking about challenges and opportunities related to DER deployment.

We have Darren McCrank from EPCOR, DER impacts, the Alberta experience.

And Vinay Sharma from London Hydro talking about the London Hydro perspective on DER challenges and utility remuneration.

So we have 20 minutes apiece, folks, and then we will have a good chance for some conversations afterwards, so please, over to you.
Challenges and Opportunities Related to DER Deployment, Mr. Van Dusen, Mr. Hazlett:


MR. VAN DUSEN:  Great.  Thank you very much.  Good afternoon, everyone.  My name is Greg Van Dusen.  I'm the director of regulatory affairs at Hydro Ottawa.  With me today is Ban Hazlett, who is the manager of distribution policies and standards in our asset management group.  I am tempted to start by saying I will give up my presentation and just take questions -- that might be more fruitful -- but I will quickly go through the presentation.

As an initial matter we would just like to say thank you for the invite for being here.  I would also like to commend the Ontario Energy Board for its refreshed approach on consultations and the Board's renewed commitment to open and clear, transparent stakeholder engagement.  We are thankful for this opportunity and thankful for being here.

A lot of the items in our presentation have been covered and discussed in a fair bit of detail.  We're going to concentrate on items that are either new or we want to make a particular point, so we're not going to belabour some of the stuff that has been discussed before.  It is in the presentation and can be discussed and ask questions if you want.

To a brief overview of Hydro Ottawa, which will be very brief.  We're going to talk a little bit about with our experience with DERs as well, and then we would like to get into some of the key considerations, some of the recommendations, and then a bit of the nexus we see with utility remuneration.

I think as a main message if I can give you the summary now and then at the end reiterate the summary, is the main message is the customer focus is paramount.  In developing an approach to DER the question that always has to be asked is, does the customer benefit?

So just a brief overview of the company.  We are owned by the City of Ottawa.  We have a regulatory part of the business, which is about 80 percent of the business, which is Hydro Ottawa Limited.  We also have two other subsidiaries, Portage Power, which is Ontario's largest municipally owned green power producer, and then Envari, which is a provider of commercial energy services.

And in terms of the discussion today, the presentation today is from the focus of the regulated LDC, so we are here representing the regulated LDC and their views on this topic.

MR. HAZLETT:  For those who might not be familiar with Hydro Ottawa, we have a service territory of 1,116 square kilometres in the capital area, as well as in the village of Casselman, and we serve 335,000 customers, with approximately 4,000 to 5,000 new connections per year.

Currently we're seeing significant load growth within our service territory, from electrification of rail and light rail transit within the city, as well as infill and intensification and moving of loads around the city requiring traditional wire upgrades, including a large substation project which is currently pending section 92 approval, a joint submission with Hydro One.

So in recent years our system peak has been 1.4 gigawatts, and currently we're in the year four of a five-year custom IR rate term with the highest capital investments in the 100-year history of the company.

With that introductory overview in hand, looking at Hydro Ottawa's experience with DERs, a map here shows the energy resource facilities that have been connected in Ottawa as of the end of 2018.

Looking at the numbers, we have almost 1,100 now DERs connected within our service territory.  97 percent of them are FIT and Micro FIT contracts.

Through the Conservation First framework and other programs, Hydro Ottawa has cultivated significant experience designing and administering conservation programs for customers and advising customers on energy efficiency, technologies, and opportunities.

We found through the regional planning process with the IESO that there is a focus on implementation of distributed generation, as well as non-wire solutions as part of the system planning and considerations where capacity growth is required.

MiGen transactive grid.  MiGen is perhaps the flagship smart-grid project for Hydro Ottawa at present.  MiGen is an end-to-end platform for customers to self-generate and exchange energy through transactive network.  Benefits will include more control and choice for customers and enhanced management and resilience for the grid.

This project is being developed right now in partnership with numerous collaborators, including the Ontario Smart Grid Fund, as well as Natural Resources Canada.

Other components of Hydro Ottawa's DER project portfolio include energy storage demonstration, pilot projects for level 2 EV charging amongst residential customers, and partnership with FLO and the installation behind-the-meter solar to help power corporate facilities.

Together these show some of our commitment to -- strong commitment to leveraging DERs for the benefit of our customers in the grid.

Overall our key themes and takeaways:  Hydro Ottawa has had extensive experience in connecting, integrating, and planning for various types of DERs, and we affirm the value and benefits as well as the additional benefits that could be achieved through DERs for the grid.

Overall we view DERs as critical and inevitable component of Ontario's energy future.

To the discussion earlier about what is DERs in the context of our grid, we're looking at any distributed resource that can help meet the capacity needs to deliver service to our customers at the best -- lowest cost -- lowest cost option.

DERs have featured prominently in the regional and system planning considerations.  We have also found that different subsets of customers are interested in different DERs.

Distribution utilities are uniquely positioned to leverage DERs for the overall benefit of the system and customers and to leverage those benefits best for our customers, distributors having greater visibility into those resources, and being able to control and dispatch them would yield those benefits.

MR. VAN DUSEN:  Thanks, Ben.

So just then taking a look at some of the other key considerations that we have developed as part of our presentation today, Hydro Ottawa generally agrees with the OEB staff statement of the priority issues and of the guiding principles that were articulated in their July 17th letter.

And based on our fairly extensive experience with DERs we offer you some thoughts and considerations that would need to be examined closely and worked through in order to serve as a basis for any OEB action on DERs.

Obviously, as I stated at the beginning of the presentation, the customer comes first and the customer interests have to be front and centre.  That includes their choice, their experience, and what they value.

Different customers could have different interpretations of those items as well.

The OEB will also have to strike a balance in terms of fulfilling its core statutory obligations in terms of the customer, protecting the customer interest, and facilitating a financially viable industry.

So there are numerous cost issues that are very consequential and very complicated that need to be taken into account.  Don't have a solution for you.  I just have considerations and items that need to be taken into consideration.  Obviously cost recovery, cost shifting, allocation, causation, and the potential and dealing with stranded assets.

There needs to be a lot of thought given to how we measure and the value of the benefits we can derive from DER, in terms of quantification, valuation, and optimization, and then of course there is the question of who pays, who gets paid, and these are tough questions that need a lot of thought and consideration.

Which party should be able to own DERs?  Certainly we think that the door should be open to utilities, but we recognize that several potential models and approaches could be viable.

So having identified some of the key issues and challenges to work through, we thought we would offer a handful of recommendations for the OEB's consideration.  First, as the OEB itself has recognized, there is a lot of work that's been done on this topic.  We don't have to reinvent the wheel.

There are many jurisdictions that have sought to tackle DER-related issues.  We have talked about some of that today already.  And there is some benefit that can be gained from looking at other jurisdictions.

I agree with the comment made earlier in one of the earlier panels, though, that each one these jurisdictions has a little bit different circumstances that they're dealing with, different issues, different complexities, and therefore can't be holus bolus brought into Ontario and implemented in Ontario.

What one of the first things we think needs to be done is to clearly define what are DERs.

Across jurisdictions, as has been discussed earlier, the DER is in the eye of the beholder in terms of the definition.

So what we need to decide is what's included.  There is a list of storage, demand response, conservation efficiency, EVs -- are all these all to be considered as DERs, and if all of them are.  And if some of them aren't, why are some of them not considered.

We also have to examine the existing tools we have within the regulatory tool kit already.  We have a distribution system code, we have rate designs and we have CDM guidelines, and particularly I would just like to point out the one section, section 4.1, which is regarding rate funding in support of DER activities to defer distribution infrastructure.

Obviously, with the wind-down of the conservation framework, there may be some need to revisit some of the aspects of the CDM guidelines with respect to DERs and how they interact.

So to facilitate a robust dialogue on some of these tough questions, so that a fulsome public record can support any decisions ultimately taken, there needs to be dialogue on the prospect of distributor ownership and operation of DERs.  We heard a little bit about that in the previous panel, the pros and cons, and some of those for and against.  Once again appropriate valuation, compensation and pricing for DER energy; standby rates, back up charges, safeguarding customer data and privacy.

And then the question that we need to deal with and as Vin pointed out, we have almost a thousand microFIT contracts in our area.  What happens to them when they come to the expiration of their existing contracts?

So also connecting the dots between this consultation and other relevant initiatives is very important.  The OEB themselves has a commercial and industrial rate design, RPP roadmap and pilot projects.

The IESO has its market renewal initiative, its innovation roadmap, and several other projects ongoing.

Then the government itself has potential policy action on industrial electricity pricing, net metering.  All of these things are touching on the DER topic.  Some form of integration and, as I say, connecting the dots would be extremely helpful for this process to move forward.

So some of the cautions, though, that we would like to highlight, in terms of moving forward in the DER proceeding, is a lot of the deployment of the DERs in Ontario to date has been heavily reliant on provincial programs and government direction.

So accordingly, both the markets and regulation need time to test alternative costing and business models.  It is just not a simple case of here's a new model when there has been a model in place for so many years and enshrined in legislation.

Experience from other jurisdictions can be instructive and insightful.  But in some instances, only to a degree.  We talked about that before and I think that was raised.

We also have to keep in mind that significant ratepayer funds have already been invested in existing infrastructure and assets.  These assets should be optimize amidst any movement to the greater use of DER.

Just a little bit in terms of what Hydro Ottawa sees as a bit of a nexus with the utility remuneration.  Any far-reaching consequential changes to the existing paradigm with respect to utility remuneration needs to be justified by robust evidence.  And it is not clear to us that there has been a case made for that at this point in time, that there needs to be a change to the utility remuneration model.

But we acknowledge that matters of remuneration are important, and also that they're related to DERs.  Some of the examples that we're giving here is utilities may need to assume the function of a platform provider or orchestrator for DERs.  Earnings from market facing platform activities may need be to be considered, similar to what is being done in New York's REV.

And we welcome further discussions on some of the issues we raised.

So once again, thanks for the opportunity to come and address and offer our comments and thoughts, and we look forward to the questions afterwards.
DER Impacts:  Alberta Experience, Mr. McCrank:


MR. McCRANK:  So good afternoon. I am Darren McCrank with EPCOR.  I first want to thank the OEB for this opportunity to speak at this session.  I am new to Ontario from EPCOR's wires business in Edmonton, so I have really enjoyed the discussion so far and I am getting a great appreciation for the unique Ontario aspects to this universal opportunity around DER integration.

When the OEB was solicitating for presentations, we offered to present a look at EPCOR's analysis on DER impacts within the city of Edmonton.  This was an important piece of research that EPCOR completed with the University of Alberta, so we felt it might be informative to the discussions around DER.

However, listening to the presentations yesterday and today, I was wondering whether our presentation fits in this discussion, as this presentation will be less focussed on the policy level or principle level.  EPCOR Ontario's submission to those topics would have been part of the EDA submission, CHEC submissions, and the OEA submissions.

Rather this is more of a technical perspective on DER impacts looking at the physics of the grid.  However, as the discussion went on, I felt maybe there is a tie to this discussion.

As was mentioned yesterday by one of the presenters, one objective is to resolve how we move from a policy push to a market pull approach to DER integration, which involves setting up the right regulatory framework.

From a grid operator's perspective, whose job is to be the integrator of that DER, that also means resolving how to manage the physics of the grid to permit for that market pull approach.

So this presentation aims to contribute some technical considerations in a world of large scale integration.  A similar presentation was given last week at the Alberta Utility Commissions distribution system enquiry by my colleague, Chris Chapelsky, so some of you may have seen some of this already.

So first I want to give a quick introduction to EPCOR, as it may not be a familiar company to the folks here in Ontario.  We are a multi-utility company headquartered in Edmonton, owned by the city of Edmonton, with businesses in electricity, transmission and distribution, water treatment, waste water, drainage, and natural gas.

We have operations in the areas can see on the slide, and specifically in Ontario we operate the LDC in Collingwood, the gas utility in the area of Aylmer, and are currently building a gas utility in South Bruce-Kincardine area.  We have an office here in Toronto as well.

So jumping to some theory.  Now, this slide shows an exaggerated look at the impact of DER injection on a distribution circuit for simplicity's sake.

The distributor's job is to service customers with electricity within a certain voltage range.  Above or below this range, and things won't work properly.  So the black line in both of these diagrams shows the voltage profile as electricity flows along the circuit.  It is normally highest at the substation, and it drops as electricity passes along the line.

So when inject a large generation source along that line, it would increase the voltage at that point of interconnection.  If not managed, it could push the voltage out of the acceptable range.  Equally, if you inject a large enough load, like energy storage in a charging mode, you could pull the voltage down out of the acceptable range -- again, if not managed.

You can't go off and make asset management decisions and operational decisions based on a simply exaggerated theoretical outcome.  So EPCOR decided to do some research  to answer the question of what would it look like on Edmonton's system specifically, if there was a large scale residential adoption of DER.

So EDTI, which is EPCOR's distribution and transmission business in Edmonton, partnered with the University of Alberta and NSERC to conduct a simulation base study to examine the grid impacts of residentially customer-owned solar PD, energy storage, and electric vehicles.

So the reason we chose residential customer scale DER is because in is the type of DER that will grow organically on your system without much intervention from the distributor.

If there is a large scale or district level distributed generation or energy storage project that applied to EPCOR to connect, we would study the impacts before interconnecting through detailed studies and there would also be likely visibility and control to the distributor.

However, you could envision a scenario where many small residential customers install small scale DER without large interconnection studies.  But eventually on an aggregate basis, this can become large scale.  So we wanted to focus on that scenario.

We studied 39 of the 289 circuits to get a good sample size, ran over 200,000 simulations going from zero to 100 percent penetration of the three classes of DER.  So what did we find?

Before I go into the results, I should add like any study or model, there are limitations.  So the results at EPCOR are viewed as directional not definitive.  We don't intend to say this is exactly the way things will work out. There are many variables and assumptions, like any model would have.

Rather again the results provide a perspective on what we should be thinking about. 

So first, distributed generation.  Solar PV.  The most surprising result was that when it came to residential solar PV most of our circuit studies showed only minor voltage outliers at particular nodes.  There were no wide-scale voltage issues.

While this was surprising, the more we thought about it it started to make sense.  First is that the assumption used in the study was that residential solar PV installations would meet the micro-generation interconnection regulation in Alberta which allows customers to connect and avoid some of the interconnection costs, a way to encourage micro-gen adoption.

The rules in a micro-gen rate stipulate that you must size your generation to be less than your site load, so while there may be instances of exporting to the grid, by and large it is more often an offset to your load.

Secondly, the UFA overlay captured solar insulation profile over the city of Edmonton in order to simulate the solar generation.  This solar profile results in most of the generation being on during on-peak times, so again, not a lot of export on to the system.

So as a result under this scenario our circuits look pretty healthy to integrate large micro-gen scale solar PV rooftop, solar PV.  That is great news.

So now let's look at the energy storage situation.  First let's talk about the assumptions.  First assumption was that the energy storage would be paired with solar PV, so it wouldn't just have a house with batteries in the home without a solar PV on the roof.

Secondly, we're now dealing with a DER that can be controlled and can time-shift its use, so we looked at two operating modes, A, in a self-consumption mode, meaning it would charge when there was excess solar PV in a load and discharge when the solar PV was less than the load.  B, in a time-of-use scenario, where a simulated incentive was modelled whereby the energy storage would discharge during on-peak and charge during off-peak.

And the third assumption was that we looked at the worst case, which is when the circuit is lightly loaded when discharging and heavily loaded when charging.

So why the worst case?  Well, from an operator's perspective the worst case is when we truly show our value to the customers.  In other words, we have to be prepared for that worst case, so we may as well study it.

So let's get into some of the energy storage results.  And this is our first view.  The colours correspond to the output from the energy storage unit, and the Y axes shows the individual sectors along the circuit model.  X axes is time.

You can see from the self-consumption mode scenario that there is a very consistent pattern.  This is because following the solar PV, which is following the diurnal pattern of the sun.

The transitions from charge to discharge mode are smooth and predictable.  However, if you then look at the time-of-use incentive scenario, the pattern becomes a little bit more scattered.  The transitions become very sharp, referred to as herding by our research team at U of A, and there's a less predictable pattern of charge, discharge, charge, flat mode, and this predictability is important, as Trevor mentioned earlier this morning.  I will come back to that.

This next view of the time-of-use scenario results come from a geographic standpoint.  One of the things the U of A worked on was how to display the results in an effective way.

So each dot here represents a node on our circuit that was modelled, and on the left you can see some areas of low voltage where a part of the circuit is heavily loaded or charging, and on the right just a few hours later you can see by virtue of some incentive signals that the energy storage output is not matching the solar PV profile and you are getting scattered areas of excess discharge and different levels of voltage.

So the key deduction from this analysis, again, directional in nature, not definitive, due to the limitations and assumptions that any model would have, is that energy storage can introduce some variability and unpredictability due to its ability to time shift its behaviour.

This is the challenge for operators, who have become very adept at load forecasting over the last century.  Operators can predict the load today from variables such as forecast of weather, time of day, time of year, which day of the week it is, with very little error.

So large-scale residential energy storage can add a challenging variable, but a key outcome is that more study is required to better ground this challenge.

It very well could be that with proper management techniques residential customer-owned energy storage could conceivably also alleviate local constraints, as we talked about this morning, but we need to learn how to effectively do that.

Finally, let's look at electric vehicles.  Again, I don't think I am going to say anything here that is a surprise to anybody.  EVs are new load.  Distributors connect load all the time.  What is the concern?

The concern is the scale of this new load.  This is a step change in load.  So let me explain.

Examining this from the city of Edmonton's perspective, we need to understand that -- the scale of this step change relative to its existing load.  The average load in Edmonton draws approximately 2 to 3 kilowatts.

The average distribution transformer has 12 homes attached to it, so its loading is on average between 24 and 36 megawatts -- kilowatts, pardon me.

The average residential transformer is sized at 37.5 kVA, meaning it can handle, let's just say for argument's sake, about 37.5 kilowatts.

We have about 20,000 of those residential transformers in Edmonton, so depending on the house loading, there isn't much margin today.  When we look at EV charging load, 
the average level 2 charger today draws approximately 7.2 kilowatts.  A Tesla level 2 charger can draw 19.2 kilowatts.

So if one customer on a residential transformer adds a level 2 charger, they can potentially overload that transformer.

I was happy to learn that in Collingwood, where I am at, the design history has been such that the residential transformer size has been designed larger at between 75 to 100 kVA.

I understand one of the reasons for this is that Collingwood would have previously had electric heating or some form of electric heating, so the transformer in-service would have been sized for that.

So this buys some time in the Collingwood region, but as more EVAs are adopted eventually that margin would be consumed.

So let's look at a real example.  This is an aggregated AMI data from 12 customers in Edmonton on a residential transformer with one Tesla EV charger connected to it.

You can see the load profile on this transformer without the EV in red.  The blue line is now with the charger connected.  This particular customer decided to charge during the night, but you can see that the impact is that this one EV almost fully loaded the transformer.  Had it charged during peak, it would have overloaded the residential transformer.  We don't know why the customer decided to do it off-peak, because we don't have time-of-use in Alberta at the residential level.  Perhaps the customer was -- understood the grid physics and was trying to fly below the radar.

The other aspect to consider is from an asset management perspective; that is, the time of when our assets traditionally cool off is during the off-peak hours.  So with this new load profile you can expect that the assets' life would be reduced due to the heavy load during the off-peak time.

Looking at this loading from an aggregate circuit level, the question was asked how many EVs would it take before an entire circuit is overloaded?

So in this particular circuit the peak is 5.6 megawatts and the circuit capacity has about 8 megawatts.  So there is about 2.5 megawatts of remaining capacity.  The circuit has approximately 5,500 customers on it.

So if 132 of those customers were to buy Teslas or 2.4 percent of the customer base on that circuit, and they all put in level 2, 19.2-kilowatt chargers, this would eat up the remaining capacity again if not managed.

So we don't think it is inconceivable for 2.5 percent of the circuit to adopt EVs, certainly not if Elon Musk has his way.

So the key finding from the analysis on EVs is that in the blink of an eye a transformer or circuit capacity can be consumed, whereas system planners are -- traditionally used a very slow load growth on existing circuits, where it takes a long time to get regulatory approval, engineer, and then construct additional capacity in urban areas.  This will be a challenge, and this changing our system planning indices and assumptions.

We are also seeing on new developments developers are requesting that additional capacity be built upfront to avoid expensive upgrades in the future.

The regulatory challenge becomes one of cost allocation, as we have been discussing here.  Distributors will normally invest in that infrastructure of developments and put that into the shared rate base, universal service being one of the key pillars of the regulated utilities' duty to serve all customers.

However, should all customers be paying for the newer developments that are asking for larger service infrastructure for EV integration?  Should the larger infrastructure become the accepted standard?  I do appreciate that in Ontario here the building code was 200-amp service, and it has since been removed from the building code.

So in looking at EVs there are other ways to manage the issue.  Certainly we believe that smart charging, smart deployment of DER, can help to offset the impact and reduce the infrastructure investment required.

EVs themselves may be able to eventually export to the grid under a vehicle-to-grid type mode that might help resolve these issues.  They would then start to look like energy storage assets, and we talked about the challenge that that presents earlier.

All of this points to needing to develop a smart way to deploy and manage all of this DER.  The distributors are in a good position to participate, but it will take an investment from somewhere to accomplish this outcome.

As others have pointed out yesterday and today, system planners would like to design solutions without always just looking at bigger wires and more poles.  But we do need to figure out a way to enable the utilities, who have enormous in-house innovative capabilities, or their affiliates, or the market to consider the non-wires alternative if they're more economic, which of course is what this consultation initiative is all about.

Thank you very much.  I hope I have been able to add some value to the conversation by tying the challenges of the physics of the grid to the opportunity of a market pull approach to DER integration.

Now Mr. Vinay Sharma.
London Hydro Perspective on DER Challenges and Utility Remuneration, Mr. Sharma:


MR. SHARMA:  Thank you very much, Darren.  Actually it was a wonderful presentation because you gave us the technical information, and I will just dive into how much it is going to cost us to recover and remedy for that problem.  So in terms of what I want to share with you, similar challenges of a technical nature.  Some experience from our FIT and microFIT program we have gone through.

Proportionately, what you saw in the numbers for Hydro Ottawa and what you saw for in the profile from EPCOR proportionally is the same issues in terms of the percentage of penetration of DERs, as well as the voltage and other technical challenges.

So I will go through a few things.  In London, for example, but also the experience in Ontario, many, many, many FIT and microFITs at times have been denied from connection.

I will go through -- our experience is we have denied about 30 percent of the applications that have come into London.  We have denied due to many reasons, and I will go through one of them.

I recently have used on remuneration in this new environment when DER becomes a commonplace, which I think it will, and because the underlying principle is that electricity is going to be the fuel of choice.  How it is produced is now what we are discussing, and who owns that production is the caution in front of us.

So with that, EDA published two papers with the help of consultants of course.  Navigant was the one that helped us with vision paper 1.

It is a diagram representation, but just think about it going from that diagram on the left on the top to going to the right.  If you want to have a highway which has on ramps and off ramps just at will of a customer, it is not an easy task.

I don't think that it will be realize, at least I am not sure in my lifetime, but certainly not in my working life, because it is a very expensive proposition to really make a resilient power system that accommodates or acts like a freeway for customers to come on and get off.

But I do see that we will migrate to this at some place because market is demanding.  Technology is making it possible.

Similarly, LDCs will have to find and OEB has to find whether this role is for every customer, or for certain customers.  If the role is to be open for a small household customers, then utilities will be forced into some kind of network orchestration that Hydro Ottawa referred to in their paper, and we referred to that requirement in the EDA vision paper which we fully support.

The second paper was done by Power Advisory Group for us, where they identified some of the regulatory challenges and what can be done.

So I will highlight only a few of these.  The papers are publicly available and you can read them.  But number 3 shows that if there was a desire to migrate, either incrementally or on a whole-hearted basis, to a very innovative futuristic modern, we can make this part of DSP and a regulator can require the utilities to move at a certain pace toward that.

Similarly, there are other regulations, but one of the things that I referred to earlier in my commentary as well as in the paper, EDA refers to it, is the ownership issue.

I think distributors, utilities can provide very unique specific project-related benefits, and those should be part of the evaluation and not excluded completely, and so on and so forth.  So those papers are publicly available.

Let's talk about some of the technical challenges that EPCOR referred to.

One of the difficulties in our network, and so is the case with many utilities in Ontario, we have a lot of protective equipment.  We have a network.  And it goes from Hydro One major transformer stations down to substations at the low voltages.

And what we find is, okay, you have many types of DER.  You have inverter connected;  You have induction generated, directly connected; some are through an inverter of course, and then asynchronous.  London Hydro has all.  Synchronous, of course, is the largest, because they're gas-fired.

We find four level are a very serious consideration, and it has been a problem to connect them because of their fault situation.  And yes, engineers take a conservative approach.  But then I delve into the standard for IEEE 1547 that talks about a DER and how to connect.

It is thousands of pages, by the way, and there are five volumes on it.  In not a single place do they say that you can accept a fourth level even for one quarter of a cycle.  Not a single place.  They say everything has to be validated on a case-by-case basis. They do give some normal values, but every one of them is a case-by-case basis to evaluate.

So that is why CIA comes in, and I refer to the fact that 30 percent or so have been denied in London and that is because of this.

And I am going to give you now some examples, real-life examples, that you all are paying for today.  For the FIT program, there were investments made in London City because some customers lobbied hard to the government.  As much as $2.5 million for one customer.  Just one customer, 2.5 million.  I am not going to name anything, anywhere, any place.  We all are paying for it.  Is that the future that we want to have in DER, repeated in DER?  I hope not.

Another example; currently, we have -- I am going to go to this slide actually.  By the way, I do say that micro-grids offer greater value, greater value.  They solve problems, they give you high lending capability, they improve reliability, and therefore a high level of control and communication.

So the electric short circuit capacity that causes trouble.  Inverter connected people always tell me a smart inverter would prevent it.  Well, smart inverter or no inverter, smart inverter works by sensing on the terminal what is happening.

If it does not sense a sudden collapse, even if it senses a sudden collapse, it is going to give you for two cycles a 125 percent of full load.

And if you have a number of DERs inverter connected, you can't do it.

And then substation, substation has many feeders.  On one feeder you have no problem; DERs are there.  Other feeder, you have a fault.  Well, that DER will feed into another feeder that is faulted and it will go through the breaker, short circuit, which will damage the equipment.

So just engineers take a very conservative approach and I have debated with them.  It cannot be overcome, okay.

So to replace those breakers and or limit the fault are very expensive propositions.

So my suggestion is DER, and that's related to information.  Information should be available where the grid is open, and I think I would recommend either OEB or IESO have a province-wide capacity availability where it can be connected, where it cannot be connected, so it doesn't become an issue of the customer versus utility.

Another example currently is class A customers are -- have incentives, so they are looking for either having behind the meter generation or more often, they're looking for storage.

We just denied one customer.  We just denied yesterday -- I mean, this has been going on, but finally we denied and yesterday he said I will defect from the grid.  Will he or not?  I don't know.  It is a large customer.  So these issues are there.

One more thing about microFIT and I think in the EPCOR study, they allow in their standards a generation that is much, much, much smaller than the load of the customer, and that we have no problem with.  We can accommodate -- of course safety will be a requirement of that connection, but we can accommodate the fault level and the capacity situation.  So I am not looking at small DER being a problem, but they will raise a different issue from regulatory points of view.

So another thing that we forget often is we have a network of feeders serving customers.  In order to maintain reliability, we shift load from one feeder to another all the time.

So we have an agreement with customers, and there are FIT and microFIT customers, and they cry every time we execute that agreement.  The agreement is that because of operational flexibility when we transfer your current feeder to be supplied from other substation we're going to remove you from the grid, because we cannot connect to that substation.

It has happened three times with one customer.  Every time he just calls my mayor, that he is losing money.

And these are realities that come in.  And operation flexibility will always cause this problem, and I will show you in my next slide where my capacity is low and where we have some availability.

Now, I am not saying these challenges cannot be overcome.  They can be overcome, and we have experience of investment in the past that were made to overcome.  The question is one of, who pays for it?  Who pays for it?  And that issue, I think what OEB will have to certainly decide.

System-wide -- I want to convey this to all -- there is no utility today that will stop you from proposing a DER project if you have one.  Nobody will stop you.

Evaluation will have to be done, and then a case will have to be made.

And I believe the regulator is also open to bringing a case to them where such a project needs to be implemented and what the benefits are.  No utility will stop working with you.  We are always ready and willing to.

So I referred to one storage class A customer, why we deny.  The reason is because there is no regulatory framework where I can have a system upgrade for that class A customer and recover that cost.  It is going to be a few hundred thousand dollars cost to limit the faults from that storage into the feeder.

And Micro FIT and FIT did allow in the distribution system code where you could invest to connect a customer up to a certain amount, but not for a class A customer at this time.

Now -- and that amount or that threshold is not big enough for us to make a project of it at the OEB, but it could be done, I guess, in some form or fashion in the future.

So we can limit these, we can upgrade the system, limit the fault contribution.  We can have communication and control that device.  For control and communication we will be required -- we can upgrade our substations, and I am glad they referred to the electrical vehicle penetration.  To me that is much -- a higher priority than DER at this time, because we are experiencing a lot of demand for customers.  You know, three years ago we had about a dozen or so.  Now it is going to be hundreds of electrical charges have been installed, because customers own electrical vehicles now.  Luckily nobody has done the Tesla level 3 charge yet.

So the question is, how do we solve this problem?  Should it be case-by-case basis or should it be as a plan, as a part of integrated distribution system plan?  A regulator will have to debate and decide, or it would be a case-by-case study as the DERs are proposed.

This has changed, actually.  So this is just one issue which from Hydro One's point of view where they have said that these are the capacity available.  I just want to highlight too, Talbot and the Nelson.  Nelson, by the way, is a new station.  We just paid a lot of money for that for Hydro One to build.  Capacity is zero, capacity is zero. Similarly, Talbot is zero.

Now, it looks like we have lots of capacity, but those two stations, Talbot and Nelson, are very instrumental, and we do -- we do transfer load from other stations to this station.  Now, for example, just last week Wonderland was down completely for four days because of some emergency -- well, not four days, two-and-a-half days, for some emergency, so we had to transfer all of the load to Nelson and Talbot, all of those -- the FIT and microFIT were taken off for that duration, because they were not allowed on the system, Nelson -- but this information for product -- this is indicating information, because eventually you still have to do customer impact analysis, but -- a connection impact analysis, but this is kind of information that should be published.

We have 34 substations downstream that have their own limitation, and we are willing to share that publicly as well.  But these issues are real, and cannot be sort of -- you cannot blame utilities that we are not doing much.  We will do.  Often in cases we find while words are beautiful to say utilities should let customer have contract with them and have penalties, when system fails obligation falls on utility and nobody else.

And why I am giving you -- I am giving you a real example because we spend money.  So where a feeder -- Darren referred to voltage problem.  We have a feeder.  Where there's a DER voltage was a problem.  We ended up solving the problem.  Not customer.  And that is a FIT contract.

So these things are real, and utilities are of course -- at the end of the day are obligation -- are obligated, and we have certain standards to follow and whatnot.

So I left ownership -- class A certainly are most active right now in terms of what they want to do, and there are issues with that.

So much of DERs we are willing to work.  I am speaking -- I am sure EDA is here, and Lynn and Cathy, they can speak more on behalf of large industry, but I am sure every industry is willing to work with you if you have a proposal.

Class A, C, and I customers, that is a different issue, different benefits and different analysis, but they are demanding for sure.

What I want to refer is grid engineered DER, and I call it engineered, means they are targeted specific utilities proposing it and there should be room for us to do that, okay?  These are grid engineered DER for the broader benefit of the system.

Micro-grid in my view offer greater value, and by the way, in all these types net meeting has to be addressed.  Has to be addressed.  And electrolyte meeting also has to be addressed.

So in our view, I think as EDA also said in their paper, both merchant as well as non -- utility should be allowed to justify these projects where and when needed.

Utility remuneration.  This is the most -- I know I might have a lot of questions on this.  I think that the market is changing.  If we are going down the path for customer-owned DER proliferated throughout the system, charges have to be applied to them, because they are making use of the grid for their benefit.

In old days when centralized generation large was designed, designed for the benefit of consumers, we did not have any charges to them from wire companies, but that time is gone.

I think going forward all DERs should be assessed.  It can be done in many ways.  It can be a fixed fee type arrangement or gross billing on kilowatt demand.

So when you do closed billing for wires what you are metering or net metering becomes a non-issue, because that is just the generation.

I am going to repeat here now.  Regulator has all of the tools, and they can call upon those tools to take an approach how fast or how slow they want to upgrade the system for DER upgrade.

Jay asked this morning a question about who pays for it.  Folks, at the end of the day, the ratepayers pay for that, because ratepayers are the consumers.  For generation they pay.  For DER they pay.  For wires they pay.

How it gets paid and all of those, I think the regulator will certainly debate and discuss that, and just like taxpayers pays for everything the government does, okay, there is no free lunch anywhere, and for merchant too, it is the consumer that pays for everything.  That is the end game.

As I said, it can be incremental approach as part of the solution system planning.  So if we have information about the province where the capacity is available, where it is not available, merchant can decide then where to go, where to invest, then you can also -- OEB can also take steps, only very specific targeted basis, where capacity shall be increased, and start getting the investment to that utility in that area.  Hydro One, of course, being the umbrella transmission company certainly to be on the table in that regard.

Now, this question of DERs to pay for that necessary upgrades, I don't know.  Okay?  I am asking a question, actually, because if that is the case then of course there will be a lot of discouragement, and -- but I will leave that as a thought.

I do have some other messages that I want to pass to the regulator since I have got the podium here.  So I think it has been referred to.

Capital investment in the rate base is changing.  We are changing how -- sometime we buy services.  We contract services.  So the question is rate -- many decision-makers in the utility business don't want to do that because they think, oh, we're going to lose the return on our equity if we do, don't have capital asset.  We have to look at that truly, what should be done about it.  There should be a more appreciation for life-cycle costs, how service is achieved, and some recognition that there should be an incentive for doing minimum total life-cycle cost rather than just one or the other, operating or the capital.

Cloud services are becoming -- like, London Hydro is
-- and Hydro One -- I can vouch for them -- they are all in cloud.  Over 80 percent of the systems are in the cloud now.

Additionally, you know, R&D, you know, this world is changing.  So many utilities -- and Hydro Ottawa, of course, EPCOR, London Hydro, we have been investing into a lot of new technology, expanding the new ideas and I will show you something right now in the current regime of ratemaking and investment in those things is a disincentive for us, and I will show you in a minute how that works.

We would like to see some recognition that we should  be awarded for those incentives, especially in those where real projects bring real benefit to the consumers.

There it is.  So London Hydro has been investing a lot of money in R&D over the years and as a result, we get a benefit back, the tax benefit.  But at each cost of service, that benefit gets reconciled and we lose it going forward.

Jay is here.  Jay was with me in 2017 and we reconciled '16 data from ‘'17 onward, because 2016 was over a test year.

So even though we didn't gain as much in the previous year, but going forward we lost the 2016 benefits completely. So in 2017 we got some SRED, but the difference between what we lost and where we gained was very small.

Now, that discharges R&D.  My board asked why we do this if that is the case, why do we invest.

So what we have done and what we are doing, I will give you an example.  Yes, there are other entities that fund much the research, but London Hydro is also spending its own dollars on these.

There are four projects.  One of them is completed now.  The third one, which was an OEB-funded critical pricing is finished.  That's $2.7 million.  We spent roughly 360k or so.  But I have heard through my contact at OEB that that kind of support may not be recognized, that contribution.

But we have other research.  Somebody mentioned this morning Google Advanced Power System.  I am not going to give you the details, but we are party to a little bit of that and we are doing research for them and development of some projects for them.

And we would like OEB to recognize that we're bringing real solutions to the market in this technology.

There is a power challenge which is something like what like Alectra and ISR are doing on trading off DERs matching the supplies and generation and creating the technology for it.  It is very similar to that.  However, it has all of the components of DER; it has storage as well.

So it is trying to optimize storage and transmission and developing technology, smart technology so that customers and the consumers can match their needs on the system.

Elasticity is another one which we are doing for the EV charging.  So it is to create a smart grid -- sorry, not smart grid, but uniform charging so that you can go and charge anywhere and then bring back all of the charges to your home utility.

And the west side microgrid is in trouble right now, even though it has been granted by the Enercan.  We are hoping -- Brian is sitting there.  He will give me approval one day to do certain things in that project, that is still in the discussion stage.

So my point is not what we are doing.  My point is to say to all stakeholders as well as regulator, the funding that small distributors provide to these projects, cash and in-kind, we shouldn't be penalized for it.  And that is my message to the regulator and stakeholders.

Similarly, going forward in the DER, there will be what that utilities will do.  And we should be sort of given some incentive and encouragement for that.

As a local distributor, this is actually a line from EDA's paper: local utilities are your best, best vehicles. Whatever policy you want to give, whatever solution you want to give, they are the best trusting organization that can do so.

You have full right, a regulator has full right to enquire and investigate every aspect of regulated entities work. So encouraging innovation and efficiency.

Inefficiency, too.  Benchmark that we have today is a penalty.  It's not a reward.  Just the penalty is small or more.

So we would like all stakeholder recognize utilities are an essential piece.  They will be with you.   We are not against any project whatsoever.  If there is a value, we will do so.

But if there is the obligation on us to provide you with a system that you can have an at-will ramp-on and ramp-off facilities, that would require investment and that investment has to be guided through the regulator somehow, either on an incremental basis or on some other fundamental basis.

So that is all of the message I have.  Thank you very much for your time.
Questions, Discussion and Wrap-Up


MR. MATHESON:  Well, thanks to all of you for those very insightful and illuminating presentations.

I am sure we will have some questions arising from it, particularly given the interest we had in the subject matter just before the last break.

Anyone who wants to kick it off?

MR. MONDROW:  Thanks.  Not so much a question as a comment following up on the last session, but feeding into these.

Last session we started to talk a little bit about legislative amendments to allow affiliates essentially to do whatever they want.

There is of course another key legislative amendment, which you will be well aware of, but which really provides the path for the OEB to chart here, which is the amendment that allows the OEB to approve the regulated distribution company undertaking any other activity that the Board finds is appropriate.

Vinay, you're the first one so far that I have seen to start to suggest a standard for that, and your standard is a utility-designed, owned and operated DER, which offers broad benefits for the distribution system.

So without endorsing or criticizing that standard, I commend the offering of a standard, because ultimately the Board is obviously going to have to define that new legislative provision, which is just one sentence in that act, but it opens up a world of possibilities or not, and it seems to me that is what the debate will be about.

So this notion of not whether DERs should or shouldn't be done by the utility, but what the appropriate utility non-wire solution engagement is, is a very important question.  There is a legislative provision allows the Board -- in fact puts the whole problem back in the Board's lap and it will have to figure it out.

So thanks for offering that first shot at a standard and it will be an interesting discussion.

MR. SHARMA:  If I may make a comment on this?  Earlier in the session when Sarah was speaking about whether it should be in the allowed.  I think I should mention that, in connection with Sarah Simmons' comment, that we do procure services from others.

So in California, I believe Dale  -- he has gone, he is not here.  But in his paper, he referred to three projects that CPUC, the California Public Utility Commission, directed utilities to go and seek through RFP a competitive bid.  San Diego Gas & Electric or Southern Edison, I forget which one, did not get any response from the market, did not get any response, another two got it.

So what I am saying is that when I say grid engineered DER.  So we are designing it for the purpose of our grid.  I am not saying that we will implement and solve ourselves.

We may procure it because we procure lots of things.  However, it will be controlled by us.  It is very important planning and controlling will be done by us.

And you see, we forget DERs -- I know I have heard this many times, DER provides local capacity relief.

They may, in a case of when they're matched to energy storage or to EV charger.  But making an arbitrary statement they will provide you a capacity relief, and hence engineers can back off from planning or the feeder, not going to happen.  They will plan for peak situations.

The feeder and the station will be designed for the peak capacity needs, because the obligation to serve is on us right now.

So in the microFIT/FIT, not a single FIT or microFIT has been considered in the planning equation at this time.  Not a single one.

MR. MATHESON:  We have an online question, so we will go there first and I will come to you.

MS. HUSHION:  This is a question for Vinay.  Can you give some examples of what types of utility-owned DERs would provide greater value to customers than DERs off rate base?

MR. SHARMA:  Well, I didn't go in the rate base or non-rate base.  That can be decided by -- adjudicated by the regulator.  However, for example, capacity relief or matching it to storage matching generation, I have a critical situation on one feeder.  It is a long feeder and I have followed the voltage and as well as capacity, can I not put a solar system or a wind system, or even CHP to relieve that and defer my investment by providing short term benefit.

I am not going to remove the need for upgrade.  Upgrade can be different, however.  West Five that I referred to in my research slide is a similar -- it's a total of 7- to 8-megawatt total.  It is in the northwest part of the city.  If we don't do anything in the way of micro-grid there, $45 million for a new substation down in the northwest of the town, it is going to come, because my feeders are fully loaded there in that neck of the wood.

We are building long feeders now to serve that load, because northwest of London there is no substation or transformer station and growth is humungous in that area, so eventually ratepayers will have to pay.

And today's environment does not allow such benefit to be considered, and that was my point of grid engineered DER or micro-grid where such benefits can be recognized.

MR. PEPPER:  Steve Pepper from OSPE.  I wanted to first of all thank both of you for bringing in and reminding us of the physics of the grid.  We had Tom remind us of the customers of the grid, which both tends to get overlooked in this.  As we know, physics doesn't change even though accounting policies may or political directives may change or even jurisprudence may change.

So that is good.  I am also a beneficial owner.  I have owned a Tesla for many years, two versions of Teslas.  So some of those questions that you asked, reason why they start up at a certain time, is because they come pre-set to start up at that time and most owners really have no reason to change it; unless, you know, there's a reason for them to change it.

You know, your 19-kilowatt-hour or your 19-kilowatt chargers is with the dual chargers.  They have since changed so that it is a single charger on it.  You can always offer a second converter on it, so you can get that capacity, but it actually reduces that in half.

So those demands on your system won't be as much, but I am an atypical user even for a Tesla, and I can tell you that my three-person household used up 3 megawatts of hours of electricity last month because of my driving, and Alectra has been awesome at supplying me without any issues.

So I mention all of this because OSPE just put out -- as I mentioned earlier -- a major paper recommending and citing the benefits to the entire energy system of the -- and the environment of pricing and using up a lot of dispatch energy to displace fossil fuel energy, particularly in the transportation sector.

And it is coming, whether OSPE's recommendations are adopted or not, it is coming, and it is coming faster than any of us can anticipate.

I mean, you know, there is a new Volvo vehicle out now that is an electric vehicle.  You know, the amount of demand that is going to be on the grid from this has the potential to change the nature of the demand, the way air-conditioning did in the '50s and '60s.  It flipped the complete demand.

So we can see, you know, peak demand actually becoming evening demand, as opposed to daytime demand, and that could happen sooner, and you will see it on individual feeders, you will start seeing that, and then you will start seeing it expand on the whole system.

So I mention that just as a bit of context, but my question is to what extent I guess do you feel the utilities and the regulatory environment is ready for that potential shift in demand and characteristics, et cetera?

MR. SHARMA:  So just from our point of view, we have done -- we do every three year a study for the grid.  We just assess where we will have any problem with the loading.

Now, luckily 40 percent city is the only one -- 60 percent are good.  So 60 percent, they would bring electrical vehicles, we have no problem with our feeder and the transformers in the subdivisions.

But where you have problems, upgrade will be the transformer system.  There has to be.  Cables are good, feeders are good.  It's the transformer in the subdivision that will have to be changed.

So in the new subdivision we will avoid the problem, because we are -- I think Darren mentioned we are already going with 200-amp standard service in every house, so they can go with Tesla as much as they want.  In older neighbourhood, as I said, 40 percent will have to upgrade our transformers.

Now, we in the distribution system planning identified those needs, and we will not much in advance, but as things progress we will upgrade those as needed so as to avoid the large incremental cost associated with replacing those transformers.

So that will be the case just in my case 40 percent.  I am sure the same case exists similar order of magnitude in other utilities in Ontario, and it will be the same approach.  As the EVs population increases we will go where transformer needs to be replaced.

MR. PEPPER:  So -- because the follow-up is in other jurisdictions like California some of the utilities are putting operational data on the web, on their feeders and their transformers and all of that sort of stuff, and they're migrating to the point where they're going to put real-time operational data from temperature to capacity to utilization and, in fact, are kind of opening up that vault to invite proponents, DERs in particular, to propose solutions for that -- considered solutions as opposed to shot-in-the-dark solutions that you go and look at through a CI afterwards to help manage the problem as well, and that represents an opportunity for innovation, as well as reducing costs of solutions that might otherwise not be known as available to, you know, to the LDCs or whoever the grid operator is.

MR. SHARMA:  You know, my caution would be to a regulator and the stakeholder both in this matter, see electrical vehicles, DER, this is all future.

There is a past that we have got to go and replace that is also outdated.  Our infrastructure has aged.  So I know all the magnitudes are small in terms of absolute dollar, but give you a run rate, you know, we are running wire replacement of $25 million, but now with 4 kV system that has to be upgraded in the subdivision because we cannot serve in those areas any of the new load, even if they bring the heat pump we'll have difficulty.  We're replacing all of those with higher voltage levels.

So that is the investments on the top of our run rate, regular run rate.  There is a third that is happening that we are forgetting.  Many cities are upgrading, Ottawa is, their transit system, Toronto is, and so is London, and they're looking for electric vehicles or LRG, electrical --right.

In our case, we just got the approval and we got the city invite, they want to go spend Hydro's money, which was never included in the budget of the city, $60 million, and they want us to do it in three years, on top of our regular run rate.  Who is going to pay for those?  DER is not even in the equation right now.

So our customers are being burdened with many other aspects of the infrastructure.  So we have to be very careful, and I take Tom's caution in the morning -- or -- morning session, yes, about who is going to pay for all this.  We should be very careful in moving forward.

So my message really is, if merchant wants to do the project they should talk to utilities, and utilities are willing to look into the possibility.

If regulator wants to do it as a policy overall and encourage such investment, they would be doubly careful, because it will impose a lot of infrastructure costs.

MR. MATHESON:  I have --


MR. McCRANK:  I can just add a little bit to that, just in regards to your question is the regulatory framework ready for it.  I think the question I come back to something I, you know, spoke about when I looked at the particular circuit that potentially be overloaded with 132 Teslas on the road or whatever next version of car is going to come out.

In Edmonton we showed that circuit to try to give a relative figure as to how many EVs it could take, and 2.5 percent of that circuit of customer base could overload the transformer.

We have various other circuits that are -- and I would imagine that London and Ottawa would be similar -- that are very close to their margin already, within 5 percent of their margin.  They will be within the next few years, 5 percent.  That is without the consideration of EVs.

And so I guess my point is that it is coming fast, and so the regulatory framework has to be very fast and quick to respond to the customer that is adopting and innovating and moving faster than we have in the past.

MR. MATHESON:  So I have got a list going.  I have Sarah and then Vince and then Jay.

MS. GRIFFITHS:  Thank you.  And I am glad that EVs have finally come up, because I think it is the sort of the -- another whole element that we're going to have to have lots of conversations about.  Is it back on now?  Okay.

Just two comments.  One I think on the California, the RFP that didn't have any.  I think that was actually bad program design, and that is what drove, as I understand it from my colleagues, that drove, so I think it is a similar thing to what happened with the IESO DER Brant pilot.  It was bad program design.  There was load there ready to respond.  So I think that is just a key thing that has to be as we move forward, that -- just make sure the right rules.

A lot of discussion has come up today about who pays for what.

And you know, as a company that did not participate in FIT or microFIT, there is a lot of us developers who actually understand that we do need to pay the fair share of connection costs.  So we are not looking for what was applied to the FIT and microFIT regulations.   We recognize there may be costs.

What we are just concerned with is it is the right costs, and the right size system is being asked of the customer to be deployed.

This goes back to my comment yesterday, you know, there needs to be a separate, different treatment between not injection behind the meter storage and a large solar-connected, you know, plant on the distribution system.  Thank you.

MR. MATHESON:  Do you want to respond?

MR. SHARMA:  I agree with you, the right cost.  My only suggestion is that utilities need two things.  One, a developer who wants to develop and so that we know all of the conditions.

Second, a regulatory process -- right now it is open-ended, but some guidelines where and how we can apply and justify what costs are allocated to who.

For example, I gave you a case which we experienced $2.5 million debt that was unjustified cost.  That was unjustified cost to be borne by the customers.  So we are also looking for right allocation.

And you know, there are some system benefits of any investment that utilities make; I am not going to deny that fact.  The question is what to allocate to who.  How much costs to socialize, and how much cost to give to the user of that system.

And that, I think, will -- all we need is a regulator program where we can go and look for those proper allocations.

MR. MATHESON:  Vince?

MR. BRESCIA:  Thanks.  It's Vince Brescia with the Ontario Energy Association.

My question is for Vinay.  Happy for EPCOR and Hydro  Ottawa to chime in, if they have a perspective.

You said under the current system, you can't make some of these investments and alternatives.  I am curious if you could educate me on that, because the OEB's filing requirements there's an obligation for you to look at these things and explain your processes for looking at cost-effective alternatives, and new technologies and things like this.

So I wondered if you could just educate me a bit and why it is you feel that under the current system, you can't make some of these alternative investments.

MR. SHARMA:  So the Distribution System Code gives us certain freedom in terms of investing in the connection charges for a FIT or microFIT -- FIT mostly, because microFIT really don't materialize as much in terms of cost of connection.

But that does not apply in cases where customers are now coming to us under their class A justification and we don't have any guideline or mechanism.

Secondly, I gave an example that we have denied one who has now threatened to defect from the grid.  The cost that will be required to upgrade the system to limit the probability of contribution from that system were much, much larger than even his investment in the project.

So that customer would not be willing to pay and I don't -- at least we felt it is not justifiable that the rest of the customers pay.  London is a small city of 160,000 customers, and they will be stuck with those cost of services.

A regulator under the code today does not have any mechanism where we can justify those costs.

MR. MATHESON:  Is that an example of something that is broken in the system?  Or merely a business -- a poor project?

MR. SHARMA:  There is no guideline.  There is no code that says in case of a DER of this much, you can allocate some costs to the user and socialize other costs.

All we can do with this customer is come to the regulator and apply for the project, which, if I were a regulator, on the surface I would deny it.  This does not justify such a large investment for one customer to benefit.

MR. BRESCIA:   So it's not so much a restriction as you want guidance on cost allocation?

MR. SHARMA:  We want a process and some guidelines.

MR. MATHESON:  Okay.  Jay?

MR. SHEPHERD:  This is going back to the technical limitations, but I want to approach it in a different way.

My question is:  How far away are you today from being able to provide real time pricing signals for both load and storage?  That is, right now, you gave the example of chargers and battery systems.  The technology exists today for those chargers and battery systems to respond to external parameters and to charge or not charge based on what the external parameters are.

How far away are you from being able to deliver those price messages so that those loads or storage devices can respond?

MR. HAZLETT:  That part of the MiGen project that Hydro Ottawa is doing is actually specifically looking at a platform to deliver those signals to customer premises.

MR. SHEPHERD:  On a real-time basis?

MR. HAZLETT:  On a real-time basis.  So the project involves a transformer agent which sits on the utility structure, and a piece of equipment that sits at the customer premise to allow for exchange of data back and forth and provide signals not only from the utility to the individual customers on price signals, but also from customers to their neighbours to make exchanges, depending on what their preferences are for low carbon energy or other items they may be interested in.

MR. SHEPHERD:  This is separate from the AMI?

MR. HAZLETT:  This is aside from the AMI and it's a project we are currently working on.

MR. SHEPHERD:  Are you early days?  Or is this something that we're going to see soon as available in the marketplace?

MR. HAZLETT:  Phase one was proof of concept and we have a number of homes with solar storage that are currently trialing on that.

We are stepping into stage 2, which is under another round of funding, looking at a larger scale deployment.  So following on from that, if it is successful, we would be moving into commercialization.

I am not going to presume a time scale.  I don't know if Greg has heard anything; I haven't.  But it would be within probably the next decade, five to ten years.

MR. SHEPHERD:  It includes EV chargers?

MR. HAZLETT:  Yes.  The EV charging is part of that.

MR. SHARMA:  So, Jay, just on that, so EV was very encouraging to us to do the critical pricing.  As part of that, we have developed the necessary system and smart tools on your cell phone that can give you price signal.  Actually, that 600 customers participated on the price signal ...

MR. SHEPHERD:  That is giving price signals to the customer as a per rather than to their equipment.

MR. SHARMA:  Hang on a second.  So as part of that process, the customer got a chance to override the control.  The control was directly to the device.

MR. SHEPHERD:  Oh.

MR. SHARMA:  Yes.  And we have a program called Trickl that did it.  That is a smart application.

Now we are broadening it.  We don't have control per se right now with any customer.  There has to be some kind of agreement with that customer that we can control the EV chargers.  That is coming, and I think we will do that.

But applications are developed.  Hydro Ottawa has developed and we already one commercially available now.  It is only for those 600 customers presently who are on the program where we have installed directly utility-controlled devices.

MR. SHEPHERD:  But you don't need control, right?  If you send the right price signals, then the customer will respond the way you want them to anyway.

MR. SHARMA:  So in this program, the whole idea was that critical peak pricing would occur and 15 minutes before that event, we will -- we will control it, but we send a signal if you want to override the control.

So the same application is now being broadened to give just signal information.  Right now, we don't have any control of any devices.

So my point is that technology like this are not too far away.  They can be advanced, in some areas they are advanced and they can easily be adapted.

Those I don't think are major costs per se, the controls.  It is the devices that go in the houses that will be very expensive.  In critical peak pricing, every household that had a power switch and two wifi control plug-ins.  Our switch was a circuit breaker and two wifi control switches were plugged anywhere in their choice of location.  They are expensive.

MR. SHEPHERD:  The flow charger already builds in software that does that, right?

MR. HAZLETT:  Yes.  Depending on the motored that you purchase, but there is a flow charger that has that module on it.

MR. SHEPHERD:  Thank you.

MR. MATHESON:  We will do a quick online one.

MS. HUSHION:  Last week, the OEB rejected the narrow scoping for a leave to construct gas for Ottawa and has asked for a broader assessment.  There is a separate electricity leave to construct before the OEB for Ottawa.

Does the panel think it is appropriate for the OEB to take a broader view of these types of capital projects?

MR. VAN DUSEN:  I am not quite sure I understand whether we should take a broader view or not.  Yes, there is a section 92 jointly with Hydro One at this point for a Nepean cell station Cambrian.  Right now, that is before the Board.

In terms of a broader viewpoint, this was part of the integrated regional resource planning process in Ottawa, and that was the decision coming out of that process and we moved forward.  That process considered other options and looked at, you know, at some level of detail a non-wires alternative as well.

I don't know if there is anything else to add.

MR. MATHESON:  Yeah, if you don't feel it's appropriate to comment, if it's just --


MR. VAN DUSEN:  No, on the gas application, I don't feel appropriate --


MR. SHARMA:  The OEB does have another process which is called ACM, advanced capital module, which is -- in a way is a leave to build.  So there are mechanisms already in place at the regulator.

MR. MATHESON:  Okay.

MS. GIRVAN:  Julie Girvan, Consumers Council of Canada.

So Sarah, I wanted to sort of bring you into this -- sorry for picking on you -- and Vinay, what you said.

So what I hear, on the one side you're saying, look, there is going to be costs potentially, costs that may be borne by the customers, the ratepayers.  And then Sarah is saying, but you know what?  We're willing to pay the appropriate costs.  So I am just wondering how you bring a balance to that, in the sense that you've got some sort of process that says, yes, this is what Sarah needs to pay, and you're saying, yes, that is appropriate, because then our ratepayers aren't burdened with additional costs, and I am just wondering what kind of process, how -- because it seems to me we can get into disputes where you're saying it is going to cost X and she is saying, well, no, I am only willing to pay Y.  And how do you resolve that process?

MR. SHARMA:  That's a very good question, by the way.  It is a very good question.  And this is what I was referring to as part of the DSP.

As I said in my comment, any investment that we make on the grid side always, always will benefit customers at large as well.  So it is not just the proponents of the DER.

For example, if we -- at my substation, smaller substation, if you want to limit a fault current and put a device or upgrade my breakers, which will be difficult, but fault-limiting devices, it costs X money.

Well, that is going to add relief on the capacity for others as well.  So there are some benefits that need to be socialized.

Process where such identification can be done and the regulator can reward those or locate those costs properly is what is needed.

So for example, DSP, distribution system planning, we do that every so often, and there is a regional planning process as well, and we talk about these issues, about the system upgrade.  Okay?

But everybody is afraid.  Who goes first?  So I would like to upgrade my system to make it what ED has said in their paper, two-way flow, free, on-ramp, off-ramp, whatever.

Well, if you do put a plan together, it is very expensive.  But would OEB consider as part of our DSP that they give them a system-by-system incremental approach to freeing up the capacity, so example Nelson, and I showed you two stations that are zero right now.  Would they -- is there a process where I can say there should be some consideration for us to invest to upgrade those?  I don't know if the process exists.

I have no reason for my own system to upgrade them at all.  I have no need at all.  But if DER has to be promoted, then there is a need.

MR. MATHESON:  Other questions?

MS. GRIFFITHS:  Can I respond?

MR. MATHESON:  Yes.

MS. GRIFFITHS:  I think -- so what I am trying to get at is we have a behind-the-meter resource that looks like load curtailment to the distributor or to the system operator, and at the moment we're being treated similar to a large DER.

And so we are being asked to in some cases -- and this is not a London Hydro example at all, but, you know, provide upgrades to capacity at substations and things like that, even though we would argue, well, you know, technically we don't even -- we would always tell the distributor, but our customers are allowed to do what they want behind the meter and go up and down as they see fit and go too.

So instead of making us put on these extra controls even though we're not injection, because -- you know, making us do upgrades down the line as you would have someone who is adding capacity -- adding energy on to the grid, that is where -- so I'm trying to take my little resource outside of a different treatment.

So when I say we're willing to pay the costs that are right-sized for the resource we're implementing, we think we should be treated differently than a DER that has different aspects than ours.

MS. GIRVAN:  So this would be something that you would potentially capture within the Distribution System Code in terms of connection policy.  Is that where -- is that where we --


MS. GRIFFITHS:  Yes, it's --


MS. GIRVAN:  -- land on that, differentiating what you're saying from a typical DER?

MS. GRIFFITHS:  Different DER, yes.

MS. GIRVAN:  Yes.

MS. GRIFFITHS:  And, you know, hopefully the Connections Review consultation will tackle that and the work that a group of distributors are doing who are OEA members and a group of developers who are OEA members are trying to figure out some things that actually don't have to be in the distribution system code that are just -- you know, can be done among, you know, that level down in conditions of service, and that is, I think, working very well with that group.

MS. GIRVAN:  So it is more or less upgrading the distribution system code, more or less, to try to facilitate different new kinds of circumstances?  Okay.

MR. MATHESON:  Yes.

MR. VETSIS:  I just wanted to tag on a little bit to that point, because I think this discussion is actually the main point of overlap between the Connection Review consultation and the Responding to DERs.

At the end of the day when it is an issue of cost responsibility and typically how much you would attribute to the customer connecting would probably depend on the value provided to the system as a whole.  To the degree where a connection would provide either little value to the system or potentially put strain on the system you would expect more weight on the customer side and vice versa.

Something I would like to tack on here, because it is not a simple subject, but to act like it can happen just in the other one without being informed from here, I think this is the main area that we should really be thinking about.

And I just want to tag on to a point that was made earlier from London Hydro, and I've heard it from a couple of other utilities, but to reiterate Hydro One's earlier point about the consideration of the upstream impacts, I think utilities are coming up to -- things are being connected at the distribution level without consideration to the impact that they have upstream on the transmission system, and eventually they end up in situations where there's constraint on the transmission system, which triggers further investment, and I think that's -- that is just to sort of tie in at the end of the day those investments right now, there's no -- there may not necessarily -- there's a cost responsibility issue there as well.

MR. MATHESON:  That's a good comment.  Jay?

MR. SHEPHERD:  So I am not an engineer, so you're not allowed to laugh if this is a stupid question.

Can somebody explain why behind-the-meter resource that either reduces load or flattens load would require system upgrades?  I told you you can't laugh if it is stupid.

MR. SHARMA:  No, no, it is not stupid.  It is a good question.

MR. HAZLETT:  It is a common question that does come up.  Ultimately, depending on the characteristics of the generation you have installed behind the meter, they can contribute to fault levels on the system or they can contribute adversely otherwise that impacts the rating of the distribution.

MR. SHEPHERD:  So the upgrades you need are protection devices.

MR. HAZLETT:  Predominantly it will be related to a fault level on the system, and you may need to upgrade your switches so that -- or limit fault levels, as Vinay was speaking about, in order to ensure that your protection devices can operate correctly.

MR. SHARMA:  Jay, that's actually -- I laughed because it was a very intelligent question, and you are asking perfectly as if you were an engineer.

So just -- you see, right now on any line there are -- short-circuit levels are very humungous.  But the system was designed -- resiliency of a system is higher if we have large short-circuit capacity.

In engineering school people are taught power system is an infinite system.  And the reason they're taught that is because short-circuit level are so high that it is like an ocean, and everything you connect is like a drop.

But now we are coming -- when you start designing system you say, this is not an ocean, it is not an infinite system, it is a finite system.

So short-circuit level high, our breakers are already operating at that short-circuit level.  Now you put a device such as behind-the-meter storage or behind-the-meter generation, which has no role in injecting any power.  And that's fine.  That's a merchant component which is not in effect.

However, it can contribute to the fault level, which can be on other side of the breaker, and breaker's already experiencing thousands of amps that is going through it during that one cycle.

Now you add more fault into -- more current into that breaker, breaker is going to get damaged.

MR. SHEPHERD:  So if the system is seeing something as load and you make that load more variable, that makes the system more volatile.

MR. SHARMA:  No, it does not contribute to the fault level.  Only the energy source contributes to the fault level.  It's for storage and --


MR. HAZLETT:  It is only in a fault circumstance where you run into the issue.  The normal operating circumstance where you don't have a line down or some other faults, the operations, it won't be impacted by that, it will be curtailment on our side of the meter.

MR. SHEPHERD:  Thanks.

MR. MATHESON:  So I want to bring it back up from -- I mean, if we were encouraged to talk about why and what, we were probably actively discouraged from talking about the down in the weeds engineering about it.


So let's come back up to the strategic level for the last few minutes of the day.  First, are there any other questions of a strategic nature -- yes, please.


MR. KANCHARLA:  Sagar Kancharla from WSP.  I appreciate the conversation coming from an engineering consulting firm.  Thanks to London Hydro and EPCOR to bring that forward.


One of the things, just to give my perspective for this consultation, to think through is sometimes we think of DER as one piece of equipment that can be regulated or unregulated.  But what is coming out of the discussion is really the significant impacts on the design and system planning side.


So it is really important to consider how do we manage that.


Instead of looking at one piece, sometimes there is value in breaking up the value chain, not the ends of the generation side of the charging equipment.  But you can break that value chain and see where it belongs in the design.


So that is one thing that you consider as a consultation goes through, and it goes back to the connection review of what is being discussed.


Just to hear the perspectives of the utilities there,  and this is where it goes back to -- again, we keep using the California as the make ready infrastructure.  It is not a complete traditional utility and it is not getting into the charging equipment that is left for the equipment.  But it is somewhere so that the utility doesn't control of where these are located, the DERs.


I just want the perspective on something like a make ready infrastructure for utilities participation.


MR. MATHESON:  Just before you answer, did we get your name and company for the record?


MR. KANCHARLA:  Sagar Kancharla from WSP Canada.


MR. MATHESON:  Thanks.


MR. SHARMA:  Thank you for the question.  So when we asked for control and communication, there are two aspects of it.


By the way, as far as fault consideration and all of the system upgrade that I talked about earlier and Jay asked questions about, that is a separate issue because even if we have control, it cannot be fast enough. So that is a separate issue.


In control and communication, there are two aspects.  One, operation flexibility.  If I am changing my configuration, the feeder -- because feeders are network feeders.  They're not radial feeders per se.  So I am going to transfer load back and forth in the control room.


So I need operation flexibility so I need to turn that off remotely.


In the current case that we have a contract with two FIT projects, we can manually disconnect them when we change the feeder configuration.  I don't have control to 

-- that is not given to control that connection. It is a physical connection, but I would like to see that automated for the operation flexibility.


Increased communication is for two-fold.  Initially for us to know who is generating how much, so that I know the voltage profile and I can take some control of that in case something goes awry with the voltage.


Secondly, if we are going down the road and I have 467 FIT and microFIT in the city, in 2030 and beyond, they will come off the contract.  What do we do?  Do we remove them from the grid, or do we use them and make them visible to the system operator?


So it would be -- communication is required to consolidate that information and have a protocol available so they can see what is happening on those.


So there are many advantages for communication.  Control from a flexible operation of the network.


MR. McCRANK:  I'll just add, EPCOR in Edmonton, the standard or the requirement there.  If you are over 250 kilowatts, then you have to provide visibility and control to system control.  And that control, though, is just turn on/off.  There is no dispatch because there is no -- as was identified yesterday by the IESO, same in Alberta, is that there is no distribution level market.  So the control is just for that.


The visibility is to avoid hidden load.  You can imagine a significant amount of hidden load with a sizeable distributed generator or micro-generator that system control needs to understand what the true loading is.  If that generator were trip off or there were to be an outage, and when we go to restore the system, now we have much more load than we had previous to the outage when the micro-generator was generating.


So that is an important element for us from a visibility standpoint.


MR. HAZLETT:  I am not going to add much here because exact same reasons as London and EPCOR.  So we do have a similar requirement for visibility and control over 250 kilowatts, and for same reasons.


MR. MATHESON:  We had one other online question.


MS. HUSHION:  This takes a bit of a broader perspective, but infrastructure changes such as LRT, electrification of trains are paid for from all three levels of government.  What is the possibility of using carbon tax revenues? Does the desire by LDCs to control investment in DER stem from a growing imperative?


MR. SHARMA:  I wish I could get that money, but I am not getting any.


[Laughter]


MR. MATHESON:  Any other thoughts on that?  No.  Any other questions?  We are getting near the end of our time.  It is worth just coming back to sort of a high-level summary of the day.


Obviously, the day started off with the challenge to think about the what and why, and a reminder while there is lots of great models to learn from, fundamentally what we need is stuff made in Ontario.


A couple of different times we bumbled onto the limitations of our shared definitions, and whether that is because there really is a genuine disagreement about what the definition ought to be, or whether it is just having, you know, not been careful enough to develop an industry-wide perspective on what the optimal definitions are, and that shows up probably both in terms of different roles within the system and then also within definition of DERs and the like.


The other thing I think that has come up with this question of just how big is the opportunity.


In grappling with how big is the opportunity, you seem to have grappled with this, you know, there's lots of different ways to get it wrong.  You can get it wrong by under investing; you can get it wrong by over-investing, you can get it wrong by making the wrong kinds of investments, and you can also get it wrong in a different way by having the wrong kind of competitive structure so you get investments, but they're not fair.


So we have seen at least those four different things come up.  We just had a good conversation about this sort of cost responsibility for connecting and the limitations of the rules and guidelines and processes, and the linkages between this consultation and the other one, as we were just reminded about a minute ago.


Where it is all kind of leading is do we need and want proactive regulation, reactive?  Do we want policy pushes or market pulls?  Do we want carrots or sticks, because that is really where a lot of this thinking and advice needs to go for the OEB.


Of course, we were reminded, as we discussed yesterday, to think about the consumer issues and reliability and those were both things that came up again and again from different perspectives.


The notion of rates that go up at a rate that is less than inflation.  But also reminded that for others, it really is about quality of power and reliability.  So you know, the risks inherent in making generalizations along those.


Then there was also a concern that with some of the existing rules, it leads to a system bias towards the traditional options.  That makes it hard to push organizations out of doing what they always do, because the rules don't encrypt them to do otherwise.


We had a useful conversation about even the use of the word "incent".  Did we mean incent just in the sense of incent, like I am going to encourage?  Or do we just mean in the sense of not being an active disincentive, not being a thing that keeps people from going where they want to go?


And then, again building on the conversation yesterday, discussions about the distribution system role, the appropriate nature of competition in LDC activities on DERs and the adequacy of rules and fairness around affiliates and the information level playing field, even definitions about what constitutes distribution service and, you know, building on yesterday, the whole if you are a gate keeper you should not be a player.


So that kind of gives you a bit of a tour of the horizon of where you were today, very similar to where you were yesterday, much as predicted.  But I think the shape is starting to come together a little bit more.


We have a couple of minutes left.  Anybody have any final thoughts for closing out the day?


MR. MONDROW:  I just want to -- I made a note earlier about this.  I think it was Sarah again that raised reactive versus proactive.  There is a word in between I think, which is co-active.


And we talked yesterday a little bit about the regulator, whether it should be leading the market, lagging the market, or moving along with the market.  So there is a third possibility to reactive and proactive, and that's co-active.  I think that is worth thinking about.  I personally think that is the right spot, but I think that is a good question.


MR. MATHESON:  Well, that could be -- if co-active is your word of today, epiphanous was your word of yesterday and perhaps the epiphanous word of today is co-active.


MR. MONDROW:  I have to think of one for tomorrow.


[Laughter]


MR. MATHESON:  Co-active it is.

Other thoughts?

MR. SHARMA:  Can I make one comment?

MR. MATHESON:  Yes.

MR. SHARMA:  I am not sure what was yesterday like.  Today at least I didn't hear anybody speak to two very critical words of the industry, global adjustment.

To me, global adjustment is being abused in the marketplace, because that really is the cost of electricity.  I think OSPE has written a lot of paper on that, and retailers are getting a free ride, and in the future DERs will become possible if DE -- global adjustment is part of the electricity cost, and they truly are electricity costs.  That is all I want to say.

MR. MATHESON:  So just one other thought.  Before the lunch I gave you the challenge of taking a look at the ETNO reference to the Lawrence Berkeley National Laboratory map of the system, and I sort of challenged you to do as they did and consider how these different descriptors and roles fit our system.  Not so much to say this is the right way of thinking about it, but rather if you take a look at it and see what you think the role of the LDC is vis-a-vis these boxes, it might help us understand whether this can go into our definition of how we describe the various roles and systems or not and see how you think it fits for a made-in-Ontario solution.

So the idea is to use very sophisticated techniques and draw what you think the role might look like, whether it is like that or whether it is a more comprehensive version like that or whatever, and to just simply mark on it whether you come from a consumer perspective, a utility LDC perspective, or another service-provider perspective, and what we will do is whoever hands them in, we will aggregate them and share what people have said.  And again, if you just go to the IESO website right on the splash page, if you go to DER or ETNO, the report is right there, and just in a few pages of leafing through it you can see how they describe this different stuff.

But when you are either sitting in the room tomorrow or whatever, please think about doing that, because I think it could give us a useful snapshot of where your head is at right now.

Otherwise, I think we are done.  We will reconvene tomorrow morning, as we have for the last two days.  Thank you so much for your participation.  It really matters.  And thanks for being such a great group to consult with.
--- Whereupon the hearing adjourned at 4:32 p.m.
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