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Notice to Reader 
This document has been prepared by KPMG LLP (“KPMG”) for Ontario Power Generation Inc. (“OPG” 
or the “Client”) pursuant to the terms of our engagement agreement dated April 30, 2019 (the 
“Engagement Agreement”).  


KPMG neither warrants nor represents that the information contained in this document is accurate, 
complete, sufficient or appropriate for use by any person or entity other than the Client or for any 
purpose other than set out in the Engagement Agreement. This document may not be relied upon by 
any person or entity other than the Client, and KPMG hereby expressly disclaims any and all 
responsibility or liability to any person or entity other than the Client in connection with its use of this 
document. 


The procedures we performed do not constitute an audit, examination or review in accordance with 
standards established by the Chartered Professional Accountants of Canada, and we have not 
otherwise verified the information we obtained or presented in this document. We express no opinion 
or any form of assurance on the information presented in this document, and make no representations 
concerning its accuracy or completeness.  
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Executive Summary 
In its Decision and Order in proceeding EB-2016-0152, the Ontario Energy Board (“OEB”) directed 
that OPG “should provide a jurisdictional study of cost recovery methodologies for nuclear liabilities 
with its next cost based nuclear payment amounts application”.1  


We prepared this Nuclear Liability Cost Recovery Jurisdictional Study at the request of OPG to 
support its response to the OEB directive to review nuclear decommissioning cost recovery 
methodologies used in jurisdictions outside of Ontario.   


Our study included a sample of companies in Europe, Asia and North America. Canadian and the 
United States (“US”) jurisdictions were most relevant to the review of cost recovery methods due to 
their regulatory regimes being the most consistent with those of Ontario.  


In general, we have found that the relevant parties (governments, regulators and nuclear power plant 
owners) seek to collect costs associated with decommissioning over the operating life of power plants, 
with funds collected from users (i.e. consumers of power) rather than from taxpayers. External 
segregated funds are commonly used to provide financial assurance that funds will be available at 
the end of a nuclear plant’s life to perform decommissioning activities. The definition of costs 
associated with decommissioning and the methods of recovery vary across jurisdictions. Further, the 
complexity of decommissioning activities and the substantial amount of time that passes before they 
will occur introduces significant estimation uncertainty. 


Scope of obligation for decommissioning costs 


The scope of the obligation of ‘costs associated with decommissioning’ to be recovered from users 
varies across jurisdictions. We identified four broad categories of costs: 


1) Plant decommissioning. This involves the safe removal of a nuclear facility from service and 
the reduction of residual radioactivity to a level that permits release of the property and termination 
of its operating license. 


2) Site restoration. This involves the removal of non-radioactive equipment at a site and its return 
to a greenfield or near-greenfield condition, where the site can be used for other purposes. 


3) Low-level and intermediate level waste. This involves dealing with items that have been 
contaminated with radioactive material or exposed to radiation during the operation of the plant. 


4) Spent fuel long-term storage and processing. This involves dealing with spent nuclear fuel, 
which remains highly radioactive and must be stored securely after its use for a very long period 
of time. The processing of spent fuel may involve packing it in specialized containers and the 
storage of these containers in some form of geologic repository. 


In a few jurisdictions, most notably the US and Japan, the government has assumed responsibility 
for long-term spent fuel storage, underwriting a potentially large part of the associated cost risk. For 
example, the United States Department of Energy (“US DOE”) is responsible for the disposal of spent 
nuclear fuel from commercial power reactors, levying fees on US utilities to fund building a central 
spent fuel storage facility. Since spent nuclear fuel tends to account for a significant percentage of 
overall nuclear decommissioning and waste management costs, this significantly reduces US utilities’ 
direct cost responsibility and funding obligations.  


 
1 Ontario Energy Board, Decision and Order, EB-2016-0152, December 28, 2017, p. 97. 
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Additionally, some regulators excluded site restoration costs from the costs recoverable from users 
as there was not a legal requirement to complete restoration costs.  


Rate recovery methods 


We found a wide range of practices with respect to nuclear decommissioning cost recovery. We have 
organized the practices we identified into four broad methodologies, as follows: 


1) Forward looking funding requirements. This method bases recoveries from consumers on the 
amounts that need to be contributed through financial assurance mechanisms to set-aside funds 
to pay for future in-scope obligations related to nuclear decommissioning and waste 
management.  


2) Accounting expense. This method bases recoveries from consumers on the amount of 
expenses recognized in the company’s financial statements related to asset retirement 
obligations for nuclear decommissioning and waste management; amounts collected may be 
offset by earnings from trust funds over the same period. 


3) Flow through cost. This method “passes” through to consumers the fees or levies payable by 
utilities to other parties in exchange for these parties effectively discharging the utilities’ 
obligations for nuclear decommissioning or, more often, for waste management and spent fuel 
management. 


4) Arbitrary rate. This method bases recovery from consumers on an arbitrary or quasi-arbitrary 
rate that is not directly or clearly linked to the underlying costs or obligations of the utility or of the 
parties fulfilling functions on their behalf. 


Rate recovery methods outside of North America 


Many of the European Jurisdictions included in our study have developed competitive electricity 
markets as the primary electricity pricing setting mechanism. Accordingly, there is no clear link 
between decommissioning and waste management costs and the prices paid by consumers in these 
jurisdictions. As a consequence of the prevalence of competitive electricity markets, we had a lesser 
focus on European jurisdictions in our subsequent research. We did apply greater attention to three 
European jurisdictions, France, UK and Finland where there are exceptions from the general open-
market approach. 


In other jurisdictions it proved difficult to determine the link between decommissioning and waste 
management costs and the prices paid by users; therefore we undertook more limited research in 
these jurisdictions as they were not considered readily comparable or applicable to the regulatory 
structures in Ontario..  


Rate recovery methods in the US and Canada 


We found that the forward-looking funding approach is the dominate methodology used in the US to 
determine amounts collected from consumers for nuclear decommissioning costs. In the US, the 
Nuclear Regulatory Commission (US) (“NRC”) establishes a legal requirement for nuclear operators 
to fund external segregated funds to cover decommissioning costs of nuclear plants. It is important 
to note that this methodology has largely been in place before any accounting based guidance on 
Asset Retirement Obligations was available in the U.S. 
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‐ The NRC defines the minimum costs that must be covered through funding plans with a standard 
formula that takes into account reactor type and capacity.  In combination with prescribed 
escalation factors, this formula identifies the minimum value of projected costs in current dollars. 
These minimum amounts may not have a direct correlation to site specific decommissioning costs 
to be expected at individual locations. 


‐ Utilities must prepare site-specific cost estimates as the reactor nears the end of its operating life 
(but can prepare such studies earlier if desired).   


Based in the cost parameters identified above, utilities then prepare funding plans that show the 
accumulation of funds over time to meet expected decommissioning costs. These funds identify future 
contributions, taking into account current fund balances and expected earnings.  Fund contributions 
generally become part of regulated a utility’s revenue requirement. With respect to these funding 
plans: 


‐ The NRC defers to state utility regulators on certain parameters and thus allows them to approve 
estimates of future cost escalation rates, rates of return on invested funds, and on the profile of 
trust fund contributions. The NRC, however, provides guidance in respect of these parameters. 


‐ The Utilities must file updates on a biennial basis with the NRC on funding status, and funding 
shortfalls identified must be made up within a defined period.  The identification of funding status 
in these updates will take into account the parameters accepted by utility regulators (such as with 
respect to projected fund earnings rates). 


In Canada, the accounting expense methodology, or a variation of this methodology, is used by OPG 
and NB Power. The specific application of the accounting expense methodology is impacted by the 
nature of the regulatory mechanisms for recovery of costs in these two provinces. The only other 
company in Canada with nuclear operations was Hydro Quebec and based on their regulatory regime 
there was no observable link between retail prices and the recovery of nuclear decommissioning and 
waste management costs. Nuclear generation in Quebec has since been phased out. 


NB power sets rates based on principles of making progress towards the achievement of a minimum 
capital structure of 20% over a reasonable timeframe. NB Power uses a 10-year plan to show 
progress towards this financial target, and the 10-year plan includes depreciation expense, accretion 
expense and earnings on sinking funds in the equity calculation.  


OPG utilizes an accounting based approach to the Bruce facilities where they seek to recover 
depreciation expense, accretion expense, variable used fuel management and waste management 
expenses less segregated fund earnings. The recovery of costs for the Pickering and Darlington 
generation stations (“Regulated facilities”) utilizes a modified approach where depreciation of the ARC 
and a rate of return on the lessor of the unfunded nuclear liabilities or undepreciated ARC and the 
variable used fuel management and waste management expenses. This method excludes accretion 
expense and return on the segregated funds.  


Ultimate Commonality Between Methods 


Regardless of the use of forward looking funding requirements or accounting expense methods, the 
ultimate end objective of each method is the same, that being to ensure the costs of executing 
decommissioning and nuclear waste management activities are adequately funded and expensed in 
a rational manner over a period of time such that all funds are used without surplus or deficit and that 
all liabilities are adequately reflected and charged to operations without a residual profit or loss.  Any 
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change in methodology mid-cycle or that does not cover the entire lifecycle would introduce 
transitional matters that would have to be evaluated to ensure the same ultimate objectives are met. 


Impacts on Inter-generational Equity 


As noted above, NRC requires specific site-specific estimates to be prepared as the reactor nears 
the end of its operating life. A “preliminary” decommissioning cost estimate must be prepared at or 
about 5 years from the projected end of operations. “Site specific” estimates must be prepared prior 
to or within 2 years of the end of operations. 


A review of a sample of US rate proceedings suggests that many utilities may prepare site-specific 
estimates well before they are specifically required under NRC guidance. 


The move to more precise estimates over time, and certainly as the decommissioning date 
approaches, may have inadvertent impacts on inter-generational equity. The preparation of site-
specific estimates should theoretically address any shortfalls in the estimates of costs available as a 
result of using the NRC formula. We note, however, that to the extent that these site-specific estimates 
are prepared later in a reactor’s life, and result in increases in estimated decommissioning costs, it 
might reasonably be assumed that these estimates would then result in increases in funds being set 
aside for decommissioning. Assuming that these funding increases late in the reactor’s life are only 
then reflected in the rate-setting process, this would presumably tend to increase the back-end 
loading associated with the recovery of decommissioning costs. We have not done any research to 
confirm if this has been a widespread issue. However, we do note that this circumstance appears to 
have arisen in the case of PGE’s Diablo plant, as reviewed in more detail in our Chapter on California.  


Impacts of transitions in market structure 


When utilities have transitioned from a regulated regime to one with a competitive electricity market, 
anomalies may arise as a result of the transition process. Transition processes typically complicate 
funding arrangements and introduce policy challenges. It may be easier to guarantee the recovery of 
decommissioning costs from regulated entities and from periods where rates are subject to regulation, 
and this may be reflected in arrangements for funding decommissioning costs when market structures 
change.  


Examples of transition were found, for example, in many US jurisdictions. Many regional jurisdictions 
in the US have introduced a competitive spot market for electricity or some form of power pool at the 
wholesale level. In these jurisdictions, many states also restructured their electric utility sector to 
“unbundle” generation from transmission and distribution, and to provide consumers with retail open-
access, in which individual consumers can choose their commodity supplier. Alternatively, vertically-
integrated, regulated utilities may continue to operate. (In the latter case, the utility has access to an 
open spot market but individual retail customers are still dependent on their utility for commodity 
procurement.) 


The process of market restructuring, and unbundling of generation, often created issues for vertically 
integrated utilities that had existing generation plants, particularly nuclear facilities. In these 
circumstances, shareholders were typically kept whole through some form of non-bypassable 
stranded asset charge, levied on all consumers going forward. These charges were a mechanism to 
compensate utility shareholders for the one-time losses in asset value associated with market 
opening. Decommissioning obligations were often a significant component of stranded cost 
estimates. 


Filed: 2020-12-31 
EB-2020-0290 
Exhibit C2-1-1 
Attachment 2 


Page 12 of 181







 


OPG_Report - December 31, 2020 


Ontario Power Generation 
Nuclear Liability Cost Recovery Jurisdictional Study 
 DOCPROPERTY "KISHdrInfoA"  


5 


Regulatory Flexibility 


Regulators’ discretion in applying regulatory principles may be greater under some approaches for 
quantification than under others. For example, regulators likely have considerably more flexibility to 
adjust the allocation of decommissioning costs across time periods under a forward-looking funding 
approach than when rates are set based on accounting expenses. Accounting expenses are 
determined based on defined methodologies and there is limited scope to adjust calculated amounts 
in any given circumstance. In contrast, the primary focus of a forward-looking funding approach is 
simply on ensuring that there is funding adequacy at the time of decommissioning. This can 
theoretically be achieved using a wide variety of different funding scenarios. Notwithstanding this 
flexibility, however, regulators and utilities do in practice apply other regulatory objectives, such as 
achieving reasonable intergenerational equity or reducing the risk of underfunding, when setting up 
contribution profiles under forward looking approaches. 


Screening level comparison to OPG methodology and transition consideration 


As part of our scope of work, we prepared a screening level comparison between OPG's methodology 
and potentially applicable methodologies identified in our study. We determined that the forward 
looking funding requirement and the accounting expense methodologies would potentially be 
applicable based on the most prevalent rate recovery mechanisms identified and the jurisdictional 
characteristics that are most similar to OPG. These methods appear to be common in jurisdictions 
subject to economic regulation. The flow through method and the arbitrary rate methods are not 
broadly applicable rate recovery methods.  


The comparison highlights similarities and differences between OPG’s methodology for the Bruce 
facilities and Regulated facilities to the forward looking funding requirement methodology and the 
accounting expense methodology. This comparison was used to identify considerations for 
transitions. Some key transition considerations: 


‐ Transition processes needs to adhere to established rate-making principles, including fairness, 
minimizing intergenerational inequities, transparency, minimizing rate volatility, appropriate 
allocation of risk, providing value to customers, consistency and simplicity, and alignment with 
required financial accounting and reporting principles. 


‐ Recovery mechanism for Bruce facilities and Regulated facilities may not be aligned due to the 
different regulatory mechanism and legal agreements. 


‐ Under the forward looking funding requirement methodology, the economic regulator’s oversight 
would increase to include the determination of cost estimates, profile of recovery and expected 
rates of return. Consideration would need to be given to the role of ONFA in Ontario as those 
functions have been the purview of the Ministry of Finance as part of their oversight on nuclear 
liability cost estimates and their joint management of the segregated funds. 


A detailed and specific analysis would be needed to identify all transition considerations to change 
from OPG’s method to another potentially applicable methodology. Such a detailed and specific 
analysis is beyond the scope of this study. 


Transitions between methodologies 


We did not observe changes between recovery methods in the jurisdictions reviewed, for operations 
that remain under regulation.  Looking at the US Jurisdictions, NRC requirements took effect in 1990, 
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and the predominant method to meet funding assurance requirements thereafter was the external 
sinking fund. As noted earlier, the forward-looking funding approach is the most common rate 
recovery mechanism. This funding methodology has continued to be applied in the US jurisdictions 
we reviewed.  


We note that the US jurisdictions adopted this approach prior to the implementation of accounting 
standards that mandated the recognition of asset retirement obligations for nuclear facilities and 
associated accounting expenses in their publicly available financial statements. In 2003, FAS 143 - 
Accounting for Asset Retirement Obligations (“ARO”), became effective for most US GAAP reporting 
issuers. Affected US utilities typically proposed, and their economic regulators accepted, that the new 
accounting standard would not impact the rate recovery of decommissioning costs and that rates 
would continue to be based on a forward looking funding approach. The US jurisdictions determined 
they could record the differences between amounts for rate setting purposes and accounting 
expenses in regulatory assets (or liabilities) in accordance with ASC 980, regulated operations, and 
therefore the adoption of FAS 143 was income neutral upon adoption.  


The above timelines, in which current accounting standards followed NRC requirements for financial 
assurance, may conceivably have influenced the adoption of the funding approach in the US.  In 
comparison, we note that OPG’s Nuclear facilities entered regulation after the adoption of FAS 143. 
Hence, accounting methodologies were already in place and influenced the recovery method 
approved for use by OPG. 
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Part I – Introduction and Overview 
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1 Introduction 
Ontario Power Generation (“OPG”) retained KPMG LLP (“KPMG”) to prepare a study of the cost 
recovery methodologies used in other jurisdictions with respect to short-term and long-term liabilities 
associated with nuclear decommissioning and nuclear waste (including used fuel). This report 
summarizes the results of our review.  


1.1 Background 
In its Decision and Order in proceeding EB-2016-0152, the Ontario Energy Board (“OEB”) directed 
that OPG “should provide a jurisdictional study of cost recovery methodologies for nuclear liabilities 
with its next cost based nuclear payment amounts application”.2 This review is intended to support 
OPG’s response to this directive. 


1.2 Limitations 
The findings of this review have been developed through a review of publicly available information, 
including company annual reports, regulatory filings and decisions, rating agency reports, 
government publications, news articles and academic papers. In some cases we have supplemented 
our research and confirmed findings through discussions with knowledgeable individuals in the 
nuclear industry. There are inherently limitations in undertaking research of this nature: 


‐ We may not have identified the most recent or most relevant documents in respect of practices in 
any particular jurisdiction or utility. 


‐ Practices may have changed in the period of time since any particular document that we have 
reviewed was published.  


‐ We may not have interpreted the information collected properly as a result of limitations on the 
data that was publicly available. 


‐ As per the Engagement Agreement, our study did not cover all jurisdictions, entities, or all time 
periods. 


Further, as noted in the Notice of Reader, we have not independently verified the information provided 
in the materials that have been reviewed and summarized. As such, our report does not constitute 
an audit, examination or review in accordance with standards established by the Chartered 
Professional Accountants of Canada. 


Given the limitations noted above, we do not warrant that our findings are complete and/or accurately 
capture all elements of cost recovery practices for nuclear decommissioning and waste management. 


Nevertheless, we think that our review provides a useful overview of the range of practices that are 
used for the recovery of nuclear decommissioning and waste management costs from customers, 
and of the factors and considerations that have influenced their establishment. Accordingly, we 
believe it should provide useful information in the context of assessments that may need to be made 
regarding cost recovery for OPG’s nuclear decommissioning and waste management liabilities. 


 
2 Ontario Energy Board, Decision and Order, EB-2016-0152, December 28, 2017, p. 97. 
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1.3 List of Acronyms and Terms 
ACC:  Arizona Corporations Commission. 


AERB: Atomic Energy Regulatory Board (India). 


AGR:  Advanced Gas-Cooled Reactors. 


ARO:  Asset Retirement Obligations. 


ARC:  Asset Retirement Cost. 


BEIS:  Department of Business, Energy and Industrial Strategy (UK). 


CANDU: Canada Deuterium Uranium heavy-water reactor 


CAG:  Comptroller and Auditor General of India. 


ComEd: Commonwealth Edison Company. 


CPUC : California Public Utilities Commission. 


CCA:  Community Choice Aggregator (US). 


CfD:  Contract for Differences. 


CNP:  Commission for Nuclear Provisions (Belgium). 


CNSC: Canadian Nuclear Safety Commission (Canada). 


CPUC: California Public Utilities Commission. 


CRE:  Energy regulator (France). 


CR3:  Crystal River 3 Nuclear Plant (US) 


DAE:  Department of Atomic Energy (India). 


DEC:  Duke Energy Carolinas (US). 


DEP:  Duke Energy Progress (US). 


DECON: A decommissioning approach in which a nuclear facility is dismantled immediately after 
closure, permitting release of the property and termination of the NRC license.  


DSM: Demand-Side Management. 


FDP: Funding Decommissioning Programme (UK). 


FERC:  Federal Energy Regulatory Commission (US). 


FPC:  Florida Power Corporation. 


FPL:  Florida Power & Light. 


GAAP: Generally Accepted Accounting Principles. 


GASB: Government Accounting Standards Board. 


HPC:  Hinkley Point C (UK). 


ICC:   Illinois Commerce Commission. 


IFRS:  International Financial Reporting Standards. 
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IOU:  Investor-Owned Utility. 


IPA:  Illinois Power Agency. 


IRP:  Integrated Resource Plan. 


IRS:  Internal Revenue Service (US). 


JNFL:  Japan Nuclear Fuel Limited. 


JPEX:  Japan Electric Power Exchange. 


LADWP: Los Angeles Department of Water and Power. 


MEAE: Ministry of Economic Affairs and Employment (Finland). 


MEC:  Minnesota Energy Consumers. 


METI:  Ministry of Economy, Trade and Industry (Japan). 


MFF:  Municipal Franchise Fee (US). 


MISO:  Midcontinent Independent System Operator (US). 


NAO:  National Audit Office (UK). 


NCUC: North Carolina Utilities Commission. 


NDCA: Nuclear Decommissioning Cost Adjustment (US). 


NDT:   Nuclear Decommissioning Trust. 


NEB:  National Energy Board (Canada). 


NFWA: Nuclear Fuel Waste Act (Canada). 


NLF:  Nuclear Liabilities Fund (UK). 


NRC:   Nuclear Regulatory Commission (US). 


NSPC: Northern States Power Company. 


NWPA: Nuclear Waste Policy Act of 1982 (US). 


OCI:  Other Comprehensive Income. 


OEB:   Ontario Energy Board. 


OPG:  Ontario Power Generation. 


ONDRAF: Belgian Agency for Radioactive Waste and Enriched Fissle Materials. 


ONFA: Ontario Nuclear Funds Agreement (Canada). 


ORS:   Office of Regulatory Staff (US). 


PAPDUC: Pennsylvania Public Utility Commission. 


PEC:  Progress Energy Carolina. 


PG&E: Pacific Gas & Electric. 


PPE:   Property Plant & Equipment. 
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PSC:   Public Service Commission (US). 


PSCSC: Public Service Commission of South Carolina. 


PUC:  Public Utilities Commission (US). 


Palo Verde: Palo Verde Nuclear Generating Station (US). 


PWR:  Pressurized Water Reactor. 


Rate RSE: Rate Stabilization and Equalization Factor (Alabama). 


REC:  Rural Electric Co-operative. 


ROE:   Return on Equity. 


RPS:  Renewable Portfolio Standard. 


SAFSTOR: A decommissioning approach in which dismantling of a nuclear facility is deferred, 
allowing for the decay of radioactivity prior to the plant’s removal. 


SBC: System Benefits Charge. 


SCE&G: Southern Carolina Electric & Gas Company. 


SERI: System Energy Resources Inc. 


SFAS: Statement of Financial Accounting Standards (US). 


SONGS 1: San Onofre Nuclear Generating Station (US). 


SRP: Salt River Project (US). 


TVA: Tennessee Valley Authority. 


TVO: Teollisuuden Voima (Finland). 


US: United States of America 


US DOE: United States Department of Energy. 


US GAO:  United States Government Accountability Office. 


VYR:  Finnish Nuclear Waste Management Fund. 
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2 Approach to Study 
This Chapter summarizes our approach to the Nuclear Liability Cost Recovery Jurisdictional Study. 


2.1 Countries with Operating Nuclear Reactors 
As summarized in Exhibit 2-1, operating nuclear power plants are found in 30 countries. Countries 
have been listed in order of decreasing nuclear power production for 2019 (in TWh). Data are also 
shown for the number of operational reactors and the percentage of electricity production accounted 
for by nuclear power generation. 
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Exhibit 2-13 


 


2.2 Selection Criteria 
We focused our research on countries and jurisdictions that met one or more of a number of section 
criteria designed to ensure that relevant jurisdictions were included in the study, subject to information 
availability. These criteria are discussed in more detail in Section 2.2.2 below. 


In selecting our target sample group, we relied on both: 


 
3 World Nuclear Association, “World Nuclear Power Reactors & Uranium Requirements”, November 2020. 


List of Countries w ith Operating Nuclear Power Reactors (2019)


Ranking 
2019 Country


Nuclear 
Generation 


(TWh)


Nuclear 
Share 


(%)
Operating 
Reactors


Reactors 
under 


construction
1 USA 809.4            19.7% 94 2
2 France 382.4            70.6% 56 1
3 China (Mainland) 330.1            4.9% 48 15
4 Russia 195.5            19.7% 38 2
5 South Korea 138.8            26.2% 24 4
6 Canada 94.9              14.9% 19 0
7 Ukraine 78.1              53.9% 15 2
8 Germany 71.1              12.4% 6 0
9 Japan 65.7              7.5% 33 2
10 Sw eden 64.4              34.0% 7 0
11 Spain 55.9              21.4% 7 0
12 United Kingdom 51.0              15.6% 15 2
13 Belgium 41.4              47.6% 7 0
14 India 40.7              3.2% 22 7
15 Czech Republic 28.6              35.2% 6 0
16 Sw itzerland 25.4              23.9% 4 0
17 Finland 22.9              34.7% 4 1
18 Bulgaria 15.9              37.5% 2 0
19 Hungary 15.4              49.2% 4 0
20 Brazil 15.2              2.7% 2 1
21 Slovakia 14.2              53.9% 4 2
22 South Africa 13.6              6.7% 2 0
23 Mexico 10.9              4.5% 2 0
24 Romania 10.4              18.5% 2 0
25 Pakistan 9.1                6.6% 5 2
26 Argentina 7.9                5.9% 3 1
27 Iran 5.9                1.8% 1 1
28 Slovenia 5.5                37.0% 1 0
29 Netherlands 3.7                3.2% 1 0
30 Armenia 2.0                27.8% 1 0


TOTAL 2,626.0 435 45
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‐ Overall objectives for the sample group as a whole, and  


‐ Criteria for inclusion of individual countries or jurisdictions in the sample group. 


This is discussed further below. 


2.2.1 Objectives for the Sample Group 
Taken as a whole, our target sample group was developed to meet a number of objectives: 


‐ The sample group should include a number of countries with very large nuclear fleets (e.g. 
larger than Canada). Countries with large fleets can reasonably be viewed as important 
precedents in understanding and evaluating cost recovery methodologies.  


‐ The sample group should cover a diverse range of experiences in order to be sufficiently 
representative of global practices, while focusing more on those countries that are likely to be 
more relevant comparators for Ontario and OPG. The objective of having a diverse sample group 
is to ensure that the analysis considers jurisdictions with a range of characteristics, which should 
help illuminate how these characteristics have influenced the methods and processes for cost 
recovery. This approach increased the likelihood that we would identify the full range of practices 
applied globally. Thus: 


‐ The sample group should include a range of ownership structures for nuclear plants (investor-
owned, publicly-owned, and co-operative if applicable). 


‐ The sample group should include some countries from each of North America, Europe and 
Asia, to the extent possible. Within Europe, the sample group should include a mix of countries, 
taking into account size, geographic location, and institutional conventions.  


‐ In addition to rate regulated jurisdictions, the sample group should include other market structures 
for pricing the output from nuclear generating fleets (e.g., prices set under a long-term contract). 
While rate regulated jurisdictions provide a more immediate comparison, given the heterogeneous 
nature of the industry, other market structures can offer relevant insights into cost recovery 
considerations and provide additional context.  


2.2.2 Criteria for Inclusion of Jurisdictions in the Sample Group 
We used a number of criteria when considering the inclusion of any individual jurisdiction in the study 
sample group. The criteria were designed to identify and include jurisdictions that are comparable 
and relevant Ontario and OPG. Criteria were also used to prioritize our research effort, subject to 
information availability. 


In applying the criteria, we used the following approach: 


‐ In general, not all criteria needed to be met to proceed with the selection of an individual country.. 
However, a country should meet a number of the criteria. Further, consistent with our goal of 
having a reasonably diverse sample group, any given criterion should be demonstrated by at least 
some countries within the sample group.  


‐ Some criteria are intended to be met by all sample members (for example, the jurisdiction needs 
to meet minimum standards for institutional quality and have a sufficiently large installed nuclear 
generation base). 
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The specific criteria used are outlined below. 


‐ There is a sufficiently large installed nuclear generation base. A country should have a 
meaningful nuclear fleet (more than just one or two units) and this fleet should make up a 
sufficiently significant portion of total generation. The rationale for this criterion is that jurisdictions 
that rely on nuclear power for a large portion of their needs are more likely to place particular 
attention to the cost recovery methods. 


‐ Nuclear power has an ongoing role. It is preferable that nuclear power play an important and 
ongoing role in the jurisdiction. We felt that countries committed to nuclear power would likely 
provide more relevant insights for Ontario, where nuclear is and will continue to be a critical 
component of the energy supply mix. Additionally, cost recovery considerations may be different 
for jurisdictions with ongoing operating nuclear plants compared to those in the wind down phase.  


‐ There has been recent new build or refurbishment. We felt it was desirable to include 
jurisdictions where there has been notable recent investments in the nuclear fleet, whether through 
new build or through large refurbishment programs for existing facilities. This characteristic 
parallels Ontario where major nuclear refurbishment programs are ongoing. 


‐ The user-pay principle is in place. The jurisdiction should have the general goal of recovering 
plant decommissioning and waste costs from electricity users over the operating lifespan of the 
associated facilities. It should not be intended that the costs be subsidized by the government, for 
example. The principle seeks to ensure that costs are allocated fairly to those benefiting from the 
output from the nuclear facilities, in line with the premise of cost-based rate regulation. 


‐ Institutional quality meets minimum standards. The jurisdiction should meet minimum 
standards for the quality of its governmental and regulatory institutions. Ideally, terms for 
decommissioning and waste management cost recovery would be set by arm’s-length institutions 
with sufficient resources to make informed decisions. This criterion is necessary to ensure the 
relevance and reliability of the jurisdictional information. 


‐ Transparency is high. Information on approaches to recovery of decommissioning and waste 
management costs should be readily accessible. Ideally, information should also be available in 
English or French. The need to include a range of countries, however, would influence how strictly 
the language criterion is applied. 


‐ The country is developed. Most of the jurisdictions should be developed countries with stable 
financial markets. The rationale for the criterion is that less developed countries and/or those with 
less stable financial markets may face additional challenges in funding decommissioning and 
waste management costs. These challenges may influence approaches to cost recovery in a 
manner that is less applicable to Ontario and OPG. Additionally, developing countries with 
potentially higher rates of growth may make different decisions on allocating costs between 
generations of consumers. 


2.3 Selection of Jurisdictions 
Based on the criteria above, we selected the countries to include in the study as set out in Exhibit 2-
2 below. 
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Exhibit 2-2 


 
 


The rationale for inclusion of individual countries other than Canada is highlighted below: 


‐ United States (US). The US is the largest nuclear operator, has well-developed regulatory 
frameworks, and its rate-setting processes share many features with those in Canada. There are 
also a number of markets within the US that have introduced retail open access and/or competitive 
electricity markets.   


‐ France. France is the second largest nuclear operator and nuclear power has a very large share 
of total electricity generation in the country. There are some unique aspects to pricing 
arrangements for nuclear generation. 


‐ United Kingdom (UK). The UK has recently made major new investments in nuclear generation 
through the Hinckley Point C plant, which receives revenues under a contractual arrangement. 
The UK also has a well-developed regulatory regime. 


‐ Germany. Notwithstanding its planned phase-out of its nuclear power fleet, Germany still has a 
significant amount of nuclear power generation, operating in a competitive market.  


‐ Belgium. Similar to Germany, Belgium remains an important nuclear power producer 
notwithstanding its plans for unit shut-down, and operates under a competitive electricity market. 


‐ Sweden. Sweden represents a mid-tier European nuclear operator, where nuclear power is now 
seen as an important component of transition to carbon-free generation. Electricity is sold through 
a competitive market. 


‐ Finland. Finland is committed to a growing role for nuclear power and has recently made large 
investments in new capacity. In addition, relative to other countries, it is well advanced in the 
implementation of plans for nuclear waste disposal, and has a number of utilities providing power 
“at cost” to its owners under the so-called Mankala principle. 


‐ South Korea. South Korea is a major nuclear operator and provides representation from Asia. 
Some of the reactors use CANDU technology, similar to Canada. There are also several reactors 
under construction. 


Target List of Countries


Canada
United States
France
United Kingdom
Germany
Belgium
Sweden
Finland
Japan
South Korea
India
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‐ Japan. In addition to providing representation from Asia, Japan was included to explore 
implications on cost recovery that may have arisen as a result of the shut-down of nuclear units 
following the Fukushima incident. 


‐ India. Although nuclear generation represents a relatively small portion of the country’s total 
energy output, India has a relatively large number of operating reactors and a number of reactors 
under construction, and provides representation from a developing market. Further, government 
materials are available in English, and the country provides additional representation from Asia. 


Including Canada, the targeted selections represented 11 of the top 17 countries by nuclear output 
and by number of operating nuclear reactors, with the six excluded countries being Russia, China, 
Ukraine Czech Republic, Spain and Switzerland.  


Additional observations with respect to some of the specific jurisdictions selected is provided below. 


2.3.1 The United States is an Important Jurisdiction 
The nature of the US electricity sector bears additional discussion, given that the US plays a major 
role in this jurisdictional review. Beyond having a large nuclear fleet and a well-developed regulatory 
regime, the US has a number of other key features that make it a very useful point of comparison. 
Some of these are as follows: 


‐ The US features a broad range of ownership structures, including investor-owned utilities (“IOUs”), 
publicly-owned utilities, and electric membership co-operatives (“EMCs”). 


‐ The US includes a wide range of electricity market structures. Some states continue to rely on 
vertically-integrated utilities that are fully-regulated, whereas other states have introduced 
competitive electricity markets. Many states with competitive electricity markets have enforced the 
separation of generating activities from regulated transmission and distribution. In other cases 
vertically-integrated utilities continue to operate in competitive wholesale markets.  


‐ Compared to other global jurisdictions, we have found the US to have the most instances of rate-
regulated nuclear generators, which we expect to be of important interest to the OEB. 


‐ The US has at least 30 states that have or have had operating nuclear reactors, some owned by 
multiple parties and some supplying customers across state boundaries. Since retail electric 
power rates are typically regulated at the state level, this may provide a wide range of potentially 
different regulatory approaches to cost recovery. 


Given the above range of circumstances and study scope, we decided to conduct a review of the US 
by considering its component jurisdictions. Thus, within the US, we studied a number of individual 
state jurisdictions in more depth, in addition to understanding key elements that are common. In some 
instances, we further focused our state-level review on the prevalent industry participants, subject to 
information availability.  


Because of the importance of the US to our review, and the many complexities associated with this 
country, we devote one section of our report (Part II) to this specific jurisdiction.  


2.3.2 European Jurisdictions 
The European Union has mandated the introduction of competitive electricity markets in its member 
states. As a consequence, most operators of nuclear power plants in Europe receive a market price 
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for power and no longer have revenues determined through rate regulation. Among the jurisdictions 
selected, this is the case in at least Sweden, Belgium, and Germany.  


Although operators must recover their overall costs over time if they are to remain solvent, there is 
no clear link between decommissioning and waste management obligations and costs and the prices 
paid by consumers in these jurisdictions.   


As a consequence of the prevalence of competitive electricity markets, we had a lesser focus on 
European jurisdictions in our subsequent research. We did apply greater attention to three European 
jurisdictions where there are exceptions from the general open-market approach as follows: 


‐ France -The government of France has set a fixed price of power for a portion of the output from 
Électricité de France’s (“EDF”) nuclear fleet.  


‐ United Kingdom -The UK government has negotiated a fixed contract price for power produced 
by Hinkley Point C, a reactor that is currently under construction in order to help the country reach 
its targets for carbon reduction emissions. 


‐ Finland -The main nuclear power plant operator in Finland, TVO, operates under the Mankala 
principle, providing power “at cost” to its constituent shareholders, which are either large industrial 
consumers or electricity distribution utilities. 


Reviews for these three jurisdictions are presented in Chapters 22, 23 and 24. 


2.3.3 Information from Some Countries Proved Difficult to Collect 
As we began our research for the targeted jurisdictions, we encountered difficulties in collecting 
and/or evaluating information for some countries. In particular, while our target list included South 
Korea, we found it difficult to find documentation in English with respect to decommissioning 
arrangements. Additionally, we found disclosures in South Korean company financial reports to be 
less extensive than in other developed countries.  


Japan also presented many of the same challenges with respect to understanding actual practices 
and interpreting relevant official documentation in a sufficiently clear manner. 


For these reasons, our report does not present any findings with respect to South Korea. 


Similar constraints exist with respect to information from Japan and therefore our study contains more 
limited and qualified discussion of practices in Japan.  


2.3.4 Some Countries have Less Developed Decommissioning Funding 
Frameworks 
India was included in our initial selections because of the substantial and growing role that nuclear 
power plays in the energy sector, and as a representation of a developing market It also has the 
advantage that government reports are readily available in English. 


Nuclear power is India’s fifth-largest source of electricity, supplying approximately 3% of Indian 
electricity in 2019, according to the International Energy Agency.4 According to the International 
Atomic Energy Agency, India has 22 nuclear reactors in operation, providing for a total installed 


 
4 International Energy Agency, “Electricity mix in India, January – October 2020”. Retrieved 16-11-2020. 
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capacity of 6,780 MW.5  Seven more reactors are under construction with a combined generation 
capacity of 4,824 MW.6  


As we advanced in our research, we found that practices in India are not likely to be a relevant 
comparator for Ontario and OPG. Based on the findings of a review by the Comptroller and Auditor 
General of India (“CAG”), it appears that India lags behind other countries in terms of the maturity of 
its nuclear decommissioning-related arrangements. As of 2012, specific challenges identified by the 
Comptroller and Auditor General included the following: 


‐ None of the 20 plants that had entered operation had then prepared decommissioning plans, 
despite Atomic Energy Regulator Board (“AERB”) guidance to do so. (This included one plant that 
had been shutdown as of 2004.)7 


‐ Neither government legislation nor related regulations provide for the creation and calculation of 
decommissioning reserves by the utilities.8 


The CAG drew attention to the lack of a legislative framework in India for the decommissioning of 
nuclear power plants, noting that the AERB’s mandate is limited to prescribing codes, guides, and 
safety manuals on decommissioning. 


We did note that India’s Department of Atomic Energy (“DAE”) has been levying a decommissioning 
charge per kWh of energy sold from nuclear power stations in the country since 1988. This was 
initially set at 1.25 paise per kWh but was raised to 2 paise (0.00035 $CAD)9 per kWh in 1991.10  
Funds accumulated have been placed in a Decommissioning Fund, which is maintained by the 
Nuclear Power Corporation of India on behalf of the Government of India.  


Rates charged by nuclear generators are regulated and are based on a recovery of relevant costs 
and a specified return on equity.11  


As of 2012, the levy amount had remained unchanged since 1991 and an expert committee in 2009 
had expressed concern over the inability to assess the adequacy of the levy given uncertainties in 
decommissioning costs. 12 It is not clear from the documentation found whether or not the amount is 
intended to cover the costs of handling spent fuel in addition to the costs of plant decommissioning. 


In a 2015 review, the International Atomic Energy Agency (“IAEA”) reviewed the Government of 
India’s strategies for the safe disposal of radioactive wastes. It concluded that it was “not able to find 
clear evidences of the existence of high-level policies and strategies”.  It further noted that: 


 
5 World Nuclear Association and IAEA PRIS, “Nuclear Reactors in India”. Retrieved 16-11-2020.  
6 IAEA PRIS – Country Statistics – India. Retrieved 18-09-18.  
7 Report of the Comptroller and Auditor General of India on Activities of Atomic Energy Regulatory Board for 
the year ended March 2012, Union Government Department of Atomic Energy, Report No. 9 of 2012-13, p. 65. 
8 Report of the Comptroller and Auditor General of India on Activities of Atomic Energy Regulatory Board for 
the year ended March 2012, Union Government Department of Atomic Energy, Report No. 9 of 2012-13, p. 67. 
9 Based on exchange rates as of November 16, 2020. As of that date, there were 56.96 Indian rupees to the 
Canadian dollar, and there are 100 paise per Indian rupee.  
10 Report of the Comptroller and Auditor General of India on Activities of Atomic Energy Regulatory Board for 
the year ended March 2012, Union Government Department of Atomic Energy, Report No. 9 of 2012-13, p. 66. 
11 Government of India, Department of Atomic Energy. Response of Dr. Jitendra Singh, Minister of State to 
Unstarred Question No. 1231 to be Answered on 07.05.2015.  
12 Report of the Comptroller and Auditor General of India on Activities of Atomic Energy Regulatory Board for 
the year ended March 2012, Union Government Department of Atomic Energy, Report No. 9 of 2012-13, p. 65. 
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“it would be beneficial for India to develop a RAW [radioactive waste] Management Strategy, 
which should cover short and long term plans and measures and include the Governmental policy 
and respective strategy for the lifetime of the facilities.”13 


As per the provisions of the Atomic Energy Rules, 2004, the responsibility for decommissioning rests 
with the plant operator. The DAE stated in 2015 that detailed procedures for decommissioning were 
best prepared at the time of need.Error! Bookmark not defined.  
Based on the above findings, it appears that amounts being collected through the decommissioning 
levy are not reasonably linked to expected costs, contrary to the user-pay principle.  Given this and 
the observations on the overall state of the decommissioning-related arrangements, we did not further 
investigate developments in India, although we expect that the decommissioning levy would be 
collected through the regulated rates.  


2.4 Report Structure 
In the course of our research, we prepared summary profiles of key aspects and developments for 
each of the applicable countries researched and these are included in this report as individual 
Chapters or, in the case of the US, a series of Chapters including those profiling certain states. 
Although we endeavoured to present the results of our research in a manner that facilitates overall 
observations across jurisdictions where possible. the profiles may differ in terms of their specific 
structure, focus areas and relative depth. This reflects the fact that: 


‐ Although we found some common themes that we ultimately summarize in a later Chapter, many 
of the jurisdictional approaches to the nuclear power industry in general and decommissioning 
and waste management in particular had a number of unique characteristics, elements and 
background. 


‐ We also found that the issues of potential relevance to this review for each jurisdiction were 
sometimes different, reflecting different circumstances and developments in each jurisdiction. 


‐ Given the wide range of global practices surveyed, the availability of relevant information differed 
across jurisdictions.   


The report is structured in four parts:  


‐ Part I includes Chapters on introduction, approach to the study and selection of jurisdictions, and 
an overview of jurisdictional characteristics that we believe may be influential in the establishment 
of cost recovery practices. 


‐ Part II comprises Chapters focusing on the US, including an overview and specific state profiles. 


‐ Part III provides the summary profiles for jurisdictions studied in Europe, Asia and Canada, 
including OPG in Ontario. 


‐ Part IV provides overall findings and observations from our work.  


 


 
13 International Atomic Energy Agency, Integrated Regulatory Review Service – Mission to India, March 2015, 
p. 12. 
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3 Jurisdictional Characteristics 
This Chapter provides a summary description of some of the key jurisdictional characteristics that we 
have observed in an initial review of the selected jurisdictions. These characteristics may be influential 
in the establishment of cost recovery practices for nuclear decommissioning and waste management 
costs in a particular country, US state or Canadian province. 


In general, we observed a wide range of circumstances faced by nuclear power plants and their 
operators across the jurisdictions. Variations in circumstances were most notable across the following 
characteristics: 


‐ Pricing Regime. 


‐ Ownership Structures.  


‐ Industry Outlook. 


‐ Scope of Obligations. 


‐ Role of Regulators. 


‐ Financial Assurance Mechanisms. 


A discussion of each of these characteristics below is intended to provide a contextual framework for 
considering the findings from individual jurisdictional profiles presented in subsequent Chapters.   


3.1 Pricing Regime 
Revenues earned by a nuclear plant owner may be determined through a variety of mechanisms: 


‐ Revenues may be determined through participation in competitive electricity markets. 
Utilities in such jurisdictions may either bid into an electricity power pool or sign bilateral contracts 
with major power users. In either case, the prices offered will be set by utility management within 
the market mechanism. In these jurisdictions, there is no clear link between decommissioning and 
waste management obligations and costs and the prices paid by power purchasers (although, as 
noted elsewhere, operators must recover their overall costs over time if they are to remain solvent). 
The majority of European jurisdictions as well as deregulated US states are under a market pricing 
regime. 


‐ Revenues may be set through long-term contractual relationships with major 
counterparties, including government procurement agencies. Governments may enter long-
term contracts to support the construction of new nuclear capacity or refurbishment of existing 
plants. These contracts can provide nuclear developers with the long-term revenue certainty 
needed to finance these major projects. However, the exact link between the contracted price and 
the decommissioning and waste management obligations and costs may not be clear because 
they are just one component of the plant’s overall projected cost profile that would be expected to 
be considered in determining the contract price. How various individual costs factor into a 
developer’s willingness to accept a particular off-take price is ultimately an internal management 
matter. The Hinkley Point C project is the major example of a new nuclear generator whose rates 
have been established by long-term contract. 


‐ Revenues may be determined by an independent, external regulator. Where this is the case, 
rates will often be set through some form of rate of return regulation, based on the amount of 
invested capital and allowed operating expenses, including an allowance for decommissioning 
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and waste management cost recovery. Within this overall rate-setting framework, the specific 
approach to determining amounts for decommissioning and waste management costs that is 
applied by the economic regulator may vary. A number of US states as well as Ontario and other 
Canadian jurisdictions reviewed in this study provide the main examples of independent economic 
regulation. 


‐ Revenues may be determined through rates set by the government, perhaps arbitrarily.  
Depending on a jurisdiction’s industry structure, public policies and unique history, the government 
may prescribe rates for electricity production. The rates may be set with the intent to cover costs 
but there may be no firm or transparent link between decommissioning and waste management 
costs (or other costs) and rates. France is a major example of this approach, whereby consumers 
have access to a defined quantity of power from EDF at a fixed price set by government decree. 
Our research indicates that this price is intended to approximate EDF's cost base but has not been 
systematically updated to match the actual cost structure.  


‐ Revenues may be determined through rates set by the utility itself. Certain utilities may have 
the authority to set their own rates and are not be subject to oversight by a separate economic 
regulator. In setting rates, a self-regulating utility may seek to follow principles similar to those that 
would be applied by an independent regulator or it may adhere to other requirements such as 
those of lenders or debt capital markets. The Tennessee Valley Authority (“TVA”) in the US is an 
example of a major self-regulating utility. 


‐ Revenues may reflect a direct flow-through of costs. The funding for certain utilities may be 
structured for the direct flow-through of costs to participating owners through some form of co-
operative agreement or similar arrangement. The use of the Mankala principle in Finland is an 
example. 


There are variations within these mechanisms, and any individual power plant may have revenues 
set through one or more of these mechanisms. 


3.2 Ownership Structure 
Nuclear power plants may be owned, variously, by: 


‐ Governments, including through arm’s length but publicly owned business corporations. 
Examples reviewed in this study include Vattenfall in Sweden, as well as OPG and NB Power in 
Canada. 


‐ Private-sector investors. The vast majority of US and European jurisdictions included in the 
study derive nuclear power from investor-owned utilities, as does Japan. 


‐ Consumers themselves through co-operative structures.  This structure was encountered in 
the US, where electricity membership cooperatives are an important component of the industry 
base.  The example that we reviewed in our research was Oglethorpe Power Corporation in 
Georgia. 


In some cases, an individual plant may have multiple owners, and these owners could fall into more 
than one of the above categories.  
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3.3 Industry Outlook 
Jurisdictions vary in the future outlook for the nuclear generation industry, with some facing a growing 
role and others facing a declining role for the sector. We observed the following range of 
circumstances for this characteristic: 


‐ Jurisdictions where nuclear power is being phased-out or is facing major curtailments.  
These developments may be taking place for policy reasons related to the acceptability of nuclear 
power generally (e.g. Germany and Belgium) or because of specific concerns (e.g. Japan). 


‐ Jurisdictions where the nuclear power plant sector is growing. These circumstances reflect 
a recognition that nuclear energy can play a substantial role in decarbonisation efforts, such as in 
Finland and the UK, and/or expectations of increased electricity demand through economic 
development, such as in India. 


‐ Jurisdictions where the nuclear power sector is generally stable.  These jurisdictions may 
have a number of existing plants, perhaps with life extensions, but relatively little or no major new 
current construction.  Examples include such major nuclear power producing jurisdictions as the 
US, France and Canada.14 


3.4 Scope of Obligations 
The type of nuclear decommissioning and waste management costs for which nuclear operators are 
responsible can vary across jurisdictions. Major categories of the costs include: 


‐ Plant decommissioning. This involves the safe removal of a nuclear facility from service and the 
reduction of residual radioactivity to a level that permits release of the property and termination of 
its operating license. 


‐ Site restoration. This involves the removal of non-radioactive equipment at a site and its return 
to a greenfield or near-greenfield condition, where the site can be used for other purposes. 


‐ Low-level and intermediate level waste. This involves dealing with items that have been 
contaminated with radioactive material or exposed to radiation during the operation of the plant. 


‐ Spent fuel long-term storage and processing. This involves dealing with spent nuclear fuel, 
which remains highly radioactive and must be stored securely after its use for a very long period 
of time. The processing of spent fuel may involve packing it in specialized containers and the 
storage of these containers in some form of geologic repository.  


In a few jurisdictions, most notably the US and Japan, the government has assumed responsibility 
for long-term spent fuel storage, underwriting a potentially large part of the associated cost risk. Fees 
may be charged to utilities (and in turn consumers) to help recover these costs. Where governments 
have assumed responsibility for spent fuel, this reduces the scope of utilities’ set-aside funding 
activities for decommissioning and waste management and may change the nature of the associated 
cost recovery from consumers. Similarly, some jurisdictions do not require utilities to set aside funding 
for full site restoration, which can also impact the approach to recovery of these costs.  


For example, the United States Department of Energy (“US DOE”) is responsible for the disposal of 
spent nuclear fuel from commercial power reactors, levying fees on US utilities toward building a 


 
14 We note that OPG has recently announced resumption of planning activities for future nuclear power 
generation at its Darlington site, to host a small modular reactor, subject to regulatory approvals. 
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central spent fuel storage facility. Since spent nuclear fuel tends to account for a significant 
percentage of overall nuclear decommissioning and waste management costs, this significantly 
reduces US utilities’ direct cost responsibility and funding obligations. Accordingly, financial 
assurance guidelines from the US Nuclear Regulatory Commission (“NRC”), as discussed in Chapter 
6, do not require operators to address funding for the disposal of spent fuel.  In addition, the NRC 
does not require operators to set aside funding (or provide other forms of financial assurance) for full 
site restoration. Thus, the scope of activities covered by financial assurance provisions for US nuclear 
utilities is narrower than in a number of other jurisdictions, including in Canada. OPG and other 
nuclear waste owners in Canada are responsible for set-aside funding and ultimate cost of disposal 
of nuclear spent fuel, as well as for full site restoration.15  


3.5 Role of Regulators and Other Government Agencies 
In comparing jurisdictions, it is important to understand how the role of various regulatory or other 
government agencies may affect decisions on how they secure financial assurance  for the funding 
of future nuclear decommissioning and waste management costs, and how and when such costs are 
recovered from consumers. 


The two layers of oversight are: 


‐ Oversight of funding and financial assurance. This focuses on whether an organizational will 
have sufficient funds on hand to pay for decommissioning and waste management costs in the 
future. Most commonly, this involves a requirement that dedicated trust funds be established, with 
mandated funding levels.   


‐ Oversight over amounts included in consumer rates. This focuses on the economic regulation 
of amounts in respect of decommissioning and waste management included in prices charged to 
consumers. 


One or both layers of the oversight may apply to utilities in a given jurisdiction, depending on the 
prevailing regulatory framework and market structure. The two types of oversight may be integrated 
to different degrees, potentially influencing outcomes on cost recovery methodologies.  


For example, the NRC’s rules for financial assurance provide that US utilities’ funding plans for 
decommissioning costs may be influenced, to a potentially significant degree, by rate case decisions 
made by state utility commissions or by the FERC. On the other hand, the Canadian Nuclear Safety 
Commission’s (“CNSC”) requirements for financial assurance by Canadian utilities, as well as OPG’s 
funding requirements under the Ontario Nuclear Funds Agreement (“ONFA”), are independent of 
economic regulation. Cost recovery outcomes may potentially also be influenced by the regulator’s 
mandate, jurisdiction and approach to rate setting.  


Economic regulation does not typically apply to decisions regarding the recovery of decommissioning 
costs from consumers for utilities that operate in competitive electricity markets, have the authority to 
self-regulate, operate on a non-profit basis, or have rates governed by direct contract.  


Through our review, we observed that the portion of consumer contributions that are intended to cover 
decommissioning and nuclear waste management costs are generally more transparent in 
jurisdictions with regulated rates.   


 
15 The Nuclear Waste Management Organization, as funded by the waste owners, is the entity responsible for 
implementing Canada’s spent fuel disposal plan. 


Filed: 2020-12-31 
EB-2020-0290 
Exhibit C2-1-1 
Attachment 2 


Page 32 of 181







 


OPG_Report - December 31, 2020 


Ontario Power Generation 
Nuclear Liability Cost Recovery Jurisdictional Study 
 DOCPROPERTY "KISHdrInfoA"  


25 


Regulatory Principles 


Where economic regulators play a role in determining recoveries for decommissioning and nuclear 
waste management costs, they would typically be expected to follow proper cost allocation practices 
and other sound regulatory principles.  


Regulatory principles typically considered include those listed below, to which we have added 
potential interpretations of their meaning in the context of nuclear decommissioning and waste 
management costs: 16 


‐ Fairness. Do consumers pay for all of the costs of decommissioning, including a share of 
associated overhead costs? 


‐ Minimizing intergenerational inequity. Are costs fairly allocated amongst different generations 
of consumers, so that consumers in different periods pay similar costs per unit of electricity 
received, with ‘similar’ perhaps being defined in inflation-adjusted terms? 


‐ Transparency. Are amounts collected for decommissioning based on clear assumptions and 
calculations? Can consumers and regulators clearly see how amounts have been derived? 


‐ Minimizing rate volatility. Are amounts collected stable and predictable over time? Do 
methodologies minimize the variation from period to period as a result of changes in economic 
conditions or cost estimates? 


‐ Appropriate allocation of risk. Do methodologies fairly apportion risks (for example in 
investment returns, cost estimates, or decommissioning performance) between consumers and 
utility owners? 


‐ Providing value to consumers. Do methodologies ensure that costs to consumers are 
minimized?  


‐ Consistency and simplicity.  Are changes to methodologies limited such that transition impacts 
are minimized? 


‐ Alignment with required financial accounting and reporting. Are methodologies aligned with 
well-established accounting principles? 


 
16 A number of these regulatory principles have been identified by the OEB, including in the consultation on the 
regulatory treatment of pension and other post-employment benefit costs (EB-2015-0040 Report of the Ontario 
Energy Board, p. 3). 
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4 Review of Accounting Principles 
In this Chapter we review accounting issues associated with the recognition of decommissioning 
costs in utility financial statements. 


4.1 Asset Retirement Obligations 
Subtopic ASC-410-20, Asset Retirement Obligations, establishes US Generally Accepted Accounting 
Principles (“GAAP”) accounting standards for recognition and measurement of a liability for an asset 
retirement obligation (“ARO”) and associated asset retirement cost (“ARC”). Subtopic 410-20 requires 
entities in all industries to: 


— Recognize a liability for all legal obligations, including conditional AROs, associated with the 
retirement of tangible long-lived assets; 


— Recognize the liability at fair value, and capitalize an equal amount as a cost of the related long-
lived asset, which is depreciated over its estimated remaining useful life; 


— Increase the liability for the passage of time (accretion) and report the change as an operating 
expense (accretion expense); 


— Adjust the liability for changes arising from a change in the timing or amount of the estimated 
undiscounted future cash flows, with a corresponding change to the carrying amount of the asset; 
and  


— Recognize a gain or loss on the settlement of the obligation when the associated asset is retired. 
The extensive use of estimates may cause entities to record a gain or loss when they settle the 
ARO.  


The ARO is initially measured at the fair value of the liability, in accordance with the following 
guidance: 


Determination of a Reasonable Estimate of Fair Value    


“30-1 An expected present value technique will usually be the only appropriate technique with which 
to estimate the fair value of a liability for an asset retirement obligation. An entity, when using that 
technique, shall discount the expected cash flows using a credit-adjusted risk-free rate. Thus, the 
effect of an entity’s credit standing is reflected in the discount rate rather than in the expected cash 
flows. Proper application of a discount rate adjustment technique entails analysis of at least two 
liabilities—the liability that exists in the marketplace and has an observable interest rate and the 
liability being measured. The appropriate rate of interest for the cash flows being measured shall be 
inferred from the observable rate of interest of some other liability, and to draw that inference the 
characteristics of the cash flows shall be similar to those of the liability being measured. Rarely, if 
ever, would there be an observable rate of interest for a liability that has cash flows similar to an asset 
retirement obligation being measured. In addition, an asset retirement obligation usually will have 
uncertainties in both timing and amount. In that circumstance, employing a discount rate adjustment 
technique, where uncertainty is incorporated into the rate, will be difficult, if not impossible.”  


In the US, this is generally based on US Treasury bond yields with an uplift to reflect the credit risk 
associated with that company (i.e. the risk associated with the entity’s non-performance due to 
default).  
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On recognition of the ARO, the entity recognizes the ARC and depreciates that cost over the 
remaining useful life of the asset on a systematic and rational basis; for utility companies this is 
typically on a straight-line basis over the period of plant operation.  


Subsequent Measurement 


Excerpts for ASC 410-20: 


“35-1 A liability for an asset retirement obligation may be incurred over more than one reporting period 
if the events that create the obligation occur over more than one reporting period. Any incremental 
liability incurred in a subsequent reporting period shall be considered to be an additional layer of the 
original liability. Each layer shall be initially measured at fair value. For example, the liability for 
decommissioning a nuclear power plant is incurred as contamination occurs. Each period, as 
contamination increases, a separate layer shall be measured and recognized. 


35-2 An entity shall subsequently allocate that asset retirement cost to expense using a systematic 
and rational method over its useful life” 


35-3 In periods subsequent to initial measurement, an entity shall recognize period-to-period changes 
in the liability for an asset retirement obligation resulting from the following:    


a The passage of time    


b Revisions to either the timing or the amount of the original estimate of undiscounted cash flows.  


‐ 35-4 An entity shall measure and incorporate changes due to the passage of time into the carrying 
amount of the liability before measuring changes resulting from a revision to either the timing or 
the amount of estimated cash flows. 


‐ 35-5 An entity shall measure changes in the liability for an asset retirement obligation due to 
passage of time by applying an interest method of allocation to the amount of the liability at the 
beginning of the period. The interest rate used to measure that change shall be the credit-adjusted 
risk-free rate that existed when the liability, or portion thereof, was initially measured. That amount 
shall be recognized as an increase in the carrying amount of the liability and as an expense 
classified ass accretion expense.” 


The subsequent measurement due to the passage of time increases the ARO amount and the entities 
recognize accretion expense, which is the unwinding of the discounting at the same discount rate that 
was used when the ARO was initially recognized.  


The subsequent measurement of the change in timing or in the amount of cash flows, if it represents 
an increase, is accounted for as another “layer” of liability and the associated ARO is measured at 
fair value, calculated in the same way as for initial recognition but utilizing a new discount rate for this 
new layer; the related ARC is added to the asset. If the subsequent measurement is a decrease, then 
there is a downward adjustment in ARO and to the ARC. The entity would recognize accretion 
expense, using the same discount rate for this new layer. 


Effects of Funding and Assurance Provisions    


Excerpts for ASC 410-20: 


35-9 Methods of providing assurance include surety bonds, insurance policies, letters of credit, 
guarantees by other entities, and establishment of trust funds or identification of other assets 
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dedicated to satisfy the asset retirement obligation. The existence of funding and assurance 
provisions may affect the determination of the credit-adjusted risk-free rate. For a previously 
recognized asset retirement obligation, changes in funding and assurance provisions have no effect 
on the initial measurement or accretion of that liability, but may affect the credit-adjusted risk-free rate 
used to discount upward revisions in undiscounted cash flows for that obligation.    


KPMG interpretive guidance 410-20-35-9, Funding and Assurance Provisions (Dec. 2014): 


“An entity may obtain surety bonds, insurance policies, letters of credit, guarantees by other entities, 
and dedicated trust funds to satisfy an ARO. 


These funding and assurance provisions do not eliminate the requirement to recognize the ARO. 
However, these arrangements generally reduce the counterparty's exposure to the entity's non-
performance risk and should be considered in determining the entity's credit-adjusted risk-free rate 
for new obligations or upward revisions. 


An entity should not present the funding or assurance provision as an offset to the asset retirement 
liability. Additionally, an entity should account for the costs of the funding or assurance provisions 
separately from the ARO.” 


The above guidance, and interpretation, clarifies the relationship between funding arrangements and 
the requirements of US GAAP. Of most important, is the distinction between the funding basis and 
the ARO determined based on US GAAP requirements in accordance with ASC 410-20. 


4.1.1 Factors Influencing Accounting Expenses 
In practice, the recognition of accounting expenses is complicated by various factors that can arise 
as assumptions and cost estimates change. These could result from the following circumstances: 


‐ Estimates of future decommissioning activities may change, either up or down. 


‐ The lifespan of the plant may be adjusted, either becoming shorter or longer. 


‐ The decommissioning date may be adjusted, either becoming shorter or longer. 


‐ Prevailing discount rates may change, which would impact new layers of ARO. 


The impacts of these changes are discussed further below. 


Changes in Cost Estimates for Future Decommissioning Activities  


When the estimated future cost of decommissioning activities increases, this is treated as an 
additional layer of liability that is recognized at the time that the cost estimate changes. The discount 
rate used to calculate the present value of the additional liability will be one based on the then-current 
market conditions. Accretion expense will then be calculated going forward on this new layer of 
liability. The new layer of the liability would increase the ARC that is added to the related asset. 


In the event that the future cost of decommissioning activities decreases, then the associated liability 
should be reduced using the discount rate originally used to set up the liability. Thus, unlike for 
increases in the cost estimate, the current discount rate is not used. The reduction of the ARO would 
result in a consistent decrease to the ARC. 
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Changes in Plant Lifespan 


If the plant lifespan is extended, which reduces the liability by extending the depreciation period of 
the ARC and the periodic depreciation rate would be lower. In contrast, if the lifespan is shortened 
then the depreciation period of the ARC would decrease, and the periodic depreciation rate would be 
higher.  


Changes in Timing of Decommissioning 


If the decommissioning date is extended, which reduces the liability by extending the discounting 
period, the adjustment should be calculated using the original discount rate. In contrast, if the 
decommissioning date is shortened, the increase in the liability should be calculated using the current 
discount rate.  


Changes in Discount Rates 


Changes in discount rates over time will have different implications depending on the accounting rules 
used. 


Under US GAAP, a change in the discount rates as a result of changes in market conditions or entity 
risk profile will not affect the accounting of AROs that have already been set up on the balance sheet. 
Accretion expense will continue to be based on the discount rates used to set up the initial ARO. As 
noted above, however, increases in costs and the resulting new liability layer will be set up using 
current discount rates.  


Under IFRS, the discount rate is adjusted at each reporting period. 


4.2 Evolution of Accounting Practice 
In June 2001, the Financial Accounting Standards Board (“FASB”) in the US issued Standard No. 
143, which requires that companies recognize a liability for the fair value of AROs. Under the 
standard, this liability is to be calculated on a net present value basis at the time an asset is 
constructed, acquired, or when a change in law creates a legal obligation to perform the retirement 
activities. Consistent with the accounting framework outlined earlier in this Chapter, this standard 
envisages the recognition in subsequent periods of accretion expense and of depreciation on the 
initial value of the asset created as a result of recognition of the liability. 


4.2.1 Response By Regulators 
In our US research we found in many instances that the accounting changes on adoption of FAS 143 
were discussed in regulatory proceedings and that the utility commissions involved did not change 
how costs were recovered in rates. As an example, in South Carolina, at the request of utilities in the 
state, the utility commission issued a joint order confirming that adoption of FAS 143 by utilities under 
its jurisdiction would not lead to a change in the allowances in rates for decommissioning costs. The 
utility commission also thereby set up deferred accounts for regulatory accounting purposes. This is 
discussed in more detail in Section 18.2.2.1. We noted similar considerations in Florida (Section 
12.3.1), Georgia (Section 13.2.2.1), Minnesota (Section 15.2.2.2), and North Carolina (Section 
16.2.1.1).   
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4.3 Accounting considerations for entities applying ASC 980 (US 
GAAP) 


4.3.1 General Guidance Applicable to Rate Regulated Entities 
Under US GAAP, entities that have activities that are subject to rate regulation are required to follow 
special accounting provisions which are set out in ASC 980. These special accounting provisions 
require the economic effect of rate regulation to be reflected in general purpose financial statements 
prepared under US GAAP. It is important to note that if an entity falls within the scope of ASC 980, it 
is required to prepare its financial statements based on these special accounting provisions; it cannot 
choose to apply the accounting provisions that apply to entities that are not subject to rate regulation. 
In Canada and the US, many utilities are rate-regulated and apply the various sub-topics of ASC 980. 
Therefore, regulatory assets and liabilities are recognized in these entities. 


It is, also important to note that a regulator cannot eliminate a liability that was not imposed by its 
actions. As such, although certain costs relating to obligations may be fully recoverable through the 
rates charged to customers in the future (for example, obligations relating to deferred taxes, P&OPEB 
and asset retirement obligations), a regulated entity still recognizes the obligations on its balance 
sheet. 


By their very nature, AROs can remain outstanding for a very long time. For this reason, regulators 
establish various methods for including these costs in the rates charged to customers. The methods 
used can include forward looking funding requirements, accounting expense, flow through cost, and 
arbitrary rate as discussed in Section 5.1. If the amount determined by accounting expense is not 
used for setting rates, a difference will exist between the method used for rate-making purposes and 
the amount recognized in general purpose financial statements. In order to reflect the economic 
impact of rate regulation in general purpose financial statements, ASC 980 requires that regulated 
entities recognize the regulatory assets and liabilities as discussed below. 


Regulatory Assets (ASC 980-340) 


ASC 980 defines an ‘incurred cost’ as a cost arising from cash paid out or obligation to pay for an 
acquired asset or service, a loss from any cause that has been sustained and has been or must be 
paid for. As such, ‘incurred cost’ includes costs that have been paid already as well as those for which 
an obligation to make a payment in the future exists as at the reporting date. This is consistent with 
the accrual accounting principles used in preparing general purpose financial statements. 


AROs that are recognized in an entity’s general purpose financial statements represent 
management’s best estimate of decommissioning costs that will occur at the end of the assets useful 
life.  


Note also that the definition of ‘incurred costs’ that is used for accrual accounting may at times differ 
from the criteria that are used by regulators in assessing whether a cost is actually included in the 
rates charged to customers during a particular period. For example, in setting rates, a regulator may 
conclude that certain costs that have been recognized under accrual accounting do not yet meet its 
criteria for inclusion in the rates because the amounts are not due to be paid before the next rate 
application. Although such costs would meet the definition of ‘incurred costs’ for accrual accounting, 
they would not meet the definition that is used for setting rates. Under ASC 980, costs relating to such 
differences in treatment between accrual accounting and ratemaking are included in the definition of 
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regulatory assets, and would be recognized (or capitalized) if the criteria discussed further below are 
met. In this section of the report, all further references to ‘incurred costs’ relate to the definition that 
is used for accrual accounting and not a different definition that may have been used for ratemaking.  


Under the general provisions of ASC 980-340, Other Assets and Deferred Costs, an incurred cost 
that would otherwise be charged to expense is capitalized as a regulatory asset if:  


a) It is probable that future revenue in an amount at least equal to the capitalized cost will result 
from inclusion of that cost in allowable costs for rate-making purposes; and  


b) Based on available evidence, the future revenue will be provided to permit recovery of the 
previously incurred cost rather than to provide for expected levels of similar future costs. If the 
revenue will be provided through an automatic rate-adjustment clause, this criterion requires that 
the regulator’s intent clearly be to permit recovery of the previously incurred cost.  


Based on this requirement, a regulatory asset is only recognized if it is probable that the incurred cost 
will be recovered in future rates. ASC 450 states that an event is probable if it is “likely to occur”. As 
such, in order for incurred costs to be capitalized as regulatory assets, there needs to be suitable 
evidence to support the judgmental criteria that recovery in future periods is reasonably assured. In 
assessing that probability, reporting entities consider (1) how the costs are being recovered in rates 
and on what basis they are being recovered; (2) any specific actions by the regulator with respect to 
similar deferred costs; (3) the regulator’s historical approach to inclusion of such costs in rates; and, 
(4) whether there is significant uncertainty indicated by the regulator regarding the future rate recovery 
approach. If it is not probable that an incurred cost will be recovered in future rates, a regulatory asset 
is not recognized at the time that a cost is incurred. Instead, a regulatory asset is recognized when it 
does meet the criteria at a later date.  


Regulatory assets are not measured at discounted present value if the related cost will be recovered 
over an extended period without a return on the unrecovered amount. After determining that an 
incurred cost is treated differently for ratemaking and that it is probable that the incurred cost will be 
included in future rates, the amount that is recognized as a regulatory asset is not further adjusted to 
reflect the time value of money. However, an entity discloses the remaining amounts of such 
regulatory assets and the remaining recovery period applicable to them. 


Regulatory Liabilities (ASC 980-405)  
Regulatory liabilities arise from rate actions of a regulator that impose obligations on a regulated entity 
to its customers. ASC 980-405, Liabilities, addresses the accounting requirements for regulatory 
liabilities.  


Regulatory liabilities typically arise if a regulator provides current rates intended to recover costs that 
are expected to be incurred in the future with the understanding that, if those costs are not incurred, 
future rates will be reduced by corresponding amounts. The current rates are intended to recover 
such costs and the regulator requires the entity to remain accountable for any amounts charged 
pursuant to such rates and not yet expended for the intended purpose. The usual mechanism used 
by regulators for this purpose is to require the regulated entity to record the anticipated cost as a 
liability in its regulatory accounting records, and the amounts are taken to income only when the 
associated costs are actually incurred and recognized as expenses. Typically, all these requirements 
would be specified beforehand and included in the rate orders/decisions issued by the regulator. 
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4.3.2 The Implications of Regulatory Assets and Liabilities 
As noted above in Section 4.1, irrespective of the rate setting methodology for recovery of 
decommissioning costs, all companies will recognize AROs, ARCs, the related depreciation expense 
of the ARC, and accretion expense of the ARO in their US GAAP financial statements. Where 
companies recover decommissioning costs on a methodology other than accounting (such as on an 
estimate of required funding contributions), there will then be a difference between decommissioning 
costs allowed for rate-making purposes (i.e. the amount recovered through rates) and the accounting 
expense recognized under accounting principles for financial reporting purposes.  


In the event that the utility is allowed under applicable accounting standards to recognize the effects 
of rate regulation as noted in Section 4.3, this will often give rise to a regulatory liability or a regulatory 
asset on its balance sheet.  


The regulatory assets or liabilities can be significant, as shown below in numbers provided for Florida 
Power & Light (“FPL”). FPL rates are set based on required fund contributions, rather than based on 
accounting expense recognized under accounting principles for financial reporting purposes. 
Amounts accrued for ratemaking purposes by FPL were $4.4 billion at the end of 2018, which included 
AROs of $2.0 billion and a regulatory liability for the ARO regulatory expense difference of $2.4 billion. 
Figures shown in Exhibit 4-1 below are as presented in the 2018 annual report for FPL’s parent 
company, NextEra Energy.17 .  


Exhibit 4-1ARO Reconciliation 


 
FPL had some specific circumstances that may influence the size of the differential: its nuclear plants 
received license extensions in 2002 and 2003, reducing the present value of decommissioning costs. 
FPL does not currently make contributions to the decommissioning funds, other than the reinvestment 
of fund earnings. Therefore, no amounts are currently being recovered from ratepayers. In contrast 
to the amount included in rates (of zero), the annual accretion expense associated with FPL’s ARO’s 
was $101 million in 2018.18 


The ARO regulatory expense difference of $2.358 billion noted above in Exhibit 4-1 appears as a 
regulatory liability on FPL’s balance sheet. The ARO regulatory expense difference represents the 
difference between what has been recovered in rates and the sum of (1) accretion expense on ARO; 
(2) depreciation on ARC; (3) Fund earnings. 


 
17 NextEra Energy, 2018 Annual Report, p.53. 
18 Ibid, p. 107. A small amount of non-nuclear AROs is reflected in this expense amount, but a note in the 
annual report indicates that they are not significant. 


FPL - ARO Reconciliation - Nuclear  ($Millions)


2018
AROs 2,045
Less capitalized ARO asset net of acumulated depreciation (316)
Accrued asset removal costs 319
ARO regulatory expense difference 2,358
Total accrued for ratemaking purposes 4,406
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5 Rate Recovery Methodologies 
This Chapter is intended to briefly summarize the broad categories of methodologies for the 
determination of amounts for decommissioning and waste management costs for the purpose of price 
setting that we noted in our research. Within these categories, there are many variations in approach 
and application.  


This brief overview is intended to assist the reader in comparing and contrasting the individual 
jurisdictional profiles in the subsequent Chapters. A more detailed discussion of our findings and 
observations related to the application and development of these methods is provided in Part IV of 
the report.  


5.1 The Broad Categories of Methodology 
Methodologies for the collection of decommissioning and waste management costs fall into four broad 
categories: 


‐ Based on forward looking funding requirements.  


‐ Based on accounting expense.  


‐ Based on a flow through cost  


‐ Based on an arbitrary rate.  


There are more fully defined below. 


Based on forward looking funding requirements.  


This method bases recovery from consumers on amounts that are contributed to set-aside funds as 
part of financial assurance mechanisms for in-scope obligations related to nuclear decommissioning 
and waste management. The key elements of a forwarding funding structure discussed later in this 
chapter in Section 5.2 tend to play a key role in determining the amounts collected under this regime. 
The amounts collected are therefore reflective of funding arrangements in place for a particular utility, 


Based on accounting expense.  


This method bases recovery from consumers on expenses recognized in the company’s financial 
statements related to asset retirement obligations for nuclear decommissioning and waste 
management. The recovery amount would be determined in reference to depreciation and accretion 
expense, offset by current trust fund earnings. The amounts collected are therefore reflective of 
prevailing accounting standards as determined by the relevant standard setting bodies, such as US 
GAAP discussed in Chapter 4. 


Based on a flow through cost  


This method “passes” through to consumers the fees or levies payable by utilities to other parties in 
exchange for these parties effectively discharging the utilities’ obligations for nuclear 
decommissioning or, more often, for waste management. Such fees or levies may be treated as 
operating expenses and recovered as such in the normal course through cost-based price setting.  
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Based on an arbitrary rate.  


This method bases recovery from consumers on an arbitrary or quasi-arbitrary rate that is not directly 
or clearly linked to the underlying costs or obligations of the utility. As such, either by design or 
application of policy, amounts for nuclear decommissioning and waste management cannot be 
observably traced through to electricity charges paid by consumers, even though these charges may 
be broadly intended to be based on a utility’s overall cost levels. 


5.2 Key Elements of a Forward-Looking Funding Approach 
As noted in Section 3.5, regulators (or governments) generally seek to ensure that sufficient funds 
will be available to pay for decommissioning and waste management costs when needed in the future. 
This objective is typically achieved through the establishment of trusts (such as Nuclear 
Decommissioning Trusts in the US) or similar set-aside mechanisms, which allow for the 
accumulation and investment of funds by or from the nuclear operator.  


At the time of decommissioning or waste management activities, the funds should provide a 
segregated pool of investments that can cover the required expenditures. To ensure that future fund 
balances are sufficient, while recognizing the inherent uncertainty in projecting future expenditures 
and economic conditions over long periods of time, regulators (or governments) may use more 
conservative methods and assumptions in determining the amount and timing of required trust 
contributions. 


In determining the required contributions to a segregated fund, we have found the following to be the 
typical key parameters of relevance: 


‐ Funding requirement target. 


‐ Expected fund earnings. 


‐ Contribution profile. 


‐ Funding period, typically based on station lifespan. 


These are discussed further below. 


Funding Requirement 


The starting point for any analysis of funding requirements is an estimate of in-scope future 
decommissioning and waste management costs.  These estimates identify the targeted amount of 
funds to be accumulated in a trust or similar set-aside arrangement by a certain timeframe. Inherently, 
any such estimate will be subject to significant uncertainty, which may reflect: 


‐ Uncertainty in the actual processes that will be used for decommissioning and waste 
management. For example, processes may change over time with evolution in the technologies 
for decommissioning and waste processing and disposal, and with changes in safety and 
environmental standards and public policies. 


‐ Uncertainty in future rates of cost escalation for input goods and services, including labour and 
materials, used in the decommissioning and waste management processes.  These goods and 
services may escalate in price at a rate that is different than general price inflation, including for 
industry-specific inputs. 
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‐ Uncertainty in the timing given such factors as the operating lifespan of the assets, post-shutdown 
strategy, development of permanent solutions to spent fuel and other waste, and changes in 
technology and public policies as noted above. 


The fact that decommissioning and waste management activities may take place far in the future 
magnifies potential forecasting risks in respect of each of the elements above.   


To address some of the uncertainty, cost estimates may explicitly acknowledge that actual 
outcomes will follow a probability distribution.  
We also observed approaches to cost estimating that provide for more conservative (i.e. higher) 
funding requirements, increasing the likelihood that funding will be sufficient to pay for the actual 
expenditures when they occur.  


Expected Investment Returns 


Expected earnings on invested funds is a key parameter in determining set-aside contributions under 
a forward-looking funding approach. Contribution requirements over time may vary significantly 
depending on the expected returns on fund balances. This reflects the fact that the relatively long-
time horizon for the investment process means that even small differences in the rate of return 
assumed may have a notable impact on estimates of required contributions levels. 


Expected returns are generally a function of future inflation, market outlook (including interest rates) 
and views on risk tolerance, which typically manifest themselves in investment mix decisions.  


Profile of Contributions 


Within the fundamental requirement that fund balances be sufficient at the expected future dates of 
decommissioning and waste management, there is a mathematically wide range of potential 
contribution profiles that could provide the future balances required. Contributions profiles could range 
from back-end loaded to front-end loaded to even-pay; selection among and the implementation of 
these alternatives inherently involves judgement. We have observed that approaches to contribution 
profiles can vary significantly depending on jurisdictional characteristics and the circumstances of a 
particular utility, including any applicable regulatory, contractual or other requirements and 
government policy considerations. 


An example of a more back-end loaded contribution approach is that for Hinkley Point C (within  its 
initial contract period), whereas we noted more front-end loaded profiles in many US states, where 
sufficient funds where accumulated prior to facility license extensions, for OPG under the ONFA, 
and, as noted earlier, in Finland. 


Funding Period 
We have observed that funds for decommissioning and waste management activities are typically 
set aside over a station’s operating life rather than, say, over the period until decommissioning 
starts.  However, we noted one jurisdiction (Japan) where asset retirement costs were initially 
allocated to expense through depreciation over a period covering both a plant’s operating life and a 
subsequent safe storage period, rather than over just its operating life.  This approach was 
ultimately changed to correspond to the typical practice of recovering costs over the operating life.  
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5.2.1 Variability in Funding Contributions 
The nature of the above elements influencing funding projections is such that contribution 
requirements will need to be updated over time to reflect: 


‐ Changes in estimates of real (constant dollar) decommissioning and waste management costs, 
including through more detailed decommissioning plans and evolution of methods for spent fuel 
and waste disposal. 


‐ Changes in the expected lifespan of the associated nuclear facilities. 


‐ Variances in actual investment returns from expectations. 


‐ Changes in expected future investment returns as a result of changes in market outlook, mix of 
investments, and/or expected inflation rates. 


These changes can result in significant variability in contribution levels, sometimes over a very short 
period of time. For example, 


‐ Contributions may drop significantly, and even to zero, in the event a facility’s lifespan is extended. 
This reflects the additional earnings potential of funds that have already been contributed, as a 
result of a longer investment horizon.  (This may be offset by the added cost of managing 
increased volume of spent fuel and other waste material, if within funding scope.) 


‐ Conversely, contributions may escalate sharply in the event a facility’s lifespan is reduced. 


‐ Contributions may also decrease after a period of sustained strong investment returns, and 
increase in the event of a significant downturn in the financial markets. We also observed 
instances where updates to decommissioning plans drove material impacts on funding levels. For 
example. This was the case for Pacific Gas & Electric’s Diablo Canyon plant in the United States.  
The plant was originally expected to operate beyond the current operating licencing period, but 
the cancellation of a planned license extension resulted in an updated review of decommissioning 
costs and significant increases in required decommissioning allowances in rates (see Chapter 11). 


We also noted the very long-term nature and the importance of technical and other assumptions 
underpinning cost estimates for future spent fuel and waste disposal plans, many of which are in their 
early stages globally. The continued evolution of these plans and methods can lead to substantial 
changes in future funding requirements.  As noted earlier, examples of uncertainties include:  


‐ Expectations and standards with respect to decommissioning performance. 


‐ The technologies used in the decommissioning process. 


‐ The ultimate design and location of waste repositories. 


In addition to uncertainties over future costs, there are uncertainties in terms of fund accumulation 
and implications for financial statement presentation.  Thus: 


‐ Regulatory assets or liabilities may arise as a result of the resulting mismatch between amounts 
recovered from consumers and costs recognized for financial statement purposes under 
applicable accounting standards. The regulatory assets and liabilities that are shown on utility 
financial statements may then become significant. 


‐ Required contributions may vary significantly depending on expectations with respect to future 
inflation rates and forecast rates of return on trust fund balances. These inputs become points of 
contention in regulatory proceedings and may be subject to specific regulatory constraints. 
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Decisions on the allocation of funds among investment asset classes is also important, as they 
will influence actual and expected returns and the degree of volatility in fund balances. 


Accordingly, decisions on expected future investment returns are often a major component of related 
regulatory deliberations. The regulatory process determines the parameter values that will be used, 
and this may allow more subjective views to influence these parameters, possibly creating inter-
generational equity issues.   


This gives decision-makers considerable discretion to alter these profiles to meet other objectives in 
parallel. In contrast, accounting methodologies give less discretion in how related costs are 
recognized.  


5.3 Application to the Accounting Expense Method 
When rates are based on accounting methodologies, the depreciation expense and accretion 
expense are typically allowable costs and recovered in rates charged to customers, which results in 
the collection of cash. The cash received may then be set aside in a segregated fund in order to help 
fund the future decommissioning cost. 


In addition to the recovery of the depreciation and accretion expenses, there are other factors to 
consider in connection with the amounts to be recovered by rate-payers to fund the future obligation. 
Investment earnings on segregated fund balances would generally be treated as a reduction to the 
costs to be paid by rate-payers. Therefore decommissioning costs to be recovered by rate-payers in 
any period under an accounting approach would likely be calculated as follows: 


‐ Depreciation of the ARC 


‐ Plus: accretion expense 


‐ Less: investment earnings on segregated fund balances in decommissioning trusts. 


It should be noted that, from an accounting perspective, the accounting expense is simply the sum of 
depreciation expense and accretion. Investment earnings are not deducted as an offset. 


If the future cost of decommissioning activities remain as initially measured, and if investment 
earnings on segregated funds collected through the recovery of depreciation and accretion expense 
earn the same return as the discount rate used to recognize the initial ARO, then funds accumulated 
over time in segregated funds will exactly match future decommissioning costs. Thus, the process 
will ensure funding adequacy. 


Overall, the recovery of decommissioning costs will generally be somewhat front-end loaded. This 
reflects the impact of the following trends: 


‐ The depreciation expense account is constant over time. 


‐ Accretion expense is recognized using the effective interest rate method which results in accretion 
expense being lower earlier, and increasing closer to the decommissioning date. 


‐ Investment fund earnings (which are an offset to the expense items above) also grows, and these 
earnings grow by more than the increase in accretion expense in each period.19  


 
19 In the last period, the accretion expense exactly offsets the investment earnings. In earlier periods, the 
accretion expense is actually greater than investment earnings but, as noted in the text, the increase in 
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In addition to factors influencing accounting expense, the following factor will influence the rate setting 
process: 


5.4 General Issues in the Rate Setting Process 
In the remainder of this Chapter, we provide additional discussion with respect to general issues 
related to some of these rate recovery mechanisms.  In the sections below, we identify: 


‐ The implications of uncertainty. 


‐ Exceptions to the user-pay principle 


‐ The impacts of transitions in market structure. 


‐ Regulatory flexibility. 


5.4.1 The Implications of Uncertainty 
An inherent challenge in the evaluation of nuclear decommissioning costs is that decommissioning 
may take place far in the future, resulting in considerable uncertainty with respect to factors such as: 


‐ Methodologies that will be applied for decommissioning, and their associated costs. 


‐ Rates of cost escalation. 


Given uncertainties, regulators and governments may therefore be naturally concerned about the 
potential for cost over-runs and hence shortages in the decommissioning funds that will be available. 


Uncertainty may be addressed in a number of ways, including through: 


‐ The use of scenario analysis 


‐ The inclusion of cost-buffers in cost estimates. 


These approaches are discussed further below. 


Scenario Analyses 


Analyses of decommissioning costs may explicitly acknowledge that actual outcomes will follow a 
probability distribution. We identified some cases where nuclear operators use scenario analyses to 
determine the value of decommissioning obligations. Estimates of decommissioning obligations for 
financial reporting purposes are thus based on a probabilistic analysis of various potential outcomes. 
The practices of one nuclear operator (Exelon) in this regard are discussed further in the profile for 
Pennsylvania in Chapter 17.  


In Exelon’s case, the scenario analysis is used to determine an “expected” value for decommissioning 
costs. It is not used to identify the contributions that would be needed to cover costs that would be 
higher than the expected value. In other cases, probabilistic analysis may be used to identify 
additional required contingency amounts, as discussed further below. 


 
investment earnings in each period is greater than the increase in accretion expense, so that the net difference 
between the two line items narrows over time. This assumes that the interest rate earned is equal to the 
discount rate. 
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Cost Buffers 


Governments or regulators may require utilities to increase the decommissioning cost estimates used 
for rate setting purposes or to provide guarantee commitments to cover potential cost over-runs. 
These contingency amounts may be based on some form of probabilistic scenario analysis. Relevant 
examples include the following: 


‐ For Hinkley Point C, the UK government requires that decommissioning cost estimates be 
designed to be “P80” estimates. In words, they are to be conservative estimates, where the 
probability that they be exceeded is only 20%. In addition, the operator is required to provide an 
additional buffer over the P80 estimate of 25%. (This is discussed further in our UK Case Study in 
Chapter 23.) 


‐ In Sweden, security guarantees take into account the potential for cost increases above a median 
estimate. (This is noted in our study of other European jurisdictions in Chapter 25.) 


‐ In Finland, nuclear operators’ obligations to fund the Finnish State Nuclear Waste Management 
Fund include a “risk marginal”, which we assume is an uplift on expected costs. (This is noted in 
our Finland Case Study in Chapter 24.) 


5.4.2 Exceptions to the User-pay Principle 
Amounts may be collected from companies towards decommissioning costs based on considerations 
that reflect an ability to pay. When costs collected are less than decommissioning amounts, 
governments will generally make up the shortfall. 


As noted elsewhere, the user-pay principle suggests that decommissioning costs should be paid by 
the beneficiaries of nuclear power. Most governments and regulatory agencies have adopted the 
user-pay philosophy as key principle. Nevertheless, governments have picked up some costs under 
the following circumstances: 


‐ Governments provided some initial seed funding because funds were not collected during the 
initial years of plant operation; this funding addressed the fact that some catch-up was required 
when expectations changed regarding the need to set up dedicated funding reserves.  


‐ The structure and ownership of the industry changed, perhaps as a result of the privatization of 
publicly-owned utilities and/or the introduction of electricity market competition. Government 
funding thus facilitated the transition to a new market structure. 


‐ Governments mandated the early shut-down or phase-out of nuclear power plant operations, 
which resulted in a need to compensate operators for increased decommissioning plant costs and 
to avoid undue rate impacts for consumers.  


In the case of OPG, the Ontario government contributed some funding directly to nuclear 
decommissioning trusts. This occurred after the Ontario Hydro’s generation assets were transferred 
to a new corporatized entity, OPG, and prior to electricity market opening and OPG’s anticipated 
privatization. Thus, Ontario is one example (but not the only example) of a jurisdiction where 
governments have made direct contributions as a result of the first two circumstances noted above. 


In respect of the second reason cited above, the UK government has provided funding support for 
decommissioning costs for the initial UK nuclear fleet, which was built prior to utility privatization and 
the introduction of market competition.  
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5.4.3 Impacts of Transitions in Market Structure 
When utilities have transitioned from a regulated regime to one with a competitive electricity market, 
anomalies may arise as a result of the transition process. Transition processes typically complicate 
funding arrangements and introduce policy challenges. It may be easier to guarantee the recovery of 
decommissioning costs from regulated entities and from periods where rates are subjected to 
regulation, and this may be reflected in arrangements for funding decommissioning costs when 
market structures change.  


Examples of transition were found, for example, in many US jurisdictions. In the US, many regional 
jurisdictions have introduced a competitive spot market for electricity or some form of power pool at 
the wholesale level. In these jurisdictions, many states also restructured their electric utility sector to 
“unbundle” generation from transmission and distribution, and to provide consumers with retail open-
access, in which individual consumers can choose their commodity supplier. Alternatively, vertically-
integrated, regulated utilities may continue to operate. (In the latter case, the utility has access to an 
open spot market but individual retail customers are still dependent on their utility for commodity 
procurement.) 


The process of market restructuring, and unbundling of generation, often created issues for vertically 
integrated utilities that had existing generation plants, particularly nuclear facilities. With market 
opening, prices for the commodity were often expected to fall below the fully allocated costs of existing 
power plants, creating the possibility of “stranded assets” from the perspective of utility shareholders. 
In these circumstances, shareholders were typically kept whole through some form of non-bypassable 
stranded asset charge, levied on all consumers going forward. These charges were a mechanism to 
compensate utility shareholders for the one-time losses in asset value associated with market 
opening. In parallel with stranded asset charges, generators were often given contracts to supply 
retail customers during an initial transition period. Decommissioning obligations were often a 
significant component of stranded cost estimates. 


Complications arising from market transition were observed in a number of specific jurisdictions, 
including Illinois, Pennsylvania and the UK.  


5.4.4 Regulatory Flexibility 
Regulators’ discretion in applying regulatory principles may be greater under some approaches for 
quantification than under others. For example, regulators likely have considerably more flexibility to 
adjust the allocation of decommissioning costs across time periods under a forward-looking funding 
approach than when rates are set based on accounting expenses. Accounting expenses are 
determined based on defined methodologies and there is limited scope to adjust calculated amounts 
in any given circumstance. In contrast, the primary focus of a forward-looking funding approach is 
simply on ensuring that there is funding adequacy at the time of decommissioning. This can 
theoretically be achieved using a wide variety of different funding scenarios. Notwithstanding this 
flexibility, however, regulators and utilities do in practice apply other regulatory objectives, such as 
achieving reasonable intergenerational equity or reducing the risk of underfunding, when setting up 
contribution profiles under forward looking approaches.  
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Part II – United States 
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6 United States Institutional Framework 
In this Chapter we provide an overview of the institutional framework that governs the financial 
responsibility for nuclear decommissioning and waste management in the United States. A detailed 
review of individual US jurisdictions selected for study is provided in the Chapters following.  


6.1 Nuclear Regulatory Commission 
The Nuclear Regulatory Commission plays a key role in regulating nuclear power plant operators. 
Among other things, it issues plant operating licences and sets safety and performance standards. 
The NRC also oversees the decommissioning process and is responsible for ensuring that nuclear 
plant licensees provide reasonable assurance that they will have adequate funds for future 
decommissioning.  


Key elements of the NRC oversight process related to decommissioning financial assurance are 
discussed below. 


6.1.1 Funding Assurance Requirements 
NRC requirements to provide assurance of decommissioning funding were introduced as part of rule 
amendments in 1988. These rule amendments indicated that a number of methods would be 
acceptable for providing assurance by commercial nuclear reactor, including the use of external 
sinking funds, also known as Nuclear Decommissioning Trusts (“NDTs”). Requirements to 
demonstrate financial assurance took effect in July 1990.20 


Conditions imposed by the NRC on the use of external sinking funds were “intended to ensure that 
the integrity of decommissioning trust funds will be maintained, especially with respect to protection 
from creditors in bankruptcy situations”.21  


In addition to external sinking funds, NRC identifies other potential methods of providing financial 
assurance for the decommissioning of reactors. These are summarized below:22 


‐ Prepayment, into a segregated account prior to the start of operations that would be sufficient to 
pay decommissioning costs at the time of expected permanent cessation of operations. 


‐ Guarantee Method, which can take the form of surety bonds, letters of credit, or insurance; parent 
company guarantees may be used, subject to a number of a financial tests for guarantors.  


‐ Statement of Intent, by a government agency indicating that funds for decommissioning will be 
obtained when necessary, available to licensees whose obligations are explicitly guaranteed by 
the US government.23 


 
20 US Government Accountability Office, “NRC’s Oversight of Nuclear Power Reactors’ Decommissioning 
Funds Could Be Further Strengthened”, GAO-12-258, April 2012. 
21 US NRC, Assuring the Availability of Funds for Decommissioning Nuclear Reactors, Regulatory Guide 
1.149, August 1990, p. 1.159-4. Rule 10 CFR 50.75(e)(1) 
22 NRC Regulatory Guide 1.159, “Assuring the Availability of Funds for Decommissioning Nuclear Reactors”, 
October 2011, Revision 2, pp. 7-8. 
23 Ibid, p. 20. 
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‐ Contractual Obligations, on the part of a licensee’s customers that will, over the duration of the 
contracts, provide the licensee’s share of uncollected funds needed for decommissioning.   


‐ Other Mechanisms, to provide assurance of decommissioning funding equivalent to that provided 
by the other acceptable mechanisms. 


The NRC requires that:  


“Each of the methods of financial assurance should be adjustable to take into account variations 
in earnings and adjustments in the amount of funds being set aside for decommissioning both 
during operation and during storage periods, if any (see Regulatory Position 1.4).”24  


For regulated utilities, the use of an external sinking fund (i.e. an NDT) is the dominant method. 


The NRC provides guidance on the calculation of required contributions to an NDT based on the 
funding requirement: 


“Annual deposits in an external sinking fund, including projected earnings, should attempt to 
approximate the total amount remaining to be accumulated, divided by the remaining years of the 
license, as determined by the initial and updated certification amount specified in 10 CFR 
50.75(c)(1) and (2).”25 


With respect to the contribution profile, the NRC guidance cautions against back-end loaded 
contributions, stating that “licensees should avoid undue reliance on contributions weighted in 
constant dollars toward the end of projected facility operating life.”26 


The NRC’s approach to the determination of the funding requirement, projected earnings and other 
inputs is described below in Section 6.1.2. The requirement to use external funds or one of the other 
acceptable methods represented a substantial departure from previous practice, where companies 
may or may not have set aside funds that were specifically dedicated to cover decommissioning costs 
and that were segregated from other utility assets.  


6.1.2 NRC Decommissioning Funding  
The NRC sets out minimum requirements for licensees to develop and submit decommissioning cost 
estimates and therefore minimum funding requirements to demonstrate reasonable assurance of 
funds for decommissioning.  


For much of a nuclear reactor’s life, the NRC accepts an estimate of decommissioning cost (and 
therefore funding) that is based on a prescribed formula. The formula is based on studies published 
in 1978 and 1980, taking into account information available at the time. Separate formulas are 
provided for Boiling Water Reactors (“BWRs”) and for Pressurized Water Reactors (“PWRs”). The 
formulas assume a linear relationship between capacity and decommissioning cost, with minimums 
and maximums.27  The NRC provides a prescribed calculation of a minimum factor for escalating the 


 
24 NRC Regulatory Guide 1.159, “Assuring the Availability of Funds for Decommissioning Nuclear Reactors”, 
October 2011, Revision 2, p. 13. 
25 Ibid, p. 18. 
26 Ibid, p. 18. 
27 For example, the formula for PWR’s is 75+0.0088P, to be applied with a minimum value of P of 1200 MWt 
and a maximum value of P of 3,400 MWt. As noted, values are in 1986 dollars.  
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formula-based funding values from 1986 dollars to current dollars, but not one to account for future 
inflation, as further discussed below.28 


The purpose of the formula is to provide values for the minimum amounts required to demonstrate 
reasonable assurance of funds for decommissioning. According to NRC guidance, the formula 
“represents the bulk of the funds needed to decommission a specific reactor and is not an estimate 
of actual cost”.29 In this regard, the formula “is a reference level for licensees as a planning tool early 
in a reactor’s life”.30 Thus, the formula amounts are not intended to be actual estimates of likely 
decommissioning costs. 


Site-specific estimates are required by the NRC beginning about five years before the projected 
cessation of operations as noted below, although our review of a sample of US jurisdictions suggests 
that some utilities may prepare site-specific estimates well before they are required under NRC 
guidance.  Cost estimates called for under NRC guidance include the following: 


‐ Preliminary decommissioning cost estimates, which must be provided at or about five years before 
the projected end of operations; 


‐ An estimate of expected costs as contained in the post-shutdown decommissioning activities 
report, which is a report that must be submitted prior to or within 2 years following the permanent 
cessation of operations; 


‐ A site-specific decommissioning cost estimate, which is required within two years following 
permanent cessation of operations; and 


‐ An updated site-specific estimate of remaining decommissioning costs contained in the license 
termination plan.   


Nuclear power reactor licensees must report to the NRC on the status of their decommissioning 
funding for each reactor owned on a biennial basis, with any shortfalls made up within a prescribed 
time frame.  


With respect to changes in the funded status of an NDT over time, the NRC indicates a true-up 
approach, as follows:  


 “Arithmetic precision is not required for fund accumulation rates. If, during the course of collecting 
funds, a licensee has accumulated significantly greater decommissioning funds than anticipated, 
it may reduce its remaining contributions commensurately. Likewise, if a licensee is significantly 
behind in collections, increased contributions should be used to make up the deficit.”31  


Costs for Spent Fuel Storage and Site Restoration 


The NRC formula does not account for the costs of storing spent fuel, an activity that has since 
become necessary as a result of delays by the US DOE in accepting such fuel.  Sites-specific studies, 
which become mandatory once the decommissioning date approaches, may take into account such 


 
28 Per NRC Regulation 50.75, the adjustment factor is “at least equal to” 0.65L + 0.13E + 0.22B, where L and E 
are escalation factors for labour and energy, taken from regional data of US Department of Labor Bureau of 
Labor Statistics, and B is an escalation factor for waste burial, to be taken from NRC report NUREG-1307. 
29 United States Government Accountability Office, “NRC’s Oversight of Nuclear Power Reactors’ 
Decommissioning Funds Could be Further Strengthened”, April 2012, p. 6.  
30 Ibid, April 2012, p. 21.  
31 NRC Regulatory Guide 1.159, “Assuring the Availability of Funds for Decommissioning Nuclear Reactors”, 
Revision 2, October 2011, Paragraph 2.2.8.1, p. 18. 
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storage costs.  State utility commissions may also (but do not always) require utilities to provide 
funding assurance with respect to spent fuel storage.  


Similarly, the NRC formula does not envisage full site restoration.  Rather, it provides for removal of 
radioactive contamination. Utilities may also collect funding for full site restoration and, as with 
collections for spent fuel storage, this will tend to increase projected costs and hence required fund 
contributions. 


Overall, NRC funding assurance requirements may be exceeded by utilities and state utility 
commissions at their discretion. To the extent that amounts contributed exceed minimum 
requirements, this may influence the proportion that can be contributed to “qualifying” NDTs, which 
receive favourable tax treatment, as discussed further in section 6.4 later in this Chapter. 


Review by Government Accountability Office 


The NRC formula was subject to some criticism in the 2012 Government Accountability Office 
(“GAO”) review.32 The GAO questioned the fact that the cost estimates that were the basis of the 
formula had not been updated to reflect more recent experience. Moreover, GAO noted that NRC has 
not required licensees to provide information on actual decommissioning costs; hence, NRC has not 
had ready access to a database of actual cost information. The GAO also noted that there was no 
definition of the term “bulk”, making it unclear as to whether the formula is working as intended.33 


The GAO also observed that estimates from the formula often varied widely from site specific 
estimates, with the formula often producing considerably lower numbers. In particular, the GAO 
compared estimates from 12 different reactors, noting that for five of the reactors, the NRC formula 
captured 57% to 76% of the costs reflected in each reactor’s site-specific estimate; for the other seven 
reactors reviewed the formula captured from 84% to 103%.  


The NRC agreed with several of GAO’s recommendations, including for the revision of 
decommissioning funding assurance estimates (of which a review was implemented in 2010). The 
NRC disagreed that the definition of “bulk” is necessary to ensure adequate planning for 
decommissioning costs. Finally, the NRC agreed that its decommissioning funding formula should 
provide a credible basis for decommissioning cost, but it disagreed that a re-evaluation of the current 
formula was the best method to achieve credibility and accuracy.34 At the time our research, the NRC 
formula continued to be in use as described above.  


The GAO review, and NRC’s response, highlights the fact that the NRC’s funding formula is designed 
to be a high-level tool to assist in the evaluation of required funding amounts and is not intended to 
provide utilities with accurate cost estimates. As noted earlier, detailed site-specific estimates are 
required by NRC only once station shutdown dates approach. 


 
32 US Government Accountability Office, “NRC’s Oversight of Nuclear Power Reactors’ Decommissioning 
Funds Could Be Further Strengthened”, GAO-12-258, April 2012. 
33 As noted earlier, NRC guidance states that the formula is intended to provide an estimate of the “bulk” of the 
funds needed to decommission a reactor. It is not an estimate of the costs of decommissioning. 
34 NRC Commission Responses to GAO Reports - 2012, “Nuclear Regulation: NRC’s Oversight of Nuclear 
Power Reactors’ Decommissioning Funds Could Be Further Strengthened (GAO-12-258)”, p.1. 
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6.1.3 Relationship with Economic Regulation 
Through our research, we noted that the US regulatory framework appears to contemplate a 
relationship between the NRC’s regulation of assurance requirements for decommissioning funding 
and the setting of rates for regulated utilities. In particular, the NRC provides guidance as to how 
funding plans should be integrated with a utility’s rate setting process, serving as a framework within 
which the FERC and state utility commissions, as economic regulators, should operate in determining 
amounts to be recovered from customers. In turn, decisions by these economic regulators may 
influence the amount of funds that are set aside and the acceptability of these balances to NRC. 


Overall, the NRC appears to defer to the economic regulators on a number of key elements of the 
funding assurance process within the NRC’s framework. These elements include decommissioning 
cost estimates (subject to NRC’s minimum requirements), future escalation rates, expected 
investment returns, asset mix for decommissioning trusts, and the timing of updates (subject to NRC’s 
minimum requirements). Economic regulators have the authority to determine associated parameters 
by virtue of their determination of amounts for decommissioning to be recovered from consumers. 
During our research, we observed multiple examples where a utility’s rate proceeding determined 
these inputs to the funding calculations; this is highlighted in the Chapters on selected states that 
follow. 


The role of economic regulators in determining funding contributions is reflected in several examples 
of NRC guidance below: 


‐ On the requirement and timing of periodic updates to financial assurance amounts: While 
non-rate regulated utilities must correct any shortfall in funding that is identified at a biennial review 
by the time of the next biennial review, regulated utilities that rely on an external sinking fund would 
generally be expected to make adjustments to the amount of funds being set aside through its rate 
setting process, with shortfalls being made up within five years. 35  The NRC guidance notes that: 


“Adjustments to the annual amount of funds being set aside may be made to coincide with 
rate cases considered by a licensee’s public utility commission (PUC) or by the Federal 
Energy Regulatory Commission (FERC).”36  


‐ Regarding expected investment returns for external sinking funds: While NRC regulations 
allow a credit for projected earnings of up to a 2-percent annual real rate of return (i.e. nominal 
rate less inflation and taxes), the credit may be greater than 2 percent if a licensee “is subject to 
a rate-setting authority that will provide the total amount of funds necessary for decommissioning 
and the authority has specifically presumed a higher rate”. 37  


‐ Regarding allowed asset investments within the external funds for rate regulated utilities: 
NRC guidance notes that “investments selected with the approval of, or guidance from, the state 
PUC with jurisdiction over the licensee, or from the FERC, would be acceptable to the NRC staff”. 
38 


‐ In relation to forward-looking escalation assumptions: NRC guidance notes that its minimum 
escalation factor does not provide for estimates of future inflation, but only of inflation that has 


 
35 NRC Regulatory Guide 1.159, “Assuring the Availability of Funds for Decommissioning Nuclear Reactors”, 
October 2011, Revision 2, p. 14. 
36 Ibid, p. 13. 
37 Ibid, p. 17. 
38 Ibid, p. 18.  
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already occurred.  Accordingly, the guidance states that: “this recalculation is for certification 
purposes only and does not affect estimated future inflation that a licensee may calculate to 
establish amortization or collection schedules for rate-making or other purposes”. 39 In regard to 
future inflation rates, which will influence assumptions on future decommissioning cost escalation, 
the NRC notes that:  


“Estimates of future inflation should bear a reasonable relationship to recent (i.e., within 10 
years) economic performance or other relevant economic conditions and factors. The 
licensee should document the bases for all estimates of past and future inflation.”40 


In addition to economic regulation, the NRC guidance also discusses how adjustments may be co-
ordinated with Internal Revenue Service rulings with respect to qualified Nuclear Decommissioning 
Reserve Funds, which are discussed in Section 6.4.41   


6.1.4 Impacts on Inter-generational Equity 
As noted above, NRC requires specific site-specific estimates to be prepared as the reactor nears 
the end of its operating life. Thus, “preliminary” decommissioning cost estimates must be prepared at 
or about 5 years from the projected end of operations. “Site specific” estimates must be prepared 
prior to or within 2 years of the end of operations. 


A review of a sample of US rate proceedings suggests that many utilities may prepare site-specific 
estimates well before they are specifically required under NRC guidance. 


The move to more precise estimates over time, and certainly as the decommissioning date 
approaches, may have inadvertent impacts on inter-generational equity. The preparation of site-
specific estimates should theoretically address any shortfalls in the estimates of costs available as a 
result of using the NRC formula. We note, however, that to the extent that these site-specific estimates 
are prepared later in a reactor’s life, and result in increases in estimated decommissioning costs, it 
might reasonably be assumed that these estimates would then result in increases in funds being set 
aside for decommissioning. Assuming that these funding increases late in the reactor’s life are only 
then reflected in the rate-setting process, this would presumably tend to increase the back-end 
loading associated with the recovery of decommissioning costs. We have not done any research to 
confirm if this has been a widespread issue. However, we do note that this circumstance appears to 
have arisen in the case of PGE’s Diablo plant, as reviewed in more detail in our Chapter on California.  


Conversely, extensions to facility life as a result of life extensions can result in a decrease in funding 
requirements in later years, as additional earnings on existing funds may then be sufficient to fund 
future decommissioning costs.  This was observed in a number of US jurisdictions: required 
contributions fell to zero as a result of extension in facility life. 


 
39 NRC Regulatory Guide 1.159, “Assuring the Availability of Funds for Decommissioning Nuclear Reactors”, 
October 2011, Revision 2, p. 10. 
40 Ibid, p. 12. 
41 Within the NRC Regulatory Guide 1.159 at page 12, the NRC states that “adjustments also may be made to 
reflect the schedule of “ruling amounts” established by the Internal Revenue Service under Section 468A of the 
Internal Revenue Code for a qualified Nuclear Decommissioning Reserve Fund. However, the sum of the 
adjusted ruling amount in a qualified account plus the target amount in a nonqualified account should at least 
equal the amount indicated in 10 CFR 50.75(c).”  [Note: the amount indicated in CFR 50.75 (c) is the formula 
amount as discussed earlier.] 
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6.2 Economic Regulation 
The Federal Energy Regulatory Commission (“FERC”) has jurisdiction over inter-state commerce in 
the US, and it has used this jurisdiction to enforce standards with respect to the development and 
operation of wholesale electricity markets. In this regard, we found that the FERC has asserted 
authority over contracts for the sale of power from nuclear power plants in one state to utilities 
(sometimes related) in adjacent states.  


State utility commissions retain authority over the retail rates of most investor-owned utilities, and it 
is therefore these commissions that will typically have authority over determining how nuclear 
decommissioning and waste management costs are recovered from consumers by regulated entities.  


The FERC also plays an important role in the utility regulatory process generally. The FERC Chart of 
Accounts defines how costs are tracked and allocated within the US electricity utility sector. These 
accounts provide a common basis amongst utilities in how costs are reported, thus facilitating cost 
comparisons across utilities. State utility commissions typically enforce the use of these accounts, as 
they make the tracking of costs easier.  


6.2.1 FERC Precedents  
Our review identified a limited number of FERC precedents related to inter-state power transactions 
that involved the recovery of nuclear decommissioning costs. In both of the decisions reviewed, it was 
accepted that decommissioning costs would be recovered on a forward-looking NDT funding 
approach.  In addition to these precedents, we also briefly review below a general FERC accounting 
order related to the introduction of the FAS 143 US GAAP accounting standard. 


Opinion No. 446 


First, we noted that in Opinion No. 446, which dealt with sales of power from System Energy 
Resources Inc. (SERI) to four utilities in Arkansas, Louisiana, and Mississippi, FERC showed a 
preference for the recovery of decommissioning costs through levelized-real payments over levelized-
nominal payments. Each of the companies involved, including SERI, were owned by Entergy.42 Power 
to the various utilities was being supplied from SERI’s Grand Gulf Nuclear Station, Unit 1, which had 
been the subject of a sale / leaseback transaction. The terms of the power sales agreement had been 
the subject of a series of proceedings. In its 2000 decision, the FERC upheld an earlier judge’s ruling 
that rejected a SERI proposal to change the method for calculating the decommissioning revenue 
requirement during the lease period from a levelized-real basis to a levelized nominal-basis.  


In a levelized real payment approach, annual payments are escalated over time by inflation, resulting 
in even recovery of costs on an inflation-adjusted basis. Under a levelized-nominal payments 
approach, which we have found to be the dominant method adopted by state commissions, an even 
amount in nominal terms is recovered over time. Both approaches may be potentially supportable 
from an inter-generational equity perspective. 


Opinion No. 446-A 


Another FERC decision in 2001 dealt with a subsequent request by the Louisiana Public Service 
commission to reverse a related FERC decision to allow for accelerated recovery of decommissioning 


 
42 FERC, Opinion No. 446, Docket No. ER95-1042-000, p. 23. 
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costs (i.e. within the lease period related to the sale / leaseback agreement for the Great Gulf 1 
reactor). SERI provided for the recovery of decommissioning costs over the life of the lease instead 
of over the life of the unit. The Louisiana Public Service Commission objected that allowing this 
accelerated recovery of decommissioning expenses violated the principle of intergenerational equity, 
because “today’s customers may be paying for the decommissioning funding obligations of future 
customers”.43 


Given the particular circumstances of that case, the FERC allowed the accelerated recovery on the 
basis that the sale / leaseback transaction brought other benefits that justified the move away from 
the general practice of recovering costs over the full plant life. It noted: 


“Usually, the Commission [FERC] requires recovery of decommissioning expenses over the 
license life of the plant. However, in this case the sale/leaseback of a portion of Grand Gulf has 
resulted in a savings to SERI’s ratepayers of over $27 million. And the sale/leaseback would not 
have taken place without SERI’s agreeing to fully fund the decommissioning liability for the leased 
portion of Grand Gulf I by the end of the lease. 


“…While it is true that future ratepayers will also benefit (because they will not be subject to 
decommissioning expenses for the leased portion of Grand Gulf I) still, current ratepayers could 
not have obtained the millions of dollars of benefits that the sale/leaseback made (and still makes 
possible) without the condition that SERI fund decommissioning of the leased portion of the plant 
on an accelerated basis. We will thus allow accelerated recovery of decommissioning expenses 
for the leased portion of Grand Gulf I because, in this instance, the substantial benefits outweigh 
both the cost of accelerated recovery and any intergenerational inequity that may result from it.”44 


In summary, the FERC decision in the SERI case confirms the FERC’s general preference for an 
even recovery of costs over time, even though this method was waived in this particular instance.  


Opinion No. 350 


One of the decisions cited as a precedent in the two FERC decisions reviewed above dealt with 
recovery of decommissioning costs for a nuclear plant (Pilgrim 1) owned by Boston Edison. In Opinion 
No. 359, issued in July 1990, the FERC ruled in favour of what it termed the “fund analysis” 
methodology to setting decommissioning charges.  In FERC’s view, the fund analysis methodology 
provided for a levelized real payment approach.   


Based on a review of Opinion No. 350, we have concluded that the levelized real payment approach 
as envisaged by FERC in that Decision entails contributions that are fixed in nominal terms between 
review periods, but which escalate at each review period to account for inflation in the intervening 
period.  Hence, it is not a “pure” levelized real payment approach, under which payments would 
escalate by each in each year.  However, since review periods will occur at least every five years, 
there will be nevertheless relatively frequent adjustments to payment amounts.  Further, the 
calculations of required payment amounts within any five-year period would also take into account 
expected inflationary increases at each subsequent review date. Thus, the FERC noted,  


“In practice, the fund analysis calculates the current monthly charge by assuming an inflation rate, 
an interest rate for earnings on fund balances, a tax rate on fund earnings, and administrative 
charges for the fund. The customer's charge is set at the level necessary to fund the customer's 


 
43 FERC, Opinion No. 446-A, Order Denying Rehearing, Docket No. ER95-1042-003, July 30, 2001, p. 20. 
44 Ibid, pp. 21-22. 
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total decommissioning cost responsibility, as escalated to plant retirement, under the stated 
parameters and assuming that the charges are adjusted at the time of each review to account for 
inflation, so as to keep the charges constant in inflation adjusted terms.”45 


The result of this process would be that: 


“Monthly charges are levelized between review periods and adjusted at the time of each review. 
Payments remain constant in real (inflation-adjusted) dollars, but increase in nominal dollars at 
the time of each review.”46 


The FERC rejected the “remaining life methodology” put forward by Boston Edison. Under this 
methodology, the charge would be based simply on the total decommissioning cost estimate, less 
prior collections and accumulated net income, divided by the remaining number of months over which 
the charge is to be collected.47 The decommissioning cost estimate used in this calculation would not 
account for inflation between the rate-setting date and the decommissioning date.  The FERC 
concluded that this remaining life methodology was “unreasonable”, noting: 


“The remaining life method, as described by Boston Edison, appears to be fundamentally flawed 
as it fails to account for the impact of inflation upon the ultimate costs of decommissioning Pilgrim 
1 [the nuclear plant in question].”48 


Boston Edison argued that it would conduct updated decommissioning cost studies every several 
years and then adjust decommissioning charges on the basis of the updated studies. The FERC did 
not favour this approach, noting:  


“While Boston Edison's plan will permit the company to recoup over time the under recovery 
induced by inflation, it does not provide a systematic method of allocating decommissioning costs 
among generations of customers.”49 


The FERC found that the fund analysis approach was superior to the remaining life method: 


“On the other hand, the fund analysis does incorporate the effects of inflation, as well as the 
effects of fund earnings and administrative costs, in developing the monthly charges. Further, the 
fund analysis incorporates periodic revisions in the monthly charges to maintain a constant 
charge in real, inflation adjusted terms. Thus the fund analysis provides a systematic and fair 
method of allocating decommissioning costs, in constant dollars, among generations of 
customers. Of course, actual customer charges will fluctuate as estimates of decommissioning 
costs and assumptions concerning interest, tax and inflation rates are updated. However, the 
fund analysis method should minimize these fluctuations, and thus minimize misallocation of 
decommissioning expense responsibility among generations of customers.”50 


In summary, the FERC decisions noted contemplate that decommissioning charges will rise over time 
in nominal terms, to provide for decommissioning charges that remain roughly flat in inflation-adjusted 
terms. 


 
45 FERC, Opinion No. 350, Opinion and Order Affirming in Part and Reversing in Part Initial Decision, Docket 
No. ER86-645-001 et al, 52FERC61,010, July 9, 1990, p. 23. 
46 Ibid, p. 23. 
47 Ibid, p. 22. 
48 Ibid, p. 23. 
49 Ibid, p. 25. 
50 Ibid, p. 25. 
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FERC Order 631 


In 2003, FERC issued Order 631, which requires entities that report to it to adopt accounting practices 
similar to those provided for under FASB 143. Prior to FASB 143, many utilities recognized their 
expected future decommissioning costs as a component of the depreciable amount. The depreciable 
amount would include the cost of future decommissioning as a “negative net salvage value”, and this 
amount would be depreciated over the life of the asset. This depreciation would be treated as an 
incurred and allowable cost for rate-making purposes. Some other utilities may not have had explicit 
provisions for decommissioning costs. Order 631 was designed to provide more consistency in utility 
financial reporting.51  


Among other things, Order 631 provided for new account codes to accommodate the new accounting 
entries.52 


Order 631 also stated that public utilities that have formula rate tariffs must not include any cost 
components related to asset retirement obligations in their formula rate billing tariffs for automatic 
recovery in the billing determinations without obtaining Commission approval. 53 (Under a formula rate 
plan, tariffs may be automatically adjusted based on filed financial statements.) 


FERC further noted: 


“The Commission finds that the issue of whether, and to what extent, a particular asset retirement 
cost must be recovered through jurisdictional rates should be addressed on a case-by-case basis 
in the individual rate change filed by public utilities, licensees, and natural gas companies.”54 


FERC updated its rate change filing requirements to ensure that rate base amounts related to AROs 
can be identified and, if necessary, excluded from the rate base calculations. Thus: 


“If the public utility, licensee or natural gas company is seeking recovery of an asset retirement 
obligation in rates, it must also provide a detailed study supporting the amounts proposed to be 
collected in rates. If the public utility, licensee or natural gas company is not seeking recovery of 
the asset retirement obligation in rates, then it must remove all asset retirement obligation related 
cost components from its cost of service.”55 


Based on this Order and our research, it does not appear that FERC intended that the accounting 
presentation of AROs be determinative with respect to how costs are recovered in rates. 


6.3 The United States Department of Energy 
The US Department of Energy (“US DOE”) is responsible for the disposal of spent nuclear fuel from 
commercial power reactors. US utilities previously paid a fee to the US DOE for spent fuel disposal, 
but they are not directly responsible for arranging for long-term disposal and thus do not directly bear 
the associated costs. The US DOE has, for its part, faced a number of challenges in meeting its 
responsibilities as outlined below. 


 
51 William J. Harmon, “FERC Issues New Rules Governing the Accounting, Reporting and Rate Filing 
Requirements for Asset Retirement Obligations”, Jones Day, 24 April 2003. 
52 FERC, Order No. 631, Docket No. RM02-7-000, April 9, 2003, Appendix B. 
53 Ibid, Paragraph 60. 
54 Ibid, Paragraph 62. 
55 Ibid, Paragraph 62. 
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The US DOE’s role in the disposal of spent nuclear fuel is set out in the Nuclear Waste Policy Act of 
1982 (NWPA), which directed the US DOE, among other things, to:56 


‐ study sites for a nuclear waste repository, and 


‐ contract with industry to begin taking title to and disposing of commercial spent nuclear fuel in 
1998. 


The NWPA also provided for the creation of the Nuclear Waste Fund, a trust fund established to 
collect fees for the industry’s share of a nuclear waste repository. The US DOE is to determine how 
much industry should contribute to the fund, and annually review the established amount taking into 
consideration whether the fee will provide sufficient revenue. Up to 2014, the fee rate was set at one-
tenth of a cent per kWh of electricity generated from nuclear plants.57 


The US DOE investigated a number of possible sites for a nuclear waste depository and eventually 
focused on developing a geological repository site at Yucca Mountain in Nevada. The site was to 
handle both commercial and defense waste. Opposition to the site developed and the process for 
development and licensing for this site was suspended in 2010-2011. 


Earlier, in 1998, the US DOE missed the deadline in the NWPA to begin taking title to and disposing 
of commercial spent nuclear fuel. As a consequence, nuclear power plant operators have had to 
retain spent nuclear fuel on-site, incurring additional costs for storage and oversight. The US 
Department of Justice has entered into settlement agreements with many facility owners to cover 
these additional costs and provide for the payment of damages.58, 59 Funds received as a result of 
these settlement proceedings have been an issue in a number of regulatory proceedings, including 
in some of the states reviewed in this report.  


Fees levied on nuclear power generation were suspended beginning in 2014 as a result of a lawsuit 
filed by the Nuclear Energy Institute and the National Association of Regulatory Utility 
Commissioners.60 Nevertheless, it is still expected that the US DOE will ultimately accept spent fuel. 
Decommissioning cost estimates prepared by utilities continue to assume that DOE will ultimately 
accept spent fuel, although timelines remain uncertain.61 A DOE strategy document issued in 2013 
identified a target of 2048 for making a geologic repository available.62  


The fees levied by the US DOE have been typically treated by utilities as an operating expense related 
to the costs of fuel rather than as an accrued asset retirement obligation, and, for rate regulated 
utilities, recovered from customers on a pass-through basis. In this regard, the recovery methodology 
for these costs is, by definition, aligned between the accounting basis and the funding / disbursements 
basis. 


 
56 United States Government Accountability Office, “Nuclear Waste: Benefits and Costs Should Be Better 
Understood Before DOE Commits to a Separate Repository for Defense Waste”, January 2017, p. 62. 
57 Ibid, p. 8. 
58 United States Government Accountability Office, “Spent Nuclear Fuel Management: Outreach Needed to 
Help Gain Public Acceptance for Federal Activities That Address Liability”, October 2014, p. 49. 
59 As of 2014, the Federal government had paid out about $3.7 billion in damages 
60 United States Government Accountability Office, “Nuclear Waste: Benefits and Costs Should Be Better 
Understood Before DOE Commits to a Separate Repository for Defense Waste”, January 2017, p. 9. 
61 For example, see Decommissioning Cost Analysis for the Grand Gulf Nuclear Station, prepared by TLG 
Services, Inc. May 2017, System Energy Resources, Inc. Docket No. ER17-, Document E11-1740-001. 
62 US DOE, “Strategy for the Management and Disposal of Used Nuclear Fuel and High-Level Radioactive 
Waste”, January 11, 2013. 
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In the US, the federal government’s commitment to process utilities’ spent fuel, and subsequent 
failure to meet deadlines for accepting this fuel, have considerably complicated the landscape with 
respect to decommissioning cost recovery. The various developments (i.e. a levy on nuclear 
generation, followed by settlement agreements) have made it difficult to assess the actual pattern of 
cost recovery in the US for spent nuclear fuel. The role of the federal government in handling spent 
fuel has also diminished the role of state regulatory agencies, which control other elements of the 
cost recovery process.  


6.4 Internal Revenue Service 
An NDT set up to meet NRC requirements may, in certain circumstances, qualify as a “Nuclear 
Decommissioning Reserve Fund” under Section 468A of the Internal Revenue Code (“Qualifying 
NDT”). Qualifying an NDT means that contributions to the NDT will qualify as an expense when 
calculating income tax payable. Consistent with this treatment, when decommissioning expenses are 
paid with funds from a Qualifying NDT, the associated expenses will not be tax deductible.  


In contrast, when an NDT is non-Qualifying, contributions to the NDT will not qualify as an expense 
when calculating income tax payable. Hence, allowances in rates that target a particular contribution 
level for the NDT will need to be grossed-up to account for the income tax payable on the revenues 
thereby collected. Decommissioning expenses that are paid with funds from a non-Qualifying NDT 
correspondingly qualify as a deductible expense when calculating income taxes in that year. 


Utilities often have both Qualifying and non-Qualifying NDTs in parallel. Income taxes are payable on 
earnings by both types of funds.63 


For the purposes of evaluating funding adequacy, NRC treats the two types of NDTs as equivalent: 
the amounts in Qualifying and non-Qualifying NDTs are simply added together when comparing to 
target funding amounts. 


The intent of IRS rules appears to be to limit the contributions that can be deemed as “qualifying” to 
the minimum level required to provide funding for expected decommissioning costs.64 Limits on 
contributions are specified for any taxpayer through a “ruling amount”. Among other things, the 
quantum of any “ruling amount” is defined: 


“to prevent excessive funding of nuclear decommissioning costs or funding of these costs at a 
rate more rapid that level funding, taking into account such discount rates as the Secretary [of 
the IRS] deems appropriate.” 65 


IRS regulations provide that it may rely on schedules provided by state utility commissions in defining 
ruling amounts.66 In our review of utility commission proceedings, we found multiple instances where 
utilities requested schedules from the commission for IRS compliance purposes. 


IRS rules have evolved over time and this has influenced decisions by utility commissions on funding 
approaches and the use of NDTs. This is highlighted in some utility commission decisions that we 
found in our state-level review.  For example, because external NDTs did not receive favourable tax 
treatment prior to 1990, the Minnesota PUC approved the use of internal, rather than external, sinking 


 
63 CFR, Title 26, Section 1.1468A-4. 
64 Internal Revenue Service, Index No. 468A. 04-02, Number 199909006, Release date 4/5/1999, p. 3. 
65 Ibid. 
66 See Internal Revenue Service, Index No. 468A. 04-02, Number 199909006, Release date 4/5/1999, p. 6. 
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funds for decommissioning. With internal funds, decommissioning funds are invested in the utility’s 
own property, plant and equipment rather than being used to purchase external investments. 
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7 Overview of the United States Nuclear Fleet 
In this Chapter we provide an overview of the United States electricity market, its nuclear power 
generation fleet, and mechanisms for the recovery of nuclear decommissioning costs. 


7.1 Overview of the US Electricity Sector 
The US electricity sector is very diverse, encompassing utilities with a range of ownership structures 
and multiple models for the operation of electricity markets. Some states retain a fully regulated 
market structure, where regulated utilities provide generation, transmission and distribution on a 
vertically integrated basis. Other states and/or regional markets include competitive electricity 
markets and have enforced the unbundling of competitive generation from monopoly transmission 
and distribution activities. These markets or states typically also include competitive retail markets for 
the supply of electricity commodity to retail end-users. 


Given that retail rates are generally regulated at the state level, the US market provides the 
opportunity to observe practices for the recovery of nuclear decommissioning and waste management 
costs in multiple jurisdictions in parallel. 


To capture the full range of experience in the US, we looked at 11 jurisdictions or utilities in more 
detail, as further outlined below. 


7.1.1 States Reviewed 
In the US, 30 of the 50 state jurisdictions have or have had operating nuclear power plants, as 
summarized in Exhibit 7-1 based on data compiled by the NRC. As noted in Chapter 2, it was not 
within the scope of this study to look at developments in each of the 30 states. We therefore focused 
our research on 11 state jurisdictions for a more detailed review. These jurisdictions were selected 
based on the following considerations: 


‐ Inclusion of a sufficient number of jurisdictions with rate regulated power producers.  


‐ Inclusion of states where nuclear power plays a major role. 


‐ Inclusion of sample states with retail open-access and competitive electricity markets. 


‐ Inclusion of a range of ownership structures.  


‐ Inclusion of states where nuclear power is being expanded, as well as where it is being phased 
out. 


‐ Inclusion of regionally diverse jurisdictions. 


Based on these criteria, the following states or utilities were selected for review: 


‐ Tennessee Valley Authority. This was selected as it represents a major government-owned 
utility that is also an important nuclear operator. TVA provides power across a number of different 
states, including Tennessee, and has the power to set its own rates. This means that it has more 
flexibility in its rate setting process than investor-owned utilities, which are typically regulated by 
state utility commissions. 
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‐ Alabama. Alabama was studied because it is the fourth largest nuclear power producer in terms 
of energy output and fifth largest by number of reactors.67 Nuclear power plants in Alabama are 
also owned by the same corporate entity that owns plants in Georgia, allowing a comparison of 
practices across different jurisdictions for the same corporation.  


‐ Arizona. Arizona is included because it hosts the single largest nuclear generating facility in the 
country (Palo Verde) and this complex provides power to utilities with service territories covering 
four separate states, including California. 


‐ California. California is of interest because one of the major utilities (Pacific Gas & Electric) is 
phasing out its nuclear generation as a result of the planned shut-down of the Diablo Canyon plant 
in the near future. California is also often a leading state with respect to regulatory practices.   


‐ Florida. Florida is a state with a long history of nuclear power owned by investor-owned vertically-
integrated utilities subject to rate regulation. It also offers fairly good disclosure of materials 
supporting the setting of rates going back a number of years. 


‐ Georgia. Georgia is the site of a new reactor currently under construction (Vogtle Units 3 and 4), 
and thus is a jurisdiction that has made a commitment to an expanding role for nuclear generation. 
It is also an example of a state where the electricity sector remains vertically integrated with a fully 
regulated investor-owned utility. As it happens, ownership of the nuclear power plants in the state 
is shared among a number of utilities that have different ownership structures, including electric 
membership co-operatives; this provides additional points of comparison.  


‐ Illinois and Pennsylvania. These states were included because they are the two top producers 
of nuclear power in the country.68 They also happen to be representative of states with open 
electricity markets and retail open access for individual consumers following deregulation. 


‐ Minnesota. Minnesota was of interest because the state retains vertically integrated utilities but 
is part of a competitive wholesale market.  Regulatory proceedings with respect to Northern States 
Power also provide a helpful overview of the evolution of rate recovery mechanisms over time.   


‐ North Carolina and South Carolina. These states are of interest because they are large nuclear 
power producers (both are in the top 5 states in terms of nuclear output) and, like Georgia, they 
retain vertically integrated market structures.  Along with Alabama, these are also among the top 
three rate regulated nuclear energy producing jurisdictions in the US. 


Of the 11 jurisdictions selected, eight contain vertically integrated utilities that are rate-regulated while 
two provide for full competition in retail commodity supply. 69 The remaining jurisdiction and entity 
(TVA) has the authority to set its own rates. The selected states include 10 of the top 15 states by 
nuclear output, for a total of approximately 59% of both US nuclear power production and total number 
of operating reactors as at December 2019.70, 71 Four of the five excluded top 15 states (New York, 


 
67 US NRC, 2019-2020 Information Digest, NUREG-1350, Volume 31, August 2019, p. 28. 
68 NRC, “Information Digest, 2019-2020” (NUREG-1350, Volume 31), p. 28. 
69 We have treated California as a regulated state although it offers some element of retail choice to large 
industrial customers and through community choice aggregation programs. Despite these programs, 
commodity supply is provided to most customers on a regulated basis, and hence we have characterized this 
jurisdiction as regulated in this summary discussion. 
70 TVA has been taken into account in this calculation by including production for Tennessee, where 2 of TVA’s 
3 reactors are located. TVA’s other nuclear power plant is located in Alabama, which was already the focus of 
our review in connection with Alabama Power. 
71 U.S. Energy Information Administration, U.S. Nuclear Generation and Generating Capacity, Data Released 
2020-11-30. 
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Texas, Michigan and New Jersey) operate in competitive electricity markets and have provided for 
the deregulation of commodity supply.  


Within each of the selected states, we looked at practices with respect to the recovery of nuclear 
decommissioning costs at one or more prevailing utilities within the state. 


Exhibit 7-1 - Summary of Nuclear Electricity Production by State72 


 
 


States known to have some form of customer choice or retail open access for at least a portion of 
their customer base are shown with blue highlighting in Exhibit 7-1. These states are potentially less 
directly comparable to Ontario; hence our selection of jurisdictions focused more on those states that 
retain market structures where regulated utilities retain responsibility for commodity supply. 


Additionally, we reviewed certain FERC precedents related to recovery of decommissioning costs in 
certain inter-state transactions involving nuclear utilities over which it as asserted authority. These 
were reviewed in Chapter 6.  


7.2 Key Findings – US Jurisdictions 
Overall, for the utilities and jurisdictions that we reviewed we found that the recovery of nuclear 
decommissioning costs for investor-owned utilities in the US is based on a forward-looking funding 


 
72 US NRC, 2019-2020 Information Digest, NUREG-1350, Volume 31, August 2019, p. 28. 


Nuclear Power Production By State


State
Nuclear Power 


Production State
Nuclear Power 


Production
GWh Included? GWh Included?


Illinois              97,191 1 Ohio              17,687 
Pennsylvania              83,199 1 Connecticut              16,499 
South Carolina              54,344 1 Louisiana              15,409 
Alabama              42,651 1 Maryland              15,106 
North Carolina              42,374 1 Minnesota              13,904 1
New York              42,167 Arkansas              12,691 
Texas              38,581 Kansas              10,647 
New Jersey              34,032 New Hampshire                9,990 
Georgia              33,708 1 Wisconsin                9,648 
Michigan              32,381 Missouri                8,304 
Arizona              32,340 1 Washington                8,128 
Tennessee              31,817 1 Mississippi                7,364 
Virginia              30,533 Nebraska                6,912 
Florida              29,146 1 Iowa                5,213 
California              17,901 1 Massachusetts                5,047 
Total US 804,914
Total - Case Studies 478,575 59.5%
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approach. Thus, collections from consumers are based on the funding that the utility needs to 
contribute to Nuclear Decommissioning Trusts (“NDTs”) to meet various regulators’ expectations with 
respect to funding adequacy. Rates are therefore not directly linked to accounting measurements of 
cost. Because we did not review practices at all investor-owned utilities, we cannot definitively state 
that a forward-looking funding approach is universal in the US. However, there is no reason to believe 
that the sample of utilities we selected was not representative of the other investor-owned utilities, as 
this sample was developed in order to capture a broad range of utility circumstances.  


For utilities that are self-regulated, including for TVA and some of the electric co-operatives that we 
reviewed, the basis of amounts for nuclear decommissioning included in rates is somewhat less clear. 
This reflects more limited disclosure with respect to how retail rates were derived.  


The use of a forward-looking funding approach by US utilities is consistent with the approach used 
by NRC for evaluating the adequacy of decommissioning funding arrangements. The NRC expects 
utilities to maintain NDTs and it evaluates the adequacy of current NDT balances, and expected future 
balances, based on assessments of expected future contributions and future investment returns. 


In this report, we will generally use the term “decommissioning expense” to mean amounts provided 
in rates in order to fund future nuclear decommissioning costs. These decommissioning expenses 
may not correspond to expenses recognized for accounting purposes, which comprise accretion of 
the ARO and depreciation of ARC. 
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8 Tennessee Valley Authority 
The Tennessee Valley Authority (“TVA”) is a “corporate agency and instrumentality” of the United 
States. It was created to, among others, improve navigation on the Tennessee River and to further 
the economic development of its service area. It is the largest public utility in the United States.73  


TVA is primarily a wholesale power supplier, selling power to local municipal utilities or co-operatives 
that in turn supply retail consumers. Its service area covers parts of Tennessee, Alabama, Mississippi, 
Kentucky, Georgia, North Carolina and Virginia. TVA’s contracts with local utilities require these 
utilities to purchase all of their power from TVA. TVA also serves a number of large end-use 
customers directly.  


TVA operates a total of seven nuclear units across three sites, with total capacity of 7,723 MW: 
Browns Ferry, Sequoyah and Watts Bar. The Sequoyah and Watts Bar plants are located in 
Tennessee and the Browns Ferry plan is located in Alabama. TVA’s most recent nuclear unit was 
placed in service in 2016 (at Watts Bar). TVA has made investments of approximately $475 million to 
add an estimated 465 MW of generating capacity at Browns Ferry in 2019.74 Additionally, the NRC 
issued an Early Site Permit to TVA in December 2019 to license small modular reactors at TVA’s 
Clinch River Site in Oak Ridge.75 TVA’s power plants account for the entire nuclear generation output 
in Tennessee, which is 8th out of 30 states in terms of the generation of nuclear power.76 


As TVA has the authority to set its own rates without regulatory oversight, our review focused on 
information provided in TVA’s publicly available annual report.  


8.1 Regulatory Regime 
TVA wholesale rates are established by the TVA Board, which has the sole responsibility for setting 
these rates. Rates are not subject to judicial review or approval by any state or federal regulatory 
body. Thus, neither the FERC nor state utility commissions provide oversight on rates charged. 


Under the Tennessee Valley Authority Act, TVA is required to charge rates for power that will produce 
gross revenues sufficient to provide funds for: 


‐ Operation, maintenance, and administration of its power system; 


‐ Payments to states and counties in lieu of taxes; 


‐ Debt service on outstanding indebtedness; 


‐ Payments to the US Treasury in repayment of and as a return on the government's appropriation 
investment in TVA's power facilities (the "Power Program Appropriation Investment")77; and 


‐ Such additional margin as the TVA Board may consider desirable for investment in power system 
assets, retirement of outstanding bonds, notes, or other evidences of indebtedness in advance of 
their maturity, additional reduction of the Power Program Appropriation Investment, and other 


 
73 Tennessee Valley Authority, Annual Report for Fiscal 2020, Form 10-K, pp. 8-12. 
74 Ibid, p. 68. 
75 Ibid, p. 13. 
76 U.S. Energy Information Administration, U.S. Nuclear Generation and Generating Capacity, Data Released 
2020-11-30. 
77 TVA has fulfilled its requirement to repay the US Treasury in respect of the Power Program Appropriation 
Investment, and so this category of expenditure no longer applies. 
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purposes connected with TVA’s power business, having due regard for the primary objectives of 
the Tennessee Valley Authority Act, including the objective that power shall be sold at rates as 
low as are feasible. 


TVA’s annual report notes that it uses a debt-service coverage (“DSC”) methodology “to derive annual 
revenue requirements in a manner similar to that used by other public power entities that also use 
the DSC rate methodology. Under the DSC methodology, rates are calculated so that an entity will 
be able to cover its operating costs and to satisfy its obligations to pay principal and interest on debt, 
plus an additional margin.”78 


8.2 Rate Recovery 
While we were unable to identify publicly available information directly setting out how TVA’s rates 
recover decommissioning costs, we believe, based on our review of TVA’s annual report, that the 
rates consider amounts being contributed to the TVA NDT, in a similar way to that used by state-
regulated utilities. 


In particular, TVA’s annual report indicate the following with respect to the regulatory asset related to 
nuclear decommissioning costs: 


“Nuclear decommissioning costs [deferred in the regulatory asset] include: (1) certain deferred 
charges related to the future closure and decommissioning of TVA’s nuclear generating units 
under the Nuclear Regulatory Commission ("NRC") requirements, (2) recognition of changes in 
the liability, (3) recognition of changes in the value of TVA's NDT, and (4) certain other deferred 
charges under the accounting rules for AROs. These future costs will be funded through a 
combination of the NDT, future earnings on the NDT, future earnings thereon. Deferred charges 
will be recovered in rates based on the analysis of expected expenditures, contributions, and 
investment earnings required to recover the decommissioning costs. […] There is not a specified 
recovery period; therefore, the regulatory asset is classified as long-term consistent with the NDT 
investments and ARO liability.”79 


Consistent with the above, the annual report notes that while realized and unrealized gains and losses 
on trading securities, including those held in the NDT, are recognized in current earnings, the gains 
and losses of the NDT are subsequently reclassified to a regulatory asset or liability account “in 
accordance with TVA’s regulatory accounting policy”.80 


The existence of a regulatory asset related to nuclear AROs and NDT suggest that TVA has collected 
less in rates to date for nuclear decommissioning than has been recognized, net of earnings of the 
NDT, for accounting purposes. Among other things, this may reflect both differences in the 
decommissioning cost estimates used for accounting versus rate-making purposes as well as 
differences between the discount rates used to calculate ARO values and the future rates of return 
assumed for investing funds collected through rates toward decommissioning. These differences 
appear to parallel those identified in the financial statements of state-regulated nuclear utility 
operators that recover decommissioning costs in line with NDT contributions and as such we believe 
it likely that a similar rate recovery method is followed by the TVA.  


 
78 Tennessee Valley Authority, Annual Report for Fiscal 2020, Form 10-K, p. 11. 
79 Ibid, p. 105. 
80 Ibid, p. 122. 
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8.3 Other Observations 


8.3.1 Decommissioning Cost Estimates  
TVA recognizes decommissioning obligations, including for nuclear power plants, in its annual report 
as an ARO in accordance with US GAAP, including any changes in underlying estimates and 
assumptions resulting in ARO revisions. A note in the TVA’s annual report indicates: 


“Revisions to the ARO estimates are made whenever factors indicate that the timing or amounts 
of estimated cash flows have changed. Any change to an ARO liability is recognized prospectively 
as an equivalent increase or decrease in the carrying value of the capitalized asset. Any accretion 
or depreciation expense related to these liabilities and assets is charged to a regulatory asset.”81 


Decommissioning cost estimates are updated for each nuclear unit at least every five years. 


Some key assumptions with respect to TVA’s estimates of nuclear decommissioning costs provided 
in their annual report include: 


‐ TVA uses expected inflation rates over the remaining timeframe until costs will be incurred to 
estimate future cash flow requirements. 


‐ The discount rate used to calculate resent value is TVA’s “incremental borrowing rate over a period 
consistent with the remaining timeframe until costs are expected to be incurred”.82 


‐ Cost estimates are based on site-specific studies.  


As at September 30, 2020, the ARO liability was valued at $3.3 billion and regulatory assets related 
to nuclear decommissioning ARO costs were $896 million. Thus, regulatory assets related to nuclear 
decommissioning were about one-quarter of nuclear AROs. The most recent update to the 
decommissioning cost estimates used for accounting purposes in September 2017 resulted in an 
increase of $250 million in nuclear AROs.83  


The TVA annual report notes that decommissioning costs reported to the NRC may vary from the 
$3.3 billion ARO value, which we believe gives rise, in part, to the TVA’s regulatory asset balance. It 
further explains: 


“Utilities that own and operate nuclear plants are required to use different procedures in 
calculating nuclear decommissioning costs under GAAP than those that are used in calculating 
nuclear decommissioning costs when reporting to the NRC. The two sets of procedures produce 
different estimates for the costs of decommissioning primarily because of differences in the 
underlying assumptions.”84 


Additionally, we noted that he TVA is currently assuming that the NDT will earn a real rate of return  
of 5%..85 This assumed rate appears higher than that used by many other utilities, even those with 
multi-asset investment portfolios.86 We note further that a 5% real rate of return is much higher than 


 
81 Tennessee Valley Authority, Annual Report for Fiscal 2020, Form 10-K, p. 74. 
82 Ibid, p. 75. 
83 Ibid, p. 109. 
84 Ibid, p. 146. 
85 Ibid, p. 36. 
86 According to the TVA’s financial statements, the TVA NDT has exposure to US equities, international 
equities, real estate investment trusts, high-yield debt, domestic debt, inflation-protected securities, 
commodities, and private real estate, private equity and absolute return strategies. 
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the 2% real rate of return generally allowed by NRC in the absence of approval for a higher rate by 
a utility regulatory authority. Since TVA regulates set its own rates, it is possible it is relying on its 
own regulatory authority in using a 5% real rate of return. 


The 5% real rate of return would be higher than the discount rate (based on TVA’s long-term 
borrowing costs) that TVA used to measure the value of its AROs. Differences in discount rate are 
likely a major contributing factor to the difference between the TVA’s accounting ARO and 
decommissioning funding obligations and therefore to the derivation of regulatory assets related to 
nuclear decommissioning costs. 
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9 Alabama 


9.1 Industry Structure 
The electricity sector in Alabama remains regulated, with vertically integrated utilities that supply 
power to captive customer bases. Retail open-access is not available. We reviewed one utility, 
Alabama Power, which owns one nuclear power plant in the state. TVA, which was reviewed in the 
prior Chapter, owns the other nuclear plant in Alabama. As noted earlier, TVA is not regulated by 
either state commissions or the FERC. 


Based on data from the Nuclear Energy Institute, nuclear electricity accounted for 31.4% of electricity 
generated in the state in 2019.87 Alabama was 5th out of 30 states in terms of the generation of nuclear 
power.88  


9.2 Alabama Power 
Alabama Power is an operating public utility company that owns and operates the Plant Farley nuclear 
plant in Alabama. Alabama Power itself is wholly-owned by Southern Company, an investor-owned 
holding company that owns utilities in Georgia, Alabama and Mississippi. Alabama Power’s sister 
company in Georgia (Georgia Power) also operates nuclear power plants and is discussed in Chapter 
13. 


9.2.1 Regulatory Regime 
Alabama Power is the only electric utility in Alabama that is under the jurisdiction of the Alabama 
Public Service Commission (“Alabama PSC”). Alabama PSC has implemented a formula rate-setting 
methodology through a mechanism known as the “Rate Stabilization and Equalization Factor” (or 
“Rate RSE”.) This provides for automatic rate adjustments for Alabama Power based on forward-
looking information, certain rules and on projected returns relative to allowed returns. The approach, 
which to our understanding has been in place since at least the early 1990s 89, appears to be designed 
to reduce administrative effort associated with regulatory processes. In support of this approach, 
Alabama PSC has noted: 


 “The Commission finds that the adoption of Rate RSE and the resulting reduction of the number 
of general retail rate increase requests filed by the Company, given the increased monitoring and 
auditing provisions of Rate RSE and these Rules, will increase the Commission's ability to fulfill 
its statutory duty to supervise the overall operation of the Company as provided in Title 37, Code 
of Alabama (1975) with appropriate representation of the consumer interest. The absence of 
lengthy and time-consuming hearings occasioned by major rate cases brought by this utility will 
provide a better opportunity for the Commission and its staff to effectively and closely monitor the 
Company's daily operations and to investigate regulatory matters which heretofore have 
remained unaddressed.” 


 
87 Nuclear Energy Institute, State Electricity Generation Fuel Shares. Updated August 2020.  
88 Including TVA’s production. U.S. Energy Information Administration, U.S. Nuclear Generation and 
Generating Capacity, Data Released 2020-11-30. 
89 See dates noted in paragraph 9 on page 5 of the Special Rules Governing Operation of Rates RSE and 
CNP, 6th Revision, September 20, 2013.  
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“The Commission finds that this increased supervision is essential to the proper implementation 
of Rate RSE, is essential to the protection of the Company's retail customers, and is a proper and 
necessary exercise of the Commission's statutory responsibilities. The Commission expressly 
acknowledges that its function is to regulate the Company, not to substitute its judgment for that 
of the Company's management, subject to the demonstration that the Company is honestly, 
economically and efficiently managed.”90 


As a result of the application of the Rate RSE mechanisms, there appear to have been no recent full 
rate hearings. Instead, the Rate RSE requires Alabama Power to participate in “informal meetings” 
with Commission staff, occurring on a scheduled day in December in advance of any rate adjustments 
taking place in January of the following rate year. Supporting information for a proposed rate increase 
must be provided by December 1.91 The RSE mechanism also provides for refunds to consumers if 
the company’s actual returns are above the allowed range in the prior year. The Rate RSE requires 
the completion of a number of forms that rely on costs reported according to the FERC Charts of 
Accounts.  


9.2.2 Rate Recovery 
While the absence of full rate hearings has resulted in an absence of regulatory filings that could 
directly identify how certain costs are recovered in rates, based on information presented in Southern 
Company’s annual report and regulations in respect of the Rate RSE, we conclude that Alabama 
Power uses a forward-looking NDT funding approach to determine amounts collected in rates for 
nuclear decommissioning (including spent fuel storage). 


In particular, Southern Company’s 2019 annual report notes, in the context of describing NRC funding 
requirements, that, for rate-making purposes, decommissioning costs for Alabama Power are based 
on the site specific study for the Farley plan (whereas costs for rate-making for Georgia Power, its 
sister company, are based on the NRC generic formula). It then goes on to make an explicit 
connection between rate-setting and NDT funding as follows: 


“For ratemaking purposes, Alabama Power’s decommissioning costs are based on the site 
study and Georgia Power’s decommissioning costs are based on the NRC generic estimate to 
decommission the radioactive portion of the facilities and the site study estimate for spent fuel 
management as of 2018. 


[…] 


“Amounts previously contributed to the [external trust] Funds for Plant Farley are currently 
projected to be adequate to meet the decommissioning obligations. Alabama Power will 
continue to provide site-specific estimates of the decommissioning costs and related 
projections of funds in the external trust to the Alabama PSC and, if necessary, would seek the 
Alabama PSC's approval to address any changes in a manner consistent with NRC and other 
applicable requirements.”92 


In indirect support of our conclusion that Alabama Power uses an NDT forward-looking funding 
approach to rate recovery, we also noted that regulations in respect of the Rate RSE state the 


 
90 Special Rules Governing Operation of Rates RSE and CNP, 6th Revision, September 20, 2013. p.1. 
91 Special Rules Governing Operation of Rates RSE and CNP, 6th Revision, September 20, 2013. p.2. 
92 Southern Company 2019 Annual Report, p. 151 
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following, which supports that accounting values related to nuclear decommissioning are not 
considered in ratemaking: 


“For purposes of Rate RSE, the capitalization of asset retirement costs shall be excluded from 
Account 101 (Electric Plant in Service) and the associated depreciation shall be excluded from 
Account 108 (Accumulated Provision for Depreciation of Electric Utility Plant) pursuant to 
Accounting for Asset Retirement Obligations.”93 


Also, a note in Southern Company’s annual report indicates that the NDT for Alabama Power currently 
has no additional funding requirements.94 Thus, no cash contributions are being made. Accordingly, 
given the removal noted above of ARO depreciation costs from RSE rate calculations, it appears that 
there is now no allowance in rates for decommissioning costs.95  


9.2.3 Other Observations 


9.2.3.1 Decommissioning Cost Estimates 
Alabama Power recognizes decommissioning obligations, including for nuclear power plants, in the 
annual report as an ARO in accordance with US GAAP. However, the value of the AROs and related 
regulatory assets is not broken down between nuclear and non-nuclear facilities in Southern 
Company’s annual report. According to the 2019 annual report, changes in cash flow estimates 
included, among others, an increase of about $300 million in the ARO as a result of an updated 
decommissioning cost site study for the Farley nuclear plant. 


In discussing NDT funding requirements, Southern Company’s annual report disclosures set out 
projected decommissioning costs for Alabama Power’s Farley nuclear plant as at December 31, 2019.  
These are summarized in Exhibit 9-1 below. The annual report indicates that these represent site 
study costs from the most current studies, which were performed in 2018 and indicate that Alabama 
Power uses costs from these site studies for ratemaking purposes.96   


 
93 Alabama Power, “Rate RSE – Rate Stabilization and Equalization Factor – Appendix B”, Seventh Revision, 
Effective Date June 1, 2018, Note (E): p. 5 of 5.  
94 Southern Company 2019 Annual Report, p. 83. 
95 The removal of accounting expenses related to AROs is consistent with FERC Order 631, as discussed 
earlier in Chapter 4. This Order indicated that public utilities that have formula rate tariffs must not include any 
cost components related to asset retirement obligations in their formula rate billing tariffs for automatic 
recovery without obtaining Commission approval. 
96 Southern Company 2019 Annual Report, p. 151. 
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Exhibit 9-197 – Alabama Power Projected Decommissioning Costs 


 
 


With respect to Alabama Power’s NDT rate of return assumption, we noted that although its NDT 
appears to have a relatively high proportion of investments in equities, as of 2018, Alabama Power 
uses a relatively conservative implied real rate of return of 2.39% to assess NDT contribution needs 
for ratemaking purposes,98 This implied return is nevertheless somewhat higher than the 2% allowed 
by the NRC for non-regulated utilities.  


 


9.2.3.2 Spent Fuel Disposal Costs 
According to Southern Company’s 2019 annual report, both Alabama Power and Georgia Power have 
filed lawsuits against the US government for the costs of continuing to store spent nuclear fuel as a 
result of US DOE failure to meet its 1998 target date for accepting such fuel. Unlike some other 
utilities examined, Southern had not received settlements in respect of these lawsuits as at the date 
of the annual report. The annual report indicates that any potential recoveries from these lawsuits are 
expected to be credited to customers and that no impact on net income is expected.99 


 


 
97 Southern Company 2019 Annual Report, p. 150. 
98 Southern Company 2019 Annual Report, p. 151. 
99 Southern Company 2019 Annual Report, p. 136. 


Projected Total Decommissioning Costs (2018$ Millions)


Radiated structures 1,234
Spent fuel management 387
Non-radiated structures 99
Total Site Study Costs 1,720
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10 Arizona 


10.1 Industry Structure 
The electricity power sector in Arizona is regulated by the Arizona Corporations Commission (“ACC”), 
which has jurisdiction over the rates charged by investor-owned utilities and by cooperatively owned 
utilities. Arizona Public Service (“APS”) is the largest investor-owned utility in the state.  


Customers in Arizona are also served by a variety of public power utilities, including the Salt River 
Project Agricultural Improvement and Power District (“SRP”). SRP is a self-governing public 
corporation established by the state.  


There is currently no retail open access in Arizona, although ACC is currently exploring measures for 
its implementation.100  


Arizona’s sole nuclear generating station is the Palo Verde Nuclear Generating Station (“Palo Verde”), 
the largest in the United States.  Palo Verde has an installed capacity of 3,900 MW and is operated 
by APS. Palo Verde’s ownership is shared among seven utilities spanning four states, including APS 
and SRP, as more fully explored in Chapter 11 covering California. We review APS and SRP as part 
of this Chapter.  


10.2 Arizona Public Service 
APS is a vertically-integrated utility that has the largest ownership share in Palo Verde and, as noted 
above, is the plant operator. APS is the principal subsidiary of Pinnacle West Capital Corporation 
(“Pinnacle West”), an investor-owned utility holding company based in Arizona. 


10.2.1 Regulatory Regime 
As noted above, the ACC has jurisdiction over rates charged by investor-owned utilities. Rates are 
set on a cost-of-service basis.  


10.2.2 Rate Recovery 
Our research indicates that regulated customer charges for the recovery of nuclear decommissioning 
are based on a forward-looking NDT funding approach. 


Nuclear decommissioning costs are recovered through a non-bypassable System Benefit Charge 
(“SBC”) paid by all APS retail customers. ACC implemented the use of SBCs as part of its preparation 
in the late 1990s for restructuring of the electric industry and the introduction of retail competition. 
The ACC saw the SBC as a mechanism that would allow it to continue to support environmental 
protection, renewable resource development, increased energy efficiency, low-income customer 


 
100 Retail choice was initially made available for customers of public power utilities following legislative changes 
in 1998 but it garnered limited customer uptake and was subsequently suspended (SRP Combined Financial 
Statements – 2019 and 2020). In 2018, the ACC voted to re-examine the facilitation of a deregulated electric 
retail market; a process to explore this initiative is currently in progress.  
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assistance and safe nuclear power plant decommissioning in a competitive market environment.101 
Although the move to retail competition stalled prior to being recently re-examined, the SBC has 
remained in place.  


While we were unable to definitively confirm this through our research, we believe that the nuclear 
decommissioning costs being recovered through the SBC are based on those amounts allowed for 
recovery in APS’ rate proceedings with the ACC. As such, we reviewed APS’ recent rate filings, in 
addition to Pinnacle West’s publicly available annual report as part of our research. We conclude that 
the decommissioning costs are currently included in APS’s rates on the basis of forward-looking NDT 
funding. 


In particular, we reviewed information pertaining to the APS rate case filed with the ACC in October 
2019, which requested a $184 million rate increase.102 The majority of the rate increase (57%) 
includes the recovery of costs associated with the Four Corners coal plant.103  We noted that the rate 
case refers to proposed funding levels for decommissioning of Palo Verde remaining unchanged, but 
with a different allocation of funding to each of the three units within the APS NDT.104  


The filing by APS documents a number of assumptions associated with its projections of NDT funding 
status, including the following:105 


‐ The assumed escalation rate for decommissioning costs is 4%. 


‐ After-tax earnings assumptions (nominal rate of return) vary from 3.39% to 4.63% (with earnings 
rates falling as license expiration nears and the asset allocation changes to provide a lower-risk 
profile). 


‐ An asset allocation of 60% stocks and 40% bonds in the period up to 5 years before license 
expiration, with an allocation of 100% bonds thereafter. 


In line with the NDT funding approach to rate recovery, Pinnacle West’s 2019 annual report notes the 
recognition of regulatory liabilities related to earnings on the trust balance: 


 “Because of the ability of APS to recover decommissioning costs in rates, and in accordance 
with regulatory treatment, APS has deferred realized and unrealized gains and losses (including 
other-than-temporary impairments) in other regulatory liabilities.”106 


 


 
101 National Renewable Energy Laboratory (NREL), State Approaches to the System Benefits Charge, July 
1997, p. 2. 
102 Hearings began in December 2019 and a final decision by the ACC is expected during the first half of 2021. 
103 Fitch Rates Arizona Public Service Co.'s $400MM Sr. Unsecured Green Bonds 'A'; Outlook Negative, Fitch 
Ratings Inc., September 8, 2020. 
104 Direct Testimony of Elizabeth A. Blankenship On Behalf of Arizona Public Service Company, Docket No. E-
01345A-19-0236 
105 Ibid, p. 23. 
106 Pinnacle West Capital Corporation 2019 Annual Report, p. 171. 
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10.2.3 Other Observations 


10.2.3.1 Decommissioning Cost Estimates 
Pinnacle West recognizes decommissioning obligations, including for Palo Verde, in the annual report 
as an ARO in accordance with US GAAP. In particular, the annual report notes that Pinnacle uses an 
expected cash flow approach to measure the amount recognized as an ARO, whereby it applies 
“probability weighting to discount red future cash flows scenarios that reflect a range of possible 
outcomes” considering the ultimate settlement of the ARO. The value of the AROs, and associated 
regulatory liabilities, however, is not broken down between nuclear and non-nuclear facilities.107  


Exhibit 10-1 below shows the total value of the AROs as at December 31, 2019.108 According to the 
2019 annual report, changes in estimated cash flows included, among others, an updated site study 
for Palo Verde, which resulted in a decrease to the ARO of $89 million, a decrease in plant in service 
of $80 million and a reduction in the regulatory liability of $9 million.109 


Exhibit 10-1 – ARO Values 


 
 


APS relies on an external sinking fund mechanism to meet NRC requirements for decommissioning 
its interests in the Palo Verde plant, pursuant to a Participation Agreement amongst the facility’s utility 
owners, as discussed in Chapter 11 on California. Pinnacle West’s 2019 annual report noted that: 


“based on the current nuclear decommissioning trust asset balances, site specific 
decommissioning cost studies, anticipated future contributions to the decommissioning trusts, 
and return projects on the asset portfolios over the expected remaining operating life of the facility, 
we are on track to meet the current site specific decommissioning costs for Palo Verde at the 
time the units are expected to be decommissioned”.110 


10.2.3.2 Spent Fuel Disposal Costs 
According to Pinnacle West’s 2019 annual report, APS and the US DOE entered into a settlement 
agreement which provides APS a method for submitting claims and getting recovery of costs related 
to the DOE’s failure to meet its statutory and contractual obligations regarding acceptance of spent 


 
107 Pinnacle West Capital Corporation 2019 Annual Report, p. 127. 
108 Pinnacle West Capital Corporation 2019 Annual Report, p. 153. 
109 Pinnacle West Capital Corporation 2019 Annual Report, p. 153. 
110 Pinnacle West Capital Corporation 2019 Annual Report, p. 8. 


Arizona Public Service - ARO - All Assets ($Millions)


2019
Opening Balance - Dec 31, 2018 726.5
Liabilities Settled (12.6)
Accretion 39.7
Change in Cash Flow  estimates (96.5)
Ending Balance - Dec 31, 2019 657.2
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nuclear fuel and high level waste. The amounts recovered are recorded as a regulatory liability, which 
is consistent with the treatment observed in other jurisdictions whereby such refunds are flowed back 
to customers. 


10.3 Salt River Project 
SRP is a publicly-owned utility. It operates a federal reclamation project that provides hydro-electric 
power and water irrigation services.  


SRP is one of the utilities with an ownership share in Palo Verde, which accounted for just under 15% 
of SRP’s power supply in 2020.111 


10.3.1 Regulatory Regime 
The Board of Directors of SRP has the power to set SRP’s electric rates, subject to some notice 
requirements. According to the SRP’s financial statements, SRP’s price plans include the following:  


‐ a base component to recover costs for generation, transmission, distribution, customer services, 
metering, meter reading, billing and collection, and SBCs that are not otherwise recovered through 
another component; and 


‐ a Fuel and Purchased Power Adjustment Mechanism implemented to adjust for increases or 
decreases in fuel costs. 


Similar to APS, SRP levies an SBC on its transmission and distribution customers to recover the 
costs of programs “benefiting the general public, such as discounted rates for low-income customers, 
energy efficiency and nuclear decommissioning, including the cost of spent fuel storage.”112 It appears 
that it is anticipated that the SBC will be less subject to bypass relative to base tariffs in the event that 
retail competition is introduced. In particular, a statement accompanying SRP’s recent bond issuance 
noted that SRP “anticipates being able to continue to collect decommissioning funds in a competitive 
generation market”.113  


10.3.2 Rate Recovery 
Because its electricity rates are not subject to oversight by ACC, there appears to be limited disclosure 
as to how SRP’s rates are established or of associated cost components.  This conclusion is based 
on our research of SRP’s financial statements and NRC filings made on its behalf, which did not yield 
sufficient insights to allow us to draw a definitive conclusion on the rate recovery treatment for 
decommissioning costs. 


We did note that SRP financial statements for Fiscal 2020 (year ending April 30th) include regulatory 
liabilities of $270.2 million for nuclear decommissioning, which are described as follows: 


“The nuclear decommissioning regulatory liability is any difference between current fiscal year 
costs and revenues associated with nuclear decommissioning and earnings (losses) on the NDT.   


 
111 Salt River Project, New Issue Revenue Bonds, October 1, 2020., p. 20. 
112 Salt River Project, Combined Financial Statements – 2019 and 2020, p. 20. 
113 Salt River Project, New Issue Revenue Bonds, October 1, 2020., p. 53. 
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Such amounts are deferred in accordingly in accordance with authoritative guidance for regulated 
enterprises and have no impact to SRP’s earnings.”114   


The financial statements also note that SRP’s base rates recover its share of on-site interim storage 
costs at the Palo Verde site as a component of the SBC. 


10.3.3 Other Observations 


10.3.3.1 Decommissioning Cost Estimates 
SRP recognizes decommissioning obligations (including for spent fuel storage) for its share of 
obligations for the Palo Verde nuclear power plant, in the financial statements as an ARO in 
accordance with US GAAP.   Similar to other utilities examined, SRP notes that:  


“Subsequent to the initial recognition, the liability is adjusted for any revisions to the estimated 
future cash flows associated with the ARO (with corresponding adjustments to utility plant), which 
can occur due to a number of factors, including but not limited to, cost escalation, changes in 
technology applicable to the assets to be retired, changes in federal, state and local regulations 
and changes to the estimated decommissioning dates the assets, as well as for the accretion of 
the liability due to the passage of time until the obligation is settled.” 


The value of the AROs is not broken out between nuclear and non-nuclear facilities.   


A 2017 filing with NRC shows that, in 2016, SRP contributed $426 million to funds for the 
decommissioning of Palo Verde. The filing further noted that these contributions were not then 
required to meet NRC tests for minimum financial assurance (based on the NRC minimum formula).  
NRC tests would be met with existing fund balances and taking into account a 2% real rate of return 
on these balances until the expected decommissioning dates.  Differences in decommissioning cost 
estimates between the minimum requirements and site specific estimates may have contributed to 
SRP’s decision to continue contributions to NDTs in this year.  The same NRC filing noted that site 
specific estimates for Palo Verde decommissioning costs were $1.963 billion (in 2013 dollars). Costs 
estimates based on the NRC formula, in comparison, were only $1.482 billion (in 2016 dollars).115 


 
114 Salt River Project, Combined Financial Statements – 2019 and 2020, p. 21. 
115 Arizona Public Service, Consolidated Decommissioning Funding Status Report, filed with US NRC, March 
31, 2017, pp. 3-5. 
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11 California 


11.1 Industry Structure 
California went through a process to open its electricity generation sector to market competition in 
1996. This process led to significant increased in wholesale electricity prices over 2000 and 2001, in 
part as a result of a drought in the US northwest that reduced the amount of hydroelectric power 
available. In parallel, a number of energy marketing companies engaged in aggressive trading 
practices that exacerbated supply shortages. As the market restructuring framework did not allow the 
monopoly transmission and distribution utilities to pass through higher electricity wholesale prices to 
their customers, these developments resulted in utility financial distress. This led to significant 
changes in market structure and the state government stepped in to sign power contracts directly. 


At the current time, large customers in the state can chose to procure electricity directly from the 
market. In addition, local communities have the option of setting up a Community Choice Aggregator 
(“CCA”), which has the right to procure power for those residents or businesses that do not elect to 
continue to receive electricity that is generated or procured by their utility. For other customers, utilities 
need to arrange for electricity supplies. 


The California Public Utility Commission (“CPUC”) regulates investor-owned utilities and, in this 
process, reviews and approves their arrangements for the supply of electricity to their retail 
customers, including from utility-owned generating assets. 


California currently has one operating nuclear plant, Diablo Canyon, which is owned by Pacific Gas 
and Electric Company. Based on data from NRC, nuclear electricity from Diablo Canyon’s two units 
accounted for 9% of electricity generated in the state in 2017.116 California was 17th out of 30 states 
in terms of the generation of nuclear power.117  


In addition, a number of utilities in California have ownership interests in, and receive power from 
nuclear units at the Palo Verde plant in Arizona. As discussed in the prior Chapter, Palo Verde is 
operated by Arizona Public Service Company.  


California also has a number of nuclear reactors that have been shut down and that have either been 
decommissioned or are awaiting decommissioning.118 


The Chapter on California reviews PG&E and one of California-based utilities that holds interests in 
Palo Verde, the Los Angeles Water and Power Department (“LAWPD”). LAWPD is the largest 
municipal utility in the United States. Additionally, we have included a separate section that describes 
the NDT funding approach for the jointly-owned Palo Verde. 


 
116 NRC, “Information Digest, 2019-2020” (NUREG-1350, Volume 31), p. 28. 
117  U.S. Energy Information Administration, U.S. Nuclear Generation and Generating Capacity, Data Released 
2020-11-30. 
118 These include: Humboldt Bay 3 – shut down in 1976, with decommissioning is in progress; Ranco Seco –
shut down in 1989, with decommissioning completed in 2009; Sanofre Unit 1 – shut down in 1992 and 
currently in safe storage status; Sanofre Units 2 & 3 – shut down in 2013, with decommissioning in progress 
(NRC, “Information Digest, 2019-2020” (NUREG-1350, Volume 31), p. 116-118). 
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11.2 Pacific Gas and Electric Company 
Pacific Gas and Electric Company is an electric utility that serves customers in northern and central 
California. PG&E filed for bankruptcy in January 2019 as a result of lawsuits stemming from the 
company’s role in wildfires that occurred in 2017 and 2018. Bankruptcy proceedings are not directly 
related to the company’s operation of its nuclear plants and we have not further reviewed these 
proceedings in the context of this report. 


PG&E supplies its retail customers with power through a combination of own generating facilities and 
power purchased from other suppliers under contract.  


In addition to Diablo Canyon, PG&E owns another nuclear plant, Humboldt Bay, which is no longer 
operating and is in the process of being decommissioned. 


11.2.1 Regulatory Regime 
The California Public Utilities Commission regulates PG&E’s rates. This includes oversight over 
recoveries for decommissioning costs by PG&E and other investor-owned utilities in California. CPUC 
has relied on triennial joint proceedings to review and approve the annual revenue requirements for 
decommissioning of nuclear power plants owned by subject California utilities. Thus, for example, a 
2010 decision approved in parallel the revenue requirements for decommissioning cost recovery for 
Southern California Edison Company (“SCE”), San Diego Gas & Electric (“:SDG&E), and PG&E. 119 
In addition to operating plants, the decision covered nuclear plants already out of service and 
California-based interests in Palo Verde. CPUC does not regulate municipally-owned utilities in 
California, some of which have ownership interests in Palo Verde.  


11.2.2 Rate Recovery  
Given the availability of data, our research focused on CPUC regulatory filings. Based on our 
research, we conclude that PG&E (and other investor-owned utilities in California) recover 
decommissioning costs based on a forward-looking NDT approach.  


For example, a forward-looking view of funding requirements for associated NDTs was used to 
establish the decommissioning revenue requirements in the 2010 CPUC decision on the above noted 
triennial joint proceeding. Key issues in the proceeding were the presumed reasonableness of cost 
estimates and estimated future returns on invested funds.   


In that proceeding, the CPUC refused to accept provisions of a settlement that would have created a 
presumption of reasonableness if actual decommissioning costs incurred were within the bounds of 
prior cost estimates. CPUC maintained that this provision would unduly restrict its ability to review the 
prudence of expenditures made.120 


CPUC noted that a presumption of reasonableness introduced major policy concerns, in particular, 
because of the unreliability of cost estimates.  It noted: 


 
119 California Public Utility Commission, Decision 10-07-047, July 29, 2010.  
120 California Public Utility Commission, Decision 10-07-047, July 29, 2010., p. 49.  
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“The fact there is wide agreement that cost estimates are opaque, inconsistent between utilities, 
and rely on disputed assumptions, underscores the limited reliability of an estimate even as 
decommissioning approaches.”121 


The CPUC therefore wanted to retain the ability to review decommissioning spending, even if actual 
costs were less than originally forecast.  This reflected a view that cost estimates may have been 
overly generous. Underspending was therefore not in itself proof that spending was prudent. Since 
decommissioning funds were collected from ratepayers, these ratepayers would benefit if costs could 
be reduced further. Hence, CPUC wanted to retain the ability to review prudence. 


In its 2010 decision, CPUC accepted settlement provisions related to assumed returns on trust funds 
for SCE and SDG&E (these provisions provided for a 8.75% pre-tax return for equity and a 4.2% 
post-tax return for debt.)122 The utilities had initially applied for contribution amounts based on lower 
assumed returns. 


11.2.3 Closure of Diablo Canyon 
We further reviewed the specific circumstances of the PG&E’s Diablo Canyon plant closure in the 
context of the rate recovery approach in place in California. 


PG&E had originally submitted applications to NRC for extensions of the operating licenses for the 
units at Diablo Canyon beyond 2024 and 2025, their original operating end dates. In 2016, however, 
the company proposed the shut-down of these units at the date of their license expiration.123  


The decision to close Diablo Canyon at the end of its existing license life has resulted in substantial 
increases in proposed rate allowances for decommissioning under the forward-looking NDT 
approach. Namely, in September 2019, PG&E proposed an increase in its annual revenue 
requirement related to decommissioning costs of $350.1 million, from $67.8 million to $417.9 
million.124 Circumstances related to this increase include the following: 


‐ Prior amounts for recovery had been based on a “unit cost factor methodology”, taking into account 
industry-wide assumptions intended only to provide estimates for financial planning purposes.125 
In contrast, the proposed amount was based on a site-specific decommissioning cost estimate 
triggered by the decision to forego the expected license renewal.. 


‐ PG&E had nearly $3.2 billion in its NDT but, as a result of the updated estimate and a shorter 
remaining lifespan for the facility, indicated that it needed approximately $1.6 billion more (in 2017 
dollars) to fully fund decommissioning activities.   


‐ Over the period 2003-2019, customer contributions to the NDT had been only $32.4 million in 
total.  


 
121 California Public Utility Commission, Decision 10-07-047, July 29, 2010., p. 49.  
122 Ibid, p. 46.  
123 Pacific Gas and Electric, Prepared Testimony – Retirement of Diablo Canyon Power Plant, Implementation 
of the Joint Proposal, and Recovery of Associated Costs Through Proposed Ratemaking Mechanisms, 
Application 16-08- , August 11, 2016, p. 1-2. 
124 Pacific Gas and Electric, Prepared Testimony – Revised – Volume 1, 2018 Nuclear Decommissioning Cost 
Triennial Proceeding, Application 18-12-008, September 17, 2019, Exhibit No: PGE-1, p. 11-2. 
125 We assume this refers to use of the NRC formula amounts. 
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Given that contributions to the NDT in respect of the Diablo Canyon plants were then near zero, 
PG&E proposed that customer contributions restart in 2020 and conclude at the end of 2025. It noted: 
“This will ensure that those customers who benefit from the clean, reliable and affordable energy 
produced by DCPP [Diablo Canyon Power Plant] will be responsible for supporting its 
decommissioning.”126 


In January, 2020, PGE and a number of interveners filed a joint-motion seeking approval of a 
settlement agreement. This settlement provides for a revised decommissioning cost estimate of $3.0 
billion, $0.9 billion less than originally requested by PG&E.127 The revised revenue requirement of 
$112.5 million annually would then be collected over an 8-year period (2020-2027), a slightly longer 
timeframe, resulting in a substantial reduction in required annual contributions relative to those initially 
proposed above. The settlement agreement has been opposed by at least one other intervener and 
the CPUC, as of the date of writing, had not yet issued a decision in the proceeding.  


This case study is an example of how a change in plant lifespan can significantly impact the rate 
recovery profile under the NDT funding approach and therefore impact intergenerational equity 
considerations. Additionally, it highlights the significant discretion that a state utility regulator has over 
the decommissioning cost estimates and therefore set-aside amounts to satisfy the NRC’s 
requirements.  


11.3 Los Angeles Department of Water and Power 
The Los Angeles Department of Water and Power is a Department of the City of Los Angeles that 
provides water and electricity to customers in the City of Los Angeles. LADWP is the largest municipal 
utility in the US, and unlike many municipal utilities, owns generation interests in addition to 
transmission and distribution. 


LADWP has a 5.7% ownership interest in the Palo Verde plant.  


11.3.1 Regulatory Regime 
LADWP self-regulates and has monopoly rights within its service territory and is not subject to CPUC 
oversight.128 The LADWP’s rates are determined by the Board of Water and Power Commissioners 
(“Board of Commissioners”) and subject to review and approval by the Los Angeles City Council. 


Like many public power utilities, LADWP’s does not set rates based on a target equity return and 
approved capital structure. Instead, LADWP’s sets rates to ensure that it can meet three financial 
targets: 


‐ Minimum debt service coverage ratio.  


‐ Days cash on hand.  


 
126 Pacific Gas and Electric, Prepared Testimony – Revised – Volume 1, 2018 Nuclear Decommissioning Cost 
Triennial Proceeding, Application 18-12-008, September 17, 2019, Exhibit No: PGE-1, p. 1-6. 
127 Pacific Gas and Electric et al, Joint Motion for Adoption of Settlement Agreement, Application 18-07-013 
and 18-12-008, Filed January 10, 2020, p. 8. 
128 Moody’s, Rating Action: Moody's assigns Aa2 to Los Angeles Department of Water and 
Power, CA's Power System Revenue Bonds, 2020 Series B; outlook negative, 09 Jun 2020, p.1.  
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‐ Maximum debt to capitalization ratio. 


LADWP sets rates on a five-year cycle. Base rates are set for each year within the period at the 
beginning of the cycle, with quarterly and annual adjustment factors subsequently applied to account 
for variations in variable energy costs during the period, in costs related to Renewable Portfolio 
Standard requirements, and to account for upgrades for reliability purposes. Beginning in 2020, 
LADWP was to move to a four-year rate setting cycle.129 


11.3.2 Rate Recovery 
As we were unable to identify publicly available information regarding LADWP’s approach to recovery 
of decommissioning costs through its self-regulated rates, we researched LADWP’s separately 
issued financial statements for its electric power operations. Based on this additional research, we 
believe that LADPW is using a forward-looking funding approach in setting its rates, as discussed 
below. 


As a government-owned entity, LADWP prepares its financial statements using Government 
Accounting Standards Board (“GASB”) standards, rather than FASB standards followed by investor-
owned utilities. GASB standards (Standard 83) require recognition of AROs similar to FASB 
standards, but this requirement is relatively recent. GASB issued Statement 83 in 2016 mandating 
the adoption of the ARO requirements for periods beginning after June 15, 2018. LADPW’s 2018-
2019 financial statements included a restatement of its 2018 financial position upon adoption of 
Standard 83.130 


Under GASB standards, when obligations for future expenditure are recognized as a liability, such as 
obligations for decommissioning, they are matched by the recognition of a “deferred outflow” on the 
asset side of the balance sheet. This is generally equivalent to asset retirement costs recorded as 
part of property, plant and equipment under FAS 143. As noted in the LADPW’s financial statements, 
“deferred outflows are amortized using the straight-line method  over the remaining useful life of the 
asset or lease term, if leased.”131 


 It appears that LADWP does not currently contribute to its NDT and has not for some time. In respect 
of reserve funds designated to meet NRC funding requirements, its 2018 financial statements note: 


“During fiscal year 2000, the Power System suspended contributing additional amounts to the 
reserve funds, as management believes that contributions made, combined with reinvested 
earnings, will be sufficient to fully fund the Power System’s share of decommissioning costs. The 
Power System will continue to reinvest its investment income into the decommissioning 
reserves.”132 


 
129 LADWP, Presentation to Investors – Power System Revenue Bonds 2019 Series D, December 3, 2019, pp. 
10-11. 
130 Under GASB 83, if a government entity has only a minority interest in a capital asset that is majority owned 
by another entity that reports under a different accounting standard, then the government entity should follow 
the other entity’s approach. It would thereby take its proportionate share of AROs recognized under the 
alternative standard. The requirement to defer to an alternative standard also applies when none of the joint 
owners of the facility has a majority interest but a non-government owner has operational responsibility for the 
facility. For LADPW, this latter case applies to Palo Verde. 
131 LADWP, 2019-2020 Power System Financial Statements, p. 31. 
132 LADWP, 2017-2018 Power System Financial Statements, p. 26. 
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As at June 30, 2018, the value of its restricted investments to meet NRC funding requirements for 
Palo Verde was $134.0 million. Up to that date, LADWP had accrued $154 million in expenses related 
to decommissioning and these amounts were recorded in accumulated depreciation in the 2018 
financial statements initially issued.  


Under the previous accounting standards, LADWP used the “negative salvage value’ method to 
account for decommissioning costs in depreciation expense. Upon adoption of Standard 83, 
LADWP recognized AROs totalling $281.2 million under the new standard at the end of 2018 as an 
additional non-current liability on its statement of net position.133 On the asset side of the balance 
sheet, the additional liability was matched by two adjustments: 


‐ Accumulated depreciation was reduced by $153.6 million. (The reduction in accumulated 
depreciation thereby resulted in an increase in the net book value of PPE by the same amount.) 


‐ A “deferred outflow” of $127.7 million was recognized in connection with the ARO. The deferred 
outflow will be amortized over the remaining operating life of the associated facilities. We believe 
this balance included any cumulative differences between amounts recovered through rates on a 
forward-looking funding basis and the net changes in the statement of net position related to the 
adoption of Standard 83.  


The various changes in accounting presentation did not have an impact on costs recovered from 
consumers in that year. 


This case study was instructive in that we were able to observe a recent case where, prior to adoption 
of ARO accounting requirements, the utility was recording decommissioning costs  through 
depreciation expense and accumulated depreciation. This is consistent with the discussion in Chapter 
4 on evolution of accounting practices, which highlighted that, just like LADPW did prior to adoption 
of Standard 83, many investor-owned regulated utilities reporting under FASB standard prior to FAS 
143 were using the “negative salvage value” method to account forthese obligations.  


11.4 Palo Verde Funding Plan 
As noted above, a number of utilities in California have ownership interests in the Palo Verde plant. 
Ownership of the facility is shared across utilities in four states, as summarized in Exhibit 11-1 below. 


 
133 Statement of net position is equivalent to the balance sheet statement under FASB. 
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Exhibit 11-1134 – Palo Verde Ownership Share 


 
 


Each individual utility owner maintains its own NDT related to its ownership in Palo Verde. 
Contributions by utilities to these NDTs are, however, governed by a Participation Agreement (or 
“Agreement”), which dates back to the plant’s opening. The Participation Agreement laid out a 
“Funding Curve” for each owner that defines a pre-established percentage funding commitment for 
each year through to the end of the plant life. The 2004 Funding Status report submitted to NRC 
noted: 


“Each Participant’s percentage funding commitment was based upon an analysis which 
incorporated the Participant’s individual business judgments (subject to regulatory approvals, as 
applicable) with respect to expected rates of fund investment earnings and escalation in total 
decommissioning costs. Every three years a new site specific decommissioning cost estimate is 
performed, and each participant applies the new cost estimate to its pre-established Funding 
Curve.” 135 


The Agreement provides a Funding Floor in addition to a Funding Curve. In the initial years the 
Funding Floor is 80% of the Funding Curve, but this differential narrows in later years, reaching 100% 
in the last 10 years of facility operation. 


The Agreement provides for minimum funding commitments. Utilities can decide to fund at a faster 
rate, perhaps because of a decision for a broader scope for its funding of the decommissioning 
process. For example, the utilities’ 2004 NRC submission notes: 


“Note that the cost estimates are in 2001 dollars and do not take into account the individual 
assumptions made by each Participant, which may result in the accumulation of funds based 
upon higher cost estimates (e.g., site-specific estimates that may include removal and disposal 
of spent nuclear fuel and non-radioactive structures).”136 


In our review of the 2004 filing, we noted that each utility had separate assumptions with respect to 
rates of return, cost escalation, and the inclusion of a contingency factor.  One utility (Southern 
California Edison) had assumed cost escalation rates that were higher than rates of return.  
Accordingly, its funding curve shows the required funding ratio exceeding 100% in the years leading 


 
134 U.S. Energy Information Administration, “Nuclear Reactor Ownership”. Released December 2019. 
Retrieved 2020-12-21 
135 Arizona Public Service Company et al, 2004 Decommissioning Funding Report – 10 CFR 50.75(f)(1), for 
the year ending December 31, 2004, p. 3. 
136 Ibid, p. 3. 


Palo Verde Ownership


Utility Company Service Territory Ownership Share
Arizona Public Service Company Arizona 19.1%
Salt River Power District Arizona 17.5%
El Paso Electric Texas/ New Mexico 15.8%
Southern California Edison California 15.8%
Public Service Company of New Mexico New Mexico 10.2%
Southern California Public Power Authority California 5.9%
Los Angeles Department of Water and Power California 5.7%
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up to decommissioning.  (More funds need to be accumulated to offset decreases in each year in the 
real value of initial fund balances in any year.)   


Overall, the Participation Agreement appears to be a structured way of ensuring that participating 
utilities meet the requirements of NRC funding assurance regulations, while allowing them to make 
individual decisions with respect to expected rates of cost escalation and fund returns. 
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12 Florida 


12.1 Industry Structure 
The electricity sector in Florida remains regulated, with vertically-integrated utilities that supply power 
to captive customer bases. Retail open-access is not available. We have reviewed developments at 
two utilities, Florida Power & Light (“FPL”) and Duke Energy Florida.  


FPL has two nuclear plants comprising all currently operating reactors in the state, each with two 
units: one at Turkey Point and another at St. Lucie. Duke Energy Florida operated a nuclear plant at 
Crystal River that has since been shut down.  


FPL is a subsidiary of NextEra Energy Inc.  Duke Energy Florida is a subsidiary of Duke Energy 
Corporation, a holding company that owns electricity utilities in North and South Carolina, Florida, 
Indiana, Kentucky and Ohio.  


Based on data from NRC, nuclear electricity accounted for 12% of electricity generated in the state 
in 2017.137 Florida was 13th out of 30 states in terms of the generation of nuclear power.138 


In this Chapter, we address the regulatory regime and rate recovery of nuclear decommissioning 
costs on a state-wide basis as they are consistent across both of the utilities reviewed. Given the 
accessibility of data, our review of Florida provided a useful opportunity to observe the historical 
evolution of the regulator’s approach to recovery of nuclear decommissioning costs, including the 
interaction with FAS 143 financial accounting requirements, in some detail. 


12.2 Regulatory Regime  
Electricity rates charged by Florida utilities are regulated by the Florida Public Service Commission 
(“Florida PSC”). Electricity rates are set through various rate-making mechanisms including base 
rates and cost recovery clauses. Base rates are based on cost-of-service methodologies which 
include a rate of return on rate base and are determined through rate proceedings or negotiated 
settlements of those proceedings. Cost recovery clauses are designed to permit recovery of certain 
costs and provide a return on certain assets allowed to be recovered through these clauses.  


12.3 Rate Recovery 
Based on our review of Florida PSC’s regulatory precedents, we conclude that the forward-looking 
NDT funding approach is in place for recovery of nuclear decommissioning costs (including spent fuel 
storage) by regulated utilities. 


We note in particular that, in 2001, Florida PSC adopted Rule 25-6.04365 that codified the 
Commission’s policies with respect to utilities’ recovery of nuclear decommissioning costs. The Rule 
requires that each utility file a site-specific nuclear decommissioning study at least once every five 
years and the study should provide: 


 
137 NRC, “Information Digest, 2019-2020” (NUREG-1350, Volume 31), p. 28. 
138 U.S. Energy Information Administration, U.S. Nuclear Generation and Generating Capacity, Data Released 
2020-11-30. 
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 “sufficient information to update cost estimates based on new developments, additional 
information, technological improvements, and forecasts; to reevaluate alternative methodologies; 
and to revise the annual accrual needed to recover the costs.”139 


Information required to be included as part of the study includes: 


‐ The assumed fund earnings rate, net of tax, used in the calculation of the decommissioning accrual 
and supporting documentation for the rate proposed. 


‐ The methodology and escalation rate used in converting current estimated decommissioning costs 
to future estimated costs. 


‐ Supporting “schedules, analyses, and data, including the contingency allowance, used in 
developing the decommissioning cost estimates and annual accruals proposed by the utility. 
Supporting schedules shall include the inflation and funding analyses.”140 


With respect to the assumed fund earnings rates in particular, a memorandum from Florida PSC staff 
in regard to FPL’s 2015 filing noted: 


“The fundamental purpose of the Commission’s review of the decommissioning study is to make 
sure there will be adequate funding on hand at the time the nuclear units are decommissioned. 
The assumed fund earnings rate should be conservative enough to avoid a situation whereby 
future customers are burdened by inadequate funding for decommissioning. However, an 
assumed fund earnings rate that is too conservative inappropriately burdens current customers 
with expenses to be incurred in the future. As such, a certain amount of judgment is necessary 
to determine a fair balance between generations of customers.”141 


12.3.1 Past Regulatory Orders – Treatment of FAS 143 and Other 
The above noted Rule 25-6.04365 was intended to codify practices that had been set in a number of 
earlier Orders, including in 1982, 1989 and 1995. In addition to providing additional context that led 
to the establishment of the current rate recovery method, these earlier Orders highlight the significant 
role that the Florida PSC’s rate recovery decisions have historically played in the determination of 
key elements impacting decommissioning funding levels. Highlights from these Orders are 
summarized below. 


Order 10987 – 1982 


Order No. 10987, issued in 1982, required the establishment of a funded reserve for the accumulation 
of the estimated costs of decommissioning for each nuclear unit operating in Florida. Prior to this 
Order, the costs of decommissioning were considered a component of the depreciation rate, 
consistent with how it was accounted for in the utilities’ financial statements. As reported in a 
subsequent 1995 Florida PSC decision, establishment of a funded reserve was prompted primarily 
by concerns over the amount of money necessary to decommission nuclear facilities and thus the 


 
139 Florida Public Service Commission, Order No. PSC-01-0096-FOF-EI, January 11, 2001, p. 2. 
140 Ibid, p. 5-6. 
141 Florida Public Service Commission, Memorandum from Higgins et al, May 26, 2016, Docket No. 150265-IE, 
pp. 11-12 of 18. 
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need to ensure the availability of sufficient funds at the time of decommissioning. Public health and 
safety issues also factored into the 1982 decision.142 


This Order also established the five-year cycle of review.  


Order 21928 – 1989 


In Order 21928, issued in 1989, Florida PSC deferred the policy decision of whether to include the 
costs of decommissioning “non-contaminated” items at a nuclear plant in the decommissioning 
allowance (although it allowed inclusion of these costs on a temporary basis pending further 
information).143 The PSC agreed with staff that a site-specific economic cost study should be 
performed by the utilities for each of their plants to determine if it would be cost justified to retain the 
non-contaminated portions of these plants for use with a new generating station. The outcome of 
these studies would then determine the general pattern for preparation of these studies. A subsequent 
order showed that each utility did identify some station assets that could be reused.144 However, we 
have not been able to identity the impact that this had on allowances in rates for decommissioning. 


In the 1989 Order, the Florida PSC addressed two important determinants of decommissioning 
funding levels – contingency factor included in the decommissioning cost estimate being funded and 
the projected fund earnings assumption. 


With respect to the decommissioning cost estimate, the Florida PSC accepted a contingency factor 
of 25% as a reasonable amount given the “complexity” of nuclear decommissioning activities. 


On the funding earnings assumptions, Florida PSC accepted company arguments against setting a 
minimum prospective fund earnings rate. However, it also indicated that it would require companies 
“to maintain the purchasing power as well as the principal amount” of funds contributed by rates. 
Thus: 


“The companies’ investment performance will be evaluated along with all other decommissioning 
activities every five years. If it is found that the companies’ investment earnings, net of taxes and 
all other administrative costs charged to the trust fund, did not meet or exceed the CPI average 
for the period, then we will consider ordering the utility to recover this shortfall with additional 
monies to keep the trust fund whole with respect to inflation.”145 


The Florida PSC then set the assumed fund earnings rate, net of taxes and all other administrative 
costs charged to the fund, at 5.27%. This was based on forecasts of the long-term average CPI over 
the next 25 years. Thus, the fund earnings rate was assumed to just equal inflation. 


Order 95-1531 – 1995 


In Order 95-1531, issued in 1995, Florida PSC confirmed its decision in Order 21928 that companies 
would be required, at a minimum, to maintain the purchasing power of funds contributed to NDTs (i.e. 
earn a return at least as high as CPI). It also noted, however, that Congress had eliminated certain 
investment restrictions for NDTs qualifying under IRS rules for tax-exempt status. These restrictions 


 
142 Florida Public Service Commission, Order No. PSC-95-1531-FOF-EI, Docket 941350-EI and 941352-EI, 
December 12, 1995, pp. 3-4. 
143 Florida Public Service Commission, Order No. 21928, Docket 870098-EI, September 21, 1989, p. 3. 
144 Florida Public Service Commission, Final Order No. PSC-92-0573-FOF-EI, Docket 910981-EI, June 26, 
1992, p. 1. 
145 Florida Public Service Commission, Order No. 21928, Docket 870098-EI, September 21, 1989, p. 5. 
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had previously limited investments for such NDTs to public debt securities and bank or credit union 
deposits. Florida PSC therefore accepted a proposal by Florida Power Corporation (“FPC”), now 
Duke Energy Florida, to use a forecast nominal fund earnings rate of 4.90%, which was the average 
of: 


‐ Forecast CPI over the next 25 years. 


‐ The expected long-term return, after expenses and taxes, of FPC’s NDT, as forecast by FPC’s 
trust fund consultant.146 


Florida Power and Light (“FPL”), the other utility whose funding proposals were under review, had 
proposed instead to continue the use of forecast CPI as the basis for its nominal earnings 
assumptions. FPL was required to adopt the 4.90% assumption from FPC. 


Other items addressed or noted in the Order included the following: 


‐ Recovery amounts (and therefore NDT contributions) needed to include provisions for the dry 
storage of spent nuclear fuel, given likely delays in the acceptance by the US DOE of such fuel.  
The two utilities had initially made different assumptions as to whether they would need to provide 
for dry fuel storage following the five-year cooling period in spent fuel pools. The Florida PSC 
instead required that both include provisions for dry fuel storage in their cost estimates, as it was 
concerned that failure to do so would result in funds being recovered later from consumers who 
had not benefited from the “low-cost nuclear generation”.147 The Florida PSC also noted that it had 
joined a lawsuit with 20 other state commissions seeking a declaration that DOE is obligated to 
accept spent nuclear fuel and high level radioactive waste, and that the DOE should develop a 
program to meet the 1998 deadline.  


‐ The Florida PSC accepted lower cost contingency allowances than in the 1989 decision, as these 
were based on specific factors applied to individual line items rather than on a global assumption 
applied to overall cost estimates. (The resulting weighted overall contingency factors were about 
17.0%). 


‐ Site-specific studies submitted in the proceeding had taken into account actual experience with 
decommissioning nuclear units and changes in methodologies for decommissioning.  


12.3.1.1 Treatment of FAS 143 
In 2003, the Florida PSC approved Rule 25-15.014, which addressed how utilities should account for 
asset retirement obligations under FAS 143. The provisions provided that “the application of FAS 143 
shall be revenue neutral in the rate making process.”148 Differences between expense amounts 
allowed by the Commission and expense amounts recognized under FAS 143 would therefore be 
recorded as regulatory assets or liabilities, as applicable. 


 
146 Florida Public Service Commission, Order No. PSC-95-1531-FOF-EI, Docket 941350-EI and 941352-EI, 
December 12, 1995, p. 13. 
147 Ibid, p. 10. 
148 Florida Public Service Commission, Order No. PSC-03-0906-FOF-PU, Docket 030304-PU, August 7th, 
2003, p. 2. 
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In circumstances where utilities are not required to establish an ARO, the rule provides that they 
should continue to include costs of removal in the calculation of depreciation expense and 
accumulated depreciation. 


A staff memorandum in support of the rule noted that it would ensure that the effect of FAS 143 on 
financial statements would be consistent for all companies and would “not alter earnings from what 
they would be without SFAS 143”.149 


We find this Rule indicative of the regulator’s decision to continue with the existing NDT funding 
approach to rate recovery, rather than adopt the new ARO accounting standard for ratemaking 
purposes. We noted similar decisions that were reached by regulators in Georgia, Minnesota, North 
Carolina and South Carolina.  


As discussed in Chapter 4, utilities who have been recovering decommissioning costs on this basis 
from the beginning are able to stay net income neutral upon recognition of AROs by recognizing the 
regulatory asset (or liability) in accordance with ASC 980 because, in the long run, they would be 
expected to recover the cost equivalent of the AROs on a funding basis.   


 
149 Florida Public Service Commission, Memorandum, Office of General Counsel, Docket 030304-PU, May 
22nd, 2003, p. 2. 
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13 Georgia 


13.1 Industry Structure 
The electricity sector in Georgia remains regulated, with vertically-integrated utilities that supply 
power to captive customer bases. Retail open-access is not available. We have reviewed two utilities, 
Georgia Power and Oglethorpe Power Corporation (“Oglethorpe”), which each have large ownership 
stakes in the two nuclear power plants in the state, Hatch and Vogtle.  


Georgia Power is the only investor-owned utility in the state and is fully regulated by the Georgia 
Public Service Commission (“Georgia PSC"). It serves 155 of 159 counties in Georgia. In addition to 
Georgia Power, there are 41 EMCs and 52 municipally-owned electric systems.150 Oglethorpe is an 
EMC. 


Based on data from NRC, nuclear electricity accounted for 42% of electricity generated in the state 
in 2017. 151 Georgia was 9th out of 30 states in terms of the generation of nuclear power in 2019.152  


13.2 Georgia Power 
Georgia Power is an investor-owned utility that operates and partly owns the Hatch and Vogtle 
nuclear plants. These plants are owned jointly with a number of other public utilities, including 
Oglethorpe.153 Georgia Power is wholly-owned by Southern Company, which owns utilities in 
Georgia, Alabama and Mississippi. Georgia Power’s sister company in Alabama (Alabama Power) 
also operates nuclear power plants and was reviewed in Chapter 9. 


Georgia Power is in the process of constructing Vogtle Units 3 and 4, which are the first new nuclear 
plants to be built in the US in 30 years. Georgia Power’s cost and schedule performance on the 
construction project has been the focus of investor and regulatory attention. We have not reviewed 
issues specific to Vogtle 3 and 4 as part of this study. 


13.2.1 Regulatory Regime 
As noted above, Georgia Power is fully regulated by the Georgia PSC. Georgia Power’s revenues 
from regulated retail operations are collected through various rate mechanisms subject to the 
oversight of the Georgia PSC. Georgia Power currently recovers its costs from the regulated retail 
business through an alternate rate plan (“ARP”), which includes traditional base tariffs, Demand-Side 
Management (“DSM”) tariffs, the ECCR tariff, and Municipal Franchise Fee (“MFF”) tariffs.  The ARP 
provides for the sharing of earnings above a cap with customers and for rate adjustments (subject to 
Georgia PSC approval) if projected earnings for a calendar year fall below a floor.154  


 
150 https://psc.ga.gov/utilities/electric/ 
151 NRC, “Information Digest, 2019-2020” (NUREG-1350, Volume 31), p. 28. 
152 U.S. Energy Information Administration, U.S. Nuclear Generation and Generating Capacity, Data Released 
2020-11-30. 
153 Smaller ownership stakes are held by the Municipal Electric Authority of Georgia (MEAG) and the City of 
Dalton. 
154 Southern Company’s 2019 Annual Report, p. 42. 
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Georgia Power typically files rate cases every three years with Georgia PSC. These rate cases 
determine the parameters of the subsequent ARP.   


13.2.2 Rate Recovery 
Based on information presented in Southern Company’s (“Southern”) annual report and regulations 
in respect of the ARP, we conclude that Georgia Power uses a forward-looking NDT funding approach 
to determine amounts collected in rates for nuclear decommissioning (including spent fuel storage). 


In the discussion that follows, we use information from Georgia Power’s 2019 rate filing and Southern 
Company’s annual report to illustrate key elements of a forward-looking funding structure in a 
ratemaking context, including the impact of site specific estimates versus NRC’s formula.  


Georgia Power’s 2019 rate application included a request for recovery of annual decommissioning 
costs based on proposed NDT funding requirements.   


The proposal was a reduction in the annual cost recovery compared to 2018 levels, as shown in 
Exhibit 13-1 below for each of the generating units (amounts are Georgia Power’s share). 


Exhibit 13-1 – 2019 ARP Proposed Decommissioning Expense155 


 
 


The proposed recovery levels were based on projected decommissioning costs and current NDT fund 
balances. Decommissioning costs at license expiration were based on escalating a 2018 cost 
estimate that included: 


‐ The NRC minimum funding values based on the NRC formula156 (See Exhibit 13-2) and  


 
155 Figures taken from Exhibit DPP-SPA-MBR-5, Schedule 4, from Georgia Power’s 2019 rate filing. 
156 As noted in Chapter 9, Alabama Power, Georgia Power’s sister company, uses site-specific estimates for 
rate-setting. The use of site-specific estimates versus the NRC formula for rate-setting purposes was considered 
in Georgia Power’s 2007 rate proceeding, discussed in a subsequent section. 
 


Change in Decommissioning Expense ($ Millions)


Cost at License Fund Balance            Annual Expense
Expiration 12/31/2018 Life (Yrs) Proposed Current Change


Plant Hatch
Unit 1 680                  280                     15 2.368             1.153             1.215          
Unit 2 759                  267                     19 0.467             2.375             (1.908)         
Total 1,439               547                     2.835 3.528 (0.693)


Plant Vogtle
Unit 1 763                  153                     28 1.502             1.001             0.501          
Unit 2 811                  172                     30 -                    0.8                 (0.827)         
Total 1,575               325                     1.502 1.828 (0.326)


Total 3,014               872                     4.338 5.356 (1.018)
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‐ An additional amount for interim storage costs related to spent fuel. (The costs to be incurred 
reflect expected delays in the US DOE acceptance of this spent fuel).  


In support of its proposal, Georgia Power’s rate filing included reports on projected total 
decommissioning costs (in 2018 dollars) submitted to the NRC in 2019. The escalation of cost 
estimates from 2018 dollars was performed using a composite escalation rate of 2.75%. Amounts 
included for spent fuel were taken from the site-specific estimates.157 Increase in minimum funding 
requirements over the 2017 NRC minimum values were due to the increase in escalation factors for 
2018 over 2017. 


The 2019 rate filing indicates that the proposed annual recovery amounts were calculated assuming 
a 4.75% nominal earnings rate and that they exclude provisions for site restoration. We note that the 
implied real rate of return of 2.00% is the maximum amount suggested under NRC guidelines.158 


Exhibit 13-2 shows NRC minimum funding requirement for Georgia Power in respect of its nuclear 
plants. (Values have been adjusted to account for Georgia Power’s ownership share.) As noted 
above, the values are produced using the NRC funding formula.  


Exhibit 13-2: NRC Minimum Decommissioning Funding Values 


 
 


For financial statement purposes, we note that Georgia Power’s AROs are based on site-specific 
estimates prepared by Georgia Power’s engineering consultants. Exhibit 13-3 below shows total 
projected decommissioning costs for Georgia Power’s nuclear plants, presented in 2018 dollars as at 
the date of decommissioning. (As Georgia Power shares ownership of the Vogtle and Hatch plants 
with a number of other utilities, the bottom portion of the Exhibit shows Georgia Power’s share of 
decommissioning costs.) 


 
157 Southern Company 2018 Annual Report, p. 143. 
158 In this comparison, we have calculated the real rate of return by simply subtracting escalation assumptions 
from the nominal expected return, rather than using a geometric calculation.  


Minimum Funding Requirement (2018$ Millions)


Vogtle Hatch Total
Unit 1 234 324
Unit 2 234 324
Total - Georgia Power Share 467 647 1,114
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Exhibit 13-3: Site-Specific Decommissioning Cost Estimates 


 
 


The $1.8 billion cost compares to the figure of $3.0 billion shown in Exhibit 13-1 earlier (taking the 
figure from Exhibit 13-3 that accounts for Georgia Power’s ownership share). Values differ because 
the figures in Exhibit 13-3 are in 2018 dollars, rather than nominal dollars at the time of 
decommissioning, and because Exhibit 13-3 does not include costs for spent fuel storage. 


As can be seen from Exhibit 13-2 and Exhibit 13-3, the NRC funding formula produces lower 
estimates for Georgia Power’s share: $1.114 billion across both plants compared to $1.8 billion based 
on more detailed site-specific analyses. As discussed in our review of US regulatory environment in 
Chapter 6, the NRC funding formula is not intended to be an estimate of actual decommissioning 
costs but, rather, a value that can be used as a “planning tool” in assessing the adequacy of funding 
amounts. This does illustrate, however, the substantial differences that can arise between the NDT 
funding requirement target (and therefore rate recovery) and the more representative site-specific 
cost estimates, which would be expected to, and in this case have informed the accounting AROs.  


13.2.2.1 Past Regulatory Orders – Treatment of FAS 143 and Other 
We have included a discussion with respect to Georgia Power’s past rate proceedings to provide a 
further example of how rate setting processes for nuclear decommissioning costs and corresponding 
NDT contribution amounts have evolved in practice.  


2004 Rate Filing – Treatment of FAS 143  


Georgia Power’s 2004 rate filing included the company’s proposal to address expenses related to the 
introduction of FAS 143. The company proposed to base allowances for nuclear decommissioning in 
rates on its site specific study and “not the higher FAS 143 estimates”. As a result: 


“The difference between amounts collected in rates for dismantlement and the FAS 143 dictated 
accretion/depreciation expense is deferred to a regulatory asset account in accordance with FAS, 
Accounting for the Effects of Certain Types of Regulation.”159 


This accounting treatment was not contested in the proceeding and was not over-turned in the final 
order.160 This outcome is broadly consistent with similar outcomes in Florida, Minnesota, North 


 
159 Georgia Power Company, Direct Testimony of Ron Hinson, Docket No. 18300-U, p. 12 of 29. 
160 Georgia PSC, Order - Georgia Power Company’s 2007 Rate Case, Docket 18300-U, December 11, 2004.  


Projected Total Decommissioning Costs (2018$ Millions)


Vogtle Hatch Total
Unit 1 889 926
Unit 2 953 994
Total - All Owners 1,843 1,920 3,763


Ownership Interest - Georgia Power 45.7% 50.1%


Unit 1 406 464
Unit 2 436 498
Total - Georgia Power Share 842 962 1,804
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Carolina and South Carolina, as discussed in the corresponding chapters. As noted elsewhere, the 
recognition of regulatory assets (or liabilities) in these circumstances requires that utilities expect to 
recover their ultimate ARO costs over the long-term through the forward-looking funding approach.  


2007 Rate Filing 


Georgia Power filed an initial rate application in 2007 that called for an annual decommissioning 
expense of $11.6 million.161 The allowed decommissioning expense was ultimately reduced to $3.5 
million. The reductions reflected the following changes: 


‐ Calculations were revised to cover only those activities required to meet minimum NRC 
decommissioning requirements. NRC does not require site restoration and, as a result, the 
Georgia PSC decided that allowances for Georgia Power should therefore exclude the costs for 
such restoration. 


‐ Costs for plant decommissioning were revised to reflect NRC funding minimums, rather than 
higher site-specific estimates that had been prepared by Georgia Power. One justification for using 
the lower NRC values was the anticipated life extension of the Vogtle plant, which was expected 
shortly thereafter, and which was expected to (and ultimately did) reduce required funding 
contributions.162 


Funding amounts did include provisions for spent nuclear fuel storage, which is not a cost that was 
covered by minimum NRC funding values.163  


This precedent further illustrates the significant discretion that US economic regulators exercise in 
determining the use of decommissioning cost estimates in setting NDT contributions and therefore 
rates. As noted in the earlier section of this Chapter, the difference between the NRC funding 
minimum cost estimate and the site-specific estimate is notable for Georgia Power. 


2013 Rate Filing 


In 2013, the Georgia PSC approved a settlement agreement, for 2013 ARP, setting rates for the next 
three years.164  


As part of the decision accepting the 2013 ARP, the Georgia PSC issued a Supplemental Order 
confirming a new level of annual decommissioning recovery amount for Georgia Power’s nuclear 
facilities. Positioned as an accounting order, the Order was intended to assist the company in 
receiving revised schedules of ruling amounts from the IRS. The total annual approved amount was 
$5.356 million, as summarized below in Exhibit 13-4. Amounts for spent fuel shown are to address 
additional storage costs as a result of delays by the US DOE in accepting this fuel.  


 
161 Georgia Power 2007 Rate Application, Docket 25060, Exhibit APD-8 
162 Will Jacobs, Direct Testimony on behalf of the Georgia Public Service Commission staff, Docket 25060-U, 
October 22, 2007, pp. 7-9. 
163 Georgia PSC, Order - Georgia Power Company’s 2007 Rate Case, Docket 25060, filed December 31, 
2007, p. 6. 
164 In 2016, the Georgia PSC approved another settlement agreement that provided for the extension of the 2013 
ARP through to 2019. 
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Supporting assumptions included a nominal investment earnings rate (after taxes) of 4.41% and an 
escalation rate of 2.41%.165 


Exhibit 13-4 – ARP Approved Decommissioning Expense 


 


13.3  Oglethorpe Power Corporation 
Oglethorpe is a Georgia EMC and is owned by 38 retail electric distribution cooperative members. 
Oglethorpe Power Corporation (“Oglethorpe”) has a 30% ownership interest in both the Hatch and 
Vogtle nuclear power plants operated by Georgia Power.  


As a cooperative, Oglethorpe is not subject to regulatory oversight of its rates. It has wholesale power 
contracts with its member owners and these contracts provide Oglethorpe with substantial discretion 
to pass costs through to its members. 


Oglethorpe falls into the category of public utilities generally referred to as Generation and 
Transmission (“G&T”) co-operatives. These typically provide wholesale power to groups of smaller 
rural electric co-operatives, which in turn provide power directly to retail consumers. G&T co-
operatives are often highly leveraged, with this leverage achieved on the strength of very strong 
wholesale power contracts. Oglethorpe’s 2018 annual report, for example, notes that its wholesale 
power contracts with members extend through to 2050 and have strong provisions with respect to 
cost pass-through.166 Oglethorpe reported an equity to total capitalization ratio of 9.2% for 2018, 
indicating a high reliance on debt funding. Oglethorpe member utilities, in contrast, have an equity to 
total capitalization ratio of 52%.167 


13.3.1 Regulatory Regime  
As noted above, Oglethorpe’s rates are not subject to oversight by the Georgia PSC. Instead, rate 
setting is governed by contractual arrangements, including with lenders. Rates are reviewed at least 
once a year.  


Oglethorpe’s 2019 annual report provides a description of its rate setting framework as follows: 


“We are required to revise our rates as necessary so that the revenues derived from our rates 
together with our revenues from all other sources, will be sufficient to pay all of the costs of our 


 
165 The Order indicates that the rate of after-tax earnings was estimated after taking into consideration the tax 
rate charged and the removal of investment restrictions as a result of the Energy Policy Act of 1992. (Georgia 
PSC, Supplemental Order, 23 December 2013, Docket 36989, Exhibit A) 
166 Oglethorpe Power Corporation, Form 10-K for the year ended December 31, 2018, p. 2. 
167 Oglethorpe Power Corporation, 4th Quarter and Year-End 2018 Investor Briefing, April 10, 2019, pp. 5 and 
19. 
 


Approved Decommissioning Expense - 2013 ARP ($ Millions)


Hatch 1 Hatch 2 Vogtle 1 Vogtle 1 Total
Decommissioning -          -              0.495         -            0.495             
Spent Fuel 1.153        2.375            0.506         0.827          4.861             
Total - Georgia Power 1.153        2.375            1.001         0.827          5.356             
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system, including the payment of principal and interest on our indebtedness, to provide for 
reasonable reserves and to meet all financial requirements.”168 


It also notes: 


“The formulary rate we established in the rate schedule to the wholesale power contracts employs 
a rate methodology under which all categories of costs are specifically separated as components 
of the formula to determine our revenue requirements.” 


Oglethorpe must provide notice of, and opportunity to object to, most changes to the formula rate 
made under its wholesale power contracts. This notice must be given to the Rural Utilities Service 
and the Department of Energy. Oglethorpe has loan agreements with each of these entities, in 
addition to other, private-sector lenders.169 The Rural Utilities Service exercises control and 
supervision of the rates of those of Oglethorpe’s member co-operatives that have loans with it. This 
requires these utilities to maintain minimum debt service and interest coverage ratios. 
The 2019 annual report describes the specific approach to rate setting followed by Oglethorpe based 
on the contractual arrangements with the lenders: 


 “Under the first mortgage indenture, we are required, subject to any necessary regulatory 
approval, to establish and collect rates which are reasonably expected, together with our other 
revenues, to yield a margin for interest ratio for each fiscal year equal to at least 1.10. The 
formulary rate is intended to provide for the collection of revenues which, together with revenues 
from all other sources, are equal to all costs and expenses we recorded, plus amounts necessary 
to achieve at least the minimum 1.10 margins for interest ratio.”170 


The margins for interest ratio is determined by dividing margins for interest by total interest charges 
on debt secured under Oglethorpe’s first mortgage indenture, where margins for interest includes, 
among others: 


‐ Net margins (after certain defined adjustments), plus 


‐ Interest charges on all indebtedness secured under Oglethorpe’s first mortgage indenture, plus 


‐ Any amount included in net margins for accruals for federal or state income taxes.  


Effectively, net margin is reported in Oglethorpe’s financial statements as an equivalent to net income 
for investor owned utilities.   


13.3.2 Rate Recovery 
While we were unable to identify publicly available information directly setting out how Oglethorpe’s 
rates recover decommissioning costs, we believe, based on Oglethorpe’s 2018 and 2019 annuals 
report, it is likely rates are based on forward looking funding, however, Oglethorpe’s funding target is 
not directly linked to funding requirements to comply with NRC regulations.  


 
168 Oglethorpe Power Corporation, Form 10-K for the year ended December 31, 2019, p. 3. 
169 The Rural Utilities Service is an agency of the US Department of Agriculture, and was originally established 
to provide financing for electric co-operatives. 
170 Oglethorpe Power Corporation, Form 10-K for the year ended December 31, 2019, p. 3. 
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We reviewed disclosures in the financial statements related to Oglethorpe’s regulatory asset and 
liability balances and noted the following in Oglethorpe’s annual report: 


“We apply the provision of regulated operations to nuclear decommissioning transactions such 
that collections and investment income (interest, dividends and realized gains and losses) of our 
nuclear decommissioning funds are compared to the associated decommissioning expenses with 
the difference deferred as regulatory asset or liability. As this difference is largely attributable to 
the timing of decommissioning fund earnings, the difference is recorded as an adjustment to 
investment income in our consolidated statements of revenues and expenses. Unrealized gains 
and losses of the decommissioning funds are recorded directly to the regulatory asset or liability 
for asset retirement obligations in accordance with our ratemaking treatment.”171 


Two of the three factors above are based on accounting definitions, namely, investment income on 
the nuclear decommissioning fund, and associated decommissioning expenses. The third factor, 
collections, would represent the cash received from rate payers. Collections would be determined 
from the rate-making process and we do not have clarity on how this amount is set. Although we note 
the following phrase: 


“Based on current funding and cost study estimates, we expect the current balances and 
anticipated investment earnings of our decommissioning fund assets to be sufficient to meet all 
of our future nuclear decommissioning costs. Notwithstanding the above assumption, our 
management believes that increases in cost estimates of decommissioning can be recovered in 
future rates.”172  


From this wording we understand that the collection amounts are likely derived from a forward looking 
funding requirement. 


From the annual report, we identified that the funding target is not directly linked to external funding 
requirements (i.e. NRC regulations), other than setting a minimum amount. The annual report 
indicates that Oglethorpe’s nuclear decommissioning fund balances are divided into external and 
internal: 


‐ External funds have been established to comply with NRC regulations. 


‐ Internal funds are unrestricted investments internally designated for nuclear decommissioning. 
They are available to be used to fund the external trust funds, should additional funding be 
required, as well as other decommissioning costs outside the scope of NRC funding regulations. 


Total fund balances were $623.5 million at the end of 2019. 


The annual report indicates that in 2018 and 2019, no additional amounts were contributed to the 
external trust funds.173 In each of those years, $4.75 million was contributed into the internal funds. 
In comparison, accretion expense of $32.9 and $38.5 million was recognized in each of these year’s 
respectively. 174  


 


 
171 Oglethorpe Power Corporation, Form 10-K for the year ended December 31, 2019, p. 74. 
172 Ibid, p. 76. 
173 Ibid, p. 73. 
174 Ibid, p. 72. 
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14 Illinois 


14.1 Industry Structure 
Similar to other states that have restructured their electricity sectors, consumers in Illinois have the 
ability to choose who supplies them with the electricity commodity. Transmission and distribution 
remain regulated monopolies, with rates set by the Illinois Commerce Commission (“ICC”).  


Distribution utilities have an obligation to supply electricity to those consumers who do not choose an 
alternative electricity supplier. This obligation is overseen by the Illinois Power Agency (“IPA”), an 
independent government agency established in 2007 to develop and manage a new electric supply 
procurement process for customers of regulated utilities. After overseeing the procurement of 
electricity supply, the IPA directs the utilities to enter into wholesale electric supply contracts of 
various duration to purchase electric supply from different sources.175  


Based on data from NRC, nuclear electricity accounted for 53% of electricity generated in the state 
in 2017. 176 Illinois was the top state in terms of the generation of nuclear power in 2019.177  


We have reviewed one electricity producer, Exelon Generation Company (“Exelon Generation” or 
“Genco”), which operates all of the 11 operating nuclear reactors in Illinois. As one of the sample 
states with deregulated generation, we focused our review on the transfer of responsibility for nuclear 
decommissioning costs from within a regulated model to a competitive market structure for electricity 
generation. 


An additional discussion of Exelon Generation is also found in Chapter 16 on Pennsylvania, where 
the company also owns a number of nuclear reactors. 


14.2 Exelon Generation 
Exelon Generation is a subsidiary of Exelon Corporation (“Exelon”) and is one of the largest 
competitive generators of electricity in the United States.178  


In Illinois, Commonwealth Edison Company (“ComEd”), a subsidiary of Exelon, functions as an 
energy delivery company. ComEd is a regulated transmission and distribution utility that provides 
electric service to more than four million customers across northern Illinois, or 70 percent of the state’s 
population.179 Prior to deregulation, ComEd also owned and operated the regulated nuclear 
generating assets in the state. 


ComEd’s parent company, Unicom, merged with PECO Energy Company (“PECO”), a Pennsylvania-
based utility, in October 2000.180 All of these entities are now part of Exelon. 


 
175 Plug-In Illinois, “Understanding the Utility’s Electric Supply Price”. Retrieved 23-11-2020 
176 NRC, “Information Digest, 2019-2020” (NUREG-1350, Volume 31), p. 28. 
177 U.S. Energy Information Administration, U.S. Nuclear Generation and Generating Capacity, Data Released 
2020-11-30. 
178 Exelon Corp, “About Exelon”. Retrieved 23-11-2020 
179 ComEd, “About Us”. Retrieved 23-11-2020 
180 Illinois Commerce Commission, Report to the General Assembly – as required by the Electric Service 
Customer Choice and Rate Relief Law of 1997, May 2004., p. 5. 
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14.3 Regulatory Regime 
As noted above, Illinois went through a restructuring process to introduce competition to the electricity 
generating sector. This process began in 1999. As a result, generation of electricity is not rate 
regulated and is subject to market prices. 


14.4 Rate Recovery 
Based on our review of the regulatory record, we conclude that the restructuring process in Illinois 
resulted in a gradual transition from an NDT funding approach that involved recovery of all projected 
costs from consumers of a vertically integrated utility, to recovery of a defined amount from consumers 
of a successor transmission and distribution utility, and finally to the recovery of all remaining future 
costs by a competitive generation company.  Hence, recovery mechanisms have moved over time to 
a purely market based approach.   


As part of the restructuring process in Illinois, ComEd transferred all of its nuclear electric generating 
assets, comprising 13 units in total at that time, to an affiliate, ultimately Genco. As part of this 
transaction, ComEd also entered into an agreement with Genco to purchase all of the power produced 
by these stations through 2004 at a rate defined as part of the restructuring process. In 2005 and 
2006, ComEd would be able to purchase power from Genco at market rates. After 2006, ComEd 
would obtain all of its supply from market sources.181 


The schedule of energy prices through to 2004 protected ComEd from any increases in energy prices 
attributable to increases in nuclear station operating costs, additional investments in station 
improvements, increases in market prices and energy, and deterioration in nuclear plant performance.  


On behalf of Genco, ComEd was permitted to recover $73 million in decommissioning costs (based 
on a forward-looking NTD funding approach)  in each of the years 2001 to 2004 through its regulated 
rates charged to consumers. For each of 2005 and 2006, ComEd could recover an amount equal to 
$73 million times the percentage of actual energy production purchased by ComEd in each year.  
Beyond 2006, ComEd waived any right to seek recovery of decommissioning costs from its retail 
consumers. Exelon Generation would therefore need to fund any NDT decommissioning contributions 
beyond 2007 through its revenues from the market.  


Other key elements of the agreement and associated ICC decision were as follows: 


‐ ComEd’s NDT funds were transferred to Genco.  


‐ To the extent that a trust fund established for any given plant had surplus funds remaining after 
the decommissioning of that plant, these funds would be returned to consumers (notwithstanding 
that the availability of any surplus funds would only become apparent well into the future). The 
ICC rejected ComEd’s initial request that surpluses only be returned to consumers after all 13 
plants were decommissioned (which would have allowed surpluses from any one plant to first be 
used to offset deficits at other plants). The ICC referenced specific provisions in governing 
legislation in making this determination.182  


‐ ComEd sought to include non-radiological decommissioning costs (i.e. site restoration costs) in 
amounts to be recovered from consumers. The ICC rejected this inclusion, on the grounds that 


 
181 Illinois Commerce Commission, Order, Docket 00-0361, p. 3. 
182 Ibid, pp. 38-39. 
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there is no NRC statutory requirement for site restoration. Also, while ComEd promised to perform 
non-radiological decommissioning activity, there was no guarantee that it would use trust fund 
amounts for that purpose.183 


‐ The amount of $73 million to be collected annually from consumers through 2006, per above, 
reflected reductions to account for a possible life extension of some of the units. (Life extension 
would allow additional time for trust fund amounts to accumulate earnings.) At the time of the 
decision, an application for life extension of some of the units was before the NRC. 


 
183 Illinois Commerce Commission, Order, Docket 00-0361, p. 18. 
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15 Minnesota 


15.1 Industry Structure 
Minnesota falls within the territory of the Midcontinent Independent System Operator (“MISO”), which 
operates a competitive wholesale electricity market and offers open-access transmission service. 
Accordingly, utilities in Minnesota have access to a robust wholesale electricity market. 


The state, however, has not mandated retail open access. Accordingly, the major utilities in the state 
continue to be responsible for providing commodity electricity to their customers and operate on a 
vertically-integrated basis. Hence, Minnesota represents a state that is a hybrid model in terms of the 
extent of open-market competition. The Minnesota Public Utilities Commission (“Minnesota PUC”) is 
the state utility regulatory agency. 


Based on data from NRC, nuclear electricity accounted for 24% of electricity generated in the state 
in 2017.184  Minnesota was 18th out of 30 states in terms of the generation of nuclear power in 2019.185 


We have reviewed developments at one major utility, Northern States Power Company (“NSPC”), 
which operates the three nuclear units in Minnesota – two at the Prairie Island generating station and 
one at the Monticello generating station.  


Given the availability of information, similar to Florida, our review includes additional details on the 
historical context for the current recovery methodology, including the regulator’s response to the 
introduction of FAS 143 requirements for AROs. 


15.2 Northern States Power Company 
NSPC is a vertically integrated utility that supplies power to consumers in Minnesota, North Dakota 
and South Dakota. It is a subsidiary of Xcel Energy (“Xcel”), a publicly traded utility holding company 
with operations across multiple states.  


15.2.1 Regulatory Regime 
As an investor-owned utility, NPSC’s rates are established by the Minnesota PUC. The rates change 
either through a general rate case or a rate rider, typically on a cost of service basis. Rates are set to 
allow for recovery of prudently incurred operating expenses and a regulated return on the utility’s rate 
base. 


15.2.2 Rate Recovery 
As part of our research, we reviewed NSPC’s publicly available financial statements and its regulatory 
filings with the Minnesota PUC. Based on this, we conclude that, similar to other regulated investor 
owned utilities reviewed in the US, NSCP uses a forward-looking NDT funding approach to determine 
collections for nuclear decommissioning costs (including for spent fuel storage) in rates. 


 
184 NRC, “Information Digest, 2019-2020” (NUREG-1350, Volume 31), p. 28. 
185 U.S. Energy Information Administration, U.S. Nuclear Generation and Generating Capacity, Data Released 
2020-11-30. 
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NSPC’s Annual Report states specifically that: 


“For ratemaking purposes, NSP-Minnesota recovers regulator-approved decommissioning costs 
of its nuclear power plants over each facility’s expected service life, typically based on the triennial 
decommissioning studies. The studies consider estimated future costs of decommissioning and 
the market value of investments in trust funds and recommend annual funding amounts. Amounts 
collected in rates are deposited in the trust funds. For financial reporting purposes, NSP-
Minnesota accounts for nuclear decommissioning as an ARO.”186 


Subsection 15.2.3.1, later in this Chapter, summarizes the company’s reconciliation between 
amounts determined for rate-making purposes and costs reported in accordance with US GAAP.  


NSPC’s most triennial review of decommissioning cost recovery with the Minnesota PUC covered 
the period 2019-2021. A review of the record for the proceeding confirmed the use of the forward-
looking NDT funding approach as the basis for recovery. Some of the highlights of the proceeding 
are discussed below.  


15.2.2.1 Recent Decommissioning Review 
In the most recent triennial proceeding for decommissioning costs, the Minnesota Department of 
Commerce (“MDOC”) had recommended an increase in the annual recovery amount from $14.0 
million to $45.6 million based on the fact that many scenarios that had been presented by the utility 
in its application could lead to a requirement to increase contribution accrual amounts.187   


‐ In its reply argument, however, Xcel noted a number of uncertainties in the amounts that would 
actually be required, which could result in required collections being lower than suggested by the 
MDOC:188Refunds from US DOE related to delays in accepting spent fuel may continue in the 
future, and  this could offset additional spent fuel storage costs that had been provided for in the 
recommended decommissioning allowances.189  


‐ Utilities are generally moving to the SAFSTOR decommissioning option, which defers 
decommissioning procedures and allows for additional investment returns on the trust funds. The 
recommended increases had assumed the use of the DECON method, consistent with past 
calculations.190 


 
186 Northern States Power, 2019 Annual Report (10-K), Page 29 
187 Xcel Energy, Reply Comments, 2019-2021 Triennial Nuclear Decommissioning Study and Assumptions, 
Docket No. E002/M-17-828, p. 4.  
188 Ibid, p. 4.  
189 In 2018, Xcel had received its ninth settlement payment from the US DOE in respect of damages associated 
with delays in accepting spent fuel, in the amount of $15.4 million, of which $11.3 million was allocated to 
consumers in NSPC’s Minnesota jurisdiction. (The balance was allocated to consumers in other states.) The 
settlement payment was deposited in an external interest-bearing account. (Minnesota Public Utilities 
Commission, Order Approving Compliance Filing and Authorizing Ninth Department of Energy Settlement 
Refund in Conjunction with TCJA Refund, Dockets E-002/M-15-1089 and E-002/M-178-828, p. 2.) 
190 The DECON method assumes that decommissioning begins shortly after the end of operations, while 
SAFSTOR method involves putting the reactor in a shut-down state for a number of years before 
decommissioning activities begin. This reduces radiation levels, reducing real expenditures, and defers the 
timing of these expenditures. 
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‐ There is increased use of third-party contractors to undertake decommissioning tasks, and this 
has led to efficiencies that reduce the overall costs of decommissioning. 


In recognition of these trends, Xcel proposed to continue the previously approved annual accrual of 
$14.0 million, rather than increase it per to the MDOC’s recommendation, until its 2019 Integrated 
Resource Plan (“IRP”) was resolved.  


Xcel also proposed that the Minnesota PUC permit NSPC to hold its recent US DOE settlement 
payments in an interest bearing account until its 2019 IRP was resolved, at which time a decision 
could be made to apply the amount to the NDT or then issue a refund to consumers.191 (Prior 
settlement amounts received from the US DOE had been distributed as refunds to consumers.) 


Ultimately, the Minnesota PUC approved an increase in the annual decommissioning accrual to $44.4 
million, thereby largely accepting the MDOC’s initial recommendation. However, rather than accept a 
parallel recommendation from the MDOC to use settlement refunds to reduce the increase in the 
decommissioning recovery amounts, the Minnesota PUC ordered these funds to be refunded to 
consumers.192  


In support of its decision to increase accrual amounts, the Minnesota PUC noted that this was the 
most “conservative and reasonable approach”. It also noted that if the next decommissioning study 
did result in a lower accrual, this could then be used to offset the impact of any rate increases.  


The 2019 NSPC annual report noted, however, that the Minnesota PUC “verbally approved” a delay 
in NSPC-Minnesota’s increase in the annual funding requirement to 2021.193 


The positions taken by the parties in this proceeding once again highlight the broad discretion and 
judgment that a state regulator such as the Minnesota PUC has in setting the decommissioning cost 
estimate for external funding requirements (and therefore recovery amounts) within the NRC’s 
framework. The case also highlights the degree of conservatism that may be adopted by economic 
regulators on the issues of decommissioning. 


15.2.2.2 Past Regulatory Orders Treatment of FAS 143 and Other 
Policies in Minnesota for the recovery and funding of decommissioning costs have evolved over time. 
Similar to Florida, availability of information has allowed us to trace this evolution through a review of 
regulatory decisions for NSPC dating back to 1978. We believe that, given the inherently long 
timeframes for nuclear decommissioning impacts, the historical review is helpful to contextualizing 
the present day application of the recovery methodology.  


Docket No. E-002/D-77-1086A 


In 1978, the Minnesota PUC approved depreciation rates for NSPC, including for its nuclear plants. 
These rates took into account estimated costs of decommissioning equal to 10% of the plants’ initial 
installation costs. The resulting decommissioning cost of $56 million was treated as a negative net 
salvage value and recovered through straight-line depreciation, consistent with financial accounting 


 
191 Xcel Energy, Reply Comments, 2019-2021 Triennial Nuclear Decommissioning Study and Assumptions, 
Docket No. E002/M-17-828, p. 12.  
192 Minnesota Public Utilities Commission, Order Approving Decommissioning Study, Decommissioning 
Accrual and Taking Other Action, Docket No. E-002/M-178-828, January 7, 2019, p. 3 and p. 11. 
193 Northern States Power Company, 2019 Annual Report (Form 10-K), p. 48. 
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treatment.194 This cost recovery approach has been referred to as the use of a “straight line internal 
fund”.  We note that this approach parallels our historical findings on the early approach in use in 
Florida. 
Subsequently, the Minnesota PUC ordered NSPC to review the issue of nuclear plant 
decommissioning costs, discuss alternatives for recovery, and to recommend a preferred approach. 
A contributing factor to this review was concern over the appropriateness of the proposed cost 
amounts. 


Docket No. E-002/D-79-956 


In Docket No. E-002/D-79-956, initiated in 1980, evidence prepared by an external consultant forecast 
nuclear decommissioning costs for NSPC’s three nuclear units at $760 million, significantly higher 
than under the original simplified net salvage approach.195 


In the proceeding, two alternatives to the net salvage value approach were proposed for the recovery 
of these costs: these were the use of either an internal or external sinking fund. 


With an external sinking fund, annuity payments over time would be calculated such that, along with 
earnings generated, they would equal future estimated decommissioning costs at the time of 
decommissioning. The charge to customers would then be set at the annuity payment. 


An internal sinking fund would be similar, but revenues generated are invested in the utility’s plant 
assets, rather than marketable securities, thereby reducing the utility’s need to secure outside capital 
funding.  


Effectively, an internal sinking fund would entail determination of the annuity amounts to be recovered 
using a future earnings rate based on the utility’s return on equity. 


As noted by the Minnesota PUC in its findings: 


“If the internal fund has an assumed earnings rate equal to NSPC’s after-tax rate of return, the 
annual revenue requirements would be levelized. These facilities and equipment could serve as 
collateral for mortgage bonds to generate the necessary funds at the time of decommissioning.” 


196 


To select between these alternatives, NSPC suggested four criteria: 


‐ Assurance of fund availability. The degree of certainty that funds will be available when required. 


‐ Economic cost. The present value of the associated revenue requirement over a facility’s service 
life. 


‐ Fairness of Customers. Whether costs are paid by those who benefit.  


‐ Adaptability to Change. The ability of the approach to incorporate new and revised information 
without causing disruption in the costs to customers. (This criterion thus is “intertwining partially” 
with fairness.) 


 
194 Minnesota PUC, Findings of Fact, Conclusions of Law and Order, Docket No. E-002/D-79-956, February 
26, 1981, p. 1.  
195 Ibid, p. 4.  
196 Ibid, p. 4.  


Filed: 2020-12-31 
EB-2020-0290 
Exhibit C2-1-1 
Attachment 2 


Page 107 of 181







 


OPG_Report - December 31, 2020 


Ontario Power Generation 
Nuclear Liability Cost Recovery Jurisdictional Study 
 DOCPROPERTY "KISHdrInfoA"  


100 


Some participants questioned the ability of an internal sinking fund to provide assurance of fund 
availability. An internal fund is dependent on the financial health of the utility at the time that 
decommissioning costs occur: the utility, for example, may be vulnerable to financial collapse in the 
event of a catastrophic accident. 


‐ Based on our review of the record, the key benefit identified for an internal fund relative to an 
external fund was cost: which was lower, on a present value basis, for the internal fund.197 This 
reflected the fact that internal funds had a high implied after-tax earnings rate and external fund 
earnings were then taxable.   


In its Order on the proceeding, the Minnesota PUC ruled in favour of the internal sinking fund. The 
Order noted that: 


“the cost associated with an external sinking fund, due to the prevailing interpretation of present 
federal tax provisions, is of such a magnitude that it exceeds the benefit of greater fund assurance 
which might be provided by an external sinking fund.”198 


The Minnesota PUC also requested NSPC that seek an IRS ruling to obtain more favourable tax 
treatments for an external fund.199  


Docket No. E-002/D-90-184 


In July 1990, the NRC imposed the requirement for nuclear operators to invest specified percentages 
of anticipated decommissioning costs in external funds.200,  The Order issued in Docket No. E-002/D-
90-184 addressed, among other things, the implications of this new NRC requirement. 


In the proceeding, NSPC provided a new cost estimate for decommissioning its nuclear plants of 
$630 million in then current dollars for the years 2010 through 2020. This was based on a site-specific 
estimate. In parallel, new NRC rules required NSPC to put in place external funds that would 
accumulate $351 million in funding based on the NRC minimum formula. Accordingly, NSPC applied 
to establish such external funding arrangements on a typical annuity basis.  Although allocating funds 
to external trusts represented a shift from the internal funds that had previously been approved, there 
was no change in the general approach such that the decommissioning funding requirement would 
be recovered from ratepayers in equal installments over the facilities’ lifespan. 


Of interest, Minnesota Energy Consumers (“MEC”), an intervenor group proposed an alternate 
contribution profile to reach the ultimate decommissioning funding target. Instead of a traditional 
annuity approach that uses equal installments over the funding period (even-pay basis), MEC 
proposed to set the contribution based on estimated decommissioning costs in current dollars, 
excluding future assumed escalation and investment earnings.  The annual accrual would be 
calculated by taking the current funding shortfall (equal to estimated costs in current dollars less funds 
accumulated to date) and dividing by the number of the remaining years of service life. The funding 


 
197 Minnesota PUC, Findings of Fact, Conclusions of Law and Order, Docket No. E-002/D-79-956, February 
26, 1981, p. 6.  
198 Ibid, p. 8.  
199 At the time, decommissioning accruals were treated as income when received but the external fund 
contributions were not deductible.  Additional, external fund earnings were taxable. 
200 Minnesota PUC, Order Determining Decommissioning Costs, Approving Cost Recovery Procedures, and 
Establishing Future Filing Requirements, Docket No. E-002/D-90-184, February 25, 1991, p. 8.  
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target and therefore future contributions amount would then be subject to periodic adjustments for 
the inflation that had occurred since the prior review.201  


The Minnesota PUC characterized differences in the approaches as follows: 


“The Company’s method requires present ratepayers to pay rates including an allowance for 
future inflation. MEC’s method requires future ratepayers to pay rates including an allowance for 
past inflation.”202 


The Minnesota PUC went on to support NSPC’s proposed approach, noting: 


“The Commission finds that the Company's method is consistent with traditional regulatory 
practice, provides greater intergenerational equity, and constitutes sounder regulatory policy.” 


“First of all, collecting total projected costs on an even-pay basis is standard regulatory treatment 
of depreciation expense, including the negative salvage component of depreciation of which 
nuclear decommissioning is an example. Regulatory bodies traditionally allow utilities to recover 
depreciation in equal installments, even though, given inflation, early ratepayers will pay more in 
real dollars than later ratepayers. This is acceptable in large part because the utility business is 
so capital intensive, utilities regularly make expensive, long term capital investments subject to 
recovery through depreciation. Therefore, the same ratepayers who are paying full freight for 
recent capital improvements are benefitting from similar payments made in the past for older 
plants still in use.”203 


The Minnesota PUC also noted: 


“The Commission does not believe nuclear decommissioning expenses are so unique as to justify 
a departure from standard regulatory practice. Neither the amount of money nor the time frame 
is extraordinary in the utility context. The unusual thing about these expenses is that they will be 
incurred in the future. There is therefore some uncertainty about their amount. There is no reason, 
however, for the burden of that uncertainty to fall more heavily on either present or future 
ratepayers. The most reasonable approach is to proceed with the best information available and 
to review cost projections regularly so that any necessary adjustments can be made promptly. 


Furthermore, it appears that MEC’s proposal would provide less intergenerational equity than 
standard depreciation procedures. According to the Nuclear Regulatory Commission, inflation 
rates for nuclear decommissioning activities will exceed general inflation rates for the foreseeable 
future. This means that adjusting for inflation after the fact would quite likely shift a significant 
portion of the cost of inflation from present to future ratepayers.”204 


On balance, the Minnesota PUC decision appears to demonstrate a preference for cautious 
conservatism by a utility commission on issues related to decommissioning.  Specifically, the case 
study highlights the regulator’s aversion to back end loading of contributions, preferring an even-pay 
basis for recovery over a station’s lifespan. 


 
201 Minnesota Energy Consumers, Comments, Docket No. E-002/D-90-184, December 7, 1990, pp. 5-6. 
202 Minnesota PUC, Order Determining Decommissioning Costs, Approving Cost Recovery Procedures, and 
Establishing Future Filing Requirements, Docket No. E-002/D-90-184, February 25, 1991, p. 5.  
203 Ibid, p. 5.  
204 Ibid, p. 6.  
 


Filed: 2020-12-31 
EB-2020-0290 
Exhibit C2-1-1 
Attachment 2 


Page 109 of 181







 


OPG_Report - December 31, 2020 


Ontario Power Generation 
Nuclear Liability Cost Recovery Jurisdictional Study 
 DOCPROPERTY "KISHdrInfoA"  


102 


Docket E-002/M-02-1766 Treatment of FASB 143 and Other Matters 


A 2002 filing by NSPC with the Minnesota PUC addressed the impact of the introduction of FAS 143 
on the utility’s financial statements.205 This filing contained NSPC’s triennial review of funding for 
nuclear decommissioning costs. 


In that filing, NSPC proposed to continue to recover decommissioning costs on the existing NDT 
sinking funds basis, notwithstanding the change in financial accounting standards. NSPC submitted 
that this approach would, for the period in question, result in a lower amount to be recovered from 
customers and proposed to record the difference between the accounting expenses under FASB 143 
and recovery amounts as a regulatory asset on its balance sheet.206 


NSPC also identified that the implementation of FASB 143 would result in the following impacts on 
its financial statements: 


‐ the reversal of costs related to decommissioning that had been charged to accumulated 
depreciation,  


‐ the creation of a new ARO asset (i.e. asset retirement cost) and of an offsetting account for its 
depreciation, and  


‐ the setting up an ARO liability for decommissioning.  


The net opening impact on NSPC’s balance sheet position of these various adjustments would be 
reported as a regulatory liability, rather than through a cumulative adjustment earnings, as NSPC 
expected the entire amount to be recoverable/refundable thorough future rates under the NDT funding 
approach.207  


The various implementation adjustments on the financial statements are summarized in Exhibit 15-
2.208 As shown, the adjustments necessitated reversal of the “negative salvage value” accounting 
treatment applied prior to FAS 143. 


Exhibit 15-2 – Implementation Impact209 


 


 
205 Northern States Power Company, Petition for Approval, E-002/M-02-1766, October 11, 2002.   
206 Ibid, pp. 25-26.   
207 Ibid, p. 24. 
208 These FAS 143 implementation adjustments are similar to those reflected in LADPW’s 2018-2019 financial 
statements upon application of GASB Statement 83, as discussed in Chapter 11. 
209 Northern States Power Company, Petition for Approval, E-002/M-02-1766, October 11, 2002, Appendix H, 
p. 1. 


Consolidated Entries - Implementation of FASB 143 ($ Millions)


Debit Credit
ARO Asset - Decommissioning 49.9
Accumulated Depreciation through Dec 31, 2002 499.5
Regulatory Asset / Liability 7.8
ARO Liability - Decommissioning 506.6
Accumulated Depreciation - ARO Asset 34.9
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Final Order 


In its final order, the Minnesota PUC accepted the continuation of a forward-looking funding approach 
to calculating the recovery amount for decommissioning. 


With respect to the regulatory assets that NSPC proposed to create to record differences between 
amounts for rate setting purposes and accounting expenses, the Minnesota PUC noted that it was 
not making any commitments with respect to the future rate treatment of these assets. Specifically, it 
stated: 


“The Commission also clarifies that it is not addressing, in this proceeding, the granting of 
regulatory assurance supporting the recording of the differences, as regulatory assets or 
liabilities, between the amounts recorded under the certified decommissioning rates and those 
recorded to FAS 143. The accounting for FAS 143 should not dictate the recovery for future 
decommissioning filings.”210 


The outcome of this proceeding is similar to that in Florida , Georgia, South Carolina and North 
Carolina,  whereby the regulators decided to continue with the existing NDT funding approach to rate 
recovery rather than convert to the new accounting standard for ratemaking purposes.  


Transfer of Internal Funds to External Funds 


This proceeding also addressed the transfer of funds from internal to external funds.  


As noted earlier in this chapter, internal funds had been accumulated in the initial years of plant 
operation, prior to the introduction of NRC requirements for external funding, which were adopted by 
the Minnesota PUC.  Although these internal funds were gradually being transferred to external funds, 
the Minnesota PUC ordered a faster rate of transfer as an outcome of this proceeding. In doing so, it 
acknowledged that there would be a cost to this transfer, as the external fund attracted a lower rate 
of return assumption. A staff briefing paper from the Minnesota PUC noted the following in this regard: 


“Before the NRC required external funding, the Commission allowed internal funding because it 
provided to be considerably less costly to ratepayers. Also, the utility focused on providing quality 
utility service and maintained a strong financial position. 


“With the changes in the financial position of the Company [i.e. an improvement], the Commission 
may wish to transfer the funds to the external account at an accelerated rate. There is an element 
of stewardship at issue. The Commission has collected significant sums of money from 
ratepayers for the purpose of meeting the decommissioning of the nuclear facilities. It would not 
be looked upon favourably should those funds not be available when needed.”211 


 


 
210 Minnesota PUC, Order Setting End of Life Dates and Other Guidelines for Nuclear Decommissioning 
Accrual and Requiring Compliance Filings, Docket E-002/M-02-1766, January 9, 2004, p. 6. 
211 Minnesota Public Utilities Commission, Staff Briefing Paper, Docket E-002/M-02-1766, December 11, 2003, 
p. 11. 
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15.2.3 Other Observations 


15.2.3.1 Reconciliation of Decommissioning Cost Estimates 
As noted above, NSPC recognizes AROs for nuclear decommissioning in accordance with FAS 143 
(now ASC 410). Its accounting policy for AROs as stated in the 2019 annual report is as follows: 


“NSP-Minnesota accounts for AROs under accounting guidance that requires a liability for the 
fair value of an ARO to be recognized in the period in which it is incurred if it can be reasonably 
estimated, with the offsetting associated asset retirement costs capitalized as a long-lived 
asset. The liability is generally increased over time by applying the effective interest method of 
accretion, and the capitalized costs are depreciated over the useful life of the long-lived asset. 
Changes resulting from revisions to the timing or amount of expected asset retirement cash 
flows are recognized as an increase or a decrease in the ARO.”212 


The annual report for NSPC-Minnesota provides relatively detailed disclosure that enables analysis 
of movements and reconciliation between the decommissioning AROs and the obligation used for 
funding and cost recovery purposes. We have summarized these disclosures in reconciliation format 
in Exhibit 15-1 below for the years 2017 through 2019.  


Notably, in NSPC’s case, the funding obligation is significantly higher than the accounting ARO. 


 
212 Northern States Power Company, 2019 Annual Report (Form 10-K), p. 29. 
 


Filed: 2020-12-31 
EB-2020-0290 
Exhibit C2-1-1 
Attachment 2 


Page 112 of 181







 


OPG_Report - December 31, 2020 


Ontario Power Generation 
Nuclear Liability Cost Recovery Jurisdictional Study 
 DOCPROPERTY "KISHdrInfoA"  


105 


Exhibit 15-1 – NSPC Financial Disclosure213  


 
 


The first line of the Exhibit shows undiscounted decommissioning costs as estimated for the purposes 
of setting rates, based on the regulator approved 2014 study. The estimate of future estimated costs 
is then discounted to the date of the report using average risk-free interest rates.  The discounted 
amounts vary over time, primarily because of changes in the discount rate used, as well as due to 
the decreases in the length of time until decommissioning with the passage of time.  For example, 
the decommissioning obligation increased from $4.29 billion in 2018 to $5.64 billion in 2019, as the 
discount rate decreased from 3.33% to 2.89%. 


The Exhibit provides a reconciliation between regulatory estimates of the decommissioning obligation 
and ARO values under GAAP. To bridge the difference in 2019, the following values are reported: 


– A $2.30 billion reduction associated with differences in the discount rate and market risk 
premium, which means that the discount rate used to measure the accounting AROs must be 
greater than the funding assumption shown.  


A $1.28 billion reduction associated with O&M costs that are not taken into account in GAAP 
estimates. While we were unable to identify disclosure as to the nature of these costs, an example 
may be costs associated with future wastes not yet generated that are included in the lifecycle 
decommissioning obligations but are not yet accrued for accounting purposes.  


 
213 Information presented in, or derived from, Northern States Power Company, 2019 Annual Report (Form 10-
K), p.48. “Annual depreciation decommissioning recorded as depreciation expense line” refers to the amount of 
NTD contribution collected through rates. 


Northern States Power - Minnesota ($ Millions)


2017 2018 2019


Estimated Future Decommissioning Costs (undiscounted) 11,205.5     11,205.5     11,205.5     


Discount Rate For Discounting 2.80% 3.33% 2.39%
Effect of Discounting (6,398.1)      (6,911.5)     (5,562.2)     
Discounted Decommissioning Obligation - Regulated Basis 4,807.4       4,294.0      5,643.3      


Differences in discount rate and market risk premium (1,402.8)      (1,446.4)     (2,295.2)     
O&M costs not included for GAAP (1,041.5)      (879.3)        (1,280.3)     
ARO differences between 2017 and 2014 cost studies (489.5)        -              -              
Nuclear projection Decommissiong ARO - GAAP 1,873.6       1,968.3      2,067.8      


Nuclear AROs
Opening Balance 2,249.3       1,873.6      1,968.3      
Accretion 113.8         94.7           99.5           
Cash Flow Revisions (489.5)        -              -              
Ending Balance 1,873.6       1,968.3      2,067.8      


Assets Held in NDT 2,143.3       2,054.7      2,439.6      


Annual decommissioning recorded as depreciation expense 20.4 20.4 20.4
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For 2017, the reconciliation also includes differences between underlying cost estimate studies, likely 
due to timing of implementation. 


For reference, the next section of the Exhibit shows the roll-forward of ARO amounts including 
associated accretion expenses. Amounts held in NDT’s are also included for comparison. The last 
line of the Exhibit shows amounts of decommissioning expenses allowed for rate-setting purposes 
based on the funding contributions.214  
 


 
214 The $20.4 million amount shown differs from the $14.0 million annual recovery discussed earlier in this 
Chapter, as it also reflects amounts recovered from consumers in North Dakota and South Dakota, in addition 
to those under the jurisdiction of the Minnesota PUC. 
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16 North Carolina 


16.1 Industry Structure 
The electricity sector in North Carolina remains regulated, with vertically-integrated utilities that supply 
power to their respective retail customer bases. Retail electric service is provided to consumers in 
North Carolina IOUs and university-owned utilities, EMCs, and municipally-owned electric utilities. 


Exhibit 16-1 below summarizes the reactors located in North Carolina and their years of license 
expiration, all of them owned and operated by subsidiaries of Duke Energy Corporation (“Duke 
Energy”).  Duke Energy is one of the largest electric power holding companies in the United States, 
providing electricity to 7.7 million retail customers in six states.215   


Exhibit 16-1 – North Carolina Nuclear Facilities 


 
 


Based on data from NRC, nuclear electricity accounted for 33% of electricity generated in the state 
in 2017.216 North Carolina was sixth of the 30 states in terms of the generation of nuclear power in 
2019.217  


We reviewed the rate recovery approach in the state in the context of both Duke Energy Progress 
(“DEP”) and Duke Energy Carolinas (“DEC”), as applicable, as we found significant commonalities 
across the two utilities. 


16.2 Duke Energy Carolinas and Duke Energy Progress 
DEC and DEP are primarily engaged in the generation, transmission, distribution and sale of 
electricity in portions of North Carolina and South Carolina. Combined, the two utilities cover a service 
area of approximately 56,000 square miles and supply electricity service to approximately 4.1 million 
residential, commercial and industrial customers.218 As DEC and DEP have operations in both states, 
their costs must be allocated between the two jurisdictions.  


 
215 Duke Energy, “About Us”. Retrieved 23-11-2020 
216 NRC, “Information Digest, 2019-2020” (NUREG-1350, Volume 31), p. 28. 
217 U.S. Energy Information Administration, U.S. Nuclear Generation and Generating Capacity, Data Released 
2020-11-30. 
218 Duke Energy, “Regulated Utilities’. Retrieved 23-11-2020 


Nuclear Facility Owner Ownership 
Stake


Year of 
Expiration


Brunswick Unit 1 Duke Energy Progress 100% 2036
Brunswick Unit 2 Duke Energy Progress 100% 2034
McGuire Unit 1 Duke Energy Carolinas 100% 2041
McGuire Unit 2 Duke Energy Carolinas 100% 2043
Harris Unit 1 Duke Energy Progress 100% 2046
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DEC and DEP file separate rate applications and are treated as independent entities in the regulatory 
process.  


 


16.2.1 Regulatory Regime  
The North Carolina Utilities Commission (“NCUC”) regulates the rates and services of investor-owned 
utilities in the state. NCUC also has jurisdiction over the licensing of new generating plants operated 
by all electric power providers. The NCUC regulates all aspects of service provided by the IOUs.219  


Rates for investor-owned electricity utilities are based on a cost-of-service approach, with rates 
allowing for a recovery of prudently incurred operating expenses and a regulated return on the utilities’ 
rate base. 


16.2.1.1 Treatment of FAS 143  
In August 2003, the NCUC issued a ruling that confirmed that allowances for decommissioning in 
rates would continue to be based on a forward-looking NDT funding approach and would not be 
affected by the implementation of FAS 143.220 In this ruling, the NCUC ordered that Progress Energy 
Carolina (“PEC”), now Duke Energy Progress, be allowed to place certain ARO costs in deferred 
accounts. The ruling noted that: 


‐ The “intent and outcome of the deferral process shall be to continue the Commission’s currently 
existing accounting and ratemaking practices for nuclear decommissioning costs and other ARO 
costs.” 


‐ The net effect of the deferral accounting shall be “to reset PEC’s North Carolina retail rate base, 
net operating income, and regulatory return on common equity to the same levels as would have 
existed had SAFS 143 not been implemented.” 


‐ The implementation of the deferrals should have “no impact on the ultimate amount of costs 
recovered from the North Carolina retail ratepayers for nuclear decommissioning or other AROs, 
subject to future orders of the Commission.”221 


In making this determination, NCUC noted the following: 


‐ The NCUC’s approach calculates costs based on a “levelized or uniform earnings rate” over the 
service life of the nuclear plants through decommissioning, whereas the FAS 143 methodology 
results, effectively, in a variable rate. Under FAS 143, the utility is “required to recognize, on a 
current basis, the earnings actually realized on the trust fund”,222 


 
219 North Carolina Utilities Commission, “Electricity”. Retrieved 23-11-2020 
220 The ruling modified an earlier ruling that year on the same Docket in which NCUC allowed only transition 
adjustments as a result of FASB 143 to be deferred 
221 North Carolina Utilities Commission, Docket No. E-2, Sub 826, Order Granting Motion for Reconsideration 
and Allowing Deferral of Costs, August 12, 2003, p. 12. 
222 Ibid, p. 9. 
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‐ Based on results over the most recent six-month period, PECs nuclear decommissioning costs, 
on an annualized basis, would be $20.4 million greater under FAS 143 as compared to the 
historical expense level contained in the NCUC’s earlier order. 223 


This finding is similar to the orders issued in Florida. Georgia, Minnesota and South Carolina related 
to the implementation of FAS 143. As noted earlier, the recognition of a regulatory asset under US 
GAAP under a deferral accounting ruling such as this is thereby made possible for utilities who have 
been recovering decommissioning costs on the funding basis from the beginning.  These utilities 
would be expected to recover the cost equivalent of the AROs over the long term if they remain on 
the funding basis. 


16.2.2 Rate Recovery 
Based on our review of regulatory precedents in the state, we conclude that the forward-looking NDT 
funding approach is in place for recovery of nuclear decommissioning costs by regulated utilities. 


Specifically, the recovery of nuclear decommissioning costs in rates is governed by guidelines 
adopted by the NCUC in 1998. These guidelines were the outcome of a proceeding that had been 
initiated 10 years earlier, in 1988 (Docket No. E-100, Sub 56).224 A cover letter to these guidelines 
noted that they had been the result of “extensive negotiations”. 


The guidelines provide for a five-year review cycle of decommissioning recovery amounts as 
follows:225 


‐ At each cycle, a nuclear operator engages a third-party consultant to perform a site-specific study 
of the decommissioning costs for any facility. These are set out in a “Cost Report”. 


‐ Also at each cycle, the operator calculates projected NDT balances at the time of 
decommissioning, based upon financial assumptions provided by additional third-party 
consultants. These are laid out in a “Funding Report”, in addition, to details of the total revenue 
requirement and annual expense needed to fund the decommissioning obligations. 


‐ The portion of the revenue requirement to be collected from North Carolina retail consumers is 
based on the jurisdictional factor used to allocate nuclear production plant to the various user 
groups of the utility. 


‐ Calculations are made available to Public Staff (the body representing consumer interests), the 
Attorney General and staff of the utility commission. 


‐ If calculations show a change of more than 15% in annual expenses relative to those currently 
provided for in rates, then the parties noted above will submit reports outlining their view of the 
requested funding changes. 


As an example of how the NCUC guidelines are applied, we reviewed DEC’s recent regulatory history, 
below.  


 
223 North Carolina Utilities Commission, Docket No. E-2, Sub 826, Order Granting Motion for Reconsideration 
and Allowing Deferral of Costs, August 12, 2003, p. 8. 
224 North Carolina Utilities Commission, Docket No. E-7, Sub 1146 et al, Order Accepting Stipulation, Deciding 
Contested Issues, and Requiring Revenue Reduction, pp. 164-165. 
225 North Carolina Utilities Commission, Docket No. E-100, Sub 56 et al, Joint Stipulation of Public Staff, CP&L, 
Duke Power, and NC Power, Guidelines for Determination and Reporting of Nuclear Decommissioning Costs, 
filed on August 11, 1998, pp. 1-2. 
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16.2.2.1 Duke Energy Carolinas 
DEC has not included any decommissioning costs in rates since January 1, 2015. 


In 2014, DEC filed a Cost Report and Funding Report that showed that, based on current project 
decommissioning costs and NDT balances, the company’s NDT was adequately funded. The 
company concluded that additional contributions were not required and, hence, customer 
contributions to the NDT were suspended on January 1, 2015. This was implemented through a 
“decrement rider” as of July 1, 2015.226  


In a subsequent rate case in 2017, the company again concluded that the NDT was adequately 
funded and that it need not collect any nuclear decommissioning expense, under the NRC’s 
guidelines, as part of its cost of service.227 


In this 2017 proceeding, Public Staff took the position that the NDT was, in fact, overfunded and that 
this overfunding should be reflected in a refund to consumers. Given that NDT funds cannot be 
refunded under the rules that govern NDT operation, Public Staff suggested instead a mechanism 
whereby utility shareholders would “loan” the funds to consumers, with this loan to be repaid once 
decommissioning has been completed (when presumably excess funds would remain in the NDT). 
Public Staff’s assertion of NDT overfunding was based on the fact that excess funds at the time of 
decommissioning were projected at $2.5 billion, with figures quoted taking into account the proportion 
of decommissioning costs payable by North Carolina retail consumers.228 


In its Order, NCUC found that a conclusion of overfunding was “premature”, recognizing the 
uncertainty of many elements in the projection process. Specifically, the NCUC noted: 229 


“The record shows that the NDTF [i.e. NDT] has experienced higher than expected returns 
recently, and the escalation rate used to forecast decommissioning costs has remained modest 
compared to historical rates of inflation, both of which have contributed to favorable results. 
Changes in assumptions for variables, including investment returns, escalation rates and 
decommissioning start or completion dates, will all impact future NDTF funding levels, as will 
deviation of future experience from current forecasts. In the judgment of the Commission, while 
the NDTF is currently adequately funded, it is premature to find and conclude that the NDTF is 
overfunded, and therefore, it would not be prudent to return funds to customers at this time, and 
perhaps for several years, even if it were legally permissible to do so.” 


In its Order, the Commission noted the following evidence that had been put forward by various 
witnesses in the proceeding:  


‐ The overfunding would be eliminated if the cost escalation rate was changed from 2.40% to 3.09%. 
The latter figure is less than average inflation rate (of 3.24%) that was observed during the period 
1913-2017.230 


‐ Current NDT balances (in 2016 dollars) were less than current projected decommissioning costs 
(also in 2016). Thus, the NDT was underfunded on a “current dollars” basis. 


 
226 North Carolina Utilities Commission, Docket No. E-7, Sub 1146 et al, Order Accepting Stipulation, Deciding 
Contested Issues, and Requiring Revenue Reduction, p. 165. 
227 Ibid, p. 166. 
228 Ibid, p. 166. 
229 Ibid, p. 169. 
230 Ibid, p. 168. 
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‐ A probabilistic analysis showed that the NDT has a probability of actually being underfunded of 
from 15% to 23%. This was based on running 5000 Monte Carlo simulations that provided for 
variation in actual market returns and in escalation factors over the projection horizon. 


This proceeding highlights the significant impact that variability in underlying economic assumptions 
and fund return rates can have on the calculations of required recoveries for long-term 
decommissioning obligations in a US state regulatory process. It also serves as an example of a 
regulator’s reluctance to react to an apparent over-funding position that may be present for a relatively 
short period of the obligation’s overall lifecycle.  
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17 Pennsylvania 


17.1 Industry Structure 
The electricity sector in Pennsylvania provides for retail open access, allowing consumers to select 
the supplier and plan for commodity supply that best suits their needs. The Pennsylvania Public Utility 
Commission’s (“PAPUC”) focus includes ensuring that residents have proper access to power and 
promotes growth within the industry.231  


Like many other jurisdictions, Pennsylvania restructured its electricity sector to allow for open market 
competition in the late 1990’s. As part of the restructuring process, utilities that were formerly 
vertically-integrated were required to separate their generation business units from their transmission 
and distribution activities. Retail consumers were given the right to select their commodity supplier. 
Large consumers were given the right to purchase directly from an electricity spot-market operated 
by PJM, a regional transmission organization.  


The introduction of an open market was expected to lead to decreases in the cost of electricity and 
hence a reduction in earnings for existing generators. As a consequence, incumbent utilities with in-
house generation were compensated through the introduction of “competitive transition charges” 
(“CTCs”). These charges were collected from utilities’ existing customer bases, offsetting some of the 
savings that consumers would see from the introduction of competition, in order to help keep utility 
shareholders “whole” with respect to their existing investments (which were expected to lose value in 
an open-market). Under legislation, such stranded cost payments could be continued for a period of 
up to 10 years.232  


Within Pennsylvania there are currently four nuclear power plants operated by three energy providers.  
These are summarized in Exhibit 17-1 below 


Exhibit 17-1– Pennsylvania Nuclear Facilities233 


 


  


 
231 Direct Energy, “Who are Major Players in the Pennsylvania Electricity Market?”. Retrieved 23-11-2020 
232 The 10-year limit assumed the use of “transition” bonds. See Pennsylvania Public Utility Commission, 
Opinion and Order, Docket R-00973953 and P-00971265, December 29, 1997, p. 104. 
233 NRC, “Facilities Locator – Operating Reactors by Location or Name”. Retrieved 2020-12-21. 
 


Nuclear Facility Owner Year of License 
Expiration


Beaver Valley 1 Energy Harbor Corp 2036
Beaver Valley 2 Energy Harbor Corp 2047
Limerick 1 Exelon 2044
Limerick 2 Exelon 2049
Peach Bottom 2 Exelon 2053
Peach Bottom 3 Exelon 2054
Susquehanna 1 Talen Energy Corp 2042
Susquehanna 2 Talen Energy Corp 2044
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The providers sell electricity in bulk to retail energy providers that sell directly to consumers. Based 
on data from NRC, nuclear electricity accounted for 39% of electricity generated in the state in 
2017.234 Pennsylvania was 2nd out of 30 states in terms of the generation of nuclear power in 2019, 
after Illinois.235 


We have reviewed one energy provider, Exelon Generation, which operates four of the eight reactors 
in Pennsylvania.  


Similar to Illinois, as one of the sample states with deregulated generation, we focused our review on 
the transition of responsibility for nuclear decommissioning costs from a regulated model to a 
competitive market structure for electricity generation. 


17.2 Exelon Generation 
As noted in Chapter 14 on Illinois, Exelon Generation is a subsidiary of Exelon and is one of the 
largest competitive generators of electricity in the United States. The company provides physical 
delivery of power across multiple geographical regions through Constellation, a customer facing 
business unit of Exelon Generation.236 PECO, a subsidiary of Exelon, is a regulated transmission and 
distribution utility with a service territory in Southeastern Pennsylvania. Prior to deregulation, PECO 
also owned and operated the regulated nuclear operating assets in the state. 


17.2.1 Regulatory Regime 
Following sector restructuring, Exelon Generation operates in a competitive electricity market in 
Pennsylvania. However, legislation governing the state’s electricity market restructuring process 
provided that stranded cost payments to utilities would include recovery of the “unfunded” portion of 
a utility’s projected nuclear plant decommissioning costs.237 


17.2.2 Rate Recovery 
As part of the restructuring process, parties agreed that utility consumers in Pennsylvania should only 
be responsible for funding that portion of nuclear decommissioning expense associated with the 
period in which the plants were in service to the public, through January 1, 1999. Thus, PAPUC noted: 


“We agree with PECO's basic proposal that consumers should be responsible to fund that portion 
of nuclear decommissioning expense associated with the period in which the plants were in 
service to the public, through January 1, 1999. Similarly, we agree with PECO's proposal that it, 
or its affiliate or future owners of each plant, should be responsible for that portion of the 


 
234 NRC, “Information Digest, 2019-2020” (NUREG-1350, Volume 31), p. 28. 
235 U.S. Energy Information Administration, U.S. Nuclear Generation and Generating Capacity, Data Released 
2020-11-30. 
236 Exelon Corporation 2019 Annual Report, p.223. 
237 Pennsylvania Public Utility Commission, Opinion and Order, Docket R-00973953 and P-00971265, 
December 29, 1997, p. 67. 
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decommissioning cost related to its remaining useful life.  Post-1998 decommissioning expenses 
are properly reflected as a future operating expense that affects the market value of the plants.”238 


PECO initially claimed recovery of $233.8 million in respect of unfunded nuclear decommissioning 
costs, an amount which was to be included in the calculation of future stranded cost payments. 
Ultimately, however, PAPUC decided to recover decommissioning costs through an annuity that 
would be collected through PECO’s regular rates for the distribution and transmission business, rather 
than as part of the stranded cost levy. It was believed that including nuclear decommissioning costs 
as a stranded cost could preclude favourable tax treatment.239 


PECO agreed to accept an annuity payment of $22.7 million as part of its regulated cost of service 
rates in lieu of claiming a stranded cost amount of $233.8 million for nuclear decommissioning. The 
$22.7 million amount was found to be “almost identical” to the amounts that were included in PECO’s 
vertically integrated rates prior to the deregulation, leading to no net effect on the rates.240 


As part of the restructuring and merger settlements, PECO is required to file a Nuclear 
Decommissioning Cost Adjustment (“NDCA”) every five years. The NDCA is to reflect updated cost 
studies and fund balances as well as license expenses.  


Exelon’s annual report summarizes the arrangements described above as follows: 


 “PECO is authorized to collect funds, in revenues, for decommissioning the former PECO nuclear 
plants through regulated rates, and these collections are scheduled through the operating lives 
of the former PECO plants. The amounts collected from PECO customers are remitted to 
Generation and deposited into the NDT funds for the unit for which funds are collected.” 241 


Through periodic rate adjustments, Exelon Generation, through PECO, may collect additional 
amounts from customers related to NDT shortfalls for the former PECO units, but these amounts are 
subject to thresholds stated by the PAPUC. Specifically, Exelon Generation must bear the first $50 
million of any shortfall, as well as 5% of any additional shortfalls, on an aggregate basis for all former 
PECO units.242  


Based on these findings, we conclude that PECO consumers continue to pay for decommissioning 
costs in rates, even though the nuclear units are no longer regulated. This includes true-ups to 
amounts recovered, which may arise due to changes in the estimates of decommissioning costs, 
changes in operating lifespan, variability in trust fund performance and other such factors discussed 
throughout this report.  


 
238 Pennsylvania Public Utility Commission, Opinion and Order, Docket R-00973953 and P-00971265, 
December 29, 1997, p. 78. 
239 It was believed that stranded cost payments may not quality as contributions for direct deposit into an NDT 
and hence may not receive favourable tax treatment. If they did not qualify, trust fund earnings could then be 
taxed at a higher rate. 
240 Pennsylvania Public Utility Commission, Opinion and Order, Docket R-00973953 and P-00971265, 
December 29, 1997, p. 80. 
241 Exelon Corporation 2019 Annual Report, p.273 
242 The most recent PECO rate adjustment for nuclear decommissioning costs was in 2018. This adjustment 
resulted in a substantial reduction in amounts collected from PECO consumers for nuclear decommissioning, 
due to the extension of the operating licences for Limerick Units 1 and 2 for an additional 20 years. The decrease 
in annual recovery was from approximately $24 million to $4 million. (Exelon Corporation 2018 Annual Report, 
p.388) 
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We also observe that while the overall process for considering the impact on decommissioning cost 
recovery as a result of market de-regulation was similar for Exelon Generation in both Pennsylvania 
and Illinois (discussed in Chapter 14, there were important differences in the final outcome, as follows: 


‐ In Illinois, the company’s right to recover decommissioning costs post market opening did not 
extend beyond a defined period, unlike the ongoing right to such recovery in Pennsylvania. The 
company must fund NDT contributions through market revenues in Illinois beyond 2007. 


‐ The company does not have the ability to seek recovery from utility consumers in Illinois in the 
event that NDT funds are insufficient. Shareholders will have to make up any shortfall. If surpluses 
do arise, however, the company will have to remit funds to consumers of the utilities supplied by 
the nuclear units prior to market restructuring.  


‐ The company’s obligations with respect to shortfalls or excesses are evaluated in Illinois on a unit-
by-unit basis, whereas obligations in Pennsylvania are evaluated for the former PECO units in 
aggregate. 


  


17.2.3 Other Observations 


17.2.3.1 Decommissioning Cost Probabilistic Analysis 
In our review of Exelon’s annual report, we noted that Exelon Generation uses certain probabilistic 
analyses to determine its decommissioning cost estimate for ARO purposes.  


As a general matter, Exelon Generation uses site-specific cost estimates to determine its 
decommissioning obligations and updates them every five years, as noted below:  


“[Exelon] Generation uses unit-by-unit decommissioning cost studies to provide a marketplace 
assessment of the expected costs (in current year dollars) and timing of decommissioning 
activities, which are validated by comparison to current decommissioning projects within the 
industry and other estimates. Decommissioning cost studies are updated, on a rotational basis, 
for each of Generation’s nuclear units at least every five years, unless circumstances warrant 
more frequent updates.”243 


It also appears that Exelon Generation takes into account multiple scenarios in determining the cost 
estimate for financial accounting purposes: 


“To estimate its decommissioning obligation related to its nuclear generating stations for financial 
accounting and reporting purposes, Generation uses a probability-weighted, discounted cash 
flow model which, on a unit-by-unit basis, considers multiple outcome scenarios that include 
significant estimates and assumptions, and are based on decommissioning cost studies, cost 
escalation rates, probabilistic cash flow models and discount rates. Generation updates its ARO 
annually unless circumstances warrant more frequent updates, based on its review of updated 
cost studies and its annual evaluation of cost escalation factors and probabilities assigned to 
various scenarios.”244 


 
243 Exelon Corporation 2019 Annual Report, p.74. 
244 Exelon Corporation 2019 Annual Report, p.272. 
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Examples of scenarios included are: costs that are 20% higher and 15% lower than the “base cost” 
scenario; different decommissioning approaches, including DECON and SAFSTOR; and different 
operating lives based on 20-year licence renewal periods.245 


These probabilistic scenario analyses, however, appear to be used only for Exelon’s accounting 
provisions. Filings with the NRC, which are the basis of rate recoveries, have used point estimates 
for various factors. 246 


 
245 Exelon Corporation 2019 Annual Report, p.74. 
246 Exelon Nuclear, Report on Status of Decommissioning Funding for Shutdown Reactors, Letter to U.S. 
Nuclear Regulatory Commission, March 30, 2012. Attachments 1, 2 and 3. 


Filed: 2020-12-31 
EB-2020-0290 
Exhibit C2-1-1 
Attachment 2 


Page 124 of 181







 


OPG_Report - December 31, 2020 


Ontario Power Generation 
Nuclear Liability Cost Recovery Jurisdictional Study 
 DOCPROPERTY "KISHdrInfoA"  


117 


18 South Carolina 


18.1 Industry Structure 
The electricity sector in South Carolina remains regulated, with vertically-integrated utilities that 
supply power to their respective retail customer bases. The Public Service Commission of South 
Carolina (“PSCSC”) is the body that regulates retail rates. 


Duke Energy, through its subsidiaries DEC and DEP, has ownership stakes in six out of the seven 
reactors in South Carolina. As discussed in Chapter 15, DEC and DEP also operate the nuclear 
reactors in North Carolina.  


In addition to the six reactors in the state owned by Duke Energy, there is a seventh reactor (Virgil C. 
Summer Unit 1 or “Summer Unit 1”) that is owned jointly by Dominion Energy South Carolina (formerly 
South Carolina Electric and Gas Company or “SCE&G”) and the South Carolina Public Service 
Authority (“Santee Cooper”). SCE&G has a two-thirds ownership share while Santee Cooper owns 
the remaining third in the reactor. SCE&G is an investor-owned utility while Santee Cooper is a 
“component unit” of the State of South Carolina.  


The ownership breakdowns and years of license expiration for the seven reactors in South Carolina 
are summarized in Exhibit 18-1. 


Exhibit 18-1247, 248 – South Carolina Nuclear Facilities 


 
 


 
247 NRC, “Facilities Locator – Operating Reactors by Location or Name”. Retrieved 2020-12-21. 
248 U.S. Energy Information Administration, “Nuclear Reactor Ownership”. Retrieved 2020-12-21. 
 


Nuclear Facility Owner Ownership 
Stake


Year of 
Expiration


Oconee Nuclear Station, Unit 1 Duke Energy Carolinas 100% 2034
Oconee Nuclear Station, Unit 2 Duke Energy Carolinas 100% 2033
Oconee Nuclear Station, Unit 3 Duke Energy Carolinas 100% 2033
H.B. Robinson Nuclear Plant, Unit 2 Duke Energy Progress 100% 2030


Duke Energy Carolinas 19.25%
North Carolina Municipal Pow er Agency #1 37.50%
North Carolina El Member Corp 30.75%
Piedmont Municipal Pow er Agency 12.50%
Duke Energy Carolinas 19.25%
North Carolina Municipal Pow er Agency #1 37.50%
North Carolina El Member Corp 30.75%
Piedmont Municipal Pow er Agency 12.50%
Dominion Energy South Carolina 67.67%
South Carolina Public Service Authority 33.33%


Virgil C. Summer Nuclear Station, Unit 1 2042


Cataw ba Nuclear Station, Unit 1 2043


2043Cataw ba Nuclear Station, Unit 2
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Based on data from NRC, nuclear electricity accounted for 58% of electricity generated in the state 
in 2017.249 South Carolina was third out of 30 states in terms of the generation of nuclear power in 
2019.250 


As we reviewed regulatory mechanisms applicable to DEC and DEP in North Carolina, we focused 
our research on SCE&G and Santee Cooper as case studies for South Carolina. 


18.2 Dominion Energy South Carolina  
As noted earlier, SCE&G operates the Virgil C. Summer Unit 1 (“Summer Unit 1”), which entered 
commercial operations in 1984.   


SCE&G has recently undergone significant financial turmoil as a result of the forced cancellation of 
its project to add two new additional reactors at the Virgil C. Summer site. Following bankruptcy of a 
key vendor and faced with the prospect of having to refund amounts already collected for the project 
in rates, SCE&G’s parent company, SCANA Corporation (“SCANA”), was ultimately acquired by 
Dominion Energy in 2019, and the entity has been renamed Dominion Energy South Carolina, Inc.251  


Given the scope of the study, we did not focus on developments related to the proposed new units 
and to subsequent regulatory proceedings relating to the recovery of the cancelled project’s costs. 
Rather, we have summarized our findings related to the recovery of decommissioning costs for 
Summer Unit 1. 


18.2.1 Regulatory Regime 
Retail electric base rates in South Carolina are regulated on a cost-of-service/rate-of-return basis 
subject to South Carolina statutes and the rules and procedures of the PSCSC. South Carolina base 
rates are set by a process that allows SCE&G to recover its operating costs and a return on invested 
capital.  


18.2.2 Rate Recovery 
Based on our review of the regulatory record and SCE&G’s publicly available financial statements, 
we have concluded that SCE&G is subject to a forward-looking NDT funding approach for recovery 
of nuclear decommissioning costs. Our review of regulatory record focused primarily on PSCSC’s 
2003 accounting order that addressed recovery methodology for nuclear decommissioning costs in 
light of the introduction of the FAS 143 accounting standard , as well as documentation in the NRC 
filings. The FAS 143 order is discussed in section 18.2.2.1 following. 


 
249 NRC, “Information Digest, 2019-2020” (NUREG-1350, Volume 31), p. 28. 
250 U.S. Energy Information Administration, U.S. Nuclear Generation and Generating Capacity, Data Released 
2020-11-30. 
251 SCE&G had a contract with Westinghouse Electric Company (“WEC”) to build the new reactors. In 2017, 
WEC filed for bankruptcy protection under Chapter 11 of the US Bankruptcy Code and subsequently notified 
SCE&G that it would be unable to complete the units under the fixed price terms previously agreed. SCE&G 
ultimately decided to cancel the project, which left it with the prospect of having to refund amounts already 
collected for the projects in rates. These events resulted in the company’s credit rating falling below investment 
grade. (SCANA Corporation, Form 10-K, December 31, 2017, p. 35, 44) 
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According to a filing with the NRC, SCE&G’s allowance in rates for nuclear decommissioning costs 
has remained unchanged since 1993.  In June 1993, PSCSC approved gross annual collections for 
decommissioning in the amount of $3.22 million based on cost estimates contained a 1991 site-
specific study.252 Of the $3.22 million, $2.86 million, relates to items included in the NRC’s definition 
of radiological decommissioning.253  


The balance of the cost estimates is considered to relate to non-radiological segments of the 
decommissioning process (e.g. site restoration), which are not within the scope of the NRC financial 
assurance process (and hence not required to be covered by trust fund balances).254  


In the historical NRC filings reviewed going back a number of years, the amount of $2.86 million 
(before tax) has been used consistently as the basis of projected contributions to NDTs.255,256 


However, we note that these contributions are being treated in the NRC filings as if they are in real 
dollar terms, whereas the historical record is consistent with these contributions (and associated 
allowances in rates) being flat in nominal dollar terms (and hence declining in real dollar terms).   


The ability to keep the same (before-tax) funding contributions over-time may have been influenced 
by the following factors: 


‐ The operating license of Summer Unit 1 was extended by 20 years in 2004, extending the 
investment horizon. 


‐ The original contributions were based on site-specific estimates while funding reports to the NRC 
are based on decommissioning cost estimates that are based on the NRC formula (and which 
may therefore result in lower costs). 


‐ The filing with the NRC notes that financial assurance is demonstrated using cost estimates that 
assume the use of the DECON decommissioning, whereas SCE&G currently intends to utilize a 
deferred decommissioning methodology (SAFSTOR). 257, 


Overall, we find this case study to be an example of rate recovery that is ultimately not closely 
linked to the actual utility decommissioning plans and underlying cost estimates.  


 
252 SCANA’s 2017 annual report similarly noted that “SCE&G transfers to an external trust fund the amounts 
collected through rates ($3.2 million pre-tax in each period presented), less expenses.” (SCANA Corporation 
2017 Annual Report, p. 78) 
253 SCE&G, Report of Status of Decommissioning Funding, letter to NRC, March 28, 2018, RC-18-0041, 
Attachment II. 
254 The 1993 Order approving SCE&G rates is available on-line but it has relatively limited discussion of the 
basis for approval of rates for nuclear decommissioning. For example, it does not specifically reference the 
$3.22 million figure noted above nor does it provide details as to how the decommissioning allowance was 
established. This appears to be because the Order approved a settlement, or “stipulation”, between PSCSC 
staff and the utility and hence the Order focused on issues where the parties had disagreed in the proceeding.  
Supporting documentation in the proceeding is not available on-line.   
255 For example: SCE&G, Report of Status of Decommissioning Funding, letter to NRC, March 31, 2011, RC-11-
0049, Attachment II; SCE&G, Report of Status of Decommissioning Funding, letter to NRC, March 28, 2003, 
RC-03-0073, Attachment II.  
256 The contributions net of tax have varied over the years because of changes in income tax rates. 
257 SCE&G, Report of Status of Decommissioning Funding, letter to NRC, March 28, 2019, SN-19-145, page 8,  
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18.2.2.1 Treatment of FASB 143  
In a 2003 proceeding, the PSCSC issued an accounting order allowing utilities in South Carolina to 
place costs associated with AROs in a “deferred account” for regulatory accounting purposes and 
affirming the continuation of the forward-looking NDT funding approach previously in place. The order 
followed the adoption of FASB 143, and is similar to those in Florida, Georgia, North Carolina and, in 
some regard, Minnesota.  


Utilities with nuclear operations requested the order, arguing that the regulatory treatment then (and 
still) in place for decommissioning costs should not be altered due to the adoption of FASB 143. In 
their petition to the PSCSC, the utilities noted:258 


‐ FASB 143 requires utilities to measure their liability at fair market value, if available, or to estimate 
fair market value using the expected present value method. An estimate of the fair value would 
include third-party profit and market risk premiums, even though the utility may have no intent of 
settling its liability with such a third party and there may be no market for such settlement.  


‐ FASB 143 does not consider the effect of expected earnings on funds collected when calculating 
the ARO expense, whereas the Commission-approved methodology does. 


The PSCSC accepted the utilities’ petition and, in its order, noted: 


“We believe that the Joint Petitioner's have stated a great many reasons for the Proposition that 
the current regulatory treatment for AROs should not be altered at this time due [to] the Joint 
Petitioners' adoption of FASB Statement 143. First, this Commission did establish specific levels 
of decommissioning costs to be included in rates in the Joint Petitioners' rate cases. We agree 
with the Joint Petitioner's belief that Statement 143 is not more appropriate for ratemaking 
purposes than the current Commission-approved decommissioning cost levels. Further, 
Statement 143 does not consider the effect of expected earnings on funds collected when 
calculating the ARO expense, whereas the Commission-approved methodology currently 
included in the Joint Petitioners' South Carolina retail rates reflects this cost offset.”259 


As similar orders did in other states, this finding supported the ability of regulated nuclear utilities in 
South Carolina to record regulatory assets or liabilities for differences between FAS 143 expenses 
less NDT earnings and funding-based amounts recovered in rates. In addition to the order itself, it is 
the fact that utilities would expect to recover their ultimate ARO costs over the long-term by virtue of 
having been on a funding method from inception that allowed recognition of such regulatory balances 
under US GAAP. 


18.3 South Carolina Public Service Authority  
Santee Cooper owns a one-third share of Summer Unit 1 operated by SCG&E. It was also a 
participant in the planned construction of Units 2 and 3 and hence has also faced financial challenges 
associated with the projects’ cancellation. As Santee Cooper is a state authority, the state government 
subsequently established an oversight committee to provide greater oversight of Santee Cooper and 


 
258 Public Service Commission of South Carolina, Order Approving Accounting Treatment, Docket 2003-84-E, 
Order No. 2003-283, April 28, 2003, p. 4. 
259 Ibid, pp. 6 – 7. 
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has called on the Office of Regulatory Staff (“ORS”) to conduct monthly reviews of its operations.260 
ORS is the agency that represents the “public interest” in proceedings of the PSCSC. 


18.3.1 Regulatory Regime 
Unlike SCE&G, Santee Cooper’s rates are not regulated by PSCSC. Historically, it has adjusted rates 
as necessary to meet certain financial targets and cover its costs. According to its annual report, its 
governing statue provides that: 


“the Authority will establish rates and charges so as to produce revenues sufficient to provide for 
payment of all expenses, the conservation, maintenance and operation of its facilities and 
properties and the payment of the principal and interest on its notes, bonds, or other obligations, 
specifically.”261 


Santee Cooper is required to give 60 days notice of its plans to raise rates. 


As part of a reform plan introduced subsequent to cancellation of the nuclear plants, Santee Cooper 
has committed not to raise rates through to 2024.262 


Our review focuses on the comparison to SCE&G of the funding of decommissioning costs. Since the 
entities have ownership interest, this comparison shows the variability in the use of assumptions in 
determining funding requirements. 


18.3.2 Rate Recovery 
We conclude that Santee Cooper recovers a provision for decommissioning costs on a forward-
looking funding basis. Our conclusion was based on a review of Santee Cooper’s 2019 annual report 
which describes the process as follows: 


“The NRC requires a licensee of a nuclear reactor to provide minimum financial assurance of 
its ability to decommission its nuclear facilities. In compliance with the applicable regulations, 
the Authority established an external trust fund and began making deposits into this fund in 
September 1990. In addition to providing for the minimum requirements imposed by the NRC, 
the Authority makes deposits into an internal fund in the amount necessary to fund the 
difference between a site-specific decommissioning study completed in 2016 and the NRC’s 
imposed minimum requirement. Based on these estimates and assuming a SAFSTOR 
(delayed) decommissioning, the Authority’s one-third share of the estimated decommissioning 
costs of Summer Nuclear Unit 1 equals approximately $415.1 million in 2016 dollars. As 
deposits are made, the Authority debits FERC account 532 – Maintenance of Nuclear Plant, 
an amount equal to the deposits made to the internal and external trust funds. These costs are 
recovered through the Authority’s rates.”263 


 
260 Santee Cooper, Investor Presentation – Revenue Obligations, October 20, 2020, p. 12. 
261 Santee Cooper, 2019 Annual Report, Management’s Discussion and Analysis, p. 14. 
262 Santee Cooper, Investor Presentation – Revenue Obligations, October 20, 2020, p. 13. 
263 Santee Cooper, 2019 Annual Report, p. 63. 
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18.3.3 Other Observations 


18.3.3.1 Funding Amounts for Jointly Owned Facility 
As both SCE&G and Santee Cooper have ownership interest in the same nuclear plant, we were able 
to compare some of the assumptions used in determining funding requirements by both entities, 
which we found to be instructive. Below we compare reports submitted by each entity to NRC in 2013 
(this is a year for which we were able to find reports for both entities).264,265  


Observations from the comparison are as follows: 


‐ Both reports start with a decommissioning cost estimate for the whole plant of $493.9 million (in 
2012 dollars). Santee Cooper takes a one-third share, while SCE&G takes a two-thirds share, 
according to their respective ownership. 


‐ Both reports provide schedules in constant dollars. Assumed real rates of return by Santee Cooper 
varied annually and were calculated by subtracting assumed cost escalation rates in each year 
from projected nominal yields. Generally, real rates of return were around 1.0%. In contrast, 
SGE&G used a constant real return of 2.0% (consistent with its recent 2018 report). 


‐ Starting fund balances for Santee Cooper were $114.4 million, while those of SCE&G were $132.0 
million. These amounts are not in proportion to the entities’ ownership interests, likely reflecting 
historical contribution profiles and achieved investment earnings. 


‐ Projected ending balances (in 2049) were $57.2 million (i.e. in surplus) for Santee Cooper while 
negative $92.8 million for SCE&G (i.e. in deficit). Interestingly, these figures also highlighted that 
the status reports do not necessarily need to project funding adequacy at any given point in time, 
although utilities showing an ending deficit may subsequently need to make adjustments to the 
funding plan or provide explanations for why funding will be adequate. (SCG&E noted that it would 
use a delayed approach to decommissioning that would allow greater earnings to accrue.) 


‐ Santee Cooper showed annual deposits of $1.977 million (treated as a constant real dollar 
amount), while SCE&G showed annual deposits of $1.766 million. These projected contributions 
were not proportionate to the ownership interests, reflecting differences in other inputs into the 
funding calculation as summarized here. 


This comparison highlights that, even for utilities that share ownership in one facility, funding 
projections and contributions in regulated rates may be widely different depending on underlying 
assumptions, approaches and possibly investment performance. 


 
264 Santee Cooper, Report of Status of Decommissioning Funding, March 28, 2013.  
265 SCE&G, Report of Status of Decommissioning Funding, letter to NRC, March 27, 2013, RC-13-0051. 
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Part II - Canada 
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19 NB Power 
Electricity in the province of New Brunswick is supplied by NB Power, a provincial Crown corporation. 
NB Power is a vertically-integrated utility, providing generation, transmission and distribution services. 
A number of municipalities in the province operate their own distribution utilities and purchase power 
from NB Power on a wholesale basis. 


New Brunswick originally intended to restructure its electricity sector to provide for an open electricity 
market, and which was to follow the model that had been adopted in Ontario. As a result, the 
operations of NB Power were separated in 2003 into individual operating companies covering 
generation, transmission, distribution and the system operator function. The restructuring process 
was suspended, however, and individual operating companies within NB Power were re-integrated 
into one corporate entity in 2013. 


NB Power operates one nuclear unit of 660 MW capacity at Point Lepreau. This plant supplied 
approximately 27% of total New Brunswick’s supply requirements in Fiscal 2019 (year ending March 
31).266 Point Lepreau went through a refurbishment process in 2008 through 2012.267 


19.1.1 Regulatory Regime 
NB Power is operating under a long-term plan to improve its financial position; this will include debt 
reduction in the near term. It has a legislated target to achieve at least a 20% equity level in its capital 
structure, compared to 7% as of Fiscal 2019.268 Under legislation, NB Power must prepare annual 
10-year plans that show its progress in meeting its financial target. The recent 10-year plan dated 
September 2019 (“10-Year Plan”) projects that NB Power will reach its target capital structure by 
Fiscal 2027. The plan calls for average rate increases of 2.00% through to Fiscal 2021, 1.75% for 
Fiscal 2022 and 2023, and 1.50% thereafter through to Fiscal 2028.269 


The New Brunswick Energy and Utility Board (“NBEUB”) is the provincial agency with responsibility 
for regulating public utilities.  The legislative requirements for setting NB Power’s rates pursuant to 
the 10-year plans have reduced the effective scope of the NBEUB’s reviews of NB Power activity.. 


The 10-year plans entail applying specified percentage rate increases during the forecast period. 
These increases are intended to ensure that NB Power’s equity levels move toward the target level. 
Specifically, the 10-year Plan describes the rate-setting approach as follows: 


“The rate strategy is based on the principles of making steady progress towards the achievement 
of a minimum capital structure of 20% equity within a reasonable timeframe and maintaining the 
minimum equity target once achieved, while attempting to maintain rates as low as possible and 
reducing variability in rate changes from year to year.”270 


 


 
266 NB Power 2018/2019 Annual Report, p. 21. 
267 NB Power 2018/2019 Annual Report, p. 32. 
268 NB Power 2018/2019 Annual Report, p. 35. 
269 NB Power’s 10-Year Plan: Fiscal Years 2021 to 2030, September 2019, p. 5. 
270 NB Power’s 10-Year Plan: Fiscal Years 2021 to 2030, September 2019, p. 6. 
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19.1.2 Rate Recovery  
In considering the basis upon which NB Power recovers its decommissioning and waste management 
costs under the above noted methodology, we considered the basis of measurement of equity and 
the achievement of equity targets that are the basis of the rates. Based on our review of the 10-Year 
Plan and NB Power’s annual report discussed below, we concluded that the definition of equity uses 
NB Power’s accounting measurements of income. Decommissioning and waste management costs 
are provided for in NB Power’s financial results and are thus accounted for in the achievement of the 
financial targets. On this basis, the rates effectively provide for the recovery of decommissioning and 
waste management costs in the manner recorded in NB Power’s financial statements (under IFRS).  


With respect to decommissioning and used fuel management costs, the 10-Year Plan notes the 
following that outlines the inclusion of depreciation expense, accretion expense and earnings on 
sinking funds in the equity calculation: 


‐ “Depreciation expense is driven by NB Power’s investment in capital assets and is based on 
expected useful service lives and the straight-line method of depreciation. Depreciation expense 
also reflects a component of charges to income to account for the future decommissioning of 
generating stations and the management of used nuclear fuel.”271 


‐ “Other components of finance charges and other income partially offset interest expense and the 
debt portfolio management fee. These include earnings on investment and sinking funds, as well 
as interest during construction which capitalizes interest on funds expended on capital projects 
not yet in service (i.e. work-in-progress). Finance charges also include an expense that recognizes 
the time value of money on the estimated expenditures for decommissioning and used nuclear 
fuel management liabilities. This is referred to as accretion expense and essentially represents an 
annual interest charge on these forecasted liability balances.”272 


In our review of NB Power’s annual report, we identified the corresponding AROs related to nuclear 
decommissioning and used fuel management that are recognized on the balance sheet as follows: 
273 


‐ The costs of decommissioning stations at the end of their useful lives. 


‐ The fixed-cost portion of used nuclear fuel management activities (i.e. that portion that will be 
required regardless of the volume of fuel consumed). 


‐ The variable-cost portion of used nuclear fuel management activities to take into account actual 
fuel volumes used to-date. 


The annual report also notes that the liability for used nuclear fuel management is increased for the 
cost of disposing the nuclear fuel bundles used each year, with the corresponding amounts charged 
to operations through fuel expenses.274 


Accretion expense is calculated annually on the liabilities for nuclear decommissioning, including for 
spent fuel and waste management.275 It is calculated using NB Power’s credit adjusted risk-free rate 
and a duration spread to take into account the long-term nature of the associated liabilities. 


 
271 NB Power’s 10-Year Plan: Fiscal Years 2021 to 2030, September 2019, p. 16. 
272 NB Power’s 10-Year Plan: Fiscal Years 2021 to 2030, September 2019, p. 17. 
273 NB Power 2018/2019 Annual Report, p. 63. 
274 NB Power 2018/2019 Annual Report, p. 63. 
275 Under IFRS, NB Power classifies accretion expense as a finance cost in the financial statements. 
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Realized and unrealized investment income on NB Power’s trust funds for decommissioning and used 
fuel management is primarily recognized through earnings.276 


There are no regulatory accounts associated with nuclear decommissioning and waste management 
costs reported in the 10-Year Plan or the company’s annual report. 


19.1.3 Other Observations 


Decommissioning Obligations and Segregated Funds 


In this section, we set out, for reference purposes, information from NB Power’s Fiscal 2019 annual 
report related to decommissioning and waste management liabilities and associated segregated 
funds. 


Exhibit 19-1 provides details on the AROs for nuclear decommissioning and used fuel management 
reported in NB Power’s Fiscal 2019 annual report, as rolled forward from Fiscal 2018.  


Exhibit 19-1 – NB Power Nuclear Asset Retirement Obligation 


 
 


NB Power has established segregated trust funds in order to meet the CNSC’s licence conditions for 
the Point Lepreau plant and to meet requirements under the Nuclear Fuel Waste Act. These are 
summarized in Exhibit 19-2 below: 


 
276 In accordance with IFRS 9, investments by these funds are either fair value through other comprehensive 
income, or fair value through profit or loss. The vast majority of the investments are disclosed as being under 
fair value through profit or loss. (NB Power 2018/2019 Annual Report, pp. 69, 93) 


Nuclear Decommissioning Liabilities ($ Millions)


Nuclear plant 
decommissioning 


liability


Used fuel 
management 


liability Total


Balance, March 31, 2018 381                     313                  694              
Add: Change in discount rate and cost estimate 30                       32                    62                
Add: Accretion 17                       15                    32                
Less: Expenditures (2)                        7                      5                  
Balance, March 31, 2019 426                     353                  779              
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Exhibit 19-2 – NB Power Decommissioning Trust Funds277 


 
 


Balances in these funds totaled $766 million at the end of Fiscal 2019. 278  


 


 
 
277 NB Power 2018/2019 Annual Report, p. 75 
278 NB Power 2018/2019 Annual Report, p. 44. 


Segregated Trust Funds


Fund Purpose Funding Requirement
Fiscal 2018 


Contributions
Fiscal 2019 


Contributions


Decommissioning segregated fund & 
used nuclear fuel segregated fund


To meet licensing 
requirements set by the CNSC


Determined annually 
based on the current  
obligations and market 
value of the funds


nil nil


Nuclear Waste Trust Fund
To meet the Nuclear Fuel 
Waste Act and CNSC 
requirements


Determined by funding 
formula in Nuclear Fuel 
Waste Act.


$11 million $4 million
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20 Hydro-Québec 
Power in the province of Quebec is supplied by Hydro-Québec, a provincial Crown corporation. 
Hydro-Québec has separate business segments associated with generation, transmission and 
distribution. (The segments operate within a single corporate entity but have separate reporting.) 


Under Hydro-Québec’s governing legislation, the distribution segment has access to a base volume 
of power, referred to as the Heritage Pool, from the generation segment. Thus, the generation 
segment makes available up to 165 TWh of electricity at a fixed price indexed under the Act respecting 
the Régie de l’énergie.  For requirements not supplied through the Heritage Pool, the distribution 
segment runs open market procurement processes, to which the generation segment can respond. 


Hydro Québec operated one nuclear reactor, Gentilly-2, between 1983 and 2012.  


The plant is set to be dismantled after a more than 40-year planned dormancy period. 279 


20.1 Regulatory Regime 
The electricity market structure in place in Quebec means that there is no regulatory oversight of the 
recovery of nuclear decommissioning and waste management costs. Further, the Heritage Pool price 
is not directly linked to underlying costs within the generation segment, including for nuclear 
decommissioning. Hence, no link can be drawn between funding for nuclear decommissioning and 
rates paid by consumers. 


The provincial economic regulator, the Régie de l’énergie, approves tariffs and makes associated 
decisions on capital structure only for the transmission and distribution segments of Hydro-Québec. 


20.2 Rate Recovery 
As Hydro-Québec’s generation business receives revenues from a competitive electricity market or 
under a fixed price, there is no observable link between the prices and recovery of nuclear 
decommissioning and waste management costs. 


 


 
279Hydro-Québec Decommissioning Plan, filed with the Canadian Nuclear Safety Commission in March 2020. 
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21 Ontario Power Generation 
OPG is an Ontario-based electricity generation company that is wholly-owned by the Province of 
Ontario. OPG and its wholly-owned subsidiaries own and operate two nuclear generating stations 
(Pickering and Darlington), 66 hydroelectric generating stations, three thermal generating stations 
and one solar facility in Ontario. OPG also owns two nuclear generating stations in Ontario, the Bruce 
A and Bruce B stations (“Bruce stations”), which are leased on a long-term basis to Bruce Power L.P. 
(Bruce Power). 280 


OPG is Ontario’s largest electricity producer. In 2019, it accounted for approximately 50 percent of 
the total energy generated on Ontario’s electricity system.281 


The Pickering and Darlington generating stations have a total in-service capacity of approximately 
6,600 MW, when all units are in operation. 282 Pickering’s operating licence allows for commercial 
operation of the station to December 31, 2024. 283. Darlington’s four generating units are undergoing 
refurbishment to extent its operating life for another 30 years. 284 


Prior to 1999, Ontario Hydro served as a vertically integrated electric utility in Ontario. Following the 
adoption of a restructuring plan for Ontario’s electricity industry, several successor organizations to 
Ontario Hydro began operating as separate entities on April 1, 1999, including: 


‐ OPG, which purchased the electricity generation and wholesale energy businesses of 
Ontario Hydro; 


‐ Hydro One, which purchased and assumed the transmission, distribution and retail energy 
services businesses of Ontario Hydro; 


‐ Independent Electricity Market Operator (now the Independent Electricity System Operator), 
which was formed to act as both the independent electricity system operator and the market 
operator.  


Ontario’s competitive electricity market was opened in 2002. The market is used to manage the 
purchase and sale of wholesale electricity in the province. 285   


Virtually all non-OPG generators in Ontario currently have energy supply contracts with the IESO that 
provide for payments that are different from the market price of electricity.  


Effective April 1, 2008 onwards, the prices for OPG’s Pickering and Darlington generation and most 
of its hydroelectric generation in the province are set by the OEB. OPG is the only regulated generator 
in Ontario. 286   For the period April 1, 2005 to March 31, 2008, the prices for OPG’s regulated 
generation were set by Ontario Regulation 53/05.287 


 
280 Ontario Power Generation Inc. 2019 Annual Information Form, p.  3  
281 Ibid, p.  3  
282 Ibid, p.14  
283 Ibid, p.16 
284 Ibid, p.46  
285 Ibid, p.  6  
286 Ibid, p.  7  
287 O. Reg. 53/05, s. 4., Payments Under Section 78.1 of the Act. (since revoked) 
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21.1.1 Regulatory Regime 
OPG’s regulated rates are set by the OEB pursuant to the Ontario Energy Board Act, 1998 and 
Ontario Regulation 53/05. Ontario Regulation 53/05 sets out certain requirements for the OEB to 
follow in setting OPG’s regulated rates. Among them is a requirement to ensure OPG recovers the 
revenue requirement impact of its nuclear decommissioning and waste management costs, and also 
that OPG recovers its costs associated with the leased Bruce stations.288  


OPG’s nuclear rates set by the OEB are generally designed to permit the company to recover, over 
a forecasted generation volume, an allowed level of operating costs and capital investment and to 
earn a formulaic rate of return on a deemed equity portion of the capital invested in the rate base. 
Rate base for OPG represents investment in regulated fixed and intangible assets in service and an 
allowance for working capital. Beginning with the 2017-2021 rate period, the OEB has transitioned 
OPG from a cost of service framework to a custom incentive regulation framework. This framework 
applies an efficiency stretch factor to certain elements of OPG’s cost-based nuclear revenue 
requirement. 289  


21.1.2 Rate Recovery  
As part of this report, we reviewed OPG’s historical regulatory filings and OEB decisions related to 
the recovery of the company’s decommissioning and waste management costs. In OPG’s first rate-
setting application before the OEB, EB-2007-0905, the OEB approved a methodology for the recovery 
of such costs for the regulated nuclear facilities and the Bruce facilities. The methodology has been 
followed ever since. There are some differences between the methodology for the regulated and 
Bruce stations, and therefore each methodology is discussed in turn below.  


21.1.2.1 Regulated Nuclear Facilities 
The approved regulatory treatment of the nuclear decommissioning and waste management costs is 
based on OPG’s financial accounting values, with application of regulatory constructs. OPG’s 
financial statements are prepared in accordance with US GAAP and therefore OPG recognizes the 
effects of decommissioning and nuclear waste management costs in accordance with ASC 410-20, 
Asset Retirement Obligations (formerly FAS 143).  


The ratemaking approach takes into account the following:290 


‐ Depreciation of the ARC on the basis reported in OPG’s financial statements (ARC is 
considered to be a component of rate base); 


‐ Return on the undepreciated ARC at the weighted average accretion rate of the ARO balance 
as reported in OPG’s financial statements.291 This accretion rate is applied to the lesser of 
the “unfunded nuclear liabilities” (“UNL”) or undepreciated ARC. The portion of undepreciated 
ARC in excess of the average UNL, if any, receives a return on rate base at OPG’s approved 
weighted average cost of capital. UNL is calculated as the difference between the ARO 


 
288 The regulation also requires that OPG’s rates be reduced by the revenues the company earns with respect 
any lease of the Bruce stations. 
289 Ontario Power Generation Inc. 2019 Annual Information Form, p.  9  
290 EB-2016-0152, Exhibit C2, Tab 1, Schedule 1, May 27, 2016, P.8 
291 The weighted average accretion rate is the average of the discount rates used to establish each ARO 
tranche in accordance with US GAAP, weighted by the value of each tranche. 
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liability and segregated fund assets for decommissioning and waste management on the 
basis reported in the company’s financial statements; and 


‐ The variable used fuel management and waste management expenses related to incremental 
quantities of fuel and low and intermediate level waste generated in each period. 


Accretion expense on the ARO and the earnings on segregated funds are excluded from the revenue 
requirement. In effect, it appears the OEB’s approved methodology effectively replaced these 
elements of financial accounting income and expense with a regulatory construct that applied the 
‘lesser of’ formula above.  


In directing the use of this ‘lesser of’ approach in EB-2007-0905, the OEB recognized that accretion 
expense represents a incurred cost: 


“The Board disagrees with CCC's submission that OPG should earn no return on unfunded amounts. 
Clearly, OPG incurs accretion expense (at an average rate of 5.6%) on its nuclear liabilities whether 
they are funded or not.”292 


It also appears that the OEB recognized that a portion of OPG’s to-be-recovered ARC may already 
be funded (by virtue of amounts contributed to the segregated funds) when it set out the application 
of the ‘lesser of’ approach:  


“When the average unfunded nuclear liabilities exceed the amount of unamortized ARC in fixed 
assets, then the portion of rate base that attracts the 5.6% return [i.e. weighted average accretion 
rate at the time] would be capped at the average amount of unamortized ARC; if the average 
unfunded liabilities are forecast to be lower than the average unamortized ARC, it is appropriate to 
limit the portion of rate base that attracts the 5.6% return to the unfunded amount. That approach 
recognizes that OPG has raised debt (or used its retained earnings) to fund part of the unamortized 
ARC.”293 


Consideration of FAS 143 Treatment in Other Jurisdictions 


The discussion in the OEB’s EB-2007-0905 decision highlighted the possibly unique position of the 
regulator with respect to OPG’s nuclear facilities entering regulation after the adoption of FAS 143 
(and its then-Canadian equivalent CICA Handbook Section 3110), compared to historically regulated 
US utilities. In effect, the OEB had to establish an initial method of recovery in different circumstances 
than its counterparts. Some of the OEB’s observations in this regard included: 


“As noted by OPG and intervenors, there does not appear to be any consistent and generally 
accepted treatment of AROs and ARCs in other North American jurisdictions. The standards 
governing the financial accounting for AROs are relatively new. The FASB in the United States 
issued Statement No. 143 in 2001, and the CICA Handbook section 3110 in 2003. Whether 
North American regulators will ultimately modify their ratemaking approaches to be compatible 
with the accounting standards is not clear.”294 


 “With respect to rate regulated nuclear plants in the United States, OPG's expert on cost of 
capital provided her views on the impact of FASB Statement No. 143, Accounting for Asset 
Retirement Obligations, which is virtually identical to CICA Handbook Section 3110. She 


 
292 EB-2007-0905 Decision with Reason, November 3, 2008, p. 91. 
293 EB-2007-0905 Decision with Reason, November 3, 2008, p. 90. 
294 EB-2007-0905 Decision with Reason, November 3, 2008, p. 88. 
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indicated that "FASB 143 has not resulted in material changes in regulatory practice with 
respect to rate base or capital structure for U.S. utilities with ARCs and AROs.”” 295 


“There was no evidence provided at this hearing that any regulator has yet permitted the 
inclusion of ARC in rate base.” 296  


As described in this study, ultimately, the adoption of FAS 143 by the US entities did not result in 
changes to the rate recovery practices historically approved by the US economic regulators. 


21.1.2.2 Bruce Nuclear Facilities 
For the Bruce facilities, the OEB applies a financial accounting approach, in accordance with 
generally accepted accounting principles, for determining the revenue requirement impact of OPG’s 
decommissioning and waste management obligations for the Bruce facilities. The OEB adopted this 
approach on concluding that it was not reasonable, under Ontario Regulation 53/05, to calculate 
OPG’s costs related to an unregulated activity, being its lease of the Bruce stations, using an 
approach that an unregulated company would not be permitted to use.297 Thus, OPG recovers the 
following as its costs of decommissioning and waste management:298  


‐ Depreciation of the ARC for the Bruce facilities treated in the same manner as depreciation on the 
ARC for the Regulated facilities; 


‐ Accretion expense of the ARO for the Bruce facilities; 


‐ The variable used fuel management and waste management expenses related to incremental 
quantities of fuel and low and intermediate level waste generated in each period; and 


‐ Segregated fund earnings attributed to the Bruce facilities. 


21.1.3 Other Observations 


21.1.3.1 Decommissioning Segregated Funds 
OPG has established two segregated trust funds in order to meet the CNSC’s financial assurance 
requirements related to the decommissioning and waste management for the Pickering, Darlington 
and Bruce plants. The funds are established, maintained and managed pursuant to the Ontario 
Nuclear Funds Agreement (ONFA), a bilateral agreement between OPG and the Province of 
Ontario.299  The two segregated funds are the Decommissioning Segregated Fund (“DF”) and the 
Used Fuel Segregated Fund (“UFF”).  


The UFF is intended to fund costs of long-term nuclear used fuel waste management, while the DFF 
is meant to pay for the cost of decommissioning plants and the cost of managing low and intermediate 


 
295 EB-2007-0905 Decision with Reason, November 3, 2008, p. 84. 
296 EB-2007-0905 Decision with Reason, November 3, 2008, p. 89. 
297 EB-2007-0905 Decision with Reason, November 3, 2008, p. 110. 
298 EB-2016-0152, Exhibit C2, Tab 1, Schedule 1, May 27, 2016, P.10-12 
299 Ontario Power Generation Inc. 2019 Annual Information Form, p. 29 
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level waste. A portion of the UFF is set aside in a separate trust to meet the requirements of the 
Nuclear Fuel Waste Act.300 


The level of OPG’s required payments to each of the funds is determined by comparing segregated 
fund balances at a point in time with a Provincially-approved reference plan that sets out the cost 
estimates for OPG’s decommissioning and waste management obligations. The main parameters of 
this calculations are determined as follows:301 


‐ The ONFA reference plan, including all cost estimates and assumptions, is required to be updated 
every five years (or whenever there is a significant change as determined under the ONFA).  


‐ Cost estimates are prepared by OPG with the assistance of external experts and reviewed by the 
CNSC and the Province, with operating assumptions and cost escalation rates determined through 
the cost estimating process.  


‐ The investment earnings assumption used to determine the contributions is prescribed at 3.25% 
real rate of return under the agreement.  


‐ The ONFA also sets out certain rules for calculating contribution amounts, including prescribing 
that any deficit for a portion of the UFF is to be funded over the original expectation of operating 
lifespans of the nuclear stations in 1999 (or within five years if those dates have lapsed). 


The above inputs and calculations under the ONFA and the resulting fund contribution amounts are 
not subject to approval by the OEB. 


 


21.1.3.2 CNSC Nuclear Requirements 
The Canadian Nuclear Safety Commission (the “CNSC”) is the federal regulator of nuclear power and 
materials in Canada. The CNSC regulates the use of nuclear energy and materials to protect health, 
safety, security and the environment; to implement Canada’s international commitments on the 
peaceful use of nuclear energy; and to disseminate objective scientific, technical and regulatory 
information to the public.302 


The CNSC was established in 2000 under the Nuclear Safety and Control Act (the “NSCA”) and 
reports to Parliament through the Minister of Natural Resources. Neither the Minister nor the 
Governor in Council has a role in the CNSC's decision-making or the power of appeal. Its decisions 
are reviewable only by the Federal Court of Canada. The CNSC's regulatory framework consists of 
laws passed by Parliament governing the regulation of Canada's nuclear industry, and regulations, 
licences and documents that the CNSC uses to regulate the nuclear industry.303 


Under the NSCA, the CNSC regulates the entire life cycle of nuclear power plants. Decommissioning 
activities are the actions taken by a licensee at the end of the useful life of the reactor. The decision 
to stop operating and to decommission is taken solely by the licensee. The CNSC's role is to ensure 
that decommissioning activities are carried out in accordance with the CNSC regulatory requirements 


 
300 Ontario Power Generation Inc. 2019 Annual Information Form, p. 31 
301 EB-2007-0905, Exhibit H1, Tab 1, Section 3.0. 
302 The Commission - Canadian Nuclear Safety Commission, website nuclearsafety.gc.ca/eng/the-
commission/index.cfm accessed on December 31, 2020 
303 ibid 
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to ensure protection of the workers, the public and the environment, and to implement Canada's 
international commitments.304 


It was a policy-based decision to impose financial guarantee licence requirement to pay for 
decommissioning in nuclear facilities. Generally, financial guarantees are intended to ensure 
sufficient financial resources will be available for decommissioning, regulating the full lifecycle and 
ensuring sustainable development.  


Preliminary Decommissioning Plans  


Applicants and licensees are expected to provide preliminary decommissioning plans that adequately 
contemplate end of life and site remediation from the beginning. The CNSC Staff typically work with 
applicants and licensees prior to hearings to ensure decommissioning plans are realistic and feasible. 
Preliminary decommissioning plans are expected to demonstrate that: 


‐ The planned decommissioning activities will remediate all significant impacts and hazards to 
persons and the environment in a technically feasible fashion, 


‐ Such plans assure compliance with all applicable requirements under law, and 


‐ Such plans enable credible estimates of the dollar amount of financial guarantees. 


The CNSC generally requires a five-year review period of decommissioning plans.305 


 


 


 
304 Decommissioning of nuclear power plants – From website nuclearsafety.gc.ca/eng/resources/fact-
sheets/decommissioning-of-nuclear-power-plants, accessed on December 31, 2020. 
305 The Financial Liability of Industry as Part of the Legal Framework – A Canadian Case Study – November 
21-22, 2017 
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Part III – Other Jurisdictions 
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22 France 


22.1 Industry and Market Structure 
Électricité de France (“EDF”) has historically been the dominant electricity supplier in France, where 
it provided service as a vertically integrated monopoly utility.  


EDF is owned 83.7% by the French government.306 


EDF owns nuclear generators in both France and the United Kingdom. This chapter focuses on the 
decommissioning cost related mechanisms in France. Mechanisms for recovery of decommissioning 
costs in the United Kingdom are covered separately in Chapter 23. 


Like other European jurisdictions, France has been required by European Union policies to implement 
a competitive electricity market. In order to facilitate the opening up of the market and to allow for 
competitive entry by alternative commodity suppliers, the French government has provided access to 
a fixed amount of output from EDF’s nuclear fleet at a regulated, fixed price.  Thus, up to 100 TWh of 
electricity is currently made available annually at a fixed price of €42 to rival suppliers. This regulated 
access to fixed price supply is referred to as “ARENH”.307 It accounts for about 25% of the output of 
EDF’s nuclear fleet.308 An additional amount of output reflects sales at a price that is capped by the 
ARENH rate but that is subject to market price risks on the downside. 


A consequence of the ARENH price mechanism is that EDF receives a regulated, fixed price for the 
associated portion of its output. The remainder of its output is subject to pricing risks in the electricity 
spot market. Moody’s Investors Service characterizes EDF’s electricity sales according to their market 
exposure as summarized in Exhibit 22-1 below. 


Exhibit 22-1 


 
 


The rest of this Chapter discusses the relationship between ARENH and recovery of 
decommissioning and waste management costs, and provides our findings related to the financial 
assurance arrangements for these obligations. 


 


 
306 Moody’s Investors Service, Electricité de France, Credit Opinion, 3 July 2019, p. 2.  
307 ARENH is an abbreviation of “Acces Regulé a l’Electricité Nucleaire Historique”. 
308 S. Ambec and C. Crampes, “Regulated Access to Incumbent Nuclear Electricity”, Florence School of 
Regulation, 16th January 2019. 
 


Distribution of Electricity Sales by Market Exposure (2018)


TWh Percent
At ARENH price 100 22%
At minimum of market price and ARENH 230 51%
At Market Price 80 18%
Long Term Contracts 40 9%
Total 450 100%
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ARENH Pricing Mechanism 


The ARENH price was initially set at €40 per MWh by government legislation in 2011.  In January 
2012, the price was increased to €42 per MWh. The price was increased in order to account for 
increased investments in safety measures as a result of the Fukushima events.309   


From 2014 forward, the price was to be set by the energy regulator (“CRE”) according to a 
methodology to be defined by decree. According to a review of the initial governing legislation, the 
intention for this price-setting methodology was that the ARENH price should be cost based, taking 
into account operating costs, investment, and decommissioning and waste management provisions.    


However, it appears that the principles outlined in the governing legislation are imprecise. For 
example, one research paper argues the following:  


“This description of the principles and terms on which the ARENH tariff is to be based is so vague 
that it is not possible to draw any conclusions about its level. The economic or accounting method 
that will be used to calculate the ARENH tariff will be set forth in a decree. It should be borne in 
mind, however, that the same data can yield different results depending on the method used.” 310 


We further note that, as of June 2020, the government had still not issued the methodology for the 
calculation of the ARENH price.  Accordingly, in subsequent decisions with respect to consumer retail 
prices, the CRE has left the ARENH price unchanged at the level of €42 per MWh value set in 2012. 


Under governing legislation, the ARENH pricing mechanism is set to expire in 2025.  


In January 2020 the French government launched a consultation process with regards to the plan to 
reform the economic regulations for nuclear facilities, and their construction and operating principles. 
The proposed regulations would replace the ARENH mechanism and take the form of a price 
corridor.311 We understand that a stated aim of the revisions is to both protect consumers from rising 
market prices after 2025 and to provide EDF with the financial capacity to meet the PPE in low-price 
scenarios.312  


The government has commissioned the CRE to carry out an assessment of the costs borne by the 
nuclear operator, and determine fair remuneration for its nuclear activities under the government’s 
potential future regulation.313 


Based on the foregoing, while a portion of nuclear output sold is a regulated fixed price, the 
relationship of this prices to the underlying costs for decommissioning and waste management is not 
clear.  Although the price may have been broadly intended to be representative of actual costs, it was 
administratively set at what appears to be a somewhat arbitrary value and has not been updated 
since 2012.  


Because changes in accounting costs do not appear to flow directly to consumers, changes in 
decommissioning costs may partly be borne by utility shareholders, the largest of which is the French 
government. 


 
309 Julien Tognola, “Costs, prices and tariffs in EU electricity markets – The Case of France”, General 
Directorate for Energy and Climate, Government of France, 9 July 2014. p. 14.  
310 Francois Leveque, “France’s new Electricity Act: a barrier against the market and the European Union”, 
University of Cambridge, EPRG Working Paper 1036, December 2010, p. 11. 
311 Fitch Ratings, “Consultation on French Nuclear Regulation a Positive Development for EDF”, 4 February 
2020.  
312 EDF 2019 Annual Report, p. 58. 
313 EDF Half-Year Financial Report at June 30, 2020, p. 26-27. 
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22.2 Financial Assurance Mechanism 
In this section, we summarize some observations on EDF’s financial assurance mechanism related 
to decommissioning and waste management.  


According to the EDF 2019 annual report, Article L. 594 of France’s Environment Code and 
associated regulations require dedicated assets to be set aside for the secure financing of nuclear 
plant decommissioning expenditures and long-term storage expenditures for radioactive waste.  


Dedicated assets are identified and managed separately from the company’s other financial assets 
and investments and are subject to specific monitoring and control by the Board of Directors and 
administrative authorities.314  


The EDF annual report further notes:  


“The law requires the realisable value of dedicated assets to be higher than the value of the 
provisions corresponding to the present value of the long-term nuclear expenses defined 
above.”315 


It also notes: 


“the annual allocation to dedicated assets, net of any increases to provisions, must be positive or 
zero as long as their realisable value is below 110% of the amount of the provisions 
concerned;”316 


It thus appears that withdrawals are not permitted when dedicated assets are less than 110% of the 
value of provisions but may be permitted when they are greater than 110%. 


The EDF annual report also provides some disclosure of current and forecast contribution levels. It 
notes: 


“Because of changes (other than regulatory modifications) in the assumptions used to calculate 
long-term nuclear provisions, the required allocation to dedicated assets for 2018 amounted to 
€1,337 million. The administrative authorities authorised EDF to spread this allocation as follows: 
€540 million in 2019 and 2020, and €257 million in 2021. Allocations to dedicated assets in 2019 
thus totalled €540 million in realisable value (€387 million in 2018) (see note 48.5), and took the 
form of shares rather than cash. At 1 January 2019, the outstanding required allocation for 2018 
amounts to €797 million. In accordance with the letter received on 12 February 2020 (see note 
32.1.5.1), this allocation must be made in 2020, but no allocation is required in respect of 2019.”317 


Based on the above excerpt, it appears that there is regulatory oversight in place directed to ensuring 
that there is sufficient funding for dedicated assets.  


 
314 EDF 2019 Annual Report, p. 147. 
315 EDF 2019 Annual Report, p. 148. 
316 EDF 2019 Annual Report, p. 148. 
317 EDF 2019 Annual Report, p. 151. 
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22.3 Other Observations 


A.1.1 Determination of Discount Rates 
In this section, we set out our observations on the determination of discount rates used in calculating 
EDF’s liabilities for decommissioning and waste management in accordance with IFRS. Unlike US 
GAAP that maintains the discount rate used to establish the ARO at its inception, IFRS requires an 
ARO to be remeasured using a current discount rate each reporting period. The discount rate used 
by EDF appear to be determined using a multi-layered approach that may have a significant impact 
on the resulting obligation values.  


The EDF annual report indicates that the provisions established for EDF’s nuclear generation fleet in 
France result from the Law of 28 June 2006 on long-term management of radioactive materials and 
waste, and the associated implementing provisions concerning secure financing of nuclear expenses. 
EDF recognizes the value of these obligations in its financial statements in accordance with IFRS, on 
a present value basis.318 


For the calculation of provisions relating to the NPV of nuclear liabilities, the discount rate is 
determined based on long-series data for a sample of bonds with maturities “as close as possible to 
that of the liability”. 319 


The 2019 annual report further notes: 


“The benchmark used to determine the discount rate is the sliding 10-year average of the return 
on French OAT 2055 treasury bonds which have a similar duration to the obligations, plus the 
spread of corporate bonds rated A to AA, which include EDF. 


The methodology used to determine the discount rate, particularly the reference to sliding 10-
year averages, is able to prioritise long-term trends in rates, in keeping with the long-term horizon 
for disbursements. The discount rate is therefore revised in response to structural developments 
in the economy leading to medium and long-term changes. 


…the assumed inflation rate is determined in line with the forecasts provided by consensus and 
expected inflation based on the returns on inflation-linked bonds.” 


Key figures are summarized in Exhibit 22-2 below. 


Exhibit 22-2 – Discount Rate for Nuclear Provisions 


 


 
318 EDF 2019 Annual Report, p.101.   
319 EDF 2019 Annual Report, p.109.  At the same reference, the annual report also cautions that some related 
expenses will be dispersed over periods of duration significantly longer than the duration of instruments 
generally available on financial markets 


Discount Rate (%)


Dec 31, 2018 Dec 31, 2019


Discount Rate 3.9 3.7
Assumed Inflation 1.5 1.4
Real Discount Rate 2.4 2.3
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The annual report also notes that the discount rate must comply with certain regulatory limits as set 
out by the French government. Based on these requirements, the discount rate must be lower than: 


‐ a regulatory maximum, set until 31 December 2026 as the weighted average of two terms, the first 
set at 4.3%, and the second corresponding to the arithmetic average over the 48 most recent 
months of the TEC 30-year rate plus 100 points. The weighting given to the first constant term of 
4.3% reduces on a straight-line basis from 100% at 31 December 2016 to 0% at 31 December 
2026; 


‐ and the expected rate of return on assets covering the liability (dedicated assets).320 


The ceiling rate based on the TEC 30-year rate was 3.8% for 2019.  


The annual report also references certain changes that were being made to the regulatory limit, as 
per a letter dated 12 February 2020, which is the same letter referenced above in the discussion of 
required allocations (contributions) to dedicated assets.  


Overall, it appears that EDF may be using an atypical approach to set the discount rate for 
determining its obligation for nuclear asset retirement and waste management under IFRS. EDF’s 
approach appears to use a historical rolling average bond yield, subject to an externally mandated 
maximum rate and the expected rate of return on the assets covering the liability. We have not 
investigated further the basis for this treatment in accordance with IFRS. 


 


 
320 EDF 2019 Annual Report, pp.109. 
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23 United Kingdom 


23.1 Industry and Market Structure 
The United Kingdom has a competitive electricity market, with an active retail market for end-
consumers.  Transmission and distribution companies with monopoly service territories operate 
independently of companies in the competitive generation sector. 


Although generation is a competitive activity, the government has stepped in and offered fixed-price 
contracts for low-carbon generation, including renewable sources and new nuclear construction.  The 
additional costs of these fixed price contracts will be flowed through to electricity consumers. 


The nuclear reactors currently operating or under construction in the UK can be grouped into two 
broad categories: 


‐ A group of eight reactors now owned by EDF, all of which were completed prior to 1996. These 
are referred to as “second generation” reactors, as distinct from an earlier group of reactors that 
are no longer operational. 


‐ One new reactor at Hinkley Point (“Hinkley Point C” or “HPC”), which is currently under 
construction by EDF in partnership with China General Nuclear. 


Of the eight reactors in the second generation, one reactor (Sizewell B) is the only PWR built in the 
UK. The remaining seven reactors are Advanced Gas-Cooled Reactors (“AGR”s).  


The overall price for power for Hinkley Point C is set by contract and increases by CPI over the 
contract term. As noted in Chapter 3, this type of contractual pricing regime effectively breaks the 
direct link between rates paid by consumers and operating costs (where operating costs may include 
decommissioning and waste management provisions) that is associated with traditional rate 
regulation.321 For added context, we review below the decommissioning funding structure in place for 
Hinkley Point C in the context of the overall contractual arrangement. The structure is meant to ensure 
that all costs of decommissioning are ultimately paid by the facility owner. 


With respect to the second generation reactors that operate within a competitive market for 
generation, EDF must recover its various costs through the prices that it bids into the electricity pool 
and those it arranges in any bilaterally-negotiated contracts. As noted in Chapter 3, this means there 
is no observable link between decommissioning costs and revenues. For additional context, we 
provide below a summary of our research into the decommissioning cost sharing arrangement in 
place for the second generation reactors between EDF and the UK Government.  


In addition to the two groups of operating reactors noted above, there are a number of reactors that 
have already been shut down. This is the so-called “first generation” reactors. For this first generation 
of reactors, the UK. government retains full responsibility for decommissioning costs and associated 
funds are paid by the UK Treasury. Hence, no consumer contributions are provided. 


 
321 Government sources estimated in 2013 that, for Hinkley Point C, provisions for decommissioning and a share 
of waste management costs would account for about £2 of the overall negotiated strike price (of about £90/MWh). 
(Statement by Edward Davey, as reported in Hansard 21 October 2013, Column 24-25.) 
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23.2 Second Generation Reactors 
British Energy was the owner of the second-generation nuclear fleet in the UK  and was privatized in 
1996. It ran into financial challenges in 2002 as a result of decreases in wholesale energy prices and 
some operational issues that occurred in parallel at some of its nuclear reactors. The company then 
underwent a restructuring process that was followed by government investment in the restructured 
firm. In 2011, British Energy was acquired by EDF. 


23.2.1 Financial Assurance Mechanism 
Decommissioning of the second generation nuclear fleet will be funded by the Nuclear Liabilities Fund 
(“NLF”). Operation of the NLF is governed by the Nuclear Liabilities Funding Agreement (“NLFA”)..322 
NLF was set up in 2005 as part of the restructuring led by the UK government in order to stabilize 
British Energy’s financial position. British Energy was acquired in 2011 by EDF, which assumed 
British Energy’s obligations under the NLFA.323 


As noted by the UK National Audit Office (“NAO”), the UK government stepped in during the 
restructuring process because “unplanned closures of British Energy’s nuclear power stations would 
have had safety implications and put electricity supplies at risk”.324 The government also recognized 
that, to ensure a viable company, it would need to take responsibility for a large proportion of the 
company’s liabilities, including its liabilities for decommissioning and spent fuel management. 


As noted by the NAO, the government’s efforts focused on “securing the maximum ongoing 
contribution from the Company [British Energy] towards meeting the liabilities whilst reducing the risk 
that these contributions could put the company in jeopardy in the future. The mechanism put in place 
was a cash sweep plus a fixed annual contribution. The cash sweep requires the Company to make 
a bigger contribution to the Nuclear Liabilities Fund when it is doing well.”325  Thus, contributions are 
not based strictly on estimated costs, but take into account affordability from the company’s 
perspective. This is an atypical approach to financial assurance mechanism based on our research. 


A summary of certain key terms of the restructuring agreements includes:  


‐ The NLF agreed to fund, to the extent of its assets, two categories of costs:  


‐ Qualifying contingent and/or latent nuclear liabilities associated with the. Sizewell B reactor, 
including those liabilities associated with the management of spent fuel. 


‐ Qualifying decommissioning costs for EDF’s AGR reactors. 


‐ The Secretary of State agreed to fund the above noted items to the extent that they exceed the 
assets of NLF. The Secretary of State will also fund, subject to a cap, qualifying known existing 
liabilities for spent fuel that was loaded in EDF’s AGR reactors prior to January 15, 2005. 


‐ EDF is responsible for funding certain excluded or disqualified liabilities and additional liabilities 
that could be created as a result of failure to meet minimum standards under applicable law. 


EDF also made commitments to pay: 


 
322 Nuclear Liabilities Fund, 2019 Annual Report and Accounts, p. 2. 
323 EDF 2018 Annual Report, p. 105. 
324 National Audit Office, “The restructuring of British Energy”, 17 March 2006, p. 2. 
325 National Audit Office, “The restructuring of British Energy”, 17 March 2006, p. 2. 
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‐ Annual decommissioning contributions for a period limited to the useful life of the plants as of the 
date of the restructuring agreements; the corresponding provision amounts to €117 million at 31 
December 2019. 


‐ £150,000 (indexed to inflation) per tonne of uranium loaded in Sizewell B after the date of the 
restructuring agreements.326 


EDF also entered into separate agreements with the Nuclear Decommissioning Authority for 
management of AGR spent fuel and associated radioactive waste resulting from operation of the AGR 
power plants after 15 January 2005. The fee paid is also £150,000 (indexed to inflation) per tonne of 
uranium, plus a rebate or surcharged dependent on market electricity prices and electricity generated 
in the year. The rebate and surcharge provides for contributions to adjust in response to EDF’s actual 
market earnings.  


EDF bears no responsibility for spent fuel and associated radioactive waste once it is transferred to 
the processing site at Sellafield, an intermediate processing facility. 


23.3 Hinkley Point C 
Hinkley Point C has been developed under the UK Government’s current policy for the development 
of new nuclear plants. Under this policy, all new nuclear sites will have to put money aside from the 
start to pay for their eventual decommissioning. All of the money for decommissioning is therefore to 
be recovered from revenues from the sale of electricity. This differs from funding for the first and 
second generation reactors, where all or some monies are ultimately paid by the taxpayer.  


To support the building of Hinkley Point C, the government has provided it with a stable revenue 
stream, as embedded in a Contract for Differences (“CfD”). The CfD provides Hinkley Point with a 
price per kWh of output that is effectively fixed in real terms over a 37-year period. This contract works 
as follows: 


‐ The CfD provides a full top-up to facility owners if the market price is below the contract price. 


‐ Facility owners must return to the government any additional revenue that results when the market 
price exceeds the contract price. 


The facility is expected to be operational for 60 years. Beyond year 37, facility owners face full market 
price risk. Because there is a risk that the facility may no longer be economic to run, provisions for 
recovery of decommissioning costs have been designed to ensure the costs full recovery of these 
costs during the initial 37-year period. 


23.3.1 Decommissioning Financial Assurance Framework 
Under the UK Government’s current framework, the plans for the decommissioning and waste 
management for new nuclear sites must be set out in a Funded Decommissioning Programme 
(“FDP”), with the onus on the generator to propose and negotiate the extent to which payments will 
be required. Such plans must be approved and put in place in advance of construction – the 
development of a plan and its negotiation with the Department of Business, Energy and Industrial 
Strategy (“BEIS”) constitutes a key part of the planning and licensing process of UK new nuclear. The 


 
326 EDF 2019 Annual Report, p. 112. 
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most important principle for this FDP is prudence and Directors can be held criminally liable for not 
meeting decommissioning liabilities. 


Legislation and FDP guidance anticipates that the FDP will take the form of two main documents: 


‐ A Decommissioning and Waste Management Plan describing all the works and activities needed 
along with cost estimates, and  


‐ A Funding Arrangements Plan, a legally binding contract that sets out how the operator will finance 
the estimated costs. 


23.3.2 Decommissioning Funding Parameters for Hinkley Point C 
For Hinkley Point C, the FDP provides that money for decommissioning will be set aside in a fund 
throughout operations. This fund is structured in a similar way to a pension fund –i.e. an actuarial 
approach is used to fund the future decommissioning liability estimate.  


The funding approach incorporates a number of important features, many of which are designed to 
ensure that there is very limited risk that funds will be insufficient to pay for future decommissioning 
expenditures. These features are as follows:327 


‐ The decommissioning cost estimates that are used to calculate required funding levels are 
designed to be “P80” estimates. In other words, they are conservative estimates, where the 
probability that they will be exceeded should only be 20%. 


‐ The operator must provide funding that exceeds the P80 estimate noted above by 25%. This 
provides an additional “buffer” in funded amounts. 


‐ The FDP must provide for 100% of the funds needed for decommissioning to be set aside by the 
end of year 37. This is the year in which the CfD that provides price certainty to the facility comes 
to an end. 


‐ Between years 37 and 60, the facility must annually contribute additional funds to cover the 
incremental increases in decommissioning costs for spent fuel and intermediate level waste that 
are generated as a result of continued facility operation.  


‐ A profile of base case contributions to the fund has been calculated assuming that funds will earn 
at 1.5% real return until year 33. 


‐ An additional “correction” contribution will be added to the required base case contribution in years 
in which fund balances are below target balances. (In years in which actual balances exceed 
target, a deduction can be used to offset a portion of the base case contribution.) Correction 
adjustment percentages increase in later years of the contract.328 


‐ Fund investments must be “de-risked” in the later years of the plan. Thus, by year 25, not more 
than 35% of fund assets may be invested directly or indirectly in equities. By the end of year 37, 
at least 50% of fund investments must thus be in the form of specified government securities, with 
the balance of investments limited to corporate bonds (i.e. no equities). By year 60, and until the 


 
327 Nuclear Liabilities Financing Assurance Board (NLFAB), Advice to the Secretary of State, Funding 
Arrangements Plan for Hinkley Point C. 
328 NLFAB, Advice to the Secretary of State, Funding Arrangements Plan for Hinkley Point C., p. 50. 
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site is fully decommissioned, funds must be invested fully in government securities and cash and 
cash equivalents and permitted derivatives.329 


‐ Payments to the fund must be made before debt repayments and dividends. .330 


Notwithstanding the significant risk reducing features noted above, the funding profile itself is ‘back 
ended,’ providing for more contributions in later years of the CfD period.331 In this regard, the Nuclear 
Liabilities Financing Assurance Board has observed the following: 


“The Board notes that the build-up of the fund is severely ‘back-ended’. As an illustration of this, 
if the fund were to be build up evenly over the 37 year period rather than being back-ended, the 
fund would be 34 percent funded after 15 years rather than the 15 percent, and 77 percent. 
funded after 30 years rather than 61 percent (assuming a level annual contribution in real terms 
and that asset returns match the assumed long-term discount rate).”332 


 
329 NLFAB, Advice to the Secretary of State, Funding Arrangements Plan for Hinkley Point C., p. 54. 
330 In respect of the provision that fund payments take precedence over debt repayments and dividends, the 
NAO has noted that this made it more difficult for the Hinkley Point project to obtain project finance. This meant 
that it had to be funded through equity, with a corresponding increase in required returns. (National Audit 
Office, Hinkley Point C, June 2017, p. 57.) 
331 Contributions to decommissioning funds are somewhat back-end loaded within the initial contract period for 
Hinkley Point C. This is a characteristic of the specific funding schedule for such contributions that is outlined in 
the Hinkley Point C agreement. However, from the perspective of the overall period of plant operation, 
contributions are somewhat front-end loaded. This reflects the fact that all of the fixed costs of decommissioning 
are recovered during the initial contract period (thereby shifting costs forward from the subsequent period of 
open-market operation) 
332 NLFAB, Advice to the Secretary of State, Funding Arrangements Plan for Hinkley Point C., p. 16. 
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Exhibit 23-1 below provides a graphical representation of funding arrangements. 


Exhibit 23-1 – Decommissioning Funding 333 


 


 


23.3.3 Spent Fuel and Intermediate Level Waste 
As noted earlier, the UK government has agreed to accept radioactive waste (ILW and spent fuel) 
from Hinkley Point C. The waste will be handed in a future Geological Disposal Facility. which will 
also be used to house waste from other nuclear plants and from government defence sites. 


The government will set the final price for handling Hinkley Point C’s radioactive waste in 2050 but, 
to avoid an unquantifiable liability on the developer’s balance sheet, it has capped the price at £5.9 
billion (in 2016 prices). This value was well in excess of then current cost estimates of £2.9 billion 
(also in 2016 prices), which provides some buffer against potential cost increases. Nevertheless, the 
UK Government will be responsible for any shortfall if costs escalate beyond the cap of £5.9 billion.334 


 


 
333 Funding Arrangements Plan – Hinkley Point C, KPMG analysis 
334 National Audit Office, Hinkley Point C, June 2017, p. 57. 
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24 Finland 


24.1 Industry and Market Structure 
There are two operating nuclear plants in Finland, comprising a total of four reactors. Nuclear 
generation currently provides approximately 30% of Finland’s electricity, however, that number may 
rise closer to 60% as a fifth reactor is under construction and a sixth is in the planning phase.335 


In 2019 the Finnish government announced a new energy policy aimed at achieving carbon neutrality 
by 2035. The policy shift would see coal power phased-out completely by 2029, while the contribution 
from nuclear power will continue to grow. In addition to the two new nuclear power reactors to be 
commissioned, the country is considering an extension of the operating lifetime of existing 
reactors.336, 337 


Under the Nuclear Energy Act 1987, Finland’s Ministry of Economic Affairs and Employment 
(“MEAE”) is responsible for supervision of nuclear power operation and waste disposal. The National 
Nuclear Waste Management Fund, further discussed below, is under the mandate of the MEAE. 


Finland is part of the deregulated Nordic Power Pool, connected to the systems in Denmark, Norway 
and Sweden. Accordingly, there is a competitive electricity generation market. 


There are four operating nuclear reactors in Finland, with operational control distributed as follows: 


‐ Fortum, a conventional publicly-traded utility, operates two modified Russian pressurized water 
reactors with Western containment and control systems at the Lovissa facility. Fortum also 
operates in a number of other jurisdictions, including Sweden and Russia. 


‐ Teollisuuden Voima Oyj (“TVO”), operating under the Mankala (cost-price) principle discussed 
below, operates two boiling water reactors at the Olkiluoto plant.  


Exhibit 24-1 below summarizes the ownership and expected decommissioning dates for the operating 
nuclear plants. 


Exhibit 24-1 – Finland’s Operating Nuclear Power Reactors 


 
 


 
335 World Nuclear Organization, “Nuclear Power in Finland – Country Profile”, Updated April 2020.  
336 World Nuclear News, “Finland aims for carbon neutrality by 2035”, 06 June 2019. 
337 World Nuclear Organization, “Nuclear Power in Finland – Country Profile” Updated April 2020.  
 


Operating Nuclear Plants


Reactor Name Owner Expected Shutdown
Loviisa 1 Fortum 2027
Loviisa 2 Fortum 2030
Olkiluoto 1 TVO 2038
Olkiluoto 2 TVO 2038
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In 2018, the Government of Finland extended the operating license for the Olkiluoto units for the next 
20 years (to 2038). In 2018, Olkiluoto 1 had a major maintenance outage that included replacement 
and upgrade of a number of system and equipment components.338 


There are two nuclear reactors currently under construction. Olkiluoto 3 was expected to begin 
operating in 2020.339 The start date has since been delayed to 2022.340  The country’s sixth nuclear 
reactor, Fennovoima Hanhikivi 1, is expected to begin construction in 2021, with operations starting 
in 2028.341 It will be built by Fennovoima Oy, which is a new nuclear power company that is organized 
under the Mankala principle, with 60 participating shareholding companies.342 


TVO and Fortum have jointly established a private company Posiva Oy (“Posiva”) to carry out all 
tasks related to the final disposal of spent nuclear fuel from the TVO and Fortum reactors. Plans for 
final disposal are approved by the Ministry of Employment and the Economy. 343 Posiva recovers its 
costs from the nuclear operators. 


Our review of Finland has focused on TVO in order to investigate the recovery of decommissioning 
costs under the Mankala principle. 


24.1.1 Mankala (Cost-Price) Principle 
A unique feature of the Finnish electricity sector is the presence of a number of non-profit utilities that 
operate on the so-called “Mankala principle”. These utilities developed after World War II as a means 
of facilitating the development of power generation plants in a country with limited financial market 
access. Under such as an arrangement, shareholders, who typically comprise large individual 
companies, retailers, and municipal distributors, commit to paying all of the costs of a utility, in return 
for getting access to the power produced. As a result, these “non-profit” utilities can provide power 
“at cost”, bypassing the pricing set in the competitive power pool.344 The model is viewed as 
particularly beneficial for industrial companies with large power needs that are looking for the supply 
of power at a stable price.  Observers argue that the Mankala financing structure enables a more 
competitive electricity system, with a broader range of participants.345 


24.2 Financial Assurance Mechanism 
Nuclear operators cover their nuclear waste management obligations under the Nuclear Energy Act 
through payments to the Finnish Nuclear Waste Management Fund (“VYR”). The obligation covers 


 
338 TVO, 2018 Report of the Board of Directors and Financial Statements, p. 2. 
339Fitch Ratings, Teollisuuden Voima Oyj (TVO) – Rating Report, 27 November 2019, p. 1. 
340 https://yle.fi/uutiset/3-11516011 
341 Fennovoima, 2019 Annual Report, p. 50. 
342 International Atomic Energy Association, “Finland - Country Profile”, Updated May 2019. 
343 TVO, 2018 Report of the Board of Directors and Financial Statements, p. 47. 
344 Pohjolan Voima, “The Mankala Cost Price Model”, fact sheet available at 
https://www.pohjolanvoima.fi/filebank/24471-The_Mankala_cost-price_model.pdf 
345 The model had been subject to a legal review related to whether or not the supply of electricity to 
shareholders constitutes the distribution of a dividend and therefore should be subject to taxation. Such 
taxation would undermine the viability of the business model. Ultimately, taxes have not been applied, although 
participating shareholders will pay taxes on any profits if they in turn sell the electricity delivered to the spot 
electricity market or to other parties. (Pirttila, M, Schroder, S., “Mankala energy production under 
threat?”,International Law Office, 16 May 2011.)_ 
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all the future expenditures for nuclear waste management, including the decommissioning of nuclear 
power plants, the disposal of spent fuel and a “risk marginal”. 346 


The amount of the payment to the Fund is determined by assuming that decommissioning would start 
at the beginning of the year following the assessment year. As this funding obligation is therefore not 
discounted, it is much higher than the accounting based nuclear waste management obligation that 
is recognized on the operator’s balance sheet. However, the financial impact of payments to VYR is 
minimized by the fact that operators can borrow back up to 75% of their required contribution.  


In addition to funding VYR, nuclear operators must provide the Ministry of Employment and the 
Economy with guarantees to cover the difference between the legal nuclear waste management 
liability and the operator’s share of VYR as well as for unforeseen expenses in nuclear waste 
management.  


As part of our research, we reviewed a 2007 report for the European Commission on Finnish funding 
mechanisms that provided additional insight into the financial assurance mechanism. Among other 
things, the report that providing funding for the full, undiscounted decommissioning cost at the start 
of plant operation could result in an untimely allocation of these costs to the costs of electricity 
production. It further noted that, as mitigation, there is a provision that allows required fund holdings 
to be accumulated in roughly equal annual increments over the first 25 years of facility operation.347 
However, in any event, security must be provided to cover any unfunded amounts.348 Finally, the 
report discussed that there are mechanisms in place to provide for the phasing-in of new funding 
targets, over a period of up to five years, when there have been substantial and sudden changes in 
forward-looking cost estimates, perhaps as a result of changes in decommissioning strategies. 349 


24.3 Teollisuuden Voima Oyj 
TVO is a non-listed public limited liability company owned by Finnish industrial and energy 
companies. It generates about 17 percent of all electricity consumed in the country350 


TVO is owned by six shareholders, some of which also operate on the Mankala principle. One of its 
shareholders is Fortum. There are 132 Finnish municipalities among the remaining shareholders, 
represented either directly or indirectly. 


24.3.1 Cost-Price (Mankala) Principle 
TVO delivers electricity it has produced or procured to its shareholders in proportion to their 
shareholdings in each of a series of shares. Each series of shares corresponds to one or two specific 
generating facilities. 


 
346 TVO, 2018 Report of the Board of Directors and Financial Statements, p. 40. 
347 Report for European Commission Directorate-General Energy and Transport, Comparison among different 
decommissioning funds methodologies for nuclear installations, Country Report Finland, Service Contract 
TREN/05/NUCL/S07.55436, 2007, p, 29-30. 
348 Ibid, p, 30-31. 
349 Ibid, p, 30-31. 
350 TVO, 2019 Report of the Board of Directors and Financial Statements, p. 5. 
 


Filed: 2020-12-31 
EB-2020-0290 
Exhibit C2-1-1 
Attachment 2 


Page 157 of 181







 


OPG_Report - December 31, 2020 


Ontario Power Generation 
Nuclear Liability Cost Recovery Jurisdictional Study 
 DOCPROPERTY "KISHdrInfoA"  


150 


Each shareholder, irrespective of whether or not it has used its share of electricity, is responsible for 
the following annual fixed costs of the company, in proportion to the number of shares in each 
particular series that it holds: 351 


‐ Normal operating, maintenance and administrative costs. 


‐ Taxes other than those that depend on power production. 


‐ Insurance costs. 


‐ Debt service costs. 


‐ Depreciation. 


‐ Costs set out in the Nuclear Energy Act incurred by the company’s nuclear waste management 
activities. 


‐ Other costs independent of power production related to the Company’s normal business and 
included in the budget or approved by its board of directors. 


The annual variable costs of the company are allocated to shareholders based on the volumes of 
electricity consumed. These variable costs include fuel costs, taxes that depend on power production, 
and other costs that vary directly with the volumes of power consumption.  


24.3.2 Recovery of Nuclear Decommissioning Costs under the Mankala Principle  
We reviewed TVO’s annual report to determine the basis for cost recovery of nuclear 
decommissioning costs under the Mankala principle.  However, as further discussed below, we were 
unable to draw a definitive conclusion on the recovery methodology.  


As noted in the 2019 annual report, legal liabilities under the Nuclear Energy Act (and therefore the 
target funding obligation for VYR) are determined by the Ministry of Employment and the Economy 
according to methodologies outlined in the Act. 352 For financial accounting purposes, TVO recognizes 
a present value provision related to obligations for decommissioning and waste management as 
required by International Financial Reporting Standards.  


Exhibit 24-2 summarizes TVO’s provisions related to nuclear decommissioning and waste 
management as recognized in the 2019 financial statements.  It shows provisions related to nuclear 
waste management equal to €1.040 billion, as compared to TVO’s target funding obligation for to the 
YVR of €1.471 billion, significantly greater than the nuclear provisions.  


 
351 TVO, 2019 Report of the Board of Directors and Financial Statements, p. 28. 
352 TVO, 2019 Report of the Board of Directors and Financial Statements, p. 60. 
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Exhibit 24-2 – TVO Nuclear Waste Management Provisions353 


 
 


As under US GAAP, the provision has been capitalized as property, plant and equipment and is 
depreciated over the estimated operating time of the nuclear power plant.354 TVO therefore 
recognizes, in its income statement, depreciation expense related to the nuclear decommissioning 
and waste management provisions, finance income from assets related to nuclear waste 
management and interest expense/recovery related to changes in discounting on the provision.355  


The 2019 annual report notes that “[t]he main reason for the difference between the carrying value of 
the provision and the legal liability is the fact that the legal liability is not discounted to net present 
value”.356   


As noted earlier in this Chapter, the fixed costs that the company recovers from shareholders under 
the Mankala principle include costs set out in the Nuclear Energy Act. Our review of TVO’s annual 
report did not further identify which specific costs as laid out in the Act are allocated to shareholders 
(and on what basis they are allocated).  We do note, however, that the following individual expense 
items are identified in TVO’s 2019 income statement, or are reported as part of component expense 
lines, and can thus reasonably be assumed to be reflected in revenues recovered: 


‐ Depreciation related to decommissioning of €6.4 million (€2.5 million in 2018). 357 


‐ Nuclear Waste Management Services of negative €3.1 million (as a negative value this is an 
expense offset, or revenue, in that year). For 2018, the same expense item was (positive) €42.7 
million.358 


‐ Finance income and expenses as follows: 


– Interest income from assets related to nuclear waste management of €7.7 million (€9.2 million 
in 2018) 


– Interest expense/recovery of provision related to nuclear waste management of negative 
€79.4 million, representing a recovery, (€44.5 million expense in 2018).359 This amount relates 


 
353 TVO, 2019 Report of the Board of Directors and Financial Statements, p. 95. 
354 Ibid, p. 35 
355 Ibid, pp.39-41.  
356 Ibid, p 60. 
357 Ibid, Note 8, p. 40. 
358 Ibid, Note 6, p. 39. 
359 Ibid, Note 10, p. 41. 


Nuclear waste management provisions (Euro millions)


2019 2018
Beginning of the year 952.0 953.1


Increase/Decrease in provision 205.7 (13.5)
Used provision (37.5) (32.1)
Changes due to discounting (79.4) 44.5


End of the year 1,040.8 952.0


Discount rate 4.0% 5.5%


TVO's target funding obligation  - Nuclear Waste Fund (2020 and 2019) 1,471.4 1,505.8
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to the “changes due to discounting” found in the change in the provision in Note 24 of the 
TVO Annual Report. 


In total, these items sum to a negative expense (or expense offset) of €83.8 million in 2019. In 2018, 
the same items sum to an expense of €80.5 million. However, we have not been able to map these 
various items to the reported nuclear provisions on the balance sheet, which were summarized above 
in Exhibit 24-2.  


In parallel, we also reviewed the 2007 report for the European Commission on Finnish funding 
mechanisms that was cited earlier.  This report notes that impacts on power costs from the overall 
funding regime are difficult to assess. The report stated: 


“No obligation of balance-sheet-specifications in order to control the source of the money paid 
into the Fund has been set for the licence-holders. Consequently, on the basis of the funding 
system it is not possible to count precisely the effect of waste management costs on the cost of 
nuclear electricity.” 360 


While this report is dated, it also suggests that it may be difficult to identify linkages between the 
funding for decommissioning and consumer rates.   


 
360 Report for European Commission Directorate-General Energy and Transport, Comparison among different 
decommissioning funds methodologies for nuclear installations, Country Report Finland, Service Contract 
TREN/05/NUCL/S07.55436, 2007, p, 29. 
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25 Other European Jurisdictions 
In this Chapter, we summarize some of our research on several other European jurisdictions, being: 


‐ Belgium 


‐ Germany, and 


‐ Sweden 


We did not research developments in these jurisdictions in greater depth as it became readily 
apparent that, like most other European jurisdictions, they have developed competitive electricity 
markets as the primary electricity price setting mechanism. Accordingly, as noted in Chapter 3, there 
is no clear link between decommissioning and waste management costs and the prices paid by 
consumers in these jurisdictions. In the section below, we have provided a contextual overview of 
institutional frameworks and financial assurance mechanisms in place for decommissioning-related 
arrangements in each of the three countries.  


25.1 Belgium 


25.1.1 Industry and Market Structure 
Belgium has a competitive electricity generation market. There is a power exchange (“BELPEX”) that 
operates both a day-ahead market and a real-time spot market.361 Companies in the transmission 
and distribution sectors must be legally separate from companies involved in supply and 
production.362  


Electrabel is the dominant electricity generator, which controlled over 75% of the country’s generating 
capacity at the end of 2015.363 Electrabel is a wholly-owned subsidiary of ENGIE, a holding company 
with diversified holdings in the utility sector across a range of jurisdictions. 


There are seven nuclear reactors in Belgium, all of which are wholly or partly owned by Electrabel. 
Luminus the second largest electricity producer in the country, has ownership stakes in four of the 
reactors. EDF Belgium has a 50% stake in one of the remaining plants. Total capacity of the nuclear 
fleet is 5,931 MW.  


Nuclear power is not part of the government’s long-term plan, although the planned phase-out of 
nuclear generation has been somewhat delayed. On January 31, 2003, Belgium’s federal Parliament 
passed a law prohibiting the construction of new nuclear units intended for the industrial production 
of electricity by nuclear fission. This law limited the operation of existing reactors to 40 years in total. 
According to this law, nuclear fission energy was to be phased out between 2015 and 2025. 
Successive governments have amended the law in order to ensure the security of supply of electricity, 
thus delaying the closure of some units past their original shut-down date. However, governments 
have remained firm on the decision to phase out all nuclear power reactors by 2025.364 


 
361 IEAE, Belgium Country Profile (Updated 2018), p.1 of 43.  
362 IEAE, Belgium Country Profile (Updated 2018), p.4 of 43. 
363 IEAE, Belgium Country Profile (Updated 2018), p.1 of 43.  
364 IEAE, Belgium Country Profile (Updated 2020), p.1 of 43.  
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25.1.2 Decommissioning and Waste Management 


25.1.2.1 ONDRAF/NIRAS 
The Belgian Agency for Radioactive Waste and Enriched Fissile Materials (“ONDRAF/NIRAS”) is a 
national agency established to oversee the management of radioactive waste in the country and to 
undertake its final storage and disposal.365 It is preparing plans for a geological storage facility, and 
will charge fees to nuclear operators to recover its costs. ONDRAF fees include margins for 
contingencies and other risks that may arise in connection with the disposal of waste. 366 ONDRAF 
also has role in ensuring that nuclear owners and operators create the necessary provisions for the 
financing of future dismantling programs.367 


In 2018, ONDRAF proposed geological storage as a national policy for long-term management of 
high-level and/or long-lived waste. However, as of the date of Synatom’s 2019 annual report, the 
regulatory framework had not yet confirmed adoption of this storage approach.368  Synatom is 
discussed below. 


25.1.2.2 Synatom 
Synatom is a wholly-owned subsidiary of Electrabel that handles the upstream and downstream parts 
of the fuel cycle.  Thus: 


‐ It supplies enriched uranium to the production plant where the fuel assemblies used by nuclear 
reactors are fabricated. 


‐ It accepts spent nuclear fuel and arranges for interim storage of spent fuel prior to its expected 
transfer to ONDRAF/NIRAS. 


Additionally, Synatom is responsible for decommissioning nuclear plants and establishing nuclear 
provisions.  Provisions measure the value of the nuclear liability, and are the basis of the funds set 
aside to cover the costs of decommissioning and spent fuel management.  


On behalf of the Belgian government, Synatom collects a special contribution, also known as a 
nuclear tax, from four of the operating reactors. The other three reactors are subject to separate 
taxation as part of the agreement to extend their operating license for an additional 10 years. The 
special contribution is mainly based on the profit margin achieved by the plant owners.369 


Although Synatom is responsible for managing the set-aside nuclear provisions, the Commission for 
Nuclear Provisions (“CNP”) oversees the process of computing and managing these provisions. 
Synatom must submit a report on the constitution of these provisions for CNP’s approval every three 
years. CNP takes into account opinions provided by ONDRAF with respect to Synatom submissions. 
370 


 
365 ONDRAF stands for “Organisme national des déchets radioactifs et des matières fissiles enrichies” in 
French and NIRAS stands for “Nationale Instelling voor Radioactief Afval en verrijkte Splijtstoffen” in Dutch. 
366 Engie, 2019 Consolidated Financial Statements, p. 153. 
367 IEAE, Belgium Country Profile (Updated 2018), p.11 of 43.  
368 Synatom, 2019 Annual Report, p. 14. 
369 Synatom, 2018 Annual Report, p. 11.  
370 ENGIE, 2019 Consolidated Financial Statements, pp. 152 - 153. 
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Under governing legislation, Synatom can provide loans to nuclear operators for up to 75% of the 
value of nuclear provisions.  


On its balance sheet, Synatom reports as a liability, provisions that cover expected costs relating to 
the definitive shutdown phase, including: 


‐ The unloading and disposal of the plant’s spent fuel. 


‐ The decommissioning period itself, which results in site declassification and clean-up. 


As the end of 2019, these provisions stood at €13.2 billion, with 43% related to decommissioning and 
57% related to spent fuel management. Discount rates ranging from 3.20 to 3.25% in 2019 and 3.5% 
in 2018 were used to determine the provisions.371 According to the Engie 2019 annual report, since 
that time, discount rates were further reduced to 2.5% for decommissioning, for which expenditures 
will begin as of 2020, and to 3.25% for spent nuclear fuel management.372 


Although owned by Electrabel, a 2009 report noted that the Belgian government holds a “golden 
share” in Synatom that gives it power to veto the company’s decisions. 373 


25.2 Germany 


25.2.1 Industry and Market Structure 
Germany has a competitive electricity generation market.  Standardized futures products are bought 
and sold in a transparent process on the relevant exchanges, which for Germany are the European 
Energy Exchange (“EEX”) in Leipzig, Germany and the European Energy Exchange (“EPEX SPOT”) 
in Paris, France. However, companies continue to primarily conclude supply contracts with electricity 
producers directly in "over-the-counter" transactions. Trading on the electricity exchanges makes up 
only around 20% of the total trading volume.374  


Although there is no regulation of retail electricity prices in Germany, retail electricity prices include 
regulated price components, such as network fees and surcharges. For example, the prices include 
the EEG surcharge, which is in place to finance the measures under the Renewable Energies Act.  


Germany has some of the lowest wholesale electricity prices in Europe and some of the highest retail 
prices, due to its energy policies. Taxes and surcharges account for more than half the domestic 
electricity price.  


Based on the report from the German Federal Ministry for Economic Affairs and Energy, as of 
December 31, 2017, only 7 of Germany’s 23 nuclear power plants were still in active operation, with 
11 power plants in the decommissioning and dismantling phase.375  This reflected the 2011 decision 
by the German government to phase-out nuclear power, declaring the immediate shutdown of eight 


 
371 Synatom, 2019 Annual Report, p. 10-11. 
372 Engie, 2019 Consolidated Financial Statements, p. 153. 
373 Commission of the European Communities, “EU Decommissioning Funding Data”, Commission Staff 
Working Document, SEC(2007) 1654 final/2, 22.12.2009, p. 31. 
374 Bundesnetzagentur (Federal Network Agency), “Wholesale prices”, Updated: May 2020. 
375 TranspBericht, 29.11.2019, p. 8 and Appendix A (p. 36 and following).  
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of the 17 then active nuclear reactors. There are also Soviet-designed reactors in the east that are in 
various stages of being decommissioned. 376,377 


Nuclear power plants in Germany are owned and operated by companies that are consolidated in 
one of the following four entities:  


‐ E.ON SE,  


‐ RWE AG,  


‐ Vattenfall GmbH, which is owned by the Swedish government, and  


‐ EnBW AG, which is owned by the Baden-Wuerttemberg state government and a number of 
counties and municipalities. 


25.2.2 Decommissioning and Waste Management 
Nuclear operators are responsible for: 


‐ The decommissioning and dismantling of nuclear plants378, and  


‐ The packing of radioactive waste.379 


In 2017, the operators transferred the responsibilities for managing intermediate and final storage of 
radioactive waste to the federal government. Costs will be covered by a fund that plant operators pay 
into (the Entsorgungsfondgesetz). 380    


According to the law, the operators must pay a base amount (based on the decommissioning 
provisions made by the entities previously) plus a risk surcharge of 35.47 % on the base amount in 
return for being released from the liability for any possible future cost increases. In total, operators 
transferred €24.1 billion to the fund. According to the Federal Ministry for Economic Affairs and 
Energy the fund is expected to grow to about €70 billion by 2100 through investments.  


Utilities are also required by German legislation (TransparenzG and RückBRTransparenzV) to report 
to the German Federal Ministry for Economic Affairs and Energy, on an annual basis, their expected 
costs381 relating to asset retirement obligations for nuclear power plants as measured under local 
German GAAP.382 In addition, they must report the liquid assets that they have set aside to cover 
those costs, present funding for the next three financial years from the reporting date by year, and 
explain the availability of liquid assets to meet future expenditures for asset retirement obligations.  


 
376 World Nuclear Association, “Nuclear Power in Germany”, Updated: December 2019. 
377 The dismantling and disposal of these nuclear facilities is being handled by a company that is 100% 
federally-owned. The financing of the activities is secured solely from the federal budget. No special tax or fee 
is explicitly charged to taxpayers for financing the entity’s activities. 
378, Atomgesetz [Atomic Energy Act], §7 (3). 
379 Entsorgungsübergangsgesetz [Waste Management Transfer Act], §2 (3, 5), 
380 Entsorgungsfondgesetz [Decommissioning fund legislation], §2 (2) 
381 Measured in accordance with German GAAP.  
382 According to §253 (2) of German GAAP, entities are required to discount their asset retirement obligations 
with a residual maturity of more than one year by using rates that are published monthly by the German Central 
Bank (Deutsche Bundesbank) and that represent a 7-year average risk-free rate. The requirement to report asset 
retirement obligations under German GAAP is in addition to the general financial reporting requirements under 
IFRS followed by the applicable entities. 
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Exhibit 25-1 summarizes funding plans filed by the utilities in response to these requirements. As 
shown, there is no universal set-aside funding mechanism for these utilities as part of Germany’s 
financial assurance framework; it appears that at least of the funding needs will be met with other, 
less assured sources such as operating cash flow. 


Exhibit 25-1 Short to medium term funding of asset retirement obligations in Germany383 


 


25.3 Sweden 


25.3.1 Industry and Market Structure 
Sweden is part of the Nordic Power Pool, which has a competitive spot market.  


There are three operating nuclear plants in Sweden, comprising a total of 10 reactors. One other 
nuclear plant has been shut down (at Barseback). Two of the operating nuclear plants are owned by 
Vattenfall (Ringhals and Forsmark). The third plant (at Oskarshamm) is owned by German and 
Finnish energy companies. 


Vattenfall is both the largest nuclear operator and the largest electricity generator in Sweden 
(accounting for more than 55% of total electricity generated). 384 Vattenfall’s nuclear capacity in 
Sweden is 7,242 MW.385 Vattenfall is owned 100% by the Government of Sweden.  


Vattenfall’s existing nuclear fleet consists of four reactors at the Ringhals plant and three reactors at 
the Forsmark plant. Ringhals 2 has been recently taken offline and Ringhals 1 is scheduled to be 


 
383 TranspBericht. Data included in the TranspBericht has been gathered as of December 31, 2018. 
384 Vattenfall AB Annual Report 2018, p. 36.  
385 Including Ringhals 2 that has now been taken offline 
 


Entity Short-term funding Medium-term funding 


(next 1-3 years) (approx. next 4-14 years)
E.ON SE – Funds from operative cash flows of active nuclear plants –  Funds from operative cash flows 


– Line of credit with banks –  Investments
–  Line of credit with banks
–  Bonds


RWE AG –  Funds from operative cash flows of active nuclear plants –  Funds from operative cash flows 
–  Line of credit with banks –  Investments


–  Line of credit with banks
–  Bonds


Vattenfall GmbH –  Line of credit with banks –  Funds from operative cash flows 
–  Cash and cash equivalents –  Line of credit with banks


–  Bonds
EnBW AG – Funds from operative cash flows of active nuclear plants –  Cash-pooling within the EnBW group and profit 


    transfer agreements
–  Cash and cash equivalents –  Line of credit with banks


–  Bonds
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taken offline in December 2020. Ringhals 3 and 4 and Forsmark 1, 2 and 3 are being upgraded to 
ensure long-term operation, scheduled into the 2040’s.386  


The Swedish government originally passed a law in 1980 requiring the phase-out of nuclear reactors. 
This law was ultimately rescinded in 2010 and current government policy envisages that the lifespan 
of existing reactors can be extended. Moreover, in 2016, the government decided to phase-out a 
nuclear capacity tax in order to support the country’s transition to carbon-free electricity generation. 
Nuclear power plants are now seen as an important component of that transition. 


25.3.2 Decommissioning and Waste Management 


Swedish Nuclear Fuel and Waste Management Company (SKB) 


In Sweden, there is a single entity that is responsible for the long-term, safe handling of radioactive 
waste. This is the Swedish Nuclear Fuel and Waste Management Company (“SKB”), which is owned 
by the nuclear power companies in Sweden. It is responsible for the development of a final repository 
for nuclear waste and for the ultimate encapsulation of nuclear waste at this site. In the interim, it also 
provides intermediate storage. Individual reactor operators, however, remain responsible for the 
decommissioning and dismantling of their facilities. For the total fleet, decommissioning costs 
represent an estimated 28% of remaining post-operational costs, while final repository, 
encapsulation, intermediate storage and other costs account for the remainder.387 


Nuclear Waste Fund 


Funds to pay for the expected costs of decommissioning and waste management are held by the 
Swedish Nuclear Waste Fund (“Karnavfallsfonden”), which is a fund established by the government 
to hold funds collected from nuclear operators to cover future decommissioning and waste 
management costs.  The Nuclear Waste Fund collects fees from each holder of a license to own or 
operate a nuclear facility. The fee is calculated individually for each licensee and set so that the 
calculated future fees, together with assets already accumulated, will cover the total expected costs 
for that licensee. The National Debt Office is responsible for calculating fees and approving 
disbursements of Fund assets. Disbursements for waste processing and spent fuel management will 
ultimately flow largely to SKB, which, as noted above, is responsible for handing radioactive waste.  
Disbursements to cover reactor decommissioning and dismantling will generally offset costs incurred 
by the nuclear operators themselves.  In summary, the Nuclear Waste Fund is a separate entity that 
holds funds for decommissioning and waste management activities, but ultimately returns these funds 
to the entities responsible when activities commence.  For operating reactors, the fee for each 
licensee is established every three years as a fixed amount per kWh. 


Nuclear Fund Guarantees 


In addition to making payments to the Fund, nuclear operators currently need to provide guarantees 
(or security in the form of “guarantee commitments”) to the Swedish government that sufficient funds 
will exist to cover the future costs of nuclear waste management. This is made up of two parts: 


 
386 IAEA Power Reactor Information System, Sweden. Retrieved 2020-12-23 
387 Vattenfall AB Annual Report 2018, p. 29.  
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‐ Financing Security, which is intended to cover the current deficit of the Nuclear Waste Fund 
assuming that no more nuclear waste fees are paid. This deficit is calculated as the difference 
between expected costs and existing funds. 


‐ Supplementary Security, which pertains to future cost increases stemming from unforeseen 
events. 388  This amount accounts for costs above the median estimate. 


The Vattenfall annual report describes the two types of security as follows: 


“The amounts for both of these types of security have been determined based on a probability-
based risk analysis in which the former amount has been determined as such that there is a 50% 
probability that it, together with currently funded amounts (the median value), will provide full cost 
coverage for all waste produced to date. The latter amount consists essentially of the supplement 
that would be required if the corresponding probability was 90%.”389 


Thus, similar to the estimation process for the costs of decommissioning for Hinkley Point C in the 
UK, a P-value higher than 50% has been used to provide some buffer in the cost estimate relative to 
a median (or P-50 estimate).  


Portfolio Allocation 


The Nuclear Waste Fund has historically been allowed to invest only in low-risk bonds.  


In 2018, however, the Swedish parliament passed a new law allowing the Fund to invest in corporate 
bonds and equities, subject to certain restrictions. This was prompted by concerns over declining 
returns from bond portfolios. In response, the Fund has initiated a new asset management strategy, 
with funds divided into two portfolios: 


‐ A base portfolio with Swedish treasury and mortgage bonds, and 


‐ A long-term portfolio with corporate bonds and equities. 


The Fund notes: 


“This has made it possible to offer the different reactor owners and other fee-liable licensees an 
asset management strategy adapted to the particular reactor owner’s investment horizon”.390 


Licensees will be required to allocate at least 60% of their funds to the base portfolio (of treasury and 
mortgage bonds).391 


 


 
388 Vattenfall AB Annual Report 2018, p. 145.  
389 Vattenfall AB Annual Report 2018, p. 145.  
390 Nuclear Waste Fund Annual Report 2018, p. 2. 
391 Nuclear Waste Fund Annual Report 2018, p. 6. 
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26 Japan 
The Chapter summarizes our research on developments in Japan. As noted in Chapter 3, we 
encountered difficulties in collecting and interpreting some of the information related to 
decommissioning and nuclear waste management related arrangements in Japan. In particular, we 
have been unable to identify how decommissioning and waste management costs are reflected in 
consumer rates. For additional context, this Chapter sets out our general findings on the nuclear 
power sector, mechanisms for funding spent nuclear fuel costs and other related developments. 


26.1 Industry and Market Structure 
The Japanese electricity market is geographically divided into ten regions. Each region covers the 
service territory of a long-standing vertically integrated utility; collectively these utilities are known as 
the "general electricity utilities". The general electricity utilities have historically had monopolies in 
every aspect of the market, including generation, transmission, distribution and retailing. Nine of the 
10 regional utilities in Japan currently operate nuclear plants. 


Since 1995, Japan has gradually been liberalising its electricity sector, beginning with power 
generation. The electricity retail market was liberalized in April 2016 as part of a phased approach to 
electricity system reform, with the retail price for electricity and the conditions of retail sale becoming 
generally unregulated.  However, as a transitional measure to protect customers during this phase of 
electricity system reform, the Electricity Business Act continued to provide for regulation of the retail 
prices offered to low voltage consumers.  Together with this liberalisation, the regulatory framework 
of the electricity sector shifted from regulations that were differentiated by the type and historical origin 
of electricity companies to regulations differentiated by their function (generation, transmission, 
distribution, and supply).  


In the next phase of reform, the ten general electricity utilities are required to unbundle their power 
generation and retail functions from their transmission and distribution functions, with the intent to 
fully liberalise the retail market.392  This phase also enables the Ministry of Economy, Trade and 
Industry (“METI”) to designate areas where retail price restriction will remain, and to decide the timing 
of when to lift the retail price restriction by area.393  


The Japan Electric Power Exchange (“JEPX”) is the current spot market and forward market for 
trading electricity. Generators and suppliers can also trade directly outside JEPX and are free to 
negotiate the terms and conditions of their power purchase agreements. 


Japan needs to import approximately 90% of its energy requirements. Accordingly, concern over the 
security of supply for energy is an important policy consideration, with nuclear power historically 
playing an important role in addressing security concerns. Notwithstanding the Fukushima incident in 
2011, nuclear energy remains a strategic priority for Japan. 


In the Fukushima incident, a 15-metre tsunami followed a major earthquake. This tsunami disabled 
the power supply and cooling of three Fukushima Daiichi reactors, causing a nuclear accident on 


 
392 Takahashi, R; Takeuchi, N; Higuchi, W; Yokoi, K; Hayashi, K; and Takada, K, The Energy Regulation and 
Markets Review - Japan – Edition 9. Published July 2020.  
393 The METI Minister must make the decision after careful review of the status of competition from the 
perspective of consumer protection and consultation with the Electricity and Gas Market Surveillance 
Commission. 
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March 11, 2011. All nuclear units in Japan were subsequently shut down in order to undergo a re-
assessment of their health and safety protocols and design features. Thirty-three commercial nuclear 
reactors in Japan were operational as at the end of May 2020, with two additional units under 
construction. However, many of the operational units were still not yet restarted.  An additional 27 
units have been permanently shut down.394 


The government’s fundamental energy policy, the Basic Energy Plan, is published by METI and 
describes nuclear power as “an important base-load power source contributing to the stability of the 
long-term energy supply-and-demand structure”.395  The July 2018 revision of the Plan reaffirms the 
2015 target of 20-22% for the nuclear power’s share of the energy mix by 2030. Up until 2011, Japan 
was generating about 30% of electricity from its reactors and this had been expected to increase to 
at least 40% by 2017. 


26.2 Funding for Spent Nuclear Fuel 
In May 2016 a new bill was implemented with the aim of “securing funds for expenses for the steady 
and efficient reprocessing operations of spent nuclear fuel” in Japan. The Spent Nuclear Fuel 
Reprocessing Fund Act (“Spent Nuclear Fuel Act”) was established to introduce a new scheme in 
which an organization would be established to manage funds related to reprocessing of spent nuclear 
fuel.396  


The Spent Nuclear Fuel Act aimed to ensure the efficient reprocessing and disposal of spent nuclear 
fuel in an environment in which the electricity retail market has been liberalized. The Act introduced 
a new funding system in which a new authorized fund management corporation, the Nuclear 
Reprocessing Organization of Japan (“NuRo”), has been established to administer such reprocessing 
and other work, and to which businesses contribute necessary funds. This replaced the prior funding 
system in which businesses accumulated funds in external organizations.  


NuRo is responsible for collecting contributions from each nuclear power operator on an annual basis. 
The required contribution is based on the amount of electricity generated by each entity. The funds 
maintained by NuRo are used for the reprocessing of spent nuclear fuel. NuRo has commissioned 
Japan Nuclear Fuel Limited (“JNFL”) to reprocess spent nuclear fuel at its Rokkasho complex.  


JNFL is a jointly owned entity with 91% of ownership being split amongst the ten general electricity 
utilities in Japan, and the remainder held by the Government of Japan. Under the new structure, 
NuRo will pay JNFL directly from the reserve fund, for reprocessing the spent nuclear fuel from the 
nuclear operators in Japan.397 


According to NuRo’s 2019 financial statements, of the 1.385 trillion JPY in investments held by NuRo, 
over 91% is invested in government bonds with the balance made up of government guaranteed 
bonds or local bonds.398 


The above noted change in the structure for spent fuel funding is shown in Exhibit 26-1 below, with 
the new scheme shown on the right. 


 
394 International Atomic Energy Agency, Country Statistics, last updated May 28, 2020. 
395 World Nuclear News, “Japanese Cabinet approves new basic energy plan”, July 3, 2018. 
396 “Spent Nuclear Fuel Reprocessing Implementation Act”, Ministry of Economy, Trade and Industry. 
Retrieved 23-11-2020. 
397 World Nuclear Association, “Japan’s Nuclear Fuel Cycle”, (Updated April 2020). Retrieved 23-11-2020.  
398 “Nuclear Reprocessing Organization, March 31, 2019 Financial Statements”  
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Exhibit 26-1 – Changes in Funding Arrangements for Spent Fuel  


 
 


26.3 Other Observations 


26.3.1 Special Account for Nuclear Decommissioning 
In our research, we came across information regarding a special account related to nuclear power 
decommissioning established by the METI. This was reflected in the revised Ordinance on Accounting 
at Electricity Utilities (Ordinance of the METI No. 77, 2017) issued in 2017.399  This Ordinance 
provides that, in the event of the decommissioning of a nuclear reactor resulting from changes in 
energy policies, the following assets and costs may be posted or transferred to a special account 
related to nuclear power decommissioning with the approval of the METI:  


‐ The carrying amount of fixed assets associated with the reactor, excluding a number of specific 
items.  Specific items that are excluded relate to construction in progress and assets that 
correspond to AROs relating to items contaminated by nuclear fuel.   


‐ The carrying value of nuclear fuel for said reactor (excludes projected disposal amounts); and  


‐ (Cost of reprocessing of irradiated nuclear fuel generated in connection with the decommissioning 
of the nuclear reactor, and amounts corresponding to costs necessary to dismantle the 
components of the nuclear fuel.  


We identified a reference that regulated fees will be applied to recover the costs transferred to the 
special account but were unable to identify further details on this mechanism.400  


 
399 Tohoku Electric Power Company Financial Data Book 2019, English Version, p, 17. 
400 Kyushu Electric Power Company Annual Report FY2019, English Version, p. 71. 


Filed: 2020-12-31 
EB-2020-0290 
Exhibit C2-1-1 
Attachment 2 


Page 170 of 181







 


OPG_Report - December 31, 2020 


Ontario Power Generation 
Nuclear Liability Cost Recovery Jurisdictional Study 
 DOCPROPERTY "KISHdrInfoA"  


163 


Part IV – Summary of Findings 
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27 Key Findings 
This Chapter summarizes some overall findings and observations, based on our review of practices 
across our sample group of jurisdictions with respect to the recovery of decommissioning costs. 


In our jurisdictional review, we found a wide range of practices with respect to nuclear 
decommissioning cost recovery. As a consequence, it is difficult to identify an accepted or dominant 
methodology. Amounts collected from consumers, or put aside by company shareholders, may not 
be directly linked to accounting provisions. Amounts may sometimes not even be based on 
transparent cost analyses.  


We observed that, in many cases, amounts collected for decommissioning are based on required 
contributions to segregated trust funds. Under this approach, amounts included in rates to consumers 
are based on forward-looking assessments of amounts that need to be set aside and invested in 
order to ensure that sufficient funds are available at the time of decommissioning. This can be referred 
to as a forward-looking funding approach.  In particular, we found that the forward-looking funding 
approach is the dominate methodology used in the US to determine amounts collected from 
consumers for decommissioning costs. 


Funding Approach Entails a Fair Degree of Subjectivity 


A funding approach entails a fair degree of subjectivity, as a number of parameters must be defined 
when calculating required contribution amounts.  These parameters include: 


‐ Projected escalation rates for decommissioning costs. 


‐ Estimated rates of return on invested funds. 


‐ The period over which funding contributions will be made. 


‐ The profile of contributions within the funding period. 


Some similar parameters need to be defined when calculating ARO accounting expenses, but these 
parameters are generally fewer in number and subject to more constraints.  Thus: 


‐ The discount rate used to determine the present value of decommissioning costs and to calculate 
rates of accretion are generally constrained under accounting rules, with links to defined market 
benchmarks. 


‐ The allocation of costs over time is defined by the mechanics of accounting procedures, with much 
more limited scope for subjective adjustment. 


Timing of Recovery Decisions Are Different and May Have Influenced Decisions 


The NRC funding approach was developed in 1990, thirteen years before the US GAAP standard on 
Asset Retirement Obligations came into force.  U.S. utilities therefore adopted this forward-looking 
funding approach prior to the implementation of accounting standards that mandated the recognition 
of asset retirement obligations for nuclear facilities and associated accounting expenses.  This 
timeline may conceivably have influenced the adoption of the funding approach as the dominant 
method in the U.S. 
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Key Features of the US Funding Approach 


Notable elements of the US funding approach include the following: 


‐ The NRC defines the minimum costs that must be covered through funding plans with a standard 
formula that takes into account reactor type and capacity.  In combination with prescribed 
escalation factors, this formula identifies the minimum value of projected costs in current dollars. 
The formula is based on an analysis of observed decommissioning costs in the 1980s and is 
intended as a planning tool rather than an estimate of actual cost.  The formula does not provide 
for full site-restoration nor does it cover costs of either interim or long-term spent fuel storage. 


‐ Utilities must prepare site-specific cost estimates as the reactor nears the end of its operating life 
(but can prepare such studies earlier if desired).  These site-specific estimates have sometimes 
resulted in significant increases in expected costs later in a facility life, relative to amounts 
determined through the NRC funding formula. 


‐ The NRC defers to state utility regulators on certain parameters and thus allows them to approve 
estimates of future cost escalation rates, rates of return on invested funds, and on the profile of 
trust fund contributions. The NRC, however, provides guidance in respect of these parameters. 


‐ Utilities must file updates on a biennial basis with the NRC on funding status, and funding shortfalls 
identified must be made up within a defined period.  The identification of funding status in these 
updates will take into account the parameters accepted by utility regulators (such as with respect 
to projected fund earnings rates). 


As indicated, the US regime provides for a major role by utility regulators within standards and 
guidelines provided by NRC.  We thus observed significant discussion in US regulatory proceedings 
on fund investment policies, on expected rates of return on trust fund assets and on the scope of 
decommissioning activities.  Different regulators have made quite different decisions in respect of 
these parameters.   


The nature of a forward-looking funding approach is that annual funding amounts may fluctuate widely 
with changes in expected facility lifespan and in decommissioning cost estimates: 


‐ Recoveries in rates for decommissioning have sometimes increased sharply when facility closures 
became imminent and/or costs are better understood. 


‐ Conversely, there are many cases in the US in which required contributions to decommissioning 
trusts, and hence allowances in rates, have fallen to zero as a result of reactor life extensions.  
This reflects the extended period over which investment earnings can then accrue. 


Changes in funding requirements as a result of unexpected developments can have significant 
implications for intergenerational equity. The development of more accurate decommissioning cost 
estimates late in the facilities life may result in an undue proportion of costs being borne by later 
generations of consumers.  Conversely, life extension and the resulting increase in the investment 
horizon for initial contributions may result in later generations of consumers paying a relatively low 
share of decommissioning costs. 


Responsibility for Spent Fuel is an Important Consideration 


A very significant consideration in regard to US practice is the fact that the US DOE has accepted 
responsibility for the processing and long-term storage of spent fuel.  In return, the US DOE collected 
fees from nuclear operators. These fees have been passed along to consumers and recovered 
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through various mechanisms.  The role of the US DOE significantly reduces the scope of activities 
that US nuclear operators need to provide for in their own recoveries for decommissioning.  In 
particular, the scope of activities is much narrower than that covered by OPG through its own 
decommissioning provisions.  OPG, through its membership in the Nuclear Waste Management 
Organization, must plan for the siting, technology development, licensing, construction and operation 
of facilities to manage spent nuclear fuel.  This increases the risk and uncertainty over this significant 
element of the nuclear liability costs. 


In must be noted, however, that the US DOE has failed to meet its commitments with respect to spent 
fuel collection and this has meant that US utilities have had to make additional provisions with respect 
to interim spent fuel storage. Uncertainty with respect to the timing of the US DOE’s ultimate 
acceptance of spent fuel has been a major issue in US utility proceedings and continues to influence 
decisions on required funding amounts and how those amounts will be recovered from electricity 
consumers. 


The Role of Conservatism in Funding Projections 


Looking more broadly, and considering practices globally, governments and regulators have often 
adopted conservative policies with respect to decommissioning funding. Legislative and regulatory 
policies tend to favour approaches that reduce the risks of underfunding.  This is reasonable given 
concerns that taxpayers may ultimately be liable for funding shortfalls if amounts collected from 
utilities and utility ratepayers are insufficient.  Thus, governments or regulators have sometimes 
included large buffer amounts in decommissioning cost estimates to reduce the risk that funds 
collected will be insufficient. Such buffers have taken the following forms: 


‐ The use of conservative cost estimates in calculation of required amounts. 


‐ Additional contingency amounts above those associated with conservative cost estimates. 


Although there is a general trend to conservatism by governments and regulatory agencies, we 
observed some instances in which US state regulators have made decisions that have reduced 
required consumer contributions from what they would otherwise be. This has included reductions as 
a result of: 


‐ Ignoring costs for site restoration, which is not a requirement under NRC’s funding guidelines.   


‐ Basing recoveries on the NRC funding formula rather than on site-specific estimates that may be 
already available (the latter of which are generally higher). 


Market Transition Can Complicate Funding Mechanisms 


When utilities have transitioned from a regulated regime to one with a competitive electricity market, 
anomalies may arise as a result of the transition process. Transition processes typically complicate 
funding arrangements and introduce policy challenges. It may be easier to guarantee the recovery of 
decommissioning costs from regulated entities and from periods where rates are subjected to 
regulation, and this may be reflected in arrangements for funding decommissioning costs when 
market structures change.  


Other Observations 


Other key findings are as follows: 
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‐ In general, the relevant parties (governments, regulators and nuclear power plant owners) seek 
to collect costs associated with decommissioning over the operating life of power plants, with funds 
collected from users (i.e. consumers of power) rather than from taxpayers. There are, however, 
exceptions where this objective has not been lived up to in practice. 


‐ Regulators often aim to recover decommissioning costs on a relatively uniform basis over the life 
of facility. Uniformity may be assessed in real dollar rather than nominal dollar terms. 
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28 Rate Recovery Methodologies Potentially Applicable to 
OPG 
In this Chapter, we consider the potential applicability of the rate recovery mechanisms identified in 
the preceding chapters to the nuclear liabilities related to OPG’s Regulated facilities and for the Bruce 
facilities nuclear assets.  


28.1 Screening Analysis  
As noted in Section 3.7, we identified four major categories of rate recovery methods: (1) forward 
looking funding requirement; (2) accounting expense; (3)flow through ; (4) arbitrary rate.  


We have performed a screening analysis of these four methods considering the most prevalent rate 
recovery methods identified in the jurisdictions most similar to OPG using the jurisdictional 
characteristics (as discussed in Chapter 3). Although we have attempted to identify the aspects of 
each cost recovery method that may apply to OPG.   In comparing OPG’s nuclear liabilities cost 
recovery methodology to methodologies encountered in other jurisdictions, the unique circumstances 
of each entity must be considered. 


Based on this screening analysis, the two recovery methods most likely to be applicable to OPG are 
the forward looking funding requirement and the accounting expense. These methods appear to be 
common in jurisdictions subject to economic regulation. The flow through method and the arbitrary 
rate methods are not broadly applicable rate recovery methods. 


28.2 Comparisons between applicable rate recovery methods 
We have organized this comparison to the following parameters: 


‐ Scope of obligation 


‐ Costs estimates for rate recovery 


‐ Determination of cash contribution amounts: 


‐ The period over which funding contributions will be made 


‐ The period of rate recovery 


28.3 Comparisons between US jurisdictions’ Forward Looking Funding 
Requirement Methodology, Accounting Expense Methodology, 
and OPG’s Methodology 
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US Jurisdictions' 
Forward Looking 
Requirement 
Methodology 


Accounting Expense 
Methodology 


Ontario Power 
Generation’s 
Methodology 


Scope of 
obligation 


NRC requirements are 
specific to 
decommissioning costs 
and specifically do not 
cover site restoration 
costs or spent fuel 
waste management 
(the latter being the 
responsibility of the 
DOE). However, 
entities’ regulators 
have allowed for 
recovery beyond the 
NRC minimums.  


Recognize all legal 
obligations which includes 
decommissioning, spent 
fuel and restoration of site 
costs.  


Same as Accounting 
Expense Methodology 


Cost 
estimates for 
rate recovery 


The NRC defines the 
minimum costs that 
must be covered 
through funding plans 
with a standard formula 
that takes into account 
reactor type and 
capacity.  In 
combination with 
prescribed escalation 
factors, this formula 
identifies the minimum 
value of projected 
costs in current dollars. 
The formula is 
intended as a planning 
tool rather than an 
estimate of actual cost.  
Utilities must prepare 
site-specific cost 
estimates as the 
reactor nears the end 
of its operating life (but 
can prepare such 
studies earlier if 
desired). 


Cost estimates are 
determined in accordance 
with US GAAP, which 
requires a reasonable 
estimate of fair value of 
the decommissioning 
costs. In practice, a 
present value technique is 
used to estimate the fair 
value of the ARO which 
includes the estimated 
cost of the future 
decommissioning on a 
site-specific basis and 
then discounted back to 
the present period using a 
credit-adjusted risk-free 
rate.  


Same as Accounting 
Expense Methodology. 
 Through the ONFA 
Reference Plan 
process, OPG does a 
comprehensive 
revaluation of all cost 
estimates at minimum 
every five years and 
monitors for any 
changes that may 
require a more frequent 
update. 
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US Jurisdictions' 
Forward Looking 
Requirement 
Methodology 


Accounting Expense 
Methodology 


Ontario Power 
Generation’s 
Methodology 


Determination 
of cash 
contribution 
amounts 


The US jurisdiction 
provides for a major 
role by economic 
regulators within 
standards and 
guidelines provided by 
NRC.  We observed 
significant discussion 
in US regulatory 
proceedings on fund 
investment policies, on 
expected rates of 
return on trust fund 
assets and on the 
scope of 
decommissioning 
activities.   


Cash contributions to 
segregated funds do not 
directly impact the 
application of this 
methodology. However, 
these contributions have 
an indirect impact as the 
subsequent return on the 
segregated funds is an 
offset to the accretion 
expense of the ARO and 
the depreciation of the 
ARC. Fund contributions 
based on a third-party (i.e. 
ONFA/NRC) requirements 
would still need to be met 
in order to maintain 
compliance with legal 
obligations.  


ONFA sets OPG’s 
contribution amounts by 
comparing segregated 
fund balances at a point 
in time with a 
Provincially-approved 
reference plan that sets 
out the estimated costs 
to meet OPG’s nuclear 
waste management 
and decommissioning 
obligations. The OEB 
does not have a direct 
role in determining fund 
investments, expected 
rate of return or scope 
of decommissioning 
costs. 


The period 
over which 
funding 
contributions 
will be made 


The overall funding 
profile of the 
segregated funds in 
the US is flat in 
nominal terms, if 
isolated for changes in 
key parameters. When 
parameters change, 
which occurs in 
practice, these costs 
may shift to be either 
front-end loaded 
(extension of license) 
or back-end loaded 
(unanticipated costs, or 
earlier 
decommissioning). 


The overall funding profile 
may be front-end loaded in 
nominal terms, as 
depreciation is straight-
line, earnings on 
segregated funds would 
be greater in future 
periods, somewhat offset 
by the gradual increase in 
accretion expense. 
Subsequent to the 
operating life of the plant, 
and assuming a 
SAFSTOR approach, may 
result in earnings in 


ONFA, explicitly by 
design, required an up-
front funding of the 
segregated funds. For 
clarity, the up-front 
funding of these 
segregated funds was 
not from amounts 
collected from rate 
payers, which is 
decoupled from 
amounts contributed to 
the segregated funds.  
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US Jurisdictions' 
Forward Looking 
Requirement 
Methodology 


Accounting Expense 
Methodology 


Ontario Power 
Generation’s 
Methodology 


excess of accretion 
expense.401  


 
401 The accretion expense is based on the unwinding of the discounting at the same discount rate that was 
used when the ARO was initially recognized. The earnings would be based on the actual earnings of the 
segregated funds. It is unlikely these amounts would match exactly through the period subsequent to the 
operating life. We have not observed in our jurisdictional study how entities would manage this potential 
mismatch and whether it would impact funding contributions (or refunds) during this subsequent period.  
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US Jurisdictions' 
Forward Looking 
Requirement 
Methodology 


Accounting Expense 
Methodology 


Ontario Power 
Generation’s 
Methodology 


The period of 
rate recovery 


In general, utilities 
seek to collect 
amounts from rate 
payers for funding 
contributions over the 
operating life of the 
power plants. Utilities 
that are expecting to 
follow the SAFSTOR 
method and defer 
decommissioning 
activities until 30 years 
post operations cease 
would none-the-less 
plan to recover 
expected contributions 
over the rate period, 
but they would factor 
earnings of the 
segregated fund during 
the 30- year period.  


It is relevant to 
disaggregate the 
components of the 
methodology. Depreciation 
expense is recognized 
over the operating life of 
the power plant, however, 
earnings on the 
segregated funds and the 
accretion of ARO would 
continue to the 
decommissioning date. 
Therefore the depreciation 
expense will be recovered 
over the operating life of 
the plant, and the 
accretion less segregated 
fund earnings are 
recovered until 
decommissioning date. It 
could also be possible that 
the segregated fund 
earnings may exceed the 
accretion during the 
SAFSTOR period.402 


For the prescribed 
Regulated facilities, the 
recovery from rate 
payers would be over 
the operating life of the 
power plant.   For the 
Bruce facilities, 
assuming the lease 
period aligns with the 
operating life of the 
plants, the recovery 
from rate payers may 
be over the operating 
life of the power 
plant.403 


 


28.4 Considerations of transition to another methodology 
Based on the above 


‐ Transition processes needs to adhere to established rate-making principles, including fairness, 
minimizing intergenerational inequities, transparency, minimizing rate volatility, appropriate 
allocation of risk, providing value to customers, consistency and simplicity, and alignment with 
required financial accounting and reporting principles. 


‐ Stability of the methodology through the time to decommissioning date should be considered as 
the decommissioning activities which are sought to be recovered over the operating life will occur 
a long time in the future. The methodology should not solely consider the implications to the next 


 
402 Following on the footnote related to the period over which funding contributions will be made, a regulatory 
mechanism may need to be considered to smooth these fluctuations during this time period. 
403 Based on documents reviewed in our study, we cannot be conclusive of the treatment post the operating life 
of the power plant. Similar issues may arise as noted in the Accounting Expense Methodology.  
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rate period, but should be robust throughout the lifecycle of a nuclear plant. This may be most 
relevant to changes in inputs that occur post the date of facility closure. 


‐ The methodology should consider the implication of the recovery mechanisms for Bruce and 
Regulated facilities and the applicable legal obligations. 


‐ Specific to Forward looking funding requirement methodology: 


– Increases the need for regulatory oversight with respect to the determination of cost estimates, 
profile of contributions, and expected rates of return. In OPG’s case, that would include 
consideration of the ONFA and the role the Province currently plays in the oversight and 
decision making on funding matters. 


– In the US jurisdictions, we have noted the role of NRC, which is not currently consistent with 
either the role of the CNSC or the Province in Ontario. Consideration should be given to 
whether it is appropriate to use the funding principles of the ONFA reference plan for the 
purposes of determining rate recovery. 


‐ Specific to accounting expense methodology: 


– The accounting expense (recovery) relating to the accretion expense and segregated fund 
earnings will continue past the operating life of the asset. From a rate-making perspective, to 
avoid inter-generational inequalities, the value from use and cost to rate payers should align. 
The accounting expense methodology therefore requires further consideration to avoid such 
inequities. 


A detailed and specific analysis would be needed to identify all transition considerations to change 
from OPG’s method to another potentially applicable methodology. Such a detailed and specific 
analysis is beyond the scope of this study. 
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Tab 1


Schedule 1
Table 1


Line Note or 2016 2017 2018 2019 2020 2021 2022 2023 2024 2025 2026
No. Description Reference Actual Actual Actual Actual Budget Budget Plan Plan Plan Plan Plan


(a) (b) (c) (d) (e) (f) (g) (h) (i) (j) (k)


PRESCRIBED FACILITIES
1 Depreciation of Asset Retirement Costs Ex. C2-1-1 Table 2 50.3 74.1 82.2 82.2 82.2 82.2 82.2 50.5 50.5 3.6 3.6 
2 Used Fuel Storage and Disposal Variable Expenses Ex. C2-1-1 Table 2 61.0 45.1 51.8 65.0 53.6 51.7 46.2 55.2 58.6 44.1 42.9 
3 Low & Intermediate Level Waste Management Variable Expenses Ex. C2-1-1 Table 2 3.2 11.3 8.9 5.9 8.3 11.3 11.1 13.7 13.7 8.0 4.2 


Return on ARC in Rate Base:
4   Return on Rate Base at Weighted Average Accretion Rate Ex. C1-1-1 Tables 1-9 42.2 25.0 28.1 23.9 19.9 15.9 3.6 0.0 0.0 0.0 0.0 
5   Return on Rate Base at Weighted Average Cost of Capital Note 1 0.0 0.0 0.0 0.0 0.0 0.0 10.1 10.4 7.5 5.9 5.7 
6 Pre-Tax Revenue Requirement Impact 156.7 155.5 170.9 177.0 163.9 161.0 153.1 129.9 130.3 61.6 56.4 


7 Income Tax Impact Note 2 (36.8) (25.3) (11.0) (9.1) (43.4) (46.0) (92.8) (43.1) (46.7) (39.4) (17.5)


8 Total Revenue Requirement Impact - Prescribed Facilities  (line 6 + line 7) 119.9 130.2 159.9 167.9 120.5 114.9 60.3 86.8 83.6 22.2 38.9 


BRUCE FACILITIES
9 Depreciation of Asset Retirement Costs Ex. C2-1-1 Table 3 100.2 68.0 69.2 69.2 69.2 69.2 69.2 69.2 69.2 69.2 69.2 


10 Used Fuel Storage and Disposal Variable Expenses Ex. C2-1-1 Table 3 66.9 57.3 63.6 64.7 59.0 59.0 57.9 69.5 63.3 72.0 59.7 
11 Low & Intermediate Level Waste Management Variable Expenses Ex. C2-1-1 Table 3 2.5 2.5 2.5 2.6 4.0 7.2 3.2 4.2 4.5 3.8 4.7 
12 Accretion Expense Ex. C2-1-1 Table 3 511.9 459.9 470.6 487.8 503.8 519.8 537.5 556.8 576.7 599.6 623.7 
13 Less: Segregated Fund Earnings (Losses) Ex. C2-1-1 Table 3 374.9 393.8 406.5 423.8 439.8 445.5 452.6 462.0 475.1 491.0 510.3 
14 Impact on Bruce Facilities' Income Taxes Note 3 (76.7) (48.5) (49.9) (50.1) (49.0) (52.4) (53.8) (59.4) (59.7) (63.4) (61.7)
15 Pre-Tax Revenue Requirement Impact (Impact on Bruce Lease Net Revenues) 230.0 145.4 149.6 150.4 147.1 157.3 161.4 178.3 179.0 190.2 185.2 


16 Income Tax Impact on Revenue Requirement (line 15 x tax rate / (1-tax rate)) Note 4 76.7 48.5 49.9 50.1 49.0 52.4 53.8 59.4 59.7 63.4 61.7 


17 Total Revenue Requirement Impact - Bruce Facilities  (line 15 + line 16) 306.6 193.9 199.4 200.5 196.2 209.7 215.2 237.7 238.7 253.6 247.0 


18 Total Revenue Requirement Impact - Prescribed and Bruce Faciliites 426.5 324.1 359.3 368.4 316.7 324.7 275.5 324.5 322.3 275.8 285.8 


(line 8 + line 17)


Notes:
See Ex. C2-1-1 Table 1a for notes


Table 1
Revenue Requirement Impact of OPG’s Nuclear Liabilities ($M)


Years Ending December 31, 2016 to 2026
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Tab 1


Schedule 1
Table 1a


Notes:
1


Table to Note 1
(c) x (d) if >0


(from Ex. C2-1-1 (from Ex. C2-1-1 Return on 
Line Table 2, line 28) Table 2, line 21) (a)-(b) Annual Rate Base
No. Year Average ARC ($M) Average UNL ($M) ARC-UNL ($M) WACC ($M)


(a) (b) (c) (d) (e)
1a 2016 825.7 1,063.1 (237.4) 6.85% 0.0 EB-2013-0321 Payment Amounts Order, App. A, Table 6b
2a 2017 505.1 703.9 (198.8) 6.65% 0.0 EB-2016-0152 Payment Amounts Order, App. A, Table 11
3a 2018 570.6 753.6 (183.0) 6.50% 0.0 EB-2016-0152 Payment Amounts Order, App. A, Table 12
4a 2019 488.5 672.1 (183.7) 6.46% 0.0 EB-2016-0152 Payment Amounts Order, App. A, Table 13
5a 2020 406.3 540.4 (134.1) 6.44% 0.0 EB-2016-0152 Payment Amounts Order, App. A, Table 14
6a 2021 324.1 349.5 (25.3) 6.43% 0.0 EB-2016-0152 Payment Amounts Order, App. A, Table 15
7a 2022 242.0 73.6 168.4 5.98% 10.1 Ex. C1-1-1 Table 5
8a 2023 175.7 0.0 175.7 5.93% 10.4 Ex. C1-1-1 Table 4
9a 2024 125.1 0.0 125.1 5.99% 7.5 Ex. C1-1-1 Table 3
10a 2025 98.1 0.0 98.1 6.01% 5.9 Ex. C1-1-1 Table 2
11a 2026 94.6 0.0 94.6 6.01% 5.7 Ex. C1-1-1 Table 1


2
Table to Note 2 ($M)
Line 2016 2017 2018 2019 2020 2021 2022 2023 2024 2025 2026
No. Actual Actual Actual Actual Budget Budget Plan Plan Plan Plan Plan


(a) (b) (c) (d) (e) (f) (g) (h) (i) (j) (k)


1b 156.7 155.5 170.9 177.0 163.9 161.0 153.1 129.9 130.3 61.6 56.4 


2b 176.7 102.5 102.5 102.5 102.5 102.5 244.4 100.6 100.6 0.0 0.0 
3b 128.8 169.2 150.5 146.3 257.0 314.2 269.6 262.7 306.1 463.9 638.4 
4b (38.5) (40.3) (49.0) (44.6) (65.5) (117.6) (82.5) (104.3) (136.4) (284.2) (529.3)
5b (110.3) (75.9) (33.0) (27.3) (130.1) (138.1) (278.4) (129.2) (140.0) (118.2) (52.6)
6b 25.00% 25.00% 25.00% 25.00% 25.00% 25.00% 25.00% 25.00% 25.00% 25.00% 25.00%
7b (36.8) (25.3) (11.0) (9.1) (43.4) (46.0) (92.8) (43.1) (46.7) (39.4) (17.5)


3
Table to Note 3 ($M)
Line 2016 2017 2018 2019 2020 2021 2022 2023 2024 2025 2026
No. Actual Actual Actual Actual Budget Budget Plan Plan Plan Plan Plan


(a) (b) (c) (d) (e) (f) (g) (h) (i) (j) (k)
1c 306.6 193.9 199.4 200.5 196.2 209.7 215.2 237.7 238.7 253.6 247.0 
2c 25.00% 25.00% 25.00% 25.00% 25.00% 25.00% 25.00% 25.00% 25.00% 25.00% 25.00%
3c Impact on Bruce Facilities' Income Taxes  (line 1c x line 2c) (76.7) (48.5) (49.9) (50.1) (49.0) (52.4) (53.8) (59.4) (59.7) (63.4) (61.7)


4


Income Tax Rate (Ex. G2-2-1 Table 7, line 19 and Ex. G2-2-1 Table 8, line 19)


Income tax rates are from Ex. F4-2-1 Table 3, line 32 (2016-2021), and Ex. F4-2-1 Table 3a, line 31 (2022-2026). 


Income Tax Rate (Ex. F4-2-1 Table 3, line 31 and Ex. F4-2-1 Table 3a, line 29)
Income Tax Impact   (line 5b x line 6b / (1 - line 6b))


The impact on Bruce facilities' income taxes relates to higher deductible temporary differences associated with expenses not deductible for tax purposes, as follows:


Item


Increase in Temporary Differences (Ex. C2-1-1 Table 1, lines 9 through 13)


Net Increase in Regulatory Taxable Income   (line 1b - line 2b - line 3b - line 4b)


If average Unfunded Nuclear Liabilities (UNL) is less than average Asset Retirement Costs (ARC) for the prescribed facilities, the funded portion of average ARC (i.e. the 
amount by which average ARC exceeds average UNL) earns WACC as follows:


WACC Reference


The income tax impact for prescribed facilities is calculated as follows:


Item


Regulatory Taxable Income Before Impact of Segregated Fund Contributions (Ex. C2-1-1, Table 1, line 6)


Contributions to Nuclear Segregated Funds for Prescribed Facilities  (Ex. C2-1-1 Table 2, line 15)


Table 1a
Revenue Requirement Impact of OPG’s Nuclear Liabilities ($M)


Years Ending December 31, 2016 to 2026
Notes to Ex. C2-1-1, Table 1


Expenditures for Used Fuel, Waste Management & Decommissioning (Ex. C2-1-1 Table 2, line 5)
Disbursements from Nuclear Segregated Funds (Ex. C2-1-1 Table 2, line 16)
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Table 2


Line 2016 2017 2018 2019 2020 2021 2022 2023 2024 2025 2026
No. Description Note Actual Actual Actual Actual Budget Budget Plan Plan Plan Plan Plan


(a) (b) (c) (d) (e) (f) (g) (h) (i) (j) (k)


ASSET RETIREMENT OBLIGATION
1 Opening Balance 1 8,836.3 9,009.9 9,535.8 9,956.1 10,412.2 10,767.3 11,083.1 11,451.7 11,854.3 12,235.5 12,455.9 
2 Used Fuel Storage and Disposal Variable Expenses 2 61.0 45.1 51.8 65.0 53.6 51.7 46.2 55.2 58.6 44.1 42.9 
3 Low & Intermediate Level Waste Management Variable Expenses 3 3.2 11.3 8.9 5.9 8.3 11.3 11.1 13.7 13.7 8.0 4.2 
4 Accretion Expense 494.7 495.7 511.4 531.4 550.3 566.9 581.0 596.3 615.0 632.3 646.4 
5 Expenditures for Used Fuel, Waste Management & Decommissioning (128.8) (169.2) (150.5) (146.3) (257.0) (314.2) (269.6) (262.7) (306.1) (463.9) (638.4)
6 Consolidation and Other Adjustments (0.4) (0.6) (1.3) 0.1 0.0 0.0 0.0 0.0 0.0 0.0 0.0 
7 Closing Balance Before Year-End Adjustments (lines 1 through 6) 9,266.0 9,392.2 9,956.1 10,412.2 10,767.3 11,083.1 11,451.7 11,854.3 12,235.5 12,455.9 12,511.1 
8 2017 ONFA Reference Plan Adjustment - Ongoing Operations 5 2.2 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 
9 2017 ONFA Reference Plan Adjustment - Legacy Facilities 6 (258.3) 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 


10 Year-End 2017 Adjustment Reflecting Nuclear Station End of Life Changes 4.0 0.0 143.7 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 
11 Closing Balance (line 7 through 10) 9,009.9 9,535.8 9,956.1 10,412.2 10,767.3 11,083.1 11,451.7 11,854.3 12,235.5 12,455.9 12,511.1 


12 Average Asset Retirement Obligation ((line 1 + line 7)/2) 9,051.2 9,201.0 9,746.0 10,184.1 10,589.8 10,925.2 11,267.4 11,653.0 12,044.9 12,345.7 12,483.5 


NUCLEAR SEGREGATED FUNDS BALANCE
13 Opening Balance 1 7,722.6 8,253.5 8,740.7 9,244.0 9,780.0 10,318.7 10,832.8 11,554.9 12,144.2 12,731.1 13,093.3 
14 Earnings (Losses) 392.8 424.9 449.8 478.1 501.6 529.2 560.2 593.1 622.6 646.4 658.8 
15 Contributions 176.7 102.5 102.5 102.5 102.5 102.5 244.4 100.6 100.6 0.0 0.0 
16 Disbursements (38.5) (40.3) (49.0) (44.6) (65.5) (117.6) (82.5) (104.3) (136.4) (284.2) (529.3)
17 Closing Balance (line 13 through 16) 8,253.5 8,740.7 9,244.0 9,780.0 10,318.7 10,832.8 11,554.9 12,144.2 12,731.1 13,093.3 13,222.8 


18 Average Nuclear Segregated Funds Balance ((line 13 + line 17)/2) 7,988.1 8,497.1 8,992.3 9,512.0 10,049.3 10,575.7 11,193.8 11,849.5 12,437.6 12,912.2 13,158.0 


UNFUNDED NUCLEAR LIABILITY BALANCE (UNL)
19 Opening Balance (line 1 - line 13) 1,113.7 756.3 795.1 712.1 632.1 448.7 250.3 (103.1) (290.0) (495.6) (637.4)
20 Closing Balance (line 7 - line 17) 1,012.5 651.5 712.1 632.1 448.7 250.3 (103.1) (290.0) (495.6) (637.4) (711.6)


21 Average Unfunded Nuclear Liability Balance ((line 19 + line 20)/2) 1,063.1 703.9 753.6 672.1 540.4 349.5 73.6 (196.5) (392.8) (566.5) (674.5)


ASSET RETIREMENT COSTS (ARC)
22 Opening Balance 1 850.8 542.2 611.7 529.5 447.4 365.2 283.1 200.9 150.4 99.9 96.3 
23 Depreciation Expense (50.3) (74.1) (82.2) (82.2) (82.2) (82.2) (82.2) (50.5) (50.5) (3.6) (3.6)
24 Closing Balance Before Year-End Adjustments (line 22 + line 23) 7 800.5 468.0 529.5 447.4 365.2 283.1 200.9 150.4 99.9 96.3 92.8 
25 2017 ONFA Reference Plan Adjustment - Ongoing Facilities 6 (258.3) 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 
26 Year-End 2017 Adjustment Reflecting Nuclear Station End of Life Changes 4 0.0 143.7 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 
27 Closing Balance (line 24 + line 25 + line 26) 542.2 611.7 529.5 447.4 365.2 283.1 200.9 150.4 99.9 96.3 92.8 


28 Average Asset Retirement Costs ((line 22 + line 24)/2) 825.7 505.1 570.6 488.5 406.3 324.1 242.0 175.7 125.1 98.1 94.6 


30 LESSER OF AVERAGE UNL OR ARC (lesser of line 21 or line 28, if >0) 825.7 505.1 570.6 488.5 406.3 324.1 73.6 0.0 0.0 0.0 0.0 


Notes:
1 Opening balances in col. (a) from EB-2016-0152, Ex. C2-1-1 Table 2, col. (d).
2 Includes expenses associated with four one-time, full loads of new fuel into the reactors at Darlington for the refurbished units prior to start-up (discussed in Ex. F2-5-1 section 2.0).
3 Starting in 2016, a portion of expenses relates to OM&A costs charged to the Darlington Refurbishment Program for disposal of low and intermediate level waste (Ex. F2-7-1, Table 1).
4


5


6


7 Col. (b), line 24 is as per EB-2018-0002 Schedule 1-Staff-1, Att. 1, Table 1a, col. (d), line 1a (difference due to rounding).


As shown in EB-2016-0152 Ex. J21.1, Att. 2, Table 4, col. (b), line 27, adjustment recorded on December 31, 2016 associated with the current approved ONFA Reference Plan effective January 1, 2017 related to ongoing facilities. See Ex. C2-1-
1 Table 4 for further details.


Adjustment recorded on December 31, 2017 reflecting the changes to station end-of-life date assumptions underlying the ARO calculation, consistent with the accounting order application in EB-2018-0002. See Ex. C2-1-1 Table 4 for further 
details.


Table 2
Prescribed Facilities - Asset Retirement Obligation, Nuclear Segregated Funds, and Asset Retirement Costs ($M)


Years Ending December 31, 2016 to 2026


Adjustment recorded on December 31, 2016 associated with the current approved ONFA Reference Plan effective January 1, 2017 related to legacy facilities. In accordance with GAAP, this amount was expensed (i.e., not included in ARC) as 
legacy facilities are not used to support OPG's current operations.







Numbers may not add due to rounding. Filed: 2020-12-31
EB-2020-0290


Exhibit C2
Tab 1


Schedule 1
Table 3


Line 2016 2017 2018 2019 2020 2021 2022 2023 2024 2025 2026
No. Description Note Actual Actual Actual Actual Budget Budget Plan Plan Plan Plan Plan


(a) (b) (c) (d) (e) (f) (g) (h) (i) (j) (k)


ASSET RETIREMENT OBLIGATION
1 Opening Balance 1 10,946.0 10,083.6 10,529.1 10,953.8 11,361.4 11,735.1 12,106.8 12,524.6 12,953.5 13,415.1 13,916.2 
2 Used Fuel Storage and Disposal Variable Expenses 66.9 57.3 63.6 64.7 59.0 59.0 57.9 69.5 63.3 72.0 59.7 
3 Low & Intermediate Level Waste Management Variable Expenses 2.5 2.5 2.5 2.6 4.0 7.2 3.2 4.2 4.5 3.8 4.7 
4 Accretion Expense 511.9 459.9 470.6 487.8 503.8 519.8 537.5 556.8 576.7 599.6 623.7 
5 Expenditures for Used Fuel, Waste Management & Decommissioning (132.6) (118.5) (111.1) (147.6) (193.0) (214.4) (180.7) (201.5) (182.9) (174.2) (178.6)
6 Consolidation and Other Adjustments (0.3) (0.4) (0.9) 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 
7 Closing Balance Before Year-End Adjustments (lines 1 through 6) 11,394.4 10,484.4 10,953.8 11,361.4 11,735.1 12,106.8 12,524.6 12,953.5 13,415.1 13,916.2 14,425.7 
8 2017 ONFA Reference Plan Adjustment - Legacy Facilities 3 2.2 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 
9 2017 ONFA Reference Plan Adjustment - Ongoing Facilities 4 (1,312.9) 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 
10 Year-End 2017 Adjustment Reflecting Nuclear Station End of Life Changes 2.0 0.0 44.7 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 
11 Closing Balance (line 7 through 10) 10,083.6 10,529.1 10,953.8 11,361.4 11,735.1 12,106.8 12,524.6 12,953.5 13,415.1 13,916.2 14,425.7 


12 Average Asset Retirement Obligation ((line 1 + line 7)/2) 11,170.2 10,284.0 10,741.5 11,157.6 11,548.2 11,921.0 12,315.7 12,739.0 13,184.3 13,665.7 14,170.9 


NUCLEAR SEGREGATED FUNDS BALANCE
13 Opening Balance 1 7,413.8 7,730.1 7,983.7 8,238.9 8,512.6 8,774.9 8,994.3 9,115.3 9,370.2 9,634.2 10,003.9 
14 Earnings (Losses) 374.9 393.8 406.5 423.8 439.8 445.5 452.6 462.0 475.1 491.0 510.3 
15 Contributions (26.9) (102.5) (102.5) (102.5) (102.5) (102.5) (244.4) (100.6) (100.6) 0.0 0.0 
16 Disbursements (31.6) (37.7) (48.8) (47.6) (75.1) (123.6) (87.3) (106.5) (110.4) (121.3) (108.7)
17 Closing Balance (line 13 through 16) 7,730.1 7,983.7 8,238.9 8,512.6 8,774.9 8,994.3 9,115.3 9,370.2 9,634.2 10,003.9 10,405.5 


18 Average Nuclear Segregated Funds Balance ((line 13 + line 17)/2) 7,572.0 7,856.9 8,111.3 8,375.8 8,643.8 8,884.6 9,054.8 9,242.7 9,502.2 9,819.0 10,204.7 


ASSET RETIREMENT COSTS (ARC)
19 Opening Balance 1 4,390.9 2,977.8 2,954.5 2,885.2 2,816.0 2,746.7 2,677.5 2,608.3 2,539.0 2,469.8 2,400.6 
20 Depreciation Expense (100.2) (68.0) (69.2) (69.2) (69.2) (69.2) (69.2) (69.2) (69.2) (69.2) (69.2)
21 Closing Balance Before Year-End Adjustments (line 19 + line 20) 4,290.7 2,909.7 2,885.2 2,816.0 2,746.7 2,677.5 2,608.3 2,539.0 2,469.8 2,400.6 2,331.3 


22 2017 ONFA Reference Plan Adjustment - Ongoing Facilities 4 (1,312.9) 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 
23 Year-End 2017 Adjustment Reflecting Nuclear Station End of Life Changes 2 0.0 44.7 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 
24 Closing Balance (line 21 + line 22 + line 23) 2,977.8 2,954.5 2,885.2 2,816.0 2,746.7 2,677.5 2,608.3 2,539.0 2,469.8 2,400.6 2,331.3 


25 Average Asset Retirement Costs  ((line 19 + line 22)/2)) 4,340.8 2,943.8 2,919.8 2,850.6 2,781.4 2,712.1 2,642.9 2,573.7 2,504.4 2,435.2 2,365.9 


Notes:
1 Opening balances in col. (a) from EB-2016-0152, Ex. C2-1-1 Table 3, col. (d).
2


3 See Ex. C2-1-1 Table 2, Note 5.
4 Adjustment recorded on December 31, 2016 associated with the current approved ONFA Reference Plan effective January 1, 2017. See Ex. C2-1-1 Table 4 for further details.


Table 3
Bruce Facilities - Asset Retirement Obligation, Nuclear Segregated Funds, and Asset Retirement Costs ($M)


Years Ending December 31, 2016 to 2026


Adjustment recorded on December 31, 2017 reflecting the changes to station end-of-life date assumptions underlying the ARO calculation, consistent with the EB-2018-0002 accounting order application. See Ex. C2-1-1 Table 4 for further details.
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Prescribed Bruce
Line Facilities Facilities OPG
No. Description Pickering A Pickering B Darlington Total Bruce A Bruce B Total Total


(a) (b) (c) (d) (e) (f) (g) (h)


December 31, 2016 Actual:
1 Decommissioning Program 226.7 278.1 71.2 576.0 (52.6) (40.6) (93.2) 482.8 
2 Low and Intermediate Level Waste Storage Program 11.6 40.0 30.9 82.6 20.2 (6.3) 13.8 96.4 
3 Low and Intermediate Level Waste Disposal Program (1.2) 33.1 26.5 58.4 (29.4) (46.4) (75.9) (17.5)
4 Used Fuel Disposal Program (194.7) (246.1) (434.8) (875.6) (443.5) (621.1) (1,064.6) (1,940.3)
5 Used Fuel Storage Program (10.2) 2.3 (91.8) (99.6) (43.7) (49.4) (93.1) (192.7)
6 ARO Adjustment Assignment to Station Level 32.2 107.4 (398.0) (258.3) (549.1) (763.8) (1,312.9) (1,571.3)


7 Asset Retirement Cost Adjustment 32.2 107.4 (398.0) (258.3) (549.1) (763.8) (1,312.9) (1,571.3)


Prescribed Bruce
Line Facilities Facilities OPG
No. Description Pickering A Pickering B Darlington Total Bruce A Bruce B Total Total


(a) (b) (c) (d) (e) (f) (g) (h)


December 31, 2017 Actual:1


8 Decommissioning Program (1.9) (29.3) (0.5) (31.7) 2.1 1.4 3.5 (28.1)
9 Low and Intermediate Level Waste Storage Program 21.1 37.8 (31.3) 27.5 28.2 16.3 44.5 72.0 


10 Low and Intermediate Level Waste Disposal Program 12.6 38.1 (78.3) (27.7) 9.2 7.2 16.4 (11.2)
11 Used Fuel Disposal Program 28.4 145.7 (18.1) 155.9 (0.7) (3.7) (4.4) 151.5 
12 Used Fuel Storage Program 15.8 19.3 (15.5) 19.6 (4.0) (11.3) (15.4) 4.2 
13 ARO Adjustment Assignment to Station Level 75.9 211.5 (143.8) 143.7 34.8 9.9 44.7 188.4


14 Asset Retirement Cost Adjustment 75.9 211.5 (143.8) 143.7 34.8 9.9 44.7 188.4


Notes:
1 As shown in EB-2018-0002 Schedule 1-Staff-1, Chart 1.


Table 4
Impact of 2017 ONFA Reference Plan and Year End 2017 Adustments for Ongoing Facilities - Assignment of ARO Adjustment and Allocation of ARC to Nuclear Stations ($M)








Filed: 2020-12-31 
EB-2020-0290 


Exhibit C1 
Tab 1 


Schedule 1 
Page 1 of 3 


 
CAPITAL STRUCTURE AND RETURN ON EQUITY 1 


 2 


1.0 PURPOSE 3 


This evidence describes the methodology that OPG has used to determine its capital 4 


structure and return on equity (“ROE”) for the IR term.  5 


 6 


2.0 CAPITAL STRUCTURE 7 


OPG is seeking approval of the IR term cost of capital as presented in Ex. C1-1-1, Tables 1 8 


through 5. In determining the cost of capital, OPG has applied the capital structure of 50% 9 


equity and 50% debt. The proposed capital structure is supported by the findings of the 10 


Common Equity Ratio Study carried out by Concentric Energy Advisors at Attachment 1 to 11 


this exhibit. The engagement letter executed with Concentric Energy Advisors is filed as 12 


Attachment 2 to this exhibit. 13 


 14 


The proposed capital structure reflects the material increase in OPG’s business risks since 15 


EB-2016-0152, primarily driven by: the Darlington Refurbishment Program; the aging and 16 


retirement of the Pickering nuclear generating station; the continued shift of OPG’s rate base 17 


to reflect a greater portion of nuclear assets, combined with the decline in nuclear 18 


generation; and increasing climate change risks.  19 


 20 


The debt component of OPG’s capital structure is determined using the methodologies 21 


approved by the OEB in EB-2007-0905, EB-2010-0008, EB-2013-0321, and EB-2016-0152. 22 


These are described in Ex. C1-1-2 and Ex. C1-1-3 for long-term and short-term debt, 23 


respectively. The capitalization and cost of capital for the 2016-2026 period is summarized in 24 


Ex. C1-1-1, Tables 1-11. OPG has applied this capitalization to the rate base, as adjusted to 25 


reflect the application of the “lesser of Asset Retirement Costs and Unfunded Nuclear 26 


Liabilities” provision applied by the OEB in EB-2007-0905, EB-2010-0008, EB-2013-0321, 27 


and EB-2016-0152.  28 


 29 
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3.0 RETURN ON COMMON EQUITY FOR IR TERM  1 


OPG’s Application incorporates an ROE of 8.34% as this is the latest rate published by the 2 


OEB (November 9, 2020) pursuant to the ROE formula as set out in Report of the Board on 3 


the Cost of Capital for Ontario’s Regulated Utilities, December 2009, EB-2009-0084 (“Cost of 4 


Capital Report”).  5 


 6 


OPG proposes to establish the ROE for the IR term using the prevailing ROE specified by 7 


the OEB in accordance with the OEB’s Cost of Capital Report as of the effective date of the 8 


Payment Amounts Order. Consistent with the OEB’s decision and order in the EB-2016-0152 9 


proceeding, OPG proposes to use the same ROE throughout the IR period.1  10 


                                                 
1 EB-2016-0152, Decision and Order, pp. 110-111. 
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ATTACHMENTS 1 


 2 


Attachment 1: Ontario Power Generation Common Equity Ration Study by Concentric 3 


Energy Advisors. 4 


 5 


Attachment 2:  Executed Engagement Letter for Concentric Energy Advisors 6 
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SECTION 1: 


EXECUTIVE SUMMARY 


Concentric Energy Advisors, Inc. (“Concentric”) was retained to prepare this independent report as 


to whether the application of the cost of capital approved by the Ontario Energy Board (“OEB” or 


“Board”) in EB-2016-0152 is an appropriate basis for setting Ontario Power Generation’s (“OPG’s”) 


payment amounts in its next rate application.   As the OEB has traditionally accounted for differences 


in risk through the deemed equity ratio for each regulated utility under its jurisdiction, rather than 


the authorized return on equity (“ROE”), Concentric’s analysis specifically focuses on OPG’s capital 


structure.  OPG’s next rate application will cover the five-year period from 2022 to 2026.  


In our analysis, OPG’s risk profile will increase materially during the 2022 to 2026 period, as 


compared to its risk profile at the time of EB-2016-0152.  The most significant risk factors 


contributing to the increase are: the Darlington Refurbishment Project (“DRP”) entering a critical 


stage of execution; the continued operation of aging nuclear units; the retirement of the Pickering 


nuclear station; the continued shift of OPG’s rate base to reflect a greater portion of nuclear assets, 


combined with an increase in the financial value of each unit of nuclear output; and increasing climate 


change impacts.  Given the increased risk profile, and OPG’s higher risk relative to other utilities that 


have equity ratios at the regulated operating company level that average from 49.5% to 55.9%, 


Concentric recommends that an equity ratio of no less than 50% be set for OPG in the upcoming 


proceeding.   


Concentric followed the OEB’s preferred approach to assessing capital structure for the utilities it 


regulates by performing a detailed risk analysis of OPG, along with the changes to OPG’s risk profile 


and an assessment of the impact of current market conditions on the cost of capital.  Concentric also 


examined OPG’s relative risk and equity ratio compared to other utilities.  In addition, Concentric 


considered OPG’s current capital structure for consistency with the three components of the fair 


return standard: (1) the comparable investment standard; (2) the financial integrity standard; and 


(3) the capital attraction standard.  Concentric’s analysis also included a review and consideration of 


the Board’s prior findings with regard to OPG’s equity thickness. In consideration of those findings, 


Concentric’s report provides further context and analysis regarding the drivers of risk for OPG and 


the comparability of U.S. and Canadian regulatory regimes.   


Our recommended equity ratio for OPG in the upcoming rate setting period is set at a level that 


balances the results of our analysis, which indicates heightened risk for OPG on an absolute basis and 
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in comparison to peer companies and supports an equity ratio at the high end of the range of 


reasonable results (i.e., 55% to 56%), with the OEB’s prior findings. In our view, the recommended 


50% is the minimum appropriate equity ratio for OPG.  This is particularly important as the allowed 


return on equity (“ROE”) by the OEB, currently 8.34%, is below the allowed ROEs for the proxy group 


companies.  


Canadian Versus U.S. Historical Equity Ratios 


The OEB found in EB-2016-1052 that an adjustment was appropriate for U.S.-derived equity ratios 


due to the historical difference between authorized equity levels for Canadian and U.S. utilities.  As 


discussed herein, Concentric’s conclusion in this report is that an adjustment for differences in the 


allowed equity ratios between Canada and the U.S. is not necessary at this time (and on a forward-


looking basis) because the business risk, including regulatory risk, for regulated utilities in the two 


countries is comparable, and the investment community’s view is that any regulatory risk differential 


between the countries has narrowed significantly, if not disappeared.  This view is supported by our 


interviews with equity and credit analysts covering the North American utility industry who 


indicated that any differences in business risk, including regulatory risk, between utilities in Canada 


and the U.S. are not sufficient to justify the historically wide gap in equity ratios between the two 


countries.   


Based on this analysis, it is Concentric’s view that an adjustment based on the existence of a historical 


difference between Canadian and U.S. deemed equity ratios would be inconsistent with the market’s 


current views on cross-border business risk comparability, including regulatory risk, and would be 


inappropriate for purposes of setting OPG’s regulatory capital structure on a forward-looking basis.   


Business and Financial Risk Analysis 


Concentric’s risk analysis focuses on: (a) the impact of current economic conditions on the cost of 


capital; (b) changes to OPG’s business and financial risks since EB-2016-0152; (c) expected changes 


to OPG’s risk profile and financial integrity on a forward-looking basis, consistent with how an 


investor would analyze OPG; and (d) for comparative purposes, a review of capital structure data for 


similar North American electric utilities.  Because OPG’s regulated capital structure is reflective of its 


overall risk profile related to the regulated operations, Concentric's analysis considered both the 


nuclear and hydroelectric businesses and their attendant risks.   
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Economic Environment 


In terms of the current economic environment and its impact on the cost of capital, several factors 


are at work.  On the equity side, and notwithstanding the low government bond yields discussed 


below, sustained volatility in publicly traded equity markets in both Canada and the U.S. has made 


investors more risk-adverse and safety conscious. In prior periods of market disruption, utilities have 


served as a safe haven for investors, but the ongoing COVID-19 pandemic, along with slumping 


demand and disruption to business plans, has left investors uncertain of the outlook for utilities.  


Utility betas, which measure the movement of individual stock prices in relation to the overall 


market, are well above their historical norms, and market indicators signal that the cost of equity for 


utilities has increased during the pandemic.   


Applied to the OEB’s framework for determining the cost of capital, the decline in the government 


bond yields is reflected in a decrease in allowed ROE from 8.52% for the 2020 year to 8.34% for the 


2021 year, per the OEB’s most recent update to the cost of capital parameters.  This will place the 


allowed ROE in Ontario below that of any other North American regulatory jurisdiction, at a time 


when market views of utility risk appear to be increasing. For OPG specifically, the reduction in the 


allowed ROE will negatively affect OPG’s credit metrics at a time when they are already expected to 


be pressured.     


Business and Financial Risks 


With regard to business and financial risks, Concentric reaches the following summary conclusions. 


• OPG continues to be at risk for variability in the output at its nuclear plants, a factor that 


distinguishes OPG from other North American regulated generators.  This risk pervades and 


compounds OPG’s other nuclear risks, discussed below. 


• OPG is in the process of refurbishing the four-unit Darlington nuclear station as part of a  


$12.8 billion “megaproject”.  OPG is subject to increased risk related to the DRP, compared to 


EB-2016-0152, due to new project execution risks in the upcoming rate-setting period, 


including the execution of new first-of-a-kind (“FOAK”) scope, managing overlapping unit 


refurbishments, trades availability and constraints due to the COVID-19 pandemic. 


• While the OEB found in EB-2016-0152 that the protections provided by Ontario Regulation 


53/05 (“O. Reg. 53/05”) mitigate OPG’s risk related to the DRP, Concentric observes that the 


same is true for other North American nuclear generation owners that are undergoing large 


nuclear construction projects and have higher equity ratios than OPG. This report provides a 
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summary of legislative and regulatory mechanisms available in other jurisdictions, and how 


those mechanisms have protected (or failed to protect) the utility nuclear owners. As such, 


Concentric’s recommended minimum equity ratio for OPG takes into account the risk 


reducing provisions for the DRP under O. Reg. 53/05. The recommendation also considers 


the impact of OPG’s other material deferral and variance accounts related to the nuclear 


business. 


• The majority of OPG’s nuclear fleet is nearing the end of its current operating life, with the 


Pickering station set to end commercial operation during the upcoming rate period and 


Darlington units requiring refurbishment as they reach end of ‘first’ life during the period. 


Therefore, OPG faces an inherently increasing risk related to variability in generation output 


due to the aging of its nuclear stations, which can lead to significant revenue shortfalls. 


• In addition to the increased generation risk leading up to the end of the station’s commercial 


operations, the shutdown and retirement of Pickering, comprising 60% of the company’s 


operating nuclear reactors and served by thousands of employees, in the upcoming rate 


period presents new and unique challenges for OPG related to significant disruptive 


organizational changes that can impact operational performance, increase forecast risk and 


reduce the diversification of OPG’s nuclear fleet. 


• OPG’s regulated asset mix will continue to shift towards a higher proportion of nuclear assets, 


which, as the OEB previously found, are riskier than the hydroelectric business.  Upon 


completion of the DRP in 2026, nuclear generation operations are projected to comprise 


approximately 60% of OPG’s overall regulated rate base, compared to 32% as of December 


31, 2019. 
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Figure 1: Nuclear Portion of OPG’s Rate Base Over Time1 


 


The OEB found in EB-2016-0152 that, because output from OPG’s nuclear fleet was not 


increasing, the risk of OPG had not necessarily increased as a result of the changing rate base 


mix.2  This report discusses that the investment in plant, which is ultimately recovered over 


output through the payment amounts, is the critical determinant of risk, notwithstanding 


changes in the relative output. In OPG’s case, the significant increase in relative investment 


in the nuclear fleet to be recovered drives the additional risk, even though the ratio of nuclear 


to hydroelectric generation output is not expected to increase.   


This report also discusses that the decline in nuclear generation output due to the DRP and 


ultimately from the retirement of the Pickering station over the upcoming rate period creates 


additional risk.  This is because each MWh of nuclear generation will become more financially 


valuable to OPG as the nuclear generation output that recovers the nuclear revenue 


requirement is reduced, while continuing to be more financially valuable than each MWh of 


hydroelectric generation.  


For the above reasons, Concentric concludes that the increase in OPG’s nuclear rate base 


(both in absolute terms and relative to the total) combined with the decline in nuclear 


 
1  Excluding the provision for lesser of nuclear asset retirement costs and unfunded nuclear liability, which 


is consistent with the OEB-approved methodology for calculating OPG’s rate base subject to the weighted 
average cost of capital for purposes of setting payment amounts. Nuclear rate values are subject to filing of 
OPG’s final rate application with the OEB. Hydroelectric rate base is estimated based on OPG’s Amended 
2020-2026 Business Plan.  


2  EB-2016-0152 Decision and Order, at 101-102. 
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generation will increase OPG’s risk profile over the next five years over-and-above its level of 


business risk in the prior payments amounts application. 


• Risks to both OPG’s prescribed nuclear and hydroelectric operations from climate change 


have increased from the prior rate proceeding, including the risk of increased capital 


expenditure needs due to the threat of climate driven impacts on the company’s 


infrastructure and systems.  The maintenance of hydroelectric base payment amount at the 


2021 levels pursuant to a recent amendment to O. Reg. 53/05 will also increase inflationary 


risk for OPG. 


• Concentric believes OPG’s financial risk will increase in the period from 2022 to 2026, as 


illustrated by the pressure on, and potential decline below current credit rating thresholds 


of, key credit metrics in the earlier years of the period. The credit metrics will be impacted by 


rate smoothing outcomes in the upcoming rate application. 


Concentric concludes that, taken as a whole, this shift in risk profile since the time of EB-2016-0152 


is sufficient to warrant a reassessment of OPG’s equity ratio. 


Equity Ratio Analysis and Recommendation 


In terms of the comparable return requirement of the fair return standard, Figure 2 and Figure 3 


below provide the average and median range of common equity ratios for two proxy groups of 


comparable utilities, including actual book equity ratios and regulated authorized equity ratios. 


Figure 2: Summary of Comparative Analysis Results (Concentric Proxy Group) 


Analytical Approach Mean  
Equity Ratio 


Median  
Equity Ratio 


Holding Company Equity Ratios: 5-Year Avg.  45.7% 47.4% 
Operating Company Equity Ratios: 5-Year Avg. 52.8% 53.0% 
Operating Company Equity Ratios: Authorized 49.5% 49.6% 


Figure 3: Summary of Comparative Analysis Results (Moody’s Peer Group) 


Analytical Approach Mean  
Equity Ratio 


Median 
Equity Ratio 


Holding Company Equity Ratios: 5-Year Avg. 50.6% 49.1% 
Operating Company Equity Ratios: 5-Year Avg. 55.9% 53.6% 
Operating Company Equity Ratios: Authorized 50.7% 50.1% 


 


As shown in the Figure 2 and Figure 3, the average range of equity ratios is from 45.7% to 55.9%.  


This range includes equity ratios at both the holding company level (i.e., reflecting a diverse mix of 
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regulated entities and some non-regulated risk) and the exclusively regulated operating company 


level, which is the appropriate point of comparison for OPG’s regulated operations.  Focusing only on 


equity ratios at the regulated operating company level provides a narrower range of 49.5% to 55.9%, 


and even a narrower range of regulatory authorized equity ratios from 49.5% to 50.7%. 


OPG’s current equity ratio of 45% is below those ranges despite OPG’s elevated level of risk relative 


to the proxy groups.  The relative elevated risk reflects OPG’s significant nuclear concentration, as 


well as its status as the only pure generation utility in the group, particularly when combined with 


its financial risks relative to the proxy groups and the revenue risk it faces related to nuclear output 


variability.  On this latter point, OPG’s being entirely at risk related to variability in the output of its 


nuclear facilities distinguishes it from other utilities, as the companies in the proxy group do not face 


comparable risk.  On this basis, we believe OPG falls toward the upper end of the risk spectrum, 


reasonably supporting an equity ratio of 55% to 56% (i.e., at the upper end of the proxy group 


results).   


For this upcoming rate setting period, however, Concentric conservatively recommends an equity 


ratio of no less than 50% for OPG.  This recommendation balances considerations related to OPG’s 


heightened risk profile and proxy group position with the Board’s findings in EB-2016-0152, as 


discussed herein.  


Witness Duty 


We acknowledge that it is our duty to provide evidence in relation to this proceeding as follows: 


a. to provide opinion evidence that is fair, objective and non-partisan; 


b. to provide opinion evidence that is related only to matters that are within my area 


of expertise; and  


c. to provide such additional assistance as the OEB may reasonably require, to 


determine a matter in issue.  


We acknowledge that the duty referred to above prevails over any obligation which we may owe to 


any party by whom or on whose behalf we are engaged.
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SECTION 2: 


SCOPE OF ANALYSIS AND OVERVIEW OF CONCENTRIC 


Scope 


Concentric was retained to prepare this independent report as to whether the application of the cost 


of capital approved by the OEB in EB-2016-0152 is an appropriate basis for setting payment amounts 


in OPG’s next rate application.  Concentric’s analysis specifically focused on OPG’s capital structure.  


In preparing this report, Concentric performed the following assessment:  


1. Examined the OEB’s decisions in EB-2007-0905, EB-2010-0008, EB-2013-0321 and EB-


2016-0152 to understand the OEB’s analysis and findings in past cases regarding OPG’s cost 


of capital;   


2. Analyzed OPG’s business and financial risks since EB-2016-0152 and on a forward-looking 


basis consistent with how an investor would analyze OPG’s risk profile; 


3. Examined the capital structures of a proxy group of comparable companies; and 


4. Determined an appropriate capital structure for OPG. 


Overview of Concentric 


Concentric is a management consulting and economic advisory firm, focused on the North American 


energy industry.  Based in Marlborough, Massachusetts, Washington, D.C., and Calgary, Alberta, 


Concentric specializes in regulatory and litigation support, transaction-related financial advisory 


services, energy market strategies, market assessments, energy commodity contracting and 


procurement, economic feasibility studies, and capital market analyses.  The firm provides financial, 


economic and regulatory advisory services to clients across North America, including utility 


companies, regulatory and public agencies, and utility sector investors.  Concentric has advised 


energy industry participants on the purchase and sale of nuclear facilities, hydroelectric facilities, 


and other generation assets, and we have served in an independent monitoring or project advisory 


function on major capital projects at several nuclear generating units in North America.  Concentric 


also has experience relating to major refurbishment work on nuclear power life cycle management 


and extended power uprates in the U.S. and Canada.  Concentric has provided expert testimony on 


the cost of capital in more than 100 regulatory proceedings in Canada and the U.S. over the past five 


years.  


James Coyne, Senior Vice President at Concentric, and Daniel Dane, also a Senior Vice President at 


Concentric, coauthored this report with assistance from other Concentric staff.  Mr. Coyne is a senior 


Filed: 2020-12-31 
EB-2020-0290 
Exhibit C1-1-1 
Attachment 1 


Page 11 of 131







 


9 


expert who provides testimony before Canadian provincial and U.S. federal and state agencies on 


matters pertaining to economics, finance, and public policy in the energy industry.  He regularly 


advises utilities, generating companies, public agencies and private equity investors on business 


issues pertaining to the utilities industry.  This work includes determining the cost of capital for the 


purpose of ratemaking and providing expert testimony and studies on matters pertaining to 


incentive regulation, rate policy, valuation, capital costs, fuels and power markets.  He has advised 


both buyers and sellers in numerous transactions involving hydroelectric, nuclear, fossil and 


renewable generation facilities, and worked with companies to develop strategies for acquiring these 


assets.  He has testified or provided expert evidence before state, provincial and federal jurisdictions 


across Canada and the U.S. This work has been provided on behalf of utilities, regulatory commissions 


and staff.  


Mr. Coyne is also a frequent speaker and author of articles and white papers on the energy industry.  


Recently, on behalf of the Canadian Gas Association and the Canadian Electric Association, he 


prepared a discussion paper for utility executives and provincial regulators that examined the roles 


that Canada’s utilities and regulators can play to promote innovation.  In addition, he facilitated 


workshops between Canadian regulators and utility executives on regulatory and utility responses 


to a low carbon world, and drafted follow-up white papers to facilitate further discussion on 


emerging industry issues.  In collaboration with the Canadian Gas and Canadian Electric Associations, 


he publishes a newsletter summarizing allowed ROEs and capital structures for gas and electric 


utilities in Canada and the U.S.  He has been an invited speaker for several CAMPUT events including 


the recent Energy Regulation Course at Queen’s University where he spoke on “Innovations in Utility 


Business Models and Regulation.”  Mr. Coyne also coauthored a report titled “A Comparative Analysis 


of Return on Equity of Natural Gas Utilities” with Mr. Dane that was prepared for the OEB in June 


2007.  


He holds a B.S. in Business Administration from Georgetown University and a M.S. in Resource 


Economics from the University of New Hampshire.  


Mr. Dane has advised numerous energy and utility clients on a wide range of financial and economic 


issues with primary concentrations in valuation and utility rate matters.  Many of those assignments 


have included the determination of the cost of capital.  Mr. Dane has also provided expert testimony 


on regulated ratemaking matters, including the cost of capital, for investor-owned utilities and 


regulatory agencies.  Mr. Dane coauthored “A Comparative Analysis of Return on Equity of Natural 


Gas Utilities” with Mr. Coyne on behalf of the OEB, as discussed above.  Mr. Dane has provided sell-
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side support for approximately $2 billion in generating asset transactions in the U.S., including 


nuclear generating facilities, and has been a significant contributor to numerous assignments at 


Concentric involving independent evaluations of nuclear plant construction project commercial 


strategies, project controls and management oversight, and new power plant development.  Mr. Dane 


has an MBA from Boston College in Chestnut Hill, Massachusetts and a BA in Economics from Colgate 


University in Hamilton, New York.  Mr. Dane is a certified public accountant, and is a licensed 


securities professional (Series 7, 28, 63, 79, and 99).  Mr. Dane also serves as the Financial and 


Operations Principal of CE Capital Advisors, a FINRA-Member firm and a subsidiary of Concentric.  


Messrs. Coyne and Dane’s qualifications are detailed more fully in Appendices C and D. 
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SECTION 3: 


BACKGROUND ON PRIOR OEB DECISIONS 


This is the fifth general rate setting proceeding before the Board for OPG.  Below is a brief synopsis 


of the prior four proceedings, as well as the Board’s findings in EB-2009-0084, the “Report of the 


Board on the Cost of Capital for Ontario’s Regulated Utilities.” 


EB-2007-0905 


EB-2007-0905 was OPG’s first cost of service application before the OEB, including cost of capital and 


capital structure.  In its November 3, 2008 decision in EB-2007-0905, the OEB laid out the legislative 


requirements regarding rate regulation of OPG and reached numerous conclusions regarding its 


approach to setting rates for OPG. 


With regard to the capital structure, the OEB stated:  “The Board finds that the approach to setting 


the capital structure should be based on a thorough assessment of the risks OPG faces, the changes 


in OPG’s risk over time and the level of OPG’s risk in comparison to other utilities.”3  The OEB further 


concluded that it would apply the stand-alone principle in establishing the capital structure for OPG, 


noting that “[t]he stand-alone principle is a long-established regulatory principle,”4 and that 


“Provincial ownership will not be a factor to be considered by the Board in establishing capital 


structure.”5  The OEB determined that a 47% equity ratio was appropriate for OPG, finding that OPG 


was of higher risk than any other Ontario energy utility but of lower risk than merchant generators.6 


During EB-2007-0905, the OEB set one overall capital structure for both regulated hydroelectric and 


nuclear businesses but concluded that separate capital structures for the two businesses was an 


approach worth examining at the next proceeding.  


At the time of EB-2007-0905, OPG owned and operated six prescribed hydroelectric generating 


stations (Sir Adam Beck I and II, Sir Adam Beck Pump Generating Station, DeCew Falls I and II, and 


R.H. Saunders), and three prescribed nuclear generating stations (Pickering A, Pickering B, and 


Darlington).7 


 
3  EB-2007-0905, Decision with Reasons, November 3, 2008, at 136.  
4  Ibid., at 140. 
5  Ibid., at 142. 
6  Ibid., at 149-150. 
7  References to the “Pickering station” throughout the report encompass the Pickering A and Pickering B 


stations as prescribed under O. Reg. 53/05. 
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EB-2009-0084 


In EB-2009-0084, the OEB reviewed its cost of capital policies for Ontario’s regulated utilities to 


determine whether the automatic adjustment formula was continuing to meet the fair return 


standard.  As a result of its consultative process, the OEB affirmed its view that the fair return 


standard frames the discretion of a regulator, by setting out three standards or requirements 


(comparable investment, financial integrity, and capital attraction) that must be satisfied by the cost 


of capital determinations.8  The OEB observed that meeting the fair return standard is not optional; 


it is a legal requirement.  


In discussing the application of the fair return standard, the OEB made the following observations:9 


1. The OEB notes that the fair return standard expressly refers to an opportunity cost of 


capital concept, one that is prospective rather than retrospective; 


2. The OEB agrees with the National Energy Board which stated that “[i]t does not mean that 


in determining the cost of capital that investor and consumer interests are balanced;” 


3. All three standards or requirements (comparable investment, financial integrity, and capital 


attraction) must be met, and none ranks in priority to the others; 


4. The OEB reiterates that an allowed ROE is a cost and is not the same concept as a profit, 


which is an accounting term for what is left from earnings after all expenses have been 


provided for; 


5. The OEB is of the view that utility bond metrics do not speak to the issue of whether a ROE 


determination meets the requirements of the fair return standard; and 


6. The OEB questions whether the fair return standard has been met, and in particular, the 


capital attraction standard, by the mere fact that a utility invests sufficient capital to meet 


service quality and reliability obligations.  Rather, the OEB is of the view that the capital 


attraction standard, indeed the fair return standard in totality, will be met if the cost of 


capital determined by the OEB is sufficient to attract capital on a long-term sustainable 


basis given the opportunity costs of capital. 


With respect to capital structure, the OEB found that its current policy for all regulated utilities, which 


was developed in March 1997, continued to be appropriate.  The decision in EB-2009-0084 states:  


 
8  EB-2009-0084, Report of the Board, December 11, 2009, at i. 
9  Ibid., at 19-20. 
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“As noted in the Board’s draft guidelines, capital structure should be reviewed only when there is a 


significant change in financial, business or corporate fundamentals.”10 


The OEB also reiterated other policies, including that “the rate setting methodologies used by the 


OEB apply uniformly to all rate-regulated utilities regardless of ownership.  The determination of the 


rate-regulated utilities’ cost of capital is no exception.”11 


In 2016, the OEB issued an OEB Staff Report regarding the OEB’s cost of capital policy.  In that report, 


OEB Staff concluded that no changes were to be made to the policy at that time.12 


EB-2010-0008 


OPG’s generation asset mix as of EB-2010-0008 was at approximately 38% nuclear and 62% 


hydroelectric, based on OEB-approved rate base for the prescribed facilities (excluding the lesser of 


nuclear asset retirement costs and unfunded nuclear liability), which was approximately the same as 


it had been as of EB-2007-0905.  In its March 11, 2011 decision in EB-2010-0008, the OEB found that 


“there is no evidence of any material change in OPG’s business risk and that the deemed capital 


structure of 47% equity and 53% debt, after adjusting for the lesser of Unfunded Nuclear Liabilities 


or Asset Retirement Costs, remains appropriate.”13 


In EB-2010-0008, there was a discussion of technology-specific costs of capital and capital structures.  


Pollution Probe’s experts Drs. Lawrence Kryzanowski and Gordon Roberts recommended an equity 


ratio of 43% for the hydroelectric operations and an equity ratio of 53% for the nuclear operations, 


premised on OPG retaining its aggregate equity ratio of 47%.  The OEB found that there was not 


enough evidence to support technology-specific capital structures and reaffirmed its findings in EB-


2007-0905 that the risks related to nuclear generation are higher than those related to hydroelectric 


generation. 


In addition, while the issue was identified by the OEB in the context of technology-specific capital 


structures, the OEB recognized an emerging issue, noting that “[a]s the relative size of the 


hydroelectric and nuclear businesses changes (through major additions to rate base, for example) 


the issue will arise as to whether the overall ratio of 47% is to remain unchanged.”14 


 
10  Ibid., at 49. 
11  Ibid., at 25. 
12  EB-2009-0084, OEB Staff Report, January 14, 2016, at 1.  
13  EB-2010-0008, Decision with Reasons, March 10, 2011, at 116. 
14  Ibid., at 117. 
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EB-2013-0321 


In EB-2013-0321, the OEB found that OPG’s business risks had changed, primarily pointing to the 


addition of 48 hydroelectric assets to OPG’s regulated assets and the then recently completed Niagara 


Tunnel Project.  Specifically, the OEB found that the addition of hydroelectric assets and the Niagara 


Tunnel Project “increase the proportionate share of rate base related to hydroelectric facilities from 


about half in 2010 to approximately two-thirds now [i.e., as of EB-2013-0321].”15 


As a result of these findings, the OEB lowered the equity ratio for OPG from 47% to 45%.  Specifically, 


the OEB stated, “…[t]he Board has determined that business risk has changed for this payment setting 


period, and that the business risk is reduced.  The business risk is reduced because of the addition of 


significant hydroelectric assets to rate base, which are less risky than nuclear assets.”16 


In addition, the OEB found that, at the time of EB-2013-0321, moving to incentive regulation did not 


significantly increase risks to OPG such that the capital structure should be reset, noting that the 


capital structure for Ontario’s electricity and gas distributors had not been reset when they moved 


to incentive regulation.  The OEB did note, however, that part of its decision was based on the fact 


that OPG was not moving to incentive regulation in EB-2013-0321, and that “any potential changes 


to business risk this may entail could be considered in the incentive regulation proceeding.”17   


EB-2016-0152 


The OEB left OPG’s equity ratio unchanged in its decision and order in EB-2016-0152.  The OEB 


continued to find that nuclear generation presents more business risks than hydroelectric 


generation, and that OPG’s nuclear rate base would “increase substantially over the five-year term of 


[of the period over which rates were being set],”18  but noted that nuclear generated MWh will not 


increase relative to hydroelectric MWh.  The OEB further found that OPG’s nuclear-specific risks were 


mitigated by factors including “various protections provided by O. Reg. 53/05 and the variance and 


deferral accounts that allow OPG to recover substantially all their unexpected or unforeseen costs.”19  


The OEB also found that the move to incentive regulation would not add significant risk to OPG noting 


that there was no new evidence to the contrary, and that given OPG’s planning of the DRP and certain 


regulatory protections under O. Reg. 53/05, the risks of the DRP were also controlled.  Additionally, 


the OEB commented on the use of U.S. companies in the proxy group for OPG, noting that Canadian 


 
15  EB-2013-0321, Decision with Reasons, November 20, 2014, at 113.  Clarification added. 
16  Ibid., at 114. 
17  Ibid. 
18  EB-2016-0152, Decision and Order, December 28, 2017, at 102.  Clarification added. 
19  Ibid. 
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ratemaking equity ratios tend to be lower that U.S. ratemaking equity ratios and that, in EB-2016-


0152, an adjustment should have been made to the U.S. companies’ equity ratios to account for that 


divergence. The OEB also noted that given its findings in the decision related to OPG’s plan for 


Pickering extended operations beyond 2020 and the regulatory protections under O. Reg. 53/05, the 


associated risks, including a determination that Pickering extended operations may not proceed, 


were unlikely to materialize. 
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SECTION 4: 


PRINCIPLES FOR A FAIR RETURN 


The Supreme Court of Canada established the principles surrounding the concept of a “fair return” 


for a regulated company in the Northwestern Utilities v. City of Edmonton (1929) (“Northwestern”) 


case, where the Supreme Court found: 


By a fair return is meant that the company will be allowed as large a return on the 


capital invested in its enterprise (which will be net to the company) as it would receive 


if it were investing the same amount in other securities possessing an attractiveness, 


stability and certainty equal to that of the company’s enterprise.20  


As stated by Major and Priddle in 2008, this definition remains in full legal effect today.21  


United States law regarding fair return for utility cost of capital has evolved similarly.  The U.S. 


Supreme Court set out guidance in the bellwether cases of Bluefield Water Works and Hope Natural 


Gas Co. as to the legal criteria for setting a fair return.  In Bluefield Water Works & Improvement 


Company v. Public Service Commission of West Virginia (262 U.S. 679, 693 (1923)), the Court found:  


The return should be reasonably sufficient to assure confidence in the financial 


soundness of the utility and should be adequate, under efficient and economical 


management, to maintain and support its credit and enable it to raise the money 


necessary for the proper discharge of its public duties.  A rate of return may be 


reasonable at one time and become too high or too low by changes affecting 


opportunities for investment, the money market and business conditions generally. 


The U.S. Court further elaborated on this requirement in its decision in Federal Power Commission v. 


Hope Natural Gas Company (320 U.S. 591, 603 (1944)).  There the Court described the relevant 


criteria as follows: 


From the investor or company point of view it is important that there be enough revenue 


not only for operating expenses but also for the capital costs of the business.  These 


include service on the debt and dividends on the stock [....] By that standard the return 


to the equity owner should be commensurate with returns on investments in other 


enterprises having corresponding risks.  That return, moreover, should be sufficient to 


 
20  Northwestern at 193. 
21  The Fair Return Standard for Return on Investment by Canadian Gas Utilities: Meaning, Application, 


Results, Implications, by The Honourable John C. Major, Former Justice, Supreme Court of Canada, and 
Roland Priddle, President, Roland Priddle Energy Consulting Inc., Former Chair of the National Energy 
Board, March 2008, at 4. 
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assure confidence in the financial integrity of the enterprise, so as to maintain its credit 


and to attract capital. 


With the passage of time, the fair return standard has been interpreted many times in both Canada 


and the U.S.  In Canada, the National Energy Board (“NEB”, predecessor to the Canadian Energy 


Regulator) summarized its interpretation of the “fair return standard” in its RH-2-2004 Phase II 


Decision and more recently reiterated that interpretation in its Trans Québec & Maritimes Pipelines 


Inc. RH-1-2008 Decision, at pp. 6-7. 


The [NEB] is of the view that the fair return standard can be articulated by having 


reference to three particular requirements.  Specifically, a fair or reasonable return on 


capital should: 


 be comparable to the return available from the application of the invested 


capital to other enterprises of like risk (the comparable investment standard); 


 enable the financial integrity of the regulated enterprise to be maintained (the 


financial integrity standard); and 


 permit incremental capital to be attracted to the enterprise on reasonable 


terms and conditions (the capital attraction standard). 


In the [NEB]’s view, the determination of a fair return in accordance with these 


enunciated standards will, when combined with other aspects for the Mainline’s revenue 


requirement, result in tolls that are just and reasonable.22  


Similarly, in its EB-2009-0084, Report of the Board on the Cost of Capital for Ontario’s Regulated 


Utilities, December 11, 2009, the OEB discussed the necessity of adhering to the fair return standard 


as follows:  


The Board affirms its view that the Fair Return Standard frames the discretion of a 


regulator, by setting out the three requirements that must be satisfied by the cost of 


capital determinations of the tribunal.  Meeting the standard is not optional; it is a legal 


requirement.  Notwithstanding this obligation, the Board notes that the Fair Return 


Standard is sufficiently broad that the regulator that applies it must still use informed 


 
22  National Energy Board RH-2-2004 Reasons for Decision, TransCanada PipeLines Ltd, Phase II, April 2005, 


at 17. 
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judgment and apply its discretion in the determination of a rate regulated entity’s cost 


of capital.  


*** 


 … all three standards or requirements (comparable investment, financial integrity, and 


capital attraction) must be met and none ranks in priority to the others.  The Board 


agrees with the comments made to the effect that the cost of capital must satisfy all 


three requirements which can be measured through specific tests and that focusing on 


meeting the financial integrity and capital attraction tests without giving adequate 


comparability to the comparable investment test is not sufficient to meet the [Fair 


Return Standard].23  


Canadian regulatory authorities, including the OEB, have also determined that another key principle 


in establishing a fair return on equity for a regulated utility is the “stand-alone” principle.  The OEB’s 


specific findings with regard to the stand-alone principle for OPG are included above in the summary 


of EB-2007-0905. 


Furthermore, the OEB has recognized that the cost of capital is a forward-looking concept.  For 


example, in its decision in EB-2009-0084, the OEB referenced a presentation by Dr. Bill Cannon at 


CAMPUT’s 2009 Energy Regulation Conference during which Dr. Cannon explained the forward-


looking nature of the cost of capital as follows: “First, it [the cost of capital] is forward looking.  


Investment returns are inherently uncertain and the ex post, actual returns experienced by investors 


may differ from those that were expected ahead of time.  The cost of capital is therefore an expected 


rate of return.”24  Elsewhere in that same decision, the OEB stated:  “First, the Board notes that the 


[Fair Return Standard] expressly refers to an opportunity cost of capital concept; one that is 


prospective rather than retrospective.”25  In other words, investors establish their return 


requirements based on expectations regarding economic growth, inflation, interest rates, the market 


risk premium and other factors affecting future risks and opportunity costs. 


Investors also consider the business and financial risks of a particular company relative to other 


similarly situated companies in the same industry.  For example, as mentioned previously, the OEB 


has expressed its view that “the capital attraction standard, indeed the [Fair Return Standard] in 


totality, will be met if the cost of capital determined by the Board is sufficient to attract capital on a 


 
23  Ontario Energy Board, EB-2009-0084, Report of the Board on the Cost of Capital for Ontario’s Regulated 


Utilities, December 11, 2009, at i and 19. 
24  Ibid., at 25.  
25  Ibid., at 19. 
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long-term sustainable basis given the opportunity costs of capital.”26  Further, the OEB has 


determined that “[t]he comparable investment standard requires empirical analysis to determine the 


similarities and differences between rate-regulated utilities.” However, the assessment of 


comparability “does not require that those entities be ‘the same’.”27 


 


 
26 Ibid., at 20. 
27 Ibid., at 21. 
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SECTION 5: 


CANADIAN VERSUS U.S. HISTORICAL EQUITY RATIOS 


In its EB-2016-0152 decision and order, the OEB determined that “on balance an increase in OPG’s 


equity thickness is not necessary in order for the fair return standard to be met.”28  With respect to 


the information presented by both Concentric (on behalf of OPG) and the Brattle Group (on behalf of 


the OEB Staff) regarding the allowed equity ratio for the U.S. proxy group and the authorized equity 


ratios for Canadian investor-owned utilities, the OEB wrote:  “The OEB finds that an adjustment to 


the comparator group data should have been made by both experts to account for the substantially 


lower common equity ratios allowed regulated utilities in Canada.”29 


In considering this matter in this report, Concentric’s analysis is that while the average allowed 


equity ratio for U.S. utilities is higher than the average deemed equity ratio for Canadian utilities, this 


wide differential is not currently explained by differences in business risk, including regulatory risk.  


For example, equity and credit analysts have acknowledged that while they previously considered 


U.S. utilities to have higher business and regulatory risk than Canadian regulated utilities, that 


perception has changed in recent years as U.S. utilities have been granted a broader suite of cost 


recovery mechanisms and adjustment clauses that reduce regulatory lag and provide similar risk 


mitigation to that of their Canadian counterparts.  Equity analysts have also indicated that they view 


the regulatory environment in Canada and the U.S. as being similar, and that U.S. regulation has been 


providing more timely cost recovery and reducing regulatory lag in recent years. 


For example, a March 2019 report by equity analysts at Scotiabank indicated that they view the 


regulatory environments in Canada and the U.S. as being similar for regulated utilities.  In explaining 


why they expect the valuations of Canadian and U.S. utilities to converge, Scotiabank observed:   


Historically, the Canadian utilities have traded at a discount to their mid-cap U.S. peers.  


We attribute this to the historical view that Canadian regulation was superior to U.S. 


regulation (we no longer have that view) as well as to strong earnings growth in part 


due to M&A.30 


This continues a trend that started approximately ten years ago.  For example, in a September 2013 


report, Moody’s Investors Service (“Moody’s”) explained its changing view on the relative risk of U.S. 


 
28  EB-2016-0152, Decision and Order, December 28, 2017, at 109. 
29  Ibid. 
30  Scotiabank Equity Research Spotlight, Energy Infrastructure, March 18, 2019, at 9. Emphasis added. 
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and Canadian utilities as follows: 


Based on our observations of trends and events, we propose to adopt a generally more 


favorable view of the relative credit supportiveness of the US regulatory environment.  


Our updated view considers improving regulatory trends that include the increased 


prevalence of automatic cost recovery provisions, reduced regulatory lag, and generally 


fair and open relationships between utilities and regulators.31 


In support of this changing view on the relative risk of the US regulatory environment, Moody’s noted 


the following developments: 


 “We believe that many US regulatory jurisdictions have become more credit supportive of 


utilities over time and that the assessment of the regulatory environment in the US that has 


been incorporated in the ratings may now be overly conservative.”32 


 “While we had previously viewed individual state regulatory risks for US utilities as being 


higher than utilities in most other developed countries (where regulation usually occurs at 


the national level), we have observed an overall decrease in regulatory risk in the US.”33 


 “There have been a number of favorable regulatory changes in recent years.  For example, the 


increasing prevalence of riders, trackers and other automatic cost recovery provisions in the 


US has reduced the amount of time between when a utility incurs and recovers costs, or 


‘regulatory lag.’  These changes have happened incrementally – jurisdiction by jurisdiction or 


even issuer by issuer.  We now believe that these changes, in aggregate, represent a 


significant improvement in the timeliness of cost recovery.”34 


 “We believe the majority of US utilities enjoy relatively fair and open relationships with their 


regulators, and that most regulators strive to maintain reliable, financially viable utilities in 


their states while balancing the needs of the state’s commercial, industrial and residential 


utility customers.”35 


 “A comparison of key financial ratios used under the Regulated Electric and Gas Utilities 


Rating Methodology in rating utilities across developed international jurisdictions with credit 


supportive regulatory frameworks (including Canada and Japan) shows that US regulated 


 
31  Moody’s Investors Service, Proposed Refinements to the Regulated Utilities Rating Methodology and Our 


Evolving View of US Utility Regulation, September 23, 2013, at 1. 
32  Ibid., at 4. 
33  Ibid. 
34  Ibid. 
35  Ibid. 
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utilities in recent years have exhibited stronger financial ratios relative to similarly rated 


regulated international utility peers.”36  


In order to supplement our assessment of how investors perceive the regulatory environment for 


utilities in Canada and the U.S., Concentric conducted interviews in October and November 2020 with 


equity and credit analysts who cover the North American utility industry to discuss their views 


regarding the regulatory environment in Canada and the U.S.37  The interviews focused on the 


following questions:  1) whether the analysts factor country risk into their analysis/rating;  


2) whether they see the Canadian regulatory environment as providing any more or less risk 


protection and support to utilities than the U.S. regulatory environment, and if so, what specific 


factors lead to this conclusion; 3) whether they factor in state/provincial level regulatory risk in their 


analysis; 4) whether they view the Ontario regulatory environment as more or less favorable than 


other Canadian provinces and U.S. states; 5) whether they view electric generation as more or less 


risky than electric transmission and distribution (“T&D”); 6) whether they view nuclear generation 


as more or less risk than other types of electric generation; and 7) whether they see differentials in 


equity ratios between Canadian and U.S. utilities as being justified by differences in business and 


regulatory risk in Canada or Ontario as compared to the U.S. 


Importantly, while many analysts continue to view the Canadian regulatory environment as 


somewhat more favorable for regulated utilities than the U.S. regulatory environment, the situation 


in Canada is seen as being static, while the U.S. landscape is viewed as having improved in recent 


years through the more frequent use of forward test years, revenue decoupling mechanisms, and 


capital cost recovery mechanisms that have reduced regulatory lag and enhanced the ability of U.S. 


utilities to earn their authorized ROE.  Further, equity and credit analysts do not see the differential 


in deemed equity ratios between Canada and the U.S. as being justified by differences in business or 


regulatory risk.  In addition, it was clear from our interviews that equity and credit analysts see the 


utility industry as a North American industry, and that any differences are more likely to be observed 


between specific provinces/states than between the two countries.  The differences between specific 


provinces and states are viewed as being very narrow, and most Canadian provinces and U.S. states 


are seen as credit supportive for regulated utilities, with only minor gradations between those that 


are most credit supportive and those that are less credit supportive. Lastly, equity and credit analysts 


 
36  Ibid., at 5. 
37  Survey participants included: Robert Hope, equity analyst – Scotiabank; Robert Kwan, equity analyst – 


RBC Capital Management; Ben Pham, equity analyst – Bank of Montreal; Andrew Ng, Gerrit Jepsen, and 
Obioma Ugboaja, credit analysts – S&P Global Ratings; and Gavin MacFarlane, credit analyst – Moody’s 
Investors Service 
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agreed that ownership of electric generation assets is more risky than electric transmission and 


distribution operations, and that nuclear generation is the riskiest type of generation.  The last 


finding is further supported by Appendix A, in which excerpts from S&P Global Ratings (“S&P”) 


reports illustrate that agency’s views on the high-risk nature of nuclear operations. 


The following section provides more specific details regarding how the analysts we interviewed view 


the risk profiles of the utilities they cover and the regulatory environment in which those utilities 


operate. 


Country risk:  Equity and credit analysts who participated in the survey indicated that 


they view Canada and the U.S. as having the same or very similar country risk.  They 


do not distinguish between the two countries on the basis of country risk unless there 


is a large divergence in the risk-free rate (i.e., wider than the current gap of 20 basis 


points for the 10 year government bond).  They tend to consider country risk as a 


factor in their investment analysis when they are comparing Canada and the U.S. to 


other countries outside North America, in particular emerging markets. 


Comparing Canadian and U.S. regulatory environment:  Equity and credit analysts 


tend to see the Canadian regulatory environment as somewhat more favorable than 


in the U.S.  However, most analysts noted that the U.S. regulatory environment has 


improved in recent years U.S. due to the increased use of forward test years, revenue 


decoupling mechanisms, and approval of cost recovery mechanisms that improve the 


timeliness of cost recovery for capital investments and infrastructure replacement 


projects.  Several analysts expressed the view that it is more important to consider 


differences between specific jurisdictions instead of drawing more general 


conclusions about the two countries.  Also, it was observed that the regulatory 


environments in Canadian provinces are more homogeneous than in the U.S., and that 


there are a number of U.S. jurisdictions that compare favorably to Canadian 


jurisdictions in terms of providing support for timely cost recovery and the ability to 


earn the authorized return.  Credit analysts in particular were more focused on 


whether the regulatory environment provided regulatory and financial stability, and 


whether there was regulatory independence and a lack of political interference, than 


on whether one jurisdiction was more supportive than another.  Equity analysts 


tended to focus on whether the utility is able to earn its authorized return and 


generate predictable earnings and cash flows.  One analyst commented that he 


believes the higher authorized ROEs in the U.S. help to offset the greater regulatory 


lag in certain states.  The prevalence of cost disallowances was another factor noted 


by both equity and credit analysts as a consideration (and as a concern for OPG in 


particular). 


Influence of regulatory risk on investment analysis:  One equity analyst observed that 


utilities in more favorable jurisdictions receive higher valuations, while those in less 


favorable jurisdictions receive lower valuations.  Another equity analyst indicated 
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that his firm’s top utility recommendation was a Canadian company that had more 


than half its assets in a U.S. subsidiary that operates in a state that allows relatively 


high ROEs, support for rate base investment, and strong customer relationships that 


result in settlement agreements.  At the same time, they have a less favorable outlook 


on another Canadian utility company given its material exposure to a jurisdiction that 


has among the lowest authorized ROEs in the country and stranded asset risk.  Credit 


analysts reiterated their view that differences in regulatory risk between 


jurisdictions were relatively small and that regulation provides an overall credit 


supportive environment for all utilities in both Canada and the U.S. 


Equity ratio differential:  The equity analysts expressed the view that the equity ratio 


differential between Canada and the U.S. is not justified by differences in business or 


regulatory risk between the two countries.  In particular, one equity analyst 


commented that the equity thickness and ROE in Ontario are inferior to many other 


jurisdictions, especially those in the U.S.  While this difference historically was 


acceptable, the analyst saw the improving regulatory framework in the U.S. as cause 


for concern that the low equity thickness and ROE in Ontario could lead to challenges 


in incenting capital to flow to the province. Another equity analyst observed that the 


equity thickness gap has not narrowed between Canada and U.S., and that he would 


prefer that the equity ratio gap be lowered.  


Generation vs. T&D operations risk:  The equity and credit analysts who we 


interviewed agreed that companies that own electric generation assets have greater 


risk than T&D utility companies.  Among the reasons cited for this higher risk profile 


were: increased operational risk, greater risk of economic obsolescence, higher risk 


of forced outages, and higher environmental risk.  An equity analyst commented that 


with the emergence of environmental, social and governance (“ESG”) considerations 


in late 2018, investors now tend to prefer companies with less generation and more 


T&D assets.  A credit analyst explained that generation has higher risk under their 


stated credit criteria, and that generation ownership specifically affects the financial 


risk profile of a utility company because it determines what financial benchmarks are 


used to assess financial risk.   


Nuclear risk:  Nuclear generation is viewed as the riskiest type of generation by the 


equity and credit analysts we interviewed.  Among the reasons for this assessment 


were: the possibility of catastrophic failure and loss of life, damage to the 


environment, risk around decommissioning and spent fuel disposal, construction cost 


overruns, more unplanned outages, negative sentiment around the technology 


following the nuclear incident in Japan, and higher safety requirements.  One equity 


analyst commented that the Ontario government has been supportive of nuclear 


generation being part of the fuel mix, as evidenced by the ongoing refurbishment of 


the Darlington and Bruce reactors, and that the risk of economic obsolescence is 


generally lower for nuclear as compared to other generation types.  Another equity 


analyst indicated that certain investors have investment policy statements that 
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restrict any exposure to nuclear energy.  Lastly, a credit analyst expressed the view 


that nuclear risk is company specific and that state legislation to support nuclear 


capital cost recovery does not always provide protection depending on the company’s 


circumstances.  


The results of the analyst interviews support Concentric’s view that an adjustment for differences in 


the allowed equity ratios between Canada and the U.S. would be inconsistent with the market’s 


current views, namely that cross-border business and regulatory risk for regulated utilities in the 


two countries is comparable.  As such, Concentric believes that the historical differential between 


authorized equity ratios in Canada and the U.S. cannot be currently applied on the basis of differences 


in these risks and that it is appropriate to compare OPG’s allowed equity ratio to that of risk 


comparable utilities in both countries without adjustment when setting OPG’s regulatory capital 


structure on a forward-looking basis. 
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SECTION 6: 


CHANGES IN CAPITAL MARKETS SINCE THE EB-2016-0152 


DECISION AND ORDER 


Capital markets impact the appropriate regulatory capital structure as they have a direct impact on 


the required ROE that, when combined with the equity ratio, determines the allowed return on 


equity.  Since the OEB’s last major decision on OPG’s payment amounts (EB-2016-0152) in December 


2017, and through the early months of 2020, North American capital markets reflected a period of 


slow economic growth, coupled with low inflation and historically low government bond yields. Stock 


markets in both the U.S. and Canada responded with continued growth in the major indices as 


investors grew comfortable with the prospects for slow but steady economic growth and improving 


corporate profitability.  That, of course, all changed in March 2020 with the onset of the COVID-19 


pandemic and upheaval of the global economy. In response, stock prices declined sharply, before 


subsequently beginning to recover, and stimulative economic policies have pressed government 


bond yields even lower.  These fundamental market indicators are captured in Figure 4 below.      


Figure 4: Capital Market Trends 2017-2020 


 


 


As investors have been adapting to the new norms of the pandemic, stock markets have surpassed 


pre-pandemic levels, as government bond yields remain at or near newly established historic lows.  
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Although one could conclude that the cost of equity for utilities is lower in such an environment, there 


is evidence to the contrary.  In particular, equity markets remain in a heightened state of volatility, 


as seen below. 


 Figure 5: Equity Market Volatility 2007-202038 


 


 


Stock market volatility for both the TSX60 and S&P500 (as measured by its volatility index, or “VIX”) 


are presented.  The spike that occurred in March 2020 was unprecedented, and even though markets 


have since then stabilized, volatility remains above historical levels for the past two decades.  Higher 


volatility is generally considered a sign of increased risk in the broad markets.   


Looking at utilities specifically, Figure 6 below illustrates a significant upshift in the betas for utility 


stocks over the past twelve months, centered in the March/April 2020 timeframe.  Beta is broadly 


considered a measure of risk, and this upward shift in utility betas signals that investors are not 


considering utilities at the same low levels of relative risk as they have in the past.  In the context of 


the current pandemic, we believe this is likely driven, at least in part, by an uncertain economic 


outlook and a recognition that even regulated utilities face increased risk exposure in the current and 


foreseeable environment.  


 
38  Source:  Bloomberg Professional.  Data for 2020 updated through November 24, 2020. 
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Figure 6: Utility Stock Betas – Sept. 2019 through Oct. 2020 


 


 


The above trend is unlike prior periods of market disruption where utilities have typically served as 


a safe haven for investors. It appears that the pandemic has left investors uncertain of the outlook for 


the sector amid concerns for slumping demand and disruption to business plans, with utility betas in 


both the U.S. and Canada increasing substantially since January 2020. This indicates that the cost of 


equity for regulated utilities has increased. In contrast, when the OEB recently updated the cost of 


capital parameters for the 2021 rate year, the authorized ROE was reduced from 8.52% to 8.34% due 


to the decline in the government bond yields.  Notably, this currently places the allowed ROE in 


Ontario below that of any other North American regulatory jurisdiction and negatively affects OPG’s 


credit metrics at a time when they are already expected to be pressured.     
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SECTION 7: 


CHANGES IN BUSINESS AND FINANCIAL RISKS SINCE THE EB-


2016-0152 DECISION 


Business risk for a regulated utility results from variability in cash flows and earnings that impact 


the ability of the utility to recover its costs including a fair return on, and of, its capital in a timely 


manner.  Concentric includes operating risk and regulatory risk under this broad definition of 


business risk.  Financial risk relates to a company’s debt leverage and liquidity and is measured by 


its credit profile.  Both business and financial risk have a direct bearing on a utility’s cost of capital. 


The cost of capital is a forward-looking concept, and utility investors tend to be long-term providers 


of capital.  For these reasons, it is important to not only review OPG’s current business and financial 


risk profile, but also to assess how that risk profile has changed and will change going forward.  This 


approach is consistent with the OEB’s findings in prior decisions regarding OPG’s capital structure.39 


This section contains an overview and analysis of OPG’s business and financial risks, with a focus on 


how those risks have changed since EB-2016-0152 and how they are forecast to change over the 


2022 to 2026 rate-setting period. 


To evaluate OPG’s business risks, Concentric performed an independent review of OPG and its 


regulatory environment, building on Concentric’s previous assignment in EB-2016-0152.  The review 


included: (1) risks related to the prescribed hydroelectric facilities; (2) risks related to the prescribed 


nuclear facilities, including the DRP and upcoming retirement of the Pickering station; (3) OPG’s 


projected regulated business mix between those two types of generation, and how that mix is 


expected to change over the rate-setting period; and (4) the external influence of climate change and 


its impact on OPG’s generation fleet and operations. 


Our experience in assessing business and financial risks and the effect on the cost of capital in Ontario 


and other regulatory jurisdictions, as well as our prior roles as an independent monitor and advisor 


to the power industry, informed our review.  Our additional experience advising buyers and sellers 


of generation facilities, including hydroelectric and nuclear facilities, further informs our views on 


the investor perspective regarding the business risk of these assets.  Our evaluation process included 


research on equity and credit analyst views regarding OPG and the regulated generation industry, 


 
39  For example, in EB-2013-0321, the Board determined that because the business risk for OPG’s regulated 


operations had changed in the specific payment-setting period in that proceeding, the capital structure 
should reflect that change. 
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relevant industry data, other publicly-available materials such as Ontario’s December 2017 Long-


Term Energy Plan and the IESO’s 2020 Annual Planning Outlook, regulatory filings made by OPG, 


OPG’s Amended 2020-2026 Business Plan, OPG’s financial reports, OPG’s Climate Change Plan and 


interviews with OPG subject matter experts. 


Concentric concludes in this section that while OPG’s risk level for its regulated operations will 


remain the same in some areas of the business, the overall risk for these operations will significantly 


increase, due to the following factors: 


 OPG continues to be at risk for variability in the output at its nuclear plants, a factor that 


distinguishes OPG from other North American regulated generators.  This risk pervades and 


compounds OPG’s other nuclear risks, discussed below. 


 The DRP, as OPG is entering a period of acute risk beyond what it has experienced historically, 


with three units coming offline in the upcoming rate setting period with overlapping outages, 


new FOAK scope being added to the refurbishment, competition for resources with the Bruce 


Power refurbishment, and ongoing constraints and risks presented by the COVID-19 


pandemic; 


 The majority of OPG’s nuclear fleet is nearing the end of its current operating life, with 


Pickering planned to end commercial operation during this upcoming rate period and 


Darlington units requiring refurbishment as they reach their end of ‘first’ life.  Therefore, OPG 


is at inherently higher risk related to variability in the generation output due to the aging of 


the nuclear stations. This could lead to significant revenue shortfalls for OPG;  


 In addition to the increased generation risk leading up to the end of the station’s commercial 


operations, the shutdown and retirement of Pickering, comprising six of the Company’s ten 


operating nuclear reactors and served by thousands of employees, in this upcoming rate 


period presents new and unique challenges for OPG related to disruptive organizational 


changes that can impact operational performance, increased forecast risk and reduce the 


diversification of OPG’s nuclear fleet; 


 Risks to both OPG’s nuclear and hydroelectric operations from climate change have increased 


considerably from its prior rate proceeding, including the risk of increased capital 


expenditure needs due to the threat of climate driven impacts on the company’s 


infrastructure and systems; 
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 OPG’s asset mix will continue to shift towards a higher proportion of riskier nuclear assets, 


combined with an increase in relative value of each nuclear MWh due to declining generation 


over which revenue requirement is recovered on a variable basis; and 


 OPG’s financial risk will increase in the period from 2022 to 2026, as illustrated by the 


pressure on, and potential decline below current credit rating thresholds of, key credit 


metrics in the earlier years of the rate setting period. 


Concentric concludes that, taken as a whole, this shift in risk profile is sufficient to warrant a 


reassessment of OPG’s equity ratio. 


OPG Overview 


OPG is an electricity generation company established under the Ontario Business Corporations Act 


and is wholly owned by the Province of Ontario (“Province”). As of December 31, 2019, OPG’s 


regulated generation portfolio included two nuclear generating stations (i.e., Pickering and 


Darlington) as well as 54 hydroelectric generating stations.  OPG’s regulated facilities are the 


prescribed facilities under O. Reg. 53/05.  


Since 2017, OPG is a public debt issuer in Canada. OPG, as a corporation, has a split “A (low)” issuer 


and unsecured debt rating (with stable trend) (as of April 16, 2020) from DBRS Morningstar 


(“DBRS”), a “BBB+” issuer and unsecured debt credit rating (with stable outlook) (as of July 17, 2020) 


from S&P, and an “A3” senior unsecured debt rating from Moody’s (with stable outlook) (as of 


December 21, 2020).   


Both S&P and Moody’s note that they rate OPG three notches below their respective OPG corporate 


credit ratings on a stand-alone basis (that is, before considering support by the Province), namely as 


“BB+” and “baa3”, respectively.   


Changes in Business Risk 


1. Hydroelectric Facilities 


OPG has 54 hydroelectric stations that are subject to OEB regulation and that supply approximately 


6,400 MW of generating capacity.  The remainder of OPG’s hydroelectric stations are not regulated 


by the OEB.  The hydroelectric system is comprised of a diverse set of assets.  OPG’s hydroelectric 


stations vary in size, location, age, operating and hydrological characteristics (i.e., base load, 


intermediate, peaking).  Because of the geographic diversity of the system, the hydroelectric assets 


are subject to numerous federal, interprovincial, and provincial regulations, international treaties, 


agreements, and waterpower leases.  OPG plans to invest approximately $2.0 billion of capital in its 
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hydroelectric system over the 2022 to 2026 period. Those investments are being made primarily to 


replace aging infrastructure and upgrade/redevelop certain sites.  


Generally, the major risks to a regulated utility related to hydropower include:  (1) availability of 


water to power the stations; (2) water management plans and requirements, including 


environmental and water level regulations that affect the way the stations operate (or impede the 


license to operate); (3) the need for capital and operating expenditures to address evolving 


environmental, regulatory and sustaining requirements (e.g., dam safety, flooding, fisheries, and 


climate change); (4) the ability to license and gain permits and/or water power leases for new 


facilities; and (5) and the ability to recover costs, including a return, in a timely manner. 


OPG’s hydroelectric business is expected to remain relatively stable from an operating risk 


perspective relative to the experience and conditions as they existed at the time of EB-2016-0521, 


subject to the impact of climate change impacts and increased inflationary risk, as discussed further 


below.   


OPG’s hydroelectric operations are subject to variances in water flow and surplus baseload 


generation (“SBG”) curtailments.   However, while the availability of water to power the stations can 


vary significantly from year to year, Concentric is not aware of any reason why variances in water 


flow over the rate period are more or less at risk of being higher or lower than at the time of EB-


2016-0152 (subject to the climate change risk discussed below).  In addition, with respect to SBG, 


Concentric understands that a reduction in nuclear generation capacity in the Province through the 


period of refurbishments and Pickering retirement is generally expected to result in a gradual decline 


in SBG conditions, although this may be offset by inherent near-term risks to electricity demand 


associated with the COVID-19 pandemic.   


Further, OPG has a Hydroelectric Water Conditions Variance Account that records and mitigates the 


financial impact of differences between forecast and actual water conditions, and a Hydroelectric 


Surplus Baseload Generation Variance Account that records and mitigates the financial impact of SBG 


related curtailments, subject to the OEB’s approval.  On balance, Concentric is of the view that the 


risks related to the availability of water to power the stations and SBG related curtailments have not 


changed significantly since EB-2016-0152. Concentric understands that OPG’s rate application will 


propose that these and other currently-approved deferral and variance accounts related to its 


prescribed hydroelectric facilities remain in place. Assuming this proposal is approved, there should 


be no overall change in risk for OPG.   
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Similar to the risks related to the availability of water flows, Concentric is not aware of any significant 


changes in risks related to water management and environmental regulations affecting OPG’s 


regulated hydroelectric power production relative to the risk levels at the time of EB-2016-0152. 


OPG’s hydroelectric system is a mature system, with an average age of approximately 80 years and 


the oldest facility being over 120 years old.  This means that, while the risk of equipment failure is 


higher, the risk of discovering new operational issues or the intervention of new stakeholders is 


generally lower than it would be for a newer system. In addition, Concentric understands that OPG is 


not planning to add any significant amount of new hydroelectric capacity during the period, beyond 


upgrading or redeveloping certain existing sites.  Because of this, Concentric expects OPG’s need to 


obtain waterpower leases or rights for new regulated hydroelectric capacity should not materially 


deviate from recent experience, leaving associated risks at similar levels as at the time of EB-2016-


0152. 


OPG’s hydroelectric base payment amounts are legislatively set at the 2021 amount and as such will 


not increase over the 2022-2026 period. As a result, OPG will be exposed to a level of incremental 


inflationary risk over the upcoming period, relative to a hydroelectric payment amount set under a 


price-cap incentive regulation model applied in EB-2016-0152. 


Based on the above, Concentric concludes that although some incremental risks have emerged, OPG’s 


operational risks and regulatory risks related to its prescribed hydroelectric facilities have not 


changed significantly since EB-2016-0152, other than additional risks from rising threat of climate-


driven impacts (discussed further below) and incremental inflationary risk. 


2. Nuclear Facilities 


OPG has two prescribed nuclear facilities: Darlington and Pickering. Operating since the early 1990s, 


Darlington is a CANDU, four-unit station with a generating capacity of about 3,500 MW. Pickering has 


been in operation since the early 1970s and is a CANDU, six-unit station with a generating capacity 


of about 3,100 MW, with two additional units in a permanent safe shutdown state. OPG’s nuclear 


operations, including nuclear waste management activities, are subject to federal regulation by the 


Canadian Nuclear Safety Commission (“CNSC”) on all matters pertaining to the development, 


production and use of nuclear energy, including matters of safety, security and the environment. 


Supported by the Province, OPG plans to operate Pickering Units 1 and 4 to 2024 and, subject to 


CNSC’s regulatory approval, Units 5-8 until the end of 2025, under an optimized shutdown schedule. 


The current CNSC operating licence for the Darlington station expires on November 30, 2025 and for 


the Pickering station on August 31, 2028. The Pickering operating licence currently allows 
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commercial operation of the station until December 31, 2024. All of OPG’s operating licences for its 


nuclear waste facilities are also current and up to date.  


OPG’s sustaining capital investment program for the nuclear fleet is primarily focused on ensuring 


the Darlington station is well positioned to transition to steady state ‘second life’ operations following 


refurbishment, including investments in life cycle and aging management projects, facility upgrades 


and work in support of regulatory commitments. Over the 2022 to 2026 period, OPG plans to make 


sustaining capital investments totaling approximately $1.8 billion into the nuclear fleet, in addition 


to the DRP.  


OPG is responsible for the ongoing and long-term management of nuclear fuel and other nuclear 


waste from its operations as well as for the eventual decommissioning of its nuclear generating 


stations and waste management facilities. Under the Ontario Nuclear Funds Agreement (“ONFA”) 


with the Province, OPG is required to set aside funding in segregated funds toward the long-term 


management of nuclear waste and decommissioning obligations. Subject to certain exposures 


assumed by the Province, OPG bears the risk of future cost increases and fund investment 


performance related to these obligations. Canada’s plan for long-term management of spent nuclear 


fuel is being implemented by a federally-mandated organization, established and funded by nuclear 


fuel owners including OPG. OPG is responsible for a plan for long-term disposal of its low and 


intermediate level waste material. 


Under the current rate plan, OPG recovers the cost of its nuclear facilities under a custom incentive 


rate-setting (“Custom IR”) framework established in EB-2016-0152. Under the Custom IR 


framework, OPG continues to be at risk related to the variability in the generating output of its 


nuclear facilities.  OPG’s risk related to the variability in nuclear generating output compounds its 


nuclear-specific business risks, as discussed herein, and also distinguishes OPG from other regulated 


North American generators.        


Generally, the major risks to a regulated utility related to nuclear power generation include:  (1) the 


ability to implement large and complex projects on time and on budget; (2) increases in costs and/or 


outage durations related to emerging safety regulations (e.g., Fukushima-response costs); (3) age-


related degradation of station components, discovery of unexpected conditions and/or extended 


outage durations that put nuclear plants at risk of producing lower-than-forecasted power; (4) 


retirement and decommissioning of nuclear plants and long-term management of spent nuclear fuel 


and other nuclear waste, including the cost and timing of decommissioning work and the ability to 


fund that work; and (5) the ability to recover costs, including a return, in a timely manner. 
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Consistent with the OEB’s prior findings, nuclear generation is viewed by the investment community 


to be riskier than other forms of generation, including hydroelectric generation.40  Furthermore, for 


large nuclear construction projects, regulatory support for timely cost recovery is critical given the 


complexity of building this type of generation, as highlighted by a history of industry project delays 


and cost overruns, as well as a shortage of skilled labor.41  Appendix A provides additional 


information regarding the investment community’s views on the high-risk nature of nuclear 


operations.  


Before turning to the changes in OPG-specific nuclear risks, we note that recent events in the nuclear 


construction business since EB-2016-0152 have further raised the perceived risk of large nuclear 


facility projects among investors and credit rating agencies.  In particular, two new nuclear projects 


in the U.S. (i.e., the Vogtle Plant in Georgia and the now-cancelled Summer Plant in South Carolina), 


both of which were being pursued under favorable legislative and regulatory frameworks, have run 


into cost and schedule issues.  One of the projects (i.e., the V.C. Summer plant in South Carolina) 


resulted in the bankruptcy of a major vendor, the downgrading of the credit rating of the owners, the 


eventual merger of one of the owners (i.e., SCANA Corporation) into a larger utility (i.e., Dominion 


Energy), and the potential to require the sale of the other owner (i.e., Santee Cooper, a state-owned 


corporation) to an investor-owned utility in order to eliminate a reported billions in interest charges 


to customers for a plant that was never completed.  These projects and their regulatory and political 


environment are discussed in greater detail in a subsequent section of the report.   


The major changes in the operational and financial risks faced by OPG’s nuclear facilities are as 


follows:   


a. Darlington Refurbishment 


OPG is refurbishing the Darlington station for 30-plus additional years of operations.  The four-unit 


DRP is a “megaproject” with a budget of $12.8 billion, lasting approximately a decade in execution.  


 
40  See, e.g., Moody’s Investors Service, “Rating Methodology: Regulated Electric and Gas Utilities,” June 23, 


2017, at 42-43, in which Moody’s highlighted risks related to nuclear ownership that include: (1) safety, 
regulatory, and operational issues; (2) lasting regulatory and safety consequences from the March 2011 
Fukushima nuclear accident in Japan, leading to increased operating costs; and (3) an aging fleet and early 
retirements due to station failures that require uneconomic repairs. 


41  In its 2013 rating methodology for utilities, Moody’s also commented on legislative and regulatory support 
for nuclear construction projects, noting specifically SCANA Corporation in South Carolina: “For SCANA 
Corporation, the South Carolina Base Load Review Act provides strong credit support for companies 
engaging in nuclear new-build, which also affects the scoring for consistency and predictability of 
regulation. However, SCANA’s rating also considers the size and complexity of the nuclear construction 
project, which is out of scale to the size of the company, as well as structural subordination.”  Moody’s 
Investors Service, “Rating Methodology: Regulated Electric and Gas Utilities,” December 23, 2013, at 43. 
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At the time of writing, OPG had completed the refurbishment of the first unit, Unit 2, and has 


commenced the refurbishment of the second unit, Unit 3. The remaining two units are scheduled to 


commence execution early in the 2022 to 2026 period, with the entire project completed by the end 


of 2026. Capital expenditures totaling approximately $4.8 billion were placed in service upon Unit 2 


returning to service, including overall DRP definition phase costs incurred prior to commencement 


of execution. 


i. DRP Risk Profile 


A project of the DRP’s size and schedule length that will more than double OPG’s rate base, regardless 


of the technology, inherently presents a significant source of risk for any utility.  As noted in the Scope 


of Analysis and Overview of Concentric section of this report, Concentric has been an advisor to 


several North American utilities undertaking “megaprojects” such as the DRP.  We have witnessed 


firsthand the issues even the most well-planned large construction projects can face, including scope, 


budget, and schedule increases, as well as increased regulatory scrutiny. The performance of large 


construction projects in a nuclear setting compounds those issues.   


Specifically, the DRP includes multiple complex work packages, including the removal and 


replacement of the reactor calandria tubes and pressure tubes from each reactor, replacement of all 


feeders, refurbishment of the existing fuel handling equipment, refurbishment of the existing turbine 


generators, refurbishment of the existing steam generators, and a set of supporting refurbishment 


projects aligned with existing station systems.  The project involves numerous third-party vendors 


and the coordination of multiple scopes of work, all within the highly regulated and safety-conscious 


environment of a nuclear facility.  In addition, the Canadian marketplace for nuclear construction 


firms is limited, increasing the risks related to vendor management and performance.  Furthermore, 


the DRP is currently being executed during the global COVID-19 pandemic, which places constraints 


on and could pose additional risks for the project, as further discussed below. 
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The inherently high execution risks associated with the DRP have been noted by the investment 


community. For example, Moody’s stated in its December 2020 OPG credit rating report, “[t]he 


company is also pursuing a CAD12.8 billion nuclear refurbishment project across 4 units at its 


Darlington nuclear generation station that carries a very high level of execution risk.”42  Similarly, 


DBRS observed in its April 2020 OPG credit rating report, “[t]he Company also faces significant 


execution risk as well as the potential for cost overruns associated with the Darlington 


Refurbishment because of the project’s complexity and scale.”43 In EB-2016-0152, the OEB similarly 


stated that, “[t]here is no question that successful execution of the DRP is a challenge for OPG during 


the term of [the 2017-2021 rate] plan.”44   


OPG successfully completed the refurbishment of Unit 2 earlier in 2020, which has been positively 


noted by the credit rating agencies. For example, S&P stated in its July 2020 OPG credit rating report, 


“[t]he company’s on-time and on-budget record [on Unit 2] increases our confidence that the other 


three units will be also be completed without incurring project delays or materially higher costs.”45 


However, it is known that prior CANDU refurbishments and large nuclear construction projects in 


the U.S. have encountered significant challenges.  As demonstrated by those prior projects, schedules 


can slip, outage durations can be different than expected, and there are risks related to the 


performance and output of the nuclear facilities post-refurbishment.  


While OPG has carefully planned the refurbishment of the three remaining units, including applying 


lessons learned from the Unit 2 refurbishment, Concentric concludes that there are a number of 


additional risks that the Company is facing during the remaining project period, as discussed below. 


In Concentric’s opinion, notwithstanding a decrease in certain risks resulting from the experience 


gained on Unit 2, the additional risks result in an overall increase to the Company’s risk profile as it 


relates to the remainder of the project.  


First, the DRP is entering a period of acute execution risk beyond what it has experienced historically.  


The refurbishment of Unit 2 took place when there were no other units undergoing refurbishment in 


Ontario.  In contrast, three of the Darlington units are planned to be offline for refurbishment during 


the upcoming rate setting period.  Critically, the refurbishments for the units will overlap; for a period 


of time in 2023 all three units are planned to be offline.  Also during OPG’s upcoming rate setting 


period, Bruce Power is planning to have four of its units offline for refurbishment, some with their 


 
42  Moody’s Investors Service, “Ontario Power Generation Inc.,” December 21, 2020, at 1. 
43  DBRS Limited (DBRS Morningstar), “Rating Report: Ontario Power Generation Inc.,” April 16, 2020, at 3. 
44  EB-2016-0152, Decision and Order, December 28, 2017, at 104. Clarification added. 
45  S&P Global Ratings, “Research Update: Ontario Power Generation Inc.,” July 17, 2020, at 1. 
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own overlapping outages.46 These circumstances will place a high demand on the highly skilled 


resources required to support both projects that rely on certain of the same vendors and key 


tradespeople.  As such, there are inherently higher risks related to project execution during this 


period of significantly increased sector activity. The schedule of the OPG and Bruce Power projects 


(along with Pickering retirements) is shown in Figure 7 below.  


Figure 7: Ontario Nuclear Refurbishment and Retirements Schedule47 


 


Second, OPG plans to execute new scope during the refurbishment of Units 3, 1 and 4 in the form of 


digital turbine controls and generator excitation controls. This scope was excluded from the Unit 2 


refurbishment for two main reasons: (1) there was still useful life left in the existing control systems 


on Unit 2; and (2) to mitigate risk, given that Unit 2 was the first unit to be refurbished and that this 


large FOAK modification would have introduced additional risk into the planning and execution of 


the refurbishment. The addition of this scope with which OPG does not yet have experience brings 


with it increased challenges and risks for the remaining units. 


Third, OPG is at increased risk related to the potential for vendor default. The risk of vendor default 


is already heightened in the context of OPG’s nuclear operations as a result of the small pool of 


qualified vendors available to perform nuclear engineering and construction. In particular, vendors 


SNC Lavalin Nuclear Inc. (“SNC”) and Aecon Construction Group Inc. (“Aecon”) represent the most 


material of OPG’s vendor default risk because of the volume of work they perform for OPG, including 


acting in a joint-venture (CanAtom) as the main vendor for the DRP.  In May 2020, SNC’s credit rating 


 
46  Bruce Power refers to its nuclear refurbishment program as Major Component Replacement. 
47  Independent Electricity System Operator, 2020 Annual Planning Outlook, at 28. 
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by S&P was affirmed at “BB+” (with a negative outlook), following a downgrade from “BBB-“ in 


August 2019. S&P’s outlook on SNC remains “negative” based primarily on uncertainty in the 


company’s ability to improve earnings and cash flow, especially in context of the COVID-19 pandemic 


that is resulting in weaker than expected earnings, a weaker economic environment and lower 


construction activity.48 


Fourth, the COVID-19 pandemic is an unforeseen ‘black-swan’ event. OPG did not allocate any DRP 


contingency to the risk of a pandemic outbreak.  Concentric understands that OPG continues to seek 


ways to manage the currently known impacts of the pandemic, including the incremental costs 


incurred to date.  The inherent uncertainty of the pandemic’s evolving course, however, makes it 


difficult to predict the full range of response actions that may become necessary in the future and any 


ultimate impact on the DRP cost or schedule.  For example, in response to the pandemic and Ontario’s 


state-of-emergency declaration in mid-March 2020, OPG made the following decisions with respect 


to the refurbishment schedule: (i) continue to return Unit 2 to service (Unit 2 was safely returned to 


service on June 4, 2020); and (ii) defer the start dates of the refurbishment outages of Units 3, 1 and 


4 by four months each.  


In response to the pandemic, OPG conducted a risk review to identify any new or increased risks 


arising both from the pandemic itself, and also from OPG’s decision to delay the refurbishment start 


dates of Units 3, 1 and 4. This risk review resulted in new or increased risks being identified, which 


can be summarized as follows: 


1. Productivity risk: risk of decreased productivity as a result of the COVID-19 protocols (such 


as physical distancing, enhanced cleaning, use of masks, etc.) associated with working during 


a pandemic. 


2. Resource availability risk: risk of resource conflicts and shortages in the form of both human 


and equipment resources, including managing of staff and equipment as a result of new 


overlaps with station planned outages, travel restrictions for specialized resources required 


on the DRP, and risk of loss of critical project resources due to the overall extended schedule 


(further compounding the significant anticipated demand for resources during the multiple 


overlapping refurbishments with Bruce Power). 


 
48  S&P Global Ratings, Research Update: SNC-Lavalin Group Inc. 'BB+' Ratings Affirmed; Outlook Remains 


Negative On Slower-Than-Expected Deleveraging, May 2020. 
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Depending on the course of the COVID-19 pandemic, these factors may have an impact on the 


ultimate cost and schedule of the DRP.49  


We note that OPG does continue to employ robust risk mitigation strategies related to the DRP.  From 


the outset, OPG has approached the project strategically and methodically, including performing 


numerous front-end planning and preparation activities, such as completion of detailed designs and 


construction of a full-scale model training reactor, and sophisticated contracting strategies. Through 


the execution of the Unit 2 refurbishment, OPG has been identifying, reviewing and applying a 


number of lessons learned and strategic improvements in planning the work on subsequent units.  


However, notwithstanding these practices, significant execution risks associated with the DRP 


remain as noted above and cannot be fully offset by mitigation strategies. 


ii. Cost Recovery Protections Available to Nuclear Owners 


As noted in the OEB’s decision in EB-2016-0152, provisions of O. Reg. 53/05 provide important 


protection to OPG, reducing the company’s future recovery risk by establishing the overall need for 


the DRP in the regulatory context and requiring the OEB to authorize recovery of incurred costs 


(including if the units are not ultimately returned to service), subject to a prudence review. However, 


Concentric finds that similar risk reducing properties are also or have been present in other 


jurisdictions that have undergone large-scale nuclear construction projects, including among the 


proxy companies considered by Concentric in Section 8, and thus are taken into account in this 


report’s recommendations for OPG’s equity ratio. 


To make this assessment, Concentric compared O. Reg. 53/05 from a risk mitigation perspective to 


similar legislation and regulatory rules that have enabled nuclear construction in other jurisdictions, 


focusing on whether: 1) the relevant regulator must approve the need for the new generating plant 


before construction begins (i.e., the utility does not face the risk of not being subsequently allowed to 


close the project to rate base upon completion); 2) the utility is allowed to recover prudently-


incurred construction and financing costs before the plant goes into service; 3) the utility is allowed 


to recover costs that exceed the originally approved projections, subject to a prudence review by the 


regulator; and 4) the utility is able to recover prudently incurred construction costs if the project is 


abandoned. In particular, Concentric reviewed legislation in the following three jurisdictions where 


large scale nuclear projects are underway or have been completed (or abandoned):  Georgia, South 


 
49  Concentric understands that OPG does not intend to seek recovery of any pandemic-related cost impacts 


through the 2022-2026 rate application but rather will propose to record the impacts in the Capacity 
Refurbishment Variance Account for the OEB’s review at the conclusion of the DRP. 
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Carolina and Florida.  The following is a brief summary of the relevant legislation and statutes in each 


jurisdiction. 


Figure 8: Summary of Generation Construction Enabling Legislation 


 South 


Carolina50 


Georgia Florida 


Does commission approve need for 
new generation before construction 
begins? 


Yes Yes Yes 


Is utility allowed to recover 
prudently incurred construction 
and financing costs before plant 
goes into service? 


Yes Yes Yes 


Is utility able to recover prudently 
incurred construction costs if plant 
is abandoned before completion? 


Yes N/A51 Yes 


 


As demonstrated in Figure 8, the legislation and statutes in South Carolina, Georgia and Florida 


include regulatory protection and assurance of cost recovery for nuclear construction projects 


comparable to that available to OPG through O. Reg. 53/05.  Additionally, all three of the jurisdictions 


allow recovery of prudently incurred construction and financing costs for the projects prior to the 


plant going into service (i.e., the utility is allowed to place CWIP in rate base and earn a cash return), 


a provision not available to OPG under O. Reg. 53/05 and not granted by the OEB.52  On that basis, 


Concentric concludes that the regulatory mitigation for the DRP is not unique to OPG, and that 


construction or refurbishment projects in other jurisdictions may not have been feasible without 


legislative and regulatory support.  Further, because these states offer similar risk protection for 


nuclear projects, it is reasonable to compare the authorized equity ratios for these operating utilities 


(i.e., South Carolina Electric and Gas, Georgia Power, and Florida Power and Light) to the deemed 


equity ratio for OPG.  Concentric’s analysis of comparable utilities in Section 8 includes data from two 


of the three of major developers of nuclear plants in those states.53  


With regard to whether other North American utilities have been allowed to recover cost overruns 


on large nuclear projects subject to prudence review, Concentric has identified several instances 


 
50  The Base Load Review Act in South Carolina was repealed in 2017. 
51  The legislation in Georgia does not appear to address this issue directly. 
52  EB-2010-0008, Decision with Reasons, March 10, 2011, at 78. 
53  The third developer, Dominion Energy (which acquired SCANA in 2019), is excluded from the analysis due 


to a lower percentage of regulated operations than the screening criteria used by Concentric. 
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where regulators in Florida, South Carolina and Georgia have approved recovery of such cost 


overruns.  While this provision is not explicitly included in the enabling legislation in these three 


states, our research demonstrates that there has been implicit support for cost recovery when the 


need arises.  The following is a brief summary of examples in each jurisdiction: 


 Florida – Florida Power and Light Company (“FPL”) was allowed to recover costs 
associated with an Extended Power Uprate project at St. Lucie and Turkey Point following 
a prudence review, despite cost overruns.  In 2011, FPL experienced “cost variances” of 
more than $60 million in total in two particular cost categories.  The Florida Public 
Service Commission further indicated that “FPL’s cost estimates have increased each 
year.”  However, despite these cost increases, the Commission approved those costs as 
prudently incurred.54  


 South Carolina – In November 2016 (before the Base Load Review Act was repealed), the 
Public Service Commission of South Carolina approved a settlement agreement in which 
South Carolina Electric & Gas increased the anticipated cost of constructing two units at 
the VC Summer Nuclear Station by $831 million following a prudence review.55   


 Georgia – The Georgia Public Service Commission issued an order in which it “verifies and 
approves” Georgia Power’s expenses for Vogtle Units 3 & 4.  The order further states 
“[t]he Commission finds and concludes, based on the evidence presented, that the Vogtle 
Project remains the most economic option available for supplying the identified capacity 
need, even taking in to account the sources of speculated cost overruns known at this 
time.”56  


Concentric further observes that legislative protections related to nuclear construction projects have 


not eliminated recovery risk for utilities. Indeed, as noted earlier, recent events in the nuclear 


construction industry in two of the above jurisdictions, South Carolina and Georgia, have, in fact, 


increased the investors’ perceived risk over such projects.  


In particular, in South Carolina, SCANA started construction of the V.C. Summer Plant under the Base 


Load Review Act (“BLRA”), which, as discussed below, provided regulatory support for cost recovery 


of new nuclear facilities during construction.  The project experienced construction delays, cost 


overruns and the bankruptcy of the engineering, procurement and construction contractor 


(Westinghouse).  This led SCANA to ultimately abandon the project in July 2017.  SCANA sought 


recovery of its prudently incurred costs up to that time under the provisions of the BLRA. However, 


SCANA’s credit rating was downgraded by S&P in September 2017 when the consumer advocate in 


South Carolina challenged the constitutionality of the BLRA, which was ultimately repealed by the 


South Carolina legislature, and SCANA was eventually acquired by Dominion Energy in order to avoid 


 
54  Florida Public Service Commission, Docket No. 120009-EI, Order No. PSC-12-0650-FOF-EI, issued 


December 11, 2012, at 68, 73, and 75.  
55  Public Service Commission of South Carolina, Docket No. 2016-223-E, Order No. 2017-118, issued 


February 28, 2017, at 24. 
56  Georgia Public Service Commission, Docket No. 29849, issued February 26, 2013, at 6. 
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further financial distress.  In addition, Santee Cooper, the co-owner of the V.C. Summer plant, is being 


considered for sale in order to eliminate $3.6 billion in future interest payments tied to the nuclear 


construction program.57 


In Georgia, Georgia Power undertook the construction of Vogtle plant units 3 and 4 after receiving 


Georgia Public Service Commission (“Georgia PSC”) approval for the new nuclear facilities under the 


Georgia Nuclear Energy Financing Act.   S&P noted in an August 2020 report that Staff of the Georgia 


PSC have expressed concern that Georgia Power’s stated schedule for completing construction on the 


units and bringing those units into service appears to be overly aggressive, although Georgia Power 


continues to report that construction is on schedule for the two units to be in service by June 2021 


and June 2022, respectively. 58  In addition, S&P has expressed concern with whether additional costs 


will be deemed to have been prudently incurred by the Georgia PSC, or if some portion of those costs 


might be disallowed.59 The possibility of disallowance associated with cost overruns related to 


project execution risks similarly exists for OPG’s DRP under O. Reg. 53/05.  


In light of recent “megaproject” experiences such as those in South Carolina and Georgia, the 


investment community continues to consider the DRP as a major source of risk, even taking into 


account the O. Reg. 53/05 protections.  In fact, other recent regulated nuclear mega-projects in North 


America have only moved forward with enabling legislation that mitigates risks to the utility, 


including pre-construction finding of need for the project, ability to recover financing costs during 


construction, approval of costs in excess of original projections, subject to prudence, and protections 


in the event the project is abandoned.  Absent such legislative and regulatory support, other North 


American utilities have generally not been willing to undertake nuclear mega-projects.   


b. Nuclear Facilities Aging Risks 


The majority of OPG’s nuclear fleet is nearing the end of its current operating life, with the Pickering 


station set to end commercial operation during the upcoming rate period and Darlington units 


requiring refurbishment as they reach end of ‘first’ life during the period. Both stations therefore face 


an inherent risk of experiencing increased effects of aging on their operations and output over the 


upcoming rate period.  


 
57  Meyers, Ellen, “SC agency recommends Dominion Energy, NextEra to reform Santee Cooper,” S&P Global 


Market Intelligence, February 11, 2020. 
58  S&P Ratings Direct, “Research Update:  Southern Company and Subsidiaries Outlooks Remain Negative on 


Higher Nuclear Construction Costs, Ratings Affirmed,” August 6, 2020. 
59  Ibid. 
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The CANDU reactors at Darlington have limited remaining design life, thus necessitating the DRP to 


ensure the generating units are fit for service for another 30 years. As the units continue to age 


toward their end of ‘first’ life, there is a greater risk of emerging equipment issues necessitating 


incremental repair and maintenance expenditures, as well as generation interruptions.  


Additionally, Concentric understands that OPG continues to monitor a fitness-for-service risk for the 


last two units to be refurbished, Units 1 and 4, whereby their effective full-power hours may 


potentially expire prior to the planned refurbishment dates, necessitating potential idling of the 


units. This risk has been marginally increased by the deferral of start dates of the refurbishment 


outages for the Units 3, 1 and 4 in response to COVID-19 conditions. 


Finally, over the last several years, Darlington has experienced variable forced loss rate (“FLR”) levels 


that may suggest less predictable performance in the pre-refurbishment period, due to equipment 


issues. The most recent completed year, 2019, resulted in a 4.8% FLR, notably higher than the 2018 


year’s 1.1% FLR and OPG’s EB-2016-0152 target of 1%. Similarly, the FLR of 4.9% in 2015 was higher 


than in 2016 (2.3%) and 2017 (1.7%), as well as OPG’s target.60 


For Pickering, OPG has announced its intention to optimize the shutdown sequence of four of the 


station’s units through to the end of 2025, extending their life for one year beyond 2024. OPG has 


forecast its nuclear generation for the upcoming rate application to reflect that assumption.  The 


extension beyond December 31, 2024, however, requires approval from the CNSC through a public 


hearing process.  In addition to inherent risks associated with the regulatory approval process, for 


the extension to be achieved, OPG must undertake technical analysis and inspections to validate 


continued fitness-for-service of the plant’s components. Notably, this extension is the latest in the 


series implemented by OPG over the last number of years. Given the aging of the plant, the technical 


and regulatory risks associated with achieving an extension would be expected to increase with each 


successive instance, as would the ongoing operating cost and generation revenue risks for a station 


operating closer to its ultimate shutdown date. In fact, no other CANDU plant has operated as long as 


the planned life of Pickering, which remains the longest operating plant among CANDU peers. On this 


basis, Concentric believes that the currently planned extended operating period carries increased 


risk over that of the planned extension at the time of EB-2016-0152. 


 
60  2016 – 2019 Data: EB-2020-0290, Ex. E2-1-2, Table 1; 2015 Data: EB-2016-0152, Ex. E2-1-2 Table 1. 
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Additionally, there is recent evidence of increased equipment aging issues that are necessitating 


more frequent unbudgeted planned outages, with three such outages occurring to date in 2020 


related to primary heat transport system and other leaks.61   


Finally, OPG has reduced the FLR target for the upcoming rate period to 3.5%, which is lower than 


the OPG’s EB-2016-0152 target.62  While Pickering had a FLR performance of 1.6% in 2019, this is 


notably better than OPG’s EB-2016-0152 target of 5% and several prior years of close-to-target 


performance.   


On balance, the older plant, recently increased incidence of aging issues and the more aggressive FLR 


target relative to EB-2016-0152 lead Concentric to conclude that Pickering is at higher risk for 


increased expenditures and generation revenue shortfall than at the time of EB-2016-0152. 


The above risks were noted by DBRS in their 2020 credit rating report on OPG, stating “[n]uclear 


generation faces higher operating risks than other types of power generation because of its complex 


technology (approximately 56% of OPG’s production in 2019). Financial implications of forced 


outages, especially with older units (e.g., the Pickering Nuclear GS), are greater given the high fixed-


cost nature of these plants and since lost revenues resulting from outages are not recoverable 


through rates.”63 


In reaching its conclusion on the increased aging risks for the Darlington and Pickering stations, 


Concentric has considered that, under the EB-2016-0152 Custom IR framework that Concentric 


understands the company will propose to continue in this rate term, OPG may have the ability to seek 


regulatory relief from the OEB in the case of a radical change to its nuclear business. For example, the 


OEB noted in its EB-2016-0152 Decision and Order that “[s]hould the outcome of the technical 


assessments or system planning decisions significantly impact operation of Pickering in 2021 [the 


year of planned extension], OPG shall return to the OEB to seek direction.”64  Such a potential 


regulatory outcome, however, while putting an upper bound on the potential risk faced by OPG does 


not negate it, nor does it, by itself, mitigate the incremental risks faced by OPG related to its aging 


units.  


 
61  EB-2020-0290, Ex. E2-1-2, Table 1; Ex. E2-1-1. 
62  EB-2020-0290, Ex. E2-1-2, Table 1 
63  DBRS, “Ontario Power Generation Inc.,” April 16, 2020, at 3. 
64  EB-2016-0152 Decision and Order, December 28, 2017, at 61. Clarification added. 
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c. Pickering Retirement 


For the first time in OPG’s history, the rate application will encompass a period of significant 


reduction in OPG’s regulated operations, due to the wind down and shutdown of the Pickering 


station. The station represents six out of ten of the company’s operating nuclear reactors and up to 


approximately 35% of the company’s operating costs, and is served by over 3,000 employees out of 


the Company’s 9,000-plus total workforce. With plans to pursue an extension of Pickering operations 


for four out of the six operating units through 2025, the planned station shutdown date is at the end 


of 2025. This introduces a number of unique additional risks and significant challenges that must be 


taken into account in assessing the risk profile of the regulated business relative to EB-2016-0152.  


Among others, these risks and challenges include organizational and potential operational 


disruption, increased forecasting risk and reduced nuclear fleet diversification. 


Organizationally, the end of Pickering commercial operations will require OPG to downsize 3,000-


plus employees, which will be a complex undertaking. The inevitable disruption that will be caused 


by the large scale reorganization carries risks to the operational effectiveness and efficiency of the 


Company’s nuclear business through the upcoming rate term.65 


In addition to the risk of increased operating costs or decreased output associated with the 


organizational disruption, the upcoming Pickering shutdown creates considerable new forecasting 


risk for OPG as its nuclear cost-based rates are set on a forward-looking basis. Namely, for at least 


the years 2025 and 2026, OPG must forecast its operating profile as a very different organization, 


without the benefit of historical experience. In addition, planning for the immediately preceding 


years involves making assumptions about organizational changes and strategies to prepare for the 


shutdown and the post-shutdown operations. For example, OPG’s business plan lays out targets of 


increased cost efficiencies in such areas as technology solutions, organization redesign, work site 


relocation and others to mitigate, to a large extent, the need to reallocate corporate and operations 


support costs currently assigned to Pickering to the remaining operations after the Pickering 


shutdown.  


In Concentric’s opinion, the business transformation and workforce redeployment brought about by 


the retirement of Pickering increase the incremental risks that either one of the two initiatives – 


transformation and redeployment – would carry on its own. Under the current regulatory 


 
65  Concentric understands that based on current collective agreement provisions, the hydroelectric business 


is unlikely to be significantly affected by the downsizing and redeployment exercise. 
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framework, OPG bears the financial risks associated with forecasting the outcome of its 


transformation efforts.66 


In addition, the retirement of Pickering will reduce OPG’s diversification among its nuclear fleet, 


meaning the company’s ability to recover nuclear costs will be fully tied to the Darlington output. 


While Darlington units have historically been more reliable than the Pickering plant, due to 


Pickering’s early age and design, the countervailing risk is that of asset concentration. For example, 


occurrence of an unanticipated issue at Darlington, including as the last of the units return from 


refurbishment over 2025 and 2026, could cause large revenue shortfalls for OPG in light of reduced 


or eliminated Pickering generation. As noted by Moody’s, “[OPG’s nuclear] segment also benefits from 


diversification across 2 nuclear generating stations, with 6 and 4 operating reactors respectively, that 


enable the company to maintain high levels of generation and cash flow while undertaking the 


nuclear refurbishment. The shutdown of the Pickering nuclear generating station in 2024 will reduce 


diversity and, with fewer operating nuclear units, heighten the impact of any unplanned outages.”67 


This risk is related to the generation mix risk, which is discussed in further detail in a subsequent 


section of the report.   


Concentric also notes that OPG anticipates that it will incur a significant amount of severance and 


workforce transition costs, currently estimated in the order of $1 billion, related to the Pickering 


closure. A recent amendment to O. Reg. 53/05 has established a deferral account to record and 


subsequently recover such costs, subject to the OEB’s approval through a prudence review.  As 


Concentric assumes that this mechanism will allow for the substantial full recovery of those costs by 


OPG, this did not have a material impact on our assessment of OPG’s risk profile. 


3. Climate Risks 


Since EB-2016-0152, the intensifying risk of climate change has been an important source of 


incremental business risk for the regulated generating industry generally, including OPG’s generating 


assets. Specifically, increased climate risks have been observed through direct impacts to OPG’s 


assets, more pronounced environmental trends, recognition of impacts on the overall electricity 


system, and recognition of impacts on financial markets and broader economy. The ultimate 


 
66  Concentric understands that OPG previously undertook a Business Transformation initiative over the 


2011-2015 period, which was a subject of OPG’s payment amounts proceeding in EB-2013-0321. However, 
unlike the upcoming rate application, that initiative was well advanced at the time OPG sought to set rates 
reflecting its outcome and did not involve a significant redeployment or downsizing, instead relying on 
attrition-based workforce reductions. It also predominantly focused on support functions rather than core 
generating station operations. 


67  Moody’s Investors Service, “Ontario Power Generation Inc.,” December 21, 2020, at 5. Clarification added. 
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response to these risks, whether in the form of after-the-fact action or proactively increased 


resilience, can entail increased expenditures, reduced flexibility and/or reduced output for OPG’s 


regulated businesses in the future. 


Some of the developments are summarized below: 


 OPG’s Calabogie Hydroelectric Generating Station, a five MW regulated facility that OPG had 


been planning to rebuild, was struck and largely destroyed by a tornado in September 2018.68  


 OPG has documented risks of maintaining cooling for various plant systems due to warmer 


Lake Ontario temperatures.69 For the nuclear stations, primary, secondary and auxiliary 


systems use lake water to maintain cooling.  As lake water temperatures increase in the 


summer months, the ability to maintain cooling of system components becomes increasingly 


difficult and may result in lower output through unit derates. Additionally, warmer lake 


temperatures encourage the growth of aquatic life, thus increasing the risk of algae bloom 


events as was experienced at Pickering in 2018, forcing four units offline over a span of a 


number of days.70   


 The Ottawa River, which hosts a substantial portion of OPG’s regulated hydroelectric fleet 


(four facilities with a total capacity of 912 MW), has seen record floods in recent years.71 A 


recent report72 released by Ottawa predicts more intense precipitation, increased risk of 


tornadoes and wildfires in the Ottawa area due to climate change.  


 Other general environmental trends include increasing air temperature in Canada, which, per 


Canada’s Changing Climate Report has been at approximately twice the global average rate, 


with extreme warm temperatures becoming hotter.73  This warming can be expected to 


contribute to an increased risk of extreme fire weather,74 which would put utilities such as 


OPG at a range of risks including disrupted station access/operations, interrupted 


telecommunications and bottlenecked transmission. These risks have the potential to impact 


 
68  OPG.com, “Century-old Calabogie Generating Station set to be rebuilt,” July 3, 2019. 
69  OPG, Quarterly Risk Report – Q2 FY2020, August 11, 2020. 
70  Gilligan, Keith, “Is Algae the New Nuisance Neighbor for the Pickering Nuclear Station?” 


durhamregion.com, August 8, 2018. 
71  The National Capital Commission’s Climate Change Adaptation Initiative - National Capital Commission 


(ncc-ccn.gc.ca).  
72  Ibid. 
73  Canada's Changing Climate Report, 2019. 
74  Ibid. 
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station output.  Scientists have also expressed high confidence that streamflow regimes will 


shift and that daily extreme precipitation will increase in Canada.75     


 Consideration of extreme weather demand has been integrated into the IESO’s Reliability 


Outlook76 and capacity assessment criteria. Going forward, OPG may be impacted by 


associated changes in the IESO’s outage approval process where extreme weather may 


potentially restrict OPG’s ability to take outages at otherwise optimal times. 


Risks influenced by climate change, such as severe weather events, or resulting directly from climate 


change, such as those due to higher lake temperatures and changing precipitation patterns are, 


therefore, increasing for OPG. Furthermore, investors, central banks and financial regulators are 


increasingly recognizing the risk of climate change to the economy, the stability of the financial 


system, and specific industries and investments. Examples include:  


The Bank of Canada has indicated that it views climate change as an emerging risk for the Canadian 


economy and financial system.  Specifically, the Bank of Canada has observed that: 


Climate change continues to pose risks to both the economy and the financial system.  


These include physical risks from disruptive weather and events and transition risks 


from adapting to a lower carbon global economy.77 


The Bank of Canada indicates that it is incorporating climate change risk into its analysis of the 


Canadian economy and financial system, that climate change creates important physical risks in 


Canada and globally, and that the move to a low carbon economy involves complex structural 


adjustments, creating new opportunities as well as transition risk.78  


In September 2020, the Commodity Futures Trading Commission (“CFTC”), the financial regulator 


that oversees the trading of futures and options in the U.S., published a report concluding that climate 


change is a risk to the U.S. financial system.79  In particular, the CFTC noted the economic risk of 


changes that are required to mitigate climate change and the disruptive effect those changes might 


 
75    Cohen, S., Bush, E., Zhang, X., Gillett, N., Bonsal, B., Derksen, C., Flato, G., Greenan, B., Watson, E (2019): 


Synthesis of Findings for Canada’s Regions; Chapter 8 in Canada’s Changing Climate Report, (ed.) E. Bush 
and D.S. Lemmen; Government of Canada, Ottawa, Ontario, at 424–443. 


76  IESO Reliability Outlook, From April 2019 to September 2020, at 1, 20. 
77  Bank of Canada Financial System Review-2019, May 2019, at 28.  
78  Ibid., at 28-29.  
79  U.S. Commodity Futures Trading Commission, “Managing Climate Risk in the U.S. Financial System,” September 


9, 2020. 
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have on the stability of the financial system itself.  The key conclusions of the CFTC report are as 


follows:80  


Climate change poses a major risk to the stability of the U.S. financial system and to its 


ability to sustain the American economy. Climate change is already impacting or is 


anticipated to impact nearly every facet of the economy, including infrastructure, 


agriculture, residential and commercial property, as well as human health and labor 


productivity. Over time, if significant action is not taken to check rising global average 


temperatures, climate change impacts could impair the productive capacity of the 


economy and undermine its ability to generate employment, income, and opportunity. 


This reality poses complex risks for the U.S. financial system. Risks include disorderly 


price adjustments in various asset classes, with possible spillovers into different parts of 


the financial system, as well as potential disruption of the proper functioning of financial 


markets. In addition, the process of combating climate change itself—which demands a 


large-scale transition to a net-zero emissions economy—will pose risks to the financial 


system if markets and market participants prove unable to adapt to rapid changes in 


policy, technology, and consumer preferences. Financial system stress, in turn, may 


further exacerbate disruptions in economic activity, for example, by limiting the 


availability of credit or reducing access to certain financial products, such as hedging 


instruments and insurance. 


S&P has incorporated ESG criteria into its credit rating analysis, while other investment firms and 


pension funds have adopted restrictions that prohibit them from owning equity or debt in companies 


seen as contributing to climate change. For example, in January 2020, investment manager BlackRock 


sent a letter to its clients announcing a number of initiatives to place sustainability at the center of 


its investment approach, including: making sustainability integral to portfolio management; exiting 


investments that present a high sustainability-related risk, and strengthening its commitment to 


sustainability and transparency in investment stewardship activities.81   


McKinsey and Company published a report in April 2019 in which the consulting firm makes specific 


recommendations to the utility industry with regard to managing climate change risk.  While noting 


that severe weather events such as hurricanes and wildfires are getting worse, McKinsey writes:  “In 


other ways, too, utilities are more vulnerable to extreme weather events than in the past.”82  The 


report goes on to observe:  “Unless utilities become more resilient to extreme weather events, they 


put themselves at unnecessary risk, in both physical and financial terms.  Repairing storm damage 


 
80  Ibid., at i and ii. 
81     BlackRock Letter to CEOs, “A Fundamental Reshaping of Finance,” January 20, 2020.  
82  McKinsey and Company, “Why, and how, utilities should start to manage climate change risk,” April 2019, 


at 3. 
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and upgrading infrastructure after the fact is expensive and traumatic.”83  McKinsey also quotes from 


a 2018 report by the National Climate Assessment which stated that “utilities could see negative 


impacts from increased temperatures and heat waves, as well as sea level rises even in the absence 


of storms.  This will increase the financial cost to utilities of climate change and increase the benefits 


of being prepared.”84 


In summary, the risks associated with changing climate parameters and severe weather events have 


increased for OPG since EB-2016-0152, at the asset, industry, electricity system and macroeconomic 


levels.  Investors are keenly focused on how such risks are being managed by organizations.  While 


we expect that the risks will continue to manifest over time, current trends point to a greater and 


potentially more urgent likelihood of incremental expenditures and operational impacts over the 


upcoming rate setting period. Unless they also happen to increase the output, refurbish or add 


operating capacity to a regulated facility, such incremental expenditures would not be subject to 


existing protections under O. Reg. 53/05 or other deferral or variance accounts currently in place for 


OPG.  


4. Generation Asset Mix 


The OEB has consistently recognized that nuclear generation assets are a higher risk than 


hydroelectric generation assets. For example, in support of its findings in EB-2013-0321 that OPG’s 


business risk had changed between EB-2010-0008 and EB-2013-0321, the OEB cited the “increase 


[in the] proportionate share of rate base related to hydroelectric facilities from about half to 


approximately two-thirds now [i.e., as of EB-2013-0321],” while noting that the “relative business 


risk of hydroelectric generation versus nuclear has been accepted by the Board as being lower in 


previous proceedings.”85  The OEB similarly stated in EB-2016-0152 that “[t]he OEB accepts the 


opinions of both experts that, in general, there are more business risks associated with nuclear 


generation than with hydroelectric.”86  


The OEB further clarified its view in EB-2016-0152 that it was not only rate base that drove the risk 


profile of OPG, but also the relative contributions of nuclear and hydroelectric generation.  


Specifically, the OEB found, “while the nuclear rate base will increase substantially over the five-year 


term, the MWh generated by nuclear will not increase, and in fact will decrease at times as units are 


taken out of service at Darlington. The relative contributions of revenue from hydroelectric and 


 
83  Ibid. 
84  Ibid., at 4. 
85  EB-2013-0321, Decision with Reasons, November 20, 2014, at 113. Clarification added. 
86  EB-2016-0152, Decision and Order, December 28, 2017, at 102. 
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nuclear will not change in favour of nuclear, so it is not axiomatic that the equity thickness should be 


increased on this basis.”87 


With the expansion of OPG’s regulated nuclear investment over the upcoming rate term due to the  


$12.8 billion DRP, the nuclear generation business is projected to comprise a comparatively larger 


portion of OPG’s overall regulated rate base.  In Concentric’s opinion, this increase in nuclear rate 


base alone, with its attendant risk, continues to be supportive of a need for an increased equity 


thickness, notwithstanding that there is no relative increase in the nuclear versus hydroelectric 


MWh. In reaching this conclusion, Concentric carefully considered the OEB’s prior findings that 


recognized both rate base and generation output as relevant to assessing the impact of relative 


proportions of nuclear and hydroelectric business on OPG’s overall risk profile. In recognition of 


these findings, we also discuss below how the decline in nuclear generation will create additional 


risk, more than offsetting any reduction in risk that can be attributed to the relative decline in overall 


nuclear revenue after the Pickering shutdown.88 


First, while MWh generated is one indicator of the relative proportions of OPG’s business comprised 


of nuclear versus hydroelectric generation, it is ultimately the investment in plant, not the output 


itself, that drives the need for capital. For example, if a utility were to invest in low capacity factor 


peaking facilities to meet periods of high demand, measuring the operating risk related to those 


facilities based on their output would significantly understate their associated risk. Based on its 


experience, Concentric does not believe that investors and rating agencies will reduce their risk view 


of OPG when it is seeking investment to support a nuclear capital program because of a reduction in 


the nuclear generation output. In fact, as noted earlier, at least one rating agency, Moody’s, has stated 


that OPG’s risk will in fact increase due to lower diversification of its nuclear portfolio after Pickering 


shutdown.89  


Second, it is the precise sources of OPG’s increased risk (i.e., the DRP and the retirement of Pickering) 


that are leading to decreased levels of nuclear generation over the upcoming rate period.  In other 


words, nuclear risk is rising while nuclear generation is decreasing (and rate base is increasing). 


 
87  Ibid. 
88  In its Decision and Order in EB-2016-0152, at 101, the Board stated that “[t]he EB-2013-0321 decision 


deals with more than one aspect of the impact of the increase in the hydroelectric generation portfolio. The 
two factors were the increase in annual MWh generated by hydroelectric with the addition of 48 previously 
unregulated facilities to the regulated portfolio and the completion of the Niagara Tunnel, and the increase 
in hydroelectric rate base by the addition of these assets to the regulated portfolio.” 


89   Moody’s Investors Service, “Ontario Power Generation Inc.,” December 21, 2020, at 5. 
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Third, the decline in nuclear generation and therefore the ratio of nuclear to hydroelectric generation 


creates additional risk from a cost recovery perspective over the upcoming period. This is because 


each unit of nuclear generation output will become more financially valuable to OPG as the nuclear 


generation that recovers the nuclear revenue requirement (including the increased nuclear rate 


base) is reduced, while continuing to be more financially valuable than each unit of hydroelectric 


generation. The greater relative cost recovery associated with each unit of nuclear output will put 


OPG at greater risk related to its nuclear generation operations, both relative to EB-2016-0152 and 


to its hydroelectric generation.  


The increasing value of each unit of nuclear output (on an absolute basis and in relation to each unit 


of hydroelectric output), is demonstrated in Figure 9 below. 


Figure 9: Value of Nuclear and Hydroelectric Output 


 Value of TWh of Output ($millions) 


 Nuclear Hydroelectric 


EB-2016-0152 Rate Term $82 $43 


2022-2026 Rate Term $108 $44 


As of 2026 $121 $44 


As shown in the Figure 9 above, each nuclear TWh had a value of approximately $80 million during 


the EB-2016-0152 rate term, compared to approximately $43 million for a hydroelectric TWh.90 Over 


2022 to 2026, based on OPG’s draft rate filing at the time of writing, the value of a nuclear TWh has 


increased to approximately $108 million, compared to approximately $44 million for a hydroelectric 


TWh.91 This represents an approximately 32% increase in the value of each unit of nuclear output 


and an approximately 64% increase in the amount by which the nuclear unit of output is more 


valuable than the hydroelectric unit of output. By 2026, the financial value of a nuclear TWh increases 


further, to approximately $121 million, or approximately 48% higher than in EB-2016-0152 and an 


approximately 97% increase in the amount by which the nuclear MWh is more valuable than the 


hydroelectric MWh.  To put those figures into further perspective, foregone revenues from a 


hypothetical seven-day outage at one of OPG’s Darlington nuclear reactors would have been 


 
90  For nuclear, based on EB-2016-0152 approved smoothed base payment amounts, arithmetically averaged 


over 2017 to 2021. For hydroelectric, based on approved base payment amounts pursuant to the IRM 
formula in EB-2016-0152 and subsequent annual proceedings, arithmetically averaged over 2017 to 2021. 


91  For nuclear, based on draft proposed smoothed base payment amounts, arithmetically averaged over 2022 
to 2026. For hydroelectric, based on the approved 2021 base payment amount that will be held constant 
over the period pursuant to O. Reg. 53/05. 
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approximately $12 million during the EB-2016-0152 period, rising to $15 million in the upcoming 


rate setting period, and ending at approximately $17 million in 2026.  This risk will be even more 


pronounced for OPG when Pickering retires, as an outage at one of OPG’s remaining reactors would 


result in a loss of a quarter of OPG’s nuclear generating capacity.      


To further illustrate our analysis with respect to relative rate base and per unit-of-output cost 


recovery value, the following information is provided below:  


 Figure 10 provides the relative nuclear and hydroelectric rate base from the start of OPG rate 


regulation by the OEB through to the upcoming rate period, as well as OPG’s common equity 


ratio, as approved for the historical period and the minimum proposed ratio in this report for 


the upcoming rate term. 


 Figure 11 shows a combination of the actual and forecast generation for the prescribed 


nuclear and hydroelectric facilities over the EB-2016-0152 rate term and the 2022-2026 


forecast period  


 Figure 12 is a graphical representation of the changes in generation and rate base mix over 


time.  Figure 12 shows that nuclear generation decreases over the upcoming rate period 


while hydroelectric generation stays relatively flat.  Meanwhile, nuclear rate base increases 


over the rate period, which, when combined with decreasing output, increases the value to 


OPG of each unit output, for which it is at risk.  


 Figure 13 demonstrates this outcome, providing the unit prices for nuclear and hydroelectric 


generation output and the relationship between the two.  Figure 13 shows that the unit price 


of each MWh of nuclear output increases significantly over the upcoming rate period while 


that for hydroelectric output is fixed.          


As can be seen from Figure 10, the portion of OPG’s total rate base that is nuclear was at its lowest 


(i.e., 23%) during the period for which rates in EB-2013-0321 were set, which was also the period 


for which the OEB lowered OPG’s common equity ratio to 45%.  However, starting in 2017, the 


nuclear portion of rate base began to increase significantly.  By 2026, i.e., the end of the proposed 


five-year rate period, the nuclear portion of rate base is expected to be at an all-time high.
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Figure 10: OPG’s Prescribed Facilities Rate Base ($ billions) 


 


EB-2007-
0905 


Payment 
Order 


EB-2010-
0008 


Payment 
Order 


EB-2013-
0321 


Payment 
Order 


EB-2016-0152 Rate Period92 EB-2020-0290 Rate Period 


 2008 2009 2011 2012 2014 2015 2017 2018 2019 2020 2021 2022 2023 2024 2025 2026 


Hydro  $3.9 $3.8 $3.8 $3.7 $7.5 $7.5 $7.5 $7.5 $7.5 $7.6 $7.7 $7.8 $8.0 $8.2 $8.5 $8.9 


Nuclear $2.5 $2.3 $2.4 $2.3 $2.3 $2.3 $2.9 $3.0 $3.0 $7.1 $7.5 $8.8 $8.8 $11.3 $12.5 $13.4 


Nuclear 
Portion of 
Rate Base 


39% 38% 39% 38% 23% 23% 28% 29% 29% 48% 49% 53% 52% 58% 60% 60% 


Rate Term 
Ratio Avg 


38% 23% 38% 57% 


Common 
Equity 
Ratio 


47% 47% 47% 47% 45% 45% 45% 45% 45% 45% 45% 50%93 50% 50% 50% 50% 


 
92  Hydroelectric values as stated in EB-2016-0152, Ex. L, Tab 3.1, Schedule 20 VECC-005, Table 5; nuclear values as stated in EB-2016-0152 Payment 


Amounts Order, Appendix A, Tables 1-5. 
93  Proposed minimum equity ratio for 2022-2026 rate-setting period. 
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Figure 11: OPG’s Prescribed Facilities Generation (TWh) 


 EB-2016-0152 Rate Period EB-2020-0297 Rate Period 


 2017 2018 2019 2020 2021 2022 2023 2024 2025 2026 


Hydro 
94 


30.7 29.9 30.5 33.0 33.0 33.0 33.0 33.0 33.0 33.0 


Nuclear 40.7 40.9 43.5 42.7 38.3 33.2 30.8 33.3 30.2 21.5 


 


 


Figure 12: OPG’s Generation and Rate Base Over Time, by Fuel Source 


 
94  Regulated Hydroelectric production for 2020 - 2026 is the 2014 and 2015 average OEB approved hydroelectric production per EB-2013-0321 


Decision and Order, at 9, and EB-2016-0152 PAO, App. I, Table 2, line 3. 
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Figure 13: Comparative Value of Nuclear vs. Hydroelectric Output 


 


Concentric has considered the value-of-MWh analysis above in the context of the overall level of 


revenue requirement to be recovered by each of the generation businesses. This approach recognizes 


the OEB’s prior findings, including that, in the presence of changing “relative contributions of revenue 


from hydroelectric and nuclear,” the increase in relative rate base alone “is not axiomatic that the 


equity thickness should be increased on this basis.”95 For example, in a scenario where the price per 


MWh is significantly higher for one technology but the overall revenue requirement to be recovered 


for that technology represents a small portion of the total regulated revenue, the overall risk profile 


is unlikely to be significantly impacted. In OPG’s circumstances, however, the estimated nuclear 


revenue requirement for the upcoming rate period remains at levels substantially similar and in fact 


higher, due to the DRP, than in EB-2016-0152, until the Pickering retirement at the end of 2025.  


While the nuclear revenue requirement does decline in 2026, due to the elimination of Pickering 


operating costs, it continues to account for 65% of total regulated revenues, in addition to reflecting 


a significantly higher rate base than the hydroelectric business. It is Concentric’s view that these 


factors, when combined with the increased diversification risk for the nuclear fleet discussed above 


 
95  EB-2016-0152, Decision and Order, December 28, 2017, at 102. 
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and the higher relative value of each nuclear unit of output, result in additional risk that is at least 


equal to, if not greater than, the notional reduction in risk that can be attributed to the relatively 


lower overall nuclear revenue requirement by 2026.  


In conclusion, by the end of the upcoming rate period, nuclear rate base is projected to be 60% of 


OPG’s total prescribed generation rate base, as compared to 49% at the end of the EB-2016-0152 rate 


period (and less than 40% during the period in which OPG’s deemed equity ratio was 47%).  As it is 


the level of investment that drives the need for capital, given that nuclear business is higher risk, this 


factor supports the need for a higher equity ratio for OPG. In the context of the OEB’s prior findings 


on the relative output and revenue contributions of each regulated business, Concentric also finds 


that the increased relative cost recovery risk for each unit of nuclear output versus hydroelectric, $39 


per MWh average difference in EB-2016-0152 to $77 per MWh difference by the end of upcoming 


rate period, is a source of additional risk relative to EB-2016-0152. This, coupled with the increase 


in nuclear-specific business risks discussed earlier, including lower diversification of the nuclear 


fleet, indicates a substantial increase in OPG’s overall business risk for its regulated operations. 


Changes in Financial Risk 


Financial risk is an important component of a company’s overall risk profile. Financial risk, which is 


focused on solvency and liquidity, is often measured through credit metrics, and a utility’s credit 


rating provides a widely-accepted opinion from a third party credit rating agency of the utility’s 


overall creditworthiness. Concentric’s consideration of OPG’s financial risk therefore focused on the 


review of the company’s credit rating.  


In adopting this approach, Concentric was mindful of the OEB’s findings in EB-2016-0152 that “credit 


risk is not an independent factor in assessing whether business risk has changed – it is the credit 


rating agencies’ assessment of those risks as to how they may affect solvency and liquidity.”96 


Concentric agrees that financial risk and business risk are often interrelated. However, Concentric is 


also guided by the OEB’s previous findings distinguishing between financial risk and business risk, in 


the context of their relationship with capital structure, and specifically that “capital structure should 


be reviewed only when there is a significant change in financial, business or corporate 


fundamentals.”97 Additionally, Concentric is guided by the fact that, as discussed in the “Background 


on Prior OEB Decisions” (Section 3 of this report), maintenance of financial integrity is a key 


component of the fair return standard.   


 
96  EB-2016-0152, Decision and Order, December 28, 2017, at 107. 
97  EB-2009-0084, Report of the Board, December 11, 2009, at 49. Emphasis added. 


Filed: 2020-12-31 
EB-2020-0290 
Exhibit C1-1-1 
Attachment 1 


Page 61 of 131







 
 


59 


OPG’s issuer rating from S&P remains at BBB+ and its stand-alone credit profile absent support from 


the Province is a bb+ rating (a non-investment grade level), both of which are the same as at the time 


of EB-2016-0152.  Since 2019, OPG also has a Moody’s issuer rating of A3, with a stand-alone profile 


of baa3 (the lowest investment grade rating level) absent support from the Province. With the 


majority of peer companies being assessed at the a- and bbb+ level on a stand-alone basis (as 


discussed in Section 8), OPG’s stand-alone credit profile under both the S&P and Moody’s frameworks 


suggests that its stand-alone business and financial risks are higher in comparison to peers.  


Both S&P and Moody’s expect OPG to maintain credit metrics at a certain level in order to maintain 


its current credit rating.  For S&P, the Funds from Operations (“FFO”)/Debt ratio is the key metric 


referred to in S&P’s reports on OPG.  According to S&P’s most recent credit report on OPG, S&P has 


indicated a downside threshold for the current rating of 13%.98  Moody’s has indicated that its 


financial metrics assessment could lead to a downgrade if a decline of Cash From Operations pre-


Working Capital (CFO)/ Debt ratio to below the 12% threshold on a sustained basis.99 


These core ratios are expected to be under pressure during the earlier years of the upcoming rate 


period and OPG’s business plan forecasts one or both of them will temporarily decline below the 


corresponding thresholds.  Our understanding is that lower nuclear generation during the DRP, 


which is expected to impact the rate smoothing determinations and therefore OPG’s future operating 


cash flows, coupled with a heighted capital investment program, including the DRP, contribute to this 


pressure. 


While OPG’s business plan indicates that it will continue to focus on communicating to the rating 


agencies the short-term nature of the potential decline in the metrics and that this decline is not 


reflective of OPG’s ongoing financial strength, there remains an inherent risk of a credit rating action, 


which would result in a downgrade or a change in credit outlook.100 In these circumstances and 


pending the outcome of the upcoming rate application proceeding, Concentric considers the pressure 


on the credit metrics to signify additional financial risk since EB-2016-0152. An increase in OPG’s 


equity ratio, therefore, and particularly during this period, would be consistent with OPG’s increased 


financial risk and the financial integrity component of the fair return standard. 


 
98  In its July 2020 report, S&P stated “[w]e could take a negative rating action on OPG over the next 12-18 


months if the company's financial measures weaken, reflecting FFO to debt consistently below 13%.”  
S&P Global Ratings, “Research Update: Ontario Power Generation Inc.,” July 17, 2020, at 3.     


99  Moody’s Investors Service, “Ontario Power Generation Inc.,” December 21, 2020, at 3. 
100  The credit rating action risk discussed is in addition to the impact of any rating change for the Province 


that would be expected to affect OPG’s rating in a corresponding manner, as was the case in 2015.  
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SECTION 8: 


PROXY GROUP COMPARATIVE ANALYSIS 


1. Overview 


In addition to assessing changes to OPG’s business and financial risk profile since EB-2016-0152, 


Concentric also analyzed the equity ratios of other North American utilities screened for risk 


characteristics similar to OPG’s.  To identify companies with risk characteristics similar to OPG, 


Concentric selected publicly-traded investor-owned utility companies that passed a series of 


screening criteria based on OPG’s operational profile.  Concentric reviewed three separate measures 


of the equity ratios of those similarly-situated regulated utilities: (1) the historical equity ratios 


maintained by comparable publicly-traded holding companies; (2) the historical equity ratios 


maintained by the operating subsidiaries of those holding companies; and (3) the equity ratios 


authorized by the regulators of those operating subsidiaries.  Those measures provide context for 


where, within a reasonable range, OPG’s equity ratio should be set by the OEB, with the regulated 


operating company equity ratios being most relevant for purposes of assessing OPG’s regulated 


equity thickness.  Concentric also analyzed two different proxy groups.  The first proxy group (the 


“Concentric Proxy Group”) was a broader group of companies that met the screening criteria 


described herein.  The second proxy group (the “Moody’s Peer Group”) included the companies 


identified as OPG’s peers by Moody’s.101  The results for those two proxy groups are provided in the 


Figure 14 and Figure 15 below. 


Figure 14: Summary of Comparative Analysis Results (Concentric Proxy Group) 


Analytical Approach Mean  
Equity Ratio 


Median  
Equity Ratio 


Holding Company Equity Ratios: 5-Year Avg.  45.7% 47.4% 
Operating Company Equity Ratios: 5-Year 
Avg. 


52.8% 53.0% 


Operating Company Equity Ratios: 
Authorized 


49.5% 49.6% 


 
101  Moody’s Credit Opinion, Ontario Power Generation Inc., December 21, 2020, at 9. 
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Figure 15: Summary of Comparative Analysis Results (Moody’s Peer Group) 


Analytical Approach Mean  
Equity Ratio 


Median 
Equity Ratio 


Holding Company Equity Ratios: 5-Year Avg. 50.6% 49.1% 
Operating Company Equity Ratios: 5-Year 
Avg. 


55.9% 53.6% 


Operating Company Equity Ratios: 
Authorized 


50.7% 50.1% 


Our analysis of comparable regulated utilities with significant regulated generation assets indicates 


that OPG’s current deemed equity thickness is low relative to comparable companies, despite OPG 


falling towards the upper end of the spectrum of risk profiles established by the proxy companies.  


Taken together, the analyses support an equity ratio of no less than 50% for OPG.  


2. Use of Proxy Company Analysis for Cost of Capital Determinations  


Analyses of comparable, or “proxy,” companies is a common and well-accepted approach used in the 


determination of the cost of capital for regulated utilities and for benchmarking business and 


financial risks.  Proxy groups are used for the following main reasons in cost of capital 


determinations:  (1) adherence to the comparable investment standard; (2) since the cost of capital 


is a market-based concept, and given that OPG is not a publicly-traded entity, it is necessary to 


establish a group of companies that is both publicly-traded and comparable to OPG in certain 


fundamental business and financial respects to serve as its “proxy” for purposes of the cost of capital 


evaluation process; and (3) even if OPG’s regulated operations were held by a stand-alone publicly-


traded entity, it is possible that transitory events could bias its market-determined cost of capital in 


one way or another over a given period of time.  A significant benefit of using a proxy group is its 


ability to mitigate the effects of anomalous events that may be associated with any one company. 


Regulatory commissions and cost of capital analysts generally apply a set of screening criteria in 


order to define a risk-appropriate group of comparable companies.  For instance, the Federal Energy 


Regulatory Commission (“FERC”) provides the following summary of its practice for selection of a 


proxy group for electric transmission companies: 


Composition of the Proxy Group:  In this section we address the following issues 


concerning the proper methodology for developing a proxy group and calculating the 


zone of reasonableness: (1) the use of a national group of companies considered electric 


utilities by Value Line; (2) the inclusion of companies with credit ratings no more than 


one notch above or below the utility or utilities whose rate is at issue; (3) the inclusion 


of companies that pay dividends and have neither made nor announced a dividend cut 
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during the six-month study period; (4) the inclusion of companies with no major merger 


activity during the six-month study period; and (5) companies whose DCF results pass 


threshold tests of economic logic.102 


While the individual screens require modification based on the subject company to which proxy 


companies are being compared,103 the goal of screening companies based on their risk characteristics 


increases both the comparability of the group and the confidence that the analyst (or regulator) can 


have in drawing conclusions based on analyses of the proxy group.  Therefore, for consistency with 


the above considerations, Concentric relied on a screening process similar to that we typically apply 


in cost of capital analyses to narrow the list of potential companies in order to establish a proxy group 


of North American electric utility companies that are risk appropriate for comparison to OPG. 


Given the unique characteristics of OPG, and, in particular, the fact that its regulated operations 


consist of 100% generating assets, it is not possible to find proxy companies that are perfectly 


comparable from a risk perspective.  At issue, then, is how to determine an appropriate equity ratio 


in the context of that range.  That determination must be based on an assessment of OPG-specific 


risks relative to the proxy group and informed judgment. For example, the National Energy Board 


(predecessor to the Canada Energy Regulator), in discussing the cost of capital for the TransCanada 


Mainline, stated, “[t]o the greatest extent possible, comparable companies have to face similar 


business risk as the Mainline. If they do not, judgment needs to be applied to the cost of capital 


estimates to reflect business risk differences.” 104  In other words, whereas a subject company of 


average risk relative to the proxy group potentially would warrant an equity ratio equal to the 


average or median result of the proxy group, a company of greater risk potentially would warrant an 


equity ratio above the mean or median result, and a company of lower risk potentially would warrant 


an equity ratio below the mean or median result. 


In summary, the use of comparable companies to benchmark business and financial risks in the 


context of cost of capital determinations is a common practice among North American regulatory 


jurisdictions, and it is a method Concentric has applied to our evaluation of OPG’s capital structure.  


In the discussion that follows, we present Concentric’s analysis of OPG’s level of business and 


 
102  Opinion No. 531, Order on Initial Decision, 147 FERC ¶ 61,234 (June 19, 2014), at 44-45 
103  For instance, the FERC applies a screen for the inclusion of master limited partnerships (“MLPs”) in natural 


gas pipeline proxy groups that the MLPs derive at least 50% of operating income from, or have 50% of 
their assets devoted to, interstate operations (see, Opinion No. 510, Portland Natural Gas Transmission 
System, 134 FERC ¶ 61,129 (February 17, 2011), at 62. 


104  National Energy Board RH-003-2011 Reasons for Decision, TransCanada PipeLines Ltd, NOVA Gas 
Transmission Ltd., and Foothills Pipe Lines Ltd., March 2013, at 165. 
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financial risk relative to a proxy group of electric utilities, as well as our review of equity ratios 


authorized for the proxy group to provide context for where, within a reasonable range, OPG’s equity 


ratio should be set by the OEB. 


3. Selection of Proxy Companies 


As discussed above, Concentric studied data derived from two separate proxy groups, the Concentric 


Proxy Group and the Moody’s Peer Group. 


As a starting point for our screening process for the Concentric Proxy Group, Concentric reviewed 


data related to both Canadian and U.S. utilities, including the following Canadian utilities: Algonquin 


Power & Utilities Corp (“Algonquin”), Canadian Utilities Limited, Emera Inc. (“Emera”), Enbridge Inc., 


Fortis Inc. (“Fortis”), and TC Energy Corporation, and the 37 U.S. companies that Value Line classifies 


as “Electric Utilities.”105 


From that group, Concentric screened for companies that: 


 Own regulated generation assets that are included in rate base.  As it relates to the rate 


setting process, OPG’s assets represent 100% rate-regulated generation.  As such, it is 


important to exclude companies from the proxy group that bear no risks related to regulated 


generation.  The reason for this is the generation function is generally regarded by investors 


as being higher risk than electric transmission or distribution.  As stated by Moody’s in its 


2017 ratings methodology for regulated electric and gas utilities, “[g]eneration utilities and 


vertically integrated utilities generally have a higher level of business risk because they are 


engaged in power generation, so we apply the Standard Grid.  We view power generation as 


the highest-risk component of the electric utility business, as generation plants are typically 


the most expensive part of a utility’s infrastructure (representing asset concentration risk) 


and are subject to the greatest risks in both construction and operation, including the risk 


that incurred costs will either not be recovered in rates or recovered with material delays;” 


106 


 


 
105  Precedent for the consideration of U.S. proxy companies in Canadian cost of equity analyses is discussed 


in Appendix C. 
106  Moody’s Investors Service, Rating Methodology: Regulated Electric and Gas Utilities, at 21. 
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 Own regulated nuclear and/or hydroelectric generation.107  As noted earlier, OPG’s rate 


regulated facilities consist of the Pickering and Darlington nuclear stations, as well as 54 


hydroelectric generating stations.  In addition, as previously noted, the OEB has recognized 


that nuclear assets are higher in risk than hydroelectric assets.  Therefore, it is important to 


compare OPG against a group of companies that also own regulated nuclear and/or 


hydroelectric generation facilities;  


 


 Have regulated revenue and regulated net income that make up greater than 60% of 


total revenue and total income for the consolidated company.  This screen, in 


combination with the screen below regarding electricity revenue and net income, serves to 


exclude companies that do not derive a significant portion of their financial results from 


regulated electric operations.  While rates in this proceeding are being set for OPG’s 100% 


rate-regulated nuclear operations, these two screens are set at levels below 100% so that the 


resulting proxy group is not unduly small.  Including only those companies that derive more 


than 60% of their revenues and net income from regulated operations ensures that the proxy 


companies are protected by regulation rather than being subject to substantial merchant or 


market-related risks.  While 60% is not a “bright line” percentage for separating regulated 


from non-regulated companies, in Concentric’s experience, using a screening criteria of 


around 60% increases the comparability of the proxy group to the regulated utility without 


unduly limiting the size of the group 


 


 Have regulated electricity revenue and net income that make up greater than 80% of 


revenue and income for the consolidated company’s regulated operations.  Including 


only those companies that derive more than 80% of their regulated revenue and net income 


from regulated electricity operations ensures that the proxy companies, like OPG, derive the 


predominant share of their financial results from regulated electricity segments.  Similar to 


the regulated revenue and net income screen, the 80% regulated electric revenue and net 


income screen is not a “bright line,” but rather is intended to balance the comparability of the 


proxy group with its overall size; and 


 


 
107  Excludes utilities with only a minimal (i.e., less than 5% of their total generation portfolio) amount of 


nuclear or hydroelectric generation. 
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 Have an investment grade credit rating similar to that of OPG.  As noted earlier, OPG has 


an “A (low)” issuer and unsecured debt rating from DBRS, a “BBB+” corporate and unsecured 


debt credit rating from S&P, and an “A3” senior unsecured debt rating from Moody’s.  As also 


noted earlier, S&P and Moody’s rate OPG as “BB+“ and “baa3” (i.e., three notches below its 


corporate credit rating) on a stand-alone basis, before consideration of support by the 


Province.  As credit ratings are based on the utility’s business risk profile (including an 


assessment of its regulatory environment) and financial risk profile, companies with similar 


credit ratings have been determined by the rating agency to have similar levels of business 


and financial risk.  This concept has been adopted by regulatory agencies, including the FERC, 


which has found that “it is reasonable to use the proxy companies’ corporate credit rating as 


a good measure of investment risk, since this rating considers both financial and business 


risk.”108  Concentric’s credit rating screen selects electric utility companies with investment-


grade credit ratings (an S&P credit rating of BBB- or above or a Moody’s credit rating of Baa3 


and above), which reduces the need to adjust the results to account for any perceived 


differences in business or financial risk compared to OPG. Further, selecting proxy companies 


that, like OPG, have an investment grade credit rating ensures that the proxy companies are 


generally in sound financial condition.  Because credit ratings consider business and financial 


risks, the ratings provide a broad measure of investment risk that is widely referenced by 


investors.109  


 


4. Proxy Group Summary 


None of the publicly traded Canadian companies that Concentric reviewed met all of our screening 


criteria.  Emera, however, only failed the screen that each utility should have more than a minimal 


amount of regulated hydroelectric and/or nuclear generation.110  Fortis only failed the screens that 


each utility should have regulated electricity revenue and net income that make up greater than 80% 


of the consolidated company’s regulated operations and that each utility should have more than a 


minimal amount of regulated hydroelectric and/or nuclear generation.111  Algonquin failed the 


screens that each utility should own more than a minimal amount of regulated nuclear and/or 


 
108  See, for example, Potomac-Appalachian Transmission Highline, LLC, 122 FERC ¶ 61,188 (2008), at 97. 
109  The only utility removed from the proxy group due to this screening criterion is PG&E Corporation, which 


has a sub-investment grade credit rating due to its recent bankruptcy. 
110  Specifically, Emera currently owns no regulated hydroelectric or nuclear generation. 
111  Fortis has 76% regulated electricity revenue and regulated net income, while only owning a minimal 


amount of regulated hydroelectric generation (and no nuclear generation). 


Filed: 2020-12-31 
EB-2020-0290 
Exhibit C1-1-1 
Attachment 1 


Page 68 of 131







 


66 


hydroelectric generation and that each utility should derive greater than 80% of consolidated 


regulated revenue from regulated electricity operations.112   


In order to broaden the proxy group to include at least a minimal number of Canadian utilities, 


Concentric included Emera, Fortis, and Algonquin in the proxy group, as they otherwise meet our 


screening criteria.  Figure 16 presents the sixteen U.S. companies that met our screening criteria, 


along with OPG and the three Canadian companies noted above.  In addition to the company name, 


Concentric also provides the S&P rating, as well as S&P’s business risk and financial risk rating 


summary for each company.  Exhibit 1 details how each proxy company meets the screening criteria 


above. 


 
112  Algonquin owns just 16 MW of hydroelectric generation according to S&P Global Market Intelligence and 


has 49% regulated electricity revenue.    
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Figure 16: Concentric Proxy Group and OPG 


Company Ticker 
S&P Summary: 
Credit Rating / 


Outlook 


S&P 
Summary: 


Business Risk 


S&P 
Summary: 


Financial risk 
OPG n/a BBB+/Stable Strong Significant 
ALLETE, Inc.  ALE BBB/Stable Strong Significant 
Ameren Corporation AEE BBB+/Stable Excellent Significant 
American Electric Power Co., Inc. AEP A-/Stable Excellent Significant 
Avista Corporation AVA BBB/Stable Strong Significant 
Duke Energy Corporation DUK A-/Stable Excellent Significant 
Edison International EIX BBB/Negative Strong Significant 
El Paso Electric Company113 EE Not Rated Not Rated Not Rated 
Entergy Corporation ETR BBB+/Stable Strong Significant 
FirstEnergy Corporation FE BBB/Negative Excellent Aggressive 
Evergy, Inc. EVRG A-/Stable Excellent Significant 
IDACORP, Inc. IDA BBB/Stable Strong Significant 
NextEra Energy, Inc. NEE A-/Stable Excellent Intermediate 
Pinnacle West Capital 
Corporation 


PNW A-/Stable Excellent Significant 


PNM Resources, Inc. PNM BBB/Stable Strong Significant 
Portland General Electric 
Company 


POR BBB+/Negative Excellent Significant 


Southern Company SO A-/Negative Excellent Significant 
Xcel Energy, Inc. XEL A-/Stable Excellent Significant 
Algonquin Power & Utilities Corp AQN BBB/Stable Strong Significant 
Emera, Inc. EMA BBB/Stable Excellent Aggressive 
Fortis Inc. FTS A-/Negative Excellent Significant 


 


As described above, Concentric also considered the Moody’s Peer Group, which is a proxy group 


composed of companies identified by Moody’s as OPG’s peers.114  Figure 17 presents those three 


companies along with OPG.  Again, Concentric also provides the S&P rating, as well as S&P’s business 


risk and financial risk rating summary for each Moody’s peer. 


 
113  S&P withdrew its ratings on El Paso Electric Co. (“El Paso”) on September 18, 2020, due to a lack of 


sufficient information.  Previously, El Paso was rated BBB with a negative outlook, with “Strong” business 
risk and “Significant” financial risk. 


114  Moody’s Credit Opinion, Ontario Power Generation Inc., December 21, 2020, at 9. 
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Figure 17: Moody’s Proxy Group and OPG 


Company Ticker 
S&P Summary: 
Credit Rating / 


Outlook 


S&P 
Summary: 


Business Risk 


S&P 
Summary: 


Financial risk 
OPG n/a BBB+/Stable Strong Significant 
Public Service Enterprise Group, 
Inc  


PEG BBB+/Stable Strong Significant 


NextEra Energy, Inc. NEE A-/Stable Excellent Intermediate 
Exelon Corporation EXC BBB+/Negative Strong Significant 


5. Proxy Group Business Risk Analysis 


In order to further evaluate the comparability of the proxy group companies, Concentric examined 


the business risks of each operating company relative to those of OPG.  The purpose of this evaluation 


was to determine the extent to which the companies in the proxy group have similar risk profiles to 


OPG (indicating that OPG is of average risk, compared to the proxy group), or are more or less risky 


than OPG (indicating a need to potentially establish a proxy-based capital structure for OPG that is 


above or below the mean and median of the group).  


Concentric focused on two primary business risk characteristics – operational profile, and generation 


percentage and mix. 


a. Operational profile 


Concentric examined the operations of each of the companies in the two proxy groups.  Exhibits 5.1 


and 5.2 provide summaries of several relevant indicators for the operating subsidiaries of the 


Concentric Proxy Group and the Moody’s Peer Group, respectively, including: (1) the province or 


state in which the utility provides service; (2) the ratemaking mechanisms available to the utility 


(e.g., fuel cost recovery, revenue decoupling, capital cost recovery, etc.); and (3) whether the 


jurisdiction relies on historical or forecast test years for ratemaking purposes.   


In reviewing the comparability of the ratemaking mechanisms available to proxy group companies, 


Concentric specifically considered the OEB’s statement in EB-2016-0152 that “in OPG’s specific 


circumstances, there are a number of factors that substantially mitigate that risk [i.e., higher business 


risks associated with nuclear generation]. These include the various protections provided by O. Reg. 


53/05 and the variance and deferral accounts that allow OPG the opportunity to recover substantially 


all their unexpected or unforeseen costs.”115  


 
115  EB-2016-0152, Decision and Order, December 28, 2017, at 102. Clarification added. 
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Based on a review of OPG variance and deferral account activity since the beginning of the current 


rate term, identified below are the main accounts applicable to OPG’s regulated nuclear business.116 


Also provided is Concentric’s consideration of the risk-reducing properties, if any, of the accounts, 


including in the context of the proxy group.  


 Nuclear Liability Deferral Account (per O. Reg. 53/05) – allows OPG to recover actual revenue 


requirement impact of its nuclear decommissioning and waste management costs, which has 


a risk reducing effect. However, Concentric observes that US nuclear utilities are generally 


subject to recovery mechanisms that similarly facilitate recovery of nuclear decommissioning 


and waste management costs and therefore OPG’s circumstances are considered comparable 


to the proxy group in this regard.117  


 Capacity Refurbishment Variance Account (per O. Reg. 53/05) – for the nuclear business, 


allows OPG to recover prudently-incurred costs incurred to increase the output, refurbish or 


add operating capacity, which for the nuclear business primarily relates to the DRP and 


enablement of Pickering extended operations. The account has risk reducing properties. 


However, with the DRP being the larger component, Concentric reviewed and concluded in 


an earlier section that similar regulatory protections for large nuclear construction projects 


are in place in other jurisdictions.  In addition, many of the proxy companies have in place 


capital tracker mechanisms that allow for rate base treatment between rate cases. 


 Nuclear Development Variance Account (per O. Reg. 53/05) – allows OPG to recover prudently 


incurred costs incurred for planning and preparation for the development of new nuclear 


generation facilities. While this account has risk reducing properties, as noted above, other 


jurisdictions provide similar regulatory protection for large nuclear construction projects. 


 Income and Other Taxes Variance Account – records the impact of changes in tax legislation, 


reassessments of tax returns and similar changes, which reduces risk. 


 
116  Ancillary Services Net Revenues Variance Account – Nuclear sub-account was not reviewed as it has 


historically had immaterial balances. Also not listed is the Pickering Closure Costs Deferral Account 
required pursuant to recent amendments to O. Reg. 53/05. As noted in an earlier section, that account 
serves to mitigate what would otherwise be a significant additional risk relative to EB-2016-0152 (and the 
proxy group), being the recovery of downsizing costs in connection with the planned Pickering shutdown 
during the upcoming rate term. The Rate Smoothing Deferral Account is also not identified as it functions 
solely as a collection deferral mechanism. 


117  For spent nuclear fuel long-term disposal, U.S. utilities have been subject to a pass through charge from the 
U.S. Department of Energy, which bears the ultimate obligation. This is in contrast to OPG, which bears the 
ultimate obligation for spent fuel disposal, in addition to nuclear station decommissioning. 
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 Impact Resulting from Changes in Station End-of-Life Dates (December 31, 2015) Deferral 


Account and Impact Resulting from Changes to Pickering Station End-of-Life Dates (December 


31, 2017) Deferral Account – established pursuant to an OEB requirement for OPG to bring 


forward accounting orders related to certain accounting changes to nuclear 


decommissioning and waste management liabilities and station end-of-life dates; these 


accounts have or are recording net credit balances to customers. On this basis, these accounts 


do not serve to reduce risk to OPG. 


 Bruce Lease Net Revenues Variance Account (O. Reg. 53/05) – records variances in net 


earnings from OPG’s unregulated lease arrangement for the Bruce nuclear generating 


stations with Bruce Power. As this account uniquely relates to unregulated operations, it is 


not considered in Concentric’s risk profile analysis for OPG’s prescribed assets. 


 Pension and OPEB Cash Versus Cash Differential Deferral Account – established to record the 


difference between accrual costs and cash amounts for pension and other post-employment 


benefit (“OPEB”) pending the outcome of the OEB’s consultation on regulatory treatment of 


pension and OPEB costs. The consultation has concluded, confirming the accrual accounting 


method as the default method for ratemaking. The purpose of the account was to facilitate a 


more in-depth review of recovery methodologies on a sector-wide basis, which had the effect 


of delaying OPG’s recovery of these amounts to the ultimate benefit of customers.  


Additionally, as shown in Exhibit 5.1 and summarized in Figure 18 below, the operating utilities held 


by the proxy group companies have a number of different adjustment clauses and cost recovery 


mechanisms that provide risk mitigation. 
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Figure 18:  Summary of Regulatory Mechanisms for Concentric’s Proxy Group 


 


On the basis of the above, Concentric concludes that in this respect OPG is risk comparable to the 


proxy companies, assuming OPG’s existing deferral and variance accounts continue in the upcoming 


proceeding.   


One important exception to this is OPG’s being entirely at risk related to variability in the output of 


its nuclear facilities.  The companies in the proxy group do not face comparable risk, and, in fact, many 


recover costs through a mix of fixed and variable charges, and/or have decoupling in place.  For the 


proxy companies, revenue decoupling mechanisms further reduce exposure to volumetric risk.  


In addition to proxy group comparability, Concentric also considered the general comparability of 


OPG’s deferral and variance accounts to other regulated electric utilities in Ontario. In doing so, 


Concentric observed that the majority of OPG’s accounts would be classified as “Group 2” accounts 


according to the OEB’s Accounting Procedures Handbook. Group 2 accounts require a prudence 


review by the OEB before the utility is allowed to recover those costs.  In contrast, Group 1 deferral 


and variance accounts do not require a prudence review.   


Concentric reviewed the deferral and variance accounts for a sample of other regulated electric 


utilities in Ontario (including Hydro One Networks, Toronto Hydro, Hydro Ottawa, Niagara-on-the-


Lake Hydro, and ENWIN) and determined that those companies have a mix of Group 1 and Group 2 
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accounts.  Because the disposition of Group 2 deferral and variance accounts involves a greater 


degree of regulatory scrutiny than Group 1 accounts, Concentric concludes that OPG has relatively 


greater risk of cost recovery for its deferral and variance accounts than do other electric utilities in 


Ontario.   


b. Generation percentage and mix 


Concentric analyzed the generation percentage and mix of each proxy company to assess the 


percentage of each company’s assets that is generation, and further, the percentage of generation 


capacity that is comprised of nuclear generation.  As shown in Figure 19 and Figure 20, OPG is the 


only company in the proxy group that is a pure-play regulated generation company.  OPG also has the 


highest percentages of nuclear and hydroelectric generation.  As discussed above, the investment 


community generally considers the generation function to be higher risk than other regulated electric 


operations.   


Figure 19: Generation versus Transmission and Distribution Assets 
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Figure 20: Generation Mix (MW), Percentage Hydro and Nuclear Generation 


 


6. Proxy Group Financial Risk Analysis 


In order to assess the financial risk of OPG relative to the proxy group, Concentric analyzed the 


allowed common equity ratios at the operating company level and the actual book equity ratios for 


these companies at both the holding company and operating company level. Concentric analyzed 


these different variants of equity ratios in order to provide a range of observations.  Book equity 


ratios at the holding company level, however, reflect a different risk profile than pure regulated utility 


operations, and Concentric has applied less weight to those results.   


The proxy group mean and median results are measures of central tendency for the proxy group from 


which inferences about a reasonable equity ratio can be made for OPG, after consideration of 


differences in risk profiles between OPG and the proxy group.  Specifically, the mean is “generally the 


best measure of central location for purposes of statistical inference,”118 while also being at risk of 


being “unduly influenced by extreme observations.”119  The median, or middle point of a set of 


observations at which half of the set of observations are above it and half and below it, is not subject 


to the same distortion due to extreme observations.120  Figure 21 and Figure 22 summarize the 


 
118  Keller and Warrack, Statistics for Management and Economics, 5e ed., Duxbury Thompson Learning, 


2000, at 92. 
119  Ibid. 
120  Ibid., at 93. 
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results in tabular format for the Concentric Proxy Group and Moody’s Peer Group, respectively. 


Schedules 1 through 3 provide the analysis summarized in Figure 21 and Figure 22.   


Figure 21: Concentric Proxy Group Equity Ratios 


Company 


Operating 
Subsidiaries: 


Avg. Authorized 
Equity Ratios (%)121 


Operating 
Subsidiaries: 


5-Year Avg. Actual 
Equity Ratios (%)122 


Holding Company: 
5-Year Avg. Actual 


Equity Ratios (%)123 


ALE 53.81 58.79 58.44 
AEE 50.00 52.90 49.34 
AEP 46.07 48.91 47.88 
AVA 49.36 50.56 50.34 
DUK 52.26 53.00 47.02 
EIX 52.00 55.36 43.98 
EE 48.57 48.88 47.70 


ETR 47.89 48.58 36.96 
FE 48.00 55.63 26.82 


EVRG 50.37 54.84 54.70 
IDA 49.90 53.82 56.20 
NEE 48.00 61.13 49.08 
PNW 55.80 54.08 53.68 
PNM 48.11 48.57 42.32 
POR 50.00 50.05 51.18 
SO 55.25 51.97 38.36 


XEL 54.41 54.36 44.10 
AQN 48.49 56.59 39.73 
EMA 37.50 48.26 39.03 
FTS 43.61 49.87 38.08 


Mean 49.47 52.81 45.75 
Median 49.63 52.95 47.36 


OPG 45.00 45.00 45.00 
 


 


 


 


  


 


 
121  See, Exhibit 2.1. 
122  See, Exhibit 3.1. 
123  See, Exhibit 4.1. 
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Figure 22: Moody’s Proxy Group Equity Ratios 


Company 


Operating 
Subsidiaries: 


Avg. Authorized 
Equity Ratios (%)124 


Operating 
Subsidiaries: 


5-Year Avg. Actual 
Equity Ratios (%)125 


Holding Company: 
5-Year Avg. Actual 


Equity Ratios (%)126 


PEG 54.00 53.55 54.46 
NEE 48.00 61.13 49.08 
EXC 50.05 53.06 48.24 


Mean 50.68 55.91 50.59 
Median 50.05 53.06 49.08 


OPG 45.00 45.00 45.00 
 


As shown in Figure 21 and Figure 22, OPG’s deemed equity ratio of 45% is lower than the average 


and median equity ratios Concentric identified for both proxy groups and all three analytical 


approaches. The mean and median equity ratios at the operating company level exceed 49% for both 


proxy groups.  Further, the mean and median equity ratios at the holding company level exceed 49% 


for the Moody’s Peer Group.  Only the mean and median equity ratios at the holding company level 


for the Concentric proxy group are lower than 49%. OPG’s deemed equity ratio is 0.75 to 10.91 


percentage points below the results of Concentric’s analysis, depending on the proxy group and 


analytical approach employed.  


The only authorized equity ratios lower than OPG’s are those for Emera and Fortis, both with lower 


risk T&D operations and no nuclear generation. 127 Certain U.S. companies produce analytical results 


close to OPG’s deemed equity ratio, but these companies also have substantial T&D assets to mitigate 


their generation risk.  As discussed previously, generation assets are generally considered riskier 


from an investment perspective than T&D assets because generation assets typically have longer 


construction lead times, are subject to production risk and to risk from changes in environmental 


regulations and requirements and are more subject to technological obsolescence.  For example, in 


EB-2007-0905, the OEB concluded: “OPG’s nuclear business is riskier than regulated transmission 


and distribution utilities in terms of operational and production risk, but is less risky than merchant 


generation.”128   In that same decision, the OEB also commented on the relative risk of generation as 


 
124  See, Exhibit 2.2. 
125  See, Exhibit 3.2. 
126  See, Exhibit 4.2. 
127  In addition, both Emera and Fortis have substantial Canadian operations, and Canadian utilities have 


historically been authorized lower equity ratios than their U.S. counterparts, an outcome that Concentric 
does not believe reflects the converged risk profiles of Canadian and U.S. regulatory jurisdictions, as 
discussed earlier. 


128  EB-2007-0905, Decision with Reasons, November 3, 2008, at 149. 
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follows: “The Board has concluded that OPG is of higher risk than electricity LDCs, gas utilities and 


electric transmission utilities and of lower risk than merchant generation.”129 


Figure 19 presented earlier, provides the percentage of generation assets and T&D assets for OPG 


and the proxy group companies.  As shown in Figure 19 100% of OPG’s assets are dedicated to 


generation, while the proxy group companies have a mixture of generation assets and T&D assets.  


On that basis, we conclude that OPG has higher business risk than the proxy group companies, which 


suggests a higher deemed equity ratio is appropriate for OPG. 


With the lower deemed equity ratio of OPG compared to the proxy group companies, Concentric 


concludes that OPG has greater financial risk than the proxy group.  Concentric also considers that 


OPG is rated three notches lower than its issuer rating on a stand-alone basis according to S&P and 


Moody's, which places it toward the low end or below the investment grade credit rating range 


relative to the proxy group.  This higher financial risk profile of OPG suggests its deemed equity ratio 


should fall at the upper end of the proxy group. 


Further, Concentric notes that Georgia Power has been allowed to maintain an equity ratio of 56% 


for ratemaking purposes during the construction of Vogtle plant units 3 and 4 in recognition of the 


cash flow pressure during this large construction project.  In particular, on December 17, 2019, the 


Georgia PSC approved a settlement agreement for a three-year rate plan that included an ROE of 


10.50% on 56% common equity.  In its Order approving the settlement, the Commission noted that 


Staff had recommended an equity ratio of 51%; however, the Commission determined that: “[b]ased 


on the evidence presented, the Commission finds and concludes that a capital structure of 56% 


common equity level is just and reasonable, and will help to mitigate the risk of a credit rating 


downgrade.”130   


Comparative Analysis Conclusions 


Based on the comparative analyses of business and financial risk, Concentric draws the following 


conclusions: 


 OPG’s generation mix is comprised of more nuclear generation than the proxy group, 


indicating that OPG is riskier than the group on this factor. 


 OPG has an asset mix that is 100% generation in contrast to the proxy group companies with 


an average of 43%, indicating OPG is a riskier business.  


 
129  Ibid. 
130  Docket 42516, Order, at 6. 
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 Unlike other proxy group companies with nuclear operations, OPG is fully subject to revenue 


variability risk on its nuclear generation, which significantly increases risk; 


 OPG has several deferral and variance accounts for its operations, as do other proxy 


companies; therefore, OPG is considered to be risk comparable to the proxy group in this area. 


Several of OPG’s accounts pertain to nuclear refurbishment and new nuclear planning, for 


which similar  protections are provided for nuclear utilities in other jurisdictions; 


 OPG’s deemed equity ratio is lower and its stand-alone credit rating (by S&P) is weaker than 


the vast majority of the proxy companies, exposing OPG to more financial risk than the proxy 


companies. 


On a relative risk basis, Concentric finds OPG, with its significant nuclear concentration, a pure 


generating company business profile, higher nuclear variability risk and higher financial risk, to fall 


towards the upper end of the spectrum of risk profiles established by the proxy companies.  


Depending on the analytical approach employed, and proxy group studied, the proxy group’s mean 


equity ratio ranges between 45.75% and 55.91%.  As discussed earlier in the report, however, 


Concentric places less weight on the equity ratios at utility holding companies (versus those at 


regulated operating companies) because those companies reflect a different risk profile than the 


regulated operations of OPG.  Focusing on the results from the regulated operating companies, both 


actual and authorized equity ratios, produces a reasonable range of equity thickness for OPG of 


49.47% to 55.91%.   


OPG’s current equity ratio of 45% is below those ranges despite OPG’s elevated level of risk relative 


to the proxy groups.  Given the risk factors noted above, OPG falls toward the upper end of the risk 


spectrum, and its equity ratio could reasonably be set at 55% to 56%, being the upper end of the 


proxy group results.  In consideration of the results of our analysis together with the OEB’s findings 


in EB-2016-0152, however, Concentric conservatively recommends an equity ratio of no less than 


50% for OPG for this upcoming rate setting period.  
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APPENDIX A: 


NUCLEAR RISK – CREDIT RATING AGENCIES 


This appendix provides excerpts from S&P Global Ratings highlighting that ratings agency’s views on 


the high-risk nature of utilities’ nuclear businesses. 


Ameren (AEE) – “Higher operational risk and material ESG considerations from owning and 


operating the Callaway nuclear plant… Nuclear generation increases operational risks and carries 


with it long-term storage concerns; this is partially offset by the technology’s emission-free 


generation… Our negative comparable rating analysis modifier reflects the consolidated exposure to 


nuclear and coal generation...  Environmental factors are material to our credit analysis primarily due 


to Ameren’s exposure to nuclear and coal generation.”131  


Dominion Energy, Inc. (D) – “Overall, we assess most of the DEI utilities as very low risk and 


consistent with their effective management style of regulatory risk.  The exception is DESC (Dominion 


Energy South Carolina) whose effectiveness in managing regulatory risk eroded after construction of 


two new nuclear units was cancelled.  Despite DEI’s acquisition of DESC, our assessment of DESC 


incorporates a much less supportive regulatory environment in South Carolina than before the 


company’s cancellation of the nuclear plants… The company also has nuclear and renewable 


merchant generation businesses, which account for about 5% of EBITDA… We assess the merchant 


nuclear contracted asset as having the highest risk from the company’s portfolio of contracted assets.  


The merchant nuclear exposes the company to higher operating risks, volumetric risks, counterparty 


credit risk, and commodity risks.  ”132 


Duke (DUK) – “[T]he company’s carbon-free nuclear generation portfolio increases its 


operating risk and exposes it to longer-term nuclear waste storage risks despite the company’s long-


term track record of achieving safe operational standards of its nuclear fleet.”133 


Entergy (ETR) – “Remaining exposure to nuclear generation increases operational risk…  


Entergy continues to shut down nuclear plants.  The company is reducing its exposure to non-


regulated nuclear power units.  It shut down a unit at its Indian Point facility in New York in spring 


2020, and it plans to shut down the remaining operating unit in spring 2021.   Its  Palisades facility 


 
131  S&P Ratings Direct, “Ameren Corp.,” April 10, 2020. 
132  S&P Ratings Direct, “Dominion Energy Inc. and Subsidiaries Outlooks Revised To Positive Due On Planned 


Asset Sale and Cancelled Pipeline Project,”.,” July 7, 2020. 
133  S&P Ratings Direct, “Duke Energy Corp. And Subsidiaries Outlooks Affirmed Following Atlantic Cost 


Pipeline Exit; Outlook Stable,” July 9, 2020. 
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in Michigan will close in 2022…  The stable outlook over the next two years reflects our expectation 


that Entergy will successfully exit its higher-risk, non-utility nuclear power generation stations and 


grow through its lower-risk, rate-regulated utility businesses, leading to an improved business risk 


profile... We could lower our ratings on Entergy over the next 24 months if its non-utility-owned 


nuclear power generation stations, which we currently expect to close, remain open and we 


anticipate that its financial measures will weaken, including adjusted FFO to debt of consistently 


below 14%...  We expect that Entergy will close its remaining non-utility nuclear generating units in 


New York and Michigan over the next several years.  Its business will largely consist of lower-risk, 


rate-regulated utility operations. As it moves toward becoming a fully rate-regulated utility company, 


we expect that its business risk profile will improve. Entergy's complete exit from the merchant 


nuclear business depends on the receipt of various regulatory approvals, particularly to sell the 


nuclear units for decommissioning…  The company's current generation capacity of about 22,70021 


MW consists of 6665% natural gas, 2325% nuclear, and about 10% coal...  the company’s board 


structure includes a nuclear committee, members of which discuss safety risks and best practices for 


its nuclear fleet.”134 


NextEra (NEE) – “[W]e assess the company at the very low end of the range for this category, 


incorporating the company's other higher-risk businesses. These include nuclear merchant 


generation, proprietary trading, retail supply and wholesale full-requirements contracts, and natural 


gas exploration and production businesses.”135 


Pinnacle West Capital Corp (PNW) – “Environmental risks and potential liabilities associated 


with the company’s coal-fired and nuclear generation capacity…  Offsetting our assessment of 


PWCC's business risk profile are the company's limited regulatory diversity, the highly politicized 


regulatory environment in Arizona, environmental risks associated with the company's coal-fired 


generation, and operating risks associated with the company's nuclear generation.  APSC owns 6,316 


MW of regulated generating capacity, of which about 58% is from nuclear and coal-fired fuel sources.  


Because of these weaknesses, we assess PWCC's business risk profile as being in the lower half of its 


business risk profile category…  The generation mix for APSC consists of about 57% natural gas, 21% 


coal, 18% nuclear, and 3% renewables…  Additionally, APSC maintains sole management 


responsibility for the nation's largest nuclear plant, Palo Verde, with total generation capacity of 


 
134  S&P Ratings Direct, “Entergy Corp.,” July 7, 2020. 
135  S&P Ratings Direct, “NextEra Energy Inc. Ratings Affirmed On Acquisition Of Gulf Power; Outlook 


Remains Stable,” January 3, 2019. 
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almost 4,000 MW. Although it’s carbon-free, the company's nuclear generation portfolio increases 


operating risk and exposes it to longer-term nuclear waste storage risks.”136 


Southern (SO) – “Atlanta-based Southern Co. announced its share of the Vogtle units 3 and 4 nuclear 


power construction project costs have increased by approximately $150 million…  This follows a 


series of other related announcements by the company, including that it resequenced its planned 


construction activities for the units, and reduced its work force at the construction site by about 20%, 


primarily due to the outbreak of COVID-19, where multiple workers at the site have tested positive 


for the virus…  We view these developments as indicative of potentially heightened business risk for 


Southern Co., and its key subsidiary, Georgia Power Co. given the challenging operating environment 


that COVID-19 presents, despite the company's view that it can achieve its required in-service date 


for units 3 and 4 by November 2021 and November 2022, respectively…  The negative outlooks for 


Southern and its subsidiaries reflect the potential for increased business risk for Southern Co., given 


the scale of its nuclear construction activities at Vogtle units 3 and 4 amid the COVID-19 pandemic. 


The negative outlooks also reflect minimal financial cushion at the parent for the current rating, 


including consolidated FFO to debt of 16% for the next two years…” 


 


“We believe there is risk of delays to the project's regulatory in-service date. While the 


company maintains that it can achieve its aggressive in-service date for units 3 and 4, we note that 


these estimates are based on several assumptions, including the company's view that the normal rate 


of absenteeism and its productivity targets can be met despite the temporary reduction in workers 


at the site, and despite the COVID-19 environment. The staff of the Georgia Public Service 


Commission (GPSC) has effectively cast doubt on the company's scheduled timeline to bring the units 


online, including for both the regulatory timeline, and the company's aggressive timeline. 


Furthermore, while the November 2021 and November 2022 regulatory in-service dates for units 3 


and 4 remain the focus, the company is exposed to the risk of additional penalties on its nuclear 


construction cost recovery (NCCR) tariff, including a return on equity (ROE) that will be reduced by 


10 basis points each month if units 3 and 4 are not commercially operational by June 1, 2021, and 


June 1, 2022.”137 


 


 
136  S&P Ratings Direct, “Transaction Update: Pinnacle West Capital Corp.,” November 3, 2020. 
137  S&P Ratings Direct, “Research Update:  Southern Company and Subsidiaries Outlooks Remain Negative 


on Higher Nuclear Construction Costs, Ratings Affirmed,” August 6, 2020. 
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Xcel (XEL) – “Xcel's fuel mix consists of approximately 23% renewables, 13% nuclear, 23% 


natural gas, and 37% coal…  Additionally, Xcel operates two nuclear plants, expected to remain open 


through 2034, that generate around 1,700 MW of power.  Although carbon-free, the company's 


nuclear generation portfolio increases operating risk and exposes it to longer-term nuclear waste 


storage risks.”138


 
138  S&P Ratings Direct, “Xcel Energy Inc.,” June 2, 2020. 
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APPENDIX B: 


PRECEDENT FOR CONSIDERING U.S. DATA 


There is precedent among Canadian regulators for considering U.S. data and a U.S. proxy group for 


cost of capital evaluations.  In recent orders, other Canadian regulators have determined that it is 


appropriate to consider the use of U.S. data and U.S. proxy groups to estimate the allowed return on 


equity (“ROE”) for a Canadian regulated utility.  Regulators in Canada have noted several reasons that 


support consideration of U.S. data.  First, the development of a proxy group comprised entirely of 


Canadian electric utilities is difficult due to the small number of publicly-traded utilities in Canada 


and the fact that many of those Canadian companies derive a significant percentage of their revenues 


and net income from operations other than the provision of regulated electric utility service.  Second, 


this problem has been exacerbated by the continuing trend toward mergers and acquisitions in the 


utility industry, both within Canada and across the border with U.S. utility companies.  The question 


for Canadian regulators has become:  How do we account for any differences in risk between U.S. and 


Canadian utilities?   


Concentric’s research and analysis demonstrate that it is possible to select a group of U.S. electric 


utilities that is comparable to Canadian utilities in terms of business and operating risk.  In that 


regard, Concentric agrees with the conclusion of the OEB that it is not necessary to find that utilities 


are the same, only that they are comparable,139 and with the National Energy Board’s (“NEB”) 


(predecessor to the Canadian Energy Regulator) conclusion that it is possible to account for 


differences in risk that would influence an investor’s required rate of return.140 


A growing number of Canadian utility regulators have accepted the use of U.S. data or U.S. proxy 


groups in recent years.  For example, in its TQM Decision, the NEB found that U.S. market returns are 


relevant to the cost of capital for Canadian firms, and that the regulatory regimes in Canada and the 


U.S. are sufficiently similar as to justify comparison.  The NEB appears to view U.S. market returns as 


valuable information in establishing the cost of capital for Canadian utilities.  Moreover, the NEB 


found that Canadian utilities are competing for capital in global financial markets that are 


increasingly integrated.  The NEB recognized that it is no longer possible to view Canada as insulated 


from the remainder of the investing world, and that doing so would be detrimental to the ability of 


Canadian utilities to compete for capital.141  Importantly, the NEB also found that the regulatory 


 
139  Ontario Energy Board, EB-2009-0084, Report of the Board on the Cost of Capital for Ontario’s Regulated 


Utilities, December 11, 2009, at 21. 
140  National Energy Board, Reasons for Decision, TQM RH-1-2008 (March 2009), at 71. 
141  Ibid., at 66-72. 
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regimes in the U.S. and Canada were sufficiently similar as to justify comparison between utilities in 


the two countries, stating: 


The Board is not persuaded that the U.S. regulatory system exposes utilities to notable 


risks of major losses due either to unusual events or cost disallowances.  The Board views 


the losses and disallowances experienced by U.S. regulated entities as a result of the 


restructuring that took place to terminate the merchant gas function of pipelines, as 


well as some other circumstances such as the Duquesne nuclear build, to be, to a large 


extent, unique events.  The Board also finds that such instances are not likely to weigh 


significantly in investors' perceptions today, and would thus have little or no impact on 


cost of capital.142 


Likewise, the OEB concluded that the U.S. is a relevant source of comparable data and that it often 


looks to the U.S. to inform its decisions: 


The Board is of the view that the U.S. is a relevant source for comparable data.  The 


Board often looks to the regulatory policies of State and Federal agencies in the United 


States for guidance on regulatory issues in the province of Ontario.  For example, in 


recent consultations, the Board has been informed by U.S. regulatory policies relating to 


low income customer concerns, transmission cost connection responsibility for 


renewable generation, and productivity factors for 3rd generation incentive 


ratemaking. 


Finally, the Board agrees with Enbridge that, while it is possible to conduct DCF and 


CAPM analyses on publicly-traded Canadian utility holding companies of comparable 


risk, there are relatively few of these companies.  As a result, the Board concludes that 


North American gas and electric utilities provide a relevant and objective source of data 


for comparison.143 


Finally, the British Columbia Utilities Commission (“BCUC”) accepted the use of U.S. data, stating: 


In addition, the Commission Panel continues to be prepared to accept the use of 


historical and forecast data of U.S. utilities when applied: as a check to Canadian data, 


as a substitute for Canadian data when Canadian data do not exist in significant 


quantity or quality, or as a supplement to Canadian data when Canadian data gives 


unreliable results.  Given the paucity of relevant Canadian data, the Commission Panel 


 
142  Ibid. 
143  Ontario Energy Board, EB-2009-0084, Report of the Board on the Cost of Capital for Ontario’s Regulated 


Utilities, December 11, 2009, at 23. 
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considers that natural gas distribution companies operating in the US have the potential 


to act as a useful proxy in determining TGI’s capital structure, ROE, and credit metrics.144 


The BCUC affirmed this position in its 2013 Generic Cost of Capital Decision: 


The Commission Panel reaffirms the 2009 Decision determination on when to use 


historical and forecast data for US utilities.  Canadian utilities need to be able to 


compete in a global marketplace and be allowed a return for them to do so.  In addition, 


the Panel accepts that there continues to be limited Canadian data upon which to rely 


and considers that there may be times when natural gas companies operating within 


the US may prove to be a useful proxy in determining the cost of capital.  Accordingly, 


we have determined that it is appropriate to continue to accept the use of historical and 


forecast data for US utilities and securities as outlined in the 2006 Decision and again 


in the 2009 Decision. 


And, 


[I]n the view of the Commission Panel, the use of US data must be considered on a case 


by case basis and weighed with consideration to the sample being relied upon and any 


jurisdictional differences which may exist.145 


In summary, regulatory authorities in Canada have recognized that Canadian utility companies are 


competing for capital in global financial markets and that Canadian data are often limited by the small 


number of publicly-traded utilities.  They have also recognized the integrated nature of Canadian and 


U.S. financial markets, and the similarity of the utility regulatory regimes.  Therefore, they have 


determined that it is reasonable and appropriate to consider the results of a risk comparable U.S. 


proxy group for purposes of cost of capital analyses for a Canadian natural gas or electric utility.  


These findings suggest that it is reasonable and appropriate to consider a proxy group of U.S. utility 


companies as sufficiently comparable to Canadian regulated utilities in terms of their risk profile. 


 
144  British Columbia Utilities Commission, In the Matter of Terasen Gas Inc., Terasen Gas (Vancouver Island) 


Inc., Terasen Gas (Whistler) Inc., Return on Equity and Capital Structure, Decision G-158-09, December 16, 
2009, at 16. 


145  British Columbia Utilities Commission, Generic Cost of Capital Proceeding (Stage I), Decision, May 10, 2013, 
at 20. 
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APPENDIX C:  


RESUME OF JAMES M. COYNE 


JAMES M. COYNE 


Senior Vice President 


AREAS OF EXPERTISE 


Energy Regulation 


 Rate policy  


 Cost of capital 


 Incentive regulation 


 Fuels and power markets 


Management and Business Strategy 


 Fuels and power market assessments 


 Investment feasibility 


 Corporate and business unit planning 


 Benchmarking and productivity analysis 


Financial and Economic Advisory 


 Valuation analysis  


 Due diligence 


 Buy and sell-side advisory 


Litigation Support and Expert Testimony 


 Rate and regulatory policy 


 Fuels and power markets 


 Contract litigation 


 Valuation and damages 


Mr. Coyne provides financial, regulatory, strategic, and litigation support services to clients in 


the natural gas, power, and utilities industries. Drawing upon his industry and regulatory 


expertise, he regularly advises utilities, public agencies and investors on business strategies, 


investment evaluations, and matters pertaining to rate and regulatory policy. Prior to 


Concentric, Mr. Coyne worked in senior consulting positions focused on North American utilities 


industries, in corporate planning for an integrated energy company, and in regulatory and 


policy positions in Maine and Massachusetts.  He has authored numerous articles on the energy 


industry and provided testimony and expert reports before the Federal Energy Regulatory 


Commission and numerous jurisdictions in the U.S. and Canada. Mr. Coyne holds a B.S. in 


Business from Georgetown University with honors and an M.S. in Resource Economics from the 


University of New Hampshire. 
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PROFESSIONAL HISTORY 


Concentric Energy Advisors, Inc. (2006 – Present) 


Senior Vice President 


Vice President 


FTI Consulting (Lexecon) (2002 – 2006) 


Senior Managing Director – Energy Practice 


Arthur Andersen LLP (2000 – 2002) 


Managing Director, Andersen Corporate Finance – Energy and Utilities 


Navigant Consulting, Inc. (1996 – 2000) 


Managing Director, Financial Services Practice 


Senior Vice President, Strategy Practice 


TotalFinaElf (1990 – 1996) 


Manager, Corporate Planning and Development 


Manager, Investor Relations 


Manager of Strategic Planning and Vice President, Natural Gas Division 


Arthur D. Little, Inc. (1989 – 1990) 


Senior Consultant – International Energy Practice 


DRI/McGraw-Hill (1984 – 1989) 


Director, North American Natural Gas Consulting 


Senior Economist, U.S. Electricity Service 


Massachusetts Energy Facilities Siting Council (1982 – 1984) 


Senior Economist – Gas and Electric Utilities 


Maine Office of Energy Resources (1981 – 1982) 


State Energy Economist 


EDUCATION 


University of New Hampshire 


M.S., Resource Economics, with honors, 1981 


Georgetown University 


B.S., Business Administration and Economics, cum laude, 1975 


DESIGNATIONS AND AFFILIATIONS 


Community Rowing Inc., Board of Directors, 2015 - 2019 


Georgetown University, Alumni Admissions Interviewer, 1988 – current 


NASD General Securities Representative and Managing Principal (Series 7, 63 and 24 


Certifications), 2001 
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American Petroleum Institute, CEO’s Liaison to Management and Policy Committees, 1994-1996 


National Petroleum Council, Regulatory and Policy Task Forces, 1992 


President, International Association for Energy Economics, Dallas Chapter, 1995 


Gas Research Institute, Economics Advisory Committee, 1990-1993 


NARUC, Advanced Regulatory Studies Program, Michigan State University, 1984 


PUBLICATIONS AND RESEARCH 


“Advancing FERC’s Methodology for Determining Allowed ROEs for Electric Transmission 


Companies,” submitted to FERC on behalf of EEI, James Coyne, Joshua Nowak and Julie Lieberman, 


May, 2020. 


“Regulator Rationale for Ratepayer-Funded Electricity and Natural Gas Innovation”, James M. 


Coyne, Robert C. Yardley, Jr. and Jessalyn G. Pryciak,  Energy Regulation Quarterly, Volume 6, Issue 


3, 2018. 


 “Stimulating Innovation on Behalf of Canada’s Electricity and Natural Gas Consumers” (with Robert 


Yardley), prepared for the Canadian Gas Association and Canadian Electricity Association, May 


2015. 


“Autopilot Error: Why Similar U.S. and Canadian Risk Profiles Yield Varied Rate-making Results” 


(with John Trogonoski), Public Utilities Fortnightly, May 2010 


“A Comparative Analysis of Return on Equity of Natural Gas Utilities” (with Dan Dane and Julie 


Lieberman), prepared for the Ontario Energy Board, June 2007 


“Do Utilities Mergers Deliver?” (with Prescott Hartshorne), Public Utilities Fortnightly, June 2006 


“Winners and Losers: Utility Strategy and Shareholder Return” (with Prescott Hartshorne), Public 


Utilities Fortnightly, October 2004 


“Winners and Losers in Restructuring:  Assessing Electric and Gas Company Financial Performance” 


(with Prescott Hartshorne), white paper distributed to clients and press, August 2003 


“The New Generation Business,” commissioned by the Electric Power Research Institute (EPRI) and 


distributed to EPRI members to contribute to a series on the changes in the Power Industry, 


December 2001 


Potential for Natural Gas in the United States, Volume V, Regulatory and Policy Issues (co-author), 


National Petroleum Council, December 1992 


“Natural Gas Outlook,” articles on U.S. natural gas markets, published quarterly in the Data 


Resources Energy Review and Natural Gas Review, 1984-1989 


SELECTED SPEAKING ENGAGEMENTS 


“Energy Sector in Transition”, Ontario Energy Association, Toronto, ON, September 24, 2018. 
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“Understanding Regulated Utilities in Today’s Capital Markets”, NARUC Annual Meeting, La Quinta, 


CA, November 14, 2016. 


“Rate of Return: Where the Regulatory Rubber Meets the Road,” CAMPUT Annual Conference, 


Montreal, Quebec, May 17, 2016. 


“Innovations in Utility Business Models and Regulation”, The Canadian Association of Members of 


Public Utility Tribunals (CAMPUT) 2015 Energy Regulation Course, Queens University, Kingston, 


Ontario, June 2015 


“M&A and Valuations,” Panelist at Infocast Utility Scale Solar Summit, September 2010 


“The Use of Expert Evidence,” The Canadian Association of Members of Public Utility Tribunals 


(CAMPUT) 2010 Energy Regulation Course, Queens University, Kingston, Ontario, June 2010 


“A Comparative Analysis of Return on Equity for Utilities in Canada and the U.S.”, The Canadian 


Association of Members of Public Utility Tribunals (CAMPUT) Annual Conference, Banff, Alberta, 


April 22, 2008 


“Nuclear Power on the Verge of a New Era,” moderator for a client event co-hosted by Sutherland 


Asbill & Brennan and Lexecon, Washington D.C., October 2005 


“The Investment Implications of the Repeal of PUCHA,” Skadden Arps Client Conference, New York, 


NY, October 2005 


“Anatomy of the Deal,” First Annual Energy Transactions Conference, Newport, RI, May 2005 


“The Outlook for Wind Power,” Skadden Arps Annual Energy and Project Finance Seminar, Naples, 


FL, March 2005 


“Direction of U.S. M&A Activity for Utilities,” Energy and Mineral Law Foundation Conference, 


Sanibel Island, FL, February 2002 


“Outlook for U.S. Merger & Acquisition Activity,” Utility Mergers & Acquisitions Conference, San 


Antonio, TX, October 2001 


“Investor Perspectives on Emerging Energy Companies,” Panel Moderator at Energy Venture 


Conference, Boston, MA, June 2001 


“Electric Generation Asset Transactions:  A Practical Guide,” workshop conducted at the 1999 Thai 


Electricity and Gas Investment Briefing, Bangkok, Thailand, July 1999 


“New Strategic Options for the Power Sector,” Electric Utility Business Environment Conference, 


Denver, CO, May 1999 


“Electric and Gas Industries: Moving Forward Together,” New England Gas Association Annual 


Meeting, November 1998 


“Opportunities and Challenges in the Electric Marketplace,” Electric Power Research Institute, July 


1998 
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SPONSOR DATE CASE/APPLICANT DOCKET  SUBJECT 


Alberta Beverage Container Management Board 


Alberta Beverage Container 
Management Board 


2016 
2019-
2020 


Expert for the Board N/A 
Return Margin on Bottle 
Depots 


Alberta Utilities Commission 


ATCO Utilities Group 
2008 
2009 


ATCO Gas; ATCO 
Pipelines Ltd.; ATCO 
Electric Ltd. 


Application No. 
1578571 / 
Proceeding ID. 85 


2009 Generic Cost of 
Capital Proceeding (Gas & 
Electric) 


Enmax Power Corporation 2017 Enmax 22570 Cost of Common Equity 


Enmax Power Corporation 2020 Enmax 24110 
2021 Generic Cost of 
Capital 


American Arbitration Association 


TransCanada Corporation 2004 
TransCanada 
Corporation 


AAA Case No. 50T 
1810018804 


Valuation of Natural Gas 
Pipeline 


British Columbia Utilities Commission 


FortisBC 2012 FortisBC Utilities G-20-12 
Cost of Capital Adjustment 
Mechanisms 


FortisBC 
2015
2016 


FortisBC Utilities Project 3698852 
Cost of Capital (Gas and 
Electric Distribution)  


California Utilities Commission 


San Diego Gas & Electric 
Company 


2019 
San Diego Gas & 
Electric Company 


A-19-04-014 
Cost of Capital (Gas 
Distribution) 


Connecticut Department of Public Utility Control 


Aquarion Water Company of 
CT/ Macquarie Securities 


2007 
Aquarion Water 
Company of CT 


DPUC Docket No. 
07-05-19 


Return on Equity (Water) 


Federal Energy Regulatory Commission 


Atlantic Power Corporation 2007 Atlantic Path 15, LLC ER08-374-000 Return on Equity (Electric) 


Atlantic Power Corporation 2010 Atlantic Path 15, LLC 
Docket No. ER11-
2909-000 


Return on Equity (Electric) 


Atlantic Power Corporation 2011 Atlantic Path 15, LLC 
Docket Nos. ER11-
2909 and EL11-29 


Rate of Return (Electric 
Transmission) 


Startrans IO, LLC 2012 Startrans IO, LLC ER-13-272-000 
Cost of Capital (Electric 
Transmission) 


Startrans IO, LLC 2015 Startran IO, LLC 
ER-16-194-000 
and EL16-25-000 


Cost of Capital (Electric 
Transmission) 


Northern States Power 
Company 


2019 
Northern States 
Power Company 


ER20-26-000 
Cost of Capital (Electric 
Transmission) 


Filed: 2020-12-31 
EB-2020-0290 
Exhibit C1-1-1 
Attachment 1 


Page 92 of 131







APPENDIX C 
RESUME OF JAMES M. COYNE 


 


90 


SPONSOR DATE CASE/APPLICANT DOCKET  SUBJECT 


PPL Electric Utilities Corp. 2020 
PP&l Industrial 
Customer Alliance v. 
PPL Electric 


EL20-48-000 
Answering Testimony in 
Response to a Section 206 
ROE Complaint 


Hawaii Public Utility Commission 


The Gas Company 2017 The Gas Company 
Docket No. 2017-
0105 


Cost of Capital (Gas 
Distribution) 


Maine Public Utilities Commission 


Bangor Hydro Electric 
Company 


1998 
Bangor Hydro 
Electric Company 


MPUC Docket No. 
98-820 


Transaction-Related 
Financial Advisory 
Services, Valuation 


Central Maine Power 
Company 


2007 
Central Maine Power 
Company 


MPUC Docket No. 
2007-215 


Sales Forecast 


Enmax Corporation 2019 Enmax Corporation 2019-00097 
Regulatory Approval of 
Emera Maine Acquisition 


Maryland State Board of Contract Appeals 


Green Planet Power Solutions 2018 


Green Planet Power 
Solutions and 
Maryland Bio 
Eneregy LLC v. 
Maryland 
Department of 
General Services 


MSBCA 3061 
Contract Litigation, Power 
Purchase Agreement, 
Damages Analysis 


Massachusetts Superior Court 


Burncoat Pond Watershed 
District 


2010 


Central Water 
District v. Burncoat 
Pond Watershed 
District 


WDCV 2001-0105 
Valuation/Eminent 
Domain 


Minnesota Public Utilities Commission 


Northern States Power 
Company 


2015 
2016 


Northern States 
Power Company 


E-002-GR-15-826 Cost of Capital (Electric) 


Northern States Power 
Company 


2017 
Northern States 
Power Company 


E002/M-17-797 
G002/M-17-787 
E002/M-17-818 


Cost of Capital (Electric 
and Gas Rate Riders for 
Transmission, Renewable 
Generation and Gas 
Distribution) 


Newfoundland and Labrador Board of Commissioners of Public Utilities 


Newfoundland Power 
2016 
 


Newfoundland Power 
2016 GRA 
 


Cost of Capital (Electric) 


Newfoundland Power 2018 Newfoundland Power  2018 GRA Cost of Capital (Electric) 
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SPONSOR DATE CASE/APPLICANT DOCKET  SUBJECT 


New Jersey Board of Public Utilities 


Conectiv 
2000-
2001 


Atlantic City Electric 
Company 


NJBPU Docket No. 
EM00020106 


Transaction-Related 
Financial Advisory 
Services 


Nova Scotia Utility and Review Board 


Nova Scotia Power Inc. 2012 
Nova Scotia Power 
Inc. 


2013 GRA 
Return on Equity/Business 
Risk (Electric) 


Ontario Energy Board 


Enbridge Gas Distribution and 
Hydro One Networks and the 
Coalition of Large 
Distributors 


2009 


Enbridge Gas 
Distribution and 
Hydro One Networks 
and the Coalition of 
Large Distributors 


EB-2009-0084 


Ontario Energy Board’s 
2009 Consultative Process 
on Cost of Capital Review 
(Gas & Electric) 


Enbridge Gas Distribution 2012 
Enbridge Gas 
Distribution 


EB-2011-0354 
Industry Benchmarking 
Study and Cost of Capital 
(Gas Distribution) 


Enbridge Gas Distribution 2014 
Enbridge Gas 
Distribution 


EB-2012-0459 
Incentive Regulation Plan 
and Industry Productivity 
Study 


Ontario Power Generation 2016 
Ontario Power 
Generation 


EB-2016-0152 
Cost of Capital (Electric 
Generation) 


Prince Edward Island Regulatory and Appeals Commission 


Maritime Electric Company 2015 
Maritime Electric 
Company 


UE20942 
Return on Capital 
(Electric) 


Régie de l’énergie du Québec 


Gaz Métro  2012 Gaz Métro R-3809-2012 
Return on Equity/Business 
Risk/ Capital Structure 
(Gas Distribution) 


Hydro-Québec Distribution 
and  
Hydro- Québec TransÉnergie 


2013 


Hydro-Québec 
Distribution and  
Hydro- Québec 
TransÉnergie 


R-3842-2013 
Return on Equity/Business 
Risk (Electric) 


Hydro-Québec Distribution  2014 
Hydro-Québec 
Distribution  


R-3905-2014 
Remuneration of Deferral 
Accounts 


Hydro-Québec Distribution 
and  
Hydro- Québec TransÉnergie 


2015-
2017 


Hydro-Québec 
Distribution and  
Hydro- Québec 
TransÉnergie 


R-3897-2014 
Performance-Based 
Ratemaking 


South Dakota Public Service Commission 


Northern States Power 
Company-MN 


2012 
Northern States 
Power Company-MN 


EL 11-019 Return on Equity 


Texas Public Utility Commission  
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SPONSOR DATE CASE/APPLICANT DOCKET  SUBJECT 


Texas New Mexico Power 
Company 


2004 
Texas New Mexico 
Power Company 


PUC Docket No. 
29206 


Auction Process and 
Stranded Cost Recovery 


U.S. Department of Commerce  


Government of Québec 2017 


Duty Investigation of 
Uncoated 
Groundwood Paper 
from Canada  


PUC Docket No. 
29206 


Contracting for Renewable 
Resources, Market 
Analysis, Damages 
Analysis 


Vermont Public Service Board 


Vermont Gas Systems, Inc. 2006 
Vermont Gas 
Systems, Inc. 


VPSB Docket No. 
7109 


Models of Incentive 
Regulation 


Vermont Gas Systems, Inc. 2012 
Vermont Gas 
Systems, Inc. 


Docket No. 7803A 
Cost of Capital (Gas 
Distribution) 


Green Mountain Power 
Corporation 


2013 
Green Mountain 
Power Corporation 


Docket No. 8191 Return on Equity (Electric) 


Vermont Gas Systems, Inc. 2016 
Vermont Gas 
Systems, Inc. 


Docket No. 
8698/8710 


Return on Equity (Gas 
Distribution) 


Green Mountain Power 
Corporation 


2017 
Green Mountain 
Power Corporation 


Docket No. 
Tariff-8677 


Return on Equity (Electric) 


Green Mountain Power 
Corporation 


2018 
Green Mountain 
Power Corporation 


18-0974 Return on Equity (Electric) 


Wisconsin Public Service Commission 


Wisconsin Power and Light 
Company 


2007 
Wisconsin Power and 
Light Company 


PSCW Docket No. 
6680-CE-170 


Return on Equity (Electric) 


Wisconsin Power and Light 
Company 


2007 
Wisconsin Power and 
Light Company 


PSCW Docket No.  
6680-CE-171 


Return on Equity (Electric) 


Northern States Power 
Company 


2011 
Northern States 
Power Company 


PSCW Docket No. 
4220-UR-117 


Return on Equity (Electric) 


Northern States Power 
Company 


2013 
Northern States 
Power Company 


PSCW Docket No. 
4220-UR-119 


Return on Equity (Gas & 
Electric) 


Northern States Power 
Company 


2015 
Northern States 
Power Company 


PSCW Docket No. 
4220-UR-121 


Return on Equity (Gas & 
Electric) 


Northern States Power 
Company 


2017 
2019 


Northern States 
Power Company 


PSCW Docket No. 
4220-UR-123,  
4220-UR-124 


Return on Equity (Gas & 
Electric) 


Yukon Utilities Board  


ATCO Electric Yukon 2016 ATCO Electric Yukon 2016-2017 GRA Return on Equity (Electric) 
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APPENDIX D: 


RESUME OF DANIEL S. DANE 


DANIEL S. DANE, CPA 


Senior Vice President 


PROFESSIONAL HISTORY 


Concentric Energy Advisors, Inc. (2004 – Present) 


CE Capital Advisors, Inc. 


Senior Vice President (Concentric/CE Capital) 


Financial and Operations Principal (CE Capital) 


Ernst & Young (2000 – 2001, 2003 – 2004) 


Staff Auditor and Database Management Associate 


ZIA Information Analysis Group (1997 – 2000) 


EDUCATION 


Boston College 


M.B.A., 2003 


Colgate University 


B.A., Economics, 1996 


Daniel S. Dane has 20 years of experience in the energy, utility, and financial services industries 


providing advisory services to power companies, natural gas pipelines, and local gas 


distribution companies in the areas of regulation and ratemaking, litigation support, mergers 


and acquisitions, valuation, financial statement audits and analysis, and the examination of 


financial reporting systems and controls.  Mr. Dane has also provided expert testimony on 


regulated ratemaking matters and merger approval applications for investor- and provincially-


owned utilities, including on merger impacts, revenue requirements, the cost of capital, capital 


structure, lead-lag studies/cash working capital, regulatory lag and rate base development.  


Mr. Dane has an MBA from Boston College in Chestnut Hill, Massachusetts, and a BA in 


Economics from Colgate University in Hamilton, New York.  Mr. Dane is a certified public 


accountant, and is a licensed securities professional (Series 7, 28, 63, 79, and 99).  Mr. Dane also 


serves as the Financial and Operations Principal of CE Capital Advisors, a FINRA-Member firm 


and a subsidiary of Concentric. 
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REPRESENTATIVE PROJECT EXPERIENCE 


Ratemaking and Utility Regulation Assignments 


Expert Testimony 


 Submitted expert testimony on behalf of utilities and other stakeholders in state 


administrative rate setting and merger approval proceedings regarding merger impacts, 


revenue requirements, the cost of capital, capital structure, lead-lag studies/cash working 


capital, regulatory lag and rate base development. 


Regulatory Support  


 Provided financial modeling, development of expert reports, and preparation of multiple 


rounds of testimony on behalf of U.S. and Canadian investor-owned electric, natural gas, and 


water utilities related to multiple aspects of the ratemaking process, including: cost of capital; 


ring fencing; revenue requirements and lead-lag studies/cash working capital; decoupling; 


prudence and cost recovery; capital tracker tariff mechanisms; cost allocation and shared 


services; merger approval; regulatory lag; and ratemaking policy. 


 Consulting assignments have included utility clients across the U.S. and Canada. 


Financial Advisory Assignments 


Competitive Solicitations & Asset Divestitures 


 Sell-side support for approximately $2 billion in generating asset transactions, including 


nuclear, natural gas, and coal generating facilities. 


 Buy-side due diligence support for U.S., Canadian, and international investors in electric and 


natural gas LDC utility operations, wind generation and natural gas pipeline facilities. 


 Regulatory policy, ring-fencing, and merger impacts advisory services provided to U.S. and 


Canadian investor-owned utilities. 


Valuation Services 


 Developed Fairness Opinions issued by CE Capital Advisors, Inc. to Boards of Directors of 


companies entering into asset purchases and sales. Led valuation modeling on multiple 


energy-related valuation assignments using the Income Approach, Cost Approach, and Sales 


Comparison Approach. 


Litigation Advisory Assignments 


Prepared economic and valuation analyses and expert reports in proceedings related to contract 


disputes, takings claims, and bankruptcy proceedings. Clients include international diversified 


energy companies, regulated utilities, and bondholders. 


Management and Operations Consulting Assignments 


Performed prudence reviews, including contracting strategy reviews and assessments of project 


controls and oversight for developers of nuclear-generating capacity uprates and new nuclear 


facilities. 
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DESIGNATIONS AND PROFESSIONAL AFFILIATIONS 


Certified Public Accountant, 2004 


Massachusetts Society of Certified Public Accountants, 2004 


American Institute of Certified Public Accountants, 2011 


CERTIFICATIONS 


Licensed Securities Professional: NASD Series 7, 28, 63, 79 and 99 Licenses 


PRESENTATIONS 


“Regulatory Treatment of Timing Differences Related to Pension and OPEB Costs.”  Presented to the 


Ontario Energy Board, July 2016 (Docket No. EB-2015-0040). 


“Financial Management and Capital Markets.”  University of Idaho Utility Executive Course, 2018. 


“Increasing Shareholder Value through the Capital Markets.”  University of Idaho Utility Executive 


Course, 2015, 2016 and 2017. 


“A Comparative Analysis of Return on Equity of Natural Gas Utilities” (with Jim Coyne and Julie 


Lieberman), presented to the Ontario Energy Association, June 2007. 
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SPONSOR DATE CASE/APPLICANT DOCKET /CASE NO. SUBJECT 


Connecticut Public Utilities Regulatory Authority 


SJW Group and 


Connecticut Water 


Service, Inc. 


4/19 Application of SJW Group 


and Connecticut Water 


Service, Inc. for Approval of 


Change of Control 


Docket No. 19-04-02 Merger Impacts 


SJW Group and 


Connecticut Water 


Service, Inc. 


12/18 Application of SJW Group 


and Connecticut Water 


Service, Inc. for Approval of 


Change of Control 


Docket No. 18-07-10 Merger Impacts 


Connecticut Natural Gas 


Corporation 


06/18 Connecticut Natural Gas 


Corporation 


Docket No. 18-05-16 Lead-Lag Study  


Cash Working Capital 


The Southern 


Connecticut Gas 


Company 


06/17 The Southern Connecticut 


Gas Company 


Docket No. 17-05-42 Lead-Lag Study  


Cash Working Capital 


The United Illuminating 


Company 


07/16 The United Illuminating 


Company 


Docket No. 16-06-04 Lead-lag Study 


Cash Working Capital 


Illinois Commerce Commission 


The Ameren Illinois 


Utilities 


07/10 Central Illinois Light 


Company; Central Illinois 


Public Service Company; 


Illinois Power Company 


Docket Nos. 09-0306 


thru 09-0311 (cons.) 


Rate Base Adjustments 


Earnings Attrition 


Maine Public Utilities Commission 


The Maine Water 


Company 


07/19 Application for Approval of 


Reorganization Pursuant to 


35-A M.R.S. § 708 


Docket No. 2019-00096 Merger Impacts, Customer 


Benefits, Public Interest 


Massachusetts Department of Public Utilities 


National Grid 11/20 Boston Gas Company and 


Colonial Gas Company (each 


d/b/a National Grid) 


D.P.U. 20-120 Revenue Requirement 


Lead-lag Study 


Cash Working Capital 


The Berkshire Gas 


Company 


05/18 The Berkshire Gas Company D.P.U. 18-40 Revenue Requirement 


National Grid 04/18 Boston Gas Company and 


Colonial Gas Company (each 


d/b/a National Grid) 


D.P.U. 17-170 Impact of the Tax Cuts and 


Jobs Act of 2017; 


Administrative and General 


Expense Allocations 


National Grid 11/17 Boston Gas Company and 


Colonial Gas Company (each 


d/b/a National Grid) 


D.P.U. 17-170 Revenue Requirement 


Lead-lag Study 


Cash Working Capital 


New Hampshire Public Utilities Commission 


Liberty Utilities 


(EnergyNorth Natural 


Gas) Corp. 


04/17 Liberty Utilities 


(EnergyNorth Natural Gas) 


Corp. 


Docket No. DG 17-048 Temporary Rates 


Liberty Utilities 


(EnergyNorth Natural 


Gas) Corp. 


04/17 Liberty Utilities 


(EnergyNorth Natural Gas) 


Corp. 


Docket No. DG 17-048 Revenue Requirement 
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SPONSOR DATE CASE/APPLICANT DOCKET /CASE NO. SUBJECT 


New Mexico Public Regulation Commission 


El Paso Electric Company 05/20 El Paso Electric Company Case No. 20-00104-UT Lead-lag Study 


Cash Working Capital 


Public Utility Commission of Texas 


El Paso Electric Company 02/17 El Paso Electric Company Docket No. 46831 Lead-lag Study 


Cash Working Capital 


South Dakota Public Service Commission 


Northern States Power 


Company-MN 


06/11 Northern States Power 


Company-MN 


EL 11-019 Return on Equity  


Vermont Public Utility Commission 


Vermont Department of 


Public Service 


08/17 Joint Petition of NorthStar 


Decommissioning Holdings, 


LLC, NorthStar Nuclear 


Decommissioning Company, 


LLC, NorthStar Group 


Services, Inc., LVI Parent 


Corp., NorthStar Group 


Holdings, LLC, Entergy 


Nuclear Vermont 


Investment Company, LLC, 


and Entergy Nuclear 


Operations, Inc., and any 


other necessary affiliates 


entities to transfer 


ownership of Entergy 


Nuclear Vermont Yankee, 


LLC, and for certain ancillary 


approvals, pursuant to 30 


V.S.A. §§ 107, 231, and 232 


Docket No. 8880 Nuclear Facility Transfer 


Ontario Energy Board 


Ontario Power 


Generation 


05/16 Ontario Power Generation EB 2016-0152 Capital Structure 
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Concentric Proxy Group Screening Data


Regulated Regulated


Regulated Regulated Electric Electric


Regulated Revenue Income Revenue Income Investment


Generation as a % of as a % of as a % of as a % of Grade


Assets in % of Regulated Generation Total Total Regulated Regulated Credit


Proxy Group Company Ticker Rate Base? Nuclear Hydro Revenue Income Revenue Income Rating?


[1] [1] [1] [2] [2] [2] [2] [1]


ALLETE, Inc. ALE Yes 0.00% 7.01% 73.45% 75.04% 97.70% 97.43% Yes


Ameren Corporation AEE Yes 11.15% 7.36% 100.00% 100.00% 86.10% 88.30% Yes


American Electric Power Company, Inc. AEP Yes 9.47% 3.59% 89.15% 95.59% 100.00% 100.00% Yes


Avista Corporation AVA Yes 0.00% 51.45% 98.28% 100.00% 100.00% 100.00% Yes


Duke Energy Corporation DUK Yes 16.39% 6.27% 98.18% 100.00% 93.37% 93.07% Yes


Edison International EIX Yes 19.85% 35.44% 99.59% 94.78% 100.00% 100.00% Yes


El Paso Electric Company EE Yes 29.04% 0.00% 100.00% 100.00% 100.00% 100.00% Yes


Entergy Corporation ETR Yes 18.49% 0.34% 84.88% 100.00% 98.54% 98.85% Yes


FirstEnergy Corporation FE Yes 0.00% 11.11% 100.00% 100.00% 100.00% 100.00% Yes


Evergy, Inc. EVRG Yes 10.02% 0.05% 100.00% 100.00% 100.00% 100.00% Yes


IDACORP, Inc. IDA Yes 0.00% 52.14% 99.71% 98.87% 100.00% 100.00% Yes


NextEra Energy, Inc. NEE Yes 12.21% 0.00% 69.38% 70.04% 100.00% 100.00% Yes


Pinnacle West Capital Corporation PNW Yes 20.04% 0.00% 99.90% 100.00% 100.00% 100.00% Yes


PNM Resources, Inc. PNM Yes 18.54% 0.00% 100.00% 99.96% 100.00% 100.00% Yes


Portland General Electric Company POR Yes 0.00% 12.16% 100.00% 100.00% 100.00% 100.00% Yes


Southern Company SO Yes 11.97% 9.37% 90.47% 95.71% 84.46% 81.27% Yes


Xcel Energy Inc. XEL Yes 9.03% 2.87% 99.32% 100.00% 85.46% 87.45% Yes


Algonquin Power & Utilities Corp [2] AQN Yes 0.00% 1.07% 81.85% 81.58% 49.13% 49.13% Yes


Emera Inc. EMA Yes N/A N/A 90.86% 100.00% 84.19% 87.49% Yes


Fortis Inc. FTS Yes 0.00% 0.68% 97.52% 100.00% 75.63% 76.49% Yes


Notes:


[1] Per S&P Global Market Intelligence


[2] Per company 10-Ks and annual reports
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Authorized Capital Structure Analysis - Concentric Proxy Group


Company State Subsidiary Service Case Type
Rate Case


Decision Date


Authorized 


Equity Ratio


Customers 


Served


Weighted 


Equity Ratio


Avg. Equity 


Ratio


ALLETE, Inc. Minnesota Minnesota Power Electric Vertically Integrated 3/12/2018 53.81% 146,741 78,961 53.81%


Ameren Corporation Illinois Ameren Illinois Company Electric Distribution 12/16/2019 50.00% 1,220,680 610,340


Ameren Corporation Illinois Ameren Illinois Company Natural Gas Distribution 11/1/2018 50.00% 812,267 406,134


Ameren Corporation Missouri Union Electric Company Electric Vertically Integrated 3/18/2020 N/A N/A N/A


Ameren Corporation Missouri Union Electric Company Natural Gas Distribution 8/21/2019 N/A N/A N/A 50.00%


American Electric Power Company, Inc. Arkansas [1] Southwestern Electric Power Company Electric Vertically Integrated 12/20/2019 44.60% 119,644 53,363


American Electric Power Company, Inc. Indiana [1] Indiana Michigan Power Company Electric Vertically Integrated 5/30/2018 46.32% 465,774 215,737


American Electric Power Company, Inc. Kentucky Kentucky Power Company Electric Vertically Integrated 1/18/2018 41.68% 166,603 69,440


American Electric Power Company, Inc. Louisiana Southwestern Electric Power Co. Electric Vertically Integrated 2/27/2013 N/A N/A N/A


American Electric Power Company, Inc. Michigan [1] Indiana Michigan Power Co. Electric Vertically Integrated 1/23/2020 46.26% 129,418 59,871


American Electric Power Company, Inc. Ohio Columbus Southern Power Company Electric Distribution 12/14/2011 50.64% 1,500,000 759,600


American Electric Power Company, Inc. Oklahoma Public Service Co. of OK Electric Vertically Integrated 3/14/2019 N/A N/A N/A


American Electric Power Company, Inc. Tennessee Kingsport Power Company Electric Vertically Integrated 8/9/2016 40.25% 48,032 19,333


American Electric Power Company, Inc. Texas AEP Texas Central Co. Electric Distribution 12/13/2007 40.00% 1,029,536 411,814


American Electric Power Company, Inc. Texas AEP Texas North Co. Electric Distribution 5/24/2007 N/A N/A N/A


American Electric Power Company, Inc. Texas Southwestern Electric Power Co. Electric Vertically Integrated 12/14/2017 48.46% 185,508 89,897 46.07%


Avista Corporation Alaska Alaska Electric Light & Power Electric Vertically Integrated 11/15/2017 58.18% 17,165 9,987


Avista Corporation Idaho Avista Corp. Electric Vertically Integrated 11/29/2019 50.00% 133,401 66,701


Avista Corporation Idaho Avista Corp. Natural Gas Distribution 12/28/2017 50.00% 88,068 44,034


Avista Corporation Oregon Avista Corp. Natural Gas Distribution 10/8/2019 50.00% 102,017 51,009


Avista Corporation Washington Avista Corp. Electric Vertically Integrated 3/25/2020 48.50% 254,232 123,303


Avista Corporation Washington Avista Corp. Natural Gas Distribution 3/25/2020 48.50% 164,915 79,984 49.36%


Duke Energy Corporation Florida Duke Energy Florida LLC Electric Vertically Integrated 10/25/2017 N/A N/A N/A


Duke Energy Corporation Indiana [1] Duke Energy Indiana, LLC Electric Vertically Integrated 6/29/2020 53.91% 830,270 447,619


Duke Energy Corporation Kentucky Duke Energy Kentucky Inc. Electric Vertically Integrated 4/27/2020 48.23% 142,393 68,676


Duke Energy Corporation Kentucky Duke Energy Kentucky Inc. Natural Gas Distribution 3/27/2019 50.76% 100,040 50,780


Duke Energy Corporation North Carolina Duke Energy Carolinas LLC Electric Vertically Integrated 6/22/2018 52.00% 2,005,333 1,042,773


Duke Energy Corporation North Carolina Duke Energy Progress LLC Electric Vertically Integrated 2/23/2018 52.00% 1,411,441 733,949


Duke Energy Corporation North Carolina Piedmont Natural Gas Co. Natural Gas Distribution 10/31/2019 52.00% 441,656 229,661


Duke Energy Corporation Ohio Duke Energy Ohio Inc. Electric Distribution 12/19/2018 50.75% 718,099 364,435


Duke Energy Corporation Ohio Duke Energy Ohio Inc. Natural Gas Distribution 11/13/2013 53.30% 431,666 230,078


Duke Energy Corporation South Carolina Duke Energy Carolinas LLC Electric Vertically Integrated 5/1/2019 53.00% 591,113 313,290


Duke Energy Corporation South Carolina Duke Energy Progress LLC Electric Vertically Integrated 5/8/2019 53.00% 169,208 89,680


Duke Energy Corporation South Carolina Piedmont Natural Gas Co. Natural Gas Distribution 9/26/2018 53.00% 441,656 234,078


Duke Energy Corporation Tennessee Piedmont Natural Gas Co. Natural Gas Distribution 1/23/2012 52.71% 184,982 97,504 52.26%


Edison International California Southern California Edison Co. Electric Vertically Integrated 12/19/2019 52.00% 5,111,838 2,658,156 52.00%


El Paso Electric Company New Mexico El Paso Electric Co. Electric Vertically Integrated 6/8/2016 49.29% 98,984 48,789


El Paso Electric Company Texas El Paso Electric Co. Electric Vertically Integrated 12/14/2017 48.35% 323,297 156,314 48.57%


Entergy Corporation Arkansas [1] Entergy Arkansas LLC Electric Vertically Integrated 12/13/2019 47.04% 711,931 334,902


Entergy Corporation Louisiana Entergy Gulf States LA LLC Electric Vertically Integrated 12/16/2013 N/A N/A N/A


Entergy Corporation Louisiana Entergy Gulf States LA LLC Natural Gas Distribution 7/6/2005 47.52% 99,500 47,282


Entergy Corporation Louisiana Entergy Louisiana LLC Electric Vertically Integrated 7/10/2014 N/A N/A N/A


Entergy Corporation Louisiana Entergy New Orleans LLC Electric Vertically Integrated 11/7/2019 50.00% 202,634 101,317


Entergy Corporation Louisiana Entergy New Orleans LLC Natural Gas Distribution 11/7/2019 50.00% 99,500 49,750


Entergy Corporation Mississippi Entergy Mississippi LLC Electric Vertically Integrated 12/11/2014 N/A N/A N/A


Entergy Corporation Texas Entergy Texas Inc. Electric Vertically Integrated 12/20/2018 N/A N/A N/A 47.89%
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Authorized Capital Structure Analysis - Concentric Proxy Group


Company State Subsidiary Service Case Type
Rate Case


Decision Date


Authorized 


Equity Ratio


Customers 


Served


Weighted 


Equity Ratio


Avg. Equity 


Ratio


FirstEnergy Corporation Maryland Potomac Edison Co. Electric Distribution 3/22/2019 52.82% 268,830 141,996


FirstEnergy Corporation New Jersey Jersey Cntrl Power & Light Co. Electric Distribution 12/12/2016 45.00% 1,131,190 509,036


FirstEnergy Corporation Ohio Cleveland Elec Illuminating Co Electric Distribution 1/21/2009 49.00% 751,979 368,470


FirstEnergy Corporation Ohio Ohio Edison Co. Electric Distribution 1/21/2009 49.00% 1,050,129 514,563


FirstEnergy Corporation Ohio Toledo Edison Co. Electric Distribution 1/21/2009 49.00% 310,979 152,380


FirstEnergy Corporation Pennsylvania Metropolitan Edison Co. Electric Distribution 1/19/2017 N/A N/A N/A


FirstEnergy Corporation Pennsylvania Pennsylvania Electric Co. Electric Distribution 1/19/2017 N/A N/A N/A


FirstEnergy Corporation Pennsylvania Pennsylvania Power Co. Electric Distribution 1/19/2017 N/A N/A N/A


FirstEnergy Corporation Pennsylvania West Penn Power Co. Electric Distribution 1/19/2017 N/A N/A N/A


FirstEnergy Corporation West Virginia Monongahela Power Co. Electric Vertically Integrated 2/4/2015 N/A N/A N/A 48.00%


Evergy, Inc. Kansas Evergy Kansas Central Inc. Electric Vertically Integrated 9/27/2018 51.24% 381,420 195,440


Evergy, Inc. Kansas Evergy Metro Inc Electric Vertically Integrated 12/13/2018 49.09% 259,099 127,192


Evergy, Inc. Missouri Evergy Metro Inc Electric Vertically Integrated 10/31/2018 N/A N/A N/A


Evergy, Inc. Missouri Evergy Missouri West Electric Vertically Integrated 10/31/2018 N/A N/A N/A 50.37%


IDACORP, Inc. Idaho Idaho Power Co. Electric Vertically Integrated 12/30/2011 N/A N/A N/A


IDACORP, Inc. Oregon Idaho Power Co. Electric Vertically Integrated 2/23/2012 49.90% 19,054 9,508 49.90%


NextEra Energy, Inc. Florida Florida Power & Light Co. Electric Vertically Integrated 11/29/2016 N/A N/A N/A


NextEra Energy, Inc. Florida Gulf Power Co. Electric Vertically Integrated 4/4/2017 N/A N/A N/A


NextEra Energy, Inc. Florida [2] Pivotal Utility Holdings Inc. Natural Gas Distribution 3/26/2018 48.00% 109,674 52,644 48.00%


Pinnacle West Capital Corporation Arizona Arizona Public Service Co. Electric Vertically Integrated 8/15/2017 55.80% 1,235,451 689,382 55.80%


PNM Resources, Inc. New Mexico Public Service Co. of NM Electric Vertically Integrated 12/20/2017 49.61% 526,346 261,120


PNM Resources, Inc. Texas Texas-New Mexico Power Co. Electric Distribution 12/20/2018 45.00% 253,216 113,947 48.11%


Portland General Electric Company Oregon Portland General Electric Co. Electric Vertically Integrated 12/14/2018 50.00% 888,123 444,062 50.00%


Southern Company Alabama Alabama Power Co. Electric Vertically Integrated 10/12/1982 N/A N/A N/A


Southern Company Georgia Atlanta Gas Light Co. Natural Gas Distribution 12/19/2019 56.00% 1,643,000 920,080


Southern Company Georgia Georgia Power Co. Electric Vertically Integrated 12/17/2019 56.00% 2,536,685 1,420,544


Southern Company Georgia Savannah Electric & Power Co. Electric Vertically Integrated 5/25/2005 N/A N/A N/A


Southern Company Illinois Northern Illinois Gas Co. Natural Gas Distribution 10/2/2019 54.20% 2,226,874 1,206,966


Southern Company Mississippi Mississippi Power Co. Electric Vertically Integrated 3/17/2020 53.00% 188,000 99,640


Southern Company Tennessee Chattanooga Gas Co. Natural Gas Distribution 10/15/2018 49.23% 67,000 32,984


Southern Company Virginia Virginia Natural Gas Inc. Natural Gas Distribution 12/21/2017 N/A N/A N/A 55.25%


Xcel Energy Inc. Colorado Public Service Co. of CO Electric Vertically Integrated 2/11/2020 55.61% 1,478,992 822,467


Xcel Energy Inc. Colorado Public Service Co. of CO Natural Gas Distribution 12/21/2018 54.60% 1,400,000 764,400


Xcel Energy Inc. Minnesota Northern States Power Co. - MN Electric Vertically Integrated 4/7/2020 N/A N/A N/A


Xcel Energy Inc. Minnesota Northern States Power Co. - MN Natural Gas Distribution 12/6/2010 52.46% 250,000 131,150


Xcel Energy Inc. North Dakota Northern States Power Co. - MN Electric Vertically Integrated 2/26/2014 52.56% 94,212 49,518


Xcel Energy Inc. North Dakota Northern States Power Co. - MN Natural Gas Distribution 6/13/2007 51.59% 250,000 128,975


Xcel Energy Inc. New Mexico Southwestern Public Service Co Electric Vertically Integrated 5/20/2020 54.77% 121,604 66,603


Xcel Energy Inc. South Dakota Northern States Power Co. - MN Electric Vertically Integrated 6/15/2015 N/A N/A N/A


Xcel Energy Inc. Texas Southwestern Public Service Co Electric Vertically Integrated 8/27/2020 54.62% 271,560 148,326


Xcel Energy Inc. Wisconsin Northern States Power Co - WI Electric Vertically Integrated 9/4/2019 52.52% 300,000 157,560


Xcel Energy Inc. Wisconsin Northern States Power Co - WI Natural Gas Distribution 9/4/2019 52.52% 100,000 52,520 54.41%
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Authorized Capital Structure Analysis - Concentric Proxy Group


Company State Subsidiary Service Case Type
Rate Case


Decision Date


Authorized 


Equity Ratio


Customers 


Served


Weighted 


Equity Ratio


Avg. Equity 


Ratio


Algonquin Power & Utilities Corp California Liberty Utilities Electric Vertically Integrated 8/27/2020 52.50% 49,000 25,725


Algonquin Power & Utilities Corp Kansas Empire District Electric Co. Electric Vertically Integrated 7/30/2019 N/A N/A N/A


Algonquin Power & Utilities Corp Massachusetts Liberty Utilities Natural Gas Distribution 2/10/2016 50.00% 50,000 25,000


Algonquin Power & Utilities Corp Missouri Empire District Electric Co. Electric Vertically Integrated 7/1/2020 46.00% 154,042 70,859


Algonquin Power & Utilities Corp Missouri Empire District Gas Co. Natural Gas Distribution 1/20/2010 N/A N/A N/A


Algonquin Power & Utilities Corp Missouri Liberty Utilities (Midstates) Natural Gas Distribution 6/6/2018 N/A N/A N/A


Algonquin Power & Utilities Corp New Hampshire Granite State Electric Distribution 6/30/2020 52.00% 44,092 22,928


Algonquin Power & Utilities Corp New Hampshire EnergyNorth Natural Gas Distribution 2/28/2020 N/A N/A N/A


Algonquin Power & Utilities Corp New Brunswick Enbridge Gas New Brunswick Natural Gas Distribution 11/30/2010 45.00% 12,000 5,400 48.49%


Emera Inc. Florida Tampa Electric Co. Electric Vertically Integrated 11/6/2017 N/A N/A N/A


Emera Inc. New Mexico New Mexico Gas Co. Natural Gas Distribution 7/17/2019 N/A N/A N/A


Emera Inc. Nova Scotia Nova Scotia Power Inc. Electric Vertically Integrated 12/21/2012 37.50% 519,000 194,625 37.50%


Fortis Inc. New York Central Hudson Gas & Electric Electric Distribution 6/14/2018 48.00% 307,025 147,372


Fortis Inc. New York Central Hudson Gas & Electric Natural Gas Distribution 6/14/2018 48.00% 82,462 39,582


Fortis Inc. Arizona Tucson Electric Power Co. Electric Vertically Integrated 2/24/2017 50.03% 426,451 213,353


Fortis Inc. Arizona UNS Electric Inc. Electric Vertically Integrated 8/18/2016 52.83% 97,926 51,734


Fortis Inc. Arizona UNS Gas Inc. Natural Gas Distribution 4/24/2012 50.82% 582,074 295,810


Fortis Inc. Alberta FortisAlberta Inc Electric Distribution 12/16/16 & 8/2/18 37.00% 564,000 208,680


Fortis Inc. British Columbia FortisBC Electric Vertically Integrated 3/25/2014 40.00% 176,000 70,400


Fortis Inc. British Columbia FortisBC Energy Natural Gas Distribution 8/10/2016 38.50% 1,030,000 396,550


Fortis Inc. Newfoundland & Labrador Newfoundland Power Inc Electric Vertically Integrated 1/24/2019 45.00% 268,000 120,600


Fortis Inc. Prince Edward Island Maritime Electric Company Ltd. Electric Vertically Integrated 9/27/2019 40.00% 81,000 32,400 43.61%


Mean, All Results 49.52% 49.47%


Median, All Results 50.00% 49.63%


Notes:


[1] Authorized equity ratio adjusted to remove zero cost of capital items from the capital structure.


[2] While zero cost of of capital items are typically included in the capital structure for utilities operating in Florida, this case involved a settlement that was


silent with respect to most traditional cost of capital parameters.  Accordingly, no adjustment was made to remove zero cost of capital items from the


capital structure.


Filed: 2020-12-31 
EB-2020-0290 
Exhibit C1-1-1 
Attachment 1 


Page 104 of 131







Exhibit 2.2
Page 1 of 1


Authorized Capital Structure Analysis - Moody's Proxy Group


Company State Subsidiary Docket Service Case Type
Rate Case


Decision Date


Authorized


Equity Ratio
Avg. Equity Ratio


Public Service Enterprise Group, Inc. New Jersey Public Service Electric Gas D-ER18010029 Electric Distribution 10/29/2018 54.00%


Public Service Enterprise Group, Inc. New Jersey Public Service Electric Gas D-GR18010030 Natural Gas Distribution 10/29/2018 54.00% 54.00%


NextEra Energy, Inc. Florida Florida Power & Light Co. D-160021-EI Electric Vertically Integrated 11/29/2016 N/A


NextEra Energy, Inc. Florida Gulf Power Co. D-160186-EI Electric Vertically Integrated 4/4/2017 N/A


NextEra Energy, Inc. Florida Pivotal Utility Holdings Inc. 20170179-GU Natural Gas Distribution 3/26/2018 48.00% 48.00%


Exelon Corporation DC Potomac Electric Power Co. FC-1150 Electric Distribution 8/8/2018 50.44%


Exelon Corporation Delaware Delmarva Power & Light Co. D-17-0977 Electric Distribution 8/21/2018 50.52%


Exelon Corporation Delaware Delmarva Power & Light Co. D-17-0978 Natural Gas Distribution 11/8/2018 50.52%


Exelon Corporation Illinois Commonwealth Edison Co. D-19-0387 Electric Distribution 12/4/2019 47.97%


Exelon Corporation Maryland Baltimore Gas and Electric Co. C-9610 (EL) Electric Distribution 12/17/2019 N/A


Exelon Corporation Maryland Baltimore Gas and Electric Co. C-9610 (GAS) Natural Gas Distribution 12/17/2019 N/A


Exelon Corporation Maryland Delmarva Power & Light Co. C-9455 Electric Distribution 7/14/2020 50.53%


Exelon Corporation Maryland Potomac Electric Power Co. C-9602 Electric Distribution 8/12/2019 50.46%


Exelon Corporation New Jersey Atlantic City Electric Co. D-ER18080925 Electric Distribution 3/13/2019 49.94%


Exelon Corporation Pennsylvania PECO Energy Co. D-R-2018-3000164 Electric Distribution 12/20/2018 N/A


Exelon Corporation Pennsylvania PECO Energy Co. D-R-2010-2161592 Natural Gas Distribution 12/16/2010 N/A 50.05%


Mean 50.64% 50.68%


Median 50.49% 50.05%
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Proxy Group Company Ticker 2019 2018 2017 2016 2015 Average


ALLETE, Inc. ALE 59.55% 61.27% 60.15% 57.01% 55.95% 58.79%


Ameren Corporation AEE 52.85% 53.13% 53.05% 52.99% 52.51% 52.90%


American Electric Power Company, Inc. AEP 49.44% 49.20% 49.57% 48.29% 48.06% 48.91%


Avista Corporation AVA 50.83% 49.89% 50.75% 50.93% 50.41% 50.56%


Duke Energy Corporation DUK 52.56% 52.50% 52.55% 52.14% 55.25% 53.00%


Edison International EIX 53.79% 51.34% 57.19% 58.20% 56.29% 55.36%


El Paso Electric Company EE 48.98% 47.88% 49.95% 47.73% 49.86% 48.88%


Entergy Corporation ETR 48.21% 48.85% 47.79% 48.19% 49.87% 48.58%


FirstEnergy Corporation FE 56.32% 58.90% 56.97% 54.59% 51.34% 55.63%


Evergy, Inc. EVRG 54.13% 54.93% 54.22% 55.08% 55.84% 54.84%


IDACORP, Inc. IDA 55.14% 54.25% 54.22% 53.15% 52.34% 53.82%


NextEra Energy, Inc. NEE 59.37% 63.95% 59.41% 62.29% 60.61% 61.13%


Pinnacle West Capital Corporation PNW 52.80% 54.36% 53.14% 54.59% 55.50% 54.08%


PNM Resources, Inc. PNM 47.68% 48.13% 49.03% 49.23% 48.79% 48.57%


Portland General Electric Company POR 49.85% 50.19% 49.80% 49.82% 50.61% 50.05%


Southern Company SO 54.20% 54.72% 49.24% 51.13% 50.58% 51.97%


Xcel Energy Inc. XEL 54.29% 54.48% 54.23% 54.22% 54.59% 54.36%


Algonquin Power & Utilities Corp AQN 57.80% 58.92% 55.52% 56.15% 54.58% 56.59%


Emera Inc. EMA 48.06% 48.44% 49.22% 48.66% 46.92% 48.26%


Fortis Inc. FTS 49.88% 48.98% 49.50% 50.13% 50.86% 49.87%


MEAN 52.79% 53.22% 52.77% 52.73% 52.54% 52.81%


LOW 47.68% 47.88% 47.79% 47.73% 46.92% 48.26%


HIGH 59.55% 63.95% 60.15% 62.29% 60.61% 61.13%


CAPITAL STRUCTURE ANALYSIS - CONCENTRIC PROXY GROUP


EQUITY RATIO [1]
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Company Name Ticker 2019 2018 2017 2016 2015 Average


ALLETE (Minnesota Power) ALE 59.59% 61.39% 60.04% 56.92% 55.86% 58.76%


Superior Water, Light and Power Company ALE 58.08% 56.86% 64.99% 61.12% 60.23% 60.26%


Ameren Illinois Company AEE 53.37% 53.27% 53.85% 53.95% 53.96% 53.68%


Union Electric Company AEE 52.36% 53.00% 52.42% 52.30% 51.53% 52.32%


AEP Texas Central Company AEP 46.01% 43.63% 44.82%


AEP Texas North Company AEP 43.29% 42.36% 42.82%


Appalachian Power Company AEP 48.74% 49.51% 48.72% 46.89% 46.77% 48.13%


Indiana Michigan Power Company AEP 46.74% 44.62% 46.33% 49.11% 52.65% 47.89%


Kentucky Power Company AEP 47.34% 45.72% 43.52% 43.45% 43.26% 44.66%


Kingsport Power Company AEP 54.62% 50.79% 46.53% 65.24% 59.70% 55.38%


Ohio Power Company AEP 54.50% 57.80% 58.63% 56.51% 50.09% 55.51%


Public Service Company of Oklahoma AEP 49.69% 49.16% 48.50% 48.47% 46.45% 48.46%


Southwestern Electric Power Company AEP 48.80% 46.97% 48.52% 45.95% 49.59% 47.97%


Transource Maryland, LLC AEP 40.18% 41.81% 40.99%


Transource Pennsylvania, LLC AEP 40.15% 41.92% 41.03%


Wheeling Power Company AEP 53.51% 54.62% 54.26% 54.12% 53.73% 54.05%


Avista Corporation AVA 50.83% 49.89% 50.75% 50.93% 50.41% 50.56%


Duke Energy Carolinas, LLC DUK 52.11% 51.78% 52.98% 52.81% 58.07% 53.55%


Duke Energy Florida, LLC DUK 49.91% 50.04% 49.25% 50.83% 55.28% 51.06%


Duke Energy Indiana, LLC DUK 52.84% 53.26% 51.94% 51.59% 50.27% 51.98%


Duke Energy Kentucky, Inc. DUK 49.37% 51.95% 53.11% 54.74% 56.11% 53.06%


Duke Energy Ohio, Inc. DUK 65.22% 68.09% 66.24% 66.39% 68.71% 66.93%


Duke Energy Progress, LLC DUK 51.29% 51.00% 52.27% 51.58% 52.40% 51.71%


Piedmont Natural Gas Company, Inc. DUK 49.32% 44.79% 38.72% 42.06% 43.72%


Southern California Edison Company EIX 53.79% 51.34% 57.19% 58.20% 56.29% 55.36%


El Paso Electric Company EE 48.98% 47.88% 49.95% 47.73% 49.86% 48.88%


Entergy Arkansas, LLC ETR 47.90% 49.42% 46.27% 46.54% 45.65% 47.16%


Entergy Louisiana, LLC ETR 47.47% 47.37% 47.43% 47.87% 51.13% 48.25%


Entergy Mississippi, LLC ETR 48.60% 49.11% 48.28% 49.58% 50.08% 49.13%


Entergy New Orleans, LLC ETR 49.26% 51.19% 53.16% 54.81% 60.01% 53.69%


Entergy Texas, Inc. ETR 50.92% 53.46% 50.45% 49.56% 49.96% 50.87%


Cleveland Electric Illuminating Company FE 55.17% 55.44% 55.27% 50.89% 45.10% 52.37%


Jersey Central Power & Light Company FE 68.33% 69.46% 65.30% 59.21% 52.32% 62.92%


Metropolitan Edison Company FE 48.00% 53.21% 52.33% 50.30% 48.43% 50.45%


Monongahela Power Company FE 46.36% 48.87% 49.15% 49.15% 48.89% 48.48%


Ohio Edison Company FE 66.77% 69.93% 64.91% 63.66% 63.58% 65.77%


Pennsylvania Electric Company FE 50.37% 53.89% 52.06% 51.85% 47.70% 51.18%


Pennsylvania Power Company FE 48.79% 49.03% 53.82% 52.06% 58.16% 52.37%


Potomac Edison Company FE 54.31% 52.35% 51.59% 50.08% 51.59% 51.98%


Toledo Edison Company FE 59.74% 60.43% 60.04% 61.98% 60.41% 60.52%


West Penn Power Company FE 47.69% 53.50% 52.82% 52.62% 49.48% 51.22%


Great Plains Energy Incorporated EVRG 50.32% 51.05% 50.15% 51.15% 50.80% 50.70%


Westar Energy (KPL) EVRG 57.97% 59.08% 58.74% 59.68% 62.21% 59.54%


Idaho Power Company IDA 55.14% 54.25% 54.22% 53.15% 52.34% 53.82%


Florida Power & Light Company NEE 60.24% 64.37% 59.93% 62.65% 61.41% 61.72%


Gulf Power Company NEE 50.30% 59.73% 54.19% 58.68% 53.39% 55.26%


Pivotal Utility Holdings, Inc. NEE


Arizona Public Service Company PNW 52.80% 54.36% 53.14% 54.59% 55.50% 54.08%


Public Service Company of New Mexico PNM 45.42% 45.83% 46.26% 46.22% 45.54% 45.85%


Texas-New Mexico Power Company PNM 52.74% 53.79% 56.70% 58.27% 59.35% 56.17%


Portland General Electric Company POR 49.85% 50.19% 49.80% 49.82% 50.61% 50.05%


Alabama Power Company SO 51.90% 48.74% 48.14% 48.07% 47.66% 48.90%


Atlanta Gas Light Company SO 58.77% 54.62% 54.31% 54.46% 55.54%


Chattanooga Gas Company SO 52.54% 52.46% 53.33% 52.34% 52.67%


Georgia Power Company SO 56.12% 59.02% 50.06% 52.22% 51.70% 53.83%


Mississippi Power Company SO 50.84% 50.35% 39.92% 49.90% 48.44% 47.89%


Northern Illinois Gas Company SO 53.19% 53.66% 61.39% 62.31% 57.64%


Virginia Natural Gas, Inc. SO 52.49% 54.18% 51.42% 50.91% 52.25%


Northern States Power Company - MN XEL 52.20% 52.81% 52.38% 52.31% 53.26% 52.59%


Northern States Power Company - WI XEL 54.23% 53.60% 53.36% 54.93% 54.27% 54.08%


EQUITY RATIO - UTILITY OPERATING COMPANIES [2]
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Company Name Ticker 2019 2018 2017 2016 2015 Average


Public Service Company of Colorado XEL 56.32% 56.31% 56.50% 56.32% 56.34% 56.36%


Southwestern Public Service Company XEL 54.14% 54.17% 53.55% 53.93% 53.83% 53.92%


Empire District Electric Company AQN 53.99% 52.25% 51.49% 51.51% 49.95% 51.84%


Empire District Gas Company AQN 38.39% 37.28% 35.66% 33.12% 32.33% 35.35%


Liberty Utilities (CalPeco Electric) LLC AQN 77.00% 77.00%


Liberty Utilities (EnergyNorth Natural Gas) Corp. AQN 54.12% 52.96% 51.47% 63.06% 61.29% 56.58%


Liberty Utilities (Granite State Electric) Corp. AQN 77.03% 76.42% 75.52% 74.62% 73.78% 75.47%


Liberty Utilities (Midstates Natural Gas) Corp AQN 100.00% 100.00% 100.00% 100.00% 100.00% 100.00%


Liberty Utilities (New England Natural Gas Company) Corp. AQN 73.37% 70.67% 67.74% 59.76% 58.06% 65.92%


St. Lawrence Gas Company, Inc. AQN 83.65% 82.81% 81.96% 84.74% 83.29%


New Mexico Gas Company, Inc. EMA 70.77% 70.45% 69.81% 69.82% 70.21%


Peoples Gas System EMA 61.29% 58.39% 60.09% 57.18% 57.07% 58.80%


Tampa Electric Company EMA 55.30% 55.63% 57.40% 55.73% 53.12% 55.44%


Nova Scotia Power EMA 35.17% 30.70% 30.85% 32.38% 31.51% 32.12%


Central Hudson Gas & Electric Corporation FTS 50.84% 50.84% 51.15% 50.58% 51.44% 50.97%


ITC Interconnection LLC FTS 59.21% 60.03% 60.60% 58.06% 59.48%


Tucson Electric Power Company FTS 55.10% 52.80% 53.20% 51.58% 50.20% 52.58%


UNS Electric, Inc. FTS 57.48% 55.84% 54.59% 53.62% 52.56% 54.82%


UNS Gas, Inc. FTS


Fortis Alberta FTS 41.06% 39.86% 40.26% 41.42% 43.59% 41.24%


Fortis BC FTS 51.75% 51.59% 51.40% 54.01% 53.20% 52.39%


Fortis BC Energy (Gas) FTS 51.30% 51.64% 52.85% 54.15% 56.26% 53.24%


Newfoundland Power FTS 48.08% 45.53% 45.55% 46.26% 45.59% 46.20%


Maritime Electric FTS


Notes:


[1] Ratios are weighted by actual common capital and long-term debt of Operating Subsidiaries


[2] Natural Gas and Electric Operating Subsidiaries with data listed as N/A from SNL Financial have been excluded from the analysis.  
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Proxy Group Company Ticker 2019 2018 2017 2016 2015 Average


ALLETE, Inc. ALE 40.45% 38.73% 39.85% 42.99% 44.05% 41.21%


Ameren Corporation AEE 47.15% 46.87% 46.95% 47.01% 47.49% 47.10%


American Electric Power Company, Inc. AEP 50.56% 50.80% 50.43% 51.71% 51.94% 51.09%


Avista Corporation AVA 49.17% 50.11% 49.25% 49.07% 49.59% 49.44%


Duke Energy Corporation DUK 47.44% 47.50% 47.45% 47.86% 44.75% 47.00%


Edison International EIX 46.21% 48.66% 42.81% 41.80% 43.71% 44.64%


El Paso Electric Company EE 51.02% 52.12% 50.05% 52.27% 50.14% 51.12%


Entergy Corporation ETR 51.79% 51.15% 52.21% 51.81% 50.13% 51.42%


FirstEnergy Corporation FE 43.68% 41.10% 43.03% 45.41% 48.66% 44.37%


Evergy, Inc. EVRG 45.87% 45.07% 45.78% 44.92% 44.16% 45.16%


IDACORP, Inc. IDA 44.86% 45.75% 45.78% 46.85% 47.66% 46.18%


NextEra Energy, Inc. NEE 40.63% 36.05% 40.59% 37.71% 39.39% 38.87%


Pinnacle West Capital Corporation PNW 47.20% 45.64% 46.86% 45.41% 44.50% 45.92%


PNM Resources, Inc. PNM 52.32% 51.87% 50.97% 50.77% 51.21% 51.43%


Portland General Electric Company POR 50.15% 49.81% 50.20% 50.18% 49.39% 49.95%


Southern Company SO 45.80% 45.28% 50.76% 48.87% 49.42% 48.03%


Xcel Energy Inc. XEL 45.71% 45.52% 45.77% 45.78% 45.41% 45.64%


Algonquin Power & Utilities Corp AQN 42.20% 41.08% 44.48% 43.85% 45.42% 43.41%


Emera Inc. EMA 51.94% 51.56% 50.78% 51.34% 53.08% 51.74%


Fortis Inc. FTS 50.12% 51.02% 50.50% 49.87% 49.14% 50.13%


MEAN 47.21% 46.78% 47.23% 47.27% 47.46% 47.19%


LOW 40.45% 36.05% 39.85% 37.71% 39.39% 38.87%


HIGH 52.32% 52.12% 52.21% 52.27% 53.08% 51.74%
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Company Name Ticker 2019 2018 2017 2016 2015 Average


ALLETE (Minnesota Power) ALE 40.41% 38.61% 39.96% 43.08% 44.14% 41.24%


Superior Water, Light and Power Company ALE 41.92% 43.14% 35.01% 38.88% 39.77% 39.74%


Ameren Illinois Company AEE 46.63% 46.73% 46.15% 46.05% 46.04% 46.32%


Union Electric Company AEE 47.64% 47.00% 47.58% 47.70% 48.47% 47.68%


AEP Texas Central Company AEP 53.99% 56.37% 55.18%


AEP Texas North Company AEP 56.71% 57.64% 57.18%


Appalachian Power Company AEP 51.26% 50.49% 51.28% 53.11% 53.23% 51.87%


Indiana Michigan Power Company AEP 53.26% 55.38% 53.67% 50.89% 47.35% 52.11%


Kentucky Power Company AEP 52.66% 54.28% 56.48% 56.55% 56.74% 55.34%


Kingsport Power Company AEP 45.38% 49.21% 53.47% 34.76% 40.30% 44.62%


Ohio Power Company AEP 45.50% 42.20% 41.37% 43.49% 49.91% 44.49%


Public Service Company of Oklahoma AEP 50.31% 50.84% 51.50% 51.53% 53.55% 51.54%


Southwestern Electric Power Company AEP 51.20% 53.03% 51.48% 54.05% 50.41% 52.03%


Transource Maryland, LLC AEP 59.82% 58.19% 59.01%


Transource Pennsylvania, LLC AEP 59.85% 58.08% 58.97%


Wheeling Power Company AEP 46.49% 45.38% 45.74% 45.88% 46.27% 45.95%


Avista Corporation AVA 49.17% 50.11% 49.25% 49.07% 49.59% 49.44%


Duke Energy Carolinas, LLC DUK 47.89% 48.22% 47.02% 47.19% 41.93% 46.45%


Duke Energy Florida, LLC DUK 50.09% 49.96% 50.75% 49.17% 44.72% 48.94%


Duke Energy Indiana, LLC DUK 47.16% 46.74% 48.06% 48.41% 49.73% 48.02%


Duke Energy Kentucky, Inc. DUK 50.63% 48.05% 46.89% 45.26% 43.89% 46.94%


Duke Energy Ohio, Inc. DUK 34.78% 31.91% 33.76% 33.61% 31.29% 33.07%


Duke Energy Progress, LLC DUK 48.71% 49.00% 47.73% 48.42% 47.60% 48.29%


Piedmont Natural Gas Company, Inc. DUK 50.68% 55.21% 61.28% 57.94% 56.28%


Southern California Edison Company EIX 46.21% 48.66% 42.81% 41.80% 43.71% 44.64%


El Paso Electric Company EE 51.02% 52.12% 50.05% 52.27% 50.14% 51.12%


Entergy Arkansas, LLC ETR 52.10% 50.58% 53.73% 53.46% 54.35% 52.84%


Entergy Louisiana, LLC ETR 52.53% 52.63% 52.57% 52.13% 48.87% 51.75%


Entergy Mississippi, LLC ETR 51.40% 50.89% 51.72% 50.42% 49.92% 50.87%


Entergy New Orleans, LLC ETR 50.74% 48.81% 46.84% 45.19% 39.99% 46.31%


Entergy Texas, Inc. ETR 49.08% 46.54% 49.55% 50.44% 50.04% 49.13%


Cleveland Electric Illuminating Company FE 44.83% 44.56% 44.73% 49.11% 54.90% 47.63%


Jersey Central Power & Light Company FE 31.67% 30.54% 34.70% 40.79% 47.68% 37.08%


Metropolitan Edison Company FE 52.00% 46.79% 47.67% 49.70% 51.57% 49.55%


Monongahela Power Company FE 53.64% 51.13% 50.85% 50.85% 51.11% 51.52%


Ohio Edison Company FE 33.23% 30.07% 35.09% 36.34% 36.42% 34.23%


Pennsylvania Electric Company FE 49.63% 46.11% 47.94% 48.15% 52.30% 48.82%


Pennsylvania Power Company FE 51.21% 50.97% 46.18% 47.94% 41.84% 47.63%


Potomac Edison Company FE 45.69% 47.65% 48.41% 49.92% 48.41% 48.02%


Toledo Edison Company FE 40.26% 39.57% 39.96% 38.02% 39.59% 39.48%


West Penn Power Company FE 52.31% 46.50% 47.18% 47.38% 50.52% 48.78%


Great Plains Energy Incorporated EVRG 49.68% 48.95% 49.85% 48.85% 49.20% 49.30%


Westar Energy (KPL) EVRG 42.03% 40.92% 41.26% 40.32% 37.79% 40.46%


Idaho Power Company IDA 44.86% 45.75% 45.78% 46.85% 47.66% 46.18%


Florida Power & Light Company NEE 39.76% 35.63% 40.07% 37.35% 38.59% 38.28%


Gulf Power Company NEE 49.70% 40.27% 45.81% 41.32% 46.61% 44.74%


Pivotal Utility Holdings, Inc. NEE


Arizona Public Service Company PNW 47.20% 45.64% 46.86% 45.41% 44.50% 45.92%


Public Service Company of New Mexico PNM 54.58% 54.17% 53.74% 53.78% 54.46% 54.15%


Texas-New Mexico Power Company PNM 47.26% 46.21% 43.30% 41.73% 40.65% 43.83%


Portland General Electric Company POR 50.15% 49.81% 50.20% 50.18% 49.39% 49.95%


Alabama Power Company SO 48.10% 51.26% 51.86% 51.93% 52.34% 51.10%


Atlanta Gas Light Company SO 41.23% 45.38% 45.69% 45.54% 44.46%


Chattanooga Gas Company SO 47.46% 47.54% 46.67% 47.66% 47.33%


Georgia Power Company SO 43.88% 40.98% 49.94% 47.78% 48.30% 46.17%


Mississippi Power Company SO 49.16% 49.65% 60.08% 50.10% 51.56% 52.11%


Northern Illinois Gas Company SO 46.81% 46.34% 38.61% 37.69% 42.36%


Virginia Natural Gas, Inc. SO 47.51% 45.82% 48.58% 49.09% 47.75%


Northern States Power Company - MN XEL 47.80% 47.19% 47.62% 47.69% 46.74% 47.41%


Northern States Power Company - WI XEL 45.77% 46.40% 46.64% 45.07% 45.73% 45.92%
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Company Name Ticker 2019 2018 2017 2016 2015 Average


Public Service Company of Colorado XEL 43.68% 43.69% 43.50% 43.68% 43.66% 43.64%


Southwestern Public Service Company XEL 45.86% 45.83% 46.45% 46.07% 46.17% 46.08%


Empire District Electric Company AQN 46.01% 47.75% 48.51% 48.49% 50.05% 48.16%


Empire District Gas Company AQN 61.61% 62.72% 64.34% 66.88% 67.67% 64.65%


Liberty Utilities (CalPeco Electric) LLC AQN 23.00% 23.00%


Liberty Utilities (EnergyNorth Natural Gas) Corp. AQN 45.88% 47.04% 48.53% 36.94% 38.71% 43.42%


Liberty Utilities (Granite State Electric) Corp. AQN 22.97% 23.58% 24.48% 25.38% 26.22% 24.53%


Liberty Utilities (Midstates Natural Gas) Corp AQN 0.00% 0.00% 0.00% 0.00% 0.00% 0.00%


Liberty Utilities (New England Natural Gas Company) Corp. AQN 26.63% 29.33% 32.26% 40.24% 41.94% 34.08%


St. Lawrence Gas Company, Inc. AQN 16.35% 17.19% 18.04% 15.26% 16.71%


New Mexico Gas Company, Inc. EMA 29.23% 29.55% 30.19% 30.18% 29.79%


Peoples Gas System EMA 38.71% 41.61% 39.91% 42.82% 42.93% 41.20%


Tampa Electric Company EMA 44.70% 44.37% 42.60% 44.27% 46.88% 44.56%


Nova Scotia Power EMA 64.83% 69.30% 69.15% 67.62% 68.49% 67.88%


Central Hudson Gas & Electric Corporation FTS 49.16% 49.16% 48.85% 49.42% 48.56% 49.03%


ITC Interconnection LLC FTS 40.79% 39.97% 39.40% 41.94% 40.52%


Tucson Electric Power Company FTS 44.90% 47.20% 46.80% 48.42% 49.80% 47.42%


UNS Electric, Inc. FTS 42.52% 44.16% 45.41% 46.38% 47.44% 45.18%


UNS Gas, Inc. FTS


Fortis Alberta FTS 58.94% 60.14% 59.74% 58.58% 56.41% 58.76%


Fortis BC FTS 48.25% 48.41% 48.60% 45.99% 46.80% 47.61%


Fortis BC Energy (Gas) FTS 48.70% 48.36% 47.15% 45.85% 43.74% 46.76%


Newfoundland Power FTS 51.92% 54.47% 54.45% 53.74% 54.41% 53.80%


Maritime Electric FTS


Notes:


[1] Ratios are weighted by actual common capital and long-term debt of Operating Subsidiaries


[2] Natural Gas and Electric Operating Subsidiaries with data listed as N/A from SNL Financial have been excluded from the analysis.  
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Proxy Group Company Ticker 2019 2018 2017 2016 2015 Average


Public Service Enterprise Group, Inc. PEG 54.72% 54.24% 53.41% 52.74% 52.65% 53.55%


NextEra Energy, Inc. NEE 59.37% 63.95% 59.41% 62.29% 60.61% 61.13%


Exelon Corporation EXC 53.13% 53.31% 53.38% 52.99% 52.47% 53.06%


MEAN 55.74% 57.17% 55.40% 56.01% 55.24% 55.91%


LOW 53.13% 53.31% 53.38% 52.74% 52.47% 53.06%


HIGH 59.37% 63.95% 59.41% 62.29% 60.61% 61.13%


Company Name Ticker 2019 2018 2017 2016 2015 Average


Public Service Electric and Gas Company PEG 54.72% 54.24% 53.41% 52.74% 52.65% 53.55%


Florida Power & Light Company NEE 60.24% 64.37% 59.93% 62.65% 61.41% 61.72%


Gulf Power Company NEE 50.30% 59.73% 54.19% 58.68% 53.39% 55.26%


Pivotal Utility Holdings, Inc. NEE


Atlantic City Electric Company EXC 49.29% 49.14% 49.19% 48.37% 47.04% 48.61%


Baltimore Gas and Electric Company EXC 52.80% 53.67% 54.77% 52.54% 57.75% 54.31%


Commonwealth Edison Company EXC 54.94% 55.06% 54.85% 54.52% 54.99% 54.87%


Delmarva Power & Light Company EXC 50.12% 49.98% 50.38% 49.43% 49.05% 49.79%


PECO Energy Co. EXC 53.62% 53.72% 53.54% 55.13% 53.80% 53.96%


Pepco Holdings LLC EXC 48.56% 48.56%


Potomac Electric Power Company EXC 50.16% 50.01% 49.89% 49.57% 49.00% 49.72%


Notes:


[1] Ratios are weighted by actual common capital and long-term debt of Operating Subsidiaries


[2] Natural Gas and Electric Operating Subsidiaries with data listed as N/A from SNL Financial have been excluded from the 
analysis.  
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Proxy Group Company Ticker 2019 2018 2017 2016 2015 Average


Public Service Enterprise Group, Inc. PEG 45.28% 45.76% 46.59% 47.26% 47.35% 46.45%


NextEra Energy, Inc. NEE 40.63% 36.05% 40.59% 37.71% 39.39% 38.87%


Exelon Corporation EXC 46.87% 46.69% 46.62% 47.01% 47.53% 46.94%


MEAN 44.26% 42.83% 44.60% 43.99% 44.76% 44.09%


LOW 40.63% 36.05% 40.59% 37.71% 39.39% 38.87%


HIGH 46.87% 46.69% 46.62% 47.26% 47.53% 46.94%


Company Name Ticker 2019 2018 2017 2016 2015 Average


Public Service Electric and Gas Company PEG 45.28% 45.76% 46.59% 47.26% 47.35% 46.45%


Florida Power & Light Company NEE 39.76% 35.63% 40.07% 37.35% 38.59% 38.28%


Gulf Power Company NEE 49.70% 40.27% 45.81% 41.32% 46.61% 44.74%


Pivotal Utility Holdings, Inc. NEE


Atlantic City Electric Company EXC 50.71% 50.86% 50.81% 51.63% 52.96% 51.39%


Baltimore Gas and Electric Company EXC 47.20% 46.33% 45.23% 47.46% 42.25% 45.69%


Commonwealth Edison Company EXC 45.06% 44.94% 45.15% 45.48% 45.01% 45.13%


Delmarva Power & Light Company EXC 49.88% 50.02% 49.62% 50.57% 50.95% 50.21%


PECO Energy Co. EXC 46.38% 46.28% 46.46% 44.87% 46.20% 46.04%


Pepco Holdings LLC EXC 51.44% 51.44%


Potomac Electric Power Company EXC 49.84% 49.99% 50.11% 50.43% 51.00% 50.28%


Notes:


[1] Ratios are weighted by actual common capital and long-term debt of Operating Subsidiaries


[2] Natural Gas and Electric Operating Subsidiaries with data listed as N/A from SNL Financial have been excluded from the 
analysis.  
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Proxy Group Company Ticker 2015 2016 2017 2018 2019 Average


ALLETE, Inc. ALE 53.70% 58.00% 59.00% 60.10% 61.40% 58.44%


Ameren Corporation AEE 49.70% 51.30% 49.80% 48.80% 47.10% 49.34%


American Electric Power Company, Inc. AEP 50.20% 50.00% 48.50% 46.80% 43.90% 47.88%


Avista Corporation AVA 50.00% 48.80% 52.80% 49.50% 50.60% 50.34%


Duke Energy Corporation DUK 51.40% 47.40% 46.00% 46.20% 44.10% 47.02%


Edison International EIX 46.70% 49.20% 45.80% 38.30% 39.90% 43.98%


El Paso Electric Company EE 47.30% 47.30% 48.80% 47.50% 47.60% 47.70%


Entergy Corporation ETR 40.80% 35.50% 35.50% 35.90% 37.10% 36.96%


FirstEnergy Corporation FE 39.30% 25.50% 15.70% 27.40% 26.20% 26.82%


Evergy, Inc. EVRG N/A N/A N/A 60.00% 49.40% 54.70%


IDACORP, Inc. IDA 54.40% 55.20% 56.30% 56.40% 58.70% 56.20%


NextEra Energy, Inc. NEE 45.80% 46.70% 47.30% 56.00% 49.60% 49.08%


Pinnacle West Capital Corporation PNW 57.00% 54.40% 51.10% 53.00% 52.90% 53.68%


PNM Resources, Inc. PNM 45.50% 44.00% 43.60% 38.60% 39.90% 42.32%


Portland General Electric Company POR 52.20% 51.60% 49.90% 53.50% 48.70% 51.18%


Southern Company SO 44.00% 35.70% 35.00% 37.60% 39.50% 38.36%


Xcel Energy Inc. XEL 45.90% 43.70% 44.10% 43.60% 43.20% 44.10%


Algonquin Power & Utilities Corp [2] AQN 45.55% 26.72% 39.58% 42.55% 44.26% 39.73%


Emera Inc. EMA 52.83% 31.97% 35.04% 36.79% 38.51% 39.03%


Fortis Inc. FTS 38.10% 36.20% 37.10% 37.20% 41.80% 38.08%


MEAN 47.91% 44.17% 44.26% 45.79% 45.22% 45.75%


LOW 38.10% 25.50% 15.70% 27.40% 26.20% 26.82%


HIGH 57.00% 58.00% 59.00% 60.10% 61.40% 58.44%


[1] Data per Value Line Investment Survey


[2] Calculated per Annual Reports, excludes preferred equity & non-controlling interests
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Proxy Group Company Ticker 2015 2016 2017 2018 2019 Average


ALLETE, Inc. ALE 46.30% 42.00% 41.00% 39.90% 38.60% 41.56%


Ameren Corporation AEE 49.30% 47.70% 49.20% 50.30% 52.10% 49.72%


American Electric Power Company, Inc. AEP 49.80% 50.00% 51.50% 53.20% 56.10% 52.12%


Avista Corporation AVA 50.00% 51.20% 47.20% 50.50% 49.40% 49.66%


Duke Energy Corporation DUK 48.60% 52.60% 54.00% 53.80% 54.00% 52.60%


Edison International EIX 45.00% 41.80% 45.60% 53.60% 53.50% 47.90%


El Paso Electric Company EE 52.70% 52.70% 51.20% 52.50% 52.40% 52.30%


Entergy Corporation ETR 57.80% 63.60% 63.60% 63.20% 62.00% 62.04%


FirstEnergy Corporation FE 60.70% 74.50% 84.30% 72.30% 73.80% 73.12%


Evergy, Inc. EVRG N/A N/A N/A 40.00% 50.60% 45.30%


IDACORP, Inc. IDA 45.60% 44.80% 43.70% 43.60% 41.30% 43.80%


NextEra Energy, Inc. NEE 54.20% 53.30% 52.70% 44.00% 50.40% 50.92%


Pinnacle West Capital Corporation PNW 43.00% 45.60% 48.90% 47.00% 47.10% 46.32%


PNM Resources, Inc. PNM 54.10% 55.70% 56.10% 61.10% 59.80% 57.36%


Portland General Electric Company POR 47.80% 48.40% 50.10% 46.50% 51.30% 48.82%


Southern Company SO 52.80% 61.50% 64.50% 62.00% 60.10% 60.18%


Xcel Energy Inc. XEL 54.10% 56.30% 55.90% 56.40% 56.80% 55.90%


Algonquin Power & Utilities Corp [2] AQN 39.35% 61.15% 48.12% 47.44% 47.15% 48.64%


Emera Inc. EMA 47.17% 68.03% 64.96% 63.21% 61.49% 60.97%


Fortis Inc. FTS 53.30% 59.30% 58.40% 58.80% 54.20% 56.80%


MEAN 50.09% 54.22% 54.26% 52.97% 53.61% 52.80%


LOW 39.35% 41.80% 41.00% 39.90% 38.60% 41.56%


HIGH 60.70% 74.50% 84.30% 72.30% 73.80% 73.12%


[1] Data per Value Line Investment Survey


[2] Calculated per Annual Reports
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Public Service Enterprise Group, Inc. PEG 59.70% 54.70% 53.40% 52.20% 52.30% 54.46%


NextEra Energy, Inc. NEE 45.80% 46.70% 47.30% 56.00% 49.60% 49.08%


Exelon Corporation EXC 51.30% 44.50% 47.80% 47.20% 50.40% 48.24%


MEAN 52.27% 48.63% 49.50% 51.80% 50.77% 50.59%


LOW 45.80% 44.50% 47.30% 47.20% 49.60% 48.24%


HIGH 59.70% 54.70% 53.40% 56.00% 52.30% 54.46%


Notes:


[1] Data per Value Line Investment Survey
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Proxy Group Company Ticker 2015 2016 2017 2018 2019 Average


Public Service Enterprise Group, Inc. PEG 40.30% 45.30% 46.60% 47.80% 47.70% 45.54%


NextEra Energy, Inc. NEE 54.20% 53.30% 52.70% 44.00% 50.40% 50.92%


Exelon Corporation EXC 48.30% 55.50% 52.20% 52.80% 49.60% 51.68%


MEAN 47.60% 51.37% 50.50% 48.20% 49.23% 49.38%


LOW 40.30% 45.30% 46.60% 44.00% 47.70% 45.54%


HIGH 54.20% 55.50% 52.70% 52.80% 50.40% 51.68%


Notes:


[1] Data per Value Line Investment Survey


CAPITAL STRUCTURE ANALYSIS - MOODY'S PROXY GROUP


LONG-TERM DEBT RATIO [1]
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[1] [2] [3] [4]


Proxy Group Company Ticker Operating Subsidiary Type Credit Rating Jurisdiction S&P Regulatory Assessment Test Year


ALLETE, Inc. ALE Minnesota Power Electric BBB Minnesota Highly Credit Supportive (strong/adequate) Fully Forecast


Ameren Corporation AEE Ameren Illinois Co. Electric BBB+ Illinois Very Credit Supportive (strong/adequate) Historical


AEE Ameren Illinois Co. Gas BBB+ Illinois Very Credit Supportive (strong/adequate) Fully Forecast


AEE Union Electric Co. Electric BBB+ Missouri Very Credit Supportive (strong/adequate) Historical


AEE Union Electric Co. Gas BBB+ Missouri Very Credit Supportive (strong/adequate) Historical


American Electric Power Company, Inc. AEP Southwestern Electric Power Co. Electric A- Arkansas Highly Credit Supportive (strong/adequate) Partially Forecast


AEP Indiana Michigan Power Co. Electric A- Indiana Highly Credit Supportive (strong/adequate) Fully Forecast


AEP Kentucky Power Co. Electric A- Kentucky Most Credit Supportive (strong) Fully Forecast


AEP Southwestern Electric Power Co. Electric A- Louisiana Highly Credit Supportive (strong/adequate) Historical


AEP Indiana Michigan Power Co. Electric A- Michigan Most Credit Supportive (strong) Fully Forecast


AEP Ohio Power Co. Electric A- Ohio Very Credit Supportive (strong/adequate) Partially Forecast


AEP Public Service Co. of Oklahoma Electric A- Oklahoma More Credit Supportive (strong/adequate) Historical


AEP Kingsport Power Co. Electric A- Tennessee Highly Credit Supportive (strong/adequate) Fully Forecast


AEP AEP Texas Electric A- Texas Very Credit Supportive (strong/adequate) Historical


AEP Southwestern Electric Power Co. Electric A- Texas Very Credit Supportive (strong/adequate) Historical


AEP Appalachian Power Co. Electric A- Virginia Highly Credit Supportive (strong/adequate) Historical


AEP Appalachian Power Co. Electric A- West Virginia Very Credit Supportive (strong/adequate) Historical


Avista Corporation AVA Alaska Electric Light & Power Electric BBB Alaska More Credit Supportive (strong/adequate) Historical


AVA Avista Corp. Electric BBB Idaho Very Credit Supportive (strong/adequate) Historical


AVA Avista Corp. Gas BBB Idaho Very Credit Supportive (strong/adequate) Historical


AVA Avista Corp. Gas BBB Oregon Highly Credit Supportive (strong/adequate) Fully Forecast


AVA Avista Corp. Electric BBB Washington More Credit Supportive (strong/adequate) Historical


AVA Avista Corp. Gas BBB Washington More Credit Supportive (strong/adequate) Historical


Duke Energy Corporation DUK Duke Energy Florida LLC Electric A- Florida Most Credit Supportive (strong) Fully Forecast


DUK Duke Energy Indiana LLC Electric A- Indiana Highly Credit Supportive (strong/adequate) Historical


DUK Duke Energy Kentucky Inc. Electric A- Kentucky Most Credit Supportive (strong) Fully Forecast


DUK Duke Energy Kentucky Inc. Gas A- Kentucky Most Credit Supportive (strong) Fully Forecast


DUK Duke Energy Carolinas LLC Electric A- North Carolina Most Credit Supportive (strong) Historical


DUK Duke Energy Progress LLC Electric A- North Carolina Most Credit Supportive (strong) Historical


DUK Piedmont Natural Gas Co. Inc. Gas A- North Carolina Most Credit Supportive (strong) Historical


DUK Duke Energy Ohio Inc. Electric A- Ohio Very Credit Supportive (strong/adequate) Partially Forecast


DUK Duke Energy Ohio Inc. Gas A- Ohio [6] Very Credit Supportive (strong/adequate) Partially Forecast


DUK Duke Energy Progress LLC Electric A- South Carolina More Credit Supportive (strong/adequate) Historical


DUK Duke Energy Carolinas LLC Electric A- South Carolina More Credit Supportive (strong/adequate) Historical


DUK Piedmont Natural Gas Co. Inc. Gas A- South Carolina More Credit Supportive (strong/adequate) Historical


DUK Piedmont Natural Gas Co. Inc. Gas A- Tennessee Highly Credit Supportive (strong/adequate) Fully Forecast


RISK ASSESSMENT: Concentric Proxy Group


Filed: 2020-12-31 
EB-2020-0290 
Exhibit C1-1-1 
Attachment 1 


Page 118 of 131







Exhibit 5.1


Page 2 of 10


Proxy Group Company Ticker Operating Subsidiary


ALLETE, Inc. ALE Minnesota Power


Ameren Corporation AEE Ameren Illinois Co.


AEE Ameren Illinois Co.


AEE Union Electric Co.


AEE Union Electric Co.


American Electric Power Company, Inc. AEP Southwestern Electric Power Co.


AEP Indiana Michigan Power Co.


AEP Kentucky Power Co.


AEP Southwestern Electric Power Co.


AEP Indiana Michigan Power Co.


AEP Ohio Power Co.


AEP Public Service Co. of Oklahoma


AEP Kingsport Power Co.


AEP AEP Texas


AEP Southwestern Electric Power Co.


AEP Appalachian Power Co.


AEP Appalachian Power Co.


Avista Corporation AVA Alaska Electric Light & Power


AVA Avista Corp.


AVA Avista Corp.


AVA Avista Corp.


AVA Avista Corp.


AVA Avista Corp.


Duke Energy Corporation DUK Duke Energy Florida LLC


DUK Duke Energy Indiana LLC


DUK Duke Energy Kentucky Inc.


DUK Duke Energy Kentucky Inc.


DUK Duke Energy Carolinas LLC


DUK Duke Energy Progress LLC


DUK Piedmont Natural Gas Co. Inc.


DUK Duke Energy Ohio Inc.


DUK Duke Energy Ohio Inc.


DUK Duke Energy Progress LLC


DUK Duke Energy Carolinas LLC


DUK Piedmont Natural Gas Co. Inc.


DUK Piedmont Natural Gas Co. Inc.


[5] [5] [5] [5] [5] [5] [5] [5] [5] [5]


Electric fuel/gas 


commodity/purch. 


power


Conserv. program 


expense
Full Decoupling


Partial 


Decoupling


Renewables 


expense


Environmental 


compliance


Generation 


capacity


Generic 


infrastructure


Transmission 


expense
Other


    


NA     


     


       


   


      


       


     


    


   


NA      


      





NA   


   


     


   





  


  


  


   


  


    


        


     


   


   


   


   


NA      


    


  


  


  


   


RISK ASSESSMENT: Concentric Proxy Group
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Proxy Group Company Ticker Operating Subsidiary


ALLETE, Inc. ALE Minnesota Power


Ameren Corporation AEE Ameren Illinois Co.


AEE Ameren Illinois Co.


AEE Union Electric Co.


AEE Union Electric Co.


American Electric Power Company, Inc. AEP Southwestern Electric Power Co.


AEP Indiana Michigan Power Co.


AEP Kentucky Power Co.


AEP Southwestern Electric Power Co.


AEP Indiana Michigan Power Co.


AEP Ohio Power Co.


AEP Public Service Co. of Oklahoma


AEP Kingsport Power Co.


AEP AEP Texas


AEP Southwestern Electric Power Co.


AEP Appalachian Power Co.


AEP Appalachian Power Co.


Avista Corporation AVA Alaska Electric Light & Power


AVA Avista Corp.


AVA Avista Corp.


AVA Avista Corp.


AVA Avista Corp.


AVA Avista Corp.


Duke Energy Corporation DUK Duke Energy Florida LLC


DUK Duke Energy Indiana LLC


DUK Duke Energy Kentucky Inc.


DUK Duke Energy Kentucky Inc.


DUK Duke Energy Carolinas LLC


DUK Duke Energy Progress LLC


DUK Piedmont Natural Gas Co. Inc.


DUK Duke Energy Ohio Inc.


DUK Duke Energy Ohio Inc.


DUK Duke Energy Progress LLC


DUK Duke Energy Carolinas LLC


DUK Piedmont Natural Gas Co. Inc.


DUK Piedmont Natural Gas Co. Inc.


RISK ASSESSMENT: Concentric Proxy Group


[5]


Other: Text


Certain hazardous materials litigation, bad-debt costs, and taxes recoverable
Certain hazardous materials litigation, bad-debt costs, and taxes recoverable
Renewable energy standard compliance costs, emission allowance costs, government-mandated 


investments, and certain taxes recoverable
Renewable energy standard compliance costs, emission allowance costs, government-mandated 


investments, and certain taxes recoverable
Certain taxes recoverable
Regulatory mechanisms allow sharing of off system sales margins
Regulatory mechanisms allow sharing of off system sales margins; Certain taxes recoverable
Regulatory mechanisms allow sharing of off system sales margins; Economic development riders
Economic development rider
Certain bad-debt costs and taxes recoverable
Regulatory mechanisms allow sharing of off system sales margins; Certain taxes recoverable


Certain taxes recoverable
Certain taxes recoverable


Certain taxes and storm costs recoverable
Regulatory mechanisms allow sharing of off system sales margins


Regulatory mechanisms allow sharing of off system sales margins; Certain taxes recoverable


Regulatory mechanisms allow sharing of off system sales margins; Certain taxes recoverable


Incremental vegetation management costs, certain taxes and bad-debt costs recoverable
Certain taxes and bad-debt costs recoverable


Riders related to capacity management and release, off-system sales, and capacity assignment; 


Margin losses from bypassable customers recoverable
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[1] [2] [3] [4]


Proxy Group Company Ticker Operating Subsidiary Type Credit Rating Jurisdiction S&P Regulatory Assessment Test Year


RISK ASSESSMENT: Concentric Proxy Group


Edison International EIX Southern California Edison Co. Electric BBB California More Credit Supportive (strong/adequate) Fully Forecast


El Paso EE El Paso Electric Co. Electric BBB New Mexico Credit Supportive (adequate) Historical


EE El Paso Electric Co. Electric BBB Texas Very Credit Supportive (strong/adequate) Historical


Entergy Corporation ETR Entergy Arkansas LLC Electric A- Arkansas Highly Credit Supportive (strong/adequate) Fully Forecast


ETR Entergy New Orleans LLC Electric BBB+ Louisiana NOCC Highly Credit Supportive (strong/adequate) Historical


ETR Entergy New Orleans LLC Gas BBB+ Louisiana NOCC Highly Credit Supportive (strong/adequate) Historical


ETR Entergy Louisiana LLC Electric A- Louisiana PSC Highly Credit Supportive (strong/adequate) Historical


ETR Entergy Louisiana LLC Gas A- Louisiana PSC Highly Credit Supportive (strong/adequate) Historical


ETR Entergy Mississippi Electric A- Mississippi Credit Supportive (adequate) Fully Forecast


ETR Entergy Texas Inc. Electric BBB+ Texas Very Credit Supportive (strong/adequate) Historical


FirstEnergy Corp. FE Potomac Edison Co. Electric BBB Maryland More Credit Supportive (strong/adequate) Partially Forecast


FE Jersey Central Power & Light Co. Electric BBB New Jersey More Credit Supportive (strong/adequate) Partially Forecast


FE Cleveland Electric Illuminating Electric BBB Ohio Very Credit Supportive (strong/adequate) Partially Forecast


FE Metropolitan Edison Co Electric BBB Pennsylvania Highly Credit Supportive (strong/adequate) Fully Forecast


FE Pennsylvania Electric Co. Electric BBB Pennsylvania Highly Credit Supportive (strong/adequate) Fully Forecast


FE Pennsylvania Power Co. Electric BBB Pennsylvania Highly Credit Supportive (strong/adequate) Fully Forecast


FE West Penn Power Co. Electric BBB Pennsylvania Highly Credit Supportive (strong/adequate) Fully Forecast


FE Monongahela Power Co. Electric BBB West Virginia Very Credit Supportive (strong/adequate) Historical


FE Potomac Edison Co. Electric BBB West Virginia Very Credit Supportive (strong/adequate) Historical


Evergy, Inc. EVRG Evergy Kansas Central Inc. Electric A- Kansas Highly Credit Supportive (strong/adequate) Historical


EVRG Evergy Kansas South Inc. Electric A- Kansas Highly Credit Supportive (strong/adequate) Historical


EVRG Evergy Metro Inc. Electric A Kansas Highly Credit Supportive (strong/adequate) Historical


EVRG Evergy Metro Inc. Electric A Missouri Very Credit Supportive (strong/adequate) Historical


EVRG Evergy Missouri West Inc. Electric A- Missouri Very Credit Supportive (strong/adequate) Historical
IDACORP, Inc. IDA Idaho Power Co. Electric BBB Idaho Very Credit Supportive (strong/adequate) Partially Forecast


IDA Idaho Power Co. Electric BBB Oregon Highly Credit Supportive (strong/adequate) Partially Forecast


NextEra Energy, Inc. NEE Florida Power & Light Co. Electric A Florida Most Credit Supportive (strong) Fully Forecast


NEE Gulf Power CO. Electric A- Florida Most Credit Supportive (strong) Fully Forecast


NEE Pivotal Utility Holdings Inc. Gas A- Florida Most Credit Supportive (strong) Fully Forecast
NEE Lone Star Transmission LLC Electric A- Texas Very Credit Supportive (strong/adequate) Historical


Pinnacle West Capital Corporation PNW Arizona Public Service Co. Electric A- Arizona More Credit Supportive (strong/adequate) Historical


PNM Resources, Inc. PNM Public Service Co. of New Mexico Electric BBB New Mexico Credit Supportive (adequate) Fully Forecast


PNM Texas-New Mexico Power Electric BBB+ Texas Very Credit Supportive (strong/adequate) Historical
Portland General Electric Company POR Portland General Electric Co. Electric BBB+ Oregon Highly Credit Supportive (strong/adequate) Fully Forecast


Southern Company SO Alabama Power Co. Electric A Alabama Most Credit Supportive (strong) Fully Forecast


SO Georgia Power Co. Electric A- Georgia Highly Credit Supportive (strong/adequate) Fully Forecast


SO Atlanta Gas Light Co. Gas A- Georgia [6] Highly Credit Supportive (strong/adequate) Fully Forecast


SO Northern Illinois Gas Co. Gas A Illinois Very Credit Supportive (strong/adequate) Fully Forecast


SO Mississippi Power Co. Electric A- Mississippi Credit Supportive (adequate) Fully Forecast


SO Chattanooga Gas Co. Gas A- Tennessee Highly Credit Supportive (strong/adequate) Fully Forecast


SO Virginia Natural Gas Gas A- Virginia Highly Credit Supportive (strong/adequate) Historical


Xcel Energy Inc. XEL Public Service Co. of Colorado Electric A- Colorado Most Credit Supportive (strong) Historical
XEL Public Service Co. of Colorado Gas A- Colorado Most Credit Supportive (strong) Historical


XEL Northern States Power Co - Minnesota Electric A- Minnesota Highly Credit Supportive (strong/adequate) Fully Forecast
XEL Northern States Power Co - Minnesota Gas A- Minnesota Highly Credit Supportive (strong/adequate) Fully Forecast


XEL Southwestern Public Service Co. Electric A- New Mexico Credit Supportive (adequate) Historical


XEL Northern States Power Co - Minnesota Electric A- North Dakota Highly Credit Supportive (strong/adequate) Fully Forecast


XEL Northern States Power Co - Minnesota Gas A- North Dakota [6] Highly Credit Supportive (strong/adequate) Fully Forecast


XEL Northern States Power Co - Minnesota Electric A- South Dakota Very Credit Supportive (strong/adequate) Historical


XEL Southwestern Public Service Co. Electric A- Texas Very Credit Supportive (strong/adequate) Historical


XEL Northern States Power Co - Wisconsin Electric A- Wisconsin Most Credit Supportive (strong) Fully Forecast


XEL Northern States Power Co - Wisconsin Gas A- Wisconsin Most Credit Supportive (strong) Fully Forecast
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Proxy Group Company Ticker Operating Subsidiary


Edison International EIX Southern California Edison Co.


El Paso EE El Paso Electric Co.


EE El Paso Electric Co.


Entergy Corporation ETR Entergy Arkansas LLC


ETR Entergy New Orleans LLC


ETR Entergy New Orleans LLC


ETR Entergy Louisiana LLC


ETR Entergy Louisiana LLC


ETR Entergy Mississippi


ETR Entergy Texas Inc.


FirstEnergy Corp. FE Potomac Edison Co.


FE Jersey Central Power & Light Co.


FE Cleveland Electric Illuminating


FE Metropolitan Edison Co


FE Pennsylvania Electric Co.


FE Pennsylvania Power Co.


FE West Penn Power Co.


FE Monongahela Power Co.


FE Potomac Edison Co.


Evergy, Inc. EVRG Evergy Kansas Central Inc.


EVRG Evergy Kansas South Inc.


EVRG Evergy Metro Inc.


EVRG Evergy Metro Inc.


EVRG Evergy Missouri West Inc.


IDACORP, Inc. IDA Idaho Power Co.
IDA Idaho Power Co.


NextEra Energy, Inc. NEE Florida Power & Light Co.


NEE Gulf Power CO.


NEE Pivotal Utility Holdings Inc.
NEE Lone Star Transmission LLC


Pinnacle West Capital Corporation PNW Arizona Public Service Co.


PNM Resources, Inc. PNM Public Service Co. of New Mexico


PNM Texas-New Mexico Power
Portland General Electric Company POR Portland General Electric Co.


Southern Company SO Alabama Power Co.


SO Georgia Power Co.


SO Atlanta Gas Light Co.


SO Northern Illinois Gas Co.


SO Mississippi Power Co.


SO Chattanooga Gas Co.


SO Virginia Natural Gas


Xcel Energy Inc. XEL Public Service Co. of Colorado
XEL Public Service Co. of Colorado
XEL Northern States Power Co - Minnesota
XEL Northern States Power Co - Minnesota


XEL Southwestern Public Service Co.


XEL Northern States Power Co - Minnesota


XEL Northern States Power Co - Minnesota


XEL Northern States Power Co - Minnesota


XEL Southwestern Public Service Co.


XEL Northern States Power Co - Wisconsin


XEL Northern States Power Co - Wisconsin


[5] [5] [5] [5] [5] [5] [5] [5] [5] [5]


Electric fuel/gas 


commodity/purch. 


power


Conserv. program 


expense
Full Decoupling


Partial 


Decoupling


Renewables 


expense


Environmental 


compliance


Generation 


capacity


Generic 


infrastructure


Transmission 


expense
Other


RISK ASSESSMENT: Concentric Proxy Group
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Proxy Group Company Ticker Operating Subsidiary


Edison International EIX Southern California Edison Co.


El Paso EE El Paso Electric Co.


EE El Paso Electric Co.


Entergy Corporation ETR Entergy Arkansas LLC


ETR Entergy New Orleans LLC


ETR Entergy New Orleans LLC


ETR Entergy Louisiana LLC


ETR Entergy Louisiana LLC


ETR Entergy Mississippi


ETR Entergy Texas Inc.


FirstEnergy Corp. FE Potomac Edison Co.


FE Jersey Central Power & Light Co.


FE Cleveland Electric Illuminating


FE Metropolitan Edison Co


FE Pennsylvania Electric Co.


FE Pennsylvania Power Co.


FE West Penn Power Co.


FE Monongahela Power Co.


FE Potomac Edison Co.


Evergy, Inc. EVRG Evergy Kansas Central Inc.


EVRG Evergy Kansas South Inc.


EVRG Evergy Metro Inc.


EVRG Evergy Metro Inc.


EVRG Evergy Missouri West Inc.


IDACORP, Inc. IDA Idaho Power Co.
IDA Idaho Power Co.


NextEra Energy, Inc. NEE Florida Power & Light Co.


NEE Gulf Power CO.


NEE Pivotal Utility Holdings Inc.
NEE Lone Star Transmission LLC


Pinnacle West Capital Corporation PNW Arizona Public Service Co.


PNM Resources, Inc. PNM Public Service Co. of New Mexico


PNM Texas-New Mexico Power
Portland General Electric Company POR Portland General Electric Co.


Southern Company SO Alabama Power Co.


SO Georgia Power Co.


SO Atlanta Gas Light Co.


SO Northern Illinois Gas Co.


SO Mississippi Power Co.


SO Chattanooga Gas Co.


SO Virginia Natural Gas


Xcel Energy Inc. XEL Public Service Co. of Colorado
XEL Public Service Co. of Colorado
XEL Northern States Power Co - Minnesota
XEL Northern States Power Co - Minnesota


XEL Southwestern Public Service Co.


XEL Northern States Power Co - Minnesota


XEL Northern States Power Co - Minnesota


XEL Northern States Power Co - Minnesota


XEL Southwestern Public Service Co.


XEL Northern States Power Co - Wisconsin


XEL Northern States Power Co - Wisconsin


RISK ASSESSMENT: Concentric Proxy Group


[5]


Other: Text


All large electric utilities in California now impose a non-bypassable charge on ratepayers to establish 


a $21 billion wildfire insurance fund
Certain taxes and franchise fees recoverable
Riders related to lost revenue associated with discounted service to military bases
Storm recovery rider related to securitization bond charges; Certain taxes and franchise fees 


recoverable
Storm reserve rider
Storm reserve rider
Economic development rider


Riders for ad valorem tax adjustments and storm reserves
Rider for ad valorem tax adjustments 
Certain taxes and fees recoverable
Certain taxes and fees, low-income customer assistance programs, and restructuring-related buyout 


of non-utility generation contracts recoverable
Certain taxes and fees and uncollectible expense recoverable
Certain taxes and fees, universal service and uncollectible costs recoverable
Certain taxes and fees, universal service and uncollectible costs recoverable
Certain taxes and fees, universal service and uncollectible costs recoverable
Certain taxes and fees, universal service and uncollectible costs recoverable
Certain taxes and fees recoverable
Certain taxes and fees recoverable
Regulatory mechanisms allow sharing of off system sales margins; Certain taxes recoverable
Regulatory mechanisms allow sharing of off system sales margins; Certain taxes recoverable
Regulatory mechanisms allow sharing of off system sales margins; Certain taxes recoverable
Regulatory mechanisms allow sharing of off system sales margins; Certain taxes recoverable
Regulatory mechanisms allow sharing of off system sales margins; Certain taxes recoverable


Storm costs and certain taxes and fees recoverable; Riders reflect economy energy sales
Storm costs and certain taxes and fees recoverable; Riders reflect economy energy sales
Certain taxes and fees recoverable


Franchise fees recoverable via adjustable line item on monthly bills
Certain taxes and fees recoverable
Adjustment clause reflects changes in municipal franchise fees


Adjustment provisions reflects changes in income, general, and local taxes


Riders to recover certain bad-debt costs, taxes and franchise fees
Ad valorem tax adjustment rider
Riders related to capacity management and release, off-system sales, and capacity assignment; 


Riders allow sharing of gross profit margin reduction associated with negotiated contracts that bypass 


distribution system


Sharing of customer margins from generation-based short-term energy trading and proprietary trading


Certain taxes and fees recoverable
Sharing of non-asset-based wholesale power margins


Sharing of wholesale power margins
Rider for lost revenue associated with discounted sales to state universities
Certain taxes and fees recoverable
Certain taxes and fees recoverable
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[1] [2] [3] [4]


Proxy Group Company Ticker Operating Subsidiary Type Credit Rating Jurisdiction S&P Regulatory Assessment Test Year


RISK ASSESSMENT: Concentric Proxy Group


Algonquin Power & Utilities Corp. AQN Liberty Utilities (Peach State Nat. Gas) Corp. Gas BBB Georgia Highly credit supportive (strong/adequate) Partially Forecast


AQN Liberty Utilities (Midstates Natural Gas) Corp. Gas BBB Illinois Very credit supportive (strong/adequate) Fully Forecast


AQN Empire District Electric Co. Electric BBB Kansas Highly credit supportive (strong/adequate) Historical


AQN Liberty Utilities (NE Nat Gas) Gas BBB Massachusetts Highly credit supportive (strong/adequate) Historical


AQN Empire District Electric Co. Electric BBB Missouri Very credit supportive (strong/adequate) Partially Forecast


AQN Empire District Gas Co. Gas BBB Missouri Very credit supportive (strong/adequate) Partially Forecast


AQN Liberty Utilities (Midstates) Gas BBB Missouri Very credit supportive (strong/adequate) Partially Forecast


AQN Liberty Utilities EnergyNorth Gas BBB New Hampshire Highly credit supportive (strong/adequate) Historical


AQN Liberty Utilities Granite St Electric BBB New Hampshire Highly credit supportive (strong/adequate) Historical


AQN Enbridge Gas New Brunswick Gas BBB New Brunswick Not ranked Fully Forecast


Emera Incorporated EMA Tampa Electric Co. Electric BBB+ Florida Most Credit Supportive (strong) Fully Forecast


EMA New Mexico Gas Co. Gas BBB New Mexico Credit Supportive (adequate) Historical


EMA Nova Scotia Power Inc. Electric BBB+ Nova Scotia Most Credit Supportive (strong) Fully Forecast


Fortis Inc. FTS Central Hudson Gas & Electric Electric A- New York Very Credit Supportive (strong/adequate) Fully Forecast


FTS Central Hudson Gas & Electric Gas A- New York Very Credit Supportive (strong/adequate) Fully Forecast


FTS Tucson Electric Power Co. Electric A- Arizona More Credit Supportive (strong/adequate) Historical


FTS UNS Electric Inc. Electric A- Arizona More Credit Supportive (strong/adequate) Historical


FTS UNS Gas Inc. Gas A- Arizona More Credit Supportive (strong/adequate) Historical


FTS FortisAlberta Inc Electric A- Alberta Most Credit Supportive (strong) Historical


FTS FortisBC Electric A- British Columbia Most Credit Supportive (strong) Fully Forecast


FTS FortisBC Energy Gas A- British Columbia Most Credit Supportive (strong) Fully Forecast


FTS Newfoundland Power Inc Electric A- Newfoundland & Labrador Highly Credit Supportive (strong/adequate) Fully Forecast


FTS Maritime Electric Company Ltd. Electric BBB+ Prince Edward Island Credit Supportive (adequate) Fully Forecast


Proxy Group Results Average Total Average Fully Forecast = 41%


BBB+ 111 Very Credit Supportive (strong/adequate) Partially Forecast = 12%


Historical = 48%
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Proxy Group Company Ticker Operating Subsidiary


Algonquin Power & Utilities Corp. AQN Liberty Utilities (Peach State Nat. Gas) Corp.


AQN Liberty Utilities (Midstates Natural Gas) Corp.


AQN Empire District Electric Co.


AQN Liberty Utilities (NE Nat Gas)


AQN Empire District Electric Co.


AQN Empire District Gas Co.


AQN Liberty Utilities (Midstates)


AQN Liberty Utilities EnergyNorth


AQN Liberty Utilities Granite St


AQN Enbridge Gas New Brunswick


Emera Incorporated EMA Tampa Electric Co.


EMA New Mexico Gas Co.


EMA Nova Scotia Power Inc.


Fortis Inc. FTS Central Hudson Gas & Electric


FTS Central Hudson Gas & Electric


FTS Tucson Electric Power Co.


FTS UNS Electric Inc.


FTS UNS Gas Inc.


FTS FortisAlberta Inc


FTS FortisBC 


FTS FortisBC Energy


FTS Newfoundland Power Inc


FTS Maritime Electric Company Ltd.


Proxy Group Results


[5] [5] [5] [5] [5] [5] [5] [5] [5] [5]


Electric fuel/gas 


commodity/purch. 


power


Conserv. program 


expense
Full Decoupling


Partial 


Decoupling


Renewables 


expense


Environmental 


compliance


Generation 


capacity


Generic 


infrastructure


Transmission 


expense
Other


RISK ASSESSMENT: Concentric Proxy Group


 


   


    


     


   


 


   


  


NA  


NA
 


    


  


    


NA
  


    


     


     


  


NA


  


    


    


     


     


Adjustment Clauses Count and Percentage of Total Proxy Group


111 91 28 54 46 53 33 66 45 82


100% 82% 25% 49% 41% 48% 30% 59% 41% 74%
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Proxy Group Company Ticker Operating Subsidiary


Algonquin Power & Utilities Corp. AQN Liberty Utilities (Peach State Nat. Gas) Corp.


AQN Liberty Utilities (Midstates Natural Gas) Corp.


AQN Empire District Electric Co.


AQN Liberty Utilities (NE Nat Gas)


AQN Empire District Electric Co.


AQN Empire District Gas Co.


AQN Liberty Utilities (Midstates)


AQN Liberty Utilities EnergyNorth


AQN Liberty Utilities Granite St


AQN Enbridge Gas New Brunswick


Emera Incorporated EMA Tampa Electric Co.


EMA New Mexico Gas Co.


EMA Nova Scotia Power Inc.


Fortis Inc. FTS Central Hudson Gas & Electric


FTS Central Hudson Gas & Electric


FTS Tucson Electric Power Co.


FTS UNS Electric Inc.


FTS UNS Gas Inc.


FTS FortisAlberta Inc


FTS FortisBC 


FTS FortisBC Energy


FTS Newfoundland Power Inc


FTS Maritime Electric Company Ltd.


Proxy Group Results


RISK ASSESSMENT: Concentric Proxy Group


[5]


Other: Text


Bad-debt costs recovered via riders; certain taxes and franchise fees recovered via other 
Abbreviated rate cases allowed; off-system sales margins, recover variations in certain taxes and 


franchise fees 
Pension and post-employment benefits recoverable
Off-system sales margins flow through; certain taxes and franchise fees recoverable
Off-system sales margins flow through; certain taxes and franchise fees recoverable
Certain taxes and franchise fees recoverable


Regulatory deferral account for system buildout, earnings sharing, franchise fees, development O&M 


capitalized costs, intangible software, carbon tax pass through
Franchise fees, gross receipts taxes, recoverable via line items on customer bills.  Storm cost 


recovery.
Certain local taxes and franchise fees recoverable


Rate adjustment mechanisms in place to return/collect eligible deferrals and costs, including for 


pension and OPEB, property taxes, major storm, gas leak-prone pipe, and certain REV costs and 
Rate adjustment mechanisms in place to return/collect eligible deferrals and costs, including for 


pension and OPEB, property taxes, major storm, gas leak-prone pipe, and certain REV costs and 
Franchise fees recoverable via adjustable line items on monthly bills
Franchise fees recoverable via adjustable line items on monthly bills
Franchise fees recoverable via adjustable line items on monthly bills
AUC assessment fees, hearing costs for interveners, property and business taxes, farm transmission 


credit, efficiency carry over mechanism, legal cost claims, carrying costs, capital trackers, AESO 


contributions
earnings sharing mechanism, Income tax recoverable on OPEB plans, deferred lease costs, deferred 


net losses on utility capital assets and intangible assets, customer care enhancement, customer and 


community benefits obligation
earnings sharing mechanism, Income tax recoverable on OPEB plans, deferred net losses on utility 


capital assets and intangible assets, natural gas for transportation incentive, customer care 


enhancement, customer and community benefits obligation
OPEB costs
OPEB costs
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Exhibit 5.1


Page 10 of 10


[1] [2] [3] [4]


Proxy Group Company Ticker Operating Subsidiary Type Credit Rating Jurisdiction S&P Regulatory Assessment Test Year


RISK ASSESSMENT: Concentric Proxy Group


Notes:
[1] Source: S&P Global Market Intelligence, S&P Long-Term Issuer Rating.  If the operating subsidiary is not rated by S&P, then this column reflects the parent company's Long-Term Issuer Rating.


[2] Source: S&P Global Market Intelligence


[3] S&P Global Ratings, Ratings Direct, U.S. And Canadian Regulatory Jurisdiction Updates And Insights:  (November 2019)


[4] Source: Source: Regulatory Research Associates; The Test Year refers to the State Commissions' standard practice, regulatory filings and orders, annual reports, annual information forms, when not covered by SNL 


[5] Source: S&P Global Market Intelligence, Regulatory Focus: Adjustment Clauses, dated November 12, 2019. Operating subsidiaries not covered in this report were excluded from this exhibit. 


[6] Operations classified as full revenue decoupling since the company operates under a straight fixed-variable rate design.
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Exhibit 5.2


Page 1 of 4


[1] [2] [3] [4]


Proxy Group Company Ticker Operating Subsidiary Type Credit Rating Jurisdiction S&P Regulatory Assessment Test Year


Public Service Enterprise Group, Inc. PEG Public Severice Electric & Gas Co. Electric A- New Jersey More Credit Supportive (strong/adequate) Partially Forecast


PEG Public Severice Electric & Gas Co. Gas A- New Jersey More Credit Supportive (strong/adequate) Partially Forecast


NextEra Energy, Inc. NEE Florida Power & Light Co. Electric A Florida Most Credit Supportive (strong) Fully Forecast


NEE Gulf Power CO. Electric A Florida Most Credit Supportive (strong) Fully Forecast


NEE Pivotal Utility Holdings Inc. Gas A- Florida Most Credit Supportive (strong) Fully Forecast


NEE Lone Star Transmission LLC Electric A- Texas Very Credit Supportive (strong/adequate) Historical


Exelon Corporation EXC Delmarva Power & Light Co. Electric A- Delaware Very Credit Supportive (strong/adequate) Partially Forecast


EXC Delmarva Power & Light Co. Gas A- Delaware Very Credit Supportive (strong/adequate) Partially Forecast


EXC Potomac Electric Power Co. Electric A- District of Columbia More Credit Supportive (strong/adequate) Historical


EXC Commonwealth Edison Co. Electric BBB+ Illinois Very Credit Supportive (strong/adequate) Historical


EXC Baltimore Gas & Electric Co. Electric A Maryland More Credit Supportive (strong/adequate) Partially Forecast


EXC Baltimore Gas & Electric Co. Gas A Maryland More Credit Supportive (strong/adequate) Partially Forecast


EXC Delmarva Power & Light Co. Electric A- Maryland More Credit Supportive (strong/adequate) Partially Forecast


EXC Potomac Electric Power Co. Electric A- Maryland More Credit Supportive (strong/adequate) Partially Forecast


EXC Atlantic City Electric Co. Electric A- New Jersey More Credit Supportive (strong/adequate) Partially Forecast


EXC PECO Energy Co. Electric BBB+ Pennsylvania Highly Credit Supportive (strong/adequate) Fully Forecast


EXC PECO Energy Co. Gas BBB+ Pennsylvania Highly Credit Supportive (strong/adequate) Fully Forecast


Proxy Group Results Average Total Average Fully Forecast = 29%


A- 17 Very Credit Supportive (strong/adequate) Partially Forecast = 53%


Historical = 18%


RISK ASSESSMENT: Moody's Proxy Group
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Exhibit 5.2


Page 2 of 4


Proxy Group Company Ticker Operating Subsidiary


Public Service Enterprise Group, Inc. PEG Public Severice Electric & Gas Co.


PEG Public Severice Electric & Gas Co.


NextEra Energy, Inc. NEE Florida Power & Light Co.


NEE Gulf Power CO.


NEE Pivotal Utility Holdings Inc.


NEE Lone Star Transmission LLC


Exelon Corporation EXC Delmarva Power & Light Co.


EXC Delmarva Power & Light Co.


EXC Potomac Electric Power Co.


EXC Commonwealth Edison Co.


EXC Baltimore Gas & Electric Co.


EXC Baltimore Gas & Electric Co.


EXC Delmarva Power & Light Co.


EXC Potomac Electric Power Co.


EXC Atlantic City Electric Co.


EXC PECO Energy Co.


EXC PECO Energy Co.


Proxy Group Results


[5] [5] [5] [5] [5] [5] [5] [5] [5] [5]


Electric fuel/gas 


commodity/purch. 


power


Conserv. 


program 


expense


Full 


Decoupling


Partial 


Decoupling


Renewables 


expense


Environmental 


compliance


Generation 


capacity


Generic 


infrastructure


Transmission 


expense
Other


NA
   


     


    


    


    


NA 


NA   


   


NA    


NA      


NA   


    


NA  


NA   


NA
   


NA   


   


Adjustment Clauses Count and Percentage of Total Proxy Group


17 13 4 2 4 6 2 12 2 15


100% 76% 24% 12% 24% 35% 12% 71% 12% 88%


RISK ASSESSMENT: Moody's Proxy Group
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Exhibit 5.2


Page 3 of 4


Proxy Group Company Ticker Operating Subsidiary


Public Service Enterprise Group, Inc. PEG Public Severice Electric & Gas Co.


PEG Public Severice Electric & Gas Co.


NextEra Energy, Inc. NEE Florida Power & Light Co.


NEE Gulf Power CO.


NEE Pivotal Utility Holdings Inc.


NEE Lone Star Transmission LLC


Exelon Corporation EXC Delmarva Power & Light Co.


EXC Delmarva Power & Light Co.


EXC Potomac Electric Power Co.


EXC Commonwealth Edison Co.


EXC Baltimore Gas & Electric Co.


EXC Baltimore Gas & Electric Co.


EXC Delmarva Power & Light Co.


EXC Potomac Electric Power Co.


EXC Atlantic City Electric Co.


EXC PECO Energy Co.


EXC PECO Energy Co.


Proxy Group Results


RISK ASSESSMENT: Moody's Proxy Group


[5]


Other: Text


Certain taxes and fees, low-income customer assistance programs, and restructuring-related buyout of 


non-utility generation contracts recoverable
Certain taxes and fees recoverable
Storm costs and certain taxes and fees recoverable; Riders reflect economy energy sales
Storm costs and certain taxes and fees recoverable; Riders reflect economy energy sales
Certain taxes and fees recoverable


Relocation costs of ariel and underground facilities required by government agency projects recoverable
Relocation costs of ariel and underground facilities required by government agency projects recoverable
Certain taxes and fees recoverable
Certain taxes, fees, and bad-debt costs recoverable
Certain taxes and fees recoverable
Certain taxes and fees recoverable


Certain taxes and fees recoverable
Certain taxes and fees, low-income customer assistance programs, and restructuring-related buyout of 


non-utility generation contracts recoverable
Certain taxes, fees, and nuclear deommissioning costs recoverable
Certain taxes and fees recoverable
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Exhibit 5.2


Page 4 of 4


[1] [2] [3] [4]


Proxy Group Company Ticker Operating Subsidiary Type Credit Rating Jurisdiction S&P Regulatory Assessment Test Year


RISK ASSESSMENT: Moody's Proxy Group


Notes:


[1] Source: S&P Global Market Intelligence, S&P Long-Term Issuer Rating.  If the operating subsidiary is not rated by S&P, then this column reflects the parent company's Long-Term Issuer Rating.


[2] Source: S&P Global Market Intelligence


[3] S&P Global Ratings, Ratings Direct, U.S. And Canadian Regulatory Jurisdiction Updates And Insights:  (November 2019)


[4] Source: Source: Regulatory Research Associates; The Test Year refers to the State Commissions' standard practice, regulatory filings and orders, annual reports, annual information forms, when not covered by SNL 


[5] Source: S&P Global Market Intelligence, Regulatory Focus: Adjustment Clauses, dated November 12, 2019. Operating subsidiaries not covered in this report were excluded from this exhibit. 


[6] Operations classified as full revenue decoupling since the company operates under a straight fixed-variable rate design.
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79 Wellington St. W., 30th Floor 
Box 270, TD South Tower 
Toronto, Ontario  M5K 1N2 Canada 
P. 416.865.0040 | F. 416.865.7380
www.torys.com


Charles Keizer 
ckeizer@torys.com
P. 416-865-7510


BY EMAIL  


CONFIDENTIAL — PRIVILEGED 


December 19, 2019 


Concentric Energy Advisors, Inc. 
293 Boston Post Road West, Suite 500 
Marlborough, MA 01752 


Attention: Jim Coyne, Senior Vice President 


Re: Retainer Letter Agreement – Ontario Power Generation  


Dear Sirs/Mesdames, 


We represent Ontario Power Generation (“OPG”) in connection with payment amounts 
proceedings and other payment amounts-related proceedings (collectively, the “Proceedings”) 
before the Ontario Energy Board (the “Board”). 


We confirm that, on behalf of and to assist us in providing legal advice to OPG in connection with 
the Proceedings, Torys LLP (“Torys” or “we”) hereby retains Concentric Energy Advisors, Inc. 
(the “Consultant” or “you”), effective as of the date first written above (“Effective Date”), to 
provide consulting services as described in this letter (the “Engagement”). By signing back a copy 
of this letter, the Consultant agrees that this letter contains the agreed-upon terms and conditions 
of its retainer with Torys effective on the Effective Date, subject to amendment by written 
agreement between the parties (the “Retainer Agreement”). 


1. No Conflict


The Consultant does not have any conflict of interest or other constraints on its ability to provide 
expert advice in connection with this Retainer Agreement. You confirm that you are free to provide 
your services to Torys in connection with Torys’ representation of OPG in the Proceedings. You 
agree that during this Engagement you will not provide, directly or indirectly, any services to the 
Board or any other party in connection with the matters at issue in the Proceedings.  


2. Consultant Expertise


The Consultant has been selected to provide Services (as defined below) to Torys in connection 
with the Proceedings.  The sponsors of the work of the Consultant and the persons who have the 
relevant expertise will be: 


 Dan Dane;
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 Jim Coyne; and 


 Other experienced professionals from the Consultant, as may be required and agreed to by 
the parties in advance.


(together, the “Sponsors”)  


3. Scope of Services and Work Product 


The Consultant will:  


(a) carry out an independent study as to whether the application of the cost of capital 
approved by the Board in the EB-2016-0152 proceeding is an appropriate basis 
for setting OPG’s nuclear and regulated hydroelectric payment amounts in OPG’s 
next payment amounts application, as detailed in Schedule 1 hereto (the “Cost of 
Capital Study”);  


(b) if requested by Torys: (i) an independent study regarding the impact on OPG due 
to the merchant risk created under the current market renewal proposal, as 
detailed in Schedule 1 hereto (the “Merchant Risk Study”), and/or (ii) any other 
studies as may be required in support of the Engagement (the “Supporting 
Studies” and, together with the Cost of Capital Study and the Merchant Risk 
Study, the “Studies”); 


(c) if requested by Torys, produce a draft and/or final report(s) detailing the 
applicable Study’s methodology, review performed and the Consultant’s findings 
and recommendations (the “Report(s)”), which may be filed with the Board in the 
Proceedings; and 


(d) if requested by Torys, provide support during the hearing of the Proceedings and 
testify before the Board in the Proceedings, in connection with the scope of the 
services provided hereunder (“Application Support” and, together with the 
Studies and the Report(s), the “Services”). 


4. Fees and Invoices 


(a) The Consultant acknowledges that the fees for the Consultant to perform the Cost 
of Capital Study and to deliver the associated written Report(s), if requested, shall 
(i) be determined based on the hourly rates set forth in paragraph (c) below and 
(ii) in no event exceed  net of HST, without prior written approval 
from Torys.


(b) The Consultant’s fees for completing the Merchant Risk Study and/or Supporting 
Studies (including the delivery of the associated written Report(s)), if requested, 
shall be determined based on the hourly rates set forth in paragraph (c) below, 
subject to a forecast maximum level of efforts which is (i) to be estimated by the 
Consultant and agreed to by Torys prior to the initiation of any such Studies by 
the Consultant and (ii) not to be exceeded by the Consultant in carrying out any 
such Studies without prior written approval from Torys.


Filed: 2020-12-31 
EB-2020-0290 


Ex. C1-1-1 
Attachment 2 
Page 2 of 30







28872291.8 


- 3 - 
(c) The Consultant’s fees for providing Application Support, if requested, shall be 


charged at the following hourly rates: 


Title Hourly Rate (USD) 


Chairman and Chief Executive Officer  


Senior Vice President  


Vice President  


Assistant Vice President  


Senior Project Manager  


Project Manager  


Senior Consultant  


Consultant  


Senior Analyst  


Analyst  


Associate  


Project Assistant  


(d) The Consultant shall direct all invoices relating to Services performed by it under 
this Retainer Agreement to OPG, to the attention of: 


Aimee Collier
Assistant General Counsel, Law Division 
Ontario Power Generation  
700 University Avenue 
Toronto, ON  M5G 1X6 
aimee.collier@opg.com


with a copy to Torys, to the attention of: 


Charles Keizer 
Torys LLP 
79 Wellington St. W., 30th Floor 
Box 270, TD South Tower 
Toronto, Ontario  M5K 1N2 
ckeizer@torys.com 


(e) Due to the confidential nature of this assignment, the Consultant agrees to submit: 
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(i) a summary sheet only of each account, showing the fee, expenses, all 


applicable taxes, a subtotal (excluding taxes), and the grand total; 


(ii) a detailed account which will include at least the following information: 


(A) identification of the billing period to which the account relates; 


(B) an itemized summary of the work that has been undertaken, 
including a brief description of each service, the date on which 
each service was rendered, the time spent on each service, the 
individual who performed the service and the billing rate of such 
individual; and 


(C) an itemization and brief description of all expenses incurred during 
the billing period, with copies of supporting invoices for any 
expenses in excess of $100, unless Torys indicates that such 
invoices are not required. 


(f) The Consultant will be reimbursed for reasonable travel expenses (billed at cost 
with no mark-up) related to this Retainer Agreement only in accordance with 
OPG’s Standard Form Business Expense Schedule, a copy of which is attached as 
Schedule 2 hereto. Any disbursements for additional incidentals incurred by the 
Consultant in relation to this Retainer Agreement must be pre-approved by OPG 
or Torys in writing. In the event of conflict between any provisions of Schedule 2 
and any policies or fee schedules of the Consultant relating to the charging of 
travel expenses or other incidentals, the relevant provisions of Schedule 2 shall 
prevail. 


(g) Consultant will be reimbursed for reasonable report production, printing, and 
reproduction charges at Consultant’s standard charges for such materials for 
services. 


(h) OPG reserves the right to deduct any applicable non-resident withholding taxes 
from any amounts owing to the Consultant under this Retainer Agreement and 
remit such amounts to the applicable taxation authority. 


5. Confidentiality 


All work performed by the Consultant in connection with this Retainer Agreement, including all 
findings, opinions and conclusions the Consultant reaches in relation to this Retainer Agreement, 
and any communications relating thereto, are strictly privileged and confidential and shall not be 
disclosed to any other person or party without the prior written consent of Torys or OPG.  The 
Consultant agrees to designate all written communications and material accordingly.  The 
Consultant further agrees to notify Torys in the event that the Consultant receives a request to 
disclose information relating to this matter, and agrees to cooperate with Torys, to the fullest 
extent permitted by law, to prevent or limit the disclosure of such material or otherwise preserve 
the privileged and confidential status of such material.  


The Consultant agrees to hold in confidence: (a) the fact and existence of this Retainer 
Agreement, (b) all information provided to the Consultant, and (c) the Consultant’s opinions to 
Torys and to OPG as they relate to the information, whether the information or opinions are 
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documentary or oral (collectively, the “Confidential Information”).  The Consultant will not 
disclose the Confidential Information to any person unless Torys or OPG authorizes you in 
writing to do so, or as may be required for purposes of providing testimony before the Board in 
which case the Consultant shall identify and only disclose Confidential Information in 
accordance with the Board’s protocols for the treatment of confidential information.  All 
documents given to the Consultant in connection with this Retainer Agreement remain the 
property of Torys or of OPG, and are held in trust by the Consultant as agent.  The Consultant 
agrees to return these documents on request. During the Engagement, the Confidential 
Information shall be segregated from other Consultant or OPG data (including on electronic 
information systems) and shall not be accessible to individuals other than the Consultant, Torys, 
and OPG employees requiring access. 


The Consultant will not refer to Torys or to OPG, directly or indirectly, in connection with the 
promotion of its services, without obtaining the prior written consent of Torys or OPG, as the 
case may be. Notwithstanding the foregoing, Concentric may refer to OPG and the following 
information in materials used to promote its services: (i) the Board’s file number for the 
Proceeding, (ii) a general description of the nature and scope of the Services performed, and (iii) 
the time period of the Engagement; provided that (a) Concentric has provided testimony before 
the Board in connection with this Engagement and (b) such information  shall in no way include, 
reflect or reveal, directly or indirectly, any Confidential Information nor any information that is 
not available on the public record in the Proceeding. 


6. Intellectual Property 


Nothing in this Retainer Agreement shall be deemed to transfer, license, assign, permit the use of, 
or otherwise convey an interest in whole or in part to the Consultant of any intellectual property 
belonging to OPG or any of its representatives or any third party whose intellectual property is in 
OPG’s custody or control, and the use by the Consultant of any such intellectual property shall be 
subject to the prior written approval of OPG. 


Torys and OPG shall at all times have full rights and title to all works prepared, generated or 
created by the Consultant pursuant to this Retainer Agreement, including without limitation any 
reports, presentations, status updates, or other documents created by the Consultant, and any 
related works, modifications or additions thereto, but excluding any parts of Consultant’s oral 
testimony and/or final Report that are provided before the Board on the public record in the 
Proceeding (the “Work Product”), and may at all times take possession of or use any completed or 
partially completed Work Product, notwithstanding any provision, express or implied, to the 
contrary. Without limiting the generality of the foregoing, OPG shall own all intellectual property 
rights in all Work Product, and the Consultant hereby waives and assigns to OPG any such rights, 
and agrees to give OPG and its representatives all assistance as may be reasonably required to 
perfect such rights including, without limitation, obtaining waiver of moral rights from any of the 
Consultant’s employees, partners or other representatives.   


Anything contained in this agreement to the contrary notwithstanding, nothing in this Retainer 
Agreement shall prevent Consultant from utilizing any general know-how, ideas, techniques, 
concepts, methods, processes, proprietary computer software, methodology, procedures, or other 
proprietary information applied in performing the Services, on behalf of itself or its future 
customers, or give Torys or OPG any rights with respect to such proprietary information. Subject 
to Section 1 above, Consultant may (i) perform the same or similar services for others, and (ii) 
retain one copy of deliverables produced in connection with the Services hereunder for the sole 
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purpose of documenting the conduct of its work and its exercise of due professional care in 
connection with the Services, provided that any of OPG's Confidential Information is treated in 
accordance with the confidentiality requirements of this Retainer Agreement.  


7. Controlled Nuclear Information 


The Consultant has been made aware of certain Canadian federal requirements relating to the 
import and export of controlled nuclear information, and recognizes that it is an offence for any 
person to export controlled nuclear information from Canada without an export permit issued for 
the purpose by the Canadian Nuclear Safety Commission. The Consultant agrees not to remove or 
cause to be removed from Canada any controlled nuclear information during the performance of 
the Services, and will promptly raise the issue with OPG where the Consultant is in doubt as to 
whether information to be removed from Canada as part of the Services may be – or contain – 
controlled nuclear information. 


8. Termination 


Torys may terminate this Retainer Agreement at any time on written notice to the Consultant. 
Torys will pay, or will cause OPG to pay, for work performed up to the date of the notice of 
termination. Upon the termination or expiration of this Retainer Agreement, the Consultant shall 
return to Torys and delete any and all electronic copies the Consultant may have of all documents 
and materials in its possession relating to the Services or this Retainer Agreement, including all 
Confidential Information and Work Product, whether completed or not. 


9. Liability and Indemnification 


The Consultant shall be liable for and shall indemnify and hold harmless OPG and Torys from all 
claims, demands, actions, penalties, damages, losses, judgments and settlements, liabilities, costs, 
expenses, including legal fees and other related costs and expenses arising out of, related to, or 
incident to, the Consultant or any of its representatives’ performance of the Services under this 
Retainer Agreement, including, subject to section 11 (Limitation of Liability) below: 


a) any breach, violation or non-performance by the Consultant or any of its representatives of 
any terms, conditions, warranties, obligations or covenants contained in this Retainer 
Agreement; 


b) any breach or violation by the Consultant or any of its representatives of any applicable 
laws; and 


c) any actions, omissions, negligence or wilful misconduct of the Consultant or any of its 
representatives.


10. Intellectual Property Protection 


The Consultant expressly warrants that the manufacture, delivery, sale or use of the Consultant’s 
Services will not infringe any Canadian or foreign patents, trademarks, copyrights, industrial 
design or other intellectual property rights and the Consultant shall indemnify and save OPG 
harmless from all claims, judgments and decrees that may be entered against OPG or its 
representatives and against all damage, liability, costs and expenses (including legal fees and other 
attendant costs and expenses) OPG incurs by reason of any infringement or claim thereof. 
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11. Limitation of Liability 


Except for breach of confidentiality obligations, gross negligence, willful misconduct, fraud, 
breach of applicable laws, breach of privacy laws, and the Consultant’s obligation to indemnify 
under section 10 (Intellectual Property Protection), the Consultant’s total liability for any claim 
arising out of the performance of the Services, regardless of the form of claim, will in no event 
exceed total fees paid to Consultant hereunder and under no circumstances will either party be 
liable for any damages in respect of any incidental, punitive, special, indirect or consequential loss, 
even if that party had been advised of the possibility of such damages including, but not limited 
to, loss of profits, loss of revenues, failure to realize expected savings, loss of data, loss of business 
opportunity, or similar losses of any kind. 


12. Insurance 


(a) Unless otherwise specified in this Retainer Agreement, the Consultant shall, during the 
term of this Retainer Agreement, and at its own expense, maintain and keep in full force 
and effect: 


i. commercial general liability insurance on an occurrence basis having a 
minimum inclusive coverage limit, including personal injury and property 
damage, of not less than one million dollars ($1,000,000.00) per occurrence, 
which shall be extended to cover contractual liability, products and 
completed operations liability, owners/contractors protective liability and 
must also contain a cross liability clause and a severability of interest clause, 
and must name OPG and its affiliates as additional insureds; and 


ii. errors and omissions insurance (professional liability) in the amount of not 
less than two million dollars ($2,000,000.00). 


(b) All insurance coverages and limits required to be maintained by the Consultant shall be 
primary to any insurance maintained by OPG, which shall be excess and non-contributory.  
Prior to the commencement of the delivery of the Services, the Consultant shall deliver to 
OPG a certificate of insurance which evidences the Consultant’s compliance with this 
Section, including the provision of a thirty (30) day prior written notice of cancellation, 
non-renewal or adverse material change, to OPG.  The Consultant agrees that the insurance 
described herein does in no way limit the Consultant’s liability pursuant to the indemnity 
provisions of this Retainer Agreement. 


13. Independence  


By entering into this Retainer Agreement, the Consultant acknowledges and agrees that the 
Sponsors have received a copy of Rule 13A of the Board’s Rules of Practice and Procedure 
concerning expert evidence and agree to accept the responsibilities that are or may be imposed 
on them by that rule with respect to testimony before the Board.  A copy of the rule and the 
relevant form are attached as Schedules 3 and 4 hereto.  


14. Entire Agreement 


This Retainer Agreement, together with all Schedules attached hereto and any agreements and 
other documents to be delivered pursuant to this Retainer Agreement, constitute the complete 
agreement between Torys and the Consultant or their respective agents with respect to the subject 
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matter hereof and supersedes any and all prior agreements and understandings. This Retainer 
Agreement may be amended only in writing with reference to this Retainer Agreement and signed 
by both parties. 


15. Governing Law 


This Retainer Agreement shall be construed and otherwise governed pursuant to the laws of the 
Province of Ontario and the federal laws of Canada applicable therein. 


Sincerely, 


TORYS LLP  


Charles Keizer  
Partner 


Agreed and Accepted by:


Concentric Energy Advisors, Inc. 


By:
Name: Jim Coyne 
Title: Senior Vice President


Filed: 2020-12-31 
EB-2020-0290 


Ex. C1-1-1 
Attachment 2 
Page 8 of 30







28872291.8 


- 9 - 
SCHEDULE 1 


Scope of Work


Objective:


To provide independent expert opinion and support to Torys in assistance of its legal advice to 
OPG with respect to cost of capital-related issues in OPG’s next payment amounts application, as 
further detailed below and pursuant to the terms and conditions of the Retainer Agreement. 


Scope: 


The Consultant will undertake the following scope of work to support Torys’ legal advice to OPG 
in obtaining the OEB’s approval of payment amounts established pursuant to the OEB’s new rate-
making methodologies for hydroelectric and nuclear operations: 


a) The Consultant will carry out an independent study as to whether the application of the 
cost of capital approved by the OEB in the EB-2016-0152 proceeding is an appropriate 
basis for setting OPG’s nuclear and regulated hydroelectric payment amounts in OPG’s 
next payment amounts application (the “Capital Cost Study”).  


In carrying out the Capital Cost Study, the Consultant will select the appropriate peer group 
against which OPG should be compared, including establishing the appropriate selection 
criteria for inclusion in the peer group. 


The Capital Cost Study shall build upon the OEB's findings in EB-2007-0905, EB-2010-
0008, EB-2013-0321, and EB-2016-0152 in respect of OPG's cost of capital. Specifically: 


i. OPG's cost of capital shall be established based on the stand-alone principle. 
ii. OPG's ROE shall be set in accordance with a formula-based approach provided in the 


OEB's Cost of Capital Report issued December 11, 2009, which adopts the Fair Return 
Standard. 


iii. The 45% common equity ratio approved in EB-2013-0321 reflects the OEB's view that 
the business risks associated with OPG’s nuclear business are higher than those of the 
regulated hydroelectric business. 


iv. The 45% common equity ratio approved in EB-2016-0152 is counter to the position 
advanced by OPG, the positions advanced by the OEB’s independent experts, and the 
positions advanced by OEB staff.  


v. The Capital Cost Study will address whether the 45% common equity ratio is 
reasonable, given Pickering End of Commercial Operations, the Darlington 
Refurbishment Project, and market renewal, among other factors. 


Initial draft of the Cost of Capital Study report, if requested, must be submitted by the 
Consultant to Torys and OPG by February 28, 2020.  The final report of the Cost of Capital 
Study, if requested, shall be delivered to Torys and OPG by March 27, 2020. 


b) If requested, the Consultant will conduct an independent assessment of the impact to 
OPG’s risk due to the merchant risk created under the current market renewal proposal, 
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including an assessment of the equity thickness required to reflect this risk (the “Merchant 
Risk Study”).  


c) If requested, the Consultant will conduct other studies as may be required to support the 
Cost of Capital Study (“Supporting Studies”).  


With respect to the Merchant Risk Study and/or Supporting Study (if requested), OPG or 
Torys will provide specific instructions to the Consultant regarding required scope, 
activities and timeline, and Consultant shall provide a forecast maximum level of efforts 
required to complete the work for approval by Torys prior to the initiation of such Study. 
For clarity, the decision to proceed with the Merchant Risk Study and/or Supporting Study 
will be determined by OPG and communicated to the Consultant in writing.  


d) If requested, the Consultant will prepare for and participate in OPG’s payment amounts 
applications in support of Torys’ legal advice to OPG in the Proceedings, including: 
preparing evidence, responding to interrogatories, providing oral testimony, responding to 
undertakings and supporting the preparation of argument and other submissions, all as 
directed by Torys and OPG. 
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SCHEDULE 2 


OPG’s Standard Form Business Expense Schedule 


(attached) 


Schedule C - 
Business Expenses.pdf
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BUSINESS EXPENSE SCHEDULE 


RECITALS 
 


A. Ontario Power Generation Inc., (“OPG”) entered into an Agreement (the “Agreement”) with the 
other party to the Agreement (the “Contractor”).  This schedule (this “Schedule”) forms part of the 
Agreement.  Under the Agreement, OPG agreed to reimburse the Contractor for certain business 
expenses incurred by employees of the Contractor (“Eligible Employees”) in performing work for 
OPG under the Agreement.   
 


B. This Schedule sets out the terms on which OPG will reimburse the Contractor for business expenses 
incurred by Eligible Employees in performing work for OPG. 


SECTION 1 – INTERPRETATION 


1.1 Three Types of Reimbursement  
 
OPG will reimburse the Contractor for expenses that are eligible for reimbursement in accordance 
with the Schedule.  OPG will make the reimbursements in 1 of 3 ways respecting each Eligible 
Employee in respect of whom reimbursements are payable.  The 3 ways of reimbursements are:  
 
(a) reimbursement of individually incurred Allowable Expenses as set out in section 2 through 


section 5; 


(b) payment on a flat rate daily basis as set out in section 6; or 


(c) payment on a flat rate monthly basis as set out in section 7. 
 
Except as expressly set out in section 6 or section 7, if OPG pays the Contractor the daily or 
monthly rate in respect of an Eligible Employee, OPG will reimburse the Contractor no 
Allowable Expenses in respect of that Eligible Employee. 
 


1.2 Definitions  
 
In this Schedule, the following terms have the respective meanings set out below. 
 


(a) Agreement is defined in Recital A. 


(b) Allowable Expenses is defined in Section 2.1. 
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(c) Business Day means any day other than a Saturday, Sunday, New Year’s Day, Family 
Day, Good Friday, Easter Monday, Victoria Day, Canada Day, Civic Holiday, Labour 
Day, Remembrance Day, Thanksgiving Day, Christmas Day and Boxing Day. 
 


(d) Contractor is defined in Recital A. 


(e) Eligible Employees is defined in Recital A. 


(f) Home Base means the permanent place of residence (home) of Eligible Employee. 


(g) Reporting Location means the normal work location or base office for Eligible 
Employee.  For all work at Darlington Nuclear (DN) and Pickering Nuclear (PN) sites, 
this is further defined as an area consisting of a 100km radius around the midpoint 
between DN and PN site.  Bruce Nuclear (BN) is also considered a reporting location. 
 


(h) OPG Representative is defined in Section 2.1 (d). 


(i) Schedule is defined in Recital A. 


(j) Work Site means a location at which the Eligible Employee may be required to provide 
service that is different from the Eligible Employee’s normal reporting location. 


1.3 Headings 
 
The division of the Schedule into sections, the insertion of headings and the provision of a table 
of contents are for convenience of reference only and are not to affect the construction or 
interpretation of this Schedule. 


1.4 Expanded Definitions 
 
Unless otherwise specified, words importing the singular include the plural and vice versa and 
words importing gender include all genders.  The term “including” means “including without 
limitations”, and the terms “include”, “includes” and “included” have similar meanings.  The 
term “will” means “shall”. 


1.5 Business Day 
 
If under this Schedule any payment or calculation is to be made on or as of a day which is not a 
Business Day that payment or calculation is to be made on or as of the next day that is a Business 
Day 


1.6 Payment Currency  
 


Except as expressly set out in the Agreement, amounts to be paid or calculated under this 
Schedule will be paid or calculated in Canadian dollars. Any amounts to be paid or calculated 
which are denominated in a foreign currency will be converted into Canadian dollars, within three 
Business Days of the invoice date, using the Bank of Canada nominal noon exchange rate, as 
posted on the Bank of Canada website (currently located at www.bankofcanada.ca). 
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1.7 Conflict 
 


If there is conflict between any term of this Schedule and any term in another part of the 
Agreement, the relevant term in the other part of the Agreement will prevail. 


1.8 Notice 
 


Any notices to be given under this Schedule will be given in accordance with the notice terms set 
out elsewhere in the Agreement. 


SECTION 2 – REIMBURSEMENT OF ALLOWABLE EXPENSES 
 


2.1  Allowable Expenses  
 


OPG will only reimburse the Contractor for the following eligible expenses (“Allowable 
Expenses”) to the extent they otherwise meet the requirements of this Schedule and the rest of 
the Agreement: 
 


(a) air, rail and bus travel expenses permitted under section 3; 


(b) vehicle expenses permitted under section 4; 


(c) lodging expenses permitted under section 5; and  


(d) any other expenses which have been approved in writing by the OPG individual 
managing the Agreement (the “OPG Representative”). 


2.2  Expenses Minimised 
 


Notwithstanding any term in this Schedule, the Contractor will use all reasonable efforts to ensure 
that Eligible Employees minimise Allowable Expenses and the Contractor will ensure that all 
Allowable Expenses are reasonable and properly incurred in a manner consistent with effective 
and efficient business practice.  OPG is not obliged to reimburse any expenses which are not so 
incurred.  Eligible Employees who normally live together are expected to share accommodations 
and vehicle expenses, where reasonable. 


2.3 Excluded Items 
 


Notwithstanding any term in this Schedule, OPG will not reimburse any amounts to the 
Contractor or any Eligible Employee for any hospitality, food or incidental expenses, including, 
but not limited to, in respect of the following: 


(a) meals, snacks, alcoholic and non-alcoholic beverages; 
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(b) any expense whatsoever if the one way distance between the Eligible Employee’s Home Base 
or Reporting Location and the Work Site is less than 100 kilometers; 
 


(c) gratuities; 


(d) airline or railway club dues, fees or other charges; 


(e) personal service expenses, including hair care, shoe shine, toiletry and spa treatment 
expenses;  
 


(f) laundry, dry cleaning or valet expenses; 


(g) hotel telephone charges or internet access; 


(h) personal telephone calls; 


(i) cellular telephones, data devices (for example, Blackberries) or other communication devices; 


(j) entertainment or recreation expenses, including pay-per-view, video, compact disk or DVD 
rental, in-room entertainment, games, gaming, reading, sports or exercise expenses; 
 


(k) headsets or other in-flight expenses; 


(l) dependent care expenses; 


(m) pet care expenses; 


(n) mini bar charges or sundry items (including gum and snacks);  


(o) credit card interest or other credit card expenses; 


(p) automobile washes; 


(q) fines or other expenses assessed or otherwise incurred in respect of traffic or parking 
violations; or  
 


(r) fees or other expenses for toll highways or vehicle rental agency administration charges for 
use of toll highways. 


2.4 Method of Reimbursement  


 OPG will reimburse the Contractor for Allowable Expenses which otherwise meet the 
requirements of this Schedule and the rest of the Agreement in accordance with the following 
terms. 


 
(a) Monthly Invoice.  The Contractor will deliver to OPG, to the address indicated in the purchase 


order or Agreement, on a monthly basis, an invoice for Allowable Expenses in a form and manner 
acceptable to the OPG Representative, acting reasonably.  The Contractor will deliver to the OPG 
Representative, a copy of the invoice and will ensure that the invoice legibly itemises and, if 
necessary, briefly describes all allowable expenses.  The Contractor will not invoice or otherwise 
charge OPG for any expenses other than allowable expenses.  The Contractor will ensure that all 
expenses claimed on each such invoice meet the requirements of this Schedule and the rest of the 
Agreement and are first approved by the Contractor.  If the Contractor fails to deliver an invoice 
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to OPG for an expense within six months of the expenses being incurred, OPG will not be obliged 
to reimburse the Contractor for such expense. 
 


(b) Receipts.  The Contractor will deliver to the OPG Representative, together with a copy of the 
invoice, original official itemised receipts for each allowable expense claimed (including airline, 
railway or bus ticket passenger coupons or electronic ticket, boarding passes, vehicle rental 
contracts, itemised hotel bills and travel itineraries).  The Contractor will separate expenses for 
each Eligible Employee.  Debit card and credit card receipts are not acceptable without the 
itemised receipt.  OPG will accept electronic, photocopied or fax copies of receipts. 
 


(c) GST/HST Deducted.  The Contractor will deduct all Canadian goods and services 
tax/harmonized sales tax levied under the Excise Tax Act (Canada) recovered or recoverable by 
the Contractor on the payment of expenses before submitting any invoice to OPG covering any 
allowable expenses.  The Goods and Services Tax/Harmonized Sales Tax levied under the Excise 
Tax Act (Canada) and reimbursable by OPG under this Schedule. 
 


(d) Reimbursement.  OPG will reimburse the Contractor for Allowable Expenses which meet all of 
the requirements of this Schedule, received and approved by OPG before the 25th of each month 
on the 25th of the following month.  The Contractor will ensure that all Eligible Employees 
initially pay for expenses using their own payment methods. OPG will not provide any advances 
respecting allowable expenses.  The Contractor is exclusively responsible for the reimbursement 
of expenses to all Eligible Employees.  Failure by the Contractor to comply with the requirements 
of this Schedule and the rest of the Agreement may result in delay of reimbursement of expenses 
or rejection of any invoice in whole or in part. 


2.5 Travel Agency 
 


 OPG has and may in the future negotiate rates with a travel service to reduce travel and lodging 
expenses.  Unless OPG provides the Contractor with written notice stating otherwise, or the 
Contractor can demonstrate it can obtain lower rates from providers other than American Express 
Business Travel, the Contractor will ensure that all Eligible Employees process travel 
requirements through American Express Business Travel.  OPG also encourages the Contractor to 
have all vehicle rental and hotel arrangements made through American Express Business Travel. 
American Express Business Travel may be reached in Canada and the United States at 1-866-
868-4441. The Contractor will ensure that all Eligible Employees travelling for the purpose of 
providing services under the Agreement identify themselves to American Express Business 
Travel as such. 


2.6 Confirming Rates 
 


 The Contractor will ensure that the rates booked by it or an Eligible Employee are the same or 
lower than that listed on the travel itinerary. 
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2.7 Home Base and Work Site 
 


 Where applicable, the Contractor will specify in each invoice the Home Base, Reporting Location 
and the Work Site for each Eligible Employee.  At OPG’s request, the Contractor will provide 
written confirmation from each Eligible Employees as to the employee’s permanent residence and 
street address.  A post office box is not acceptable street address. 


2.8  Non EPSCA Eligible Employees and Extended Staff 
 


 OPG will only reimburse the Contractor’s Eligible Employees and extended staff, not subscribed 
to an EPSCA Agreement, expenses incurred from their Home Base to the designated reporting 
location as per the illustration below and detailed examples provided: 


 
 Example A: Home Base is outside the 200 kilometers ring from the reporting location.  Prior 


approval from an OPG Representative is required and depending on the duration of the 
assignment, either section 6 or section 7 applies.  If the duration is greater than one month, 
section 7 applies and the Eligible Employee will be paid an “all inclusive” monthly rate (or 
prorated portion of the month).  If the assignment is less than one month, section 6 applies and the 
Eligible Employee will be paid an “all inclusive” daily rate. 


 
 Example B:  Home Base is outside the 100 km ring but inside the 200 kilometers ring from the 


reporting location.  Prior approval from an OPG Representative is required and OPG will pay the 
less of a daily “all inclusive” rate per section 6 or rates in accordance with sections 2 through 5.  
If sections 2 through 5 apply, the Eligible Employee will only be entitled to one round trip per 
week, from Home Base to the reporting location. 


 
 Example C:  Home Base is within a 100 kilometers radius of the reporting location.  In this 


scenario, the Eligible Employee is not entitled to any expenses whatsoever.  This would include 
any and all trips to the Work Site within the 100 kilometers radius. 


 
 Example D:  In this example, the reporting location and Work Site is one and the same.  Prior 


approval from an OPG Representative is required and the preceding examples A, B and C apply. 
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  EXAMPLE D  BN Work Site


EXAMPLE A
 Employee Home 


Base “Residence”
EXAMPLE B


EXAMPLE C
 Reporting 


Location


 PN Work Site


 DN Work Site


200 Km


100 Km
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SECTION 3 – AIR, RAIL OR BUS TRAVEL 


3.1 Air, Rail or Bus Travel 
 


 The expense of air, rail and bus travel is an allowable expense to the extent the actual amount of 
airfare or, rail or bus fare was incurred by an Eligible Employee in providing services to OPG 
under the Agreement and to the extent of compliance with the other requirements of this Schedule 
and the rest of the Agreement.  Pre approval by an OPG Representative is required for all air, rail 
or bus travel.  The Contractor will cause Eligible Employees, to the extent possible, to take 
advantage of hotel and airport shuttles where available.  OPG will reimburse the Contractor for 
the expenses actually incurred by an Eligible Employee for travel between the Eligible 
Employee’s Home Base, reporting location or Work Site and the airport, rail way station or bus 
terminal where the Eligible Employee arrives or departs.  In addition, the amount of any such 
reimbursement may not exceed the lesser of: 


 
(a) the expense of the taxi fare or other similar out of pocket charge to travel to or from the 


airport, railway station or bus terminal; and 
 


(b) if applicable, parking charges at the airport, railway station or bus terminal. 
 


3.2 Economy Class 
 


 Air expenses are not Allowable Expenses unless the Eligible Employee travels on economy class 
or equivalent.  Rail expenses will be permitted for travel by VIA 1 or equivalent. 


 


3.3  Vehicle Instead of Air, Rail or Bus Travel 
 


 OPG will only reimburse the Contractor for use of a personal vehicle or rental car (the lesser of) 
for trips which would customarily be travelled by air, rail or bus, for the amount which is equal to 
the lesser of: 


 
(a) the expense of the airfare, rail fare or bus fare that would have been reimbursed by OPG to 


the Contractor under section 3; and 
 


(b) the amount that would otherwise be reimbursable by OPG to the Contractor for vehicle travel 
pursuant to section 4.  OPG will not reimburse the Contractor for any lodging that would not 
have been incurred had the trip been made by air, rail or bus. 


 


 
  


Filed: 2020-12-31 
EB-2020-0290 


Ex. C1-1-1 
Attachment 2 


Page 22 of 30







 
 


9 
  


 
OPG Standard Form Business Expense Schedule for Contractors – Updated December 10, 2014 


 
 


 


3.4 Visits Home 
 


 OPG will reimburse air, rail or bus travel expenses for a maximum of one round trip home per 
month for each Eligible Employee on assignment at a Work Site where the duration is more than 
45 days and the Home Base of that employee is greater than 400 kilometers from the Work Site.  


 


3.5 Minimising Expenses 
 


 The Contractor will, to the extent possible, cause all air travel, to be by “lowest logical airfare”, to 
take advantage of weekend specials and other discount fares and to reduce overall expenses and 
plan ahead (booking at least 2 weeks before the departure date is expected). 


SECTION 4 – VEHICLES 


4.1 Reimbursable Vehicle Expenses 
 
 The expense of rental vehicles or personal vehicles (the lesser of) used by Eligible Employees 


will be and allowable expense to the extent that: 
 


(a) the use of the vehicle was for official OPG business; 


(b) the one way distance between the Eligible Employee’s reporting location and the Work 
Site is greater than 100 kilometers; 
 


(c) the use of the rental vehicle was pre-approved in writing by the OPG Representative; and 


(d) the expense otherwise meets the requirements of this Schedule and the rest of the 
Agreement. 


 


4.2 Personal Vehicle 
 


 If the Eligible Employee is required to provide services at a location other than the Eligible 
Employee’s reporting location, OPG will reimburse the Contractor as an allowable expense for all 
personal vehicle travel by an Eligible Employee in excess of 200 kilometers (round trip), at the 
published rates per kilometre on the date of invoice, for vehicle expenses for Ontario set on the 
Canada Revenue Agency website (www.cra-arc.gc.ca/tx/llrts/menu-eng.html).  This Canada 
Revenue Agency amount covers all vehicle related expenses, except parking. 


 


4.3 Reducing Expenses 
 


 The Contractor will use all reasonable attempts to reduce the expenses of vehicle travel by: 
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(a) arranging for employees to share vehicles to minimise travel expense; 


(b) requiring Eligible Employees to use rental vehicle and refuel it before returning it; 


(c) considering a long-term lease for lengthy work assignments (that is, more than 30 
consecutive days) when the Eligible Employee requires a rental vehicle; and 
 


(d) requiring Eligible Employees to use public transit when travelling to locations within or 
around urban centres. 


4.4 Multiple Users 
 


 OPG will only reimburse the Eligible Employee whose vehicle is used when two or more Eligible 
Employees travel in one vehicle.  If two or more Eligible Employees share a rental vehicle, OPG 
will only reimburse the Eligible Employee who incurred the expense. 


SECTION 5 – LODGING 
 


5.1 Overnight Accommodation 
 


 The expense of overnight accommodation for Eligible Employees will be an allowable expense to 
the extent that the overnight stay was pre-approved in writing by OPG Representative and to the 
extent that the expense otherwise meets the requirements of this Schedule and the rest of the 
Agreement.  The OPG Representative will not approve any overnight accommodation unless: 


 
(a) the presence of the Eligible Employee is required at a Work Site which is more that 200 km 


(one way) from that Eligible Employee’s reporting locations or; 
 


(b) poor weather creates hazardous driving conditions and the Eligible Employee cannot safely 
return to the Eligible Employee’s Home Base;  
  


(c) the Contractor will include a written explanation for all overnight accommodation with the 
invoice. 


 


SECTION 6 – DAILY RATES 


6.1 Daily Rates Instead of Allowable Expenses 
 


 To the extent this section 6 applies to any Eligible Employee, none of the terms of section 2 to 
section 5 apply, except for any Allowable Expenses for air, rail or bus travel between an Eligible 
Employee’s reporting location and a Work Site that is reimbursable in accordance with section 3.  
Notwithstanding the previous sentence, the temporary residence (where the Eligible Employee 
resides while working on the OPG project), or in some instances the Home Base will be 
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considered the reporting location for the purpose of calculating Allowable Expenses in the event 
the Eligible Employee is required to travel to a location other than the reporting location. 


 


6.2 Daily Rates 
 


 Before the commencement of, or at any time during, a work assignment for any Eligible 
Employee, OPG may elect based on the remaining duration of the work assignment, the distance 
between the Eligible Employee’s reporting location and the work site or for other reasons to pay 
the Contractor a daily rate in respect of that Eligible Employee rather than to reimburse the 
Contractor for allowable expenses. 


 


6.3  All Inclusive 
 


Except as expressly set out in this section 6, the daily rate set out in section 6.4 is inclusive of all 
expenses whatsoever that will be reimbursed by OPG, including expenses respecting 
accommodation, local transportation, work permits and fees, utilities, communication charges, 
furnishings, insurance and any Allowable Expenses that would otherwise be reimbursable to the 
Contractor under section 2 to section 5. 
 


6.4 Rates 
 


 Subject to adjustment under section 6.5, the following are the daily rates that OPG will pay the 
Contractor in respect of Work Sites: 


 
(a) City of Toronto, $150 and; 


(b) all other locations, $120 (including Mississauga, Pickering, Whitby and Darlington). 


6.5 Application of Rate 
 


 Where OPG has elected to pay the daily rate for an Eligible Employee, OPG will pay the daily 
rate to the Contractor on a monthly basis for that Eligible Employee for each full day that the 
Eligible Employee provided services under the Agreement and for each weekend day unless the 
Eligible Employee surrendered his or her accommodations.  The daily rate will not be paid for 
any period of an unexcused absence or when the Eligible Employee has surrendered the Eligible 
Employee’s accommodations during a home visit or absence (includes unavailability to work on 
weekends if trip home was taken on the weekend).  The daily rate will be reduced by $35 for each 
day of approved trips home and on the last day of providing services under the Agreement.  
Where OPG has elected to pay the daily rate for Eligible Employees who normally live together, 
the Eligible Employees are expected to share accommodations.  Adjustments may be made to the 
daily rate set out in section 6.4 if Eligible Employees share accommodations and other expenses. 
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6.6 Method of Reimbursement 
 


 OPG will pay the Contractor the applicable daily rate in accordance with the following terms: 
 


(a) Monthly Invoice.  The Contractor will provide OPG, on a monthly basis, with an invoice 
listing the number of Eligible Employees from whom the Contractor is claiming the daily rate 
and the number of days being claimed for each Eligible Employee.  The Contractor will 
ensure that the invoice includes a description of the work package or project name and project 
number (and work breakdown structure element if applicable). 
 


(b) Evidence of Expenses.  The Contractor will provide OPG with original or electronic 
photocopies itemised receipts and time sheets evidencing that the Eligible Employee attended 
the Work Site and made use of temporary accommodation on each day for which the daily 
rate is being requested. Debit card and credit card receipts are not acceptable without the 
itemised receipt.  Failure by the Contractor to comply with the requirements of this Schedule 
and the rest of the Agreement may result in delay of reimbursement of expenses or rejection 
of any invoice whole or in part. 


6.7 Absences 
 


 Unless authorised in writing by the OPG Representative, OPG will not be required to pay daily 
rates for an Eligible Employee where that Eligible Employee was absent from the Work Site 
without having been excused by the OPG Representative or where that Eligible Employee did not 
make use of the Eligible Employee’s accommodations during an absence for the Work Site (other 
than an absence required to perform services to OPG under the Agreement).  The OPG 
Representative may consider authorising payment of the daily rate for absences such as an 
infrequent sick day or medical appointments requiring exams or tests. 


Section 7 – MONTHLTY RATES 
 


 To the extent this section 7 applies to any Eligible Employee, none of the terms of section 2 to 
section 6 apply, except for any Allowable Expenses for air, rail or bus travel between and Eligible 
Employee’s reporting location and a Work Site that is reimbursable in accordance with section 3.  
Where OPG elects to pay on a monthly basis in respect of any Eligible Employee, OPG will pay 
the Contractor $1800 per month (on pro-rated portion of a month).  All the terms of section 6 
apply to the calculation of this monthly rate, with such modifications as the circumstances 
require. 
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SCHEDULE 3 


Rule 13A of the Board’s Rules of Practice and Procedure


13A. Expert Evidence  


13A.01 A party may engage, and two or more parties may jointly engage, one or more experts to give 
evidence in a proceeding on issues that are relevant to the expert’s area of expertise.  


13A.02 An expert shall assist the Board impartially by giving evidence that is fair and objective. 


13A.03 An expert’s evidence shall, at a minimum, include the following:  


(a) the expert’s name, business name and address, and general area of expertise;  


(b) the expert’s qualifications, including the expert’s relevant educational and professional 
experience in respect of each issue in the proceeding to which the expert’s evidence relates;  


(c) the instructions provided to the expert in relation to the proceeding and, where applicable, to 
each issue in the proceeding to which the expert’s evidence relates;  


(d) the specific information upon which the expert’s evidence is based, including a description of 
any factual assumptions made and research conducted, and a list of the documents relied on by 
the expert in preparing the evidence; 


(e) in the case of evidence that is provided in response to another expert’s evidence, a summary of 
the points of agreement and disagreement with the other expert’s evidence; and 


(f) an acknowledgement of the expert’s duty to the Board in Form A to these Rules, signed by 
the expert.  


13A.04 In a proceeding where two or more parties have engaged experts, the Board may require two or 
more of the experts to:  


(a) in advance of the hearing, confer with each other for the purposes of, among others, narrowing 
issues, identifying the points on which their views differ and are in agreement, and preparing a 
joint written statement to be admissible as evidence at the hearing; and  


(b) at the hearing, appear together as a concurrent expert panel for the purposes of, among others, 
answering questions from the Board and others as permitted by the Board, and providing 
comments on the views of another expert on the same panel.  


13A.05 The activities referred to in Rule 13A.04 shall be conducted in accordance with such directions as 
may be given by the Board, including as to:  


(a) scope and timing;  


(b) the involvement of any expert engaged by the Board;  


(c) the costs associated with the conduct of the activities;  


(d) the attendance or non-attendance of counsel for the parties, or of other persons, in respect of 
the activities referred to in paragraph (a) of Rule 13A.04; and  
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(e) any issues in relation to confidentiality.  


13A.06 A party that engages an expert shall ensure that the expert is made aware of, and has agreed to 
accept, the responsibilities that are or may be imposed on the expert as set out in this Rule 13A and Form 
A.  
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SCHEDULE 4 


FORM A 


Proceeding:  


ACKNOWLEDGMENT OF EXPERT’S DUTY 


1. My name is ............................................. (name). I live at  .......................  (city), in 


the  .........................  (province/state) of   ..........................   


2. I have been engaged by or on behalf of ..................................  (name of


party/parties) to provide evidence in relation to the above-noted proceeding  


before the Ontario Energy Board.


3. I acknowledge that it is my duty to provide evidence in relation to this proceeding 


as follows: 


(a) to provide opinion evidence that is fair, objective and non-partisan; 
(b) to provide opinion evidence that is related only to matters that are within my 


area of expertise; and 


(c) to provide such additional assistance as the Board may reasonably require, to 


determine a matter in issue. 


4. I acknowledge that the duty referred to above prevails over any obligation which I 


may owe to any party by whom or on whose behalf I am engaged. 


Date ..........................................   


Signature


James Coyne


January 10, 2020


Lincoln


Massachusetts United States


Ontario Power Generation
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SCHEDULE 4 


FORM A 


Proceeding:  


ACKNOWLEDGMENT OF EXPERT’S DUTY 


1. My name is ............................................. (name). I live at  .......................  (city), in 


the  .........................  (province/state) of   ..........................   


2. I have been engaged by or on behalf of ..................................  (name of


party/parties) to provide evidence in relation to the above-noted proceeding  


before the Ontario Energy Board.


3. I acknowledge that it is my duty to provide evidence in relation to this proceeding 


as follows: 


(a) to provide opinion evidence that is fair, objective and non-partisan; 
(b) to provide opinion evidence that is related only to matters that are within my 


area of expertise; and 


(c) to provide such additional assistance as the Board may reasonably require, to 


determine a matter in issue. 


4. I acknowledge that the duty referred to above prevails over any obligation which I 


may owe to any party by whom or on whose behalf I am engaged. 


Date ..........................................   


Signature


Daniel Dane


January 10, 2020


Northborough


Massachusetts United States


Ontario Power Generation
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Exhibit C1
Tab 1


Schedule 1
Table 1


Line Principal Component Cost Rate Cost of
No. Capitalization Note ($M) (%) (%) Capital ($M)


(a) (b) (c) (d)


Capitalization and Return on Capital:
1 Short-term Debt 1 97.4 0.4% 2.23% 7.2 
2 Existing/Planned Long-Term Debt 2 3,680.9 16.6% 3.65% 134.5 
3 Other Long-Term Debt Provision 3 7,316.5 33.0% 3.65% 267.4 
4   Total Debt 4 11,094.8 50.0% 3.69% 409.1 


5 Common Equity 4 11,094.8 50.0% 8.34% 925.3 


6 Rate Base Financed by Capital Structure 5 22,189.6 100.0% 6.01% 1,334.4 


7 Adjustment for Lesser of UNL or ARC 5, 6 0.0 0.0% 4.89% 0.0 


8 Rate Base 22,189.6 100% 6.01% 1,334.4 


Notes:
1


2


4


6


3 Debt required to balance capital structure with proposed rate base.  Cost rate is the same cost rate used for 
Existing/Planned Long-Term Debt (line 2). See Ex. C1-1-2, Section 5.0. 
Capital Structure proposed in Ex. C1-1-1, Attch 1. Return on Equity reflects the last Cost of Capital Parameter Update 
published by the OEB (November 9, 2020).


5 The portion of rate base to be financed by the capital structure approved by the OEB excludes the lesser of the forecast of 
the average unfunded nuclear liabilities (UNL) related to Pickering and Darlington, and the average unamortized asset 
retirement costs (ARC) included in fixed asset balances for Pickering and Darlington. 
Principal from C2-1-1 Table 2, line 30. Cost rate from Ex. C2-1-1, Section 4.1.4.


Ex. C1-1-2 Table 12, line 26.


Table 1
Capitalization and Cost of Capital


Summary of Capitalization and Cost of Capital
Calendar Year Ending December 31, 2026


Ex. C1-1-3 Table 2: Principal (line 7), Cost Rate (line 2), Cost of Capital (line 8). Cost includes interest at the cost rate 
shown plus an allocation of the credit facility cost.
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Exhibit C1
Tab 1


Schedule 1
Table 2


Line Principal Component Cost Rate Cost of
No. Capitalization Note ($M) (%) (%) Capital ($M)


(a) (b) (c) (d)


Capitalization and Return on Capital:
1 Short-term Debt 1 97.4 0.5% 1.66% 6.7 
2 Existing/Planned Long-Term Debt 2 3,686.2 17.6% 3.65% 134.7 
3 Other Long-Term Debt Provision 3 6,706.9 32.0% 3.65% 245.0 
4   Total Debt 4 10,490.5 50.0% 3.68% 386.4 


5 Common Equity 4 10,490.5 50.0% 8.34% 874.9 


6 Rate Base Financed by Capital Structure 5 20,980.9 100.0% 6.01% 1,261.3 


7 Adjustment for Lesser of UNL or ARC 5, 6 0.0 0.0% 4.89% 0.0 


8 Rate Base 20,980.9 100% 6.01% 1,261.3 


Notes:
1


2


4


6


3 Debt required to balance capital structure with proposed rate base.  Cost rate is the same cost rate used for 
Existing/Planned Long-Term Debt (line 2). See Ex. C1-1-2, Section 5.0. 
Capital Structure proposed in Ex. C1-1-1, Attch 1. Return on Equity reflects the last Cost of Capital Parameter Update 
published by the OEB (November 9, 2020).


5 The portion of rate base to be financed by the capital structure approved by the OEB excludes the lesser of the forecast of 
the average unfunded nuclear liabilities (UNL) related to Pickering and Darlington, and the average unamortized asset 
retirement costs (ARC) included in fixed asset balances for Pickering and Darlington. 
Principal from C2-1-1 Table 2, line 30. Cost rate from Ex. C2-1-1, Section 4.1.4.


Ex. C1-1-2 Table 11, line 26.


Table 2
Capitalization and Cost of Capital


Summary of Capitalization and Cost of Capital
Calendar Year Ending December 31, 2025


Ex. C1-1-3 Table 2: Principal (line 7), Cost Rate (line 2), Cost of Capital (line 8). Cost includes interest at the cost rate 
shown plus an allocation of the credit facility cost.
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Exhibit C1
Tab 1


Schedule 1
Table 3


Line Principal Component Cost Rate Cost of
No. Capitalization Note ($M) (%) (%) Capital ($M)


(a) (b) (c) (d)


Capitalization and Return on Capital:
1 Short-term Debt 1 97.4 0.5% 1.16% 6.2 
2 Existing/Planned Long-Term Debt 2 3,764.6 19.4% 3.61% 136.0 
3 Other Long-Term Debt Provision 3 5,859.5 30.1% 3.61% 211.7 
4   Total Debt 4 9,721.5 50.0% 3.64% 354.0 


5 Common Equity 4 9,721.5 50.0% 8.34% 810.8 


6 Rate Base Financed by Capital Structure 5 19,443.0 100.0% 5.99% 1,164.8 


7 Adjustment for Lesser of UNL or ARC 5, 6 0.0 0.0% 4.89% 0.0 


8 Rate Base 19,443.0 100% 5.99% 1,164.8 


Notes:
1


2


4


6


3 Debt required to balance capital structure with proposed rate base.  Cost rate is the same cost rate used for 
Existing/Planned Long-Term Debt (line 2). See Ex. C1-1-2, Section 5.0. 
Capital Structure proposed in Ex. C1-1-1, Attch 1. Return on Equity reflects the last Cost of Capital Parameter Update 
published by the OEB (November 9, 2020).


5 The portion of rate base to be financed by the capital structure approved by the OEB excludes the lesser of the forecast of 
the average unfunded nuclear liabilities (UNL) related to Pickering and Darlington, and the average unamortized asset 
retirement costs (ARC) included in fixed asset balances for Pickering and Darlington. 
Principal from C2-1-1 Table 2, line 30. Cost rate from Ex. C2-1-1, Section 4.1.4.


Ex. C1-1-2 Table 10, line 27.


Table 3
Capitalization and Cost of Capital


Summary of Capitalization and Cost of Capital
Calendar Year Ending December 31, 2024


Ex. C1-1-3 Table 2: Principal (line 7), Cost Rate (line 2), Cost of Capital (line 8). Cost includes interest at the cost rate 
shown plus an allocation of the credit facility cost.
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Exhibit C1
Tab 1


Schedule 1
Table 4


Line Principal Component Cost Rate Cost of
No. Capitalization Note ($M) (%) (%) Capital ($M)


(a) (b) (c) (d)


Capitalization and Return on Capital:
1 Short-term Debt 1 97.4 0.6% 0.78% 5.8 
2 Existing/Planned Long-Term Debt 2 4,039.6 24.0% 3.49% 140.8 
3 Other Long-Term Debt Provision 3 4,276.4 25.4% 3.49% 149.0 
4   Total Debt 4 8,413.4 50.0% 3.51% 295.7 


5 Common Equity 4 8,413.4 50.0% 8.34% 701.7 


6 Rate Base Financed by Capital Structure 5 16,826.8 100.0% 5.93% 997.3 


7 Adjustment for Lesser of UNL or ARC 5, 6 0.0 0.0% 4.89% 0.0 


8 Rate Base 16,826.8 100% 5.93% 997.3 


Notes:
1


2


4


6


3 Debt required to balance capital structure with proposed rate base.  Cost rate is the same cost rate used for 
Existing/Planned Long-Term Debt (line 2). See Ex. C1-1-2, Section 5.0. 
Capital Structure proposed in Ex. C1-1-1, Attch 1. Return on Equity reflects the last Cost of Capital Parameter Update 
published by the OEB (November 9, 2020).


5 The portion of rate base to be financed by the capital structure approved by the OEB excludes the lesser of the forecast of 
the average unfunded nuclear liabilities (UNL) related to Pickering and Darlington, and the average unamortized asset 
retirement costs (ARC) included in fixed asset balances for Pickering and Darlington. 
Principal from C2-1-1 Table 2, line 30. Cost rate from Ex. C2-1-1, Section 4.1.4.


Ex. C1-1-2 Table 9, line 29.


Table 4
Capitalization and Cost of Capital


Summary of Capitalization and Cost of Capital
Calendar Year Ending December 31, 2023


Ex. C1-1-3 Table 2: Principal (line 7), Cost Rate (line 2), Cost of Capital (line 8). Cost includes interest at the cost rate 
shown plus an allocation of the credit facility cost.
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Exhibit C1
Tab 1


Schedule 1
Table 5


Line Principal Component Cost Rate Cost of
No. Capitalization Note ($M) (%) (%) Capital ($M)


(a) (b) (c) (d)


Capitalization and Return on Capital:
1 Short-term Debt 1 97.4 0.6% 0.47% 5.5 
2 Existing/Planned Long-Term Debt 2 3,837.8 23.3% 3.61% 138.4 
3 Other Long-Term Debt Provision 3 4,305.9 26.1% 3.61% 155.2 
4   Total Debt 4 8,241.0 50.0% 3.63% 299.1 


5 Common Equity 4 8,241.0 50.0% 8.34% 687.3 


6 Rate Base Financed by Capital Structure 5 16,482.0 99.6% 5.98% 986.4 


7 Adjustment for Lesser of UNL or ARC 5, 6 73.6 0.4% 4.89% 3.6 


8 Rate Base 16,555.6 100% 5.98% 990.0 


Notes:
1


2


4


6


3 Debt required to balance capital structure with proposed rate base.  Cost rate is the same cost rate used for 
Existing/Planned Long-Term Debt (line 2). See Ex. C1-1-2, Section 5.0. 
Capital Structure proposed in Ex. C1-1-1, Attch 1. Return on Equity reflects the last Cost of Capital Parameter Update 
published by the OEB (November 9, 2020).


5 The portion of rate base to be financed by the capital structure approved by the OEB excludes the lesser of the forecast of 
the average unfunded nuclear liabilities (UNL) related to Pickering and Darlington, and the average unamortized asset 
retirement costs (ARC) included in fixed asset balances for Pickering and Darlington. 
Principal from C2-1-1 Table 2, line 30. Cost rate from Ex. C2-1-1, Section 4.1.4.


Ex. C1-1-2 Table 8, line 35.


Table 5
Capitalization and Cost of Capital


Summary of Capitalization and Cost of Capital
Calendar Year Ending December 31, 2022


Ex. C1-1-3 Table 2: Principal (line 7), Cost Rate (line 2), Cost of Capital (line 8). Cost includes interest at the cost rate 
shown plus an allocation of the credit facility cost.
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Exhibit C1
Tab 1


Schedule 1
Table 6


Line Principal Component Cost Rate Cost of
No. Capitalization Note ($M) (%) (%) Capital ($M)


(a) (b) (c) (d)


Capitalization and Return on Capital:
1 Short-term Debt 1 97.4 0.6% 0.44% 5.6 
2 Existing/Planned Long-Term Debt 2 3,676.7 22.7% 3.83% 140.8 
3 Other Long-Term Debt Provision 3 5,137.5 31.7% 3.83% 196.8 
4   Total Debt 4 8,911.6 55.0% 3.85% 343.2 


5 Common Equity 4 7,291.3 45.0% 10.24% 746.3 


6 Rate Base Financed by Capital Structure 5 16,202.9 98.0% 6.72% 1,089.5 


7 Adjustment for Lesser of UNL or ARC 5, 6 324.1 2.0% 4.89% 15.9 


8 Rate Base 16,527.1 100% 6.69% 1,105.4 


Notes:
1


2


4


6


3 Debt required to balance capital structure with proposed rate base.  Cost rate is the same cost rate used for 
Existing/Planned Long-Term Debt (line 2). See Ex. C1-1-2, Section 5.0. 
Capital Structure as approved by the OEB in EB-2016-0152. Return on Equity as calculated in Ex. I1-1-1, Table 5.


5 The portion of rate base to be financed by the capital structure approved by the OEB excludes the lesser of the forecast of 
the average unfunded nuclear liabilities (UNL) related to Pickering and Darlington, and the average unamortized asset 
retirement costs (ARC) included in fixed asset balances for Pickering and Darlington. 
Principal from C2-1-1 Table 2, line 30. Cost rate from Ex. C2-1-1, Section 4.1.4.


Ex. C1-1-2 Table 7, line 36.


Table 6
Capitalization and Cost of Capital


Summary of Capitalization and Cost of Capital
Calendar Year Ending December 31, 2021


Ex. C1-1-3 Table 2: Principal (line 7), Cost Rate (line 2), Cost of Capital (line 8). Cost includes interest at the cost rate 
shown plus an allocation of the credit facility cost.
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Exhibit C1
Tab 1


Schedule 1
Table 7


Line Principal Component Cost Rate Cost of
No. Capitalization Note ($M) (%) (%) Capital ($M)


(a) (b) (c) (d)


Capitalization and Return on Capital:
1 Short-term Debt 1 97.4 0.7% 0.70% 4.2 
2 Existing/Planned Long-Term Debt 2 3,889.3 27.6% 4.01% 156.1 
3 Other Long-Term Debt Provision 3 3,771.2 26.7% 4.01% 151.4 
4   Total Debt 4 7,757.9 55.0% 4.02% 311.7 


5 Common Equity 4 6,347.3 45.0% 13.03% 827.0 


6 Rate Base Financed by Capital Structure 5 14,105.2 97.2% 8.07% 1,138.7 


7 Adjustment for Lesser of UNL or ARC 5, 6 406.3 2.8% 4.89% 19.9 


8 Rate Base 14,511.5 100% 7.98% 1,158.6 


Notes:
1


2


4


6


3 Debt required to balance capital structure with proposed rate base.  Cost rate is the same cost rate used for 
Existing/Planned Long-Term Debt (line 2). See Ex. C1-1-2, Section 5.0. 


5 The portion of rate base to be financed by the capital structure approved by the OEB excludes the lesser of the forecast of 
the average unfunded nuclear liabilities (UNL) related to Pickering and Darlington, and the average unamortized asset 
retirement costs (ARC) included in fixed asset balances for Pickering and Darlington. 
Principal from C2-1-1, Table 2, line 30. Cost rate from Ex. C2-1-1, Section 4.1.4.


Capital Structure as approved by the OEB in EB-2016-0152. Return on Equity as calculated in Ex. I1-1-1 Table 4.


Ex. C1-1-2 Table 6, line 40.


Table 7
Capitalization and Cost of Capital


Summary of Capitalization and Cost of Capital
Calendar Year Ending December 31, 2020


Ex. C1-1-3 Table 2: Principal (line 7), Cost Rate (line 2), Cost of Capital (line 8). Cost includes interest at the cost rate 
shown plus an allocation of the credit facility cost.
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Exhibit C1
Tab 1


Schedule 1
Table 8


Line Principal Component Cost Rate Cost of
No. Capitalization Note ($M) (%) (%) Capital ($M)


(a) (b) (c) (d)


Capitalization and Return on Capital:
1 Short-term Debt 1 139.9 1.3% 1.96% 5.1 
2 Existing/Planned Long-Term Debt 2 3,962.3 36.0% 4.33% 171.4 
3 Other Long-Term Debt Provision 3 1,946.0 17.7% 4.33% 84.2 
4   Total Debt 4 6,048.2 55.0% 4.31% 260.7 


5 Common Equity 4 4,948.5 45.0% 15.72% 778.1 


6 Rate Base Financed by Capital Structure 5 10,996.7 95.7% 9.45% 1,038.8 


7 Adjustment for Lesser of UNL or ARC 5, 6 488.5 4.3% 4.90% 23.9 


8 Rate Base 11,485.1 100% 9.25% 1,062.7 


Notes:
1


2


4


6


3 Debt required to balance capital structure with proposed rate base.  Cost rate is the same cost rate used for 
Existing/Planned Long-Term Debt (line 2). See Ex. C1-1-2, Section 5.0. 


5 The portion of rate base to be financed by the capital structure approved by the OEB excludes the lesser of the forecast of 
the average unfunded nuclear liabilities (UNL) related to Pickering and Darlington, and the average unamortized asset 
retirement costs (ARC) included in fixed asset balances for Pickering and Darlington. 
Principal from C2-1-1, Table 2, line 30. Cost rate from Ex. C2-1-1, Section 4.1.4.


Capital Structure as approved in EB-2016-0152.  Return on Equity in col. (d) determined using the reconciliation approach 
discussed in EB-2013-0321 Ex. C1-1-1 Section 4.2, starting with the financial results for OPG's prescribed assets 
calculated in accordance with US GAAP.


Ex. C1-1-2 Table 5, line 44.


Table 8
Capitalization and Cost of Capital


Summary of Capitalization and Actual Cost of Capital
Calendar Year Ending December 31, 2019


Ex. C1-1-3 Table 2: Principal (line 7), Cost Rate (line 2), Cost of Capital (line 8). Cost includes interest at the cost rate 
shown plus an allocation of the credit facility cost.
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Exhibit C1
Tab 1


Schedule 1
Table 9


Line Principal Component Cost Rate Cost of
No. Capitalization Note ($M) (%) (%) Capital ($M)


(a) (b) (c) (d)


Capitalization and Return on Capital:
1 Short-term Debt 1 86.2 0.8% 1.67% 3.7 
2 Existing/Planned Long-Term Debt 2 3,783.4 35.1% 4.48% 169.5 
3 Other Long-Term Debt Provision 3 2,056.6 19.1% 4.48% 92.1 
4   Total Debt 4 5,926.2 55.0% 4.48% 265.3 


5 Common Equity 4 4,848.7 45.0% 10.74% 520.8 


6 Rate Base Financed by Capital Structure 5 10,775.0 95.0% 7.30% 786.1 


7 Adjustment for Lesser of UNL or ARC 5, 6 570.6 5.0% 4.93% 28.1 


8 Rate Base 11,345.6 100% 7.18% 814.3 


Notes:
1


2


4


6


3 Debt required to balance capital structure with proposed rate base.  Cost rate is the same cost rate used for 
Existing/Planned Long-Term Debt (line 2). See Ex. C1-1-2, Section 5.0. 


5 The portion of rate base to be financed by the capital structure approved by the OEB excludes the lesser of the forecast of 
the average unfunded nuclear liabilities (UNL) related to Pickering and Darlington, and the average unamortized asset 
retirement costs (ARC) included in fixed asset balances for Pickering and Darlington. 
Principal from C2-1-1 Table 2, line 30. Cost rate from Ex. C2-1-1, Section 4.1.4.


Capital Structure as approved in EB-2016-0152.  Return on Equity in col. (d) determined using the reconciliation approach 
discussed in EB-2013-0321 Ex. C1-1-1 Section 4.2, starting with the financial results for OPG's prescribed assets 
calculated in accordance with US GAAP.


Ex. C1-1-2 Table 4, line 45.


Table 9
Capitalization and Cost of Capital


Summary of Capitalization and Actual Cost of Capital
Calendar Year Ending December 31, 2018


Ex. C1-1-3 Table 2: Principal (line 7), Cost Rate (line 2), Cost of Capital (line 8). Cost includes interest at the cost rate 
shown plus an allocation of the credit facility cost.
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Exhibit C1
Tab 1


Schedule 1
Table 10


Line Principal Component Cost Rate Cost of
No. Capitalization Note ($M) (%) (%) Capital ($M)


(a) (b) (c) (d)


Capitalization and Return on Capital:
1 Short-term Debt 1 38.8 0.4% 1.10% 2.8 
2 Existing/Planned Long-Term Debt 2 3,016.0 28.8% 4.99% 150.4 
3 Other Long-Term Debt Provision 3 2,705.4 25.8% 4.99% 134.9 
4   Total Debt 4 5,760.3 55.0% 5.00% 288.1 


5 Common Equity 4 4,712.9 45.0% 6.02% 283.7 


6 Rate Base Financed by Capital Structure 5 10,473.2 95.4% 5.46% 571.8 


7 Adjustment for Lesser of UNL or ARC 5, 6 505.1 4.6% 4.95% 25.0 


8 Rate Base 10,978.3 100% 5.44% 596.8 


Notes:
1


2


4


6


3 Debt required to balance capital structure with proposed rate base.  Cost rate is the same cost rate used for 
Existing/Planned Long-Term Debt (line 2). See Ex. C1-1-2, Section 5.0. 


5 The portion of rate base to be financed by the capital structure approved by the OEB excludes the lesser of the forecast of 
the average unfunded nuclear liabilities (UNL) related to Pickering and Darlington, and the average unamortized asset 
retirement costs (ARC) included in fixed asset balances for Pickering and Darlington. 
Principal from C2-1-1 Table 2, line 30. Cost rate from Ex. C2-1-1, Section 4.1.4.


Capital Structure as approved in EB-2016-0152 and EB-2013-0321. Return on Equity in col. (d) determined using the 
reconciliation approach discussed in EB-2013-0321 Ex. C1-1-1 Section 4.2, starting with the financial results for OPG's 
prescribed assets calculated in accordance with US GAAP.


Ex. C1-1-2 Table 3, line 46.


Table 10
Capitalization and Cost of Capital


Summary of Capitalization and Actual Cost of Capital
Calendar Year Ending December 31, 2017


Ex. C1-1-3 Table 2: Principal (line 7), Cost Rate (line 2), Cost of Capital (line 8). Cost includes interest at the cost rate 
shown plus an allocation of the credit facility cost.
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Line Principal Component Cost Rate Cost of
No. Capitalization Note ($M) (%) (%) Capital ($M)


(a) (b) (c) (d)


Capitalization and Return on Capital:
1 Short-term Debt 1 8.0 0.1% 0.79% 2.4 
2 Existing/Planned Long-Term Debt 2 3,005.8 30.1% 5.23% 157.3 
3 Other Long-Term Debt Provision 3 2,487.0 24.9% 5.23% 130.2 
4   Total Debt 4 5,500.9 55.0% 5.27% 290.0 


5 Common Equity 4 4,500.7 45.0% 3.81% 171.5 


6 Rate Base Financed by Capital Structure 5 10,001.6 92.4% 4.61% 461.4 


7 Adjustment for Lesser of UNL or ARC 5, 6 825.7 7.6% 5.11% 42.2 


8 Rate Base 10,827.2 100% 4.65% 503.6 


Notes:
1


2


4


6


Ex. C1-1-2 Table 2, line 41.


Table 11
Capitalization and Cost of Capital


Summary of Capitalization and Actual Cost of Capital
Calendar Year Ending December 31, 2016


Ex. C1-1-3 Table 2: Principal (line 7), Cost Rate (line 2), Cost of Capital (line 8). Cost includes interest at the cost rate 
shown plus an allocation of the credit facility cost.


Principal from C2-1-1 Table 2, line 30. Cost rate from Ex. C2-1-1, Section 4.1.4.


3 Debt required to balance capital structure with proposed rate base.  Cost rate is the same cost rate used for 
Existing/Planned Long-Term Debt (line 2). See Ex. C1-1-2, Section 5.0. 
Capital Structure as approved in EB-2013-0321.  Return on Equity in col. (d) determined using the reconciliation approach 
discussed in EB-2013-0321 Ex. C1-1-1 Section 4.2, starting with the financial results for OPG's prescribed assets 
calculated in accordance with US GAAP.


5 The portion of rate base to be financed by the capital structure approved by the OEB excludes the lesser of the forecast of 
the average unfunded nuclear liabilities (UNL) related to Pickering and Darlington, and the average unamortized asset 
retirement costs (ARC) included in fixed asset balances for Pickering and Darlington. 
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COST OF LONG-TERM DEBT 1 


 2 


1.0 PURPOSE 3 


This evidence describes the methodology used to determine the long-term debt and 4 


associated cost for OPG’s regulated operations for the IR term. It also provides details of 5 


OPG’s existing and planned long-term borrowing and associated costs for 2016 to 2026.  6 


 7 


2.0 OVERVIEW 8 


The long-term debt supporting OPG’s regulated operations is comprised of existing and 9 


planned long-term debt issues plus a long-term debt provision required to reconcile OPG’s 10 


regulated debt to its OEB-approved capital structure. The summary of capitalization for the 11 


IR term is provided in Ex. C1-1-1, Tables 1 through 11. 12 


 13 


OPG established a Medium Term Notes program in September 2017 to access the public 14 


debt market. The Medium Term Notes program diversifies OPG’s source of funding beyond 15 


the existing credit facility with the Ontario Electricity Financial Corporation (“OEFC”), with 16 


comparable financing costs.  17 


 18 


In line with OPG’s focus on supporting climate change strategies, certain of the Medium 19 


Term Notes are issued as Green Bonds to finance eligible projects that offer tangible 20 


environmental benefits, as defined under OPG’s Green Bond Framework, such as 21 


investments that help to supply energy from renewable sources. OPG’s inaugural Green 22 


Bond issuance was in 2018. 23 


 24 


OPG has used the same methodology to determine the regulated portion of existing and 25 


planned long-term debt as was approved by the OEB in previous payment amounts 26 


proceedings.  27 
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3.0 METHODOLOGY  1 


3.1 Project-Related Long-Term Debt Issues  2 


OPG assigns all existing and planned financing related to specific projects and other 3 


investments to regulated or unregulated operations based on whether the investment is 4 


related to its regulated assets. This approach includes the Green Bond portion of the long-5 


term debt portfolio, which is assigned on the basis of the actual allocation of funding 6 


proceeds to underlying eligible projects and investments. All financing related to projects and 7 


other specific investments that is not associated with OPG’s regulated assets is assigned to 8 


unregulated operations.  9 
 10 
3.2 Corporate Long-Term Debt Issues 11 


The portfolio of long-term debt remaining after assignment of financing related to specific 12 


projects and other investments is allocated to regulated and unregulated operations 13 


(“remaining long-term debt”).   14 


 15 


For the IR term, OPG has applied the allocation methodology approved by the OEB in prior 16 


payment amounts proceedings. Under this methodology, the book value of OPG’s net fixed 17 


assets (gross fixed assets less accumulated depreciation plus construction work in progress 18 


plus other debt funded assets) is used to allocate the remaining long-term debt.1 The net 19 


fixed asset values are adjusted to remove asset values that were financed pursuant to 20 


project-related arrangements, and nuclear liabilities (the lesser of OPG’s asset retirement 21 


cost and unfunded nuclear liabilities). The adjusted relative net fixed asset ratio is then 22 


applied to OPG’s remaining long-term debt to determine the amount of existing/planned debt 23 


to be included in the long-term debt component of OPG’s capital structure for its regulated 24 


assets.  25 


 26 


The allocation ratios are used to allocate company-wide borrowing in Ex. C1-1-2, Table 2 27 


(2016) through Ex. C1-1-2, Table 12 (2026). The allocation ratios are calculated in Ex. C1-1-28 


2, Table 1. Consistent with the approach in prior payment amounts proceedings, OPG has 29 


                                            
1 “Other funded assets” includes OPG debt funded portion of long-term receivable balance from Fair Hydro Trust, 
which arose subsequent to EB-2016-0152 and is not part of regulated operations. 
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used information from its most recent audited financial statements (2019) to develop the 1 


allocation factor for 2020 to 2026.   2 


 


4.0 COST OF EXISTING AND PLANNED NEW DEBT ISSUES 3 


4.1 Existing Debt Issues 4 


OPG’s debt continuity schedules (Ex. C1-1-2, Tables 2 through 5) provide the actual cost of 5 


debt issued and outstanding between January 1, 2016 and December 31, 2019.2 The 6 


average remaining term of these long-term debt issues is approximately 17 years as at 7 


December 31, 2019.  8 


 9 


Existing OEFC corporate debt and Medium Term Notes will be retired or refinanced at 10 


maturity depending on OPG’s liquidity at that time. OPG does not plan to redeem the debt 11 


prior to its maturity since both the OEFC credit agreement and the Trust Indenture contain 12 


call provisions that make it more expensive to redeem the debt compared to the potential 13 


benefit of refinancing in a lower interest rate environment.  14 


 15 


OPG’s long-term debt outstanding at December 31, 2019, as reflected in OPG’s 2019 16 


financial results, is $8,233M. Project-related debt for OPG’s regulated operations includes 17 


$575M of debt held by the OEFC for the Niagara Tunnel, $418M of green bond proceeds 18 


assigned to regulated hydroelectric projects and $25M of nuclear related insurance-linked 19 


bonds.3 The portion of project-related debt directly associated with unregulated operations is 20 


$4,155M. The remaining $3,060M of corporate debt is allocated to regulated and unregulated 21 


operations based on the methodology described in Section 3.2.  22 


 23 


4.2 Interest Rate on Planned New Debt Issues 24 


The rate of interest on OPG’s debt is determined using the same methodology as described 25 


in prior OEB payment amounts applications. For both the Medium Term Notes and the OEFC 26 


debt, interest rates are determined based on market conditions as well as OPG specific 27 


                                            
2 Long-term debt outstanding prior to January 1, 2016 is detailed in EB-2016-0152 Ex. C1-1-2 Table 2 (2013), 
Table 3 (2014) and Table 4 (2015). 
3 Insurance-linked bonds are denoted as “ILB” in tables accompanying this schedule. 
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credit considerations. In considering OPG specific credit conditions, investors analyze OPG’s 1 


creditworthiness with the use of available information, including comparing credit ratings of 2 


issuers and credit opinion reports from the credit rating agencies. As a result, the interest 3 


rate of the Medium Term Notes and the OEFC debt is comparable. 4 


 5 


For the OEFC debt, the interest is based on the prevailing benchmark Government of 6 


Canada bond for the corresponding term of the debt, as published by a verifiable market 7 


monitoring service on the day prior to the date funds are advanced, plus a credit margin 8 


determined five business days before the date funds are advanced. The credit margin is 9 


determined based on a sample of quotes for OPG’s credit margin as provided by a selected 10 


group of Canadian banks.4 Similarly, the interest rate for the Medium Term Notes is based 11 


on the benchmark Government of Canada bond rate plus the credit spread set by the capital 12 


market at the time the note is offered to investors.    13 


 


The cost of planned new and refinanced corporate debt and project-related debt for 2020 to 14 


2026 is based on a forecast of the 10-year Long Canada Bond published in September 2020 15 


by Global Insight, a third party independent market source, as shown in Chart 1. 16 


 17 


Chart 1:  18 
Forecast 10-year Long Canada Bond Rates (%) 19 


 20 
Year Q1 Q2 Q3 Q4 
2021 0.64 0.71 0.79 0.88 
2022 0.95 1.03 1.1 1.16 
2023 1.21 1.22 1.24 1.27 
2024 1.3 1.36 1.41 1.47 
2025 1.53 1.6 1.66 1.72 
2026 1.79 1.86 1.92 1.99 


 21 


                                            
4 The credit margin will be the same for corporate and project-related debt as the credit margin evaluates OPG as 
a borrowing entity rather than a particular project. 
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OPG’s credit spread at September 30, 2020 was 148 basis points. This spread has been 1 


added to the Global Insight rates noted in Chart 1 to determine the forecast rate for OPG’s 2 


planned debt in 2021-2026, as shown in Chart 2.5 3 


 4 


Chart 2: 5 


Forecast 10-year Long Canada Bond Rates Plus Credit Risk Spread (%) 6 
 


Year Q1 Q2 Q3 Q4 


2021 2.12 2.19 2.27 2.36 


2022 2.43 2.51 2.58 2.64 


2023 2.69 2.70 2.72 2.75 


2024 2.78 2.84 2.89 2.95 


2025 3.01 3.08 3.14 3.20 


2026 3.27 3.34 3.40 3.47 


 
 7 


4.3 Planned Long-Term Debt Issues 8 


The total amounts of planned debt issues (total corporate and prescribed facilities projected-9 


related) are listed in Ex. C1-1-2, Table 7a (2021), Table 8a (2022), Table 9a (2023), Table 10 


10a (2024), Table 11a (2025), and Table 12a (2026). Maturing and new debt issues (total 11 


corporate and Niagara Tunnel) are summarized in Chart 3 below.  12 


 13 


Chart 3:  14 


Long-Term Debt Retirements and Planned Issues ($M) 15 


 2021 2022 2023 2024 2025 2026 Total 
Debt Issues Maturing $185  $175  $40  $400  $0  $50  $850  
Planned New Debt Issues $200  $550  $75 $0  $0 $0  $825  


 16 


                                            
5 There are no remaining forecasted debt issues in 2020. Ex. C1-1-2, Tables 6 and 6a reflect actual issues during 
the year. 
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Included in the planned new debt issues above is $100M of debt attributed to the Sir Adam 1 


Beck I Hydroelectric GS Units G1 and G2 Replacement project, which is directly assigned to 2 


the regulated operations in the calculation of the long-term debt cost. OPG expects to issue 3 


Green Bonds in 2022 toward this project. 4 


 5 


5.0 OTHER LONG-TERM DEBT  6 


As discussed above, OPG finances long-term assets with long-term financing. Consistent 7 


with the methodology approved in prior OPG proceedings, OPG has used a provision for 8 


long-term debt to reconcile the debt component of its regulated capital structure with the 9 


proposed rate base that financing supports. OPG’s other long-term debt provision is 10 


determined based on the following approach: 11 


• The total debt for regulated operations is determined by applying OPG’s proposed capital 12 


structure to its proposed regulated rate base. 13 


• The actual and projected project-related and corporate long-term debt assigned or 14 


allocated to OPG’s regulated operations is deducted. 15 


• The actual and projected portion of short-term debt allocated to regulated operations is 16 


deducted. This calculation is described in Ex. C1-1-3. 17 


• The result is the residual long-term debt.  18 


 19 


Consistent with prior OPG proceedings, OPG has applied the rate for its existing and 20 


planned long-term debt to the other long term debt provision. 21 
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Line
No. Asset Note 2016 2017 2018 2019


(a) (b) (c) (d)
Company-Wide:


1   Net Fixed Assets 6 16,594.0 17,383.6 18,094.3 20,372.8 
2   Construction Work in Progress 7 3,502.9 4,130.4 5,238.2 6,027.8 
3   Asset Values Using Project Financing (4,681.3) (4,659.9) (5,622.3) (7,505.1)
4 Adjusted Net Fixed Assets 15,415.5 16,854.2 17,710.3 18,895.6 


5 Adjustment for Lesser of UNL or ARC 1,2 4,661.3 3,131.0 3,383.8 3,339.1 
6 Adjusted Net Fixed Funded Assets  (line 4 - line 5) 10,754.2 13,723.3 14,326.5 15,556.5 


Regulated Operations
7   Net Fixed Assets 3 10,005.0 10,536.2 10,671.5 11,143.3 
8   Construction Work in Progress 7 3,156.4 4,011.9 5,060.3 5,891.5 
9   Asset Values Using Project Financing 4 (1,346.0) (1,330.7) (1,650.2) (1,706.8)
10 Adjusted Net Fixed Assets 11,815.4 13,217.4 14,081.6 15,328.0 


11 Adjustment for Lesser of UNL or ARC 1, 5 825.7 505.1 570.6 488.5 
12 Adjusted Net Fixed Funded Assets  (line 10 - line 11) 10,989.7 12,712.3 13,510.9 14,839.6 


13 Total Regulated/Company-Wide Adjusted Net Fixed Funded Assets 100.0% 92.6% 94.3% 95.4%
(line 12 / line 6 if <100%)


Notes:
1


2
Table to Note 2
Line
No. 2016 2017 2018 2019


(a) (b) (c) (d)


1a 1,063.1 703.9 753.6 672.1 
2a 11,170.2 10,284.0 10,741.5 11,157.6 
3a 7,572.0 7,856.9 8,111.3 8,375.8 
4a 4,661.3 3,131.0 3,383.8 3,454.0 


5a 825.7 505.1 570.6 488.5 
6a 4,340.8 2,943.8 2,919.8 2,850.6 
7a 5,166.5 3,448.9 3,490.4 3,339.1 


8a 4,661.3 3,131.0 3,383.8 3,339.1 


3


4


5 From Ex. C2-1-1 Table 2, line 30.
6
7


  C2-1-1 Table 3, line 18 


Table 1
Capitalization and Cost of Capital


Allocation of Existing Long-term Debt ($M)


Reflects OEB direction to adjust the allocation of existing long-term debt to regulated operations to reflect the OEB's decision with respect to the 
unfunded nuclear liabilities (EB-2007-0905 Decision with Reasons, p. 165).


 Company-Wide Lesser of UNL and ARC 


 Company-Wide UNL: 
 C2-1-1 Table 2, line 21 
  C2-1-1 Table 3, line 12 


Methodology is as reflected in the prior OPG payment amounts applications. Company-wide adjustment is derived as follows: 


Amount


The term "adjusted" included in the line description in previous applications has been removed for greater clarity; there has been no change to the 
underlying methodology or values.


 Lesser of Company Wide UNL and ARC 


Represents closing net book value of property, plant & equipment and intangible assets of the regulated business reflected in the calculation of 
actual rate base.


 = Company Wide UNL 


 Company-Wide ARC: 
 C2-1-1 Table 2, line 28 


 + C2-1-1 Table 3, line 25 
 = Company Wide ARC 


Represents closing net book value of property, plant & equipment and intangible assets, and other debt funded assets of OPG's consolidated 


Represents the closing net book value of the Niagara Tunnel Project and, beginning in 2018, regulated operations projects funded by Green Bonds.
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Line  Weighted  Issue Duration Maturity Effective Annual
No. Issue Note Principal* ($M) Date (years) Date Rate (%) Cost ($M)


(a) (b) (c) (d) (e) (f)


Company-Wide Borrowing


Issues 1 to 16 and Issues 22 and 24 Matured Prior to 2016
1 Issue 17 100.0 6/22/2007 10.0 6/22/2017 5.44% 5.4 
2 Issue 18 200.0 9/24/2007 10.0 9/22/2017 5.53% 11.1 
3 Issue 19 400.0 12/21/2007 9.8 9/22/2017 5.31% 21.2 
4 Issue 20 200.0 3/22/2008 10.0 3/22/2018 5.35% 10.7 
5 Issue 21 100.0 3/22/2009 10.0 3/22/2019 5.65% 5.7 
6 Issue 23 230.0 3/22/2010 10.0 3/22/2020 4.68% 10.8 
7 Issue 25 230.0 9/22/2010 10.0 9/22/2020 4.39% 10.1 
8 Issue 26 150.0 3/22/2011 30.0 3/22/2041 5.40% 8.1 
9 Issue 27 150.0 9/22/2011 30.0 9/22/2041 4.74% 7.1 


10 Issue 28 200.0 3/22/2012 30.0 3/22/2042 4.36% 8.7 
11 Issue 29 1 5.5 11/22/2016 10.0 11/22/2026 3.04% 0.2 
12 Issue 30 2 5.5 11/22/2016 30.0 11/22/2046 4.03% 0.2 
13 Total 1,971.0 5.04% 99.3 


Regulated Portion of Company-Wide Borrowing
14 Allocation 5 1,971.0 5.04% 99.3 


Project Financing - Regulated Projects
15 Niagara 1 4 129.8 10/22/2006 10.0 10/22/2016 5.23% 6.8 
16 Niagara 2 50.0 1/22/2007 10.0 1/22/2017 5.10% 2.5 
17 Niagara 3 30.0 4/23/2007 10.0 4/22/2017 5.09% 1.5 
18 Niagara 4 40.0 1/22/2008 10.0 1/22/2018 5.53% 2.2 
19 Niagara 5 30.0 4/22/2008 10.0 4/22/2018 5.90% 1.8 
20 Niagara 6 30.0 7/22/2008 10.0 7/22/2018 5.87% 1.8 
21 Niagara 7 30.0 1/22/2009 10.0 1/22/2019 8.41% 2.5 
22 Niagara 8 35.0 4/22/2009 10.0 4/22/2019 7.71% 2.7 
23 Niagara 9 35.0 7/22/2009 10.0 7/22/2019 6.41% 2.2 
24 Niagara 10 50.0 10/22/2009 10.0 10/22/2019 5.63% 2.8 
25 Niagara 11 50.0 1/22/2010 10.0 1/22/2020 5.44% 2.7 
26 Niagara 12 65.0 4/22/2010 10.0 4/22/2020 5.73% 3.7 
27 Niagara 13 35.0 7/22/2010 10.0 7/22/2020 5.57% 1.9 
28 Niagara 14 50.0 10/22/2010 10.0 10/22/2020 4.87% 2.4 
29 Niagara 15 40.0 1/24/2011 10.0 1/22/2021 5.18% 2.1 
30 Niagara 16 35.0 4/26/2011 10.0 4/22/2021 5.34% 1.9 
31 Niagara 17 50.0 7/22/2011 10.0 7/22/2021 5.24% 2.6 
32 Niagara 18 60.0 10/24/2011 10.0 10/22/2021 5.74% 3.4 
33 Niagara 19 40.0 1/22/2012 10.0 1/22/2022 5.50% 2.2 
34 Niagara 20 35.0 4/22/2012 10.0 4/22/2022 5.36% 1.9 
35 Niagara 21 45.0 7/22/2012 10.0 7/22/2022 5.51% 2.5 
36 Niagara 22 30.0 10/22/2012 10.0 10/22/2022 5.52% 1.7 
37 Niagara 23 20.0 1/22/2013 10.0 1/22/2023 5.35% 1.1 
38 Niagara 24 20.0 4/22/2013 10.0 4/22/2023 5.37% 1.1 
39 ILB 1 3 0.1 12/29/2016 5.0 1/4/2022 5.69% 0.0 
40 Total 1,034.9 5.61% 58.1 


Total Regulated Funded Long-Term Debt
41 Line 14+40 3,005.8 5.23% 157.3 


See Ex. C1-1-2 Table 2a for notes
* For debt issues that are issued or mature during the year the face value is reduced to reflect only that


 portion of the year the debt issue is financing the rate base.


Table 2
Capitalization and Cost of Capital


Summary of Existing Long-Term Debt ($M)
Outstanding During Calendar Year Ending Dec. 31, 2016
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Issue Weighted
Issue Date Face Value ($M) Effective Days Principal ($M)


Note 1 Issue 29 11/22/2016 50.0 40.0 5.5 
Note 2 Issue 30 11/22/2016 50.0 40.0 5.5 
Note 3 ILB 1 12/29/2016 15.0 3.0 0.1 


Maturity Weighted
Issue Date Face Value ($M) Effective Days Principal ($M)


Note 4 Niagara 1 10/22/2016 160.0 296.0 129.8 


Note 5 Allocation ratio as per Ex. C1-1-2 Table 1, line 13, col (a).


Table 2a
Capitalization and Cost of Capital


Summary of Existing Long-Term Debt ($M)
Outstanding During Calendar Year Ending Dec. 31, 2016


Notes to Ex. C1-1-2, Table 2
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Line  Weighted  Issue Duration Maturity Effective Annual
No. Issue Note Principal* ($M) Date (years) Date Rate (%) Cost ($M)


(a) (b) (c) (d) (e) (f)


Company-Wide Borrowing


Issues 1 to 16 and Issues 22 and 24 Matured Prior to 2017
1 Issue 17 7 47.1 6/22/2007 10.0 6/22/2017 5.44% 2.6 
2 Issue 18 8 144.7 9/24/2007 10.0 9/22/2017 5.53% 8.0 
3 Issue 19 9 289.3 12/21/2007 9.8 9/22/2017 5.31% 15.4 
4 Issue 20 200.0 3/22/2008 10.0 3/22/2018 5.35% 10.7 
5 Issue 21 100.0 3/22/2009 10.0 3/22/2019 5.65% 5.7 
6 Issue 23 230.0 3/22/2010 10.0 3/22/2020 4.68% 10.8 
7 Issue 25 230.0 9/22/2010 10.0 9/22/2020 4.39% 10.1 
8 Issue 26 150.0 3/22/2011 30.0 3/22/2041 5.40% 8.1 
9 Issue 27 150.0 9/22/2011 30.0 9/22/2041 4.74% 7.1 


10 Issue 28 200.0 3/22/2012 30.0 3/22/2042 4.36% 8.7 
11 Issue 29 50.0 11/22/2016 10.0 11/22/2026 3.04% 1.5 
12 Issue 30 50.0 11/22/2016 30.0 11/22/2046 4.03% 2.0 
13 Issue 31 1 171.5 2/22/2017 30.0 2/22/2047 4.12% 7.1 
14 Issue 32 2 52.9 6/22/2017 30.0 6/22/2047 3.65% 1.9 
15 Issue 33 3 36.2 8/22/2017 30.0 8/22/2047 3.86% 1.4 
16 Issue 34 4 110.7 9/22/2017 30.0 9/22/2047 4.07% 4.5 
17 Issue 35 5, 13 123.8 10/2/2017 10.0 10/4/2027 3.43% 4.2 
18 Total 2,336.1 4.70% 109.7 


Regulated Portion of Company-Wide Borrowing
19 Allocation 12 2,164.0 4.70% 101.6 


Project Financing - Regulated Projects


Niagara 1 Matured Prior to 2017
20 Niagara 2 10 2.9 1/22/2007 10.0 1/22/2017 5.10% 0.1 
21 Niagara 3 11 9.1 4/23/2007 10.0 4/22/2017 5.09% 0.5 
22 Niagara 4 40.0 1/22/2008 10.0 1/22/2018 5.53% 2.2 
23 Niagara 5 30.0 4/22/2008 10.0 4/22/2018 5.90% 1.8 
24 Niagara 6 30.0 7/22/2008 10.0 7/22/2018 5.87% 1.8 
25 Niagara 7 30.0 1/22/2009 10.0 1/22/2019 8.41% 2.5 
26 Niagara 8 35.0 4/22/2009 10.0 4/22/2019 7.71% 2.7 
27 Niagara 9 35.0 7/22/2009 10.0 7/22/2019 6.41% 2.2 
28 Niagara 10 50.0 10/22/2009 10.0 10/22/2019 5.63% 2.8 
29 Niagara 11 50.0 1/22/2010 10.0 1/22/2020 5.44% 2.7 
30 Niagara 12 65.0 4/22/2010 10.0 4/22/2020 5.73% 3.7 
31 Niagara 13 35.0 7/22/2010 10.0 7/22/2020 5.57% 1.9 
32 Niagara 14 50.0 10/22/2010 10.0 10/22/2020 4.87% 2.4 
33 Niagara 15 40.0 1/24/2011 10.0 1/22/2021 5.18% 2.1 
34 Niagara 16 35.0 4/26/2011 10.0 4/22/2021 5.34% 1.9 
35 Niagara 17 50.0 7/22/2011 10.0 7/22/2021 5.24% 2.6 
36 Niagara 18 60.0 10/24/2011 10.0 10/22/2021 5.74% 3.4 
37 Niagara 19 40.0 1/22/2012 10.0 1/22/2022 5.50% 2.2 
38 Niagara 20 35.0 4/22/2012 10.0 4/22/2022 5.36% 1.9 
39 Niagara 21 45.0 7/22/2012 10.0 7/22/2022 5.51% 2.5 
40 Niagara 22 30.0 10/22/2012 10.0 10/22/2022 5.52% 1.7 
41 Niagara 23 20.0 1/22/2013 10.0 1/22/2023 5.35% 1.1 
42 Niagara 24 20.0 4/22/2013 10.0 4/22/2023 5.37% 1.1 
43 ILB 1 15.0 12/29/2016 5.0 1/4/2022 5.85% 0.9 
44 ILB 2 6 0.0 12/29/2017 4.0 1/4/2022 6.29% 0.0 
45 Total 852.0 5.72% 48.7 


Total Regulated Funded Long-Term Debt
46 Line 19+45 3,016.0 4.99% 150.4 


* For debt issues that are issued or mature during the year the face value is reduced to reflect only that  portion of the 
year the debt issue is financing the rate base.


Table 3
Capitalization and Cost of Capital


Summary of Existing Long-Term Debt ($M)
Outstanding During Calendar Year Ending Dec. 31, 2017


See Ex. C1-1-2 Table 3a for notes
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Issue Weighted
Issue Date Face Value ($M) Effective Days Principal ($M)


Note 1 Issue 31 2/22/2017 200.0 313.0 171.5 
Note 2 Issue 32 6/22/2017 100.0 193.0 52.9 
Note 3 Issue 33 8/22/2017 100.0 132.0 36.2 
Note 4 Issue 34 9/22/2017 400.0 101.0 110.7 
Note 5 Issue 35 10/2/2017 496.5 91.0 123.8 
Note 6 ILB 2 12/29/2017 4.3 3.0 0.0 


Maturity Weighted
Issue Date Face Value ($M) Effective Days Principal ($M)


Note 7 Issue 17 6/22/2017 100.0 172.0 47.1 
Note 8 Issue 18 9/22/2017 200.0 264.0 144.7 
Note 9 Issue 19 9/22/2017 400.0 264.0 289.3 
Note 10 Niagara 2 1/22/2017 50.0 21.0 2.9 
Note 11 Niagara 3 4/22/2017 30.0 111.0 9.1 


Note 12
Note 13 Issuance costs of $3.5M are deducted from the face value


Table 3a
Capitalization and Cost of Capital


Summary of Existing Long-Term Debt ($M)
Outstanding During Calendar Year Ending Dec. 31, 2017


Notes to Ex. C1-1-2, Table 3


Allocation ratio as per Ex. C1-1-2 Table 1, line 13, col (b). 
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Line  Weighted  Issue Duration Maturity Effective Annual
No. Issue Note Principal* ($M) Date (years) Date Rate (%) Cost ($M)


(a) (b) (c) (d) (e) (f)


Company-Wide Borrowing


Issues 1 to 19 and Issues 22 and 24 Matured Prior to 2018
1 Issue 20 5 43.8 3/22/2008 10.0 3/22/2018 5.35% 2.3 
2 Issue 21 100.0 3/22/2009 10.0 3/22/2019 5.65% 5.7 
3 Issue 23 230.0 3/22/2010 10.0 3/22/2020 4.68% 10.8 
4 Issue 25 230.0 9/22/2010 10.0 9/22/2020 4.39% 10.1 
5 Issue 26 150.0 3/22/2011 30.0 3/22/2041 5.40% 8.1 
6 Issue 27 150.0 9/22/2011 30.0 9/22/2041 4.74% 7.1 
7 Issue 28 200.0 3/22/2012 30.0 3/22/2042 4.36% 8.7 
8 Issue 29 50.0 11/22/2016 10.0 11/22/2026 3.04% 1.5 
9 Issue 30 50.0 11/22/2016 30.0 11/22/2046 4.03% 2.0 
10 Issue 31 200.0 2/22/2017 30.0 2/22/2047 4.12% 8.2 
11 Issue 32 100.0 6/22/2017 30.0 6/22/2047 3.65% 3.6 
12 Issue 33 100.0 8/22/2017 30.0 8/22/2047 3.86% 3.9 
13 Issue 34 400.0 9/22/2017 30.0 9/22/2047 4.07% 16.3 
14 Issue 35 496.5 10/2/2017 10.0 10/4/2027 3.43% 17.0 
15 Issue 36 1 188.5 1/22/2018 30.0 1/22/2048 3.87% 7.3 
16 Issue 37 2 312.3 3/22/2018 30.0 3/22/2048 4.00% 12.5 
17 Total 3,001.1 4.17% 125.1 


Regulated Portion of Company-Wide Borrowing
18 Allocation 9 2,830.3 4.17% 118.0 


Project Financing - Regulated Projects


Niagara 1 to 3 Matured Prior to 2018
19 Niagara 4 6 2.3 1/22/2008 10.0 1/22/2018 5.53% 0.1 
20 Niagara 5 7 9.1 4/22/2008 10.0 4/22/2018 5.90% 0.5 
21 Niagara 6 8 16.6 7/22/2008 10.0 7/22/2018 5.87% 1.0 
22 Niagara 7 30.0 1/22/2009 10.0 1/22/2019 8.41% 2.5 
23 Niagara 8 35.0 4/22/2009 10.0 4/22/2019 7.71% 2.7 
24 Niagara 9 35.0 7/22/2009 10.0 7/22/2019 6.41% 2.2 
25 Niagara 10 50.0 10/22/2009 10.0 10/22/2019 5.63% 2.8 
26 Niagara 11 50.0 1/22/2010 10.0 1/22/2020 5.44% 2.7 
27 Niagara 12 65.0 4/22/2010 10.0 4/22/2020 5.73% 3.7 
28 Niagara 13 35.0 7/22/2010 10.0 7/22/2020 5.57% 1.9 
29 Niagara 14 50.0 10/22/2010 10.0 10/22/2020 4.87% 2.4 
30 Niagara 15 40.0 1/24/2011 10.0 1/22/2021 5.18% 2.1 
31 Niagara 16 35.0 4/26/2011 10.0 4/22/2021 5.34% 1.9 
32 Niagara 17 50.0 7/22/2011 10.0 7/22/2021 5.24% 2.6 
33 Niagara 18 60.0 10/24/2011 10.0 10/22/2021 5.74% 3.4 
34 Niagara 19 40.0 1/22/2012 10.0 1/22/2022 5.50% 2.2 
35 Niagara 20 35.0 4/22/2012 10.0 4/22/2022 5.36% 1.9 
36 Niagara 21 45.0 7/22/2012 10.0 7/22/2022 5.51% 2.5 
37 Niagara 22 30.0 10/22/2012 10.0 10/22/2022 5.52% 1.7 
38 Niagara 23 20.0 1/22/2013 10.0 1/22/2023 5.35% 1.1 
39 Niagara 24 20.0 4/22/2013 10.0 4/22/2023 5.37% 1.1 
40 ILB 1 15.0 12/29/2016 5.0 1/4/2022 6.53% 1.0 
41 ILB 2 4.3 12/29/2017 4.0 1/4/2022 6.53% 0.3 
42 ILB 3 4 0.0 12/31/2018 3.0 1/4/2022 7.06% 0.0 
43 Green Bond 1 3 180.8 6/22/2018 30.0 6/22/2048 3.92% 7.1 
44 Total 953.2 5.40% 51.5 


Total Regulated Funded Long-Term Debt
45 Line 18+44 3,783.4 4.48% 169.5 


* For debt issues that are issued or mature during the year the face value is reduced to reflect only that  portion of the 
year the debt issue is financing the rate base.


Table 4
Capitalization and Cost of Capital


Summary of Existing Long-Term Debt ($M)
Outstanding During Calendar Year Ending Dec. 31, 2018


See Ex. C1-1-2 Table 4a for notes
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Issue Weighted
Issue Date Face Value ($M) Effective Days Principal ($M)


Note 1 Issue 36 1/22/2018 200.0 344.0 188.5 
Note 2 Issue 37 3/22/2018 400.0 285.0 312.3 
Note 3 Green Bond 1 6/22/2018 342.0 193.0 180.8 
Note 4 ILB 3 12/31/2018 2.2 1.0 0.0 


Maturity Weighted
Issue Date Face Value ($M) Effective Days Principal ($M)


Note 5 Issue 20 3/22/2018 200.0 80.0 43.8 
Note 6 Niagara 4 1/22/2018 40.0 21.0 2.3 
Note 7 Niagara 5 4/22/2018 30.0 111.0 9.1 
Note 8 Niagara 6 7/22/2018 30.0 202.0 16.6 


Note 9 Allocation ratio as per Ex. C1-1-2 Table 1, line 13, col (c). 


Table 4a
Capitalization and Cost of Capital


Summary of Existing Long-Term Debt ($M)
Outstanding During Calendar Year Ending Dec. 31, 2018


Notes to Ex. C1-1-2, Table 4
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Line  Weighted  Issue Duration Maturity Effective Annual
No. Issue Note Principal* ($M) Date (years) Date Rate (%) Cost ($M)


(a) (b) (c) (d) (e) (f)


Company-Wide Borrowing


Issues 1 to 20 and Issues 22 and 24 Matured Prior to 2019
1 Issue 21 4 22.2 3/22/2009 10.0 3/22/2019 5.65% 1.3 
2 Issue 23 230.0 3/22/2010 10.0 3/22/2020 4.68% 10.8 
3 Issue 25 230.0 9/22/2010 10.0 9/22/2020 4.39% 10.1 
4 Issue 26 150.0 3/22/2011 30.0 3/22/2041 5.40% 8.1 
5 Issue 27 150.0 9/22/2011 30.0 9/22/2041 4.74% 7.1 
6 Issue 28 200.0 3/22/2012 30.0 3/22/2042 4.36% 8.7 
7 Issue 29 50.0 11/22/2016 10.0 11/22/2026 3.04% 1.5 
8 Issue 30 50.0 11/22/2016 30.0 11/22/2046 4.03% 2.0 
9 Issue 31 200.0 2/22/2017 30.0 2/22/2047 4.12% 8.2 


10 Issue 32 100.0 6/22/2017 30.0 6/22/2047 3.65% 3.6 
11 Issue 33 100.0 8/22/2017 30.0 8/22/2047 3.86% 3.9 
12 Issue 34 400.0 9/22/2017 30.0 9/22/2047 4.07% 16.3 
13 Issue 35 496.5 10/2/2017 10.0 10/4/2027 3.43% 17.0 
14 Issue 36 200.0 1/22/2018 30.0 1/22/2048 3.87% 7.7 
15 Issue 37 400.0 3/22/2018 30.0 3/22/2048 4.00% 16.0 
16 Issue 38 2 36.2 8/22/2019 20.0 8/22/2039 3.49% 1.3 
17 Total 3,014.8 4.10% 123.6 


Regulated Portion of Company-Wide Borrowing
18 Allocation 9 2,875.9 4.10% 117.9 


Project Financing - Regulated Projects


Niagara 1 to 6 Matured Prior to 2019
19 Niagara 7 5 1.8 1/22/2009 10.0 1/22/2019 8.41% 0.2 
20 Niagara 8 6 10.7 4/22/2009 10.0 4/22/2019 7.71% 0.8 
21 Niagara 9 7 19.5 7/22/2009 10.0 7/22/2019 6.41% 1.2 
22 Niagara 10 8 40.4 10/22/2009 10.0 10/22/2019 5.63% 2.3 
23 Niagara 11 50.0 1/22/2010 10.0 1/22/2020 5.44% 2.7 
24 Niagara 12 65.0 4/22/2010 10.0 4/22/2020 5.73% 3.7 
25 Niagara 13 35.0 7/22/2010 10.0 7/22/2020 5.57% 1.9 
26 Niagara 14 50.0 10/22/2010 10.0 10/22/2020 4.87% 2.4 
27 Niagara 15 40.0 1/24/2011 10.0 1/22/2021 5.18% 2.1 
28 Niagara 16 35.0 4/26/2011 10.0 4/22/2021 5.34% 1.9 
29 Niagara 17 50.0 7/22/2011 10.0 7/22/2021 5.24% 2.6 
30 Niagara 18 60.0 10/24/2011 10.0 10/22/2021 5.74% 3.4 
31 Niagara 19 40.0 1/22/2012 10.0 1/22/2022 5.50% 2.2 
32 Niagara 20 35.0 4/22/2012 10.0 4/22/2022 5.36% 1.9 
33 Niagara 21 45.0 7/22/2012 10.0 7/22/2022 5.51% 2.5 
34 Niagara 22 30.0 10/22/2012 10.0 10/22/2022 5.52% 1.7 
35 Niagara 23 20.0 1/22/2013 10.0 1/22/2023 5.35% 1.1 
36 Niagara 24 20.0 4/22/2013 10.0 4/22/2023 5.37% 1.1 
37 ILB 1 15.0 12/29/2016 5.0 1/4/2022 6.82% 1.0 
38 ILB 2 4.3 12/29/2017 4.0 1/4/2022 6.82% 0.3 
39 ILB 3 2.2 12/31/2018 3.0 1/4/2022 6.82% 0.1 
40 ILB 4 3 0.0 12/31/2019 2.0 1/4/2022 6.83% 0.0 
41 Green Bond 1 10 417.1 6/22/2018 30.0 6/22/2048 3.92% 16.3 
42 Green Bond 2 1 0.4 1/18/2019 30.0 1/18/2049 4.34% 0.0 
43 Total 1,086.4 4.93% 53.5 


Total Regulated Funded Long-Term Debt
44 Line 18+43 3,962.3 4.33% 171.4 


* For debt issues that are issued or mature during the year the face value is reduced to reflect only that  portion of the 
year the debt issue is financing the rate base.


Table 5
Capitalization and Cost of Capital


Summary of Existing Long-Term Debt ($M)
Outstanding During Calendar Year Ending Dec. 31, 2019


See Ex. C1-1-2 Table 5a for notes
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Issue Weighted
Issue Date Face Value ($M) Effective Days Principal ($M)


Note 1 Green Bond 2 1/18/2019 0.4 350.0 0.4 
Note 2 Issue 38 8/22/2019 100.0 132.0 36.2 
Note 3 ILB 4 12/31/2019 3.5 1.0 0.0 


Maturity Weighted
Issue Date Face Value ($M) Effective Days Principal ($M)


Note 4 Issue 21 3/22/2019 100.0 81.0 22.2 
Note 5 Niagara 7 1/22/2019 30.0 22.0 1.8 
Note 6 Niagara 8 4/22/2019 35.0 112.0 10.7 
Note 7 Niagara 9 7/22/2019 35.0 203.0 19.5 
Note 8 Niagara 10 10/22/2019 50.0 295.0 40.4 


Note 9
Note 10


following an initial assignment in 2018.


Allocation ratio as per Ex. C1-1-2 Table 1, line 13, col (d). 


Table 5a
Capitalization and Cost of Capital


Summary of Existing Long-Term Debt ($M)
Outstanding During Calendar Year Ending Dec. 31, 2019


Notes to Ex. C1-1-2, Table 5


An additional portion of Green Bond 1 proceeds was allocated to fund regulated projects during 2019,
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Line  Weighted  Issue Duration Maturity Effective Annual
No. Issue Note Principal* ($M) Date (years) Date Rate (%) Cost ($M)


(a) (b) (c) (d) (e) (f)


Company-Wide Borrowing


Issues 1 to 22 and Issue 24 Matured Prior to 2020
1 Issue 23 2 51.5 3/22/2010 10.0 3/22/2020 4.68% 2.4 
2 Issue 25 3 167.2 9/22/2010 10.0 9/22/2020 4.39% 7.3 
3 Issue 26 150.0 3/22/2011 30.0 3/22/2041 5.40% 8.1 
4 Issue 27 150.0 9/22/2011 30.0 9/22/2041 4.74% 7.1 
5 Issue 28 200.0 3/22/2012 30.0 3/22/2042 4.36% 8.7 
6 Issue 29 50.0 11/22/2016 10.0 11/22/2026 3.04% 1.5 
7 Issue 30 50.0 11/22/2016 30.0 11/22/2046 4.03% 2.0 
8 Issue 31 200.0 2/22/2017 30.0 2/22/2047 4.12% 8.2 
9 Issue 32 100.0 6/22/2017 30.0 6/22/2047 3.65% 3.6 


10 Issue 33 100.0 8/22/2017 30.0 8/22/2047 3.86% 3.9 
11 Issue 34 400.0 9/22/2017 30.0 9/22/2047 4.07% 16.3 
12 Issue 35 496.5 10/2/2017 10.0 10/4/2027 3.43% 17.0 
13 Issue 36 200.0 1/22/2018 30.0 1/22/2048 3.87% 7.7 
14 Issue 37 400.0 3/22/2018 30.0 3/22/2048 4.00% 16.0 
15 Issue 38 100.0 8/22/2019 20.0 8/22/2039 3.49% 3.5 
16 Issue 39 1 318.0 3/16/2020 4.0 3/16/2024 1.75% 5.6 
17 Total 3,133.2 3.80% 119.0 


Regulated Portion of Company-Wide Borrowing
18 Allocation 8 2,988.8 3.80% 113.6 


Project Financing - Regulated Projects


Niagara 1 to 10 Matured Prior to 2020
19 Niagara 11 4 3.0 1/22/2010 10.0 1/22/2020 5.44% 0.2 
20 Niagara 12 5 20.1 4/22/2010 10.0 4/22/2020 5.73% 1.2 
21 Niagara 13 6 19.5 7/22/2010 10.0 7/22/2020 5.57% 1.1 
22 Niagara 14 7 40.4 10/22/2010 10.0 10/22/2020 4.87% 2.0 
23 Niagara 15 40.0 1/24/2011 10.0 1/22/2021 5.18% 2.1 
24 Niagara 16 35.0 4/26/2011 10.0 4/22/2021 5.34% 1.9 
25 Niagara 17 50.0 7/22/2011 10.0 7/22/2021 5.24% 2.6 
26 Niagara 18 60.0 10/24/2011 10.0 10/22/2021 5.74% 3.4 
27 Niagara 19 40.0 1/22/2012 10.0 1/22/2022 5.50% 2.2 
28 Niagara 20 35.0 4/22/2012 10.0 4/22/2022 5.36% 1.9 
29 Niagara 21 45.0 7/22/2012 10.0 7/22/2022 5.51% 2.5 
30 Niagara 22 30.0 10/22/2012 10.0 10/22/2022 5.52% 1.7 
31 Niagara 23 20.0 1/22/2013 10.0 1/22/2023 5.35% 1.1 
32 Niagara 24 20.0 4/22/2013 10.0 4/22/2023 5.37% 1.1 
33 ILB 1 15.0 12/29/2016 5.0 1/4/2022 5.84% 0.9 
34 ILB 2 4.3 12/29/2017 4.0 1/4/2022 5.84% 0.3 
35 ILB 3 2.2 12/31/2018 3.0 1/4/2022 5.84% 0.1 
36 ILB 4 3.5 12/31/2019 2.0 1/4/2022 5.84% 0.2 
37 Green Bond 1 417.1 6/22/2018 30.0 6/22/2048 3.92% 16.3 
38 Green Bond 2 0.4 1/18/2019 30.0 1/18/2049 4.34% 0.0 
39 Total 900.5 4.73% 42.6 


Total Regulated Funded Long-Term Debt
40 Line 18+39 3,889.3 4.01% 156.1 


* For debt issues that are issued or mature during the year the face value is reduced to reflect only that  portion of the 
year the debt issue is financing the rate base.


Table 6
Capitalization and Cost of Capital


Summary of Existing and Planned Long-Term Debt ($M)
Outstanding During Calendar Year Ending Dec. 31, 2020


See Ex. C1-1-2 Table 6a for notes
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Issue Weighted
Issue Date Face Value ($M) Effective Days Principal ($M)


Note 1 Issue 39 3/16/2020 400.0 291.0 318.0 


Maturity Weighted
Issue Date Face Value ($M) Effective Days Principal ($M)


Note 2 Issue 23 3/22/2020 230.0 82.0 51.5 
Note 3 Issue 25 9/22/2020 230.0 266.0 167.2 
Note 4 Niagara 11 1/22/2020 50.0 22.0 3.0 
Note 5 Niagara 12 4/22/2020 65.0 113.0 20.1 
Note 6 Niagara 13 7/22/2020 35.0 204.0 19.5 
Note 7 Niagara 14 10/22/2020 50.0 296.0 40.4 


Note 8
The 2019 allocation ratio is used as it reflects OPG's most recent financial results.


Table 6a
Capitalization and Cost of Capital


Summary of Existing and Planned Long-Term Debt ($M)
Outstanding During Calendar Year Ending Dec. 31, 2020


Notes to Ex. C1-1-2, Table 6


Allocation ratio as per Ex. C1-1-2 Table 1, line 13, col (d). 







Numbers may not add due to rounding. Filed: 2020-12-31
EB-2020-0290


Exhibit C1
Tab 1


Schedule 2
Table 7


Line  Weighted  Issue Duration Maturity Effective Annual
No. Issue Note Principal* ($M) Date (years) Date Rate (%) Cost ($M)


(a) (b) (c) (d) (e) (f)


Company-Wide Borrowing


Issues 1 to 25 Mature Prior to 2021
1 Issue 26 150.0 3/22/2011 30.0 3/22/2041 5.40% 8.096 
2 Issue 27 150.0 9/22/2011 30.0 9/22/2041 4.74% 7.110 
3 Issue 28 200.0 3/22/2012 30.0 3/22/2042 4.36% 8.712 
4 Issue 29 50.0 11/22/2016 10.0 11/22/2026 3.04% 1.519 
5 Issue 30 50.0 11/22/2016 30.0 11/22/2046 4.03% 2.014 
6 Issue 31 200.0 2/22/2017 30.0 2/22/2047 4.12% 8.245 
7 Issue 32 100.0 6/22/2017 30.0 6/22/2047 3.65% 3.648 
8 Issue 33 100.0 8/22/2017 30.0 8/22/2047 3.86% 3.858 
9 Issue 34 400.0 9/22/2017 30.0 9/22/2047 4.07% 16.265 


10 Issue 35 496.5 10/2/2017 10.0 10/4/2027 3.43% 17.018 
11 Issue 36 200.0 1/22/2018 30.0 1/22/2048 3.87% 7.748 
12 Issue 37 400.0 3/22/2018 30.0 3/22/2048 4.00% 15.987 
13 Issue 38 100.0 8/22/2019 20.0 8/22/2039 3.49% 3.488 
14 Issue 39 400.0 3/16/2020 4.0 3/16/2024 1.75% 7.016 
15 Issue 40 1,8 75.6 3/31/2021 10.0 3/31/2031 2.12% 1.603 
16 Issue 41 2,8 25.5 9/30/2021 10.0 9/30/2031 2.27% 0.578 
17 Total 3,097.5 3.64% 112.905 


Regulated Portion of Company-Wide Borrowing
18 Allocation 7 2,954.8 3.64% 107.7 


Project Financing - Regulated Projects


Niagara 1 to 14 Mature Prior to 2021
19 Niagara 15 3 2.4 1/24/2011 10.0 1/22/2021 5.18% 0.1 
20 Niagara 16 4 10.7 4/26/2011 10.0 4/22/2021 5.34% 0.6 
21 Niagara 17 5 27.8 7/22/2011 10.0 7/22/2021 5.24% 1.5 
22 Niagara 18 6 48.5 10/24/2011 10.0 10/22/2021 5.74% 2.8 
23 Niagara 19 40.0 1/22/2012 10.0 1/22/2022 5.50% 2.2 
24 Niagara 20 35.0 4/22/2012 10.0 4/22/2022 5.36% 1.9 
25 Niagara 21 45.0 7/22/2012 10.0 7/22/2022 5.51% 2.5 
26 Niagara 22 30.0 10/22/2012 10.0 10/22/2022 5.52% 1.7 
27 Niagara 23 20.0 1/22/2013 10.0 1/22/2023 5.35% 1.1 
28 Niagara 24 20.0 4/22/2013 10.0 4/22/2023 5.37% 1.1 
29 ILB 1 15.0 12/29/2016 5.0 1/4/2022 5.84% 0.9 
30 ILB 2 4.3 12/29/2017 4.0 1/4/2022 5.84% 0.3 
31 ILB 3 2.2 12/31/2018 3.0 1/4/2022 5.84% 0.1 
32 ILB 4 3.5 12/31/2019 2.0 1/4/2022 5.84% 0.2 
33 Green Bond 1 417.1 6/22/2018 30.0 6/22/2048 3.92% 16.3 
34 Green Bond 2 0.4 1/18/2019 30.0 1/18/2049 4.34% 0.0 
35 Total 722.0 4.59% 33.1 


Total Regulated Funded Long-Term Debt
36 Line 18+35 3,676.7 3.83% 140.8 


* For debt issues that are issued or mature during the year the face value is reduced to reflect only that portion of the 
year the debt issue is financing the rate base.


Table 7
Capitalization and Cost of Capital


Summary of Existing and Planned Long-Term Debt ($M)
Outstanding During Calendar Year Ending Dec. 31, 2021


See Ex. C1-1-2 Table 7a for notes
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Issue Effective Weighted
Issue Date Face Value ($M) Days Principal ($M)


Note 1 Issue 40 3/31/2021 100.0 276.0 75.6 
Note 2 Issue 41 9/30/2021 100.0 93.0 25.5 


Maturity Effective Weighted
Issue Date Face Value ($M) Days Principal ($M)


Note 3 Niagara 15 1/22/2021 40.0 22.0 2.4 
Note 4 Niagara 16 4/22/2021 35.0 112.0 10.7 
Note 5 Niagara 17 7/22/2021 50.0 203.0 27.8 
Note 6 Niagara 18 10/22/2021 60.0 295.0 48.5 


Note 7


Note 8


Issue 40
GOC Q1-21 0.64%
OPG Spread 1.48%
Effective Rate 2.12%


Issue 41
GOC Q3-21 0.79%
OPG Spread 1.48%
Effective Rate 2.27%


GOC & OPG Spread


GOC & OPG Spread


Future issue rate reference Global Insight (September 2020).


Table 7a
Capitalization and Cost of Capital


Summary of Existing and Planned Long-Term Debt ($M)
Outstanding During Calendar Year Ending Dec. 31, 2021


Notes to Ex. C1-1-2, Table 7


Allocation ratio as per Ex. C1-1-2 Table 1, line 13, col (d). 
The 2019 allocation ratio is used as it reflects OPG's most recent financial results.
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Line  Weighted  Issue Duration Maturity Effective Annual
No. Issue Note Principal* ($M) Date (years) Date Rate (%) Cost ($M)


(a) (b) (c) (d) (e) (f)


Company-Wide Borrowing


Issues 1 to 25 Mature Prior to 2022
1 Issue 26 150.0 3/22/2011 30.0 3/22/2041 5.40% 8.1 
2 Issue 27 150.0 9/22/2011 30.0 9/22/2041 4.74% 7.1 
3 Issue 28 200.0 3/22/2012 30.0 3/22/2042 4.36% 8.7 
4 Issue 29 50.0 11/22/2016 10.0 11/22/2026 3.04% 1.5 
5 Issue 30 50.0 11/22/2016 30.0 11/22/2046 4.03% 2.0 
6 Issue 31 200.0 2/22/2017 30.0 2/22/2047 4.12% 8.2 
7 Issue 32 100.0 6/22/2017 30.0 6/22/2047 3.65% 3.6 
8 Issue 33 100.0 8/22/2017 30.0 8/22/2047 3.86% 3.9 
9 Issue 34 400.0 9/22/2017 30.0 9/22/2047 4.07% 16.3 


10 Issue 35 496.5 10/2/2017 10.0 10/4/2027 3.43% 17.0 
11 Issue 36 200.0 1/22/2018 30.0 1/22/2048 3.87% 7.7 
12 Issue 37 400.0 3/22/2018 30.0 3/22/2048 4.00% 16.0 
13 Issue 38 100.0 8/22/2019 20.0 8/22/2039 3.49% 3.5 
14 Issue 39 400.0 3/16/2020 4.0 3/16/2024 1.75% 7.0 
15 Issue 40 100.0 3/31/2021 10.0 3/31/2031 2.12% 2.1 
16 Issue 41 100.0 9/30/2021 10.0 9/30/2031 2.27% 2.3 
17 Issue 42 1,13 127.8 3/31/2022 10.0 3/31/2032 2.43% 3.1 
18 Issue 43 2,13 70.1 9/30/2022 10.0 9/30/2032 2.58% 1.8 
19 Total 3,394.3 3.54% 120.0 


Regulated Portion of Company-Wide Borrowing
20 Allocation 12 3,237.9 3.54% 114.5 


Project Financing - Regulated Projects


Niagara 1 to 18 Mature Prior to 2022
21 Niagara 19 4 2.3 1/22/2012 10.0 1/22/2022 5.50% 0.1 
22 Niagara 20 5 10.6 4/22/2012 10.0 4/22/2022 5.36% 0.6 
23 Niagara 21 6 24.9 7/22/2012 10.0 7/22/2022 5.51% 1.4 
24 Niagara 22 7 24.2 10/22/2012 10.0 10/22/2022 5.52% 1.3 
25 Niagara 23 20.0 1/22/2013 10.0 1/22/2023 5.35% 1.1 
26 Niagara 24 20.0 4/22/2013 10.0 4/22/2023 5.37% 1.1 
27 ILB 1 8 0.1 12/29/2016 5.0 1/4/2022 5.84% 0.0 
28 ILB 2 9 0.0 12/29/2017 4.0 1/4/2022 5.84% 0.0 
29 ILB 3 10 0.0 12/31/2018 3.0 1/4/2022 5.84% 0.0 
30 ILB 4 11 0.0 12/31/2019 2.0 1/4/2022 5.84% 0.0 
31 Green Bond 1 417.1 6/22/2018 30.0 6/22/2048 3.92% 16.3 
32 Green Bond 2 0.4 1/18/2019 30.0 1/18/2049 4.34% 0.0 
33 Green Bond 3 3,13 80.2 3/31/2022 10.0 3/31/2032 2.43% 1.9 
34 Total 599.9 3.98% 23.9 


Total Regulated Funded Long-Term Debt
35 Line 20+34 3,837.8 3.61% 138.4 


* For debt issues that are issued or mature during the year the face value is reduced to reflect only that portion of the 
year the debt issue is financing the rate base.


Table 8
Capitalization and Cost of Capital


Summary of Existing and Planned Long-Term Debt ($M)
Outstanding During Calendar Year Ending Dec. 31, 2022


See Ex. C1-1-2 Table 8a for notes
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Issue Effective Weighted
Issue Date Face Value ($M) Days Principal ($M)


Note 1 Issue 42 3/31/2022 169.0 276.0 127.8 
Note 2 Issue 43 9/30/2022 275.0 93.0 70.1 
Note 3 Green Bond 3 3/31/2022 106.0 276.0 80.2 


Maturity Effective Weighted
Issue Date Face Value ($M) Days Principal ($M)


Note 4 Niagara 19 1/22/2022 40.0 21.0 2.3 
Note 5 Niagara 20 4/22/2022 35.0 111.0 10.6 
Note 6 Niagara 21 7/22/2022 45.0 202.0 24.9 
Note 7 Niagara 22 10/22/2022 30.0 294.0 24.2 
Note 8 ILB 1 1/4/2022 15.0 3.0 0.1 
Note 9 ILB 2 1/4/2022 4.3 3.0 0.0 
Note 10 ILB 3 1/4/2022 2.2 3.0 0.0 
Note 11 ILB 4 1/4/2022 3.5 3.0 0.0 


Note 12


Note 13


Issue 42 and
Green Bond 3 GOC Q1-22 0.95%


OPG Spread 1.48%
Effective Rate 2.43%


Issue 43
GOC Q3-22 1.10%
OPG Spread 1.48%
Effective Rate 2.58%


GOC & OPG Spread


Future issue rate reference Global Insight (September 2020).


GOC & OPG Spread


Table 8a
Capitalization and Cost of Capital


Summary of Existing and Planned Long-Term Debt ($M)
Outstanding During Calendar Year Ending Dec. 31, 2022


Notes to Ex. C1-1-2, Table 8


Allocation ratio as per Ex. C1-1-2 Table 1, line 13, col (d). 
The 2019 allocation ratio is used as it reflects OPG's most recent financial results.
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Line  Weighted  Issue Duration Maturity Effective Annual
No. Issue Note Principal* ($M) Date (years) Date Rate (%) Cost ($M)


(a) (b) (c) (d) (e) (f)


Company-Wide Borrowing


Issues 1 to 25 Mature Prior to 2023
1 Issue 26 150.0 3/22/2011 30.0 3/22/2041 5.40% 8.1 
2 Issue 27 150.0 9/22/2011 30.0 9/22/2041 4.74% 7.1 
3 Issue 28 200.0 3/22/2012 30.0 3/22/2042 4.36% 8.7 
4 Issue 29 50.0 11/22/2016 10.0 11/22/2026 3.04% 1.5 
5 Issue 30 50.0 11/22/2016 30.0 11/22/2046 4.03% 2.0 
6 Issue 31 200.0 2/22/2017 30.0 2/22/2047 4.12% 8.2 
7 Issue 32 100.0 6/22/2017 30.0 6/22/2047 3.65% 3.6 
8 Issue 33 100.0 8/22/2017 30.0 8/22/2047 3.86% 3.9 
9 Issue 34 400.0 9/22/2017 30.0 9/22/2047 4.07% 16.3 
10 Issue 35 496.5 10/2/2017 10.0 10/4/2027 3.43% 17.0 
11 Issue 36 200.0 1/22/2018 30.0 1/22/2048 3.87% 7.7 
12 Issue 37 400.0 3/22/2018 30.0 3/22/2048 4.00% 16.0 
13 Issue 38 100.0 8/22/2019 20.0 8/22/2039 3.49% 3.5 
14 Issue 39 400.0 3/16/2020 4.0 3/16/2024 1.75% 7.0 
15 Issue 40 100.0 3/31/2021 0.0 3/31/2031 2.12% 2.1 
16 Issue 41 100.0 9/30/2021 0.0 9/30/2031 2.27% 2.3 
17 Issue 42 169.0 3/31/2022 10.0 3/31/2032 2.43% 4.1 
18 Issue 43 275.0 9/30/2022 10.0 9/30/2032 2.58% 7.1 
19 Issue 44 1,6 28.4 3/31/2023 10.0 3/31/2033 2.69% 0.8 
20 Issue 45 2,6 9.6 9/30/2023 10.0 9/30/2033 2.72% 0.3 
21 Total 3,678.4 3.46% 127.3 


Regulated Portion of Company-Wide Borrowing
22 Allocation 5 3,508.8 3.46% 121.5 


Project Financing - Regulated Projects


Niagara 1 to 22 and ILB 1 to 4 Mature Prior to 2023
23 Niagara 23 3 1.2 1/22/2013 10.0 1/22/2023 5.35% 0.1 
24 Niagara 24 4 6.1 4/22/2013 10.0 4/22/2023 5.37% 0.3 
25 Green Bond 1 417.1 6/22/2018 30.0 6/22/2048 3.92% 16.3 
26 Green Bond 2 0.4 1/18/2019 30.0 1/18/2049 4.34% 0.0 
27 Green Bond 3 106.0 3/31/2022 10.0 3/31/2032 2.43% 2.6 
28 Total 530.7 3.64% 19.3 


Total Regulated Funded Long-Term Debt
29 Line 22+28 4,039.6 3.49% 140.8 


* For debt issues that are issued or mature during the year the face value is reduced to reflect only that portion of the year 
the debt issue is financing the rate base.


Table 9
Capitalization and Cost of Capital


Summary of Existing and Planned Long-Term Debt ($M)
Outstanding During Calendar Year Ending Dec. 31, 2023


See Ex. C1-1-2 Table 9a for notes
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Issue Effective Weighted
Issue Date Face Value ($M) Days Principal ($M)


Note 1 Issue 44 3/31/2023 37.5 276.0 28.4 
Note 2 Issue 45 9/30/2023 37.5 93.0 9.6 


Maturity Effective Weighted
Issue Date Face Value ($M) Days Principal ($M)


Note 3 Niagara 23 1/22/2023 20.0 21.0 1.2 
Note 4 Niagara 24 4/22/2023 20.0 111.0 6.1 


0.0 
0.0 


Note 5


Note 6


Issue 44
GOC Q1-23 1.21%
OPG Spread 1.48%
Effective Rate 2.69%


Issue 45
GOC Q3-23 1.24%
OPG Spread 1.48%
Effective Rate 2.72%


GOC & OPG Spread


Future issue rate reference Global Insight (September 2020).


GOC & OPG Spread


Table 9a
Capitalization and Cost of Capital


Summary of Existing and Planned Long-Term Debt ($M)
Outstanding During Calendar Year Ending Dec. 31, 2023


Notes to Ex. C1-1-2, Table 9


Allocation ratio as per Ex. C1-1-2 Table 1, line 13, col (d). 
The 2019 allocation ratio is used as it reflects OPG's most recent financial results.
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Line  Weighted  Issue Duration Maturity Effective Annual
No. Issue Note Principal* ($M) Date (years) Date Rate (%) Cost ($M)


(a) (b) (c) (d) (e) (f)


Company-Wide Borrowing


Issues 1 to 25 Mature Prior to 2024
1 Issue 26 150.0 3/22/2011 30.0 3/22/2041 5.40% 8.1 
2 Issue 27 150.0 9/22/2011 30.0 9/22/2041 4.74% 7.1 
3 Issue 28 200.0 3/22/2012 30.0 3/22/2042 4.36% 8.7 
4 Issue 29 50.0 11/22/2016 10.0 11/22/2026 3.04% 1.5 
5 Issue 30 50.0 11/22/2016 30.0 11/22/2046 4.03% 2.0 
6 Issue 31 200.0 2/22/2017 30.0 2/22/2047 4.12% 8.2 
7 Issue 32 100.0 6/22/2017 30.0 6/22/2047 3.65% 3.6 
8 Issue 33 100.0 8/22/2017 30.0 8/22/2047 3.86% 3.9 
9 Issue 34 400.0 9/22/2017 30.0 9/22/2047 4.07% 16.3 
10 Issue 35 496.5 10/2/2017 10.0 10/4/2027 3.43% 17.0 
11 Issue 36 200.0 1/22/2018 30.0 1/22/2048 3.87% 7.7 
12 Issue 37 400.0 3/22/2018 30.0 3/22/2048 4.00% 16.0 
13 Issue 38 100.0 8/22/2019 20.0 8/22/2039 3.49% 3.5 
14 Issue 39 1 82.2 3/16/2020 4.0 3/16/2024 1.75% 1.4 
15 Issue 40 100.0 3/31/2021 0.0 3/31/2031 2.12% 2.1 
16 Issue 41 100.0 9/30/2021 0.0 9/30/2031 2.27% 2.3 
17 Issue 42 169.0 3/31/2022 10.0 3/31/2032 2.43% 4.1 
18 Issue 43 275.0 9/30/2022 10.0 9/30/2032 2.58% 7.1 
19 Issue 44 37.5 3/31/2023 10.0 3/31/2033 2.69% 1.0 
20 Issue 45 37.5 9/30/2023 10.0 9/30/2033 2.72% 1.0 
21 Total 3,397.6 3.61% 122.8 


Regulated Portion of Company-Wide Borrowing
22 Allocation 2 3,241.0 3.61% 117.1 


Project Financing - Regulated Projects


Niagara 1 to 22 and ILB 1 to 4 Mature Prior to 2024
23 Green Bond 1 417.1 6/22/2018 30.0 6/22/2048 3.92% 16.3 
24 Green Bond 2 0.4 1/18/2019 30.0 1/18/2049 4.34% 0.0 
25 Green Bond 3 106.0 3/31/2022 10.0 3/31/2032 2.43% 2.6 
26 Total 523.5 3.62% 18.9 


Total Regulated Funded Long-Term Debt
27 Line 22+26 3,764.6 3.61% 136.0 


* For debt issues that are issued or mature during the year the face value is reduced to reflect only that portion of the year 
the debt issue is financing the rate base.


Table 10
Capitalization and Cost of Capital


Summary of Existing and Planned Long-Term Debt ($M)
Outstanding During Calendar Year Ending Dec. 31, 2024


See Ex. C1-1-2 Table 10a for notes
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Issue Effective Weighted
Issue Date Face Value ($M) Days Principal ($M)


Note 1 Issue 39 3/16/2024 400.0 75.0 82.2 


Note 2
The 2019 allocation ratio is used as it reflects OPG's most recent financial results.


Table 10a
Capitalization and Cost of Capital


Summary of Existing and Planned Long-Term Debt ($M)
Outstanding During Calendar Year Ending Dec. 31, 2024


Notes to Ex. C1-1-2, Table 10


Allocation ratio as per Ex. C1-1-2 Table 1, line 13, col (d). 
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Line  Weighted  Issue Duration Maturity Effective Annual
No. Issue Note Principal* ($M) Date (years) Date Rate (%) Cost ($M)


(a) (b) (c) (d) (e) (f)


Company-Wide Borrowing


Issues 1 to 25 and Issue 39 Mature Prior to 2025
1 Issue 26 150.0 3/22/2011 30.0 3/22/2041 5.40% 8.1 
2 Issue 27 150.0 9/22/2011 30.0 9/22/2041 4.74% 7.1 
3 Issue 28 200.0 3/22/2012 30.0 3/22/2042 4.36% 8.7 
4 Issue 29 50.0 11/22/2016 10.0 11/22/2026 3.04% 1.5 
5 Issue 30 50.0 11/22/2016 30.0 11/22/2046 4.03% 2.0 
6 Issue 31 200.0 2/22/2017 30.0 2/22/2047 4.12% 8.2 
7 Issue 32 100.0 6/22/2017 30.0 6/22/2047 3.65% 3.6 
8 Issue 33 100.0 8/22/2017 30.0 8/22/2047 3.86% 3.9 
9 Issue 34 400.0 9/22/2017 30.0 9/22/2047 4.07% 16.3 


10 Issue 35 496.5 10/2/2017 10.0 10/4/2027 3.43% 17.0 
11 Issue 36 200.0 1/22/2018 30.0 1/22/2048 3.87% 7.7 
12 Issue 37 400.0 3/22/2018 30.0 3/22/2048 4.00% 16.0 
13 Issue 38 100.0 8/22/2019 20.0 8/22/2039 3.49% 3.5 
14 Issue 40 100.0 3/31/2021 0.0 3/31/2031 2.12% 2.1 
15 Issue 41 100.0 9/30/2021 0.0 9/30/2031 2.27% 2.3 
16 Issue 42 169.0 3/31/2022 10.0 3/31/2032 2.43% 4.1 
17 Issue 43 275.0 9/30/2022 10.0 9/30/2032 2.58% 7.1 
18 Issue 44 37.5 3/31/2023 10.0 3/31/2033 2.69% 1.0 
19 Issue 45 37.5 9/30/2023 10.0 9/30/2033 2.72% 1.0 
20 Total 3,315.5 3.66% 121.3 


Regulated Portion of Company-Wide Borrowing
21 Allocation 1 3,162.6 3.66% 115.7 


Project Financing - Regulated Projects


Niagara 1 to 24 and ILB 1 to 4 Mature Prior to 2025
22 Green Bond 1 417.1 6/22/2018 30.0 6/22/2048 3.92% 16.3 
23 Green Bond 2 0.4 1/18/2019 30.0 1/18/2049 4.34% 0.0 
24 Green Bond 3 106.0 3/31/2022 10.0 3/31/2032 2.43% 2.6 
25 Total 523.5 3.62% 18.9 


Total Regulated Funded Long-Term Debt
26 Line 21+25 3,686.2 3.65% 134.7 


* For debt issues that are issued or mature during the year the face value is reduced to reflect only that portion of the 
year the debt issue is financing the rate base.


Table 11
Capitalization and Cost of Capital


Summary of Existing and Planned Long-Term Debt ($M)
Outstanding During Calendar Year Ending Dec. 31, 2025


See Ex. C1-1-2 Table 11a for notes
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Issue Effective Weighted
Issue Date Face Value ($M) Days Principal ($M)


0.0 


Note 1
The 2019 allocation ratio is used as it reflects OPG's most recent financial results.


Table 11a
Capitalization and Cost of Capital


Summary of Existing and Planned Long-Term Debt ($M)
Outstanding During Calendar Year Ending Dec. 31, 2025


Notes to Ex. C1-1-2, Table 11


Allocation ratio as per Ex. C1-1-2 Table 1, line 13, col (d). 
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Line  Weighted  Issue Duration Maturity Effective Annual
No. Issue Note Principal* ($M) Date (years) Date Rate (%) Cost ($M)


(a) (b) (c) (d) (e) (f)


Company-Wide Borrowing


Issues 1 to 25 Mature Prior to 2025
1 Issue 26 150.0 3/22/2011 30.0 3/22/2041 5.40% 8.1 
2 Issue 27 150.0 9/22/2011 30.0 9/22/2041 4.74% 7.1 
3 Issue 28 200.0 3/22/2012 30.0 3/22/2042 4.36% 8.7 
4 Issue 29 1 44.5 11/22/2016 10.0 11/22/2026 3.04% 1.4 
5 Issue 30 50.0 11/22/2016 30.0 11/22/2046 4.03% 2.0 
6 Issue 31 200.0 2/22/2017 30.0 2/22/2047 4.12% 8.2 
7 Issue 32 100.0 6/22/2017 30.0 6/22/2047 3.65% 3.6 
8 Issue 33 100.0 8/22/2017 30.0 8/22/2047 3.86% 3.9 
9 Issue 34 400.0 9/22/2017 30.0 9/22/2047 4.07% 16.3 


10 Issue 35 496.5 10/2/2017 10.0 10/4/2027 3.43% 17.0 
11 Issue 36 200.0 1/22/2018 30.0 1/22/2048 3.87% 7.7 
12 Issue 37 400.0 3/22/2018 30.0 3/22/2048 4.00% 16.0 
13 Issue 38 100.0 8/22/2019 20.0 8/22/2039 3.49% 3.5 
14 Issue 40 100.0 3/31/2021 10.0 3/31/2031 2.12% 2.1 
15 Issue 41 100.0 9/30/2021 10.0 9/30/2031 2.27% 2.3 
16 Issue 42 169.0 3/31/2022 10.0 3/31/2032 2.43% 4.1 
17 Issue 43 275.0 9/30/2022 10.0 9/30/2032 2.58% 7.1 
18 Issue 44 37.5 3/31/2023 10.0 3/31/2033 2.69% 1.0 
19 Issue 45 37.5 9/30/2023 10.0 9/30/2033 2.72% 1.0 
20 Total 3,310.0 3.66% 121.2 


Regulated Portion of Company-Wide Borrowing
21 Allocation 2 3,157.4 3.66% 115.6 


Project Financing - Regulated Projects


Niagara 1 to 24 and ILB 1 to 4 Mature Prior to 2026
22 Green Bond 1 417.1 6/22/2018 30.0 6/22/2048 3.92% 16.3 
23 Green Bond 2 0.4 1/18/2019 30.0 1/18/2049 4.34% 0.0 
24 Green Bond 3 106.0 3/31/2022 10.0 3/31/2032 2.43% 2.6 
25 Total 523.5 3.62% 18.9 


Total Regulated Funded Long-Term Debt
26 Line 21+25 3,680.9 3.65% 134.5 


* For debt issues that are issued or mature during the year the face value is reduced to reflect only that portion of the 
year the debt issue is financing the rate base.


Table 12
Capitalization and Cost of Capital


Summary of Existing and Planned Long-Term Debt ($M)
Outstanding During Calendar Year Ending Dec. 31, 2026


See Ex. C1-1-2 Table 12a for notes
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Issue Effective Weighted
Issue Date Face Value ($M) Days Principal ($M)


Note 1 Issue 29 11/22/2026 50.0 325.0 44.5 


Note 2
The 2019 allocation ratio is used as it reflects OPG's most recent financial results.


Table 12a
Capitalization and Cost of Capital


Summary of Existing and Planned Long-Term Debt ($M)
Outstanding During Calendar Year Ending Dec. 31, 2026


Notes to Ex. C1-1-2, Table 12


Allocation ratio as per Ex. C1-1-2 Table 1, line 13, col (d). 





		C1-1-2_Table_1

		C1-1-2_Table_2

		C1-1-2_Table_2a

		C1-1-2_Table_3

		C1-1-2_Table_3a

		C1-1-2_Table_4

		C1-1-2_Table_4a

		C1-1-2_Table_5

		C1-1-2_Table_5a

		C1-1-2_Table_6

		C1-1-2_Table_6a

		C1-1-2_Table_7

		C1-1-2_Table_7a

		C1-1-2_Table_8

		C1-1-2_Table_8a

		C1-1-2_Table_9

		C1-1-2_Table_9a

		C1-1-2_Table_10

		C1-1-2_Table_10a

		C1-1-2_Table_11

		C1-1-2_Table_11a

		C1-1-2_Table_12

		C1-1-2_Table_12a






Filed: 2020-12-31 
EB-2020-0290 


Exhibit C1 
Tab 1 


Schedule 3 
Page 1 of 3 


 
COST OF SHORT-TERM DEBT 1 


 2 


1.0 PURPOSE 3 


This evidence details OPG’s annual short-term borrowing and associated costs for the bridge 4 


year and IR term. It also provides actual short-term debt costs for 2016 to 2019.  5 


 6 


2.0 DESCRIPTION OF SHORT-TERM DEBT 7 


OPG’s cost of short-term debt for the IR term was determined using the methodology 8 


approved by the OEB in prior OPG payment amounts proceedings. The short-term debt 9 


component of OPG’s capital structure reflects its forecast amount of short-term borrowings, 10 


and the cost of short-term debt reflects its forecast short-term borrowing cost. 11 


 12 


OPG’s short-term debt is comprised of a commercial paper program backstopped by bank 13 


credit facilities. In November 2019, OPG established a second bank facility of USD$750M.  14 


The US bank credit facility diversifies OPG’s source of short-term funding beyond the existing 15 


$1B Canadian bank credit facility. 16 


 17 


OPG’s commercial paper program is used to fund intra-month working capital requirements. 18 


OPG forecasts that a daily average borrowing of $100M is required to finance OPG’s 19 


normalized intra-month working capital requirements in the IR term.  20 


 21 


In addition, bank credit facilities are used as a backstop to the commercial paper programs. 22 


The bank credit facilities also provides liquidity support in the event that OPG is unable to 23 


issue commercial paper. These commercial paper programs and backstops are important 24 


elements that credit rating agencies consider when assessing OPG’s liquidity and review 25 


OPG’s credit ratings.  26 


 27 


OPG terminated its accounts receivable securitization program in November 2020.  28 


 







Filed: 2020-12-31 
EB-2020-0290 


Exhibit C1 
Tab 1 


Schedule 3 
Page 2 of 3 


 
3.0 SHORT-TERM DEBT COST 1 


OPG’s borrowing rate under OPG’s commercial paper programs is market-based, comprised 2 


of a 5-10 basis point dealer fee and a corporate spread over a benchmark rate. The 3 


corporate spread forecast over the IR term is based on the current corporate spread of 5 4 


basis points over the Canadian bankers’ acceptances rate. 5 


 6 


Consistent with the approach used in prior applications, OPG has used the Global Insight 7 


forecast as the basis for the bankers’ acceptances interest rate forecast after adjusting for 8 


the spread differential between bankers’ acceptances and the yield on treasury securities. 9 


The bankers’ acceptances rate used is 0.34% for 2021, 0.37% for 2022 and 0.68% for 2023, 10 


1.06% for 2024, 1.56% for 2025 and 2.13% for 2026.  11 


   12 


The bank credit facility fees are forecast to cost $3.6M in 2020, $5.3M in 2021 and $5.2M in 13 


each year between 2022 and 2026. The increase in fees from 2020 and 2021 is primarily due 14 


to the addition of the US bank credit facility and higher forecast standby fees reflecting 15 


current market rates. As in prior applications, these costs are included with OPG’s short-term 16 


debt costs, as the credit facilities are required to support OPG’s commercial paper program. 17 


  18 


Exhibit C1-1-3, Table 2 summarizes OPG’s forecast company-wide cost of short-term debt. 19 


 20 


4.0 ALLOCATION TO REGULATED OPERATIONS 21 


For the IR term, OPG has used the same allocation methodology approved by the OEB in 22 


prior OPG payment amount proceedings. In summary, the ratio of the construction work in 23 


progress and non-cash working capital amounts (fuel inventory and materials/supplies) for 24 


OPG’s regulated operations to the total construction work in progress and non-cash working 25 


capital amounts reported in OPG’s audited consolidated financial statements is used as the 26 


basis for allocating company-wide short-term borrowing. This allocation ratio reflects OPG’s 27 


use of short-term borrowing to finance its working capital requirements and to assist with 28 


managing the cash flow variability of capital projects. 29 
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For all company-wide short-term borrowing up to December 31, 2019, the allocation ratio is 1 


determined based on actual year-end values in the corresponding years. Consistent with the 2 


approach approved in prior applications, OPG continues to use the most recent available 3 


audited information to determine the allocation factor for the company’s short-term debt for 4 


2021 to 2026. The calculation of the allocation ratio for 2016 to 2019 is provided in Ex. C1-1-5 


3, Table 1.    6 
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Line


No. Asset Note 2016 2017 2018 2019


(a) (a) (b) (c)
Company-Wide:


1 Construction Work-In-Progress (CWIP) 1, 6 3,502.9 4,130.4 5,238.2 6,027.8 


2 CWIP Using Short-term Project Financing 2 0.0 0.0 0.0 0.0 
3 Fuel 310.1 309.3 293.5 233.1 
4 Materials/Supplies 445.2 457.4 450.2 484.6 
5 CWIP + Non Cash Working Capital 4,258.2 4,897.1 5,981.9 6,745.6 


Regulated Operations:
6 Construction Work-In-Progress (CWIP) 3 3,156.4 4,011.9 5,060.3 5,891.5 


7 Fuel 4 275.9 265.3 252.6 196.9 


8 Materials/Supplies 5 440.2 453.4 446.5 481.5 
9 CWIP + Non Cash Working Capital 3,872.5 4,730.6 5,759.3 6,569.9 


10
Total Regulated/Company-Wide CWIP + Non Cash Working Capital
(line 9/ line 5)


90.9% 96.6% 96.3% 97.4%


Notes:
1 From Ex. C1-1-2 Table 1, line 2


2 Relates wholly to OPG's unregulated operations.
3 From Ex. C1-1-2 Table 1, line 8
4 From Ex. B3-5-1 Table 1, col. (b).
5
6 The term "adjusted" included in the line description in previous applications has been removed for greater clarity; there has been no change to 


the underlying methodology or values.


Sum of Ex. B3-5-1 Table 1, col. (b) (Nuclear) and the Regulated Hydroelectric closing balance reflected in actual rate base..


Table 1
Capitalization and Cost of Capital


Allocation of Existing Short-term Debt ($M)


Amount
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Line
No. Description 2016 2017 2018 2019 2020 2021 2022 2023 2024 2025 2026


(a) (b) (c) (d) (e) (f) (g) (h) (i) (j) (k)


1 Commercial Paper Amount1 8.8 40.2 89.5 143.6 100.0 100.0 100.0 100.0 100.0 100.0 100.0 


2 Interest Rate 0.79% 1.10% 1.67% 1.96% 0.70% 0.44% 0.47% 0.78% 1.16% 1.66% 2.23%
3 Commercial Paper Cost 0.1 0.4 1.5 2.8 0.7 0.4 0.5 0.8 1.2 1.7 2.2 


4 Facility Cost 2.6 2.5 2.4 2.4 3.6 5.3 5.2 5.2 5.2 5.2 5.2 
5 Total Short-term Debt Cost (line 3 + line 4) 2.7 2.9 3.9 5.2 4.3 5.7 5.7 6.0 6.4 6.9 7.4 


Regulated Portion of Short-Term Debt
6 Allocation Factor2 90.9% 96.6% 96.3% 97.4% 97.4% 97.4% 97.4% 97.4% 97.4% 97.4% 97.4%


7 Short Term Debt Amount (line 1 x line 6) 8.0 38.8 86.2 139.9 97.4 97.4 97.4 97.4 97.4 97.4 97.4 
8 Short-term Debt Cost (line 5 x line 6) 2.4 2.8 3.7 5.1 4.2 5.6 5.5 5.8 6.2 6.7 7.2 


Notes:
1


2


Actual daily weighted average balance shown for 2016 to 2019. Working Capital funding with commercial paper is assumed to be 
outstanding for the first 20 days of each month in the forecast period.


Allocation factor determined at Ex. C1-1-3 Table 1 line 10. The 2020-2026 allocation is based on 2019 actual allocation. 


Table 2
Capitalization and Cost of Capital


Summary of OPG's Actual and Forecast Cost of Short-term Debt ($M)
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NUCLEAR WASTE MANAGEMENT AND 1 


DECOMMISSIONING – REVENUE REQUIREMENT IMPACT 2 


OF NUCLEAR LIABILITIES 3 


 4 


1.0 PURPOSE 5 


The purpose of this evidence is to outline the OEB-approved revenue requirement treatment 6 


of OPG’s liabilities for nuclear waste management and decommissioning (“nuclear liabilities”) 7 


and to present the forecast amounts of nuclear liabilities costs included in the proposed 8 


revenue requirements for the 2022-2026 IR term.   9 


 10 


2.0 OVERVIEW 11 


OPG is seeking recovery of $1,483.9M, after-tax, over the IR term in respect of nuclear 12 


liabilities, with $291.8M for the prescribed facilities and $1,192.1M for the Bruce facilities. 13 


These amounts were determined using the methodology approved by the OEB in EB-2007-14 


0905, EB-2010-0008, EB-2013-0321, and EB-2016-0152, and reflect the approved 2017 to 15 


2021 Ontario Nuclear Funds Agreement (“ONFA”) Reference Plan effective January 1, 2017 16 


(the “2017 ONFA Reference Plan”) and its attendant contribution schedule approved by the 17 


Province of Ontario (the “2017 ONFA Contribution Schedule”). The relative contribution of 18 


the prescribed facilities and the Bruce facilities to the nuclear liabilities’ revenue requirement 19 


impacts is illustrated in Figure 1 below. 20 


 21 


For the prescribed facilities, OPG is seeking recovery of the following annual amounts: 22 


$60.3M in 2022, $86.8M in 2023, $83.6M in 2024, $22.2M in 2025 and $38.9M in 2026 (Ex. 23 


C2-1-1, Table 1, line 8). The significant reduction in the recovery amounts over the IR term 24 


primarily reflects the depreciation of asset retirement costs for the Pickering station in line 25 


with the current accounting end-of-life (“EOL”) dates of December 31, 2022 for Units 1 and 4 26 


and December 31, 2024 for Units 5 to 8.  27 


 28 


 29 


 30 
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Figure 1: Nuclear Liabilities Revenue Requirement Impact 1 


 2 


 3 


For the Bruce facilities, the recovery amounts sought comprise (i) a reduction to Bruce Lease 4 


net revenues, and (ii) through the impact of Bruce Lease net revenues on regulatory 5 


earnings before tax for the prescribed facilities, associated regulatory income tax impacts.  6 


The annual Bruce Lease net revenues reductions are as follows: $161.4M in 2022, $178.3M 7 


in 2023, $179.0M in 2024, $190.2M in 2025 and $185.2M in 2026 (Ex. C2-1-1, Table 1, line 8 


15). The associated annual regulatory income tax impacts are as follows: $53.8M in 2022, 9 


$59.4M in 2023, $59.7M in 2024, $63.4M in 2025 and $61.7M in 2026 (Ex. C2-1-1, Table 1, 10 


line 16). 11 


 12 


The treatment of Pickering EOL dates is discussed in further detail in Ex. F4-1-1, Section 3.5 13 


and Ex. H1-1-1, Section 6.2. As noted in those exhibits, OPG is applying for a deferral 14 


account related to future changes to Pickering station EOL dates for accounting purposes, 15 


including associated impacts on nuclear liabilities, as part of this application in line with the 16 


OEB’s current accounting order requirements, effective January 1, 2021. This includes 17 


changes to the Pickering station EOL dates expected effective December 31, 2020, the 18 


impact of which cannot be determined pending finalization of the corresponding year-end 19 
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2020 adjustment to the nuclear liabilities and therefore has not been reflected in this 1 


application. This adjustment will be reflected in OPG’s 2020 audited consolidated financial 2 


statements to be issued in March 2021. 3 


 4 


The remainder of this evidence is structured as follows: 5 


 Section 3.0 provides background on OPG’s nuclear waste management and 6 


decommissioning obligations, an overview of ONFA, and financial accounting 7 


requirements for nuclear liabilities and ONFA segregated funds in accordance with US 8 


generally accepted accounting principles (“US GAAP’).  9 


 Section 4.0 describes the OEB-approved methodology for recovery of OPG’s nuclear 10 


liabilities, for the prescribed facilities and the Bruce facilities, that was applied in all prior 11 


OPG payment amounts proceedings and has been applied by OPG in this application. 12 


 Section 5.0 discusses main changes in the asset retirement obligation, the corresponding 13 


unamortized asset retirement costs and the segregated fund balances set aside for 14 


discharging the nuclear liabilities in accordance with the ONFA.  15 


 Section 6.0 presents the impact of the year-end 2017 nuclear liabilities adjustment 16 


recorded in connection with the extension of EOL dates for the Pickering station 17 


subsequent to EB-2016-0152, for which the prescribed facilities’ revenue requirement 18 


impact is being recorded in the Impact Resulting from Changes to Pickering End-of-Life 19 


Dates (December 31, 2017) Deferral Account established through the EB-2018-0002 20 


accounting order proceeding. 21 


 Section 7.0 provides the status of the 2022 ONFA Reference Plan update, which is under 22 


development and has not been reflected in the proposed IR term revenue requirement. 23 


Once finalized and implemented, the revenue requirement impact of the 2022 ONFA 24 


Reference Plan will be subject to the Nuclear Liability Deferral Account and the Bruce 25 


Lease Net Revenues Variance Account. 26 


 Section 8.0 discusses the jurisdictional review of cost recovery methodologies for nuclear 27 


liabilities (“Jurisdictional Study”) directed by the OEB’s Decision and Order in EB-2016-28 
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01521. The Jurisdictional Study itself is provided in Attachment 3. 1 


 2 


3.0 BACKGROUND 3 


3.1 Obligations for Nuclear Waste Management and Decommissioning 4 


OPG is responsible for the ongoing and long-term management of irradiated wastes, 5 


including used nuclear fuel and less radioactive material, categorized as low and 6 


intermediate level waste (“L&ILW”), generated over the life of its nuclear facilities, and for the 7 


decommissioning of its nuclear generating and waste management facilities at the end of 8 


their useful lives. These obligations are tracked by the following five programs:  9 


 Decommissioning – OPG’s nuclear station decommissioning plans consist of preparation 10 


and placement of stations into a safe state condition at the end of their useful lives, 11 


including removal of fuel and heavy water from the reactors, followed by an assumed 30-12 


year safe store period and subsequent station dismantlement and site restoration.  13 


 Used Fuel Storage – The program encompasses the interim storage of used nuclear fuel 14 


in dry storage containers at nuclear station sites prior to their ultimate long-term disposal. 15 


 Used Fuel Disposal – The program encompasses the long-term management of used 16 


nuclear fuel, which is based on the Adaptive Phased Management (“APM”) concept 17 


previously accepted by the Government of Canada on recommendation of the Nuclear 18 


Waste Management Organization (“NWMO”) in response to the Nuclear Fuel Waste Act. 19 


The NWMO is responsible for the design and implementation of Canada’s plan for the 20 


safe long-term management of used nuclear fuel. The APM approach includes the 21 


isolation and containment of used nuclear fuel in a proposed deep geologic repository. 22 


The NWMO is funded by nuclear fuel waste owners in Canada, including OPG. 23 


 L&ILW Storage – The program includes the transportation, processing, and interim 24 


storage, at the OPG-owned and operated Western Waste Management Facility situated 25 


at the Bruce nuclear site, of the L&ILW generated at the sites during and following the 26 


operation of the nuclear stations, prior to its ultimate long-term disposal.  27 


                                                 


1 EB-2016-0152 Decision and Order, p. 97. 
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 L&ILW Disposal – The program encompasses the long-term management of the L&ILW 1 


generated at the nuclear sites. OPG’s long-term disposal strategy previously entailed the 2 


permanent emplacement of L&ILW into a separate proposed deep geologic repository 3 


adjacent to the Western Waste Management Facility. As a result of the January 2020 4 


vote of the Saugeen Ojibway Nation (“SON”) not to support this proposal, OPG is 5 


exploring alternative solutions for the safe long-term management of L&ILW. Due to 6 


significant inherent uncertainties associated with potential alternative solutions, no 7 


adjustments to the estimate of OPG’s nuclear liabilities have been made as a result of the 8 


SON vote in accordance with US GAAP and under the ONFA. 9 


 10 


OPG’s obligations include used fuel and L&ILW generated at the Bruce stations and the 11 


decommissioning of the Bruce stations. 12 


 13 


OPG typically performs a comprehensive update of the cost estimates for the nuclear 14 


liabilities every five years, through the ONFA Reference Plan update process outlined in 15 


Section 3.2. Given the long-term duration of the nuclear liabilities programs and the evolving 16 


technology to handle nuclear waste, there is inherent uncertainty surrounding the cost 17 


estimates and economic indices underpinning the nuclear liabilities, which may increase or 18 


decrease materially over time as plans, assumptions, methods and technology evolve and 19 


economic conditions change. 20 


 21 


In accordance with US GAAP, OPG recognizes an accounting obligation for its nuclear 22 


liabilities on the balance sheet, known as an asset retirement obligation (“ARO”). The ARO 23 


represents the present value of the committed portion of the costs for OPG’s nuclear 24 


liabilities. The committed costs include the cost components of the above five nuclear waste 25 


management and decommissioning programs that are considered to be fixed, as well as the 26 


lifetime variable costs for irradiated waste generated to date. The baseline cost estimates 27 


underpinning the ARO are those developed through the ONFA Reference Plan update 28 


process.  29 


 30 







Filed: 2020-12-31 
EB-2020-0290 


Exhibit C2 
Tab 1 


Schedule 1 
Page 6 of 25 


 


 


The initial value and each subsequent adjustment to the ARO are known as tranches. In 1 


accordance with US GAAP, each tranche is calculated using a discount rate determined at 2 


the time of the adjustment, as discussed below, and is not revalued for subsequent changes 3 


in the discount rate.  4 


 5 


The current ARO balance consists of nine different tranches. The tranches represent the 6 


initial ARO and each of the subsequent adjustments (in present value terms), with the latest 7 


tranche, recorded at December 31, 2017, related to the 2017 adjustment in connection with 8 


the extension of accounting EOL dates for the Pickering station (see Section 6.0).  9 


 10 


Each of the ARO tranches increases over time due to accretion expense, which represents 11 


growth in the present value of the obligation at the discount rate used to establish each 12 


tranche, due to the passage of time. Accretion expense is recognized as a cost in OPG’s 13 


income statement in accordance with US GAAP.  14 


 15 


In accordance with US GAAP, the discount rate for each ARO tranche is determined using a 16 


credit adjusted risk-free rate2 determined as of the date of the revision for each ARO 17 


adjustment underpinned by an upward revision in the amount of undiscounted estimated 18 


cash flows (for example, for the year-end 2017 ARO adjustment), or the weighted average 19 


discount rate of the existing tranches in the case of a downward revision in the amount of 20 


undiscounted cash flows (for example, for the 2017 ONFA Reference Plan ARO adjustment). 21 


The December 31, 2017 tranche, which was based on an upward revision, was calculated 22 


using a discount rate of 2.94% and the 2017 ONFA Reference Plan tranche, which was 23 


based on a downward revision, was calculated using a discount rate of 4.95%. 24 


 25 


An overall objective of the financial accounting treatment of the ARO is to reflect costs in the 26 


periods they are incurred, by matching them to the benefits derived from the asset. ARO 27 


costs are typically capitalized as a component of property, plant and equipment (“PP&E”) on 28 


                                                 


2 The discount rate used by OPG is the Province of Ontario long-term bond yield rate. 
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the balance sheet and amortized over the useful life of the stations, in order to match the 1 


incurrence of these costs to the generation output of the station. The capitalized costs are 2 


known as asset retirement cost (“ARC”). As such, a change in the ARO as a result of 3 


changes in baseline cost estimates from an approved ONFA Reference Plan or from a 4 


change in the accounting estimate or assumptions typically result in an equal amount being 5 


recorded as an increase or decrease to the PP&E balances for the corresponding stations, to 6 


be amortized, like other capital costs, over their remaining useful lives. The amortization 7 


gives rise to depreciation expense. ARC is a component of the net book value of each of the 8 


Pickering, Darlington and Bruce nuclear stations.3 Under the OEB-approved nuclear liabilities 9 


recovery methodology for the prescribed facilities discussed in Section 4.1, ARC is included 10 


in OPG’s nuclear rate base, and associated depreciation expense is included in the total 11 


depreciation and amortization expense. 12 


 13 


Quantities of used fuel and L&ILW produced over time give rise to incremental committed 14 


costs, which are recorded as increases to the ARO. These costs, expressed in present value 15 


terms, are known as used fuel variable and L&ILW variable expenses, and are charged to 16 


the income statement as incurred, in the period the additional used fuel and L&ILW is 17 


generated. The variable expenses are recorded as an increase to the ARO, either as an 18 


increase to the most recent tranche or as a separate tranche.4 They are included in the 19 


revenue requirement, as incurred, under the OEB-approved nuclear liabilities recovery 20 


methodology for the prescribed facilities and the Bruce facilities. 21 


 22 


                                                 


3 For continuities of PP&E and accumulated depreciation and amortization balances for the prescribed facilities 
over the 2016-2026 period, including ARC, see Ex. B3-3-1 and Ex. B3-4-1. 
4 As incremental variable expenses represent, by definition, increases in undiscounted cash flows underlying the 
ARO, they are calculated using a credit-adjusted risk-free rate as of the date of the latest ARO adjustment. This 
approach is followed irrespective of whether the latest ARO adjustment was calculated using a credit-adjusted 
risk-free rate or a weighted average discount rate of the existing tranches (i.e. depending on the direction of 
change in the underlying undiscounted cash flows). Therefore, when an ARO adjustment is calculated using a 
credit-adjusted risk-free rate, variable expenses recorded following that date are added to the same ARO 
adjustment tranche. When the latest ARO adjustment is calculated using a weighted average discount rate, such 
variable expenses form a separate tranche, as was the case for the variable expenses recorded during 2017 that 
were calculated using a discount rate of 3.20%.  
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OPG maintains a station-level continuity of the ARO balances. The ARO is attributed at the 1 


station level for each of the five programs described above. For the Decommissioning and 2 


Used Fuel Storage programs, the underlying cost estimates are prepared directly at the 3 


station level, with individual estimates prepared for each station. The remaining programs 4 


involve central facilities, with cost estimates prepared at the program level and allocated to 5 


individual stations in proportion to the lifecycle waste volume estimates.5 6 


 7 


Continuity schedules showing the opening, closing and average balances of the ARO and 8 


ARC are provided in Ex. C2-1-1, Table 2 (for the prescribed facilities) and Ex. C2-1-1, Table 9 


3 (for the Bruce facilities).6  10 


 11 


3.2 Ontario Nuclear Funds Agreement 12 


The ONFA, a bilateral agreement between OPG and the Province of Ontario (“Province”), 13 


sets out OPG’s funding obligations for the long-term programs of lifecycle nuclear liabilities, 14 


through contributions to two segregated funds, the Decommissioning Segregated Fund 15 


(“DF”) and the Used Fuel Segregated Fund (“UFF”) (collectively, “segregated funds”).7 These 16 


funds are set aside in segregated accounts for the express purpose of funding future 17 


expenditures on the underlying obligations. The Province established the ONFA as a funding 18 


mechanism for OPG’s nuclear liabilities consistent with a growing trend in international 19 


jurisdictions at the time to place money aside for the long-term management of nuclear 20 


liabilities, in recognition of the fact that these liabilities will be discharged many years after 21 


the nuclear generating stations have closed. The ONFA was executed in 2003, but includes 22 


calculations and contributions effective as of OPG’s inception in 1999. 23 


                                                 


5 The allocation of central program costs across the nuclear fleet based on lifecycle waste volume estimates gives 
rise to circumstances where a change in the assumed operating life of one nuclear station results in changes to 
the nuclear liabilities of all stations (i.e. both the prescribed facilities and the Bruce facilities).  
6 The average ARO and ARC balances are provided for the prescribed facilities but not the Bruce facilities as 


these values are required to determine rate base values and the return on rate base used only in the approved 
revenue requirement methodology for the prescribed facilities (see sections 4.1 and 4.2). 
7 In accordance with the ONFA, the DF is established to pay for costs associated with the Decommissioning 
program, the L&ILW Disposal program, certain costs of the Used Fuel Storage program incurred after the stations 
are shut down, and the costs of the L&ILW storage program incurred after the stations are shut down. The UFF 
funds the costs of the Used Fuel Disposal program and certain costs of the Used Fuel Storage program after the 
stations are shut down.  
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The costs for used fuel management and L&ILW storage costs incurred during the stations’ 1 


operating lives are not funded under the ONFA, cannot be drawn from the segregated funds 2 


and therefore are not included in the ONFA funding liabilities. As these costs, referred to as 3 


“internally funded”, are part of OPG’s legal obligation for nuclear waste, they are included in 4 


the ARO and are funded from OPG’s operating cash flow.  5 


 6 


The ONFA funding liabilities reflect a lifecycle view of nuclear wastes forecast over the 7 


operating span of OPG’s nuclear generating facilities, including wastes not yet generated. 8 


Conversely, as discussed above, the ARO considers the committed portion of the costs for 9 


OPG’s nuclear liabilities, which includes lifetime variable costs associated with the wastes 10 


generated to date but excludes such costs for wastes yet to be generated. 11 


 12 


OPG's station-level quarterly contributions to the segregated funds are determined 13 


periodically with reference to (i) the “ONFA Decommissioning Balance to Complete Cost 14 


Estimate” and “Used Fuel Balance to Complete Cost Estimate” (collectively, “funding 15 


liabilities”) contained in the approved ONFA Reference Plan in effect, and (ii) corresponding 16 


segregated fund balances at that point in time. Prescribed funding formulae and rules set out 17 


in the ONFA are applied to calculate the contribution amounts based on the difference 18 


between the funding liabilities and segregated funds balance. The ONFA reference plan, 19 


including all underlying cost estimates and assumptions, is required to be updated every five 20 


years or whenever there is a significant change as determined under the ONFA. Station-level 21 


continuities of the funding liabilities and segregated funds balances are maintained in 22 


accordance with the ONFA. The funded status of the segregated funds at any point in time 23 


represents the difference between the funding liabilities per an approved ONFA reference 24 


plan then in effect and the value of the segregated funds.    25 


 26 


The discount rate used to calculate the funding liabilities is determined in accordance with 27 


the ONFA, which prescribes that such rate be set at 3.25% real rate of return plus the long-28 


term term change in the Ontario consumer price index (“CPI”). The resulting rate stands at 29 


5.15% per the 2017 ONFA Reference Plan and establishes the long-term target rate of return 30 


on the segregated funds. 31 
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  1 


Cost estimates and underlying operational, economic and other planning assumptions 2 


reflected in the ONFA funding liabilities are determined through a comprehensive process 3 


that draws from a variety of sources, including the use of independent third party experts in 4 


different fields. Cost estimates and underlying assumptions are reviewed by the Province 5 


and their technical consultants prior to approval of an ONFA Reference Plan. In addition to 6 


the funding liabilities for the ONFA-eligible costs, an approved ONFA Reference Plan 7 


contains cost estimates for internally funded costs, which are also subject to review by the 8 


Province. 9 


 10 


The ONFA contains several specific features designed to reduce risk for future generations 11 


of Ontarians, by ensuring that sufficient funds are available to pay for nuclear liabilities. First, 12 


the segregated funds are held in third-party custodial accounts, externally administered and 13 


subject to established reporting controls. Second, OPG cannot withdraw monies from the 14 


funds unless the withdrawal reimburses OPG for an eligible incurred expenditure related to 15 


nuclear waste management and decommissioning activities as specifically defined by the 16 


ONFA. These disbursements are subject to a detailed review and approval process by the 17 


Province. OPG does not have other rights to withdraw the funds, including on the 18 


agreement’s termination, as discussed below. Third, as also discussed below, specific 19 


funding formulae and rules contained in the ONFA have been structured such that OPG has 20 


been required to fund a substantial portion of the underlying used fuel liabilities in earlier 21 


years, effectively as a form of funding conservatism.  22 


 23 


3.2.1  Funding of ONFA Segregated Funds  24 


Prior to the current approved 2017 ONFA Reference Plan, OPG had been making overall 25 


quarterly contributions to the UFF since inception, as the fund was in an underfunded 26 


position. These contributions reflected ONFA requirements that result in about three-quarters 27 


of the long-term used fuel management costs being funded over the assumed remaining 28 
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operating periods of the nuclear stations per the 1999 ONFA Reference Plan.8 These 1 


operating periods did not contemplate subsequent station refurbishment or extended 2 


operation decisions and therefore are much shorter than the operating lives expected 3 


currently, including those used for accounting purposes. In addition to the overall quarterly 4 


contributions, ONFA also required OPG to make a special one-time payment of $334M into 5 


the UFF in 2007, which further accelerated the funding of the underlying liabilities.9 These 6 


factors, together with the performance of the fund assets, led to the UFF becoming overall 7 


fully funded based on the approved 2017 ONFA Reference Plan. 8 


 9 


In 2003, the Province made a substantial contribution to the DF, which, together with fund 10 


performance since that time, has been sufficient to ensure that the fund remained fully 11 


funded overall each time a new contribution schedule has been established.10   12 


 13 


Contributions to either or both the UFF or DF may be required in the future should the funds 14 


be in an underfunded position relative to the funding requirements of a new approved ONFA 15 


Reference Plan, either as a result of changes in underlying cost estimates or due to below 16 


target fund investment performance.  17 


 18 


Although each of the segregated funds was fully funded in aggregate when setting the 2017 19 


ONFA Contribution Schedule, the portion of the 2017 ONFA Reference Plan funding 20 


obligations related to the prescribed facilities was underfunded, while the portion related to 21 


the Bruce facilities was overfunded. Specifically, the prescribed facilities’ portion of the DF 22 


was underfunded and their portion of the UFF was overfunded, while for the Bruce facilities, 23 


the DF portion was overfunded and the UFF portion was underfunded. Accordingly, the 2017 24 


                                                 


8 This reflects ONFA requirements that the costs for the first 2.23 million fuel bundles, the estimated lifecycle 
quantity expected to be produced by the stations as of OPG’s inception, be funded over the assumed remaining 
operating periods of the nuclear stations per the 1999 ONFA Reference Plan. As the estimated fixed costs of the 
used fuel long-term management program, which are expected to be incurred irrespective of the fuel bundle 
volume, make up a significant portion of the total used fuel funding liability, the majority of the used fuel liability is 
funded over the assumed 1999 remaining operating period applicable to the first 2.23 million bundles (or within 5 
years of a new approved ONFA reference plan if these operating periods have elapsed).  
9 See EB-2007-0905 Ex. G2-2-1, p. 2, lines 11-20. 
10 The funded status of the DF was noted in EB-2007-0905 Decision with Reasons, p. 66. 
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ONFA Contribution Schedule included rebalancing of each of the funds via offsetting positive 1 


and negative station-level contribution amounts, consistent with the intent of the ONFA that, 2 


over time, the funds be fully funded at the station level. This results in overall positive 3 


prescribed facilities’ contributions and overall negative Bruce facilities’ contributions based on 4 


the 2017 ONFA Contribution Schedule. The approved contributions to the UFF and the DF 5 


are found in Attachments 1 and 2, and are reflected, as applicable, in the revenue 6 


requirement impacts proposed in this application under the OEB-approved recovery 7 


methodology. 8 


 9 


3.2.2  Segregated Funds Assets and Earnings 10 


In accordance with US GAAP, segregated funds are recognized as assets on OPG’s balance 11 


sheet to the extent that OPG has a right to access the monies based on the terms of the 12 


ONFA. OPG does not have the right or access to any portion of the segregated funds that 13 


are not recorded on its balance sheet.  14 


 15 


The difference between the ARO and the segregated fund assets recorded on OPG’s 16 


balance sheet represents the unfunded nuclear liability (“UNL”), as defined under the OEB- 17 


approved revenue requirement methodology for the prescribed facilities, discussed in section 18 


4.1. 19 


 20 


Under the ONFA, the Province guarantees the rate of return earned for the portion of the 21 


UFF attributed to the first 2.23 million used fuel bundles at a prescribed real rate of return of 22 


3.25% plus the change in the Ontario CPI as defined in the ONFA (“committed return”). The 23 


Province also limits OPG’s financial exposure under the ONFA with respect to the lifecycle 24 


costs of long-term management of the first 2.23 million used fuel bundles. Any earnings 25 


above the guaranteed rate accrue to the Province. The Province has the right to access 26 


cumulative excess market earnings above the committed return when a new or amended 27 


ONFA reference plan becomes approved, but has not done so to date. If the market earnings 28 


are lower than the committed return, the Province is required to make a contribution to the 29 


UFF when a new or amended ONFA reference plan is approved.   30 


The portion of the fund attributed to used fuel bundles above the 2.23 million threshold is not 31 
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subject to the Province’s guarantee and earns a return based on the market performance of 1 


the assets. This portion is intended to fund the incremental costs associated with fuel 2 


bundles in excess of 2.23 million, which currently represent about one-quarter of the used 3 


fuel funding liability.11  4 


 5 


Upon termination of the ONFA, only the Province has a right to any surplus in the UFF. The 6 


ONFA does not allow inter-fund transfers from the UFF to the DF. If there is a surplus in the 7 


UFF such that the underlying used fuel funding liability, as defined by the most recently 8 


approved ONFA reference plan, is at least 110% funded based on the fair market value of 9 


the fund assets and after taking into account the committed return on the guaranteed portion, 10 


the Province has the right to access the surplus amount greater than 110% at any time.    11 


 12 


There is no Provincial guarantee with respect to the DF, which earns a return based on the 13 


market performance of the assets. OPG has the right to direct, solely when a new or 14 


amended ONFA reference plan is approved, up to 50% of the surplus, if any, above 120% in 15 


the DF to the UFF, with the Province entitled to receive the other 50%. OPG has not directed 16 


any portion of the DF surplus to the UFF since the fund’s inception. The Province does not 17 


have a right to withdraw, at its own discretion, any portion of the surplus amounts in the DF 18 


until the termination of the ONFA, at which time all such surplus amounts accrue to the 19 


Province.  20 


 21 


As OPG does not have the right to any surplus funding in the UFF, in accordance with 22 


generally accepted accounting principles, it limits the portion of the UFF recognized as an 23 


asset to the underlying funding liability per the approved ONFA reference plan in effect. For 24 


the DF, OPG records, as an asset, an amount equal to the underlying funding liability plus 25 


the portion of DF surplus funding, if any, equal to 50% of the surplus above the 120% 26 


threshold, in recognition of the company’s right to direct that portion to the UFF. The portion 27 


of the DF surplus recognized as an asset is further limited by the amount of underfunding in 28 


                                                 


11 The incremental costs associated with fuel bundles in excess of the 2.23 million threshold do not include the 
fixed costs of the used fuel long-term management program. 
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the UFF, such that when the UFF is fully funded, none of the surplus in the DF is recorded as 1 


an asset. This additional limitation recognizes that a transfer from the DF to UFF when the 2 


UFF is fully funded would increase the surplus in the UFF that OPG cannot access. When 3 


the portion of the DF or UFF asset is limited to the underlying funding liability per above, fund 4 


earnings are recorded at the rate of growth of that liability (i.e. the discount rate) per the 5 


approved ONFA reference plan in effect.12  6 


Continuity schedules showing the opening, closing and average balances of the segregated 7 


fund assets and UNL are provided in Ex. C2-1-1, Table 2 (for the prescribed facilities) and 8 


Ex. C2-1-1, Table 3 (for the Bruce facilities).13  9 


 10 


4.0  APPROVED METHODOLOGY FOR RECOVERY OF NUCLEAR LIABILITIES 11 


In accordance with section 6(2)8 of O. Reg. 53/05, the OEB is required to ensure that OPG 12 


recovers the revenue requirement impact of its nuclear waste management and 13 


decommissioning liabilities arising from the current approved ONFA reference plan. The OEB 14 


established the methodologies for recovery of OPG’s nuclear liabilities costs in OPG’s first 15 


payment amounts proceeding, EB-2007-0905. Different methodologies were established for 16 


prescribed facilities and the Bruce facilities, as discussed below. These methodologies have 17 


been applied in all subsequent OPG proceedings.  18 


 19 


The revenue requirement methodologies established by the OEB were largely based on 20 


accounting values determined in accordance with generally accepted accounting principles. 21 


The main difference between the methodology for the prescribed facilities and the Bruce 22 


facilities is the application of a return on rate base, a regulatory construct, to the prescribed 23 


facilities, as opposed to including the net amount of ARO accretion expense and segregated 24 


fund earnings for the Bruce facilities.  25 


4.1 Approved Revenue Requirement Methodology for Prescribed Facilities  26 


                                                 


12 The portion of any surplus in the funds not recognized as an asset is recorded as Due to Province in OPG’s 
financial statements. The OEB addressed the matter of the Due to Province amounts in EB-2013-0321 (see EB-
2013-0321, 20 Decision with Reasons, p.110). 
13 The average UNL balances are provided for the prescribed facilities but not the Bruce facilities as these values 
are required to determine rate base values and the return on rate base used only in the approved revenue 
requirement methodology for the prescribed facilities.  
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Under the OEB-approved methodology for the prescribed facilities, OPG recovers:  1 


 depreciation expense on the ARC balance; 2 


 used fuel variable expenses;  3 


 L&ILW variable expenses;  4 


 return at the ARO weighted average accretion rate on the lesser of the average 5 


unamortized ARC and average UNL; and 6 


 return at the approved weighted average cost of capital (“WACC”) on the portion, if any, 7 


of average unamortized ARC in excess of average UNL.  8 


 9 


Each of these components is discussed separately below. The associated income tax 10 


impacts are also summarized below and further discussed in Ex. F4-2-1. Accounting 11 


accretion expense on the ARO and earnings on the segregated funds do not directly form 12 


part of the revenue requirement for the prescribed facilities, with the return component of the 13 


methodology effectively replacing the net amount of accretion expense and segregated fund 14 


earnings recorded for financial accounting purposes. One of the implications of this approach 15 


is that ratepayers are not exposed to investment performance risk for the prescribed facilities’ 16 


portion of the segregated funds. 17 


 18 


Section 5.2(1) of O. Reg. 53/05 establishes the Nuclear Liability Deferral Account, which 19 


records the revenue requirement impact for the prescribed facilities of any change in nuclear 20 


liabilities arising from an approved ONFA reference plan. This account is discussed in Ex. 21 


H1-1-1, section 5.14.  22 


 23 


4.1.1  Depreciation Expense  24 


Depreciation on the unamortized ARC is treated in the same manner as depreciation 25 


associated with other capital assets; it is included in annual nuclear depreciation and 26 


amortization expense presented in Ex. F4-1-1, Table 2. The ARC is depreciated over the 27 


station life. Actual amounts of ARC depreciation expense for the 2016 to 2019 period and the 28 


forecast amounts for the 2020 to 2026 period are presented in Ex. C2-1-1, Table 1, line 1. 29 


The OEB’s decision for the inclusion of the ARC depreciation expense in the revenue 30 
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requirement was related to the following observations in the EB-2007-0905 Decision with 1 


Reasons: 2 


 3 


The Board will accept inclusion in the revenue requirement of depreciation 4 
expense for the nuclear plants computed in accordance with GAAP, as 5 
proposed by OPG. Under GAAP, ARC included in the net book value of fixed 6 
assets is depreciated like any other fixed asset cost. It appears as an 7 
expense in OPG’s income statement. The Board finds that this approach 8 
results in a rational allocation of cost. (pp. 88-89). 9 


 10 


4.1.2  Used Fuel Variable Expenses 11 


The used fuel expense is calculated by reference to the difference between the lifecycle cost 12 


estimate and the amount of committed costs included in the nuclear liabilities for the 13 


corresponding nuclear waste management programs. This difference represents the variable 14 


costs of future fuel waste. The present value of this cost difference is then divided by the 15 


forecast number of future fuel bundles to calculate the per bundle cost rate. Used fuel 16 


variable expenses are calculated by applying the per bundle cost rate to the forecast used 17 


fuel volume. The actual used fuel expenses for the 2016 to 2019 period and the forecast 18 


amounts for the 2020 to 2026 period are presented in Ex. C2-1-1, Table 1, line 2, and form 19 


part of the nuclear fuel expense presented at Ex. F2-5-1, Table 1. The accounting discount 20 


rate of 2.94% associated with the latest ARO tranche was used to determine the forecast 21 


used fuel expenses for the 2020 to 2026 period. 22 


 23 


4.1.3  Low and Intermediate Level Waste Variable Expenses 24 


The L&ILW variable expenses are a component of the OM&A expenses reflected in Ex. F2-25 


2-1, Table 1 and Ex. F2-7-1, Table 1. Similar to used fuel, the difference between the 26 


lifecycle cost estimate and the amount of committed costs included in the nuclear liabilities 27 


for the corresponding nuclear waste management programs represents the variable costs of 28 


future waste. The present value of this cost difference is then divided by the forecast future 29 


L&ILW volume estimates to calculate the dollar per cubic metre rate. L&ILW variable 30 


expenses are calculated by applying the dollar per cubic metre rate to the forecast waste 31 


volumes. The actual L&ILW expenses for the 2016 to 2019 period and the forecast amounts 32 


for the 2020 to 2026 period are presented in Ex. C2-1-1, Table 1, line 3. The accounting 33 
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discount rate of 2.94% associated with the latest ARO tranche was used to determine the 1 


forecast L&ILW expenses for the 2020-2026 period. 2 


 3 


4.1.4  Return on Rate Base 4 


The OEB-approved nuclear liabilities recovery methodology requires that the return on a 5 


portion of the rate base be limited to the weighted average accretion rate. This portion is 6 


equal to the lesser of: (i) the average UNL related to the Pickering and Darlington facilities, 7 


and (ii) the average unamortized ARC included in the fixed asset balances for these facilities. 8 


The remainder of OPG’s rate base, including the amount, if any, by which average ARC 9 


exceeds average UNL, earns the OEB-approved WACC. The average UNL and the average 10 


unamortized ARC, including the apportionment of the ARC between amounts subject to the 11 


weighted average accretion rate and the WACC rate, are provided for the 2016 to 2026 12 


period in Ex. C2-1-1, Table 1a.  13 


 14 


The OEB’s decision for splitting the ARC return component between a portion attracting the 15 


weighted average accretion rate and a portion attracting the weighted average cost of capital 16 


was related to the following observations in the EB-2007-0905 Decision with Reasons: 17 


 18 


At some point, the unamortized ARC that is included in fixed assets in effect 19 
will be funded by debt or equity because OPG is obligated by ONFA to make 20 
cash contributions to the segregated funds; however, until those contributions 21 
occur, the ARC component of fixed assets has not been funded with capital 22 
supplied by investors. (p. 89) 23 
 24 
Clearly, OPG incurs accretion expense (at an average rate of 5.6%) on its 25 
nuclear liabilities whether they are funded or not. (p. 90)  26 
 27 


The UNL balances for the 2020 to 2026 period are projected based on forecast ARO and 28 


segregated fund balances, taking into account forecast activity for future years. For the ARO, 29 


forecast activity includes accretion expense on the ARO balance, used fuel and L&ILW 30 


variable expenses, and expenditures against the ARO. For the segregated funds, forecast 31 


activity includes fund earnings at the target rate of 5.15% consistent with the discount rate 32 


per the approved 2017 ONFA Reference Plan, and fund disbursements. The forecast activity 33 
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for the prescribed facilities’ portion of the ARO and segregated funds is shown in Ex. C2-1-1, 1 


Table 2.  2 


 3 


As seen in Ex. C2-1-1, Table 1a, Note 1, the amount of average unamortized ARC is 4 


projected to exceed the amount of average UNL in each year of the IR term. In 2022, the 5 


excess of the forecast average unamortized ARC over the forecast average UNL earns 6 


WACC of 5.98% and the remainder earns the current weighted average accretion rate of 7 


4.89%. For the 2023-2026 period, the forecast of average UNL is negative and therefore has 8 


been set at $0 for the purposes of the revenue requirement calculation.14 As such, the full 9 


amount of the forecast average ARC earns WACC of 5.93% in 2023, 5.99% in 2024 and 10 


6.01% in each of 2025 and 2026. The resulting return on rate base amounts are shown in 11 


Ex. C2-1-1, Table 1, lines 4 and 5.  The WACC is derived from the deemed capital structure, 12 


return on equity and cost of debt proposed by OPG in this application and as set out in Ex. 13 


C1-1-1, Tables 1-5 for the corresponding years.  14 


 15 


4.1.5  Income Tax Effects 16 


Through the calculation of regulatory income taxes for the prescribed facilities, the nuclear 17 


revenue requirement includes income tax impacts associated with the above cost elements 18 


for the nuclear liabilities, as well as the tax impacts of the prescribed facilities’ contributions 19 


to the segregated funds, expenditures on nuclear liabilities and disbursements from the 20 


segregated funds.  21 


 22 


As further described in Ex. F4-2-1, sections 3.2.1, 3.2.2 and 3.2.6, the cost components of 23 


the prescribed facilities’ revenue requirement methodology (depreciation, nuclear waste 24 


management variable expenses and return components) are not tax deductible and therefore 25 


attract a tax gross-up cost. As described in Ex. F4-2-1, sections 3.2.3 and 3.2.4, 26 


contributions to the segregated funds and both ONFA-funded and internally funded 27 


expenditures on nuclear liabilities are deductible for income tax purposes in accordance with 28 


                                                 


14 Setting the average UNL at $0 rather than applying a negative UNL results in a lower revenue requirement 
impact. 
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regulations under the Electricity Act, 1998, while the disbursements from the segregated 1 


funds to cover the ONFA-funded expenditures are correspondingly taxable. The income tax 2 


effects of these components are included in the nuclear liabilities’ revenue requirement 3 


impact at Ex. C2-1-1 Table 1, line 7, as calculated in Ex. C2-1-1 Table 1a, Note 2. 4 


 5 


4.2  Approved Revenue Requirement Methodology for the Bruce Facilities  6 


 7 


For the Bruce facilities, the OEB determined, by reference to sections 6(2)9 and 6(2)10 of O. 8 


Reg. 53/05, that the costs of the nuclear liabilities (as well as other OPG revenues and costs 9 


related to the Bruce stations that form part of Bruce Lease net revenues) are to be calculated 10 


using generally accepted accounting principles applicable to unregulated entities. Section 11 


6(2)9 requires that the OEB ensure that OPG recovers all the costs it incurs with respect to 12 


the Bruce nuclear generating stations. Section 6(2)10 requires that the excess of OPG’s 13 


revenues over costs related to its lease of these stations be applied to reduce the payment 14 


amounts for the prescribed nuclear facilities.  15 


On this matter, the OEB found the following in the EB-2007-0905 Decision with Reasons:  16 


 17 
The Board finds that the appropriate method to calculate OPG’s test period 18 
revenues and costs related to the Bruce stations is to use amounts calculated 19 
in accordance with GAAP. OPG’s investment in Bruce is not rate regulated. 20 
In the Board’s view, it would be not be a reasonable interpretation of Section 21 
6(2)9 and 6(2)10 to find that OPG should use an accounting method to 22 
determine revenues and costs that an unregulated business would otherwise 23 
never use. (p. 109)  24 
 25 
OPG should base its calculation of costs on GAAP. The costs should include 26 
all items that would be recognized as expenses under GAAP, including 27 
accretion expense on the nuclear liabilities. Forecast earnings on the 28 
segregated funds related to the Bruce liabilities should be included as a 29 
reduction of costs. (p. 110) 30 
  31 
 32 


Under this approach, OPG recovers ARC depreciation expense, used fuel and L&ILW 33 


variable expenses and ARO accretion expense, less segregated fund earnings. Each of 34 


these components is discussed separately below, as is a summary of the associated income 35 


tax impacts.  36 
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 1 


To give effect to O. Reg. 53/05 requirements, in EB-2007-0905, the OEB established the 2 


Bruce Lease Net Revenues Variance Account, which captures the difference between 3 


forecast and actual Bruce Lease net revenues, including nuclear liabilities costs. The Bruce 4 


Lease Net Revenues Variance Account is discussed in Ex. H1-1-1, Section 5.16. 5 


 6 


4.2.1  Depreciation Expense 7 


Depreciation on the unamortized ARC for the Bruce facilities is treated in the same manner 8 


as the depreciation associated with other capital assets and the ARC for the prescribed 9 


facilities. Total depreciation expense for the Bruce facilities is presented in Ex. G2-2-1, Table 10 


4. Included in these amounts are actual amounts of ARC depreciation expense for 2016 to 11 


2019 and forecast amounts for the 2020 to 2026 period, as presented in Ex. C2-1-1, Table 1, 12 


line 9. 13 


 14 


4.2.2  Used Fuel Variable Expenses 15 


The used fuel variable expense for the Bruce facilities is determined in the same manner as 16 


described in Section 3.3.1.2 for the prescribed facilities. The used fuel expense for the Bruce 17 


facilities is presented in Ex. G2-2-1, Table 5. Actual amounts of the expense for the 2016 to 18 


2019 period and forecast amounts for the 2020 to 2026 period are also presented in Ex. C2-19 


1-1, Table 1, line 10. 20 


 21 


4.2.3  Low and Intermediate Level Waste Variable Expense 22 


L&ILW variable expenses for the Bruce facilities are determined in the same manner as 23 


described in Section 3.3.1.3 for prescribed facilities. The L&ILW expenses for the Bruce 24 


facilities are included in amounts shown in Ex. G2-2-1, Table 5. Actual amounts of the 25 


expenses for the 2016 to 2019 period and amounts forecast for the 2020 to 2026 period are 26 


also presented in Ex. C2-1-1, Table 1, line 11. 27 


4.2.4  Accretion Expense 28 


As discussed above, accretion expense represents the growth in the present value-based 29 


ARO due to the passage of time. The attribution of the ARO balances between prescribed 30 


facilities and Bruce facilities is discussed in Section 3.1 above. Forecast accretion expense 31 
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for the Bruce facilities for the 2020 to 2026 period is derived by applying the corresponding 1 


accretion rates to the opening balances of each ARO tranche, using the same methodology 2 


as in prior payment amounts applications. The forecast amounts were derived by reference 3 


to the June 30, 2020 ARO balances from OPG’s second quarter 2020 consolidated financial 4 


statements, using the half-year rule and based on projected changes in the Bruce stations’ 5 


portion of the ARO due to additional used fuel and L&ILW variable expenses and 6 


expenditures against the ARO during the forecast period as shown in Ex. C2-1-1, Table 3. 7 


Actual amounts of the accretion expense for the 2016 to 2019 period and amounts forecast 8 


for the 2020 to 2026 period are presented in Ex. C2-1-1, Table 1, line 12 as well as Ex. G2-2-9 


1, Table 5, line 3. 10 


 11 


4.2.5  Earnings on the Segregated Funds 12 


The station-level attribution of the segregated funds balances is discussed in Section 3.1 13 


above. Actual segregated funds earnings for the 2016 to 2019 period and amounts forecast 14 


for the 2020 to 2026 period are presented in Ex. C2-1-1, Table 1, line 13 as well as Ex. G2-2-15 


1, Table 5, line 4. Forecast segregated funds earnings were determined using the same 16 


methodology as in prior payment amounts applications. In particular, earnings were 17 


determined by applying the target rate of 5.15% consistent with the discount rate per the 18 


approved 2017 ONFA Reference Plan, to the opening balances of each fund. Such earnings 19 


take into account, using the half-year rule, contributions to the segregated funds pursuant to 20 


the approved 2017 ONFA Contribution Schedule and projected disbursements from the 21 


funds as shown in Ex. C2-1-1, Table 3. The forecast amounts were derived by reference to 22 


the June 30, 2020 segregated funds asset balances from OPG’s second quarter 2020 23 


consolidated financial statements.  24 


 25 


4.2.6  Income Tax Effects 26 


The calculation of Bruce Lease net revenues includes the income tax expense associated 27 
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with the above cost elements for the nuclear liabilities.15 As these items are not deductible for 1 


tax purposes, they attract a deferred income tax credit in accordance with generally accepted 2 


accounting principles. This credit is included in the nuclear liabilities’ revenue requirement 3 


impact at Ex. C2-1-1, Table 1, line 14, as calculated in Ex. C2-1-1 Table 1a, Note 3. As part 4 


of Bruce Lease net revenues, segregated fund contributions and expenditures on nuclear 5 


liabilities (net of disbursements from the segregated funds), as tax deductible items, reduce 6 


the current income tax expense but also attract an equal and offsetting deferred income tax 7 


cost, with no net effect.16  8 


 9 


Additionally, Bruce Lease net revenues amounts are subject to regulatory income tax 10 


treatment through their impact on regulatory earnings before tax for the prescribed facilities, 11 


as shown at Ex. C2-1-1, Table 1, line 16. 12 


 13 


5.0 CHANGES IN ARO, UNAMORTIZED ARC AND SEGREGATED FUND BALANCES  14 


With the exception of 2016 and 2017, which include a year-end ARO balance adjustment 15 


reflecting approved 2017 ONFA Reference Plan and changes in Pickering station EOL dates, 16 


respectively, the actual and forecast growth in the ARO for the period to 2026 is primarily the 17 


result of accretion expense. Similarly, with the exception of the year-end ARC balance 18 


adjustments in 2016 and 2017 corresponding to the above ARO adjustments, depreciation 19 


and, for the prescribed facilities, the planned Pickering shutdown are the drivers of the 20 


otherwise declining trend in the ARC balances over the period to 2026.  21 


 22 


The 2017 ONFA Reference Plan adjustment to the ARO and ARC balances at the end of 23 


2016 is the same as provided in EB-2016-0152 and reflected in the EB-2016-0152 approved 24 


nuclear revenue requirement and payment amounts.17 The revenue requirement impact of 25 


the year-end 2017 ARO and ARC adjustment on the prescribed facilities and the Bruce 26 


                                                 


15 The calculation of the total income tax expense component of Bruce Lease net revenues is discussed further in 
Ex. G2-2-1, sections 4.8 and 4.9 and presented in Ex. G2-2-1, Tables 7 and 8. 
16 As the net tax effect is nil, these items are not identified in the calculation of the income tax component of Bruce 
Lease net revenues at Ex. C2-1-1 Tables 1 and 1a. 
17 EB-2016-0152 Decision and Order, pp. 91, 98. 
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facilities is discussed in Section 6.0. 1 


 2 


The actual and forecasted growth in the segregated funds balance for the 2016 to 2026 3 


period is mainly the result of actual and forecasted fund earnings and station-level 4 


contribution amounts in accordance with the 2017 ONFA Contribution Schedule. 5 


 6 


The proposed IR term revenue requirement reflects the current accounting EOL dates for the 7 


Pickering station of December 31, 2022 for Units 1 and 4 and December 31, 2024 for Units 5 8 


to 8. As the Pickering ARC balance fully depreciates by the end of 2024 based on these 9 


assumptions, there is significant decrease in the forecast ARC balance and associated 10 


depreciation expense for the prescribed facilities. As of the beginning of 2026, the ARC 11 


balance for the prescribed facilities is forecast at $96M, compared to $851M at the beginning 12 


of 2016 and $447M at the beginning of 2020.  13 


 14 


The treatment of Pickering EOL dates is discussed in further detail in Ex. F4-1-1, Section 3.2 15 


and Ex. H1-1-1, Section 6.2. As noted in those exhibits, OPG is applying for a deferral 16 


account related to future anticipated changes to Pickering station EOL dates for accounting 17 


purposes, including any associated impact on nuclear liabilities for the prescribed facilities, 18 


as part of this application in line with the OEB’s accounting order requirements, effective 19 


January 1, 2021. Any associated impact on nuclear liabilities for the Bruce facilities, through 20 


allocation of central program costs across the nuclear fleet based on lifecycle waste volume 21 


estimates, will be recorded in the Bruce Lease Net Revenues Variance Account in the 22 


normal course. 23 


 24 


6.0 YEAR-END 2017 NUCLEAR LIABILITIES ADJUSTMENT 25 


As described in EB-2018-0002 and discussed in Ex. F4-1-1, Section 3.2, OPG implemented 26 


changes to accounting EOL date assumptions for the Pickering station, from December 31, 27 


2020 for Pickering Units 1 and 4 and Units 5 to 8 to December 31, 2022 for Pickering Units 1 28 


and 4 and December 31, 2024 for Units 5 to 8, effective December 31, 2017. 29 


 30 


Effective December 31, 2017, in accordance with US GAAP, OPG recorded an increase in 31 
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the carrying values of the ARO and ARC of $188.4 million, comprising $143.7 million for the 1 


prescribed facilities and, through allocation of central program costs across the nuclear fleet 2 


based on lifecycle waste volume estimates, $44.7 million for the Bruce facilities, to reflect the 3 


changes in the Pickering station EOL date assumptions. The net increase in the ARO was 4 


primarily due to the increase in the committed costs associated with used fuel disposal 5 


activities resulting from the extension of the Pickering units’ operating period and related 6 


additional used fuel. The detail of the year-end 2017 ARO adjustment are provided in Ex. C2-7 


1-1, Table 4. 8 


 9 


The total revenue requirement impacts from the above change in the ARO and ARC 10 


balances over the 2018-2021 period are estimated at $186M for the prescribed facilities, 11 


including $47M in associated income tax impacts, as shown at Ex. H1-1-1, Table 13.18 These 12 


impacts are recorded in the Impact Resulting from Changes to Pickering Station End-of-Life 13 


Dates (December 31, 2017) Deferral Account pursuant to the EB-2018-0002 Decision and 14 


Order and are nearly identical to the estimated impacts provided during that proceeding.19 20  15 


 16 


The prescribed facilities’ impacts over the period reflect higher ARC depreciation due to the 17 


increase in the ARC balance, partially offset by the impact of extending the period over which 18 


ARC is being depreciated.  The impacts also include a higher return on rate base, due to the 19 


increase in the ARC balance, and higher used fuel variable expenses, due to an increase in 20 


per bundle cost rates reflecting a lower discount rate of 2.94% (compared to 3.20%21 in use 21 


prior to the year-end 2017 adjustment).  22 


 23 


For the Bruce facilities, the above changes in the ARO and ARC balances are estimated to 24 


decrease Bruce Lease net revenues by approximately $20M in total over the 2018-2021 25 


                                                 


18 These impacts have been determined by applying the revised Pickering station EOL dates, ARO/ARC 
adjustment and volumetric variable cost rates to recalculate the corresponding OEB-approved values (such as 
ARC depreciation and used fuel and L&ILW variable expenses) reflected in the EB-2016-0152 revenue 
requirement, holding other variables constant (such as forecast volumes of used fuel and L&ILW). 
19 EB-2018-0002, OPG’s response to Board Staff Interrogatory #1, Attachment 1, Table 1. 
20 The Impact Resulting from Changes in Pickering Station End-of-Life Dates (December 31, 2017) Deferral 
Account is discussed in Ex. H1-1-1, Section 5.22. 
21 Footnote 3. 
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period. This is primarily due to higher used fuel variable expenses for the above noted 1 


reason. The impacts are recorded in the Bruce Lease Net Revenues Variance Account.  2 


 3 


7.0 2022 ONFA REFERENCE PLAN STATUS 4 


As discussed in Section 3.2, OPG reviews and updates the ONFA Reference Plan and 5 


associated lifecycle cost estimates and assumptions at least every five years, in line with the 6 


ONFA requirements. Updated ONFA Reference Plans are submitted to the Province for 7 


review and approval. The next Reference Plan update, effective for the 2022-2026 period, is 8 


under development and is expected to be finalized in 2021 for the Province’s approval.  9 


 10 


The proposed IR term revenue requirement reflects the approved 2017 ONFA Reference 11 


Plan. The corresponding revenue requirement impact of the approved 2022 Reference Plan 12 


will be recorded in the Nuclear Liability Deferral Account for the prescribed facilities and the 13 


Bruce Lease Net Revenues Variance Account for the Bruce facilities, as described in Ex. H1-14 


1-1.22  15 


 16 


7.0  JURISDICTIONAL STUDY OF COST RECOVERY METHODOLOGIES 17 


In the EB-2016-0152 Decision and Order, the OEB directed OPG to “provide a jurisdictional 18 


study of cost recovery methodologies for nuclear liabilities with its next cost based nuclear 19 


payment amounts application”.23 OPG retained KPMG LLP to undertake this Jurisdictional 20 


Study, which is provided in Attachment 3.  21 


The key findings of the Jurisdictional Study are as set out in the executive summary and Part 22 


IV of the Jurisdictional Study. 23 


 24 


                                                 


22 Any additions to the Nuclear Liability Deferral Account related to the 2022-2026 ONFA Reference Plan and to 
the proposed deferral account related to future changes to Pickering station EOL dates for accounting purposes 
(Ex. H1-1-1, section 6.2) would be calculated such that they do not duplicate impacts across the accounts. 
23 EB-2016-0152 Decision and Order, p. 97. 








1 


 Pickering A 
(Units 1-4) 


 Pickering B 
(Units 5-8) Bruce A Bruce B Darlington Total


3/31/2017 (12,516,579)      (9,206,560)        (19,205,814)      54,670,578       (13,741,624)      0 
6/30/2017 (12,516,579)      (9,206,560)        (19,205,814)      54,670,578       (13,741,624)      0 
9/29/2017 (12,516,579)      (9,206,560)        (19,205,814)      54,670,578       (13,741,624)      0 


12/29/2017 (12,516,579)      (9,206,560)        (19,205,814)      54,670,578       (13,741,624)      0 
3/30/2018 (12,516,579)      (9,206,560)        (19,205,814)      54,670,578       (13,741,624)      0 
6/29/2018 (12,516,579)      (9,206,560)        (19,205,814)      54,670,578       (13,741,624)      0 
9/28/2018 (12,516,579)      (9,206,560)        (19,205,814)      54,670,578       (13,741,624)      0 


12/31/2018 (12,516,579)      (9,206,560)        (19,205,814)      54,670,578       (13,741,624)      0 
3/29/2019 (12,516,579)      (9,206,560)        (19,205,814)      54,670,578       (13,741,624)      0 
6/28/2019 (12,516,579)      (9,206,560)        (19,205,814)      54,670,578       (13,741,624)      0 
9/30/2019 (12,516,579)      (9,206,560)        (19,205,814)      54,670,578       (13,741,624)      0 


12/31/2019 (12,516,579)      (9,206,560)        (19,205,814)      54,670,578       (13,741,624)      0 
3/31/2020 (12,516,579)      (9,206,560)        (19,205,814)      54,670,578       (13,741,624)      0 
6/30/2020 (12,516,579)      (9,206,560)        (19,205,814)      54,670,578       (13,741,624)      0 
9/30/2020 (12,516,579)      (9,206,560)        (19,205,814)      54,670,578       (13,741,624)      0 


12/31/2020 (12,516,579)      (9,206,560)        (19,205,814)      54,670,578       (13,741,624)      0 
3/31/2021 (12,516,579)      (9,206,560)        (19,205,814)      54,670,578       (13,741,624)      0 
6/30/2021 (12,516,579)      (9,206,560)        (19,205,814)      54,670,578       (13,741,624)      0 
9/30/2021 (12,516,579)      (9,206,560)        (19,205,814)      54,670,578       (13,741,624)      0 


12/31/2021 (12,516,579)      (9,206,560)        (19,205,814)      54,670,578       (13,741,624)      0 
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Approved Used Fuel Fund Quarterly Contributions ($)
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DAVELLAL

Rectangle







1 


 Pickering A 
(Units 1-4) 


 Pickering B 
(Units 5-8) Bruce A Bruce B Darlington Total


Approved Decommissioning Fund Quarterly Contributions ($)


3/31/2017        38,377,991       26,864,182       (37,743,464)       (23,346,329)         (4,152,381) 0
6/30/2017        38,377,991       26,864,182       (37,743,464)       (23,346,329)         (4,152,381) 0
9/29/2017        38,377,991       26,864,182       (37,743,464)       (23,346,329)         (4,152,381) 0


12/29/2017        38,377,991       26,864,182       (37,743,464)       (23,346,329)         (4,152,381) 0
3/30/2018        38,377,991       26,864,182       (37,743,464)       (23,346,329)         (4,152,381) 0
6/29/2018        38,377,991       26,864,182       (37,743,464)       (23,346,329)         (4,152,381) 0
9/28/2018        38,377,991       26,864,182       (37,743,464)       (23,346,329)         (4,152,381) 0


12/31/2018        38,377,991       26,864,182       (37,743,464)       (23,346,329)         (4,152,381) 0
3/29/2019        38,377,991       26,864,182       (37,743,464)       (23,346,329)         (4,152,381) 0
6/28/2019        38,377,991       26,864,182       (37,743,464)       (23,346,329)         (4,152,381) 0
9/30/2019        38,377,991       26,864,182       (37,743,464)       (23,346,329)         (4,152,381) 0


12/31/2019        38,377,991       26,864,182       (37,743,464)       (23,346,329)         (4,152,381) 0
3/31/2020        38,377,991       26,864,182       (37,743,464)       (23,346,329)         (4,152,381) 0
6/30/2020        38,377,991       26,864,182       (37,743,464)       (23,346,329)         (4,152,381) 0
9/30/2020        38,377,991       26,864,182       (37,743,464)       (23,346,329)         (4,152,381) 0


12/31/2020        38,377,991       26,864,182       (37,743,464)       (23,346,329)         (4,152,381) 0
3/31/2021        38,377,991       26,864,182       (37,743,464)       (23,346,329)         (4,152,381) 0
6/30/2021        38,377,991       26,864,182       (37,743,464)       (23,346,329)         (4,152,381) 0
9/30/2021        38,377,991       26,864,182       (37,743,464)       (23,346,329)         (4,152,381) 0


12/31/2021        38,377,991       26,864,182       (37,743,464)       (23,346,329)         (4,152,381) 0
3/31/2022        38,377,991       26,864,182       (37,743,464)       (23,346,329)         (4,152,381) 0
6/30/2022        38,377,991       26,864,182       (37,743,464)       (23,346,329)         (4,152,381) 0
9/30/2022        38,377,991       26,864,182       (37,743,464)       (23,346,329)         (4,152,381) 0


12/30/2022        38,377,991       26,864,182       (37,743,464)       (23,346,329)         (4,152,381) 0
3/31/2023 0       26,864,182       (15,541,286)         (9,613,107)         (1,709,788) 0
6/30/2023 0       26,864,182       (15,541,286)         (9,613,107)         (1,709,788) 0
9/29/2023 0       26,864,182       (15,541,286)         (9,613,107)         (1,709,788) 0


12/29/2023 0       26,864,182       (15,541,286)         (9,613,107)         (1,709,788) 0
3/29/2024 0       26,864,182       (15,541,286)         (9,613,107)         (1,709,788) 0
6/28/2024 0       26,864,182       (15,541,286)         (9,613,107)         (1,709,788) 0
9/30/2024 0       26,864,182       (15,541,286)         (9,613,107)         (1,709,788) 0


12/31/2024 0       26,864,182       (15,541,286)         (9,613,107)         (1,709,788) 0
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